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Preface 


Drilling engineering is a multidisciplinary subject, including a broad spectrum of topics in engineering, geology, 
chemistry, and physics. A general textbook must cover all these topics at greater than superficial depth and with 
reasonable balance in an abbreviated form. This is not an easy task. For instance, a well-known book on drilling 
fluids fills more than 600 pages, while Fundamentals of Drilling Engineering must cover similar topics in only 
60 pages. Similar problems of topic selection, condensation, and presentation must be solved for each of the 
other disciplines covered in the textbook. Because the book must be useful for introductory studies, intermedi- 
ate studies, and post-graduate studies, each topic not only must cover elementary concepts but also include more 
advanced topics. 


The specific chapter topics covered in this book include the following: 

e Rotary Drilling. This chapter describes the basics of rotary drilling; there are a number of elementary 
problems posed, suitable for an introductory course on drilling. 

¢ Introduction to Geomechanics in Drilling. The objective of this chapter is to introduce the basic concepts 
of geomechanics related to drilling, including wellbore stability and the selection of suitable mud weights. 

¢ Drilling Fluids. This chapter describes the types, functions, formulation, and testing of drilling fluids. 

e Cementing. This chapter describes the primary objectives of cementing, the formulation and testing of 
cement, and methods for cement placement. 

¢ Drilling Hydraulics. This chapter describes how wellbore pressures are calculated in a variety of sce- 
narios, such as circulation and surge pressures. 

e Rotary Drilling Bits. This chapter discusses bit types and selection criteria, factors affecting bit wear and 
drilling rate, and optimization of bit performance. 

e Casing Design. This chapter addresses the types and functions of casing strings and the methods used for 
the selection, sizing, and design of well completions. 

e Directional Drilling. This chapter presents directional well trajectory design, the control of the well path 
while drilling, and methods for modeling the torque and drag forces on a drillstring. 

e Fundamentals of Drillstring Design. This chapter presents descriptions of the components of a drill- 
string, determination of the forces and moments in the drillstring, the effect of wellbore pressures on 
drillstring forces, and overall drillstring design. 

¢ Drilling Problems. This chapter presents specific drilling problems and their solutions, including lost 
circulation, well control, recovery of broken drillstring components, and stuck drillpipe. 


Most important among the first drilling engineering textbooks was Applied Drilling Engineering, written by 
Adam T. Bourgoyne, Keith Millheim, Martin Chenevert, and F.S. Young, which was published in 1986. A second 
edition was published in 1991 and remains available today, and almost every drilling engineer has a copy of the 
“red book” on his or her bookshelf. This landmark publication summarized the state of the art of scientific drilling 
that was developed in the 1945-1980 time period. A survey of the academic community tells us that this text is 
considered the most comprehensive of available textbooks, that it represents a good mix of theory and practice, 
that it is clear and easily understood, and that the example problems are effective teaching aids. 

Fundamentals of Drilling Engineering is intended to be the successor to Applied Drilling Engineering. Why 
do we need a new book, and why change the title? No matter how you calculate the age of the latter work, it is 
at least 20 years old. Not many technical books can remain state of the art for 20 years or more, and this book is 
no exception; drilling technology has changed (significantly, in some areas) over the last 20 years. Further, the 
authors of Applied Drilling Engineering had a vision of the drilling engineering practices of the future; in many 
ways, the industry has taken different, unanticipated directions. The basic approach to drilling engineering has 
also moved from “rules of thumb” and correlations to a more fundamental, physics-based science, and there 
are many examples of this older style in that textbook. Some topics, such as torque-drag drillstring analysis, 
extended-reach wells, and underbalanced drilling, have taken on an importance not anticipated by the authors. 
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Drilling fluids and cementing technologies have evolved to solve new problems, notably environmental and dis- 
posal concerns. Geological topics cover wellbore pressures but miss other important problems, such as wellbore 
stability. Cuttings transport analysis has progressed far since the first book’s publication. Other topics of modern 
importance, such as environmental, health, and safety issues, are completely absent from that textbook. Neverthe- 
less, it will remain available, both as a useful source of information and as a historical document describing the 
state of the art of drilling engineering during a period of rapid technological development. 

While the past 20 years have produced explosive growth in new technologies in the drilling industry, the 
greatest change has been the greatly increased use of computer analysis in exploration, well design, planning, and 
reporting. In the mid-1980s, when Applied Drilling Engineering was first published, computer applications were 
largely confined to “mainframe” or “minicomputers” not generally available to drilling engineers on a daily basis. 
The personal computer was still too primitive to be useful for engineering calculations, and drilling engineering 
calculations were still in the “hand calculation” stage. Any calculation that could not be summarized on the back 
of a file card was considered too complex to be useful. The first IBM PC was introduced in 1981, and with the 
introduction of the Intel 80386 chip in 1986, personal computers became capable of intense engineering calcula- 
tions. In 2011, most routine engineering calculations are done with commercial software packages on personal 
computers. The effective and correct use of these programs is a new teaching problem for the petroleum industry, 
especially considering the large turnover in manpower expected over the next decade. 

How do you replace a classic textbook, and why change the name? First, you don’t replace it. Applied Drill- 
ing Engineering still has value. Because Applied Drilling Engineering will remain available for the foreseeable 
future, the new textbook would necessarily need a new name. One problem with the original name is that it is 
somewhat misleading in that it suggests a collection of drilling applications, rather than the fundamentals of 
drilling engineering it actually contains. To correct this potential misunderstanding, the word “Fundamentals” is 
prominent in the name of the new textbook. Second, to produce a worthy successor to Applied Drilling Engineer- 
ing, we have taken the same approach used by the industry to drill a well—that is, we assembled a drilling team. 
Drilling engineering covers a widely diverse set of disciplines, and no single person can be an expert in all areas. 
Thus, the drilling team has experts in drilling fluids, cementing, geology, drillbits, and other areas. The editors 
sought out experts in industry and academia to contribute to this new textbook. The following pages give brief 
biographical information on each of these authors. This book could not have been produced without their efforts. 


Robert F. Mitchell 
Houston 
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Notes from the Editors 


A Note on Prerequisites 
This book is intended primarily for junior and senior petroleum engineering students in a four-year university- 
level type of program. Some parts also can be useful for graduate students as well as practicing engineers. We 
have assumed that the readers have successfully completed courses in calculus and differential equations, fluid 
mechanics and thermodynamics, engineering static, dynamics, and mechanics of materials. In general, a good 
understanding of conventional Newtonian mechanics (both fluid and solid) is sufficient for solving most drilling 
engineering problems, but some parts (e.g., those discussed in Chapters 3 and 4) also require a good background 
in chemistry that may be found in many textbooks at the bachelor’s level. Most developments are furnished 
with derivations followed by numerical examples. Careful review of example problems is highly recommended 
before working on the “solve at home” types of problems provided at the end of each chapter. 

We certainly hope that this book will also inspire the readers to study more advanced topics, as addressed in 
the recently published SPE book Advanced Drilling and Well Technology. 


A Note About Units 

An engineer or student new to drilling engineering will encounter the most peculiar collection of units to be 
found in any discipline. One reason for these odd units is that drilling engineering first developed as a craft. 
Wells have been drilled for millennia, and for much of that time, drilling has been a craft, not a science. The 
young driller learned his craft as a roughneck on a drilling rig and, as he acquired experience and seniority, 
eventually was put in charge of a drilling rig. Wells were successfully drilled because of the driller’s intuition in 
anticipating and experience in solving problems. 

Drilling engineering did not really exist as an engineering science before approximately 1945. 
Measurements were made with tools convenient to the driller. Mud weight would be measured in pounds of 
mud per gallon because the driller likely had a gallon bucket in which to weigh the mud. The origins of the 42- 
gal oil barrel are obscure, but some historical documents indicate that around 1866, early oil producers in 
Pennsylvania, USA decided they needed a standard unit of measure to convince buyers that they were getting a 
fair volume for their money. They agreed to base this measure on the more-or-less standard 40-gal whiskey 
barrel, but added an additional 2 gal to ensure that any measurement errors would always be in the buyer’s 
favor. Drilling companies outside of the United States adopted metric units as well, measuring well depth in 
meters, volumes in liters, and diameters in centimeters. 

We have to contend with this odd assortment of units because for almost any engineering calculation, unit 
conversion will be necessary. For instance, the exact formula for calculating hydrostatic pressure for a constant 
density fluid is: 


Ap = pg AZ, (1) 
where p is pressure, p is density, g is the acceleration of gravity, and Z is true vertical depth. Field units are psi 
for pressure, lbm/gal for density, and feet for depth. To reconcile these units, the equation has to be rewritten: 
Ap =0.051950 AZ (2) 
This mysterious coefficient 0.05195 equals 12/231, where 231 is the number of cubic inches in a gallon and 12 


is the number of inches in a foot. The acceleration of gravity g is given in the unfamiliar unit of 1 lbf/Ibm. 
A more challenging calculation is dynamic pressure: 


p=pv, (3) 


where p is pressure, p is density, and v is velocity. Field units are psi for pressure, |bm/gal for density, and ft/sec 
for velocity. To reconcile these units, the equation has to be rewritten: 


p=0.001615pv . (4) 


This coefficient 0.001615 equals 12/(231*32.17), where 231 is the number of cubic inches in a gallon, 12 is the 
number of inches in a foot, and 32.17 is the acceleration of gravity in ft/sec’. Notice that it is necessary to 
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convert the field unit density to a consistent unit of density in this equation, but this time the conversion is the 
acceleration of gravity in ft/sec’, not 1 Ibf/lbm. The potential pitfall is the confusion of weight with mass. 

We have tried, in this text, to keep equations in the form of Eq. 1 or Eq. 3 and to avoid the use of equations 
like Eq. 2 and Eq. 4. The drawback to Eqs. 1 and 3 is that we must convert units. It would be preferable to have 
measurements in a system of units such that we wouldn’t have to convert each property to a different unit to 
make a correct calculation. 

There are systems of units, called consistent units, which have the properties we desire. The system most 
commonly used is the SI system of units, based on the metric system. There exist consistent English units 
systems as well, but they are even more obscure than drilling engineering units and are not commonly used. The 
SI units and conversion factors can be found in The SI Metric System of Units and SPE Metric Standards, 
published by SPE. It is highly unlikely that drillers will adopt this system, but the scientific world uses it as a 
matter of course. 

When making engineering calculations, the safest approach is to convert all properties to SI units, perform 
the calculation, and then convert the result back to field units. With practice, some calculations (such as Eq. 1) 
become so familiar that one would simply use the coefficient 0.052. With computer programs and spreadsheets, 
use of SI units is particularly easy, and we recommend their use. For instance, Eq. 3 in SI units can be 
calculated with no concern about gravity constants whatsoever. 

For a proposed list of standard symbols for drilling engineering, please refer to the Appendix that begins on 
page 677. 
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Chapter 1 


Introduction to Rotary Drilling 


J.C. Cunha, Petrobras, and Ross Kastor, Antelope Engineering 


The objectives of this chapter are to introduce the student to the rotary-drilling process, familiarize the student 
with the basic rotary-drilling equipment, and introduce the student to fundamental operational procedures and 
drilling cost evaluation. 


1.1 Foreword 

Envision an amazing source of energy whose location is known but not easily accessible. Now imagine that this 
energy will be used to provide means of transportation for every person living on Earth. In addition, envision that 
this incredible energy will also allow every product, natural or industrialized, to be transported from or into virtu- 
ally any place on the face of our planet. As a consequence of that, this energy will somehow be an important part 
of every venture in every country of the world. 

No matter the nature of the business, it will, in some way, depend on that energy. You may think about any 
industrial enterprise, any large or small commercial endeavor, the construction industry, the entertainment or the 
tourism industries, and even the processes involved in producing other types of energy. Regardless of the venture, 
this extraordinary energy will always be necessary and almost every individual living on Earth, even in the most 
remote locations, will certainly depend on it. 

Regrettably, the source of this energy is not located in a place of easy access. Concealed beneath millions of tons 
of rocks, trapped deep below ground, many thousands of meters under Earth’s surface, this energy often is located 
in areas of very difficult access or even offshore, under very deep waters. Nevertheless, due to its importance in 
our lives, no matter the location or the depth, in some way we will have to find a means to establish a path between 
the energy source and the surface. 

Somehow, in a notable work of engineering, a well will be drilled connecting the energy source to the surface. 
This well will have the necessary strength to withstand the enormous pressures produced by the adjacent rocks. 
It will prevent any damage to the surrounding environment. It will be outfitted with modern equipment to allow 
production in a safe and nondetrimental way. 

The planning and execution of this remarkable work of engineering is the job of drilling engineers. 


1.2 History of Drilling 

Drilling for oil and gas is not new. Even though the modern techniques, equipment, and methods that are going 
to be described in this book are completely different from the ones used in the prehistoric era of the industry, 
there is evidence of wells purposely drilled for production of hydrocarbons as early as A.D. 347 in China. 
Also, there are reports of oilwell drilling activities in Japan by A.D. 600. 

The first oil well drilled in Europe dates back to 1745 in Pechelbronn, France, where petroleum mining from 
oil sands had been taking place since 1498. After that, many wells were drilled, mostly using rudimentary hand 
tools, in Europe, North America, and Asia where an oil well was drilled in 1848 on the Aspheron Peninsula 
northeast of Baku. Following the Baku well, various shallow oil wells were drilled in Europe during the next 
decade. 
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There are many different versions about where the first well of the modern oil industry was drilled. Depending 
on the historian, locations and dates will vary widely. Also, there are many different depictions about what should 
be considered a modern well and what would differentiate it from a well that, even though it has produced oil, was 
not actually drilled having that as a primary goal. In this chapter, without dueling about whom, where, and when, 
which would be rather ineffectual, we will mention some important milestones and pioneers that have contributed 
to the advancement of the modern oil industry in those early days. 

In 1858, in Oil Springs (then part of the township of Enniskillen), Ontario, Canada, a rudimentary 49-ft (14.93-m) 
well was dug by James Miller Williams with the intention to produce “kerosene” for lamps. Even though this is 
considered to be one of the pioneer ventures of the North American oil industry, the Williams well did not represent 
any significant advance as far as drilling technology is concerned. 

A true milestone for the drilling industry and probably the world’s most widely recognized drilling milestone 
occurred in 1859. In that year, in Titusville, Pennsylvania, USA, Edwin L. Drake (Fig. 1.1) drilled what is, so far 
as known or documented, the first well purposely planned for oil in the United States. Even though there is evi- 
dence of oil and gas wells that had been drilled in the United States for as long as 40 years prior to the Drake well, 
most of those early wells were actually originally drilled in search of potable water or brine. 

In the nineteenth century, cable tool rigs (see Fig. 1.2) were in widespread use in North America. Cable tool rigs 
pounded through soil and rock to drill the well by repeatedly dropping a heavy iron bit attached to a cable. Using 
a 6-hp steam engine (see Fig. 1.3) to power his cable tool drilling equipment, Drake drilled a well 69.5 ft deep 
(21.18 m) that initially produced oil at a rate believed to be from 8 to 10 B/D. Fig. 1.4 presents some of the tools 
used in cable drilling. 

Immediately after that first success, many other wells followed, causing the oil industry—and particularly its 
drilling segment—to experience an unprecedented growth. 


1.2.1 Development of Rotary Drilling—The Modern Era. Percussion drilling was widely used by the oil in- 
dustry until the 1930s. Even though there are archaeological records of the Egyptians using rotary drilling mech- 
anisms as early as 3000 B.C., the process was little used in the early days of the industry because of its 
complexity compared to percussion drilling. 

During the 1890s, Patillo Higgins, a mechanic and self-taught geologist, tried to prove his theory about the 
existence of oil at a depth of approximately 1,000 ft (305 m) below a salt dome formation south of Beaumont in 
eastern Jefferson County, Texas, USA. He gathered funding from various partners and drilled three wells, includ- 
ing one using a cable tool rig, but all three holes did not reach the proposed final depth because unconsolidated 
sand at a depth of approximately 400 ft (122 m) caused all three wells to be lost. 

In 1899 Higgins partnered with Captain Anthony Francis Lucas, an engineer and navy officer who had immi- 
grated to America a few years earlier, to try again to drill a proper test well in the region. Their first try, a well 
drilled in July 1899, was yet another disappointment, with the well being lost due to the same unstable sands that 


Fig. 1.1—Edwin L. Drake (Giddens 1975). Used with permission from the Pennsylvania Historical and Museum 
Commission Drake Well Museum Collection, Titusville, Pennsylvania. 
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Fig. 1.2—Cable-tool rig schematic. After Brantley (1940). 


caused the previous failures. Their second well, however, the fifth try in the region, finally succeeded in reaching 
the objective. 

With operations initiated on 27 October 1900, the Lucas Spindletop well reached its final depth on 8 January 
1901, and two days later, when a new drilling bit was being run into the well, it started flowing with an amazing 
and unprecedented rate of nearly 100,000 BOPD (Fig. 1.5), which at that time represented more than the entire 
oil production of the United States. 

The Lucas Spindletop well, besides establishing the presence of large hydrocarbon deposits in the region, also 
demonstrated the viability of using rotary drilling rigs to drill oil wells in soft formations where cable tools could 
not be effectively used except at very shallow depths. 

There is some disagreement about the final depth of the Lucas well. Captain Lucas stated that the final depth 
was 1,160 ft (353.55 m), while Al Hamill, the drilling contractor for the well, in an article written 50 years later 
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Fig. 1.4—Cable drilling tools (Brantley 1971). Reprinted courtesy of Gulf Publishing. 


Fig. 1.5—The Lucas Spindletop well (circa January 1901). From Brantley (1971). Reprinted courtesy of Gulf Publishing. 
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reported the final depth as 1,020 ft (310.88 m). Nevertheless, more significant than the controversy is the impor- 
tance of this well for the oil industry. 

The well was drilled using the most advanced technology known, and after its initial uncontrolled geyser-like 
production, it was capped, allowing production to restart in a safe and controlled way. The Lucas well is consid- 
ered by many as the birth of the modern oil industry. The fact that it had its operations initiated by the end of the 
last year of the nineteenth century and concluded on the very first days of the twentieth century just adds more 
symbolic meaning to this true milestone of an industry that changed the world. 


1.3 The Drilling Team 

Modern well drilling is an activity that involves many specialists and usually various companies. The expertise 
and number of engineers and technicians involved in the planning and execution of a drilling operation will 
depend on the type of well being drilled, its purpose, the well location, its depth, and the complexity of the 
operation. 

A well drilled with the purpose of discovering a new petroleum reservoir is called an exploration (or wildcat) 
well. Wildcat wells are the very first ones drilled in a certain unexplored area. After a wildcat well has shown the 
potential of a reservoir to be productive, appraisal wells may be drilled to obtain more information about the res- 
ervoir and its extension. Once a newly discovered reservoir is considered economically viable, a development 
plan is established and development wells are drilled to produce the oil and gas present in the reservoir. 

Besides the most common exploration and development wells, special wells may be drilled for a variety of 
purposes including stratigraphic tests and blowout relief (see Chapter 10). Fig. 1.6 presents an overall classifica- 
tion of wells according to their purpose. 

The rights for a company to explore a certain area must be secured before any activity is carried out. Due to the 
high risk involved in the business, it is not uncommon to have two or more companies forming a consortium for 
the venture. Normally in that case, one company—the operating partner—will lead the operation while the other 
partners, who will have proportional participation in all expenses and profits, may or may not have a say on the 
operational procedures depending on the clauses accorded in the joint operating agreement (often referred to as 
the JOA). 

Prior to any drilling activity, seismic and geologic studies are carried out in order to determine the best location 
for the first exploration well. Those studies are performed by a company’s geological team, which usually is 
responsible for recommending locations for wildcat wells, while the reservoir team will be responsible, on a later 
phase, for locating development wells. In either situation, the drilling team will be responsible for the planning 
and execution of the operation including its budget (cost estimation) and contingency plans. 

Leading a drilling operation is not an easy task. Normally, the oil company that owns the exploration rights 
for the area, or the operating partner in case of a consortium, assembles a drilling team that in turn will prepare 
the detailed well design and the drilling program and establish operational procedures according to local regu- 
lations and the company’s own health, safety, and environment (HSE) policy. This is done in order to conduct 
drilling operations in the most safe, clean, and economical way. 

The drilling operation itself generally will be carried out by a drilling contractor that may be hired specifically 
for a certain well or on a long-term contract. The contractor will be responsible for performing the operations 
according to the well program using the equipment and procedures specified in the contract. 

Prior to the initiation of the drilling operations, the wellsite must be prepared to receive the drilling rig and 
all other related equipment. The specific type of work for wellsite preparation will depend on the location and 


Objective Trajectory Environment 


e Exploration e Vertical e Onshore 
° Wildcat e Directional e Offshore 
° Appraisal ° Inclined 
° Extension o Horizontal 

e Development ° Long reach 

e Injection ° Special design 

e Special purpose 
° Stratigraphic 
° Blowout relief 


Fig. 1.6—Well classification. 
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the infrastructure present. Offshore operations in unexplored areas may require a seafloor survey to determine 
the feasibility of installation of subsea equipment. Some onshore areas may require extensive preparation, and 
remote areas, without any infrastructure, may require costly and time-consuming preparation including road 
construction. Fig. 1.7 shows an offshore location in the North Sea, an operation in western Canada, and another 
in Brazil’s Amazon jungle. 

During drilling operations, the operator will have at least one representative, usually a drilling engineer or tech- 
nician, responsible for ensuring that operational standards are being followed by the drilling contractor and other 
service contractors involved in the process. Depending on the importance of the well, the operator may be repre- 
sented by a team of specialists including engineers, geologists, drilling-fluid specialists, and others. The opera- 
tor’s representatives, besides ensuring that the well program is properly executed, will also be responsible for 
on-site decisions regarding minor adjustments or major changes to the drilling program that may be necessary due 
to unpredicted conditions. 

During well drilling, various services will be needed depending on the type of well and its complexity. Common 
services required for oilwell drilling are related to drilling fluids (Chapter 3), directional drilling (Chapter 8), 
casing and cementing (Chapters 4 and 7), drilling bits (Chapter 6), and well logging (which is beyond the scope 
of this book). Fig. 1.8 presents a typical drilling structural organization. The drilling engineer recommends the 
drilling procedures that will allow the well to be drilled as safely and economically as possible. In many cases, the 


Fig. 1.7—Drilling operations in the Chinook Field, Gulf of Mexico (courtesy of Petrobras), Alaska (courtesy of Minerals 
Management Service), and Brazil’s Amazon jungle (courtesy of Petrobras). 
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Fig. 1.8—Typical drilling rig organization (Bourgoyne et al. 1986). 


original well plan must be modified as drilling progresses because of unforeseen circumstances. These modifica- 
tions also are the responsibility of the drilling engineer. The company representative, using the well plan, makes 
the on-site decisions concerning drilling operations and other services needed. Rig operation and rig personnel 
supervision are the responsibility of the tool pusher or drilling supervisor. 


1.4 Drilling Rigs 

Currently, rotary drilling is the standard oilwell drilling method for the drilling industry, with almost all operations 
being performed by rotary-drilling rigs. Rigs will vary widely in size, drilling capability, level of automation, and 
environment in which they can operate. Nevertheless, the basic rotary-drilling process is the same for all types of 
rigs as shown in Fig. 1.9. 

The well is drilled using a bit that, under a downward force and rotation, breaks the rock into small pieces. The 
force is provided by the weight of pipes placed above the drilling bit, while rotation generally is provided at sur- 
face by equipment that rotates the drillstring, which in turn transmits rotation to the bit. As the bit drives into the 
ground, deepening the well, new pipes are added to the drillstring. The small pieces of rock (cuttings), resulting 
from the bit action, are transported to surface by a fluid (drilling fluid or mud) that is constantly pumped into the 
hollow drillstring all the way to the bottom of the hole, where it passes through small orifices placed at the bit, and 
returns to surface carrying the cuttings through the annular space formed between the well and the drillstring. 
Once reaching the surface, the cuttings are separated from the fluid, which is treated for reuse. 

Generally, rotary rigs are classified as either land rigs or marine rigs. Fig. 1.10 shows rig classification under 
those categories. 


1.4.1 Land Rigs. Land rigs, in a broad sense, can be categorized as conventional and mobile. Mobile rigs tend to 
be more easily transported, while the conventional rigs will take longer to be moved from one location to another. 

Conventional rigs normally use a standard derrick that needs to be built on location before drilling the well and 
is usually dismantled before moving to the next location. In the past, quite often the derrick was left standing 
above the well after it began production in case workovers became necessary; however, today’s modern rigs are 
usually built so that the derrick can be easily disassembled and moved to the next wellsite. There also are special 
rigs that are built in a way that rig pieces, when disassembled, will never exceed a certain weight, allowing trans- 
portation by helicopter. Those rigs, also called helitransportable rigs, are used in remote areas with no road infra- 
structure and also on jungle operations. 

Mobile rigs have a cantilever derrick or a portable mast that is raised and lowered as a whole rather than being 
constructed piecemeal. The rig-up and rig-down operation is less time-consuming than on conventional rigs. 
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Fig. 1.9—The rotary drilling process (Bourgoyne et al. 1991). 
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Fig. 1.10—Rotary-rig classification (Bourgoyne et al. 1986). 
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Generally, all important rig components are skid-mounted and can be transported and reconnected easily. 
The cantilever derrick has its components assembled horizontally on the ground and then is raised using the rig 
hoisting equipment (see Fig. 1.11). 

Rigs with portable masts usually are mounted on a truck together with its hoisting system. Upon arrival on 
location, the telescoped portable mast is easily raised to vertical and extended to its fully operational position. 
Fig. 1.12 shows a mobile rig with portable mast. 

Besides portability, another important feature for a rig is its maximum operating depth, which is closely related 
to its derrick loading capacity. A variety of rig types are available in the market with maximum depth capacity 
ranging from less than 3,000 ft (~900 m) up to 30,000 ft (~9000 m) and beyond. A typical rig specification sheet 


Fig. 1.12—Mobile rig with portable mast (GEFCO 2007). Courtesy of GEFCO. 
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is shown in Fig. 1.13. These specifications must be used to evaluate and compare rigs of various contractors before 
selecting the right one for an upcoming well. Information contained in the rig specifications generally addresses 
the following items: 


Derrick type 

Drawworks type 

Maximum operating depth 

Hookload capacity 

Mud pumps (number, manufacturer, horsepower) 
Engines (type, horsepower) 

Topdrive or rotary table 

Well-control equipment 

Fishing tools 

Main rig equipment information 

Drillstring and accessories 

Circulating system and mud-processing equipment 
Miscellaneous equipment 


The rig specification usually contains a schematic of the rig’s layout so that the rigsite can be properly prepared. 
This information is of extreme importance in certain areas where logistic or environmental conditions may drasti- 
cally limit the drillsite area. 


1.4.2 Marine Rigs. The beginning of the oil industry was marked by the development of oil fields located on 
land. Even though there were indications of existence of underwater oil reservoirs in lakes and oceans, the easier 
logistics for land developments and the abundance of onshore reservoirs precluded offshore ventures in those 
earlier years. When the industry started moving offshore, the first wells were drilled near shore using regular land 
drilling rigs over wharfs or artificial islands. Modern offshore drilling started in the mid-1940s, when offshore 
wells started to be drilled in shallow waters from fixed platforms. Today, marine drilling activity is an important 
segment of the industry, with offshore rigs carrying amazing technological developments. 

Fixed platforms require a large up-front investment, for they first must be constructed and transported to a 
specified location. Obviously, such investment should be made only after there is reasonable assurance about the 
presence of commercial oil and/or gas accumulations. This reality pushed the industry to develop mobile drilling 
vessels—tigs that could be used for exploration drilling and, afterward, drill the subsequent production wells or 
be moved to another location. Less than a decade after offshore wells started to be drilled from fixed platforms, 
movable, submersible offshore drilling barges were introduced. The portability of these drilling vessels created a 
major increase in the attractiveness of offshore drilling. 

Besides portability, another important characteristic of an offshore drilling unit is its maximum water depth of 
operation. There are rigs that can drill only in very shallow waters, while some modern drilling vessels can drill 
in very deep oceans. 

Offshore drilling rigs can be bottom-supported or floating vessels. A submersible drilling barge (Fig. 1.14) is a 
bottom-supported vessel typically used in 8 to 20 ft of water (3 to 6 m). In order to operate, the barge is towed to 
the location and sunk to the bottom by flooding various vessel compartments. After conclusion of the drilling 
operation, the water is pumped out of the compartments, allowing the rig to float so that it can be moved to the 
next location. The barge usually is designed as a fully self-contained vessel. In addition to a complete drilling rig, 
it has sleeping quarters for the crew and ancillary personnel and galley facilities. Crew boats are used for trans- 
portation between the rig and the nearest docking facility and for emergency evacuation of personnel. Water depth 
and weather limit the areas for submersible barge operation. A minimum water depth of 6 to 8 ft (2 to 3 m) is 
required for vessel draft during transport to the location. The upper range on the water depth can be extended to 
40 ft (12 m) if a shell mat or pad is built as a support base for the barge. Quite often, the shell pad is required due 
to poor seafloor supporting capabilities. 

Drilling barges are widely used in areas such as the Gulf of Mexico and the Niger basin marsh areas, and in 
coastal waters immediately adjacent to land areas. Specially dredged channels may be required in marshes where 
no other access is available. These channels, or canals, may add significantly to the well costs. Barges are not used 
when wave height exceeds 5 ft (1.5 m). 

The discovery of significant petroleum reserves in an offshore area usually requires the installation of a produc- 
tion platform to extract the reserves economically. A number of wells are drilled directionally from the platform 
to exploit the reservoir. This approach is more cost-effective, in most cases, than using many single-well platforms 
with vertical wells. 


Technical Specifications of Rig QGI 


Rig Name Queiroz Galvao 1 QG T 
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Brakes 


Electromagnetic Baylor model 6032 Elmago. 


Place of Manufacture USA 


Crown Block 


Year of Manufacture 1980 


Skytop Brewster 7 sheaves 60” 


Manufacturer Skytop Brewster 


Blocks 


NE 95 


Skytop Brewster 400 


Electric SCR 


Drilling Capacity 


Swivel 
National P 500 
Hook 


5000 mts. With 5” Drill pipe. 


Rig Driving Force 


Hydrahook 500 ton 


Drill String and Accessories 


4 Each Caterpillar D-398 TA coupled up with 4 generators, 


Drill Pipe 5” 2500Mts Grade S135 


Each with 1000 KVA totaling 4000 KVA 
1 Each SCR system IPS Model 2.200 


Drill Pipe 3⁄2” 1000Mts Grade “G” 
Drill Collars 92” 4 


2 Each Centrifuge Pumps 6” x 8” for Mud Hoppers driven by 2 electric motors 75 hp. 
With 1750 rpm. 


2 Each Centrifuge Pumps 6” x 8” to super charge mud pumps driven by 2 electric 
motors 75 hp 1750rpm. 


Drill Collars 8” 21 
Drill Collars 6⁄2” 30 
Drill Collars 434” 15 
Hevi-Wate 5” 21 


2 Each Centrifuge Pumps 6” x 8” for solids extraction quipment driven by 2 electric 
motors 75 hp 1750rpm. 


Hevi-Wate 3%” 50 


Float subs for each Diameter 


[Stabilisers for each Diameter 


1 each Hydraulic tong unit driven by 1 electric motor 60 hp. 
2 each air compressors driven by 2 each electric motors 30 hp. 


1 each Koomey Accumulator driven by 1 electric motor 25 hp 


Roller Reamers for each Diameter 
Junk Baskets 12%” and 8⁄2” 
Kelly Cocks and Kelly Valve for 5%” hex Kelly 


4 each Centrifuge pumps driven by 4 electric motors 20 hp 
5 each mud mixers driven by 5 electric motors 20 hp. 
2 each Centrifuge pumps for Degasser and trip tank 2 motors 10 hp 


2 each sale shakers driven by 2 electric motors 5 hp 
Mud cleaner driven by 3 hp motor 


Protectors 100 for casing on drill pipe 


Subs 1 Each set of subs for all Diameters 


Fishing Tools 


4 each lubrification pumps driven by 4 electric motors 3 hp 


Industrial Safety and Pollution Control 


(Overshots 1134” FS, 8 1/8” FS, and 5%” 
Jars 734”, 62", 434" 
Bumpers 734”, 6⁄2", 434” 


H,S Detection System, MAS, Model 580 


Jar Intensifiers 734”, 62", 434” 


Sensibility 10 ppm, Alarm, 3 Sensors, Flow line, 


Safety Joints 734”, 6⁄2", 434” 


Shale Shaker and rig floor. 


[Taper Taps 734”, 6V2", 434” 


[Complete set of fire extinguishers 


Reverse circulating junk basket 11%” 77/8" 5%4” 


Water treatment plant to attend the camp 


Magnets 112” 81/8" 5%” 


Bug Blower installed on rig floor. 


[Capacity of fuel and water 
Diesel tanks 2 each 30 M 


Impression Block 11¥2” 81/8” 534” 
Junk Mill 1274" 8v2" 61/8” 
Spears for 95/s” casing and 7” casing 


Casing Equipment 


Water Potable 1 Each 5 M 
industrial Water 2 Each 20 M7 


Circulating System and mud processing equipment 


Elevators Side Door 20” 133/8” 95/8” 7” 150 ton 
Pick up Elevators 20” 133/8” 95/8” 7” 
1 Set Spiders 350 ton Pneumatic for 133/8”, 95/8” and 7” 


2 Each Triplex mud pumps 1300 hp National 10P-130 


Manual Slips for 20” 133/s” 95/8” 7” 


2 Each water pumps Diesel independent Duplex 70 hp each 


Rig Tongs to suit 20” 133/a” 95/a” 7” casing 


2 Each Derrick Shale Flow Line Cleaner Plus Stock of screens to attend each situation 


Hydraulic Tongs lamb 16000 with heads for 133/s”, 95/s” and 7” 
[Stabbing Board installed in Mast 


1 Each Desander Demco 4” x 10 cones 


1 Each Mud Cleaner Brandt Single 


Centrifuge: manufacturer brandt, model HS 3400, horsepower 50, driving by 
horsepower 15 


Instruments and Recorders 
1 Each set of Pit volume indicators with complete alrm system. 


Drilling Instruments 


1 Each Degasser Drilco See-flow. 
1 Each sand Trap with 2 divisions and individual outlets for cleaning. 
1 Each slug pit 75 Bris 


Weight indicator, rotary torque indicator, connection torque indicator, pump stroke 
counters, RPM counter, Pit volume totalizer, Pump pressure guages. 
(Geolograph 


5 Each Mud Mixers and 6 Mud guns 
4 Each Mud Tanks total stock 1650 bbl 


2 Each mixing Hoopers with individual lines to each tank and mud guns 
1 Each Mud Laboratory with running water for analysis 


1 Each baroid kit 821 


BOP and Well Control System 


Totco, Model DR6WPT 6 pin recorder 
Deviation recorders, 0-8, 0-16 Degrees 


[Communication System 
[Complete internal telephone system 10 points 


Accomodation 


[Cameron 135/s” x 10000 psi triple ram preventers being 1 single and 1 double 
Ram sets for 23/8”, 27/8", 312", 5", 7", 95/8" and blinds. 
1 each kill Line 2” x 10000 psi with 2 manual valves and 1 check. Valve Cameron. 


The camp houses are equiped to accomodate up to 70 people, Kitchen, mess hall, 
bathrooms, store rooms and recreation room. 


Logistic Equipments 


1 each Principal choke line 31/16” with 2 manual valves and 1 hydraulic closing 
valve. Flex line hook up to choke line. 


1 each secondary choke line 21/16” with 2 manual valves. Rigid hook up to choke 
line. 


[Choke Manifold 10000 psi with 2 manual chokes and 1 hydraulic choke 31/16” x 
10000 psi. 


1 Each D 6 Catterpillar tractor 
1 Each crane track type GROVE 20/22 ton. 
1 Each Pick up Toyota double cabin with 4 wheel drive. 


Fishing Tools QGI Quantity 
OVERSHOT 11%” TYPE FS. # C-12822 


1 each Acumulator Koomey type 80 180 gallon capacity. 
1 each hydraulic test pump Koomey 10000 psi to test BOP 


EXTENSION 42” 
OVERSHOT 8 1/8” # C-5222/032 


1 each Trip Tank with a capacity of 20 Brls closed in system with visual and alarm 
readouts. 


EXTENSION 42” # A-5223 
OVERSIZED GUIDE 15” 


Inside BOP to suit 5” and 3v2” drill pipe. 


OVERSIZED GUIDE 11 2” A-5229 


25 Mts. Chiksans 2” and Lo torq valves. 


OVERSHOT 77/3” #5227 


1 Each poor boy Degasser Vertical. 


Principal Rig Equipment 


EXTENSION 42” B-2106 
OVERSHOT 534” 8975/006 
EXTENSION 42” 8976/040 


Rotary Table 


FISHING JAR 734” 


[Skytop Brewster 2772" 


FISHING JAR 6%” 


Ezy Torque 


FISHING JAR 434” 


Drilco type D 150,000 Ft/Ibs 


JAR INTENSIFIER 434” 


Kelly Spinner 


FISHING BUMPER 8” 


International A6C-2 Air 


FISHING BUMPER 6⁄4” 


Wire Line Unit 


FISHING BUMPER 434” 


Mathey 5000 Mts 


MAGNET 11” 


Cat Lines 


MAGNET 82” 


2 Each ingersoll rand 7500Ibs, 4000Ibs. 


MAGNET 5 34” 


Draw works 


JUNK BASKET 81/2” 


[Skytop Brewster, NE-95 375 ton 1500hp, 
Drilling Line 13/s” equiped with Crown O Matic 


HOIST CAPACITY LB. X 1,000 


JUNK BASKET 12⁄4" 
JUNK BASKET 172" 
REVERSE CIRCULATING JUNK BASKET 8” 


DRUM CLUTCH TRANS.SPEED LINES8 | LINES 10 | LINES 12 


LO LO 2nd 459 551 635 TAPER TAP 734” TAPER 134” TO 434” A 
LO HI ist 330 396 456 TAPER TAP 61/8” TAPER 13/16” TO 311/16" 1 
HI 228 SAFETY JOINT 734” 


HI 175 


CASING SPEAR 95/8” and 7” 


HI 
HI HI 2nd 65 78 90 


KANGAROO 12⁄4” 


KANGAROO 81/2” 1 


Fig. 1.13—Land rig specification sheet (courtesy of Queiroz Galvao Drilling). 
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Fig. 1.14—Submersible drilling barge “Mr. Charlie,’ circa 1954. 


Rigs that drill from platforms can be fully self-contained or tender-supported. If the production platform is suf- 
ficiently large, all drilling equipment and personnel can stay on the rig. Alternatively, a floating tender is used if 
the platform working area or load capacity is restricted. 

Fixed platforms (Fig. 1.15) are usually of jacket-type construction and are supported by piling. There are also 
areas, with firmer bottom sediments, where massive concrete structures are built and simply placed on the bottom. 
In both cases there will be a large structure running from the seafloor all the way to surface. Obviously, installation 
of such large structures will be possible only up to a certain water depth because construction and transportation 
of platforms for very deep areas would be either extremely expensive or technically unfeasible. Normally, fixed 
platforms are used for development of fields in water depths up to 1,500 ft (460 m). Slender and lighter platforms, 
the so-called compliant towers, may be installed in deeper areas. Those platforms have a flexible tower as opposed 
to the relatively rigid structures of the regular fixed platforms. 

Normally, the main purpose of fixed platforms is to remain in place permanently after drilling has been con- 
cluded, producing and processing the oil and gas from the wells. Actually, there are fields where the wells are 
drilled previously by another drilling vessel and it is only afterward that a fixed structure is installed and the wells 
are tied back to the platform to initiate production. 

When fixed platforms are used for drilling operations, the drilling equipment may either remain in place for 
future use in some necessary well intervention or it may be removed for use elsewhere. In the latter case, if well 
intervention or new drilling jobs are necessary, the required equipment has to be reinstalled. 

The primary and most widely used bottom-supported marine vessel for oilwell drilling is the jackup rig 
(Fig. 1.16). Unlike fixed platforms, jackups are designed primarily for drilling operations. As with any 
bottom-supported rig, jackups cannot operate in a deepwater environment. Water depths will vary from a few 
feet to approximately 350 ft (~106 m). 

The principal components are a barge-type unit and three to five legs capable of supporting the vessel when 
positioned over the seafloor. When moving between locations, the legs are up in the air, allowing the barge to float. 
Upon arrival at the new location, the legs are jacked down to contact the seafloor, and the barge is raised into the 
air. When drilling is completed, the rig is lowered to the water level, the legs are raised, and the rig is towed to the 
next location. It is not uncommon to have some difficulty removing the legs from loosely consolidated, sticky 
subseafloor soils; therefore, most rig legs are equipped with water-jetting systems to help release the legs. 
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Fig. 1.15—Typical fixed-platform structure. Courtesy of Petrobras. 
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Fig. 1.16—Jackup rig. Courtesy of Maersk Drilling. 
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The rig is self-contained and carries all drilling equipment, materials, life-support systems, and crew quarters. 
The barge usually is divided into two or three decks. The top deck contains the rig, pipe racks, and occasionally 
the living quarters. The lower decks contain all support drilling equipment, such as pumps and mud systems, and 
the auxiliary barge equipment. Even though they are self-contained, jackups and most drilling rigs do not have 
enough load capability and space to carry all equipment, chemicals, water, pipes, and other miscellaneous materi- 
als necessary to drill a well. Usually rigs will have enough capability to carry everything necessary to keep the 
operation going for a certain period of time, at least a week, but supply boats will continually travel back and 
forth, bringing new equipment and supplies and carrying away equipment no longer needed. 

Floating rigs such as drillships and semisubmersible platforms do not rest on the seafloor. As such, these rigs 
are not restricted by the length of the rig’s legs for maximum operating water depth. Normally these rigs are more 
expensive than jackups and are used in areas where, due to the water depth, jackups cannot operate. For station 
keeping while drilling, these rigs use either an anchoring system or a dynamic positioning (DP) system. 

The semisubmersible drilling unit usually has two lower hulls that provide flotation. When drilling, the bal- 
lasted lower hulls, filled with water, grant stability to the rig. After conclusion of the drilling operation, the water 
is pumped out of the compartments and the rig can be moved to the next location. Anchored semisubmersible rigs 
(Fig. 1.17) are held in place by huge anchors that, combined with the submerged portion of the rig, provide great 
stability, allowing the rig to be used in turbulent offshore waters. 

There are semisubmersible rigs that use a dynamic positioning system. This system uses electric motors in- 
stalled in the hulls that allow propelling of the rig in any direction. A computer system, using satellite positioning 
technology and sensors located near the wellhead, commands the motors, ensuring that the ship will be kept di- 
rectly above the subsea wellhead at all times. 

Drillships use a ship-type vessel as the primary structure to support the rig. It may be a converted seagoing vessel 
or, most commonly, a specially designed drilling vessel. Most drillships are self-propelled, not requiring oceangoing 
tugs for transportation between locations. Semisubmersible rigs generally are not self-propelled. 

New-generation drillships usually are dynamically positioned, but there are also anchored vessels. An- 
chored drillships (Fig. 1.18) normally are built with a central turret where the anchoring system is installed. 
This allows vessel rotation around the central turret in order to always keep the ship facing the waves, reduc- 
ing wave action. 


Fig. 1.17—An anchored semisubmersible drilling rig [after Aadnoy et al. (2009)]. 
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Fig. 1.18—An anchored drillship (Lake 2006). 


Even though floating drilling vessels are designed to minimize motion due to ocean waves and tides, the ship 
will never be totally motionless. To eliminate the effect of rig heave and allow penetration control during drilling 
operations, motion compensators are installed on the rig’s hoisting system. 

Water depth records on offshore drilling operations are broken regularly. Large hydrocarbon accumulations in 
offshore reservoirs as well as increasing oil prices have made expensive deepwater exploration attractive for many 
companies. Semisubmersible rigs have already drilled in water depths exceeding 8,000 ft (~2440 m), while 
dynamically positioned drillships have already drilled in water depths greater than 10,000 ft (~3000 m). 

Deepwater rigs (Fig. 1.19) carry up-to-date technology and a high level of automation. Some will have dual 
activity with two derricks installed, which will allow drilling operations by one derrick and assemblage of equip- 
ment for the next drilling phase by the other. 

Other types of stationary platforms where drilling can take place are the tension leg platform (TLP) and spar 
platform. Spar platforms and TLPs are primarily production structures that may have drilling capability. Even 
though these types of vessels are classified as floating structures, they must be differentiated from the common 
floating drilling vessels since they are designed to be stationary production platforms. 

A TLP is a floating deepwater-compliant structure designed for offshore hydrocarbon production with its hull 
moored to the ocean floor by high-strength cables, giving the platform vertical and lateral stability. The drilling 
equipment and production facilities, as well as crew quarters, are installed at surface on top of the structure. 

The spar platform concept comprises a huge cylindrical steel hull that supports both the drilling operations and 
production facilities. Compartments on the upper portion of the cylinder provide buoyancy, while water-filled 
tanks on the bottom give weight and stability. The hull is attached to the seafloor by catenary mooring systems. 


1.5 Drilling Rig Systems 

As mentioned in Section 1.4, rigs will vary widely in size, drilling capability, level of automation, appearance, 
method of deployment, and environment in which they can operate. Nevertheless, the basic drilling equipment for 
the rotary-drilling process will be present in all rigs. 
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Fig. 1.19—A modern ultradeepwater drillship operating in Campos Basin, Brazil (courtesy of Petrobras SA). 


Drilling rigs are used to construct the well. This includes drilling the hole, lowering and cementing the casing, 
and providing the means to perform various auxiliary functions such as logging and well testing. Modern rigs have 
complex equipment and require experienced personnel for efficient operations. If improperly selected, the rig can be 
the cause of low penetration rates, formation damage due to poor solids control, and, ultimately, high well costs. 

Proper rig selection is important for the safety, efficiency, and cost of the well. The correct procedure for rig selection 
is to consider the various loads that will be placed on the equipment and to select the most cost-effective rig that will 
satisfy these requirements. Drilling contractors provide detailed rig specifications for this purpose. When these specifica- 
tions are compared with the well prognosis, the proper rig can be selected. 

Rig selection is not completely quantitative. Although the objective is to select the most cost-effective rig that will 
drill the well, some other factors must be considered, including 


Technical design requirements 

Rig’s manpower (i.e., experience and training) 
Track record 

Logistics 

Rigsite requirements 


Occasionally a company will use a certain rig even if it is not the most suitable, due to nontechnical reasons 
including market availability and long-term contractual commitments. 

Drilling rigs have six basic systems. During drilling operations, all six systems are necessary and there is high 
interaction between them. Traditionally, rig systems are classified as 


Power system 

Hoisting system 
Circulating system 
Rotary system 
Well-control system 
Well-monitoring system 


Additionally, floating offshore rigs will have a seventh system comprising special marine equipment required 
to deal with the particularities of offshore drilling. 


1.5.1 Rig Power System. Drilling rigs—and their support vessels in the case of a barge or floating vessel—have 
high power requirements. Equipment that requires power includes the drawworks, mud pumps, rotary system, and 
life-support system. The power loading may be continuous or intermittent. 
The power system on a drilling rig usually consists of a prime mover as the source of power and some means to 
transmit the power to the end-use equipment. The prime movers used in the current drilling industry are diesel engines. 
Most rig power is consumed by the hoisting and fluid-circulating systems. The other rig systems have much 
smaller power requirements. Since the hoisting and circulating systems generally are not used simultaneously, the 
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same engines can perform both functions. Total power requirements for most rigs are from 1,000 to 3,000 hp (750 
to 2,200 kW). 
Power is transmitted via one of the following systems: 


e Mechanical drive 
e Direct-current (DC) generator and motor 
e Alternating-current (AC) generator, silicon-controlled rectifier (SCR), and DC motor 


The most widely used system on new rigs or large marine rigs is the AC-SCR system, also called the diesel- 
electric system. Diesel-electric rigs are those in which the main rig engines are used to generate electricity. 
Electric power is transmitted easily to the various rig systems, where the required work is accomplished through 
use of electric motors. DC motors can be wired to give a wide range of speed-torque characteristics that are 
extremely well suited for the hoisting and circulating operations. Electric power allows the use of a relatively 
simple and flexible control system. The driller can apply power smoothly to various rig components, thus min- 
imizing shock and vibration problems. 

Most early drilling rigs used a mechanical drive system to transmit power from the engines to the operating 
equipment such as the drawworks and pumps. The drive system consists of gears, chains, or belts that are attached 
to the engines’ shafts and couple the output of two or more engines. Torque converters are attached to the shafts 
to increase the range of output revolutions per minute (rev/min) and also to improve engine life by absorbing 
equipment-induced power-train shock loads. 

The weaknesses of the mechanical drive systems are as follows: 


e Shock loading to the engine 

e Inability to produce high torque at low engine rev/min, which becomes a compounded problem as higher 
workloads continue to decrease engine rev/min 

e Difficulty in providing low torque output due to minimum engine idle speeds and gear ratios 

e Power loss through the gears and chains 


Power system performance characteristics generally are stated in terms of output horsepower, torque, and fuel 
consumption for various engine speeds. The shaft power Pa developed by an engine is obtained from the product 
of the angular velocity of the shaft œ and the output torque T: 


The overall power efficiency Ny determines the rate of fuel consumption m, at a given engine speed. Fuel con- 
sumption times the heating values H of the fuel, for internal-combustion engines, gives the heat energy input per 
unit time (power) to the engine, Q: 


O m Aa A E a E E E E E E A E (1.2) 


Since the overall power system efficiency n, is defined as the power output per power input, then 


sp 


Example 1.1—Power and Efficiency of an Engine. A diesel engine gives an output torque of 1,740 ft-lbf at an 
engine speed of 1,200 rev/min. If the fuel consumption rate is 31.5 gal/hr, what is the output power and overall 
efficiency of the engine? 

Solution. The angular velocity @ is given by 


æ = 27(1,200) = 7,540 rad/min. 
The power output can be computed using Eq. 1.1 


of = 7,540 (1740)ft — lbf/min 
mi 33,000 ft — Inf/min/hp 


= 398 hp =297 kw. 
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Since the fuel type is diesel, the density is 7.2 lbm/gal and the heating value H is 19,000 Btu/lbm. Thus, the fuel 
consumption rate my is 


my = 31.5 gal/hr (7.2 Ibm/gal)(1 hr/60 min) = 3.78 lbm/min. 
The total heat energy consumed by the engine is given by Eq. 1.2 


Q = ms H =3.78 lbm/min(19,000 Btu/Ibm)(779 ft — Ibf/Btu)/33,000 ft — lbf/min/hp 
= 1695 hp (1,264 kW). 


Thus, the overall efficiency of the engine at 1,200 rev/min given by Eq. 1.3 is 


P, 
1, === 397 _ 0.934 or 23.4% 
” Q 1695.4 


1.5.2 Hoisting System. The hoisting system is a vital component of the rig equipment. It provides a means for 
vertical movement of pipe in the well (i.e., to lower or raise drillstrings, casings, and other equipment into or out 
of the well). The principal items in the hoisting system are as follows: 


Drawworks 

Block and tackle 

Derrick and substructure 

Ancillary equipment such as elevators, hooks, and bails 


Two of the most recognizable and routine drilling operations performed with the hoisting system are called 
making a connection and making a trip. Making a connection refers to the periodic process of adding a new joint 
of drillpipe as the hole deepens. Making a trip refers to the process of removing the drillstring from the hole to 
change a portion of the bottomhole assembly and then lowering the drillstring back to the hole bottom. One of the 
main reasons to make a trip is to change a dull bit. In that case, the entire drillstring is pulled out of the well (trip 
out) so the used bit can be changed to a new one. After that the string is lowered into the well again (trip in) so the 
drilling process can resume. 

Drawworks. The drawworks is the equipment that uses the energy from the power system to apply a force to 
the cable (see Fig. 1.20a). In practical terms, it reels in the cable (drilling line) on the drum to lift the pipe. In 
addition, it allows the cable to be spooled out as the pipe is lowered into the well. The drawworks must have an 
effective brake system to control the heavy pipe loads and a cooling system to dissipate large amounts of frictional 
heat generated during braking. 

The draw works drum is grooved to accommodate a certain cable size. Several layers of the line overlap on the 
drum. Occasionally, the line becomes damaged due to accelerated wear if it is wrapped improperly on the drum 
during the reeling process. 

An effective braking system must be used on the drum. In some cases, 500-ton loads must be decelerated 
quickly and held in place. A commonly used braking system on mechanical rigs is the hydrodynamic type. The 
braking is provided by water being impelled in a direction opposite to the rotation of the drum. 

Electric rigs often use an electromagnetic (eddy current) brake in addition to a breaking action generated by the 
drive motors on the drawworks. The braking is provided by two opposing magnetic fields. The magnitude of the 
magnetic fields is dependent on the speed of rotation and the amount of external excitation current. The brake is 
directly coupled to the drawworks shaft. The electric brake alone cannot stop the drawworks, but it does take 
much of the load off the mechanical brake. 

The drawworks transmission provides a means for easily changing the direction and speed of the traveling 
block. 

Block and Tackle. The block and tackle is the primary link between the drawworks and the loads that will be 
lowered into or raised out of the wellbore. It is composed of the crown block, the traveling block, and the drilling 
line. The arrangement and nomenclature of the block and tackle used on rotary rigs are shown in Fig. 1.20a. The 
principal function of the block and tackle is to provide a mechanical advantage, which permits easier handling of 
large loads. The mechanical advantage MA, of a block and tackle is simply the load supported by the traveling 
block, F ip divided by the load imposed on the drawworks, the tension in the fast line, F; 
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The load imposed on the drawworks is the tension in the fast line. The ideal mechanical advantage, which as- 
sumes no friction in the block and tackle, can be determined from a force analysis of the traveling block. Consider 
the free-body diagram of the traveling block as shown in Fig. 1.20b. If there is no friction in the pulleys, the ten- 
sion in the drilling line is constant throughout. Thus, a force balance in the vertical direction yields 


N 


tb 


Fa = Fp? 


where N „is the number of lines strung through the traveling block. Solving this relationship for the tension in the 
fast line and substituting the resulting expression in Eq. 1.4 yields 


F 
MA,, =—"—=N,, 
FaN,» 


which indicates that the ideal mechanical advantage of the block-and-tackle system, MA, ,, is equal to the number 
of lines strung between the crown block and traveling block. The use of 6, 8, 10, or 12 lines is common, depending 
on the loading condition. 

The input power P of the block and tackle is equal to the drawworks load Fi times the velocity of the fast line, 


Ve 


The output power, or hook power, P,, is equal to the traveling block load F, times the velocity of the traveling 
block, v,,: 


P, =F Vpt ree ee eee ee ee eee ee ee er ere fee (1.6) 


th 
to shorten each of the lines strung between the crown block and traveling block by only 1/N „ times the unit dis- 


tance, then v, = VIN, p Thus, a frictionless system implies that the ratio of output power to input power is equal 
to 1. 

Of course, in an actual system, there is always a power loss due to friction. Values of block-and-tackle efficiency 
will vary and depend on various conditions including the number of lines strung through the traveling block. The 
greater the number of lines, the lesser the efficiency. 


For a frictionless block and tackle, F =N Fr Also, since the movement of the fast line by a unit distance tends 


Crown block Fa 
, i NwFq 
Fast line Dead line 
Traveling block 
Ne 
lines 
Storage reel 
Anchor 
Fy Fa 
Drawworks 
| Ftp 
F (c) Crown block-free- 
tb body diagram 


(a) Block-and-tackle arrangement 


(b) Traveling block-free- 
body diagram 


Fig. 1.20—Schematic of drawworks and block and tackle (Bourgoyne et al. 1986). 
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API RP9B (2005) contains the following standard efficiency relation: 


(* =i) 


lu KN (K-I) 
where 

N, = block-and-tackle efficiency 

K = friction factor (approximately 1.04) 

N, = number of lines strung 

N,, = number of rolling sheaves (normally, N., = N,) 
Table 1.1 indicates 7, values for various pulley systems. 

Knowledge of the block-and-tackle efficiency permits calculation of the actual tension in the fast line for a 
given load. Because the power efficiency is given by 

P, F,v Fo YaN e F 


th © tb th 


P, Fy, Favq  FaNu 


sp 


Dy = 


the tension in the fast line is 


The above equation can be used to select drilling-line size. However, a safety factor should be used to allow for 
line wear and shock loading conditions. 

The line arrangement used on the block and tackle causes the load imposed on the derrick to be greater than the 
hookload. As shown in Fig. 1.20c, the load F , applied to the derrick is the sum of the hookload F „ the tension in 
the dead line, F and the tension in the fast line, F w 


| ied Fp tFgt fe (1.9a) 


If the load, F „ is being hoisted by pulling on the fast line, the friction in the sheaves is resisting the motion 
of the fast line and the tension in the drilling line increases from F ,/N „at the first sheave (dead line) to F.,/ 
N,N, at the last sheave (fast line). Substituting these values for F,.and F, in Eq. 1.9a gives 


Fp fa -[ ttle), ich od bates eae Baer ees (1.9b) 


MN» Nu Ny N, 


F = 
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Drilling Line. Drilling rigs have many applications for wire rope. The more common uses are as drilling lines 
and guideline tensioners. The drilling line connects to the drawworks and the dead line anchor. It is pulled through 
the crown and traveling block sheaves so the traveling block can be raised or lowered as necessary. 

The crown block and traveling block consist of sheaves designed for use with wire rope. The crown block is 
stationary and is located at the top of the derrick. The traveling block is free to move and has a hook, bails, and 
elevators attached to the bottom for latching to the pipe. Both blocks have 4-12 sheaves. The number of lines 
strung varies with load, with fewer on shallow wells and maximum for heavy loads. 


TABLE 1.1—EFFICIENCY FACTORS FOR 
BLOCK-AND-TACKLE SYSTEM (K = 1.04) 
(Bourgoyne et al. 1986) 


Number of Lines, N} Efficiency, Np 
4 0.908 
6 0.874 
8 0.842 
10 0.811 
12 0.782 


14 0.755 
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Wire rope is made from cold-drawn carbon steel of various grades, depending on the strength required. API 
Spec 9A/ISO 10425 (2004) covers wire rope grades and construction. The classification of the various grades is as 
follows: 


Extra improved plow steel (EIPS) 
Improved plow steel (IPS) 

Plow steel (PS) 

Mild plow steel (MPS) 


The primary element of wire rope is the individual wires. Wires are carefully selected, sized, and helically 
placed together, forming a precise geometric pattern that forms the strand. After stranding, the strands are 
helically placed together around a core to form wire rope (see Fig. 1.21a). The helix may be right-handed or 
left-handed (see Fig. 1.21b). The proper way to measure the wire-rope diameter is shown in Fig. 1.21c. The 
core may be a fiber rope (either naturally grown fibers or synthetic fibers), a plastic core, a spring steel core, 
a multiple-wire strand, or an independent wire rope core (IWRC). The [WRC is the most widely used because 
it resists crushing and distortion. 

The nominal strength of wire rope depends on the materials used in construction, the number of strands and 
wires, and the size of the rope. The grade of steel utilized in the construction is a key factor in ultimate breaking 
strength. Most wire ropes are made using IPS. In addition, EIPS provides 10% extra strength over IPS, with EE- 
IPS providing another 10% strength over EIPS. 

Table 1.2 presents nominal breaking strength for various wire rope diameters. In the table there are specifica- 
tions for cables with fiber core and IWRC. The 6x19 classification indicates a cable of six strands with 19 wires 
per strand. 

Drilling line does not tend to wear uniformly over its length. The most severe wear occurs at the pickup points 
in the sheaves and at the lap points on the drum of the drawworks. The pickup points are the points in the drilling 
line that are on the top of the crown block sheaves or the bottom of the traveling block sheaves when the weight 
of the drillstring is lifted from its supports in the rotary table during tripping operations. The rapid acceleration of 
the heavy drillstring causes the most severe stress at these points. The lap points are the points in the drilling line 
where a new layer or lap of wire begins on the drum of the drawworks. 

Drilling line is maintained in good condition by following a scheduled slip-and-cut program. Slipping the drill- 
ing line involves loosening the dead line anchor and placing a few feet of new line in service from the storage reel. 
Cutting the drilling line involves removing the line from the drum of the drawworks and cutting off a section of 
line from the end. Slipping the line changes the pickup points, and cutting the line changes the lap points. The line 
is sometimes slipped several times before it is cut. Care must be taken not to slip the line a multiple of the distance 
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(a) Wire rope (b) Right and left regular lay (c) Measuring wire rope diameter 


Fig. 1.21—(a) Wire rope: wire, strand, and core; (b) right and left regular lay; and (c) measuring wire rope diameter 
[from API Spec. 9 (2004)]. Reproduced courtesy of the American Petroleum Institute. 
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TABLE 1.2—NOMINAL BREAKING STRENGTH OF 6 x 19 WIRE ROPE (Bourgoyne et al. 1986) 
Approximate Nominal Strength 
Weight (tons) 
Rope Diameter (Ibm/ft) EIPS 

IPS EEIPS 
( in.) (mm) Fiber Core IWRC IWRC Fiber Core IWRC IWRC 

1/4 6.5 0.105 0.116 2.94 3.20 3.40 3.74 

5/16 8.0 0.164 0.18 4.58 4.69 5.27 5.80 

3/8 9.5 0.236 0.26 6.56 6.71 7.55 8.31 

The 11.0 0.32 0.35 8.89 9.09 10.2 11.2 

1/2 13.0 0.42 0.46 11.5 11.8 13.3 14.6 

9/16 14.5 0.53 0.59 14.5 14.9 16.8 18.5 

5/8 16.0 0.66 0.72 17.7 18.3 20.6 22.7 

3/4 19.0 0.95 1.04 25.6 26.2 29.4 32.3 

7/8 22.0 1.29 1.42 34.6 35.4 39.8 43.8 

1 26.0 1.68 1.85 44.9 46.0 51.7 56.9 

1 1/8 29.0 2.13 2.34 56.5 57.9 65.0 71.5 

1 1/4 32.0 2.63 2.89 69.4 71.0 79.9 87.9 
1 3/8 35.0 3.18 3.50 83.5 85.4 96.0 106.0 
1 1/2 38.0 3.78 4.16 98.9 101.0 114.0 125.0 
1 5/8 42.0 4.44 4.88 115 118.0 132.0 146.0 
1 3/4 45.0 5.15 5.67 133 136.0 153.0 169.0 
17/8 48.0 5.91 6.50 152 155.0 174.0 192.0 
2 52.0 6.72 7.39 172 176.0 198.0 217.0 
2 1/8 54.0 7.59 8.35 192 197.0 221.0 243.0 
2 1/4 58.0 8.51 9.36 215 220.0 247.0 272.0 
2 3/8 60.0 9.48 10.4 239 244.0 274.0 301.0 
2 1/2 64.0 10.5 11.6 262 269.0 302.0 332.0 
2 3/4 70.0 12.7 14.0 314 321.0 361.0 397.0 


between pickup points; otherwise, points of maximum wear are just shifted from one sheave to the next. Likewise, 
care must be taken when cutting the line not to cut a section equal in length to a multiple of the distance between 
lap points. 

In API RP 9B (2005), API has adopted a slip-and-cut program for drilling lines. The parameter adopted to 
evaluate the amount of line service is the ton-mile. A drilling line is said to have rendered 1 ton-mile (14.3 MJ) of 
service when the traveling block has moved | US ton (0.91 Mg) a distance of 1 mile (1.6 km). Note that for 
simplicity, this parameter is independent of the number of lines strung. Ton-mile records must be maintained in 
order to employ a satisfactory slip-and-cut program. The number of ton-miles between cutoffs will vary with drill- 
ing conditions and drilling-line diameter and must be determined through field experience. In hard-rock drilling, 
vibration problems may cause more rapid line wear than when the rock types are relatively soft. Ton-miles 
between cutoffs typically range from approximately 500 (7,150 MJ) for l-in.-diameter drilling line to approxi- 
mately 2,000 (28,600 MJ) for 1.375-in.-diameter drilling line. 

Calculation and recording of ton-miles is tedious work. Normally, devices that automatically accumulate the 
ton-miles of service are available in the rigs. The device will constantly measure the loads being applied to the 
cable as well as the length of displacement. 

Derrick and Substructure. The derrick and substructure play an important role in drilling operations. The der- 
rick provides the height necessary for the hoisting system to raise and lower the pipe. The greater the height, the 
longer the section of pipe that can be handled and, thus, the faster a long string of pipe can be inserted into or 
removed from the hole. Derricks can handle sections called stands, which are composed of two, three, or four 
joints of drillpipe. Because common drillpipes are between 8 and 10 m long (approximately 26 to 33 ft), a derrick 
designed to handle three-drillpipe stands will be taller than a 10-story building. 

The substructure provides the height required for the blowout preventer stack on the wellhead below the rig 
floor. The derrick and the substructure must have enough strength to support all loads, including the hook load, 
pipe set in the derrick, and wind loads. 
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1.5.3 Circulating System. The fluid-circulating system provides hydraulic power to the drilling fluid so that it 
can be pumped from surface into the drillstring, travel all the way down the bottom of the hole, and then return to 
surface through the annulus, carrying the rock cuttings produced by the action of the bit against the rock. Fig. 1.22 
shows a schematic of the typical path of the drilling fluid in a regular drilling operation. 

The main components of the rig’s circulating system are the mud pumps, mud pits, mud-mixing equipment, and 
contaminant-removal equipment. 

Mud pumps are designed for pressure output, flow rate, and horsepower requirements. High pressures are re- 
quired to circulate heavy muds in deep wells and to optimize hole cleaning below the bit. Flow rate must exceed 
a minimum required to clean the hole. This usually is not a limiting criterion for most operations except when 
drilling large-diameter surface hole sections. Maximum available pump horsepower is sometimes used in surface 
holes or when operating downhole motors. 

Most mud pumps currently used in the drilling industry are duplex or triplex positive-displacement pumps. The 
duplex double-acting pump has two liners with valves on both ends of the liners. Fluid is displaced from the liner 
on the forward and backward strokes of the rod plunger (Fig. 1.23a). On the forward stroke of each piston, the 


volume displaced, V,,, depends on the liner diameter, d, ,, and the stroke length, L, and is given by 


dfs? dpl? ‘dst? 


T 2 
Vip = 4 dyp Lis 


On the backward stroke the volume,V „, also depends on the rod diameter, d 


af dor? and is given by 


Tfn 
Vins = (din ~ din Lar 
Thus, the total volume, V ap? displaced per complete pump cycle by a pump having two cylinders is given by 


T 
Vip = 2(Vagy + Vas Maw = Odia sdp 0 See ee eee ee E ee (1.11) 


where n Pa is the volumetric efficiency of the pump. 
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Fig. 1.22—Schematic of drilling-fluid path (Bourgoyne et al. 1991). 
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Fig. 1.23—Schematic of (a) duplex double-acting pump and (b) triplex single-acting pump. 


Triplex pumps are lighter and more compact than duplex pumps, their output pressure pulsations are not as 
great, and they are cheaper to operate. For these reasons, modern rigs use triplex pumps. One single-action piston 
of a triplex pump is shown in Fig. 1.23b. The volume displaced by each piston V, during one complete pump 
cycle is given by 


tpl” tst * 


Va =Z dL 
4 
Thus, the volumetric output for a complete cycle of a triplex pump, Vy is as follows: 


y -7e 


t1 tpl ist Ty v? 
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The flow rate g of the pump is obtained by multiplying the single-cycle volumetric output by the number of cycles, 
N, per unit time. 

Pumps are rated for hydraulic power, maximum pressure, and maximum flow rate. If the inlet pressure of the 
pump is essentially atmospheric pressure, the increase in fluid pressure moving through the pump is approxi- 
mately equal to the discharge pressure. The hydraulic power output of the pump is equal to the discharge pressure 
times the flow rate. The hydraulic power developed by the pump is given by 


For a given hydraulic power level, the maximum discharge pressure and flow rate can be varied by changing the 
stroke rate and liner size. A smaller liner will allow the operator to obtain a higher pressure, but at a lower rate. 


Example 1.2—Duplex Pump Factor. Compute the pump factor, Vip? in units of barrels per stroke for a duplex 
pump having 6.5-in. liners, 2.5-in. rods, 18-in. strokes, and a volumetric efficiency of 90%. 
Solution. The pump factor for a duplex pump can be determined using Eq. 1.11: 


V,= Sdp -dbp Lanla = 5126.5" — (2.5)? |(18)(0.90) = 199 in.’ stroke. 
Recall that there are 231 in.? in a US gallon and 42 US gallons in a US barrel. Thus, converting to the desired field 
units yields 


1991 in.*/stroke( gal/231 in? )(bb1/42 gal) = 0.205 bbl/stroke = 0.0326 m°/stroke 


Pump Suction Design. Pump suction requirements are an often-neglected consideration in mud-pump plan- 
ning, which can seriously reduce the efficiency of the pump. If the mud pump cannot gain access to the proper 
volume of mud as needed, its output will be less than expected for a particular pump rate. The two common types 
of suction systems are atmospheric and supercharged. 
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The pump suction system common in early drilling operations used atmospheric pressure in conjunction with the 
hydrostatic pressure of the fluid in the mud pits to force the drilling fluid into the suction valves of the pump. The 
hydrostatic pressure must overcome inertia forces and friction pressures of the fluid in the lines. Obviously, long 
suction lines with many bends significantly decrease the effectiveness of the system. In addition, gas-cut or high- 
viscosity fluids impede the system’s good operation. 

Optimum input requirements increase as the pump stroke rates increase. Under most conditions, a flooded or 
atmospheric suction system cannot meet the upper demands. 

A more successful method of fulfilling mud-pump suction needs is the use of centrifugal pumps as boosters 
(superchargers or prechargers). The addition of a supercharger offers many advantages including elimination of 
shock loads, smoother operation, increased bearing life, and higher-speed operation. The supercharger also en- 
ables the mud pump to better handle gas-cut or aerated mud, giving better filling. 

Pulsation Dampeners. Improved pumping characteristics can be expected when a pulsation dampener (surge 
chamber) is added to the discharge line. The surge chamber contains a gas in the upper portion, which is separated 
from the drilling fluid by a flexible diaphragm. The surge chamber greatly dampens the pressure surges developed 
by the positive-displacement pump. A dampener helps to utilize most of the available pump horsepower. It ac- 
complishes this by increasing the speed at which the pump can run without the problems of knocking and accom- 
panying pressure surges. The extra speed advantage is the basic reason to use a dampener, but other advantages 
include the following: 


e Stabilizes pressures in the suction line 

Allows the use of longer suction lines or smaller-diameter lines 
Makes suction from deeper pits possible 

Allows the use of heavier muds 

Allows the use of higher-temperature muds 


Most operators prefer to run pulsation dampeners on the discharge end of the pump. The discharged drilling 
fluid is under high pressure and, as it is forced out of the liners it places significant surge pressures on the equip- 
ment. The pulsation dampeners are designed to absorb most of these surges and to reduce the wear of the other 
surface circulating equipment. 

Centrifugal Pumps. The centrifugal pump (see Fig. 1.24) plays an important role in the circulating system. 
Among its applications are supercharging the rig pumps, pumping fluid to mud-mixing equipment and to the 
solids-control equipment, and performing ancillary functions such as pumping water and cleaning tanks. 

Centrifugal pumps will not perform satisfactorily with gaseous or high-viscosity fluids. The primary component 
of a centrifugal pump is an impeller that accelerates the fluid into the discharge line. 

Drilling-Fluid-Handling Equipment. The drilling fluid is handled by a variety of equipment during the 
normal drilling process. Each item must be evaluated to determine if it will meet the job requirements for the 
upcoming well. The handling equipment includes the mud pits (tanks for drilling-fluid storage), solids-control 
equipment, gas-control system (degasser), and chemical-treatment systems. 

Mud pits are required for holding an excess volume of drilling fluid at surface. This surface volume allows time 
for settling of the finer rock cuttings and for the release of entrained gas bubbles not mechanically separated. Also, 
in the event of some drilling-fluid losses to underground formations, this fluid loss is replaced by mud from the 
surface pits. 
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Fig. 1.24—Centrifugal pump diagram (Sahdev 2008). 
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The mud-pit system and the arrangement of the mud-handling equipment on the pits is a design consideration 
for the drilling-fluid engineer. This fact is particularly pertinent in land drilling operations if rental solids-control 
equipment is used. Offshore rigs are usually limited with respect to space availability and, in most cases, the pit 
system will have a dedicated position for the special equipment. 

Drilling operations during the early days of the industry used earthen pits to contain the mud. The fluid from the 
well was discharged in one end of the pit, and the mud pump suction line was located in the other end of the pit. The 
surface area was large enough that solids could settle to the bottom of the pit before entering the pump suction line. 

Earthen pits were replaced by steel pits for several reasons, including increasingly severe environmental regu- 
lations that made mandatory a very comprehensive treatment of discarded fluids and rock cuttings so that no harm 
is done to the environment. In addition, steel pits are easier to move with the rig, compared to the effort required 
to build new earthen pits. Also, certain denser and more-viscous fluids require special solids-control equipment 
that can be located only on steel pits. 

During drilling operations, the discharged fluid from the well enters the pits and is processed through several 
types of solids-removal equipment, including the shale shakers, sand trap, degasser, desilting hydrocyclone, 
desanding hydrocyclone, centrifuges, and mud cleaners. After the treatment, the fluid will eventually re-enter the 
suction line and repeat the cycle. 

Removal of undesirable solids from the drilling fluid is important to improve drilling performance and conse- 
quently reduce drilling costs. Fluids properly treated will 


e Increase drilling rates by enhancing cuttings removal 
e Provide better bit hydraulics due to lower fluid viscosity 
e Avoid premature wear on surface equipment such as lines and the mud pumps’ liners 


In addition, formation damage will be reduced. A fluid with a high percentage of solid particles may invade and 
block the formation’s pore channels, reducing the reservoir permeability. 

Solids are removed from the mud system by settling, screening, centrifuging, or dilution. Settling is ineffective in 
most cases due to weighted mud systems or lack of time for gravity segregation. Dilution is expensive with heavy- 
mud systems. The principles employed for most commonly used solids-removal equipment are screening, centrifug- 
ing, or a combination of both. 

The shale shaker is the most important component of the solids-control equipment. It removes the major portion 
of all drilled solids circulated out of the well. It also removes the large cuttings that would plug the other equip- 
ment. 

Although many manufacturers produce shale shakers, the designs are quite similar. Mud flows from the well 
flowline into the “possum belly,” or mud box. The possum belly has a lower bypass gate so that mud can flow 
directly into the sand trap and pits in case the screens are plugged with viscous fluids or solids. Depending on the 
openings in the screen mesh, the mud and small-diameter particles fall through the screen and exit at the discharge 
chute. The vibrating, or rotating, assembly on the screen causes the larger particles to move along to the end and 
off the screen. 

Various screen arrangements are available on common shakers. Multiple-screen shakers are widely used and 
can offer better solids removal. The particle separation with a multiple-deck screen is determined by the finest- 
mesh screen, which is usually the bottom screen. The size separation with the parallel arrangement is determined 
by the coarsest screen size. 

Screening surfaces used in solids-control equipment are generally made of woven wire screen cloth in many 
different sizes and shapes. Characteristics of the screen cloth that must be considered by the drilling engineer are 
mesh size and the shape and size of openings. Mesh is defined as the number of openings per linear inch. 

A sand trap is a small compartmented section of the first pit immediately adjacent to the shale shaker. The 
effluent from the shale shaker flows to the sand trap. Its purpose is to allow settling of heavy particles such as sand 
or shale cuttings that escaped removal by the shaker screen. 

Hydrocyclones (desilters and desanders) remove most of the solids in the 16- to 100-um range. Because some 
barite falls within these sizes, the desilters and desanders cannot be used cost-effectively on weighted systems 
unless a fine-mesh screen is used below the cyclone to remove the barite from the underflow. (Barite is a solid 
purposely added to muds to increase mud density.) 

A hydrocyclone (Fig. 1.25) consists of a conical shell with a small opening at the bottom for underflow dis- 
charge, a larger opening at the top for liquid discharge through an internal vortex finder, and a feed nozzle on the 
side of the body near the wide end of the cone. The fluid enters the cyclone under pressure from a centrifugal 
pump. High fluid velocity causes the particles to rotate rapidly within the main chamber of the cyclone. Light, fine 
solids and the liquid phase of the fluid tend to spiral inward and upward for discharge through the liquid outlet. 
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Fig. 1.25—Hydrocyclone (GN Solids 2009-2010). Courtesy of Tangshan Guanneng Machiner Equipment Co. Ltd. 


Heavy, coarse solids and the liquid film around them tend to spiral outward and downward for discharge through 
the solids outlet. 

Oilfield cyclones commonly vary from 4 to 12 in. (10 to 30 cm) in size and may be arranged in a parallel, mul- 
ticone system. The size measurement refers to the inside diameter of the largest cylindrical section of the cone. 
The diameter of the cone usually controls throughput capacity and the size of solids that can be removed. 

Centrifuges are used to remove colloid-sized solids (5 um) from weighted water-based muds. The decanting 
centrifuge is the most commonly used type (Fig. 1.26). Unlike screens, cyclones, and mud cleaners that operate 
continuously on the full mud circulating volume, centrifuges operate intermittently on a small fraction of the 
circulating volume, usually 5—10%. 

A decanting centrifuge consists of a conveyor screw inside a cone-shaped bowl that is rotated at very high 
speeds (1,500-2,500 rev/min). The drilling fluid usually is diluted with water and then pumped into the conveyor. 
As the conveyor rotates, the fluid is thrown out of the feed ports into the bowl. The centrifugal force on the mud 
pushes the heavy, coarse particles against the wall of the bowl, where the scraping motion of the conveyor screw 
moves them toward the solids discharge port. The light, fine solids tend to remain in suspension in the pools 
between the conveyor flutes and are carried to the overflow ports along with the liquid phase of the mud. 

Mud cleaners were developed in the early 1970s in response to a need for equipment to effectively remove fine 
drilled solids from weighted muds without excessive loss of barite and fluid. The cleaners use a combination of 
desilting hydrocyclones and a very fine-mesh vibrating screen to remove fine drilled solids while returning valu- 
able mud additives and liquids to the active system. 

After the drilling fluid has passed through a shale shaker to remove the large cuttings, the mud is pumped into 
the cyclones on the mud cleaner. These cyclones clean the mud and discharge the finest solids and liquid phase 
into the next pit downstream. The solids discarded out of the bottom of the cyclones are deposited on a screen. 
Drilled solids larger than the screen are discarded into the waste pit. The remaining solids, which include most of 
the barite, pass through the screen and are discharged into the next downstream pit. The size of particles separated 
by a mud cleaner depends primarily on the mesh of the screen used in the particular unit. 

Several manufacturers of solids-control equipment have developed complete packages of skid-mounted solids- 
control devices and all supporting tanks, piping, pumps, motors, and accessories. These unitized systems provide 
excellent solids control, efficiency, and ease of transportation and installation. They can create a “closed” system 
for ecologically sensitive drilling sites. Because the unit is designed as a complete system, all pieces of equipment 
including pumps and motors are sized properly to provide maximum efficiency in the smallest amount of space. 
Piping is designed for optimum fluid handling with the shortest practical suction and discharge lines. 
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Fig. 1.26—Decanting centrifuge (Hutchison-Hayes Separation 2011). Used with permission from Hutchison-Hayes 
Separation, Inc. 


Components of unitized systems can vary, depending on the manufacturer and the particular drilling applica- 
tion. Most include one or more of the basic separation devices installed in series, including screen shaker, degasser, 
desander, mud cleaner, and centrifuge. Desilting requirements usually are met by blocking the mud-cleaner 
screens and operating them as desilters when appropriate. Sand traps and agitators also are standard equipment in 
most units. In some cases, clay-removal cyclones may be used in place of or in addition to centrifuges. 

When the amount of entrained formation gas leaving the settling pit becomes too great, it can be separated using 
a degasser. A vacuum chamber degasser is shown in Fig. 1.27. A vacuum pump mounted on top of the chamber 
removes the gas from the chamber. The mud flows across inclined flat surfaces in the chamber in thin layers, 
which allows the gas bubbles that have been enlarged by the reduced pressure to be separated from the mud more 
easily. Mud is drawn through the chamber at a reduced pressure of approximately 5 psia (35 kPa) by a mud jet 
located in the discharge line. 

Pressures in a Wellbore. Calculation of static fluid pressure is most suitable for hand calculation, since veloc- 
ity is zero and no time-dependent effects are present. The general equation for the static fluid pressure Ap calcu- 
lation is given by: 


Ap = Jes CONGR, weecustiwusa ster eatianstiaaeveds inaa eeu as E SE (1.14) 
As 


where p is the density of the fluid, g is the gravity constant, ¢ is the angle of inclination of the wellbore (measured 
from the vertical), and s is the measured depth of the well. The simplest version of Eq. 1.14 is the case of an in- 
compressible fluid with constant density p: 


AP =pgAZ, date dedncsaieieaies eao EEEE EEEE EEEE EEEE EEEE EEEren (1.15) 


where AZ is the change in true vertical depth (i.e., hydrostatic head). For constant slope wellbore trajectories, AZ 
equals cos(@)As. 


Example 1.3—Static Pressure in a Wellbore. Calculate the static mud density required to prevent flow from a 
permeable stratum at 12,200 ft if the pore pressure of the formation fluid is 8,500 psig. 

Solution. The common field unit for mud density is lbm/gal (pound per gallon, or ppg). Because we want pres- 
sure in psig, we need to convert Eq. 1.15 into field units of ppg, psig, and feet. Eq. 1.15 converts to: 


al 12in. / Ibe 
Ap(psig) = p(Ibm/gal) = ( 


AZ (ft) = 0.05195 p(lbm/gal)AZ (ft 
23lin? ft a) i) Pie ee 


Note that the gravity constant for lbm is 1 Ibf/lbm—that is, 1 pound mass weighs 1 pound force. Solving the 
equation for density: 


8,500 psig 


pe 2 -13.4 lbm/gal 
0.05195(12,200 ft) 


Introduction to Rotary Drilling 29 


Fig. 1.27—Vacuum-chamber degasser (Derrick Equipment 2010). 


Example 1.4—Pressures in a Deviated Well. A 20,000 ft well is drilled vertically to 3,000 ft, and the remainder of 
the well is drilled at a 50° angle to the vertical. If the wellbore fluid is 10.5 Ibm/gal, what is the pressure at 10,000 ft? 
Solution. For the first 3,000 ft, the measured depth s equals the true vertical depth Z, so the pressure at 3,000 ft is 


Ap(3,000 ft) = 0.05195(10.5 Ibm/gal }(3,000 ft) = 1,636 psig 
The remainder of the interval from 3,000 ft to 10,000 ft is inclined 50°, so the true vertical depth increment is: 
AZ(3,000 ft to 10,000 ft) = cos(50°)(10,000 — 3,000) ft = 0.6428(7,000) ft = 5,000 


The resulting pressure at 10,000 ft is: 


Ap(10,000 ft) = 1,636 psig + 0.05195(10.5 Ibm/gal)(5,000) ft = 4,090 psig = 28,200 kPa 


1.5.4 The Rotary System. The rotary system includes all of the equipment used to achieve bit rotation. Origi- 
nally, the main driver in the system of all rigs was the rotary table. The main parts of the rotary system with a 
rotary table are the swivel, kelly, and drillstring. 

The rotary swivel (Fig. 1.28) serves two important functions in the drilling process. It is a connecting point 
between the circulating system and the rotary system. It also provides a fluid seal that must absorb rotational wear 
while holding pressure. The upper section of the swivel has a bail for connection to the elevator hook, and the 
gooseneck of the swivel provides a downward-pointing connection for the rotary hose. 

The kelly is the first section of pipe below the swivel. The outside cross section of the kelly is square or (most 
commonly) hexagonal to permit it to be gripped easily for turning. Torque is transmitted to the kelly through kelly 
bushings, which fit inside the master bushing of the rotary table. The kelly thread is right-handed on the lower end 
and left-handed on the upper end to permit normal right-hand rotation of the drillstring. 

During drilling operations, in every connection, a new pipe is added below the kelly. To avoid premature wear 
in the kelly’s threads, a kelly saver sub is used between the kelly and the first joint of drillpipe. Kelly cock valves 
are located on either end of the kelly. 

Modern rigs use a topdrive to replace the kelly, kelly bushings, and rotary table. Drillstring rotation is achieved 
through hydraulic or electric motors. One type of topdrive is shown in Fig. 1.29. 

Topdrives are suspended from the hook and can travel up and down the derrick. This will allow drilling to be 
done with stands of pipes, instead of single joints, which will save considerable time. Comparing with the conven- 
tional process, where a new pipe must be added to the drillstring after the length of just one joint has been drilled, 
using a topdrive system, a new connection will occur only after the length of one stand (two, three, or four pipes) 
has been drilled. 

Besides saving time, a system with a topdrive enables the driller to re-initiate fluid circulation or drillstring 
rotation faster while tripping, which reduces the chance of problems such as stuck pipe. 
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Fig. 1.28—(a) Rotary swivel (Steven M. Hain Company, Inc. 2010); used with permission from Steven M. Hain Company, 
Inc.; (b) rotary swivel (courtesy of OSHA). 


Fig. 1.29—Topdrive (Bull. 20310 2008). 
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The drillstring connects the surface equipment with the drill bit at the bottom of the well. The rotary table, or 
the topdrive, rotates the drillstring and, consequently, rotation is transmitted to the bit. 

The drillstring is basically composed of two major portions, the drillpipes and the bottomhole assembly (BHA) 
(see Fig. 1.30). Drillpipes (Fig. 1.30b) are specified by outside diameter, weight per foot, steel grade, and length 
range. Drillpipes are classified by API in the following length ranges: Range 1 is 18 to 22 ft (5.5 to 6.7 m), Range 
2 is 27 to 30 ft (8 to 9 m), and Range 3 is 38 to 45 ft (12 to 14 m). 

Range 2 drillpipe is used most commonly. Since each joint of pipe has a unique length, the length of each joint 
must be measured carefully and recorded to allow a determination of total well depth during drilling operations. 

The drillpipe joints are fastened together in the drillstring by means of tool joints (Fig. 1.30a). The portion of 
the drillpipe to which the tool joint is attached has thicker walls than the rest of the drillpipe to provide for a stron- 
ger joint. This thicker portion of the pipe is called the upset. If the extra thickness is achieved by decreasing the 
inside diameter, the pipe is said to have an internal upset. If the extra thickness is achieved by increasing the out- 
side diameter, the pipe is said to have an external upset. A tungsten carbide hardfacing sometimes is manufactured 
on the outer surface of the tool joint box to reduce the abrasive wear of the tool joint by the borehole wall when 
the drillstring is rotated. 

The BHA is the lower section of the drillstring. Even though a BHA may have many different tubulars depend- 
ing on the complexity of the operation, most of the BHA is composed of drill collars (Fig. 1.30c). The drill collars 
are thick-walled, heavy steel tubulars used to apply weight to the bit. The buckling tendency of the relatively thin- 
walled drillpipe is too great to use it for this purpose. The smaller clearance between the borehole and the drill 
collars helps to keep the hole straight. Stabilizers (Fig. 1.31) often are used in the drill collar string to assist in 
keeping the drill collars centralized. Other types of tubulars used include shock absorbers and drilling jars. In ad- 
dition, heavyweight drillpipes, a type of drillpipe with thicker walls, are commonly placed on top of the BHA to 
make the transition between the heavier drill collars and the drillpipes. 


1.5.5 The Well-Control System. The well control system prevents the uncontrolled flow of formation fluids 
from the wellbore. When the bit penetrates a permeable formation that has a fluid pressure in excess of the hydro- 
static pressure exerted by the drilling fluid, formation fluids will begin displacing the drilling fluid from the well. 
The flow of formation fluids into the well in the presence of drilling fluid is called a kick. 

The well-control system enables the driller to 


e Detect the kick 
e Close the well at the surface 
e Circulate the well under pressure to remove the formation fluids and increase the mud density 
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Fig. 1.30—(a) Drillpipe tool joint; (b) drillpipe; (c) drill collar. Parts (a) and (b) are from Aadnoy et al. (2009). 
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Fig. 1.31—Drillstring stabilizer (National Oilwell Varco 2010a). 


e Move the drillstring up and down with the well closed 
e Divert the flow away from rig personnel and equipment 


Failure in detecting a kick or a malfunction in the well-control system may result in an uncontrolled flow of 
formation fluids into the wellbore. This unwanted fluid production is called a blowout. A blowout is arguably the 
worst disaster that can occur during drilling operations. Blowouts can cause loss of lives, drilling equipment, the 
well, much of the oil and gas reserves in the underground reservoir, and can cause damage to the environment. 
Thus, the well-control system is one of the more important systems on the rig. 

Kick detection during drilling operations usually is achieved by use of a pit-volume indicator or a flow indica- 
tor. Both devices can detect an increase in the flow of mud returning from the well over that which is being circu- 
lated by the pump. 

Pit volume indicators usually employ floats in each pit that are connected by means of pneumatic or electrical 
transducers to a recording device on the rig floor. The recording device indicates the volume of all active pits. 
High- and low-level alarms can be preset to turn on lights and horns when the pit volume increases or decreases 
significantly. An increase in surface mud volume indicates that formation fluids may be entering the well. A de- 
crease indicates that drilling fluid is being lost to an underground formation. 

Mud-flow indicators are used to help detect a kick more quickly. The more commonly used devices are some- 
what similar in operation to the pit-level indicators. A paddle-type fluid-level sensor is used in the flowline. In 
addition, a pump-stroke counter is used to sense the flow rate into the well. A panel on the rig floor displays the 
flow rate into and out of the well. If the rates are appreciably different, a gain or loss warning will be given. 

While making a trip, circulation is stopped and a significant volume of pipe is removed from the hole. Thus, to 
keep the hole full, mud must be pumped into the hole to replace the volume of pipe removed. Kick detection dur- 
ing tripping operations is accomplished through use of a hole fill-up indicator. The purpose of the fill-up indicator 
is to measure accurately the mud volume required to fill the hole. If the volume required to fill the hole is less than 
the volume of pipe removed, a kick may be in progress. 

Small trip tanks provide the best means of monitoring hole fill-up volume. Trip tanks usually hold 10 to 15 bbl 
(1.6 to 2.4 m°) and have 1-bbl (0.16 m°) gauge markers. Periodically, the trip tank is refilled using the mud pump. 
The required fill-up volume is determined by periodically checking the fluid level in the trip tank. When a trip tank 
is not installed on the rig, hole fill-up volume should be determined by counting pump strokes each time the hole 
is filled. The level in one of the active pits should not be used since the active pits are normally too large to provide 
sufficient accuracy. 

The flow of fluid from the well caused by a kick is stopped by use of well-control devices called blowout pre- 
venters (BOPs). The BOP will close the well and hold well pressure, consequently impeding new fluid from enter- 
ing the wellbore. 

Multiple BOPs with different purposes are used in a well. This arrangement is called a BOP stack. The reason 
for using a BOP stack is to enable the system to close the well and stop the flow of unwanted fluid into the well- 
bore under all drilling conditions. The well-control system must enable well closure while drilling, tripping in or 
out of the hole, running casing, and even when there is no drillstring inside the well. 

When the drillstring is in the well, movement of the pipe without releasing well pressure should be allowed to 
occur. In addition, the BOP stack should allow fluid circulation through the well annulus under pressure. These 
objectives usually are accomplished by using several ram preventers and one annular preventer. 

An example of a ram preventer is shown in Fig. 1.32. Ram preventers have two packing elements on opposite 
sides that close by moving toward each other. Pipe rams have semicircular openings that match the diameter of 
pipe sizes for which they are designed. Thus, the pipe ram must match the size of pipe currently in use. If more 
than one size of drillpipe is in the hole, additional ram preventers must be used in the BOP stack. Rams designed 
to close when no pipe is in the hole are called blind rams. Blind rams will flatten drillpipe if inadvertently closed 
with the drillstring in the hole but will not stop the flow from the well. Shear rams are blind rams designed to shear 
the drillstring when closed. This will cause the drillstring to drop in the hole and will stop flow from the well. 
Shear rams are closed on pipe only when all pipe rams and annular preventers have failed or, in the case of off- 
shore drilling, when an emergency dictates that the drilling vessel must abandon the location. In that case, the 
blind ram is intentionally activated, and an emergency disconnection is made. This operation will be described 
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Fig. 1.32—Double ram preventer (© Cameron 2006). 


later in Section 1.6. Ram preventers are available for working pressures of 2,000, 5,000, 10,000, and 15,000 psig 
(14,000, 35,000, 70,000, 100,000 kPa). 

Annular preventers, sometimes called bag-type preventers, stop flow from the well using a ring of synthetic 
rubber that contracts around the pipe, preventing fluid passage and sealing the annulus. The rubber packing con- 
forms to the shape of the pipe in the hole. Most annular preventers also will close an open hole if necessary. A 
cross section of one type of annular preventer is shown in Fig. 1.33. Annular preventers are available for working 
pressures of 2,000, 5,000, and 10,000 psig (14,000, 35,000, 70,000 kPa). 

Both ram and annular BOPs are closed hydraulically. In addition, the ram preventers have a screw-type locking 
device that can be used to close the preventer if the hydraulic system fails. The annular preventers are designed so 
that once the rubber element contacts the drillstring, the well pressure helps to hold the preventer closed. 

Modern hydraulic systems used for closing BOPs are high-pressure fluid accumulators similar to those devel- 
oped for aircraft fluid-control systems. The accumulator is capable of supplying sufficient high-pressure fluid to 
close all of the units in the BOP stack at least once and still have a reserve. Accumulators with fluid capacities of 
40, 80, or 120 gal (0.15, 0.30, or 0.45 m°) and maximum operating pressures of 1,500 or 3,000 psig (10,000 or 
20,000 kPa) are common. The accumulator is maintained by a small pump at all times, so the operator has the 
ability to close the well immediately, independent of normal rig power. For safety, standby accumulator pumps 
are maintained that use a secondary power source. 

The accumulator is equipped with a pressure-regulating system. The ability to vary the closing pressure on the 
preventers is important when it is necessary to strip pipe into the hole. Stripping the pipe means moving the pipe 
with the preventer closed. A pipe may be stripped either into or out of the well. If a kick is taken during a trip, it 
is best to strip back to bottom to allow efficient circulation of the formation fluids from the well. The application 
of too much closing pressure to the preventer during stripping operations causes rapid wear of the sealing element. 
The usual procedure is to reduce the hydraulic closing pressure during stripping operations until there is a slight 
leakage of well fluid. 

Stripping is accomplished most easily using the annular preventer. However, when the surface well pressure is 
too great, stripping must be done using two pipe ram preventers placed far enough apart for external-upset tool 
joints to fit between them. The upper and lower rams must be closed and opened alternately as the tool joints are 
lowered through. 

Space between ram preventers used for stripping operations is provided by a drilling spool. Drilling spools also 
are used to permit attachment of high-pressure flowlines to a given point in the stack. These high-pressure flow- 
lines make it possible to pump into the annulus or release fluid from the annulus with the BOP closed. A conduit 
used to pump into the annulus is called a kill line. Conduits used to release fluid from the annulus may include a 
chokeline, a diverter line, or simply a flowline. All drilling spools must have a large enough bore to permit the next 
string of casing to be put in place without removing the BOP stack. 

The BOP stack is attached to the casing using a casing head. The casing head is welded or connected to the first 
string of casing cemented in the well. It must provide a pressure seal for subsequent casing strings placed in the 
well. Also, outlets are provided on the casing head to release any pressure that might accumulate between casing 
strings. 

The control panel for operating the BOP stack usually is placed on the derrick floor for easy access by the 
driller. The controls should be marked clearly and identifiably with the BOP stack arrangement used. Modern and 
safer rigs will have at least one other control panel located far from the rig floor. This panel will be used in case it 
is necessary, for safety reasons, to evacuate personnel from the rig floor. 

The arrangement of the BOP stack varies considerably. The arrangement used depends on the magnitude of 
formation pressures in the area and on the type of well-control procedures used by the operator. API presents 
several recommended arrangements of BOP stacks, including Spec. 16A (2004), Spec. 16C (1993), and Spec. 16D 
(2004). Fig. 1.34 shows two typical BOP stack arrangements, showing several types of rams, annular preventers, 
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Fig. 1.33—Annular preventer. Courtesy of National Oilwell Varco. 
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Fig. 1.34—BOP stack arrangements. 


drilling spools, and flowlines. In some cases, it may be desirable to conduct drilling operations with surface pres- 
sure on the annulus. A rotating head, which seals around the kelly at the top of the BOP stack, must be used when 
this is done. Rotating heads most commonly are employed when air or gas is used as a drilling fluid. 

When the drillstring is in the hole, the BOP stack can be used to stop only the flow from the annulus. Several 
additional valves can be used to prevent flow from inside the drillstring. These valves include kelly cocks (i.e., 
valves inside the kelly) and inside BOPs. Generally, an upper kelly cock having left-hand threads is placed above 
the kelly, and a lower kelly cock having right-hand threads is placed below the kelly. The lower kelly cock also is 
called a drillstem valve. Two kelly cocks are required because the lower position might not be accessible in an 
emergency if the drillstring is stuck in the hole with the kelly down. 

An inside BOP is a valve that can be placed in the drillstring if the well begins flowing during tripping opera- 
tions. Inside BOPs can use a ball valve or dart-type valve (check valve), as shown in Fig. 1.35. An inside BOP 
should be placed in the drillstring before drillpipe is stripped back in the hole because it will permit mud to be 
pumped down the drillstring after reaching the bottom of the well. Inside BOPs are installed when needed by 
screwing into the top of an open drillstring with the valve or dart in the open position. Once the BOP is installed, 
the valve can be closed or the dart released. 
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Fig. 1.35—Inside BOP with dart-type valve (National Oilwell Varco 2010b). 


A high-pressure circulating system is used for well-control operations. The kick normally is circulated from the 
well through an adjustable choke. The adjustable choke is controlled from a remote panel on the rig floor. Suffi- 
cient pressure must be held against the well by the choke so that the bottomhole pressure in the well is maintained 
slightly above the formation pressure. Otherwise, formation fluids would continue to enter the well. 

Mechanical stresses on the emergency high-pressure flow system can be quite severe when handling a kick. The 
rapid release of large volumes of fluid through the surface piping frequently is accompanied by extreme vibra- 
tional stresses. Thus, care should be taken to use the strongest available pipe and to anchor all lines securely 
against reaction thrust. Also, some flexibility in the piping to and from the wellhead is required. The weight of all 
valves and fittings should be supported on structural members so that bending stresses are not created in the pip- 
ing. Because of fluid abrasion, the number of bends should be minimized. The bends required should be sweep- 
turn bends rather than sharp “L” turns, or should have an abrasion-resistant target at the point of fluid impingement 
in the bend. 

API has several recommended choke manifold arrangements for 2,000-, 3,000-, 5,000-, 10,000-, and 15,000- 
psig (14,000, 21,000, 34,000, 69,000, and 100,000 kPa) working pressure systems (Spec. 16C 1993). In addition 
to these recommendations, well operators have developed many other, optional designs. 


1.5.6 Well-Monitoring System. An optimal drilling operation requires close control over a number of parame- 
ters. Even though the drilling program may have recommendations related to drilling parameters, it is mandatory 
that rig personnel (e.g., driller, drilling supervisor, drilling and mud engineer) keep track of the operation develop- 
ment at all times in order to make necessary adjustments and to quickly detect and correct drilling problems. 

A modern rig will have devices that display and simultaneously record most of the important parameters related 
to the drilling operation. Parameters that cannot be determined automatically, such as mud properties, will be 
measured, recorded, and controlled constantly as well. Some of the most important parameters include 


Well depth 

Weight on bit 
Rotary speed 
Rotary torque 
Pump pressure 
Pump rate 
Fluid-flow rate 
Flow return 

Rate of penetration 
Hookload 

Fluid properties (e.g., density, temperature, viscosity, gas and sand content, salinity, solids content) 
Pit level 


Monitoring of these important parameters, together with reliable historical records of previous similar opera- 
tions, will assist the driller in predicting and detecting possible drilling problems. Monitoring the mud system is 
an important task that must be fulfilled to maintain well control. The mud gives warning signs and indications of 
kicks that can be used to reduce the severity of the kicks by early detection, avoiding a large influx of gas into the 
wellbore. Additionally, if the system is properly monitored, other drilling problems such as lost circulation can be 
minimized. 
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Moreover, good records of various aspects of the drilling operation also can aid geological, engineering, and 
supervisory personnel. Today, modern rigs carry centralized well-monitoring systems that can be housed in the 
engineer’s office and/or in the geologist’s office at the rigsite. Besides, if desired, advancements in satellite com- 
munications allow installation of monitoring systems in places far from the rigsite. 

These monitoring units provide detailed information about the formation being drilled and the fluids being 
circulated to the surface in the mud, and they centralize the record keeping of drilling parameters. The mud logger 
carefully inspects rock cuttings taken from the shale shaker at regular intervals and maintains a log describing 
their appearance. Additional cuttings are labeled according to their depth and are saved for further study by the 
paleontologist. The identification of the microfossils present in the cuttings assists the geologist in correlating the 
formations being drilled. Gas samples removed from the mud are analyzed by the mud logger using a gas chro- 
matograph. The presence of a hydrocarbon reservoir often can be detected by this type of analysis. 

With the development of downhole tools specially designed for well inclination and direction control, opera- 
tions in directional wells became much more efficient. These tools are run together with the BHA and will con- 
stantly send information to surface regarding the position of the well. Measurement-while-drilling (MWD) tools 
normally use a mud pulser that sends information to the surface by means of coded pressure pulses in the drilling 
fluid contained in the drillstring. Chapter 8 provides information on MWD equipment. 


1.6 Marine Drilling 

Drilling wells offshore, from a floating vessel, requires special equipment and procedures. Even though the drill- 
ing operation itself is similar to onshore drilling, special equipment is required to hold the vessel on location over 
the borehole and to compensate for the vertical, lateral, and tilting movements caused by wave action against the 
vessel. 

In the past, most floating vessels were held on location by anchors. However, to anchor a drillship or a semisub- 
mersible in deep water using conventional anchors and cables or chains is virtually impossible. Consider an opera- 
tion at a water depth of 2000 m (6,560 ft). The cables or chains connecting the anchor with the vessel would have to 
be huge in order to support the large tensions. Consequently, the vessel space required to store the cables must also 
be very large. Further, the operation to position the anchors would be very difficult, probably unfeasible. Even 
though there are some reports (Maksoud 2002) of deepwater mooring, this was achieved with special cables made 
of polyester and a mooring system that used a special suction anchor system. This system needs the support of other 
boats to handle the anchors and cables. On the other hand, a dynamically positioned drillship can move to the loca- 
tion and get positioned using only its own equipment; no additional support is needed. 

Conventional anchored vessels are limited to just a few hundred meters of water depth. When the ocean bottom 
is too hard for conventional anchors, anchor piles are driven or cemented in boreholes in the ocean floor. The ves- 
sel is moored facing the direction from which the most severe weather is anticipated. Certain drillships are de- 
signed to be moored from a central turret containing the drilling rig. In this case, the ship will rotate about the 
turret so that it always faces incoming waves. Most mooring systems are designed to restrict horizontal vessel 
movement to approximately 10% of the water depth for the most severe weather conditions; however, horizontal 
movement can be restricted to approximately 3% of the water depth for the weather conditions experienced 95% 
of the time. As many as 12 anchors are used in a mooring system. For anchored vessels, motion problems are more 
severe for drillships than for semisubmersibles. However, drillships usually are easily operated and can be moved 
rapidly from one location to the next. 

For deep and ultradeep water, where anchoring systems are not feasible, an anchorless system was developed. 
In this case, the vessel has large thrusters (Fig. 1.36), units capable of holding the drilling vessel on location 
without anchors. This system is called dynamic positioning (DP), and it works to counteract the forces to which 
the drilling vessel is subjected while on location. The wind, waves, and maritime currents will tend to displace the 
vessel from its station. Sensors at the vessel detect these actions and require the thrusters to counteract the forces 
accurately. The entire system is controlled by two independent computer systems. In addition, manual position 
and heading control is also available. Table 1.3 shows the classification of DP systems according to standards 
established by the International Maritime Organization (IMO). Fig. 1.37 shows a DP control room, and Fig. 1.38 
shows a diagram of the basic elements of a DP system. 

Even though DP systems are designed mainly for use in water depths in excess of 700 m (2,300 ft), there are 
cases in which DP vessels (semisubmersibles or drillships) have been used in lesser depths due to their practical- 
ity and time-saving capability. 

A special derrick design must be used for drillships because of the tilting motion caused by wave action. The 
derrick of a drillship often is designed to withstand as much as a 20° tilt with a full load of drillpipes standing in 
the derrick. Also, special pipe-handling equipment is necessary to permit tripping operations to be made safely 
during rough weather. This equipment permits drillpipe to be laid down quickly on a pipe rack in doubles or 
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Fig. 1.36—Thruster with controllable-pitch propeller (Thrustmaster of Texas 2010). 


TABLE 1.3—IMO DP CLASSIFICATION [after MSC/Circ. 645 (1994)] 
Reproduced courtesy of the International Maritime Organization 


IMO DP Class Description 


Class 1 Automatic and manual position and heading control under specified maximum environmental 
conditions. 

Class 2 Automatic and manual position and heading control under specified maximum environmental 
conditions, during and following any single fault excluding loss of a compartment. (Two 
independent computer systems.) 

Class 3 Automatic and manual position and heading control under specified maximum environmental 
conditions, during and following any single fault including loss of a compartment due to fire or 
flood. (At least two independent computer systems with a separate backup system.) 


Fig. 1.37—DP control room. Courtesy of Keith Wyatt, Converteam. 


triples rather than supported in the derrick. A block guide track also is used to prevent the traveling block from 
swinging in rough weather. 

Normally, in marine operations from floating vessels, the wellhead and BOPs are placed at the seafloor. A marine 
riser conducts the drilling fluid from the ocean floor to the drilling vessel. A flex joint at the bottom of the marine 
riser allows lateral movement of the vessel. The vertical movement of the vessel is allowed by a slip joint placed 
at the top of the marine riser. The riser is secured to the vessel by a pneumatic tensioning system. To reduce tension 
requirements in long and heavy riser strings, buoyant sections made of light material are added to the riser system. 
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Fig. 1.38—The elements of a DP system (IMCA 2003). Courtesy of the International Marine Contractor Association. 


To keep the drillstring from suffering the effects of the vertical movement of the vessel and to keep the weight 
on bit constant, types of surface-motion-compensating equipment called heave compensators have been devel- 
oped. A constant hookload is maintained through use of a pneumatic tensioning device on the traveling block. 

As mentioned before, the BOP stack for a floating drilling operation normally is placed on the ocean floor below 
the marine riser. However, in recent years, alternatively, a system with a slim high-pressure riser system and a 
surface BOP has been developed. Even though a subsea BOP could be considered the standard drilling procedure, 
a number of wells (DeLuca 2005) have been drilled lately using surface BOPs. 

The subsea BOP ensures that the well can be closed even in severe weather, such as a hurricane. In such extreme 
conditions, the BOP can be closed and the marine riser disconnected from the top of the BOP system, allowing 
the vessel to go to a safer place. Later, when weather conditions get back to normal, the vessel returns to the loca- 
tion and the riser is reconnected to the BOP so that the operation can resume. If the drillstring is in the well and 
an emergency disconnection is necessary, the BOP’s shear ram is used to cut off the drillpipe. Then, the BOP’s 
blind ram also is closed, keeping the well shut. Later, after the reconnection, the portion of the drillstring remain- 
ing in the well can be fished (special tools are used to retrieve the original drillpipe), the damaged pipe substituted, 
and the operation resumed. 

Another feature of the subsea system is that identical hydraulically operated connectors often are used above 
and below the BOP stack. This makes it possible to add on an additional BOP stack above the existing one in an 
emergency. 

Offshore drilling operations differ from onshore drilling in various aspects, including well spud-in (initiating a 
well), in which the differences in equipment and operating procedures are considerable. For drilling operations 
from floating vessels, this difference is even more significant. Various schemes have been developed for offshore 
well spud-in. To illustrate those differences, let us analyze initial drilling operations for a shallow-water well 
drilled from a jackup rig and a deepwater well drilled from a floating DP vessel. Note that the sequence of opera- 
tions presented for both cases does not represent the only possible way to initiate a well because these operations 
can vary depending on the type of rig and equipment used. 

In a jackup rig, the first section may be drilled using, for example, a 26-in. bit coupled with a 36-in. hole opener. 
This first section normally is not long, and when concluded, a 30-in. conductor is run into the well and cemented. 
The 30-in. conductor (Fig. 1.39) has an internal profile that allows support, at mudline, for the next casing, nor- 
mally a 20-in. surface casing. Alternatively, the conductor could be jetted instead of cemented. In the case of jet- 
ting, the initial well section is drilled by the action of water jets positioned at the lower end of the conductor. When 
the planned depth is reached, the conductor is already in place. 
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Fig. 1.39—MLH Mud Line Suspension System (photo courtesy of GE Oil & Gas). 


After this first phase is concluded, the conductor is cut below the rotary table, and the first wellhead and a di- 
verter is installed at its top so that the drilling operation can resume. The next section is drilled using, for example, 
a 26-in. bit, and afterward a 20-in. casing will be run and cemented. Note that this casing has its weight supported 
by the 30-in. conductor at mudline, avoiding unnecessary loads to the rig. 

The 20-in. casing, when cemented in place, also is cut below the rotary table, allowing a wellhead and BOP to 
be installed on its top. After that, drilling operation resumes, with each section being drilled and its associated 
casing being run and cemented in a similar fashion. Normally, the first low-pressure BOP, installed on top of the 
20-in. casing, is changed after the next casing is run, so that high-pressure safety equipment can be installed. Note 
that, because all safety and wellhead equipment is installed at surface, subsequent operations are quite similar to 
onshore drilling. 

When drilling from a floating vessel, normally the wellhead and BOPs are installed close to seafloor and are 
called a subsea system. There are many different wellhead and subsea BOP configurations. One type of design, 
which has been in use since the early 1980s, involves the installation at seafloor of two guide bases. The first one, 
called the temporary guide base, is a heavy steel structure with an opening in the center and four cables, called 
guidelines, surrounding the central hole and extending back to the vessel, where a constant tension is maintained 
in the cables. 

With the temporary base in position, a drillstring with the first drill bit is lowered to the seafloor, and the first 
section of the well is drilled. Commonly, a remotely operated vehicle (ROV) is used to monitor the operation. The 
ROV has a camera that transmits the view of the action to a monitoring station located at surface on the drilling 
vessel. 

After conclusion of drilling, the first casing is run into the well with the permanent guide base attached to its 
top, and, as the casing is placed in position, the permanent guide base is landed on the temporary base (Fig. 1.40). 

After the first well section is concluded, a second section is drilled, also without a BOP system. 
A marine riser may be installed in the wellhead housing of the previous casing; if so, a diverter system is installed 
at surface to deal with the possible hazards associated with drilling into shallow gas zones. This will allow forma- 
tion fluids to be diverted away from the rig in an emergency. 

After drilling, the conductor casing is lowered into the hole with a high-pressure subsea wellhead housing at- 
tached to its top. The wellhead housing internal profile (see Fig. 1.40) is designed to receive subsequent casing 
strings. The BOP stack is lowered and latched into the top of the wellhead, and the marine riser then can be de- 
ployed and latched into the BOP. 
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Fig. 1.40—SS10 subsea system with temporary and permanent guide base (courtesy of Dril-Quip). 


As can be seen from the above sequence of operations, well startup from a floating vessel can be very time- 
consuming, which directly affects well cost because daily rates for floating vessels tend to be especially high. This 
situation is more noticeable for deepwater drilling, where the tripping operations to install subsea equipment at 
seafloor take even longer. 

Recently, modern subsea systems and procedures were specially developed for deepwater drilling. These 
systems allow the operator, in one trip, to run the first large-bore casing and its wellhead housing and, after 
jetting it in place, to immediately start drilling the second well section without tripping back to surface. The 
sequence of operation for deepwater well spud-in is as follows (see Fig. 1.41): 


e Run the conductor and its wellhead housing and jet it in place. 

e Release the running tool and drill ahead with the bit and BHA previously connected with the running string 
and positioned inside the conductor. 

e After conclusion of drilling, retrieve the drillstring and the running tool to surface. 

e Run the next casing with the high-pressure wellhead. The casing is run with a running tool connected to the 
wellhead, and casing length is calculated so that, when the casing shoe is in place, the wellhead is landed on 
the wellhead housing. After landing the wellhead, cement the casing and then retrieve the running tool and 
running string back to surface. 

e Run the BOP with the riser already connected on its top. The BOP is then landed on the high-pressure well- 
head. 

e With the BOP and riser in place, the operation to drill the next section can be carried out. 


1.7 Drilling Cost Analysis 

Drilling is the most visible of the many faces of the oil industry and may represent up to 40% of the entire 
exploration and development costs (Cunha 2002) of a field. Drilling engineers play a major role in well planning, 
not only designing the well but also recommending efficient and safe drilling procedures for routine rig operations 
such as drilling-fluid treatment, pump operation, bit selection, drilling parameters, and casing and cement 
programs. Drilling engineers also are responsible for preparing contingency plans that will be used in case any 
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Fig. 1.41—Cam-actuated drill-ahead (CADA) tool (courtesy of Dril-Quip). 


problems are encountered during the drilling operation. This entire process, which should be carried out taking 
into consideration safety and environmental constraints and regulations, must ultimately be as efficient and inex- 
pensive as possible. 

The final cost of a well depends on many factors, but clearly good well planning represents a major step toward 
cost-efficiency. In addition, the drilling team should be attentive during well drilling to keep track of the develop- 
ment of operations and promptly act if changes are needed. In this section, we will discuss existing methods for 
drilling cost analysis as well as ways to optimize costs during drilling operations. 


1.7.1 Drilling Cost Prediction. One of the most challenging tasks for the drilling engineer is to predict well 
costs, either for a single exploration well or for a number of development wells on a drilling campaign. Normally, 
a decision about when and where a well will be drilled is made far in advance of operation startup. It is important 
for companies to have a reasonable cost estimate so that a proper budget can be prepared, with the necessary funds 
being set aside for the operation. Also, most exploration ventures are very risky, presenting a high possibility of 
resulting in “dry wells.” Because of this, it is very common in modern industry for companies to make joint ven- 
tures to explore a new area. In such cases, normally one company is responsible for the operations (the operating 
partner), while others share the costs and eventually the associated profits of the project. In this common case, the 
operator must present to the partners an authorization for expenditure (AFE) with the expected cost of drilling, 
which will allow the partners also to include those predicted expenses on their own budgets. An AFE usually in- 
cludes a provision for contingency costs, and it is expected that operators will have the necessary expertise to 
predict well costs that will not exceed 20% of the initially predicted budget. In some cases, such as the evaluation 
of a given tract of land available for lease, only an approximate cost estimate is required. In other cases, such as 
in a proposal for drilling a new well, a more detailed cost estimate is required. 

Drilling costs depend primarily on well location and well depth. External factors, such as abnormal rig market 
conditions, also may influence cost. The location of the well governs the costs of preparing the wellsite and mov- 
ing the rig to the location. Remote locations, with no roads or infrastructure, will certainly result in a higher final 
well cost. Also, a wildcat well drilled in a place far from the regions where rigs are concentrated will have a 
significant part of its costs spent on rig mobilization and demobilization. For example, an operator may have to 
pay millions of dollars just to bring a deepwater drillship from the Gulf of Mexico to the African west coast. 
Additionally, if the region does not have a developed market, all costs, including crew, boat, and helicopter rentals, 
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well-monitoring services, housing, routine maintenance, drilling-fluid treatment, and rig supervision, will be con- 
siderably higher. 

The depth of the well will govern the lithology that must be penetrated and, thus, the time required to conclude 
the well. Traditionally, oil companies have in their database a source of historical drilling/cost data presented by 
type of well, region, and well depth. In addition, there are companies that specialize in collecting drilling data 
around the world and compiling them in a database that can be used by drilling engineers when planning and 
budgeting well operations. 

Drilling costs tend to increase exponentially with depth, and it is a good policy for drilling engineers to rely on 
past data to estimate drilling time and cost for future operations. 

When enough data are available for a certain region, it is possible to assume a relationship between cost, C» 
and depth, s, as proposed in Bourgoyne (1986). 


C= Gg EXP (DiS). a e natn unin odin PEs as Ae a eb igiee E NEA EEA eA A Qe bie a pale Soe (1.16) 


where the constants a,, and b, depend primarily on the well location. 


Example 1.5—Well Cost Estimation. Fig. 1.42 presents data of depth and cost for a series of wells drilled in the 
same region. Assuming all external conditions remained the same, estimate the cost for two new wells with depths 
of 13,550 ft (4130 m) and 19,500 ft (5943 m). 

Solution. From the data in Fig. 1.42 it is possible to perform a least-squares curve fit (see Appendix) where a, 
equals USD 803,210 and b, equals 4.9x 10° ft’. Fig. 1.43 shows a cost vs. depth chart for the area and the result- 
ing exponential curve. 

Once the parameters of the curve are established, the predicted costs are easily obtained as 


C =803,210exp(4.9x 10” xs). 

For s = 13,550 ft, 

C, = 803,210 exp(4.9x 10° x 13,550) = USD 1.56 million. 
For s = 19,500 ft, 


C, =803,210 exp(4.9x 10° x 19,500) = USD 2.09 million. 


When a number of similar wells have been drilled in a region (e.g., in a development campaign in which all 
wells have approximately the same depth and casing program), prediction of future wells is simpler. Data from the 
completed wells may be used to estimate time and costs of future wells. In such a case, it is important, when an- 
alyzing the data, to keep in mind the order in which the wells were drilled, because it is well known that, keeping 
all external conditions constant, there will be a tendency to have an improved performance as the drilling cam- 
paign progresses. This improvement is part of a learning process and can be mathematically described by learning 
curves (Teplitz 1991). This useful concept can be used in many petroleum engineering processes, including pre- 
diction of drilling performance and well cost (Ikoku 1978). If enough data are available, a curve can be drawn 
relating wells drilled with drilling performance (or well cost). Then the drilling engineer can use the curve to 
predict future well costs. The learning curve can be mathematically represented by 


where C, represents the “learning curve” cost of the well or cost per foot, a,, and b, are constants, and n , repre- 
sents the well number (ordered by the first well drilled to the last) or the cumulative footage drilled. 

One problem with this formula is that well cost continues to decrease the more wells that are drilled, whereas, 
in reality, there will be a minimum cost for the ideal trouble-free well. We could devise a more complex formula, 
such as: 

Coe = Coin tan“, 


min 
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Depth*In . 
Well Depth Cost In Cost Cost (In Cost)^2 Depth^2 Cost Estimate 


1,480,500 178309.0 157502500 1,481,868 
1,482,500 178468.1 157753600 1,482,592 
1,500,000 182028.5 163840000 1,500,058 
1,490,000 184075.0 167702500 1,511,079 
1,515,000 184717.4 168480400 1,513,293 
1,513,000 184984.9 169000000 1,514,770 
1,530,000 188690.3 175562500 1,533,364 
1,560,000 196505.5 189888400 1,573,540 
1,600,000 203568.6 203062500 1,610,048 
1,650,000 204007.1 203062500 1,610,048 
1,700,000 215192.1 225000000 1,670,068 
1,800,000 237654.4 272250000 1,796,903 
1,810,000 238898.5 274896400 1,803,932 
1,850,000 245321.8 289000000 1,841,287 
1,840,000 248691.8 297217600 1,862,979 
1,950,000 260700.1 324000000 1,933,370 
1,960,000 263689.9 331240000 1,952,332 
1,900,000 263124.0 331240000 1,952,332 
2,020,000 272223.9 351562500 2,005,443 
Totals 287840 272.38 4130851 3904.94 4452261400 
avg(InCost) 14.34 
beta’ 4.9E-05 a=exp(beta0) 803,210 
beta0 13.60 b=beta1 4.9E-05 


Fig. 1.42—Spreadsheet calculation of “least squares” fit. 


which has the proper behavior for large n „ but at a higher computational cost. A simpler approach would take the 
last wells drilled and calculate their average cost and the standard deviation. The average + twice the standard 
deviation should give the approximate cost range for 95% of the remaining wells. If the standard deviation is high, 
you are still on the learning curve, and you will not be able to predict accurately the future well costs. Further, if 
you make major changes in your operations, your predictions will no longer be valid. 


Example 1.6—Statistical Well Cost Estimation. Given the table with the costs of 20 wells drilled in the same 
field with approximately the same final depth, determine the estimated costs for the next two wells to be drilled in 
the field. 

Solution. Take Wells 15 through 20 and calculate the average cost and the standard deviation. A spread- 
sheet for this calculation is given in Fig. 1.44. The average well cost is USD 2.94 million and the standard 
deviation is USD 40,000, only 1.4% of the average cost of a well in the last six wells drilled. Because there is 
not much variation in well cost, we can feel relatively confident that the next two wells will cost between USD 
2.9 and 3.0 million. Further, we are rather high on the learning curve and should not expect much more cost 
saving. 
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USD 


Cost. 


2,200,000 


2,100,000 


2,000,000 


1,900,000 


1,800,000 


1,700,000 


1,600,000 


1,500,000 


1,400,000 


12,000 


@ Well cost data 
— Exponential model 


T 
13,000 


16,000 17,000 18,000 19,000 20,000 


Depth, ft 


14,000 15,000 


Fig. 1.43—Example 1.5: well cost vs. depth. 


Cost (USD) | (C-Cavay2 


2,997,800 | 3147210000 


2,932,800 79210000 


2,966,800 630010000 


2,891,800 | 2490010000 


2,957,500 249640000 


2,903,500 | 1459240000 


17,650,200 8055320000 


Average cost 2,941,700 USD 


Variance 1611064000 


Standard deviation 40,138 USD 


Minimum cost (95%) 2,861,424 USD 


Maximum cost (95%) 3,021,976 USD 


Fig. 1.44—Spreadsheet statistics for Wells 15 through 20 (Example 1.6). 
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AFE No.: 

Original #: 
Lease: Well No. Supplement #: 
Field: County: Offshore State: Louisiana 
Proposed TD: Objective: 
Legal Location: 


Budget Period: 


Code DHC to drill well to 24,000' md/tvd Dry Hole Completion 


ACP Cost (BCP) Cost (ACP) TOTAL 


ESTIMATED INTANGIBLE DRILLING COST 


Surveys and Permits 
Surface Damages 
Location 
Location Cleanup 
Rig Move (Mob & Demob.) $0 
Drilling Cost - Turnkey 
Drilling Cost - Daywork 219000 $9,789,300 $9,789,300 
Fuel/Water (Rig/Boats) $19,100 853,770 853,770 
Transportation (Boats/Air/Trucking) $1,966,800 ,966,800 
Rental Tools/Equipment/Rental Repairs 360,550 360,550 
Bits 226,880 226,880 
Drilling Mud/Chemicals/Mud Engineer $2,742,050 ,742,050 
Mud and Sample Logging 201,150 201,150 
Directional Drilling Service/Tools/Motors/Surveys 511,815 511,815 
MWD/LWD/PWD 447,000 447,000 
Cement and Cementing Services 668,500 668,500 
Casing Crews and Tools 450,000 450,000 
Fishing Operations $50,000 $50,000 
Logging - Open Hole 

Completion Rig Cost 

Perforating, Cased Hole Logging TCP, CBL 
Acidizing and Fracturing (frac pack) 

Sand Control GP 

Testing, BHP Surveys, Etc. 

Completion Fluid and Filtering 

Contract Labor $1,501 $1,500 
Rig Supervisor+Drilling Engr.+Opers. Geol. 268,200 268,200 
Dock/Dispatcher/Communication/Catering 248,085 248,085 
P&A/T&A 0 0 
Pipe Inspection 130,000 130,000 
Overhead 547,870 547,870 
Insurance/Taxes 0 0 
Misc. (Disposal/Boat Cleaning/ROV/True Training/Other) 892,950 892,950 
Contingencies 561,567 561,567 
TOTAL INTANGIBLES 917,986 ,917,986 
ESTIMATED TANGIBLE COSTS 
Drive Pipe 36 $200.00 $73,730 $73,730 
Conductor 20 $71.40 253,120 253,120 
Surface Casing 16 $71.00 215,130 215,130 
ntermediate Casing 135/8 $60.41 625,395 625,395 
Drilling Liner 95/8 $36.56 $0 


Production Liner 
Production Casing 
Production Tubing 


Casing Equipment/Service/Contingencies 

Wellhead Equipment/MLS Equip. 

Subsurface Production Equipment (Packers & SCSSV & GP) 
Pumping Unit and Installation 

Rods and Downhole Pump 

Tank Batteries 

Separators, Heaters, Dehydrator, etc. 

Flow Lines, Fittings and Connections 

Caisson and/or Protective Structure 

Labor - Production Equipment 

Contingencies $2,000 $2,000 
TOTAL TANGIBLES $1,949,375 $1,949,375 


TOTAL DRILLING AND COMPLETION COSTS $22,867,361 $0 $22,867,361 
PERCENT WORKING INTEREST 100.0000% 100.0000% 100.0000% 


TOTAL WORKING INTEREST WELL COST $22,867,361 $0 $22,867,361 


Fig. 1.45—AFE for an offshore well in the Gulf of Mexico. 


Normally, when accurate drilling-cost prediction is needed, a cost analysis based on a detailed well plan must 
be made. The cost of tangible well equipment (such as casing) and the cost of preparing the surface location usu- 
ally can be predicted accurately. Also, the cost per day of the drilling operations can be estimated from consider- 
ations of rig rental costs, other equipment rentals, transportation costs, rig supervision costs, and others. The time 
required to drill and complete the well is estimated on the basis of rig-up time, drilling time, trip time, casing 
placement time, formation evaluation and borehole survey time, completion time, and trouble time. Trouble time 
includes time spent on hole problems such as stuck pipe, well-control operations, and formation fracture. Major 
time expenditures always are required for drilling and tripping operations. 
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DEEPWATER WELL 


TABLE 1.4—TIME DISTRIBUTION FOR GULF OF MEXICO 


Operation Description 


Normal operation (except drilling) 
Drilling 

Lost time—operation problems 

Lost time—service company equipment 
Lost time—rig equipment 
Weather-related problems 

Plugging and abandoning 

Rig moving, positioning 

Total 


Days Percentage 
44.40 37 
34.80 29 
14.40 12 
3.60 3 
3.60 3 
9.60 8 
3.60 3 
6.00 5 
120.00 100 


5% 


3% 


3% 


12% 


Normal operation (except drilling) 


E Drilling 


O Lost time—operation problems 

O Lost time—service company equipment 
E Lost time—rig equipment 
 Weather-related problems 

EŒ Plugging and abandoning 

E Rig moving, positioning 


29% 


Fig. 1.46—Time distribution for the Gulf of Mexico deepwater well referenced in Table 1.4. 


Engine Speed (rev/min) Torque (ft-lbf) 
1,200 1,400 
1,000 1,550 
800 1,650 
600 1,700 


Fuel Consumption (gal/hr) 


25.3 
19.7 
15.7 
12.1 


After gathering all information, the drilling engineer is then equipped to prepare the AFE. AFEs vary signifi- 
cantly in format and amount of information contained. Normally, each company will have its own customized 
AFE form. An example of an AFE for an offshore well in the Gulf of Mexico is shown in Fig. 1.45. The provision 
of an extra percentage of the total predicted cost for “Contingencies” is customary. This amount is set aside for 
costs related to unexpected drilling problems such as mud contamination, lost circulation, stuck drillstring, broken 
drillstring, or ruptured casing. Also, geological uncertainties are always present, and eventually a well may end up 
being deeper than originally predicted, which will increase the final well cost. As experience is gained in an area, 
more-accurate predictions of drilling time can be obtained, and consequently better AFEs can be prepared. 

In addition to predicting the time requirements for drilling and tripping operations, time requirements for other 
planned drilling operations also must be estimated. These additional drilling operations usually can be broken into 


the general categories of 
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Wellsite preparation 

Rig movement and rigging up 

Formation evaluation and borehole surveys 
Casing placement 

Well completion 

Drilling problems 


The cost associated with wellsite preparation and moving the rig on location depends primarily on the terrain, 
the distance of the move, and the type of rig used. The cost of formation evaluation depends on the number and 
cost of the logs and tests scheduled plus rig time required to condition the drilling fluid and run the logs and tests. 
The time required to run, cement, and test casing depends primarily on the number of casing strings, casing 
depths, diameters, and weights per foot. These costs also must include the rig time required for running and ce- 
menting the casing strings, rigging up the surface equipment for each casing size, and perhaps changing the drill- 
pipe or drill collar sizes to accommodate the new hole size. The cost of completing the well depends on the type 
of completion used, and this cost estimate is often made by the completion/production engineer. 

On many wells, a large portion of the well cost may be related to unexpected drilling problems such as mud 
contamination, lost circulation, stuck drillstring, broken drillstring, or ruptured casing. These unforeseen costs 
cannot be predicted with accuracy and, in some cases, are not included in the original cost estimate. Requests for 
additional funds then must be submitted whenever a significant problem is encountered. However, long-range 
economic decisions concerning a drilling program in a given area should include average well costs due to drilling 
problems. Table 1.4 shows an actual time distribution for operations in a deepwater well in the Gulf of Mexico. 
Fig. 1.46 is the graphical representation of the operation time distribution for the same well. 


Problems 


1.1 What are the major differences between percussion drilling and the modern rotary-drilling process? 

1.2 List the classification of wells according to their objective, trajectory, and environment. 

1.3 List the main types of rotary-drilling rigs for onshore and offshore environments. 

1.4 What are the main systems present in a drilling rig? 

1.5 The following test data were obtained on a diesel engine. 

(a) Compute the brake horsepower at each engine speed. 
Answer: 319.9, 295.1, 251.3, and 194.2 hp. 
(b) Compute the overall engine efficiency at each engine speed. 
Answer: 0.235, 0.278, 0.297, and 0.298. 
(c) Compute the fuel consumption in gallons/day for an average engine speed of 800 rev/min and a 
12-hour workday. 
Answer: 188.4 gal/D. 

1.6 An intermediate casing string is to be cemented in place at a depth of 10,000 ft. The well contains 10.5 Ibm/ 
gal mud when the casing string is placed on bottom. The cementing operation is designed so that the 
10.5-Ibm/gal mud will be displaced from the annulus by (1) 300 ft of 8.5 Ibm/gal mud flush, (2) 1,700 ft of 
12.7 Ibm/gal filler cement, and (3) 1,000 ft of 16.7 lbm/gal high-strength cement. The high-strength cement 
will be displaced from the casing with 9-lbm/gal brine. Calculate the pump pressure required to completely 
displace the cement from the casing. 

Answer: The complex well fluid system is illustrated in Fig. 1.47. The hydrostatic pressure balance is 
written by starting at the known pressure and moving through the various fluid sections to the point of the 
unknown pressure. When moving down through a section, AZ is positive, and the change in hydrostatic 
pressure is added to the known pressure; conversely, when moving up through a section, AZ is negative, 
and the change in hydrostatic pressure is subtracted from the known pressure. 


AP, = 0.05195(10.5 lbm/gal)(7,000 ft) = 3,818 psig 
AP, =0.05195(8.5 Ibm/gal)(300 ft) = 132 psig 

AP, =0.05195(12.7 Ibm/gal)(1,700 ft) = 1,122 psig 
AP, = 0.05195(16.7 lbm/gal)(1,000 ft) = 868 psig 


AP, = 0.05195(9 Ibm/gal)(—10,000 ft) = —-4,676 psig 
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1.7 


Pump pressure 


Atmospheric pressure 


9-Ibm/gal 
brine 4 


300 ft 


12.7-Ibmigal 


emer 1,700 ft 
16.7-Ibm/gal 
cement 1,000 ft 
a 


Fig. 1.47—Complex well fluid system. 


Pump pressure = XAP, = 1,264 psig. 

A very simple drilling cost formula (Bourgoyne 1986) to evaluate the efficiency of a bit run can be writ- 
ten by associating the depth interval drilled during the bit run, As, the rotating time during the bit run, 
t „„ the nonrotating time during the bit run, t „„ and the trip time, t, This drilling formula is 


= Coit + Cig (to t T + by ) 
i As 


> 


where C, is the drilling cost per unit depth, C,, is the bit cost, and C, is the fixed operating cost of the 
rig per unit time, independent of the alternatives being evaluated. The nonrotating time fr, is the time to 
connect new pipes to the drillstring as drilling progresses. On the basis of the information provided 
above, solve the following: 

A recommended bit program is being prepared for a new well using bit-performance records from 
nearby wells. Drilling-performance records for three bits are shown for a thick limestone formation at 
9,000 ft. Determine which bit gives the lowest drilling cost if the operating cost of the rig is USD 2,300/ 
hr, the trip time is 7 hours, and the connection time is 2 minutes per connection. Assume that each of the 
bits is operated at near the minimum cost per foot attainable for that bit. 


Bit Cost Rotating Time Connection Time Mean Penetration 
Bit (USD) (hours) (hours) Rate (ft/hr) 
A 800 14.8 0.1 13.8 
B 4,900 57.7 0.4 12.6 
Cc 4,500 95.8 0.5 10.2 


Answer: For Bit A, the cost per foot is: 


_ 800+ 400(14.8+0.1+7) 
r 13.8(14.8) 


C, = 46.8 USD/ft 


Similarly for Bit B: 


1.8 


_ 4,900 + 400(57.7+0.4+7) _ 


Cp, 42.6 USD/ft 
12.6(57.7) 
Finally, for Bit C: 
4,500 + 400(95.8 +0.5+7 
go ) _ 46.9 USD/ft 


í 10.2(95.8) 


Bit B with a cost of 42.6 USD per ft. 
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Solve the problem presented in Example 1.2 (Section 1.5.2, “Hoisting System”) assuming the well is 14,880 


ft deep and the drilling fluid has a density of 12 Ibm/gal. In addition, assume that the BHA is composed of 
eight stands of 7x3-in. drill collars. All other variables remain the same. 


List the main parameters that should be controlled and measured by the well-monitoring system while 


drilling a well. 


Explain the main characteristics of a DP system. 
Repeat what was done in Example 1.7 (Section 1.7.1 “Drilling Cost Prediction”) using the following 
tables: 
Well Order Cost (USD) 
1 26,385,420 
2 27,895,500 
3 26,430,250 
4 24,355,400 
5 23,215,560 
6 22,450,090 
7 20,345,600 
8 21,095,600 
9 19,455,900 
10 19,600,080 
11 19,155,400 
12 18,890,900 
13 18,750,000 
14 18,930,080 
15 18,345,890 
Well Order Cost (USD) 
1 17,895,040 
2 15,935,400 
3 16,890,900 
4 15,455,090 
5 14,999,890 
6 14,750,980 
7 14,020,760 
8 13,987,650 
9 14,230,890 
10 13,678,650 
11 13,545,780 


Use Wells 10-15 for the first table and Wells 7—11 for the second table. What cost range should be 
expected, everything else being equal? What does the standard deviation tell you about the learning curve? 


50 Fundamentals of Drilling Engineering 


Answer for the First Table: The average well cost is USD 18.9 million. Well cost should vary between 
approximately USD 19.1 million and USD 18.1 million. The standard deviation is approximately USD 
418,000, which is approximately 2.2% of the average total cost. We should not expect much cost 
improvement. 

Answer for the Second Table: The average well cost is USD 13.9 million. Well cost should vary between 
USD 13.3 million and USD 14.4 million. The standard deviation is USD 277,000, or approximately 2.0% of 
the average total cost. Again, we should not expect much cost improvement. 


Nomenclature 


a, = constant used in curve-fitting drilling cost vs. depth, USD 

a, = constant used in “learning curve” drilling cost, USD 

b, = constant used in curve-fitting drilling cost vs. depth, (1/L), 1/ft (1/m) 
b, = constant used in “learning curve” drilling cost, dimensionless 

Ci estimated cost from curve-fitting drilling cost vs. depth, USD 

C 


= bit cost, USD 
C, = drilling cost per unit depth for bit run, USD/ft (USD/m) 
C, = estimated well cost based on “learning curve” concepts, USD 
C minimum possible cost to drill a well, USD 
= fixed operating cost of rig per unit time, USD/day 
= diameter of liner in duplex pump, (L), in. (cm) 
= diameter of rod in duplex pump, (L), in. (cm) 
d | = diameter of liner in triplex pump, (L), in. (cm) 
F, = force on derrick, (mL/t’), Ibf (N) 
= force in fast line, (mL/t?), 1bf (N) 

= force in static line (dead line), (mL/t?), lbf (N) 
= force (weight) carried by the traveling block, (mL/t’), lbf (N) 
g = gravity constant, (L/t’), lbf/lbm, (m/s?) 
H = heating value of fuel, (L7/t?), Btu/Ibm (kJ/kg) 
K = friction factor, dimensionless 

stroke length on duplex pump, (L), in. (cm) 
= stroke length on triplex pump, (L), in.( cm) 


MA,, = real mechanical advantage of block-and-tackle system, dimensionless 
MA,, = ideal mechanical advantage of frictionless system, dimensionless 
my = mass rate of fuel consumption, (m/t), lbm/min (kg/s) 
N = number of data points in statistical analysis, dimensionless 
N, number of lines strung in block-and-tackle system, dimensionless 
N,, = number of rolling sheaves (normally, N,, = N,) in block-and-tackle system, dimensionless 
N, number of lines strung between crown block and traveling block, dimensionless 
n, = well number (e.g., n = 10 means well number 10) 
Po shaft power, (m?L/t*), hp (kW) 
P, = output power (hook power) of block-and-tackle system, (m?L/t*), hp (kW) 
P„ = hydraulic power of a pump, (m’L/t’), hp (kW) 
P,, = input power to block-and-tackle system, (m°L/t’), hp (kW) 
Q heat input from fuel consumption, (m?L/t*), hp (kW) 


s = measured depth, (L), ft (m) 

s. = initial drilled depth of bit run, (L), ft (m) 

= nonrotating time (e.g., the time to connect new pipes to the drillstring) 
rotating time during the bit run 

s = average time required to handle one stand of drillpipe during tripping operations 
= time of tripping operations required to change bit 

T = torque, (m’L/t’), ft-lbf (Nm) 
= volume per stroke of back stroke of duplex pump, (L°), bbl/stroke (m°) 

= total volume per stroke of a duplex pump, (L°), bbl/stroke (m°) 

= volume per forward stroke of duplex pump, (L°), bbl/stroke (m°) 

= volume per stroke of single cylinder of a triplex pump, (L°), bbl/stroke (m°) 

= total volume per stroke of a triplex pump, (L°), bbl/stroke (m°) 
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Vv, velocity of traveling block, (L/s), ft/s (m/s) 
v = velocity of fast line, (L/s) , ft/s (m/s) 
{x,,y,} = ith pair of numbers in a data set 
x average value of X, i=1..N 
y average value of y, i=1..N 
Z true vertical depth, (L), ft (m) 
BB, coefficients for best straight line fit to data {x,,y,}, i=1..N 
Ap pressure change, (L/m-t”), psi (bar) 
As = change in measured depth, (L), ft (m) 
AZ = change in true vertical depth, (L), ft (m) 
p = density, (m/L’), ppg, (kg/m?) 
N, =  block-and-tackle efficiency, dimensionless 
1, = shaft power efficiency, dimensionless 
la = volumetric efficiency of a duplex pump, dimensionless 
ia = volumetric efficiency of a triplex pump, dimensionless 
@ = angle of wellbore with the vertical, dimensionless, degrees (rad) 
@® = angular velocity, (1/t) 
Subscripts 
bt = block-and-tackle 
bti = deal block-and-tackle 
d derrick 
dc drilling cost estimate 
dl dead line 
dp duplex pump 
dpl duplex pump liner 
dbs duplex pump backward stroke 
dfs = duplex pump forward stroke 
dpr duplex pump rod 
dst duplex pump stroke 
f fuel 
fl fast line 
h hook 
H hydraulic 
lc learning curve 
min minimum 
r rig 
sp shaft power 
tb traveling block 
tp triplex pump 
tpl triplex pump liner 
tst triplex pump stroke 
w = well 


Abbreviations 


AC alternating current 

AFE authorization for expenditure 
API American Petroleum Institute 
BHA bottomhole assembly 

BOP blowout preventer 

DC direct current 

DP dynamic positioning 

EEIPS | extra extra improved plow steel 
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EIPS extra improved plow steel 
IMO International Maritime Organization 
IPS improved plow steel 


IWRC | independent wire rope core 
MPS mild plow steel 
MWD measurement while drilling 


PS plow steel 

ROV remotely operated vehicle 

SCR silicon-controlled rectifier 

TLP tension-leg platform 
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Appendix—Simple Statistics and Least-Squares Fit 
Given a set of N data pairs {x,,y,}, the following formula, from Zwillinger (1996), gives the “best” fit to this data: 


VSP PM. iiociehigoivetiewe E iby tear he id a Gh E a E E a (A-1) 


where 


and 
By = BX 
N 
£ Vi 
y=+ a = the average value of y 
N 
Èx 
x=! =the average value of Xo. eee eee eee e eee e eee (A-3) 


The variance and the standard deviation are calculated in the following way: 


N 
(x, z xy 
Variance of x = -+= 
N-1 
Standard deviation of x= JVarianceof x, 6. eee ee eee eens (A-4) 


where y is the average value of x. 
These formulas are easy to use on a spreadsheet, or you may have a math software package or spreadsheet that 
already has them programmed. 


SI Metric Conversion Factors 


bbl x 1.589873 E-0l=m 
ft x 3.048* E-0Ol=m 
gal x 3.785412 E-03=m 
gal/hr x 3.785412 E- 03 = m’/h 
gal/min x 2.271247 E-01=m°/h 
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hp x 7.460 43 
in. x 2.54* 

in? x 1.638 706 
lbf x 4.448 222 
Ibm x 4,535 924 
mile x 1.609 344 
psi x 6.894 757 
ton-mile x 1.459 972 
US ton x 0.907 185 


*Conversion factor is exact. 


E-01=kW 
E+00=cm 

E +01 = cm? 
E+00=N 
E-01=kg 

E + 00 = km 

E + 00 = kPa 

E + 00 = M kg-m 
E + 00 = Mg 


Chapter 2 


Introduction to Geomechanics 
in Drilling 
Bernt S. Aadnoy, University of Stavanger 


The objective of this chapter is to introduce the student to the basic concepts of geomechanics related to drilling, 
including wellbore stability in vertical and horizontal wells and the selection of suitable mud weight to enhance 
wellbore stability. 


2.1 Borehole Stability Analysis for Vertical Wells 

This chapter offers an introduction to geomechanics. It is divided into three sections; the first two sections focus, 
first, on vertical wells and, second, on inclined wells. The last section addresses general methodology, for more 
advanced analysis. The first two sections will give the student basic knowledge because we study the simplest 
conditions. For deviated wells we must consider a 3D perspective, a more general and complex analysis. These 
issues are addressed in the last section. There are many aspects of geomechanics, including, for instance, rock 
mechanics and soil mechanics. For those who want to go deeper into the subject, there is a special reference sec- 
tion of recommended reading at the end of the chapter. 


2.1.1 Description of the Problem. Stability of boreholes became an important issue in the early 1980s when 
long, highly inclined wells were evolving, to be able to drain large reservoirs from single offshore platforms. 
Bradley (1979) is considered the person who introduced analytic borehole stability analysis to the oil industry. 
From that time, geomechanics has evolved as a petroleum discipline, and today a geomechanical analysis is of- 
ten conducted for more complex wells, in order to reduce risk and cost. 

In this chapter we will focus on the understanding of the physics of borehole stability. One objective is to pro- 
mote physical understanding. This is an introductory text to borehole mechanics seen from a drilling perspective. 
The major drilling challenge that relates to borehole mechanics is the stability of the wellbore. 

Several well problems often arise during drilling: 


e A circulation loss occurs when the volume of returned mud is less than the volume of mud pumped. Circu- 
lation losses are unplanned events that usually must be resolved before drilling can continue. Circulation 
losses also may lead to loss of well control, resulting in a blowout, or lead to difficulty in cleaning the bore- 
hole, which may eventually lead to a stuck drillstring. One remedy is to reduce the mud weight. We will 
develop a fracturing model to analyze these problems. 

e Mechanical borehole collapse often occurs at low borehole pressures, such as happens with too low mud 
weight or during circulation losses or if the well is swabbed in while tripping pipe. The remedy is often to 
increase wellbore pressure, usually by increasing the mud weight. 

e Particularly in shales, chemical effects may induce hole enlargement or collapse. When water-based drilling 
fluids are used, the shale may react with the mud filtrate (fluid that penetrates the wellbore wall), deteriorating 
the borehole. Oil-based muds are often better on hole collapse, but more difficult if circulation losses arise. 


There are many publications presenting various empirical correlations for borehole stability, mainly addressing 
fracturing. However, in the last decades an analytic approach has emerged, wherein the problems are analyzed 
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using the principles of classical mechanics. The advantage is that the various problems can be seen from a com- 
mon reference frame. This chapter will provide an introduction to the mechanics approach. 

Fig. 2.1 illustrates some common drilling problems. The mud weight or the bottomhole pressures are often a com- 
promise between well control and borehole stability. We will present methods to establish the optimum mud weight. 

It is observed that 10-20% of the time spent on a well is due to unplanned events. These events often have a root 
in borehole stability. Knowing that the worldwide drilling budgets are many billion dollars, we understand there- 
fore that borehole instability is a very costly problem. Table 2.1 shows the unplanned time spent on an exploration 
well in the North Sea. 

The unplanned events in Table 2.1 are mostly related to borehole stability. Some wells have lower downtime, 
but if severe problems arise, they are often very time-consuming to solve. The average statistic must of course 
include problem wells. 


2.1.2 Units and Equations. First we will define our reference frames. Pressures are defined in terms of the hy- 
drostatic head at a given depth, or 


Here P is the wellbore pressure, p is the mud density, g is the gravity constant, and Z is the true vertical depth. The 
drilling industry uses the mud density as a reference. For simple comparison to the mud weight, we use equivalent 
density instead of pressure. Another advantage of the equivalent density is that it takes out the depth element. It is 
defined as 


In metric units, the gradient equation becomes 


P (bar) 


a, A N e Sues a sre Teka sae eas T een eee ees 23 
7, $G) = 0008 xz Gm’ (2:3) 
where 
— Pe 
Ve P water 


The unit SG denotes specific gravity, the ratio of the actual density to the density of water. For most drilling ap- 
plications, the gradient is preferred because it is depth-independent and can be directly compared to the static mud 
weight. However, during transient fluid processes such as cement displacement and circulating out a kick, it is 
advised to use pressures instead of gradients. 


Mud loss 


Borehole collapse 


Formation fluids 


Fig. 2.1—Typical borehole problems. 
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TABLE 2.1—EXAMPLE OF UNPLANNED EVENTS 
Unplanned Event Time Used to Cure 

Mud losses 2.5 days 
Tight hole, reaming 0.3 days 
Squeeze cementing 2.5 days 
Fishing 0.3 days 
Total time loss 5.6 days 

Percent of well time 5.6 days / 30 days = 19% 


Fig. 2.2—Illustration of effective stresses. 


2.1.3 In-Situ Stresses. All rocks are subjected to stresses at any depth. It is a convention in the petroleum indus- 
try to define these stresses as follows: 


e A vertical principal stress, usually the overburden stress o,. This results from the cumulative weight of the 
sediments above a given point. Usually this is obtained from bulk density logs or from the density of cuttings. 

e Two principal horizontal stresses, the maximum horizontal stress o,, and the minimum horizontal stress ©. 
The magnitudes of these are obtained from leakoff data or other measurements. 


Note that we use the sign convention of compressive stress as positive, a convenience since we usually are dealing 
with compressive stresses. We assume that these principal stresses are always vertical and horizontal. Further- 
more, we assume the following stress states: 


e Ina relaxed depositional-basin environment, the two horizontal stresses are smaller than the overburden 
stress, a so-called normal fault stress state: O, < O< O, The two horizontal stresses are often similar and 
equal to 70-90% of the overburden stress. 

e Tectonic stresses may arise due to faulting or plate tectonics. Two different states may exist: 

° Strike-slip fault stress state: 6, < O, < O, 
° Reverse fault stress state: 0, < 0, < O,, 

Most oil fields are located in sedimentary basins and are in normal fault stress states. This will form the basis for 

the following development. However, before looking at the actual borehole mechanics, we need to consider other 

properties of porous media. Regarding stresses, Terzaghi (1943) defined the effective stress principle: The total 
stress is the sum of the pore pressure and the stress in the rock matrix, or 


where we have indicated the effective stress as øo’. This is illustrated in Fig. 2.2. Imagine that the total load on the 
wellbore wall is the mud pressure inside the borehole. This load is taken up by the stresses in the rock matrix plus the 
pore pressure. When we study failure of rock, we always compute the effective stresses, which apply to the rock itself. 


Example 2.1—In-Situ Stresses. 


1. Ata given depth in a sedimentary basin, the overburden stress is equal to 1.95 SG from density logs. From 
fracturing data, the horizontal stresses are defined as 1.75 and 1.77 SG. What type of stress state exists in 
this field? Is this what you would expect in a sedimentary basin? 

2. Another well is drilled in a tectonic setting. The overburden stress is given as 1.81 SG, whereas the two 
horizontal stresses are estimated to be 1.92 and 1.64 SG. What stress state is this? 


58 Fundamentals of Drilling Engineering 
3. If there is normal pore pressure in | and 2, compute the effective stresses, also called the rock matrix 
stresses. 


Solution. 


1. The stress ratios are 


o, _1.75SG _ 
o, 1.95SG 


Oo, _1.778G 


0.90 = —___ 
o, 1.95SG 


=0.91. 


Because both stress ratios are smaller than 1, we have a normal fault stress state. This is the expected stress 
state in a sedimentary basin. 


. o o 
2. Now the stress ratios are: — == =0.91 H _ 1.92 SG 


c, 1.81SG o, “18156 7 L06 


In this case, one horizontal stress is smaller than the overburden stress, whereas the other horizontal stress 
is larger than the overburden stress. This is a strike/slip stress state, which may be caused by a tectonic 
event such as an earthquake. 


3. A normal pore pressure is often defined as the density of seawater, 1.03 SG. The effective stresses for 1 
and 2 are: 


, i (1.77-1.03)SG  0.74SG 


o (1.95-1.03)SG 0928G ` o! (1.95-1.03)SG 0.92 SG 


x 


o (1.75-1.03)SG 0.72 SG on 
2 0.78 


o' _ (1.64-1.03)SG 0.61SG P o', _ (1.92-1.03)SG 0.89 SG 


h H 


: =1.14 
o' =(1.81-1.03)SG_-0.78 SG o (1.81-1.03)SG 0.78 SG 


We observe that the stress ratios change values but are still within the definition of the stress states. The 
effective stresses are the stresses acting on the rock matrix when we exclude the pore pressure. Because 
we are concerned with failure of the rock matrix, we have to use effective stresses. This principle will be 
implemented in the borehole failure models that follow. 


2.1.4 Pore Pressures. Sedimentary rocks are usually porous. The pores usually are filled with water, which is the 
most abundant fluid. In oil and gas reservoirs, the water is locally replaced with hydrocarbons. 

The pore pressure is an important parameter for several reasons. First, it is important for the production of hy- 
drocarbons and for determining whether the reservoir can be produced naturally or if artificial lift is required. The 
pore pressure is also important for borehole stability because of the effective stress principle (Eq. 2.4). 

In sedimentary rocks such as sandstones, the pore pressure can be measured directly with logging tools. How- 
ever, shales are nearly impermeable, so there exist no direct methods to measure the pore pressure here. Instead, 
the pore pressure is inferred from drilling data and from various logs. The methods used are beyond the scope of 
this chapter, but the interested student is referred to Bourgoyne (1986), Chapter 6. 

It should be noted that there is a large uncertainty in the pore pressure prediction of these indirect methods. In 
the reservoir, direct measurements are considered accurate. Because the pore pressure profile has a direct bearing 
on the selection of the casing depths, the uncertainty should be understood. Remember also that if a homogeneous 
tight shale has a high pore pressure, it cannot flow and therefore cannot lead to a well-control incident. 

In general, a caprock is required to create overpressure. There are several different mechanisms that create ab- 
normal pore pressures. Some mechanisms are 


e Buoyancy, where the lightest fluid moves to the top and the heaviest to the bottom 
e Rock compaction of a closed volume 

e Consolidation effects 

e Chemical effects 


The buoyancy effect is considered a dominating mechanism, and it is always present in a reservoir. In the fol- 
lowing examples, we will explore the pressures throughout an oil and gas reservoir as shown in Fig. 2.3. 


Caprock 
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Fig. 2.3—Trapped hydrocarbons. 
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Example 2.2—Pore Pressure From Measurements. 


Fig. 2.3 shows hydrocarbons trapped in a sandstone 


reservoir under an arch-shaped caprock. A well is drilled through the reservoir, and multiple pore pressure mea- 
surements are made throughout the reservoir. There is full vertical communication throughout the reservoir, 
except through the caprock, which acts as a seal. Table 2.2 summarizes the pore pressure measurements. We 
will plot the data and evaluate the results. The results are shown in Fig. 2.4. 


TABLE 2.2—PORE PRESSURE MEASUREMENTS 
Depth (m) Pressure (bar) Fluid 
1500 (151.4) (Caprock) 
1550 170.7 Gas 
1580 172 Gas 
1620 172.6 Gas 
1680 173 Oil 
1700 174.6 Oil 
1740 179.5 Oil 
1800 182.7 Oil 
1850 186.7 Water 
1900 191.8 Water 
Pressure, bar Gradient, SG 
100.00 120.00 140.00 160.00 180.00 200.00 4.02 1.04 1.06 1.08 1.10 1.12 1.14 
1400 1400 
1500 1500 
ff = 
1700 i ao 
o o 
i ie j 
7 Time i 
1900 1900 
2000 2000 


(a) Pressure plot 


(b) Gradient plot 


= — - Overpressure—— Normal pore pressure 


Fig. 2.4—Plots of measured pore pressures. 
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Solution. Above 1500 m and below 1900 m, we assume a normal pore pressure. In the interval in between, 
hydrocarbons have migrated upward and are captured below the caprock. The pressure at any point in the reser- 


voir is equal to the normal pressure below minus the weight of the hydrocarbons to the point of interest. As an 
example, the pore pressure at 1700 m is 


P = 0.098 x 1.03 SG x 1900 (m) — 0.098 x 0.88 SG x [1900(m) — 1700(m)] = 174.5 bar 


This shows that the reservoir has overpressure below the caprock, but normal pressure at the bottom of the 
reservoir. During production, the water front moves upward, leading to reduced pore pressures above the water 
front. 

Measured pore pressures are often missing, and we must rely on indirectly obtained pore pressures from logs. 
These are often uncertain because they are not calibrated. In the event that we have competent shales with negli- 
gible permeability, zero flow potential may be assumed when evaluating the well-control risk. 


Example 2.3—Pore Pressure. The gradient plot in Fig. 2.5 is from a well in the North Sea. Assume that the 
caprock is located at the 9%s-in. casing point at 2350 m. Call this location point B. Furthermore, assume that there 
is vertical communication down to 2600 m. Call this location point A. 


1. Using the pore pressure data, calculate the density of the oil in the reservoir in this interval. 
2. Assume that the fluid in the depth interval A-B is not oil, but condensate of density 0.5 SG. Compute the 
pore pressure in this interval for the new values of fluid density. 


Solution. 


1. From Fig. 2.5 the following pore pressure gradients are read: 
e 1.57 SG in point B at a depth of 2350 m 
e 1.50 SG in point A at a depth of 2600 m 


Gradient, SG Formation type 
O 1.0 1.1 1.2 1.3 1.4 1.5 1.61.7 1.81.9 2.0 


TVD (m 
500, 
30-in. 1 | ael 
v 
= 5 
18%-in. 8 
1000 Fracture 
——bpey|Mud weight tN <= = 
13%-in. F T i 5 
Ae = oO 
o 
1500 5 
> `A 
-= T a la 


2000 ~-{Estimated virgin pore pressure 


9%-in. : l 
2500 Estimated reservoir pressure 


3000. E aE aa z mi ial 
7-in. | 


Fig. 2.5—Gradient plot from a well in the North Sea. 
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The pressures at these positions are 


P, = 0.098 x 1.57 SG x 2350 m = 361.6 bar 
P, = 0.098 x 1.50 SG x 2600 m = 382.2 bar. 


The difference in pressure is 


P, — P, = 382.2 bar — 361.6 bar = 20.6 bar. 


This hydrostatic pressure reduction is caused by the weight of the oil column acting over the depth inter- 
val. The relative density of the oil is then 


PP, _ 20.6 bar _geaagg 


~ 0.098(Z, -Z,) 0.098 x 250 m 


Ye 


2. We assume the same gradient and pressure at point A as used above. The pressure here is 382.2 bar. If we 
assume condensate of 0.5 SG, the pressure at point B will be 


P, = 382.2 bar — 0.098 x 0.5 SG(2600 m — 2350 m) = 370 bar. 


This corresponds to a gradient of: 


370 bar B 
0.098 x 2350 m LEBO 


K= 


2.1.5 Fracturing. In this section, we will present the borehole mechanics model used in the oil industry. The first 
part assumes simple conditions, as found in relaxed sedimentary basins, such as equal horizontal in-situ stresses 
and also a vertical borehole. Later we will present more-complex scenarios. 

There are two different mechanics approaches used in the oil industry: 


e Classical mechanics approach. We assume an infinite plate with a hole in the middle. This hole represents 
the wellbore. (See Fig. 2.6.) For fracturing and collapse analysis during drilling, this is the method used. 

e Fracture mechanics approach, assuming that a fracture already exists. This is used in stimulation operations 
where massive fracturing and reservoir stimulation take place, and relates to boreholes that are already 
fractured. This will not be pursued in this chapter. 


The plate in Fig. 2.6 is subjected to external loading defined by the in-situ stresses. The borehole is the hole in the 
middle. At the borehole wall, for the special case 0,,= O, three different stresses exist as illustrated in Fig. 2.7: 


e The radial stress is given by the mud pressure: OSP, ses get sis tans hws Bae eds (2.5a) 
e The tangential stress, or hoop stress: O,=26,—P EENE EE NE (2.5b) 
e The xal tress, orertical stress: O = COMSTANE: - serka pie aa e a e a arai (2.5c) 


The tangential stress depends on the horizontal stress.The factor 2 is called a stress concentration factor and is due 
to the circular geometry of the borehole. If the borehole has an oval shape or some other noncircular shape, higher 
stress concentration factors often arise. If O, ŁO, then 0, would vary with 0 (we will learn more about this in 
Section 2.2.1). Also, observe that the borehole pressure directly affects the tangential stress. 

For this special case, we observe from Eqs. 2.5a and 2.5b that the sum of the radial and tangential borehole 
stresses is constant. A consequence of this is that at high borehole pressures the tangential stress is low, whereas 
at low borehole pressure the tangential stress is high. 
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Fig. 2.6—Classical mechanics approach: an infinite plate with a hole in the middle [from Aadnoy (1996)]. 


Fig. 2.7—Stresses acting on the borehole wall [from Aadnoy (1996)]. 


Fig. 2.8 visualizes the effects of varying the borehole pressure. If the mud weight applies the same load as the 
stresses before the hole was drilled, there is no disturbance, as illustrated in Fig. 2.8a. If the borehole pressure is 
lower than the in-situ stresses, the borehole will shrink, or actually fail in collapse (Fig. 2.8b), because of the high 
hoop stress that is created with low borehole pressures. Finally, Fig. 2.8c illustrates that with a high borehole 
pressure, the hole will expand until it fails or fractures. 

Fig. 2.8 shows the expected fracture gradients for a relaxed depositional basin. In general, the fracture pressure 
increases with depth as the overburden stress and the horizontal stresses increase with depth. However, sometimes 
we encounter loss zones where this trend no longer applies. For deviated wells, the fracture gradient is expected to 
decrease with increased wellbore inclination, as shown in Fig. 2.8. At present, we will analyze vertical wells only; 
deviated wells will be covered later in this chapter. 

When the borehole pressure is increased, the wellbore wall will eventually fail. Mud losses may occur through 
the resulting fracture. Borehole fracturing is a tensile failure, because the tangential stress goes into tension. 
Rocks generally have low tensile strength. Often tiny cracks and fissures exist in the rock body, or are created 
during the drilling operation. It is therefore a common assumption to neglect rock tensile strength. Fracturing is 
defined as the pressure at which the effective hoop stress is zero. For a vertical well with equal horizontal in-situ 
stresses, 


or 


For unequal horizontal in-situ stresses, the fracturing pressure becomes 
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Borehole ie Hole enlargement 


remains in gauge or fracturing 
| < tight hole 


(a) Mud weight equal to (b) Mud weight lower than (c) Mud weight higher than 
the horizontal stress the horizontal stress the horizontal stress 


Fig. 2.8—Borehole response to borehole pressure. 


gP s30 0 =P Shy atpase say ae ea E E da EE A aS (2.7a) 
or 

P= 30,- Og Se ee ee eee a ee eee eee ee eee (2.7b) 
Example 2.4—Fracturing. 


1. Assume that we have a 1100-m-deep vertical well. At this depth, the overburden stress gradient is 1.9 SG, 
while the two horizontal stresses are 1.51 SG. There exists a normal pore pressure of 1.03 SG in the for- 
mation. Determine the fracturing pressure for the borehole. 

2. Further interpretation of the well data reveals that the two horizontal stresses are actually different. Using 
the same overburden stress as above, but assuming that the horizontal stresses are equal to 1.61 and 1.45 
SG, respectively, compute the fracture pressure now. 

3. Discuss the effect of anisotropic stresses—that is, equal horizontal stresses vs. different horizontal stresses. 
Which gives highest fracture pressure? 


Solution. 
1. Using Eq. 2.6, the fracturing pressure is 


P..=2x 1.51 SG — 1.03 SG = 1.99 SG. 


2. The new fracture pressure becomes 


P „=3 x 1.45 SG - 1.61 SG - 1.03 SG = 1.71 SG. 


3. In the discussion, include if a difference in stresses leads to a lower fracture gradient. Conversely, do equal 
in-situ stresses lead to a stronger well? 


Often we perform a leakoff test (LOT) or a formation integrity test after each casing string is cemented in 
place. The purpose is to ensure that the formation is sufficiently strong, and that the cement has sufficient in- 
tegrity such that the next section can be drilled. This leakoff test is our main parameter to estimate the magni- 
tude of the in-situ stresses. 

Fig. 2.9 shows the general trends for the fracture gradient in a depositional basin. The fracturing pressure in- 
creases with depth, and it decreases with borehole inclination. The reason for the latter is that the in-situ stresses 
are different. For a vertical well, there are two nearly equal horizontal stresses acting on the wellbore. For a hori- 
zontal well, the overburden stress and the horizontal stress are acting on the borehole, creating an anisotropic 
stress state. 

The LOT. This pressure test is very important for the drilling of wells. After each casing is installed and ce- 
mented in place, a hydraulic test is performed. This is called the LOT. To allow further drilling, this must show 
adequate hole strength to drill the next openhole section. When the cement is hardened around the casing, the 
casing shoe is drilled 4—6 m into the new formation below the shoe. Then the well is shut in and the borehole is 
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Fig. 2.9—Fracture gradients for relaxed depositional basin [from Aadnoy (1996)]. 
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Fig. 2.10—Pressure plot during leakoff test. 


pressurized, usually using the cement pump. The pressure that builds up in the annulus is shown in Fig. 2.10. The 
initial linear slope is due to the compressibility of the drilling fluids in the borehole. When the pressure buildup 
deviates from the straight line, we assume that a fracture initiates in the borehole wall. This is commonly defined 
as the LOT point. Beyond this point, the pump is stopped and the pressure drop is observed. It is common to as- 
sume that the point where the pressure curve changes slope indicates the minimum horizontal stress; however, this 
interpretation is debated. 

The Optimal Mud Weight. In a typical well, we have a pore pressure prognosis, an overburden stress progno- 
sis, and several LOT data. To develop this information into a predictive tool, we must estimate the horizontal 
stresses. From Eq. 2.6, we obtain 

o = ie, EPJ cecina wis Miss ai aeai S i E (2.8) 
With the assumptions given, the horizontal stress is actually the midpoint between the fracture pressure and the 
pore pressure. For this reason, it is often called the median-line principle. Fig. 2.11 shows an example. The oil 
industry has commonly used a mud weight barely exceeding the pore pressure, as shown in the left stepped curve 
in Fig. 2.11. When borehole stability analysis became invoked, a high mud weight like the right stepped curve was 
often recommended to reduce the tangential stress and, hence, the collapse potential of the well. This often led to 
fluid-loss problems instead. The middle stepped curve gave better results because it is based on the idea of mini- 
mum disturbance of the stresses acting on the borehole. This is explained in the following. 

Before the well was drilled, a horizontal stress state O, existed in the rock. During drilling, the rock that was in 
the hole is replaced with drilling mud. If the drilling mud creates the same stress, there is no disturbance in 
stresses. However, a lower mud weight sets up a compressive tangential stress, and a higher mud weight sets up a 
lower tangential stress. A mud weight equal to the horizontal stress level is actually the optimal mud weight for 
the well. We therefore often start a new well program using the median-line principle for mud weight. This mud 
weight must be modified for several reasons: 


e The mud density in a well section is constant, but the stresses and pore pressure change with depth. The mud 
weight is therefore a compromise over a depth interval. 
e Wells often have potential fluid-loss zones. The mud weight selection must consider this. 
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Fig. 2.11—Alternative mud-weight schedules. 


In directional wells, differential sticking (higher wellbore pressure presses the drillstring against lower pore 
pressure) can result in a stuck drillstring. This risk can be reduced by reducing the mud weight. 

In exploration wells, sometimes the mud weight is kept close to the pore pressure (tagging the pore pres- 
sure). This is one method to establish a more correct pore pressure curve than the prognosis. 

Mud cost may be of concern. 


Fig. 2.11 shows three mud weight selection principles: low mud weight, median-line mud weight, and high mud 
weight. Recent experience favors the median-line method. 
The median-line principle is a simple tool to establish an optimal mud-weight schedule, taking into account the 


concerns discussed above. Aadnoy (1996) reports a reduction in tight holes and backreaming after invoking this 
principle. 


Example 2.5—Optimal Mud Weight. Fig. 2.12 shows a pressure gradient prognosis for a well. There are two 


sand stringers, and it has a sand reservoir. The rest of the borehole consists of shales. Assuming a relaxed deposi- 
tional basin, do the following: 


1 


. Draw acurve that estimates the horizontal stress level. 


2. In the interval between the two casing points, suggest a mud weight profile. Lists concerns that add con- 


straints to this plan. 


Solution. 


l. 


2. 


Draw a figure similar to Fig. 2.9 using Fig. 2.10. The horizontal stress estimate is the midpoint between 
the fracturing curve and the pore pressure curve. 

The mud weight should not be changed continuously. From a practical perspective, the mud engineer may 
increase mud weight every 4—6 hours. Propose 3 to 4 mud weight increases in the interval. At the top of 
the new well section, it is common to start with a mud weight below the median line for two reasons. A 
low mud weight gives a longer pressure increase in the LOT plot of Fig. 2.8, leading to better interpreta- 
tion, and a gradual increase from a lower mud weight will gradually expand the borehole, possibly leading 
to less tight hole. In a deviated well, hole cleaning and stuck pipe are of particular concern. Two permeable 
sand stringers are exposed in the interval. For a given inclination, the upper is most critical because the 
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Fig. 2.12—Pressure gradient prognosis. 


pore pressure is lowest. Here the highest differential pressure between the mud pressure and the pore pres- 
sure will arise. In these cases, we must consider the highest allowable mud weight to avoid differential 
sticking. Other remedies include using small and lightweight drilling assemblies and a thin mud cake. 


2.1.6 Borehole Collapse. Borehole collapse typically takes place at lower borehole pressures. The high stress 
contrast between the high hoop stress and the low borehole pressures gives rise to a high shear stress. Therefore, 
collapse is defined as a shear failure. 

Sometimes tight holes occur, which may require frequent wiper trips or reaming. This can, in certain wells, lead 
to stuck drillstring or difficulties in landing the casing string. There are many reasons for a tight hole; for example, 
dogleg severity (high wellbore curvature) can contribute, or simply inward creep of the borehole wall, also aided 
by shale swelling. 

Most boreholes will enlarge over time. This is often a time-dependent collapse phenomenon. Problems caused by 
hole enlargement include difficulties in removing rock fragments and drilled cuttings from the borehole, or a reduced 
quality of the logging operation or cement placement behind casing strings. It is important to understand that a tight 
hole and borehole collapse are similar events; in one case, the hole may yield, while in the latter case, an abrupt fail- 
ure may occur. If rock cavings are seen in the mud returns, the correcting action is usually to increase the mud weight, 
thereby reducing the hoop stress. 

Fig. 2.13 shows a typical collapse failure. The shear failure planes are curved because of the circular geometry 
of the hole. As shown in Fig. 2.13a, the shear planes connect, resulting in rock fragments falling into the borehole. 

If the external borehole stresses are equal, the collapsed hole will retain a circular shape, as seen in Fig. 2.13b. 
However, if the stresses are different, an elongated borehole will result. For a vertical well, the longer hole axis 
will point in the direction of the minimum in-situ stress. This is often used as a method to assess the direction of 
the minimum horizontal stress from caliper logs, and it is called breakout analysis. This method usually is not 
applied for deviated wells because it is believed that the drillstring rotation may provide an upward bias for an 
elongated borehole. 

Shear Failure. Before analyzing borehole collapse, we must define the failure mechanism, which is a shear 
failure. Strength data are obtained from cores as shown in Fig. 2.14. Core samples are subjected to a constant 
confining pressure and loaded axially until they fail. This process is repeated for various confining pressures. The 
failure behavior depends on the loading state—that is, the confining pressure level. An example of such laboratory 
tests is shown in Table 2.3. 

There are many details that must be considered when testing core plugs. This discussion will not be pursued 
here, but the reader is referred to Cook and Edwards (2009). For a given rock plug test, the data from the test are 
the maximum compressive stress; the minimum stress, which is the confining pressure; and the pore pressure in- 
side the plug. Here we will show how these pressures are used for modeling. 

The failure data from Table 2.3 are plotted in Fig. 2.15. Six core plugs are tested to failure for various confining 
pressures. We show the data in a Mohr-Coulomb plot. Along the horizontal axis, the failure and the confining 
pressure for each test are marked, and a circle is made between these points. A line is drawn on top of all circles. 
This is the failure line, which we will use in our collapse analysis. 
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Fig. 2.13—Collapse of borehole wall. 


If the stress state for an application falls below the failure line, the specimen is intact. However, crossing the 
failure line, the specimen will fail. The laboratory-obtained data from Table 2.3 can be modeled with many 
other failure models. We will restrict the discussion to the most common model. 

The Mohr-Coulomb Shear Model. In a 2D stress state, the stresses can be described by means of Moht’s cir- 
cle. This is done by constructing a circle with a diameter equal to the difference between the maximum and the 
minimum stress at failure. 

The Mohr-Coulomb failure model is this failure line, which mathematically can be expressed as 


TETE TNO. perspire sis EnA E EA E E EAE ANE Ea RE AEE ENEN R E (2.9) 


The failure line is established from laboratory-obtained data as shown above. To apply this failure model to a well, 
we must derive expressions for the stresses acting on the wellbore. Fig. 2.16 shows the stresses at failure. 

In the Fig. 2.16, we use effective stresses. Inspection of the figure reveals that the coordinates (T, 0’) at failure 
are defined by the following equations: 


1 1 ' ' il re. e 
Pa Te 3, GARY cotcxck vn aches E E EEEN (2.10b) 


The models above are expressed in terms of principal stresses. The maximum principal stress is the tangential stress 
and the minimum principal stress is the wellbore pressure. The derivation will be shown later. Inserting Eq. 2.10 into 
the Mohr-Coulomb failure model, Eq. 2.9, and the borehole stresses from Eq. 2.5 (equal horizontal stresses), results 
in the following equation for the critical collapse pressure: 
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Fig. 2.14—Shear strength from core samples [from Aadnoy (1996)]. 


Eaxial 


TABLE 2.3—TRIAXIAL STRENGTH DATA FOR LEUDERS LIMESTONE 
Test No. Confining Pressure, ø, (bar) Yield Strength, o; (bar) 

1 0 690 

2 41 792 

3 69 938 

4 138 1069 

5 207 1248 

6 310 1448 


Fig. 2.15—Mohr-Coulomb failure model for data of Table 2.3 [from Aadnoy (1996)]. 


P =o0,(l-sing)—7,cosP@t+PSin@, reece cece cece eee eee eens (2.11) 


we 


The Mohr-Coulomb model contains two material properties. The angle @ is defined as the angle of internal fric- 
tion. Sandstone, for example, will exhibit friction along a shear plane because the grains will restrict motion. This 
is true whether the sand grains are cemented or not. The cohesive strength T,, on the other hand, reflects the degree 
of cementation of the material. 

Although simple, Eq. 2.11 shows the interrelationships that cause mechanical wellbore collapse. A high forma- 
tion stress and a high pore pressure induce collapse. High cohesive strength or the cementation of the rock actually 
resists collapse. Loose sands have no cohesive strength and therefore have a high collapse pressure. Therefore, the 
borehole might be subjected to sand production. A high angle of internal friction also opposes collapse. 

The fracture angle on the plug specimen shown in Fig. 2.16 can be determined from the following expression: 
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Fig. 2.16—Stresses at failure for the Mohr-Coulomb failure model [from Aadnoy (1996)]. 


We will show the mechanisms that lead to mechanical hole collapse by referring to the three borehole stresses 
given in Eq. 2.5. Because we are considering porous media, we will define them in terms of effective stresses: 


Radial ffective tress: O A E E E E E E T (2.13a) 
Tangential effective stress: o =20 =p P a eea a aa a A (2.13b) 
Vertical ffective tress: OS OP E E E E E EE ETE (2.13c) 


Example 2.6—Stresses on the Borehole Wall. Plot the radial, the tangential, and the vertical stress for the fol- 
lowing stress state: 


6, = 1.5 SG, ø, = 1.7 SG, P, = 1.03 SG 


Solution. Inserting these data into Eq. 2.13 results in the data shown in Table 2.4; these data are furthermore 
plotted in Fig. 2.17. 


We observe from Example 2.6 that the vertical (axial) stress component is constant regardless of the borehole 
pressure, while the radial and tangential stresses vary with the borehole pressure. Of course, the radial stress is 
given by the borehole pressure itself, so the key parameter is the tangential stress, or the hoop stress. In the fol- 
lowing, we will illustrate how these stresses relate to failure of the borehole. 

At low borehole pressure, the difference between the radial and the tangential effective stresses controls failure 
because this stress contrast gives rise to shear stresses. We see that for the lowest borehole pressure gradient (P), 
this difference is largest. At P „, the difference is smaller, but we observe that at high pressures (P), the stress 
difference again increases. But here the borehole fails in a tensile mode. Fracturing is a tensile failure. 

The three cases from Fig. 2.17 are shown in a Mohr-Coulomb plot in Fig. 2.18. The straight line is a failure 
envelope obtained from triaxial testing of cores. We see that P „ and P „ are well below the failure envelope, and 


TABLE 2.4—EFFECTIVE STRESSES FOR VARIOUS MUD WEIGHTS 


Borehole pressure gradient (SG) Py = 1.1 Pw = 1.4 Pws = 1.75 
Radial effective stress 0.07 0.37 0.72 
Tangential effective stress 0.87 0.57 0.22 


Vertical effective stress 0.67 0.67 0.67 
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Fig. 2.17—Stresses on the wellbore wall [from Aadnoy (1996)]. 
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Fig. 2.18—Mohr-Coulomb representation of the three cases in Example 2.6. 


the hole should therefore be stable for these borehole pressures. However, P „ approaches the failure envelope, 
and at this point the stress loading is equal to the strength of the rock. The borehole will fail at this point. 


Example 2.7—Borehole Collapse. A vertical well is subjected to equal horizontal stresses. The following data 
apply: 


Horizontal tress: 1.5 SG 
Pore pssure: 1.03 SG 
Angle of internal friction: 30° 


Rock cohesive strength: 0.4 SG 
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1. Compute the critical collapse pressure for the wellbore. 
2. During drilling, one observes that the rock is not consolidated, because sand particles drop out of the 
wellbore wall. Compute the critical collapse pressure now. 


Solution. This problem has equal horizontal in-situ stresses. For this case, Eq. 2.11 can be used to predict the 
critical collapse pressure. 


1. The critical collapse pressure is with the data given: 


P =1.5(1—sin 30°) — 0.4 cos 30° + 1.03 sin 30° = 0.92 SG. 


w 


2. If the rock is not consolidated, the cohesive strength is zero. The critical collapse pressure now becomes: 


P =1.5(1—sin 30°) +1.03 sin 30° = 1.27 SG. 

This example illustrates the importance of the degree of consolidation of the rock. When there is no cementa- 
tion, the well will collapse at a higher pressure than for a consolidated rock. Sand production during production 
is similar to wellbore collapse and can be analyzed the same way. 


Interpretation of Caliper Logs. We have just shown that the borehole pressure plays a key role in collapse 
failures of boreholes. Often the remedy is to increase the borehole pressure—that is, to lower the shear stress as 
shown in Fig. 2.17. We also have briefly introduced the elements of stresses and rock strength. Unfortunately, 
often we do not have sufficient stress and rock strength information to perform a detailed collapse analysis. 

However, we have many caliper logs from boreholes, showing hole enlargement. In this chapter, we will take 
advantage of these to analyze the field data in an empirical way. First, we will analyze a vertical exploration well 
in the southern North Sea. 


Example 2.8—Exploration Well. During drilling of a vertical exploration well, some borehole collapse took 
place. Although the collapse was not very pronounced, there was difficulty landing the production casing and the 
liner. Remedial work such as reaming, hole cleaning, and under-reaming took considerable time before the well 
was successfully finished. 

Fig. 2.19 shows the information for the well. We observe that the 12'4-in. hole section is abnormally long, 2000 
m. Also, there is normal pore pressure down to 2800 m. The well has a low pore pressure gradient profile. Also 
shown are the mud weights used, the overburden stress gradient obtained from integration of density logs, and the 
measured leakoff values below each casing shoe. 
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Fig. 2.19—Pressure gradients and caliper log for the exploration well. 


72 Fundamentals of Drilling Engineering 


Solution. In the foregoing, we have seen that the well will reach a critical pressure and collapse as the mud 
weight is lowered, and we have seen that the tangential (or hoop) stress is the key parameter. We will now cal- 
culate the hoop stress for this well and correlate with the caliper log. We will use the results of an analysis of the 
well, which concluded that the horizontal stress level is approximately 80% of the overburden stress for this 
well. The effective stresses from Eq. 2.13 can then be written 


gP P seas Soe ae coer ees ene nd nena de ae E aes ae noes or (2.14a) 
Of =20,-P,-P,=2x0.8x0, -P -P ote dliigcse iio ueeee ees (2.14b) 
OS OP, settee tae ete eee ate data Sone as AAA BR ee pe ee (2.14c) 


We want to depth-normalize the data. For example, if we calculate the effective hoop stress and divide by the 
effective overburden stress, we expect a vertical trend. This ratio can be obtained from Eq. 2.14, as follows: 


Fig. 2.19 shows Eq. 2.15 plotted using the field data. Also, the caliper log is shown. We observe that there is a 
very good correlation as the hole is collapsed for 0,70 °> 1, but the hole is basically in gauge if this ratio is lower. 
At the bottom of the 12%4-in. section of Fig. 2.19, we observe that the mud weight has been increased. The result 
is an in-gauge hole. However, in the 8/2-in. section, the mud weight was temporarily reduced, and some collapse 
took place. Maintaining a higher mud weight for the remainder of the drilling operation resulted in an in-gauge 
hole. 

From the evaluation of Fig. 2.19, we can state that the critical collapse pressure was reached when 0,70,’ = 1. 
Solving Eq. 2.15 for this condition results in 


Actually, the solution to this evaluation of this particular well is that the mud weight should be higher than 60% 
of the overburden stress. This curve is shown in Fig. 2.20. It is seen that only a slight increase in mud weight 
would probably have resulted in a more in-gauge hole. Also, from Fig. 2.20 we see that the overburden stress 
gradient is systematically increasing with depth, which also is reflected in the horizontal stress state. The mud 
weight, however, is kept nearly constant, which implies that the shear stress acting on the hole wall is increasing 
with depth. 
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Fig. 2.20—Results of the analysis showing critical mud weight to avoid collapse. 


Introduction to Geomechanics in Drilling 73 


Inspection of Fig. 2.19a indicates that when the external loading (the in-situ stresses) increases with depth, the 
mud weight should be increased correspondingly. When maintaining a constant mud weight with depth the tan- 
gential stress is increasing, leading to collapse of the borehole wall. 


2.1.7 Water-Based vs. Oil-Based Drilling Fluids. These two types of drilling fluids have very different behav- 
ior. In recent years, the oil-based drilling fluid has gained popularity, but the present environmental movement 
brings water-based drilling fluids back. They both have their advantages and disadvantages as briefly discussed 
here. 

Water-based drilling fluids use water as the continuous phase. Additives are used to change density and viscos- 
ity and to control filtrate losses. Also, chemical compatibility with the rock is important. Water-based drilling 
fluids are cheap. They also are good for curing mud losses. By pumping coarse bridging materials (called lost- 
circulation material), mud losses often are cured. It is believed that the main mechanism is that in water-wet for- 
mations, filtrate losses occur, leaving dense particles in the mud in the fracture. The main disadvantage with 
water-based drilling fluids is that they are reactive to clays and lead to time-dependent borehole problems. The 
hole size often increases with time in shales. 

Oil-based drilling fluids use oil as the continuous phase. Lower well friction is one of the advantages with oil- 
based drilling fluids. They are therefore often used in long-reach wells where friction is a critical parameter. Usu- 
ally the borehole does not show time-dependent deterioration as with water-based fluids. The capillary pressure 
prevents oil from invading a water-wet rock. 

There is, however, one disadvantage with oil-based drilling fluids. If circulation losses arise during drilling, it 
is often difficult to stop the losses. A severe loss situation can be quite time-consuming to cure. One main mech- 
anism is that there is little or no filtrate loss toward the water-wet rock, such that the drilling-fluid viscosity will 
not increase and the oil-based mud will continue opening the fracture. 


2.2 Borehole Stability Analysis for Inclined Wells 

We have so far discussed vertical wells. Many wells today are deviated. This complicates the picture, which is 
now three-dimensional, and one has to properly account for the effects of wellbore deviation. In the following 
sections, the general methodology will be presented. We will first define the general equations for stresses around 
a borehole. 


2.2.1 The Kirsch Equations. In the previous derivation, we have studied the stresses at the borehole wall. Now 
we will investigate the stress state in the rock formation. The following equations define this (Aadnoy and Chen- 
evert 1987): 
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At the borehole wall (r = a), the above equations reduce to 


Radial stress: 


Tangential stress: 

0,=0, +0,- P =2 (6 = a )cos 20- 4T., SIO anaa E T ea T aaa (2.18b) 
Axial stress, plane strain: 

0, = 0,- 2W(0,-— 0 )cos 20- 4vT sin 20. xs vn exewead aun teinaeey os, 545 a eee RRO a Ree tap (2.18c) 


Axial stress, plane stress: 


Shear stress: 


T= 2(7,, SOSO 7) SING)... urea E se Cores CARERS Ch a aS AER (2.18e) 


Eq. 2.18 is used for most borehole stability analysis because the formation fails at the borehole wall. That is, the 
stresses are usually highest on the borehole wall, so therefore it will fail here first. The plane stress solution (ver- 
tical stresses remain constant) for the axial stress usually is used because of simplicity. The difference between the 
plane stress and plane strain solutions (wellbore displaces only in the horizontal plane) is usually negligible. 


Example 2.9—Stresses Into the Formation. Assume that o, = o, and Tt, = T,= T,= 0. Plot the stresses from 
Eq. 2.17 for various r/a ratios. At what r/a ratio is the borehole no longer affecting the i in-situ stresses? 

Solution. Note the symmetry between the radial and the tangential stresses. The effect of the borehole dimin- 
ishes for the r/a ratio between 5 and 10. We usually state that the stress concentration effect of the borehole ex- 
tends 5 radii into the rock. 


2.2.2 Deviated Boreholes and Stresses in Three Dimensions. Deviated boreholes are in general subjected to a 
more complex stress state than vertical wells, even in a sedimentary basin. The reason is that if horizontal stresses 
are equal for a vertical well, the stresses normal to the hole will change when the well becomes inclined. 

In applications of the Kirsch equations given above, often one assumes a horizontal and vertical in-situ stress 
field. The borehole, however, may take any orientation. Therefore, one must define equations to transform the in- 
situ stresses to the orientation of the borehole. 

It is common in the oil industry to assume three principal in-situ stresses: the vertical or overburden stress O, 
and the maximum and minimum horizontal stresses, 0, and o,. Fig. 2.21 shows the most important stresses. The 
input stresses are the in-situ stresses o, O, and o,. Because the borehole may take any orientation, these stress 
must be transformed to a new coordinate systern, x, y, zı Where we observe stresses as O, O, O, The directions of 
the new stress components are given by the borehole inclination from vertical, @, the geographical azimuth, œ, and 
the position on the borehole wall from the x axis, 0. One of the properties of this transformation is that the y axis 
is always parallel to the plane formed by o,, and o,. 

The following equations define all transformed stress components: 
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Fig. 2.21—Orientation of borehole relative to the in-situ stresses. 
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With this, all equations are defined that are required to analyze failures of boreholes. This analysis will be dem- 
onstrated in the following example. 


Example 2.10—Stress Transformations. Using the stress transformation equations from Eq. 2.19, do the fol- 
lowing: 


1. Assume that the two horizontal in-situ stresses are equal. Write the resulting equations. See if any shear 
components disappear. Also, see if the stress state becomes independent of the azimuth. 

2. Define all three principal in-situ stresses as equal. Write the resulting equations. Is there any directional 
dependence on azimuth and inclination? What would you call this stress state? 


Solution. 


1. Letting o, = O Eq. 2.19 becomes 


2 sA 
o, =0,cCos Y+o, sin o 
o =0 
y h 
= 2 2 
o, =0,8in P+o,cos p 
T =T = 
yz xy 
T, =(o,—o,)sin2@ 


XZ 


The stress state is isotropic in the horizontal plane. We observe that the transformed stresses are no longer dependent 
on the azimuth of the borehole. This is the simplest case in a relaxed depositional basin, where the borehole stability 
is the same in all geographical directions for a given wellbore inclination. 
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2. If 0,=0,=0, Eq. 2.19 reduces to 


o,.=0, 
o =0 

y h 
o,=0, 


T, =T =T, =0. 


yz 


This is a fully hydrostatic stress state, equal to a static fluid pressure acting equally in all directions. For deeper 
parts of the Earth’s crust, this stress state is called lithostatic. However, at shallower parts of the crust where hy- 
drocarbons are found, this stress state rarely exists. 


2.3 General Methodology for Analysis of Wellbore Stability 
In this section, the general methodology for borehole stability analysis will be presented for both fracturing and 
collapse. This is valid for all stress states (normal, strike-slip, and reverse) and for all borehole orientations. 

The calculation procedure is as follows: 


e Calculate the stresses in the direction of the borehole. 

e Insert these data into the borehole stress equations. 

e Determine the point on the borehole wall where failure will occur. 
e Implement a failure model. 

e Compute borehole pressure at failure. 


In the following sections, the general methodology for failure analysis will be presented both for fracturing and 
collapse. 

Assuming that we know the in-situ stress state, we must transform these to the orientation of the borehole by using 
Eq. 2.19. The transformed stresses may then be inserted into the stress equations (Eq. 2.18). 

Now we have expressions for the stresses at the borehole wall, or the stress state in the adjacent formation. Usu- 
ally the borehole pressure is unknown at this stage. The object is often to determine the critical pressure that leads 
to failure of the borehole. 


2.3.1 Principal Borehole Stresses. To solve for the critical pressure, the stresses discussed above are inserted 
into the failure criteria for the borehole. Remember, however, to use effective stresses by subtracting the pore 
pressure. This applies only for normal stresses, not for shear stresses. 

The borehole wall is subjected to normal stresses and shear stresses. It is common to find the maximum normal 
stress by defining a direction (plane) where the shear stresses vanish. The resulting stresses are called principal 
stresses. At the borehole wall, these are 


o, = 20, +0.) =i O o aA e e E S E eee euseaes (2.20c) 


After calculating the principal stresses above, the subscripts are often interchanged such that | always refers to 
the maximum compressive principal stress, 2 to the intermediate, and 3 to the least principal stress. Typical prin- 
cipal stresses are 


Fracturing: o =P 
1 1 2 2 
aed ne ars (OG) PAT Wiis iia ase 4G Sais adn (2.21a) 
1 l 2g 
Collapse: = 2 (o, t o) T (o, ~ o) t At, 
2 
CPs. EE epee e tees weed) She hein eee eis (2.21b) 
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2.3.2 Borehole Fracturing. The borehole will fracture when the minimum effective principal stress reaches the 
tensile rock strength o, This is expressed as 


Inserting the equation for the tangential stress, Eq. 2.18b, the critical borehole pressure is given by 


T 
P =0,+0,-2(0o, -0 )cos20-4r sin 20 2 Peg npnapnirin ase ces (2.24) 
l o, -0,-P, 


There is another unknown for the general case. The fracture may not arise in the direction of the x or y axis 
because of shear effects. To resolve this issue, Eq. 2.24 is differentiated to define the extreme conditions (dP ,/ 
dé@=0). 

The normal stresses are in general much larger than the shear stresses. Neglecting second-order terms, Eq. 2.25 
defines the position on the borehole wall for the fracture: 


The final fracture equation is obtained by inserting the angle from Eq. 2.25 into Eq. 2.24. 

The general fracturing equation is now defined. It is valid for all cases, arbitrary directions, and anisotropic 
stresses, but must in general be solved by numerical methods. 

If symmetric conditions exist, all shear stress components may vanish. In these cases, the fracture may take 
place at one of the following conditions: 0, = 0,; y= 0°; œ = 0°, 90°. It is also common to assume that the rock 
has zero tensile strength because it may contain cracks or fissures. Inserting these conditions, the fracturing equa- 
tion becomes 


P =30 C7 =0, for O20 and O = 90, rris incense adel sidpiee ia bee wads (2.26a) 


P =30, -0 -P -0, FOE OS OR bie aha ennie E C eR Ea E (2.26b) 


These equations simply say that a fracture will initiate normal to the least stress and will propagate in the direction 
of the largest normal stress. 

Also, observe that assuming a maximum and a minimum stress normal to the borehole wall and vanishing shear 
stresses, the general fracturing equation becomes 


P =T a OSE HO. aieiou atari eet ee se ¥ Oe ols aad eed Ve tae ten Pee ee (2.27) 


t 


Example 2.11—Fracture Pressure vs. Borehole Inclination. Assume that the following data exist for a well: 


Overburden stress: o, = 100 bar 
Horizontal stress: O, = 0, = 90 bar 
Pore pressure: P, = 50 bar 


Borehole inclination: @= 40° 
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Borehole azimuth: a= 165° 
Tensile rock strength: 0, =0 
Rock Poisson’s ratio: v=0.25 


Determine the fracture pressure for a vertical well and for the deviated well given above. 
Solution. For the vertical well, the in-situ stresses relate directly to the borehole direction and 
become o, = Ø, = 90 bar. The fracture pressure is determined directly by Eq. 2.27 and is 


P, =20, -P =2x90 -50 = 130 bar. 


wf 


For the inclined well, the stresses must first be transformed to the orientation of the wellbore by 
Eq. 2.19. The result is 


o = 94.13 bar 
o, = 90 bar 
o, = 95.87 bar 
T _=—4.92 bar 
T,, = T,, = 0. 


yz 


These data are again inserted into the equations for the borehole stresses, which become 


Radial stress: o=P. 

Tangential stress: 0, = 184.13 — P ,— 8.26 cos20 
Axial stress, plane strain: o, = 95.87 — 2.07 cos20 
Shear stress: T,= —9.84 sind 


The angle 0 from the x axis at which the fracture starts (see Fig. 2.21) must be determined. Eq. 2.25 for these 
particular data results in @ = 0°, and Eq. 2.24 reduces to Eq. 2.26b. The fracturing pressure now becomes 


P , =3x 90 — 94,13 — 50 = 125.9 bar. 


We observe that the fracturing pressure decreases with increased borehole inclination. This is a general trend. 
However, for anisotropic stress states, this behavior may differ. 


2.3.3 Borehole Collapse. While fracturing occurs at high borehole pressures, collapse is a phenomenon asso- 
ciated with low borehole pressures. This can be seen from Eq. 2.21b. At low borehole pressures, the tangential 
stress becomes large. Since there now is a considerable stress contrast between the radial and the tangential 
stress, a considerable shear stress arises. If a critical stress level is exceeded, the borehole will collapse in 
shear. 

The maximum principal stress (from Eq. 2.21b) is dominated by the tangential stress and is given by 


o= Lio, +0.) +5 Ko, Oy PAT cc, pheri IE o e there E E (2.28) 


and the minimum principal stress (from Eq. 2.21b) is given by 


Differentiating the maximum principal stress equation, Eq. 2.28, we can determine the position on the bore- 
hole wall at which the collapse will occur. This is complicated because there are many implicit functions in 
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Eq. 2.28. For the case above with vanishing shear stresses, it turns out that the collapse position on the bore- 
hole wall is 90° from the position of fracture initiation. Invoking this angle into Eq. 2.28, the collapse stress 
is obtained. 

If symmetric conditions exist, all shear stress components may vanish. In these cases, the collapse failure may 
take place at one of the following conditions: 0, = 0, p= 0°, œ = 0° or 90°. Inserting these conditions into Eq. 
2.26, the borehole pressure causing highest tangential stress is 


0, = 36, -0,.-P. for 0.< 0, and OSO hid redid ced dpi eben dae danas es (2.30a) 
0, = 30.- =f, for 0, <0, and Q= "90" 5: doi ea e ik SE a E E EEE (2.30b) 


or, in general, 


0, = 30 On =P... oree a e a bab einen etal Re here baa ee Oe AW oes (2.31) 


max min w 


These equations simply say that borehole collapse will initiate in the direction of the minimum horizontal in-situ 
stress. Eq. 2.31 is strictly valid if the borehole direction is aligned with the in-situ stress direction. 

Having obtained expressions for the maximum and the minimum principal stress, a failure model must be de- 
fined. An example will demonstrate the application. 


Example 2.12—Collapse Pressure vs. Inclination. Compute the critical pressure that will cause mechanical 
borehole collapse for the well given in Example 2.4. The remaining data are cohesive strength T, = 60 bar, and 
angle of internal friction @ = 30. 

Solution. We will use the Mohr-Coulomb model of Eq. 2.9. From Example 2.4, the transformed in-situ stresses 
become 


o = 94.13 bar 
o = 90 bar 

o, = 95.87 bar 
T = 4.92 bar 
1,= 1, =0 
P = 50 bar 


Comparing these data with the equations above, we see that the maximum principal stress is defined by Eq. 
2.30b: 


o, = 3x94.13-90- P =192.39-P. 


The minimum principal stress is equal to the borehole pressure. 
The failure model is defined by Eqs. 2.9 and 2.10, which become 


= 1 ae 4 = 1 1 ry 1 EL 1 a 
t= a o') cos p =T,+ l (o +0) 5 (0! cing ane 
Inserting the numbers above, the critical collapse pressure is found from 
T= 5 (192.39 -2P )cos 30° = 60 + f (92.39) — 5 (192.39 -2P )sin 30° fan 30°, 


or 


P= 21.14 bar. 


v 
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Example 2.12 demonstrates the calculation method for borehole collapse. However, the student should evaluate 
the physical significance of the result. The critical collapse pressure above is lower than the pore pressure. In re- 
ality, an inward flow would occur, for example, during underbalanced drilling. The calculation method above is 
valid only if the collapse (or well) pressure is higher than the pore pressure, or if the rock is impermeable. 

When the borehole pressure is lower than the pore pressure, and we have a permeable formation, flow occurs 
from the formation into the borehole. This means that the pore pressure at the borehole wall is equal to the bore- 
hole pressure. Inserting this condition (P, = P) into the principal stress equations, the result is 


o! =3x94.13-90 -P -P =192.39-2P. 


o! =P -P =0 


w 


The failure model defined by Eqs. 2.9 and 2.10 now becomes 
T= 1192.39 -2P )cos30° = 60 + [L239 = 5 (192.39 -2P )sin 30° an 30°, 


The numerical solution to this equation is a negative pressure, a clearly unrealistic solution. For practical pur- 
poses the well may at most be emptied—that is, 

P „= 0 bar. 
These calculations have relevance to the emerging activities toward underbalanced drilling and sand produc- 


tion. An inward flow into the borehole actually stabilizes the formation because the pore pressure is reduced 
locally. 


2.4 Empirical Correlations 
Many correlations have been used in the oil industry to enable the transfer of knowledge from one well to another. 
Some of these are just simple correlations, whereas others are based on models or physical principles. Although 
many correlations are still useful, others are replaced by more fundamental engineering methods that have evolved 
in recent years. It also should be stated that there is significant potential in exploring the geology from various 
aspects. Here, we will briefly discuss some of the classical correlation methods still in use. 

The first factor to discuss is the drillability, which is actually a normalized rate of penetration. 


2.4.1 Drillability Correlations. In its simplest form, the rate of penetration R (m/hr, ft/hr) is modeled as a func- 
tion of supplied energy: 


R=(K(WOB(N), weccurutoun chs boevnewdagabante ym EEEE ln chat aera ree nee ees (2.32) 


where WOB is the bit force, N is the rotary speed, and the factor k represents the drillability. In a soft rock, R is 
high and k is high. Conversely, in a hard rock R and k are small for the same bit force and rotary speed. The drill- 
ability is actually an instant measure of the rock properties at the face of the drillbit. It is presently the only infor- 
mation obtained at the drillbit face during drilling. 

By computing the drillability, we can create a log that tells us something about the rock; some interesting infor- 
mation can be obtained if we understand the relationships. 

Fig. 2.22 shows an example from an underground blowout in the North Sea. The well had been flowing for a 
year before it was killed with a relief well. The drillabilities for the two wells were compared, and they were 
identical until the wells were approximately 6 m apart. The increase in drillability in the relief well is believed to 
be caused by a considerable underground flow over a period of 1 year. This information is important for the plan- 
ning of the relief well and the target size for the relief well. Inside this region of increased drillability, the drilling 
assembly was homing in towards the flowing well. 

Drillability also has been used to estimate pore pressures for many years. There is usually a considerable 
uncertainty in pore-pressure estimation; pore pressure in shales cannot be measured, but in permeable rocks 
like sandstones, real pressure measurements can be used to calibrate pore-pressure curves. A common method 
is to compute sound transit time from seismic records. During drilling, the drillability is also used as an indi- 
cator of pore pressure. Well known is the so-called d-exponent developed by Jorden and Shirley (1966); during 
drilling, the following parameter is computed: 
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The parameters are the same as in Eq. 2.32, and the bit diameter is d, (in.). A number of corrections are pro- 
posed to this equation, and it is still in use in the oil industry. 

The d-exponent is actually a drillability equation in logarithmic form. If a weak rock is encountered, both drill- 
ing rate and drillability increase. Conversely, a hard rock slows down the drilling rate and causes the drillability 
to decrease. 

During drilling, a trend line is established for the d-exponent. If this starts to deviate from the trend, it can be 
associated with some of the following factors: 


e Bit wear. Rock bits wears gradually, and the drilling efficiency may reduce gradually; an abrupt drop in 
drillability may be caused by drillbit or roller cone failure. 

e If drillability increases relative to the trend line, it may be a pore-pressure indicator. Reservoir rock below 
the caprock often has higher drillability because it is weaker and more porous. 


Hareland and Hoberock (1993) developed a method to estimate the rock strength from drillability data; the result 
is used as input data for wellbore stability analysis. 

The concept of drillability has been used to a small extent in drilling. For the foreseeable future, there is con- 
siderable potential for further applications of drillability; drilling optimization is one such area. 


2.4.2 Fracture Pressure Correlations. In order to predict fracture pressures and pore pressures, a number of 
correlations have been derived over the years. Although some of these are valid for the places in which they 
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were derived, a number of correlations based on various physical assumptions have been seen to have a more 
general applicability; many of these have been developed in the Gulf of Mexico region. It is interesting to see 
how understanding of the fracture problem gradually evolved. 

Hubbert and Willis (1957) developed a very useful correlation; they assumed that the horizontal stress in a re- 
laxed basin should be one-third to one-half of the overburden stress. Although we today know that this value is 
too low, their correlation is still effective. Matthew and Kelly (1967) modified this model by introducing a “matrix 
stress coefficient,” which implied that the stress ratios were not constant with depth. Pennebaker (1968) related 
the overburden gradient to geologic age and established “effective stress ratio” relationships. Pennebaker also 
correctly found that the fracture gradient is related to the overburden stress gradient. 

Eaton (1969) introduced the Poisson effect by defining the horizontal stress as a result of the overburden stress. 
The correlation coefficient for this case was actually Poisson’s ratio. Finally, Christman (1973) extended this 
work to an offshore environment. 

At first glance, the five methods listed above look different; however, Pilkington (1978) compared these meth- 
ods and found that they were very similar. By introducing the same correlation coefficient, all five models can be 
defined by the following equation: 


P a EE, sce ean ch coed ees eee eee rasan oie aos Cari (2.34) 


Pilkington also used field data and showed that Eq. 2.34 basically gave the same result as each of the five 
models. Most of these models were developed in the Texas-Louisiana area, where they still may serve; how- 
ever, in the early 1980s, wellbore inclination increased, and because the empirical correlations could not han- 
dle this, continuum mechanics was introduced. In addition to handling the directions of inclined wells it also 
opened up for various stress states. Any relaxed or tectonic setting can now be handled by using classical me- 
chanics. 


2.4.3 Pore-Pressure Correlations. Pore pressure is a key factor in petroleum production, and it also has a signif- 
icant effect on well construction and wellbore stability. Typically, 70% of the rock we drill is shale or clay; as 
discussed, these rocks are usually impermeable, and it is therefore not possible to measure pore pressure—pres- 
sure measurements are made in the reservoir. 

We need a pore-pressure curve to select mud weights and casing points. The pore-pressure curves inferred 
from many sources are used as absolute; of course, underbalanced drilling in a tight shale will not lead to a well 
kick. So if we could guarantee that there were no permeable stringers, we could drill the well with a mud 
weight below the pore pressure. Unfortunately, such a guarantee is unlikely. 

From this discussion, it is clear that pore pressure from logs and other sources is not accurate unless it is cali- 
brated (e.g., with a pressure measurement). This is usually not the case, so pore-pressure curves in general have 
significant uncertainty. 

In many cases, correlations serve well as predictive tools for new wells. Consistency is important here; if, for 
example, Eq. 2.34 is used to establish a correlation, the same equation should be used to develop predictions for 
new wells. One should be careful when mixing various correlations because the results may not be representative 
for the actual wells. 

For further work on pore-pressure estimation, the reader is referred to the literature on petrophysical interpretation. 


Problems 


2.1 In-Situ Stresses 
Given leakoff data from three wells (see Table P-1), determine the following: 


TABLE P-1—LEAKOFF DATA 


Data Leakoff Pore pressure Overburden Depth Inclination 
set (SG) (SG) (SG) (m) (degrees) 
1 1.51 1.03 1.62 890 0 
2 1.35 1.21 1.76 1124 30 
3 1:27 1.30 1.80 1540 39 


2.2 


2:3 


2.4 


2:5 


2.6 
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TABLE P-2—EFFECTS OF INCREASED MUD WEIGHT 


Effect Advantage Debatable Disadvantage 


Reduced borehole collapse 
Reduced fill 


Poor pore pressure estimation 


Increased lost circulation 


Reduced washout 


Expensive mud 


Increased differential sticking 


Reduced pressure variations 


Reduced drilling rate 


Reduced tight hole 


Reduced clay swelling 


(a) For the two last wells, compute the expected leakoff pressures as if they were vertical Please state 
assumptions. 

(b) Estimate the in-situ stress state based on the LOT values. Please state all assumptions. 

(c) Plot a curve that defines the fracture pressure for a vertical and a horizontal well over the depth inter- 
val. 

Pore Pressure 

In the planning of a new well, the geologist identifies a significant uncertainty in the estimation of the 

pore pressure profile. The following data were used: 


Depth: 1800 m 
Estimated pore pressure: 1.23 SG 
Reservoir interval: 1800-2000 m 


(a) Determine the density of the oil in the reservoir. Assume waterdrive. What is the expected pore pres- 
sure gradient at the bottom of the reservoir? 

(b) After many discussions with colleagues, the geologist decides that the reservoir section most prob- 
ably covers the interval 1800-2100 m. Assume the same oil density, and compute the pressure gradi- 
ents at the top and bottom of the reservoir now. 

(c) Where would you perforate your production casing? When water breakthrough occurs after some 
time of production, a workover is called for. Where would you perforate now? 

Mud Weight Limits 

(a) Define the two classical limits for the mud weight. What are the failure mechanisms? 

(b) Using a simple fracturing equation, define a mud-weight selection criterion. What is this criterion 
called? 

(c) Define two advantages of using this criterion. Also, define two concerns. 

Selection of Optimal Mud Weight 

Assume that we use low mud weight. If we increase the mud weight, determine if the following effects of 

higher mud weight constitute an advantage or a disadvantage. If the effect is debatable, explain why. 

Establishing a Fracture Prognosis 

We are planning a new exploration well, and have no reference information. 


(a) Make an overburden stress gradient curve assuming that the bulk density of the rock is 2.0 SG. Plot 
to 2000 m depth. Also, plot the pore pressure gradient curve assuming normal pore pressure to 1000 
m and a linear increase to 1.3 SG at 2000 m. 

(b) An LOT of 1.8 SG is obtained at a depth of 1500 m. Determine the horizontal in-situ stress in the rock. 


Borehole Sta bility 
The following data apply for a well: 
Overburden stress: 110 bar 


Horizontal stresses: 100 bar 
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Pore pressure: 65 bar 

Well inclination: 60° 

Well azimuth.: 75° clockwise from North 
Rock cohesive strength: 30 bar 

Rock frictional angle: 30° 


(a) Determine the fracturing pressure for a vertical well and for the well given above. 
(b) Determine the critical collapse pressure for a vertical well and for the well given above. 


It is decided that a well should be drilled underbalanced through the reservoir. The objective is to 
minimize particle invasion and skin effects. The drilling rig is equipped with a rotating blowout pre- 
venter for this purpose. The new condition is that the borehole pressure matches the pore pressure. 
This must be taken into account in the effective stress principle. 

Use the same data as above, and assume that the well pressure is 40 bar during the operation. 


(a) Determine the collapse pressure now for the (vertical) well. 


(b) Is the underbalance reducing or increasing the collapse resistance of the borehole? Explain why. 


Nomenclature 
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= borehole radius, L, in. [cm] 
= gravity constant, L/t’, Ibf/lbm [m/s’] 
= pressure, m/L-s’, psi [bar] 
= pressure at depth Z,, m/L-s’, psi [bar] 
= pressure at depth Z,, m/L-s’, psi [bar] 
= pore pressure, m/L-s’, psi [bar] 
= borehole pressure, m/L-s’, psi [bar] 
critical collapse pressure, m/L-s’, psi [bar] 
= fracturing pressure, m/L-s’, psi [bar] 
= radius, L, in. [cm] 
= true vertical depth, L, ft [m] 
= true vertical depth of Point A, L, ft [m] 
= true vertical depth of Point B, L, ft [m] 
borehole azimuth, radians 
= shear failure direction on core plugs, radians 
equivalent specific gravity of the wellbore fluids, dimensionless 
= borehole inclination, radians 
= position on borehole wall from x axis, radians 
= density, m/L’, Ibm/ft* [kg/m?*] 
= equivalent mud density of the wellbore fluids, m/L*, lbm/ft* [kg/m*] 
= mud density, m/L’, lbm/ft* [kg/m*] 
density of water, m/L’, Ibm/ft? [kg/m*] 
= normal stress, m/L-s’, psi [bar] 
= rock effective stress, m/L-s’, psi [bar] 
= minimum horizontal stress, m/L-s?, psi [bar] 
maximum horizontal stress, m/L-s’, psi [bar] 
= maximum principal normal stress, m/L-s’, psi [bar] 
= minimum principal normal stress, m/L-s’, psi [bar] 
= radial stress, m/L-s?, psi [bar] 
radial effective stress, m/L-s’, psi [bar] 
= overburden stress, m/L-s’, psi [bar] 
overburden effective stress, m/L-s’, psi [bar] 
= normal stress, x coordinate direction, Cartesian coordinates, m/L-s?, psi [bar] 
normal stress, y coordinate direction, Cartesian coordinates, m/L-s’, psi [bar] 
= normal stress, z coordinate direction, cylindrical coordinates, m/L-s’, psi [bar] 
= normal stress, z coordinate direction, Cartesian coordinates, m/L-s’, psi [bar] 
= tangential stress, m/L-s’, psi [bar] 
= tangential effective stress, m/L-s’, psi [bar] 
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T = shear stress, m/L-s?, psi [bar] 
T, = cohesive rock strength, m/L-s’, psi [bar] 
Tt. = shear stress, r plane in the z direction, cylindrical coordinates, m/L-s’, psi [bar] 
TO = shear stress, r plane in the @ direction, cylindrical coordinates, m/L-s’, psi [bar] 
T = shear stress, x plane in the y direction, Cartesian coordinates, m/L-s’, psi [bar] 
T- = shear stress, y plane in the z direction, Cartesian coordinates, m/L-s’, psi [bar] 
tTO = shear stress, 0 plane in the z direction, cylindrical coordinates, m/L-s’, psi [bar] 
v = Poisson’s ratio for the rock matrix, dimensionless 
@ = angle of internal friction for rocks, radians 
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Chapter 3 


Drilling Fluids 


A.W. Eustes III, Colorado School of Mines 


The purposes of this chapter are to present (1) the primary functions of the drilling fluid, (2) the test procedures 
used to determine whether the drilling fluid has suitable properties for performing these functions, and (3) the 
common additives used to obtain the desirable properties under various well conditions. 


3.1 Introduction 
The success of the rotary-drilling process (completion of an oil or gas well) and its cost depend substantially on 
three important factors: 


e The bit penetrating the rock 
e The cleaning the bit face and transport of the cuttings to surface 
e The support of the borehole 


The drilling fluid used affects all of these critical items. The drilling-fluid density and ability to penetrate rock 
have an effect on the rate of penetration. The hydraulic energy expended on the bottom of the hole and the viscos- 
ity and flow rate of the fluid affect the cuttings transport. And the density of the fluid and its ability to form a layer 
on the wellbore (wall cake) affects the wellbore stability and support. It is often said that the majority of the prob- 
lems in drilling are related in some manner or another to the drilling fluid. 

The drilling engineer is concerned with the selection and maintenance of the drilling fluid because of its relation 
to most drilling operational problems. The cost of the drilling fluid, commonly known as “drilling mud” or simply 
“mud,” is comparatively small as compared to the rig or casing costs; but, the selection of the proper fluid and the 
testing and control of its properties has considerable effect on the total well cost. The additives needed to create 
and maintain the fluid properties can be expensive. In addition, the penetration rate of the rotary bit and opera- 
tional delays caused by circulation loss, stuck drillpipe, caving shale, and the like are significantly affected by the 
drilling-fluid properties. Fluid properties also profoundly influence the rig days needed to drill the total depth 
(TD) (Bourgoyne 1991; Darley and Gray 1988). 


3.2 A Brief History of Drilling Fluids 

Like many aspects of modern well construction, the first modern drilling fluid—tittle more than muddy water— 
was used at Spindletop in south Beaumont, Texas, USA to drill through unconsolidated sands (Clark and Hal- 
bouty 1980). However, the Chinese used water as a “softening” agent while drilling wells several hundred feet in 
depth as early 600 BCE (Darley and Gray 1988). The practice of circulating fluid while drilling was introduced 
and patented in England in 1845 by Robert Beart (Beart 1845). 

While clay-based muds were helpful in establishing a wall cake and stabilizing unconsolidated sands, they 
did not provide a way to control subsurface pressures. In 1926, noted Louisiana geologist Ben K. Stroud 
patented a “means for controlling the flow of gas, oil and water under pressure from the well.” His “inven- 
tion” was a “compound consisting of iron oxide, barium sulfate, lead concentrate, and mercury mixed in the 
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desired proportion and quantities according to the character of the well being bored” (Stroud 1926). Barite 
was soon identified as the best weighting material for drilling purposes because it is inert and comparatively 
nonabrasive. 

The addition of high specific gravity weighting material to drilling fluid created the need for a reliable suspend- 
ing agent. Bentonite was already in use in the 1920s as a cement component. Seeing its usefulness for well drilling, 
one manufacturer packaged and sold “Plastiwate,” 95% of which was barite, with 5% bentonite added for suspen- 
sion purposes (Darley and Gray 1988). Finely ground, premium-grade Wyoming sodium bentonite is now the 
standard viscosifier and primary fluid-loss-control agent in most freshwater base muds. One of its key functions has 
not changed since 1928: promoting hole stability in poorly consolidated formations. 

Approximately 85% of the barite sold in the United States is used as a weighting agent in drilling fluids. The 
third largest market for bentonite (behind kitty litter and foundry sand manufacturers) is the oil and gas drilling 
industry. The production specifications of barite, bentonite, and attapulgite (saltwater clay) for use in drilling 
fluids are specified by the American Petroleum Institute (API) (API Spec. 13A). 

The early simple drilling fluids quickly gave way to increasingly “engineered” systems. To better protect the 
target formations, additives were developed for improved rheology and fluid-loss control, shale inhibition, and 
resistance to contamination. Laboratory and field-test procedures became more sophisticated as drilling-fluid 
companies and oil and gas operators sought correlations between surface measurements and downhole condi- 
tions. Under conditions in which bentonite and other clay additives proved inadequate, organic and synthetic 
polymers were substituted as viscosifiers and fluid-loss-control agents. Low-solids and solids-free polymer for- 
mulations are the basis for drill-in fluid systems, which are commonly used for drilling horizontal well produc- 
tion intervals. 

One of the major turning points in drilling-fluids technology was the introduction of invert emulsion oil- 
based fluids (OBFs) in the 1960s (although true oil muds were used much earlier in California and Texas). The 
improvement in drilling performance, compared to that of water-based fluids, was impressive. These OBFs 
(typically formulated with diesel) were naturally inhibitive and enabled high rates of penetration. However, 
heightened concerns over environmental issues in the late 1970s led state and federal regulatory agencies to 
prohibit the overboard discharge of whole mud and drill cuttings offshore when diesel is in the drilling fluid 
(Bleier 1993). The risk of causing serious harm to fish populations together with transportation and disposal 
issues rising from continued use of oil- and diesel-based fluids offshore significantly curtailed their use in the 
Gulf of Mexico (GOM) and other offshore locations. Diesel OBFs are still commonly used in on-land drilling 
operations and, if disposal processes are properly monitored and carried out, are used under certain circum- 
stances offshore. 

Synthetic-based fluids (SBFs) were developed and introduced around 1990. These fluids retained the good 
drilling-performance characteristics of traditional OBFs, yet complied with the stringent regulations governing 
offshore fluid and cuttings disposal. After a decade of evolving SBF development, internal olefin- (IO) and ester- 
based fluids emerged as reliably “safe” drilling fluids, based on a prolonged period of testing and data collection 
coordinated by the Environmental Protection Agency (EPA), Minerals Management Service (MMS), API/Na- 
tional Offshore Industries Association (NOIA), and several drilling-fluids companies. 

As drilling operations began moving into deeper water in the 1990s, typical SBF formulations were challenged 
by temperatures ranging from the near-freezing seabed to 400°F at TD. The development of a clay-free SBF in 
2001 allowed operators to control rheological properties over this temperature range, with no sacrifice in drilling 
performance (Whitson and McFadyen 2001). Because of its flat rheological profile, this ester/IO-blend fluid also 
helped reduce deepwater risks associated with high equivalent circulating densities (ECDs) and surge pressures, 
particularly while running and cementing casing strings. 

Underbalanced drilling increased in favorability throughout the 1990s and led to the refinement of pneu- 
matic (air, mist, and foam) drilling methods. This type of drilling has been successful in certain mature 
fields, in low pressure formations, and particularly in hard, dry rock. Though these methods are not adapt- 
able for all downhole environments and require close management of ignition and explosion risks, produc- 
ing formations are not as likely to be damaged by pneumatic drilling. Less complicated completions and 
fewer subsequent workover operations are also among the benefits. The absence of drilling fluid eliminates 
the need for a mud-handling system, and disposal issues related to drilling fluid and drill cuttings are greatly 
reduced. 

Sustained drilling in ultradeepwater locations and the emergence of energy production capabilities in ex- 
tremely remote geographical locations continue to influence drilling-fluid-system design and packaging. While 
traditional drilling-fluid formulations are still commonly used, advanced modeling and testing tools available 
today make it possible to create a single “fit-for-purpose” drilling-fluid system without incurring unacceptable 
cost increases. 
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3.3 Functions of Drilling Fluids 
The functions of a drilling fluid can be categorized as follows: 


e Cuttings transport 
o Clean under the bit 
o Transport the cuttings up the borehole 
o Release the cuttings at the surface without losing other beneficial materials 
o Hold cuttings and weighting materials when circulation is interrupted 
e Physicochemical functions 
e Cooling and lubricating the rotating bit and drill string 
e Fluid-loss control 
o Wall the newly drilled wellbore with an impermeable cake for borehole support 
o Reduce adverse and damaging effects on the formation around the wellbore 
Control subsurface pressure 
Support part of the drillstring and casing weight 
Ensure maximum logging information 
Transmit hydraulic horsepower to the rotating bit (Magcobar 1972) 


3.3.1 Cuttings Transport. The drilling fluid should be able to remove rock fragments or cuttings from beneath 
the drilling bit, transport them up the wellbore drillstring annulus, and permit their separation at the surface using 
solids-control equipment. The density and viscosity of the drilling fluid are the properties that control the process 
of lifting particles that fall down through the flowing fluid by the effect of gravity. The fluid must also have the 
ability to form a gel-like structure to hold cuttings and weighting materials when circulation is interrupted. 

Horizontal and high-angle wells require specialized fluid formulations and “sweep” protocols to minimize the 
risk of barite sag (in which the barite slurry separates downhole) and of low-side cuttings settling, both of which 
can lead to stuck pipe and loss of the well. The lubricity of the drilling fluid is also a key factor in controlling 
torque and drag in these types of operations. 


3.3.2 Physicochemical Functions. The drilling-fluid system should remain stable when exposed to contaminants 
and hostile downhole conditions. Among the common natural contaminants are reactive drill solids, corrosive acid 
gases (e.g., H,S), saltwater flows, and evaporites (e.g., gypsum). The cement used in setting casing and liner 
strings is also a contaminant to some water-based muds. Wells in certain areas have extremely high bottomhole 
temperatures, at times approaching 500°F, and, likewise, arctic locations may expose the drilling fluid to subzero 
temperatures at surface. 


3.3.3 Cooling and Lubricating the Rotating Bit and Drillstring . The drilling mud cools and lubricates when 
the rotating bit drills into the bottom of the hole and when the drillstring rotates against the wellbore walls. The 
fluid should have the ability to absorb the heat generated by the friction between metallic surfaces and formation. 
In addition, the fluid should not adversely affect the bit life nor increase the torque and drag between the drillstring 
and the borehole. 


3.3.4 Fluid-Loss Control. The bit removes lateral support of the drilled wellbore and is immediately replaced 
by the drilling fluid until the casing is set with cement. The stability of uncased sections of the borehole is 
achieved by a thin, low-permeability filter cake formed by the mud on the walls of the hole. Also, the cake 
seals pores and other openings in formations caused by the bit, thereby minimizing liquid loss into permeable 
formations. 

Poor fluid-loss control can cause surge (an increase in wellbore pressure under a bit from running into the hole), 
swab (a decrease in wellbore pressure under a bit from running out of the hole), and circulation-pressure problems 
(known as ECD). Loss of circulation increases the drilling-fluid cost and the potential for the inflow of fluids (gas, 
oil, or water) from formations. High viscosity and high gel strength may cause excessive pressure in the borehole, 
as well. 

The drilling fluid should not negatively affect the production of the fluid-bearing formation. That is, the drilling 
mud is designed to reduce adverse effects on formation around the wellbore. In contrast, the fluid must assist in 
the collection and interpretation of electrical-log information. 


3.3.5 Control Subsurface Pressure. A drilling fluid is the first line of defense against well-control problems. 
The drilling fluid balances or overcomes formation pressures in the wellbore. Typically, this is accomplished with 
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weighting agents such as barite, although there are other chemicals that can be used. In addition, surface pressure 
can be exerted to give the equivalent pressure needed to balance a formation pressure. 

An overbalanced condition occurs when the drilling fluid exerts a higher pressure than the formation pressure. 
An underbalanced condition occurs when the drilling fluid exerts a lower pressure than the formation pressure. 
Therefore, in underbalanced drilling operations, the borehole is deliberately drilled with a fluid/pressure combina- 
tion lower than the formation pressure. A balanced condition exists if the pressure exerted in the wellbore is equal 
to the formation pressure. 


3.3.6 Help Support the Drillstring and Casing Weight. Any time a material is submerged in a fluid in a gravita- 
tional field, there is a reaction that offsets the force that gravity exerts. This is often called buoyancy, although there 
are a lot of misconceptions related to this term. Nonetheless, in heavily weighted situations, this “buoyancy force” can 
assist by offsetting some of the weight of a drillstring or casing. This offset is dependent upon the density of the fluid, 
with higher-density fluids giving more of an offset and lower density “fluids” (e.g., air) not helping much, if at all. 


3.3.7 Ensure Maximum Logging Information. The drilling fluid has a profound impact on the electrical and 
acoustical properties of a rock. Because these properties are what logging tools measure, it is imperative that the 
correct selection of wireline logging tool or logging-while-drilling (LWD) tool for a given drilling fluid be made. 
Or, lacking that, then the correct drilling fluid must be used for a given logging tool. In addition, the drilling fluid 
should facilitate retrieval of information by means of cuttings analysis. 


3.3.8 Transmit Hydraulic Horsepower to the Rotating Bit. The hydraulic force is transmitted to the rotating bit 
when the fluid is ejected through the bit nozzles at a very high velocity. This force moves the rock fragments or 
cuttings away from the drilled formation beneath the bit. In directional-drilling operations, the hydraulic force 
powers the downhole hydraulic motor and turns electric-power generators (turbines) for measurement-while- 
drilling (MWD) and LWD drillstring equipment. 


3.4 Drilling-Fluid Categories 

According to the World Oil annual classification of fluid systems, there are nine distinct categories of drilling fluids in 
use today (World Oil 2002). Five categories include freshwater systems, one category covers saltwater systems, two 
categories include oil- or synthetic-based systems, and the last category covers pneumatic (air, mist, foam, gas) “fluid” 
systems. In the following text, these fluids will be discussed in detail. 


3.4.1 Classification of Drilling Fluids. The principal factors governing the selection of type (or types) of drilling 
fluids to be used on a particular well are 


e The characteristics and properties of the formation to be drilled 
e The quality and source of the water to be used in building the fluid 
e The ecological and environmental considerations 


Continuous-Phase Classification. Drilling fluids are categorized according to their continuous phase so that 
there are 


e Water-based fluids 
e OBFs 
e Pneumatic (gas) fluids 


Consider a drop of a drilling fluid. If one could go from a point in one phase to any other point in that same phase, 
then it is said to be continuous. If one had to cross one phase to get back to the previous phase, then that phase is 
discontinuous. Solids are always a discontinuous phase. Therefore, drilling fluids are designated by their continu- 
ous phase. 

Water-based drilling muds are the most commonly used fluids, while oil-based muds are more expensive and 
require more environmental considerations. The use of pneumatic drilling fluids (i.e., air, gas, and foam) is limited 
to depleted zones or areas where the formations are low pressured (although with underbalanced-drilling equip- 
ment, higher pressured zones can now be drilled without the need of pneumatic drilling fluids). In water-based 
fluids, the solid particles are suspended in water or brine, while in oil-based muds the particles are suspended in 
oil. When pneumatic drilling fluids are used, the rock fragments or drill cuttings are removed by a high-velocity 
stream of air or natural gas. Foaming agents are added to remove minor inflows of water (Darley and Gray 1988). 
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Water-Based Fluids. The majority of wells are drilled with water-based drilling fluids. The base fluid may be 
fresh water, saltwater, brine, or saturated brine. A typical water-based mud composition is illustrated in Fig. 3.1. 

Water-based drilling fluids range from native muds to lightly treated fluids to the more heavily treated, inhibi- 
tive fluids. They are divided into three major subclassifications: 


e Inhibitive 
e Noninhibitive 
e Polymer 


Inhibitive fluids retard clay swelling (i.e., the ability of active clays to hydrate is greatly reduced). For this reason, 
inhibitive fluids are used for drilling hydratable-clay zones. The ability of the formation to absorb water is not in- 
hibited when noninhibitive fluids are used. The term noninhibitive refers to the lack or absence of those specific ions 
(sodium, calcium, and potassium) that are present in inhibitive fluids. Inhibitive fluid systems do not use chemical 
dispersants (thinners) or inhibitive ions, but native waters. Polymer fluids may be inhibitive or noninhibitive de- 
pending upon whether an inhibitive cation is used. 

Saltwater Drilling Fluids. Saltwater drilling fluids are used for shale inhibition and for drilling salt formations. 
They are also known to inhibit hydrates (ice-like formations of gas and water) from forming, which can accumu- 
late around subsea wellheads and well-control equipment, blocking lines and impeding critical operations. 

Inhibitive Drilling Fluids. Inhibitive drilling fluids are designed to reduce chemical reactions between the drill- 
ing fluid and the formation. Fluid formulations containing sodium, calcium, and/or potassium ions minimize shale 
hydration and swelling. Gypsum (“gyp”) drilling fluids are used for drilling anhydrite and gypsum formations. In 
known H,S environments, a high pH water-based fluid treated with scavengers, or an OBF with 4-6 ppb of excess 
lime, usually is the recommended drilling-fluid system. 

Incorporating up to 10% oil in a water-based fluid to improve lubricity and inhibition was a long-standing drill- 
ing practice; however, the availability of glycol additives and high performance SBFs makes oil additions unnec- 
essary. Furthermore, disposal of water-based fluids containing a measurable percentage of oil is closely regulated. 

Organic and Synthetic Polymers. Organic and synthetic polymers are used to provide viscosity, fluid-loss control, 
shale inhibition, and prevention of clay dispersion in freshwater- or saltwater-based drilling fluids. Most polymers are 
very effective even at low concentrations and can be run by themselves or added in small quantities to enhance or extend 
bentonite performance. Specially developed high-temperature polymers are available to help overcome gelation issues. 

Polymers function in several ways. Some polymers actually hydrate and swell in much the same manner as con- 
ventional clay materials. By doing this they thicken the water phase, making the escape of this water into the forma- 
tion or into the clay structure more difficult, thereby preventing swelling. Large, high molecular-weight polymers will 
bond onto clay surfaces and literally surround and isolate the clay/shale particle. This is referred to as encapsulation. 


Volume 
Fraction 


0.80 Water phase—all salinity ranges 


0.06 Emulsified diesel oil or lease 
crude—for lubricity and 
filtration control 


0.03  Low-specific-gravity active 
solids—for viscosity control 


0.05 Low-specific-gravity inactive 
solids—drilled solids 


0.06 = High-specific-gravity solids 
for density control 


Fig. 3.1—Composition of 11-lbm/gal water-based mud (Bourgoyne et al. 1991). 
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Smaller polymers with low molecular weight will attach to exposed broken-edge bond sites and block the intru- 
sion of hydrating water from the continuous phase. Free water can still bond to exposed surfaces, but the interior 
regions of the clays will not be wetted or expanded. 

A recently developed inhibitive polymer system relies on nonionic materials that behave in much the same way as 
inhibitive water-based muds, because of hydrogen bonding. The advantage of this system is the ability to maintain a 
moderate concentration without raising the viscosity to undesirable levels. Excess polymeric material remains avail- 
able to handle freshly drilled solids. 

Membrane-Efficient Water-Based Drilling Fluids. Wellbore instability predominantly occurs in shales that 
overlay reservoirs and is an industrywide problem that affects exploration through to development drilling. Shales 
are fine-grained with high clay content, low permeability, and are chemically reactive with incompatible drilling 
fluids. The significant drilling fluid/shale interaction mechanisms are hydraulic or mud-pressure penetration, 
chemical potential, and swelling/hydration stresses. 

When drilling with improperly designed drilling fluids, shales without effective osmotic membranes progres- 
sively imbibe water, which leads to mud-pressure penetration. Consequently, the net radial mud support changes 
over a period of time and near-wellbore formation pore pressure increases. This reduces formation strength and 
leads to borehole instability. 

Past efforts to develop improved water-based fluids for shale drilling have been hampered by a limited under- 
standing of the drilling fluid/shale interaction phenomenon. Recent studies of fluid/shale interactions have pro- 
duced new insights into the underlying causes of borehole instability, and these studies suggest new and innovative 
approaches to the design of water-based drilling fluids for drilling shales (Tare 2002). 

In most cases, the two most relevant mechanisms for water transport into and out of shale are the hydraulic- 
pressure difference between the wellbore pressure (drilling-fluid density) and the shale pore pressure; and the 
chemical potential difference (i.e., the water activity) between the drilling fluid and the shale. 

The fine pore size and negative charge of clay on pore surfaces cause argillaceous materials to exhibit mem- 
brane behavior. The efficiency is a measure of the capacity of the membrane to sustain osmotic pressure between 
the drilling fluid and shale formation. 

If the water activity of the drilling fluid is lower than the formation water activity, an osmotic outflow of pore 
fluid from the formation, because of the chemical potential mechanism, will lessen the increase in pore pressure 
resulting from mud-pressure penetration. If the osmotic outflow is greater than the inflow as a result of mud- 
pressure penetration, there will be a net flow of water out of the formation into the wellbore. This will result in the 
lowering of the pore fluid pressure below the in-situ value. The associated increase in the effective mud support 
will lead to an improvement in the stability of the wellbore. 

One of the key parameters that can be manipulated to increase the osmotic outflow is membrane efficiency. The 
osmotic outflow increases with increasing membrane efficiency. In most conventional water-based fluids, the 
membrane efficiency is low. Therefore, even if the water activity of the drilling fluid is maintained significantly 
lower (with a high salt concentration) than the shale-water activity, the osmotic outflow may be negligible because 
of the low membrane efficiency. 

As a result of extensive testing, three new generations of water-based drilling fluid systems with high membrane 
efficiencies (greater than 80%) have been developed, including a 12% NaCl system that generated a membrane 
efficiency of approximately 85%. Such systems hold promise for operations where OBFs and SBFs are unsuitable 
or prohibited because of drilling conditions and/or regulations. 

OBFs. Normally, the high salinity water phase of an invert emulsion or SBF helps stabilize reactive shale and 
prevent swelling. However, drilling fluids formulated with diesel- or synthetic-based oil and no water phase are 
used to drill long shale intervals where the salinity of the formation water is highly variable. By eliminating the 
water phase altogether, the all-oil drilling fluid preserves shale stability throughout the interval. These drilling- 
fluid systems are commonly used in eastern Venezuela to drill the Caripita shale, which may be up to 10,000 ft 
thick. 

Diesel and mineral oil OBFs—also called “invert emulsions’”—are inhibitive, resistant to contaminants, 
stable at high temperatures and pressures, lubricious, and noncorrosive. A typical oil-based-mud composition 
is illustrated in Fig. 3.2. Onshore, they are the fluids of choice for drilling troublesome shale sections, ex- 
tended-reach wells that would be otherwise prone to pipe-sticking problems, and dangerous HP/HT H,S 
wells. The drilling efficiency of an OBF system can save days, perhaps weeks, on the time required to drill 
the well. 

These fluid systems are also subject to stringent disposal regulations because of their toxicity. Mineral- 
oil formulations are considered less toxic than diesel-based fluids, but not a suitable alternative where 
“greener” SBFs are available. The use of diesel- or mineral-oil-based fluids is absolutely prohibited in 
some areas. 
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Volume 
Fraction 


0.54 Diesel 


0.04 Calcuim chloride or sodium chloride 


of 0.30 Water 
0.03 Low-specific-gravity solids 
0.09 High-specific-gravity solids 
for density control 


Fig. 3.2—Composition of 11-lbm/gal oil-based mud (Bourgoyne et al. 1991). 


The oil/water ratios typically range from 90:10 to 60:40, though both oil and water percentages can be increased 
beyond these ranges. Generally, the higher the percentage of water, the thicker the drilling fluid. High salinity 
levels in the water phase dehydrate and harden reactive shales by imposing osmotic pressures. 

The basic components of an invert-emulsion fluid include diesel or mineral oil, brine (usually calcium chlo- 
ride), emulsifiers, oil-wetting agents, organophilic clay, filtration-control additives, and slaked lime. Relaxed 
OBFs are formulated without filtration-control additives and have a loose emulsion. 

The primary emulsifiers are calctum-based soaps. Secondary emulsifiers enhance temperature stability and are 
tall oils. In order to make the clays and lignites oil soluble, a tallow derivative is grafted onto them. The tallow 
derivative is primarily responsible for extremely high viscosities at low temperatures, making traditional invert- 
emulsion muds unsuitable for deepwater applications. 

SBFs. Synthetic-based drilling fluids were developed to provide the highly regarded drilling-performance char- 
acteristics of conventional OBFs while significantly reducing the toxicity of the base fluid. Consequently, SBFs 
are used almost universally offshore and they continue to meet the increasingly rigorous toxicity standards im- 
posed by regulatory agencies. 

The cost-per-barrel for an SBF is considerably higher than that of an equivalent-density water-based fluid, but 
because synthetics facilitate high ROPs and minimize wellbore-instability problems, the overall well-construction 
costs are generally less, unless there is a catastrophic lost-circulation occurrence. 

Emulsion-Based Drilling Fluids (EBFs). In early 2002, an SBF formulated with an ester/IO blend became 
widely used, especially in deepwater operations where temperatures range from 40 to 350°F on a given well. The 
fluid contains no commercial clays or treated lignites; rheological and fluid-loss-control properties are maintained 
with specially designed fatty acids and surfactants. The system provides stable viscosity and flat rheological prop- 
erties over a wide range of temperatures. 

Gel strengths develop quickly, but are extremely shear-sensitive. As a result, pressures related to breaking cir- 
culation, tripping or running casing, cementing, and ECD are significantly lower than pressures that occur with 
conventional invert emulsion fluids. Lost circulation incidents appear to occur less frequently and with a lesser 
degree of severity where EBFs are used. 

The EBF performs well from an environmental perspective and has met or surpassed stringent oil-retained-on- 
cuttings regulations governing cuttings discharge in the GOM. The EBF is highly water- and solids-tolerant and 
responds rapidly to treatment. 

Pneumatic Drilling Fluids. Pneumatic drilling fluids are most commonly used in dry, hard formations such as 
limestone or dolomite. In pneumatic drilling-fluid systems, air compressors circulate air through the drillstring 
and up the annulus to a rotating head. The return “fluid” is then diverted by the rotating head to a flowline leading 
some distance from the rig to protect personnel from the risk of explosion. Gas from a pressured natural gas 


94 Fundamentals of Drilling Engineering 


source nearby may be substituted for air. Both air and gas drilling are subject to downhole ignition and explosion 
risks. Sometimes, nitrogen—either from cryogenic sources or generated using membrane systems—is substituted 
for the pneumatic fluid. Pneumatic drilling fluids are considered to be nondamaging to productive formations. 

Silicate-Based Drilling Fluids. Field applications of sodium silicate drilling fluids indicate that they appear to 
provide a sealing effect within shale pore throats and may also increase membrane efficiency (the mobility of solutes 
through a shale pore network) (Mody 1993). Contact with calcium or magnesium ions, or the decrease in pH caused 
by dilution of fluid filtrate with pore fluid, may cause the electrolytes to precipitate (Bland 2002). Shale permeability 
is therefore reduced. However, the excellent shale inhibition characteristics of silicate drilling-fluid systems may be 
outweighed by other perceived deficiencies in lubricity, thermal stability, and the necessity for a high pH. 

Typically, the silicate-based fluid system creates a physical membrane, which, in conjunction with the soluble 
sodium silicate or potassium silicate, provides primary shale inhibition. The wellbore becomes pressure-isolated 
so that filtrate invasion is minimal. Polyglycols may provide secondary inhibition, improve lubricity and filtration 
control, and stabilize the drilling fluid’s physical properties. Polyglycols can withstand the high pH environment 
of silicate fluids better than conventional lubricants that may hydrolyze at high pH. 

Silicate-based fluids have been used successfully in drilling highly reactive gumbo clays in the top hole interval 
and as an alternative inhibitive fluid in areas where invert-emulsion fluids are prohibited. They may also be useful 
for drilling highly dispersible formations such as chalk and have been used to stabilize unconsolidated sands. 


3.4.2 Drilling Fluid Additives. Water-based drilling fluids consist of a mixture of solids, liquids, and chemicals, with 
water being the continuous phase. Solids may be active or inactive. The active (hydrophilic) solids such as hydratable 
clays react with the water phase, dissolving chemicals and making the mud viscous. The inert (hydrophobic) solids 
such as sand and shale do not react with the water and chemicals to any significant degree. Basically, the inert solids, 
which vary in specific gravity, make it difficult to analyze and control the solids in the drilling fluid (i.e., inert solids 
produce undesirable effects). 

Broad classes of water-based drilling-fluid additives are in use today. Clays, polymers, weighting agents, fluid- 
loss-control additives, dispersants or thinners, inorganic chemicals, lost-circulation materials, and surfactants are the 
most common types of additives used in water-based muds. Clays and polymers were discussed in Section 3.4.1. 

Weighting Agents. The most important weighting additive in drilling fluids is barium sulfate (BaSO,). Barite is a 
dense mineral comprising barium sulfate. The specific gravity of barite is at least 4.20 g/cm? to meet API specifica- 
tions for producing mud densities from 9 to 19 lbm/gal. However, a variety of materials have been used as weight- 
ing agents for drilling fluids including siderite (3.08 g/cm), calcium carbonate (2.7-2.8 g/cm*), hematite (5.05 g/ 
cm°), ilmetite (4.6 g/cm°), and galena (7.5 g/cm’). 

Fluid-Loss-Control Additives. Clays, dispersants, and polymers such as starch are widely used as fluid-loss- 
control additives. Sodium montmorillonite (bentonite) is the primary fluid-loss-control additive in most water- 
based drilling fluids. The colloidal-sized sodium-bentonite particles are very thin and sheetlike or platelike with a 
large surface area, and they form a compressible filter cake. Inhibitive mud systems inhibit the hydration of ben- 
tonite and greatly diminish its effectiveness. Therefore, bentonite should be prehydrated in fresh water before 
being added to these systems. The larger and thicker particles of sodium montmorillonite do not exhibit the same 
fluid-loss-control characteristics. 

Thinners or Dispersants. Although the original purpose in applying certain substances called thinners was to 
reduce flow resistance and gel development (related to viscosity reduction), the modern use of dispersants or thin- 
ners is to improve fluid-loss control and reduce filter cake thickness. The term dispersant is frequently used incor- 
rectly to refer to deflocculants. Dispersants are chemical materials that reduce the tendency of the mud to coagulate 
into a mass of particles or “floc cells” (i.e., the thickening of the drilling mud resulting from edge-to-edge and 
edge-to-face association of clay platelets). In addition, some dispersants contribute to fluid-loss control by plug- 
ging or bridging tiny openings in the filter cake. For this reason, some dispersants such as lignosulfonate (a highly 
anionic polymer) are more effective than others as fluid-loss reducers (IMCO 1981). 

Quebracho is a type of tannin that is extracted from certain hardwood trees and used as a mud thinner. It also can 
be added to mud to counteract cement contamination. High pH is required for quebracho to dissolve readily in cold 
water. Therefore, quebracho should be added with caustic soda in equal proportions by weight of 1 part of caustic 
soda to 5 parts quebracho. Concentration of quebracho varies between 0.5 and 2 Ilbm/bbl. Safety considerations for 
mixing these fluids (or any fluid and solid) must be observed. 

Lost-Circulation Materials. In mud parlance, losses of whole drilling fluid to subsurface formation are called 
lost circulation. Circulation in a drilling well can be lost into highly permeable sandstones, natural or induced for- 
mation fractures, and cavernous zones; such a loss is generally induced by excessive drilling-fluid pressures. Drill- 
ing mud flowing into the formation implies a lack of mud returning to the surface after being pumped down a well. 

An immense diversity of lost-circulation materials have been used. Commonly used materials include: 
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e Fibrous materials such as wood fiber, cotton fiber, mineral fiber, shredded automobile tires, ground-up cur- 
rency, and paper pulp 

e Granular material such as nutshell (fine, medium, and coarse), calcium carbonate (fine, medium, and 
coarse), expanded perlite, marble, formica, and cottonseed hulls 

e Flakelike materials such as mica flakes, shredded cellophane, and pieces of plastic laminate 


Darley and Gray (1988) include an additional group of lost-circulation materials—slurries. Hydraulic 
cement, diesel oil-bentonite-mud mixes, and high-filter-loss drilling muds harden (increase strength) with time 
after placement. 

Surfactants or Surface-Active Agents. A surface-active agent is a soluble organic compound that concen- 
trates on the surface boundary between two dissimilar substances and diminishes the surface tension between 
them. The molecular structure of surfactants is made of dissimilar groups having opposing solubility tendencies 
such as hydrophobic and hydrophilic. They are commonly used in the oil industry as additives to water-based 
drilling fluid to change the colloidal state of the clay from that of complete dispersion to one of controlled floc- 
culation. They may be cationic (dissociating into a large organic cation and a simple inorganic anion), anionic 
(dissociating into a large organic anion and a simple inorganic cation), or nonionic (long chains of polymer that 
do not dissociate) (Darley and Gray 1988). 

Surfactants are used in drilling fluids as emulsifiers, dispersants, wetting agents, foamers and defoamers, and to 
decrease the hydration of the clay surface. The type of surfactant behavior depends on the structural groups of the 
molecules. 

Various Other Additives. There are a plethora of other additives for drilling fluids. Some are used for pH 
control—that is, for chemical-reaction control (inhibit or enhance) and drill-string-corrosion mitigation. There 
are bactericides used in starch-laden fluids (salt muds in particular) to kill bacteria. There are various contami- 
nate reducers such as sodium acid polyphosphate (SAPP) used while drilling cement to bind up calcium from the 
cement cuttings. There are corrosion inhibitors, especially H,S scavengers. There are defoamers to knock out 
foaming and foaming agents to enhance foaming. There are lubricants for torque-and-drag reduction as well as 
pipe-freeing agents for when a drill string is stuck. 


3.5 Clay Chemistry 
The key to understanding drilling fluids is to understand clay chemistry. And to really understand clay chemistry, 
the understanding of particle sizes is critical. 


3.5.1 Particle Sizes. The common size of a given particle is usually measured in microns (um). This is 0.001 mm 
or 3.937x 10> in. Particles that are greater than 44 um are considered sand-sized particles (regardless of their 
material). These can be subcategorized as coarse (greater than 2 mm), intermediate (between 2 mm and 250 um), 
medium (between 250 and 74 um), and fine (between 74 and 44 um). Particles sized between 44 and 2 um are 
silt-sized. And particles less than 2 um are called colloidal. Clay particles are colloidal in size. While sand- and 
silt-sized particles can be physically separated in a liquid, a colloidal-sized particle cannot. It must be removed 
using a chemical reaction, which typically enlarges the particle and makes it susceptible to physical separation. 
The range of particle sizes are illustrated in Fig. 3.3. 

The surface area of a clay particle is remarkable. For example, a 1 cm cube of clay has a surface area of 6 x 
10“ m’. Chop that same 1 cm cube into 1-um cubes (the size of a clay particle) and the result would be 10,000? 
(10") particles. Each particle would have a surface area of 6 x 10"? m*; 10” of those particles would yield a 
surface area of 6 m?—this is an increase of 10,000 in the available surface area. And, because the chemical 
reactivity of clay is partially dependent on its surface area, the more dispersed a clay is, the more reactive it 
becomes. 

The surface area of a clay particle typically has an ion associated with it. This cation links the platelet structure 
of the clay together. The strength of the cation, as well as other environmental conditions, dictates whether the 
platelets separate or not. 

Hydration occurs as clay platelets absorb water and swell. Fig. 3.4 illustrates the various forms of clay behavior. 
Dispersion (or disaggregation) causes clay platelets to break apart and disperse into the water because of loss of 
attractive forces as water forces the platelets farther apart. Aggregation—a result of ionic or thermal conditions— 
alters the hydration of a layer around the clay platelets, removes the deflocculant from positive-edge charges, and 
allows platelets to assume a face-to-face structure. Flocculation begins when mechanical shearing stops and plate- 
lets that previously dispersed come together because of the attractive force of surface charges on the platelets. 
Deflocculation, the opposite effect, occurs by addition of chemical deflocculant to flocculated mud; the positive- 
edge charges are covered and attraction forces are greatly reduced. 
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Fig. 3.3—Particle size of solids (Annis 1974). Reprinted courtesy of ExxonMobil. 


3.5.2 Clay Types. From the standpoint of geology, clay (sediments less than 0.0039 mm in size) is a group of 
rock-forming, hydrous aluminum silicate minerals that are layered in morphology and can form by the alteration 
of silicate minerals. On the other hand, from the standpoint of drilling-fluid technology, clay is a large family of 
complex minerals containing the elements magnesium, aluminum, silicon, and oxygen (magnesium, aluminum 
silicates) combined in a sheetlike structure (Darley and Gray 1991). 

Various clays react to water at differing levels known as activity levels. The smectites are the most reactive with 
water, easily disassociating. The best known clay is sodium montmorillonite, better known as bentonite or gel. 
Calcium montmorillonite is sometimes called subbentonite. And vermiculite is the least active of the smectites. 
The next less-reactive clays are the illites, followed by the chlorites, and the kaolinites. Each of these clays is pres- 
ent in differing proportions in formations, a fact that can seriously complicate drilling-fluid selection. 

Wyoming bentonite is composed primarily of three-layer clays called montmorillonite (a mineral found near 
Montmorillon, France). The term now is reserved usually for hydrous aluminum silicates approximately repre- 
sented by the formula 4Si0,-A1,0,-H,O + water, but with some of the aluminum cations Al** being replaced by 
magnesium cations Mg”*. This replacement of Al** by Mg”* causes the montmorillonite structure to have an excess 
of electrons. This negative charge is satisfied by loosely held cations from the associated water. The name sodium 
montmorillonite refers to a clay mineral in which the loosely held cation is the Na* ion. 

Montmorillonite, a hydrophilic and dispersible clay mineral of the smectite group, is a mineral that tends to 
swell when exposed to water. This clay has the extraordinary capacity of exchanging cations, typically sodium 
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Fig. 3.4—Association of clay particles (after Bourgoyne et al. 1991). 


(Na*) and calcium (Ca*’). Sodium montmorillonite is known as a premium mud additive. It is considered higher- 
quality swelling clay, while calcium-type montmorillonite is of lower quality and is treated during grinding by 
adding more additives for various commercial applications. Sodium montmorillonite is capable of swelling to 
approximately 10 times its original volume when mixed with fresh water. Calcium montmorillonite will swell 
only two to four times its original volume when mixed with water. In mud parlance, bentonite is classified as so- 
dium bentonite and calcium bentonite, depending on the exchangeable cation (Darley and Gray 1991). 

Montmorillonite clay has a mica-type crystal structure made up of a crystal lattice of silica and aluminum, and 
the lattice is loosely bound with a cation such as sodium or calcium. In the presence of water, the crystal lattice 
absorbs water, allowing the crystal to swell. The covalent calcium ion holds the crystal lattice together tighter, 
allowing less swelling. A model representation of the structure of sodium montmorillonite is shown in Fig. 3.5 
(Grim 1968). A central alumina octahedral sheet has silica tetrahedral sheets on either side. These sheetlike struc- 
tures are stacked with water and the loosely held cations between them. Polar molecules such as water can enter 
between the unit layers and increase the interlayer spacing. This is the mechanism through which montmorillonite 
hydrates or swells. A photomicrograph of montmorillonite particles in water is shown in Fig. 3.6 (Grim 1968). 
Note the platelike character of the particles. 

In addition to the substitution of Mg** for A1% in the montmorillonite lattice, many other substitutions are pos- 
sible. Thus, the name montmorillonite often is used as a group name including many specific mineral structures. 
However, in recent years, the name smectite has become widely accepted as the group name, and the term mont- 
morillonite has been reserved for the predominantly aluminous member of the group shown in Fig. 3.5. This re- 
cent naming convention has been adopted in this text. 

The ability of smectite clays to swell when exposed to water is considerably affected when the salinity of the 
water is too great. In the particular case of salt water, a fibrous, needlelike clay mineral called attapulgite is used. 
Attapulgite (a mineral found near Attapulgus, Georgia, USA) is composed of magnesium-aluminum silicate and 
is incapable of controlling the filtration properties of the mud. Attapulgite is approximately represented by the 
formula (Mg,AL),Si,O,,-4H,O , but with some pairs of the magnesium cations (2Mg**) being replaced by a 
single trivalent cation. A photomicrograph of attapulgite in water is shown in Fig. 3.7a. The ability of attapulgite 
to build viscosity is thought to be a result of interaction between the attapulgite fibers rather than the hydration 
of the water molecules. A longer period of agitation is required to build viscosity with attapulgite than with 
smectite clays. However, with continued agitation, viscosity decreases are observed eventually because of the 
mechanical breakage of the long fibers. This can be offset through the periodic addition of a new attapulgite 
material to the system. 
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Fig. 3.5—Structure of sodium montmorillonite (Grim 1968). Used with permission of McGraw-Hill. 


The clay mineral sepiolite, a magnesium silicate with a fibrous texture, has been proposed as a high-temperature 
substitute for attapulgite. A photomicrograph of sepiolite in water is shown in Fig. 3.7b. The idealized formula can 
be written Si,,Mg,O,,-nH,O. X-ray diffraction techniques and scanning-electron-microscope studies have estab- 
lished that the crystalline structure of this mineral is stable at temperatures up to 800°F. Slurries prepared from 
sepiolite exhibit favorable rheological properties over a wide range of temperatures. 


3.6 Estimating Drilling Fluid Properties 

Two principal properties of interest in drilling fluids are density (mud weight) and viscosity. Reasonably accurate 
densities can be estimated from basic principles, but viscosity can be estimated within a broad range, at best. 
Fortunately, drilling-fluid viscosity usually is not specified in a narrow range, but testing and adjusting mud vis- 
cosity usually is desirable. 
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Fig. 3.6—Transmission electron photomicrograph of montmorillonite (Grim 1968). Used with permission of 
McGraw-Hill. 


(a) (b) 


Fig. 3.7—Transmission electron photomicrograph of attapulgite (left) and sepiolite (right) (Grim 1968). Used with 
permission of McGraw-Hill. 
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3.6.1 Calculating Mud Weight. Generally speaking, drilling mud is composed of four major components: water 
or brine phase, an oil phase, low density solids, and high density solids. These four components are immiscible, 
that is, no component dissolves in any other component to any significant degree. This means that the four com- 
ponents form an ideal mixture. In an ideal mixture, the sum of the component volumes equals the total volume of 
the mixture: 


iad Aad fae fae ere (3.1) 


where Vis the total fluid volume, V is the volume of the water phase, V is the volume of the oil phase, V, is the 


volume of the low density solids, and V, is the volume of the high density solids. This volume sum may seem 
obvious, but there are common mixtures that are not ideal. For instance, a mixture of table salt and fresh water 
does not obey Eq. 3.1, and therefore, the prediction of the volume of salt/water mixtures is extremely complex 
(Rogers and Pitzer 1982). 

The total weight of a fluid mixture is simply the sum of the weights of the components. Conservation of mass 


ensures that the total weight calculation is always correct: 


mop NVA PVE Di Ve Dig Vag orra erea TG RA EAE ELAR Sa eee Pee eee eee eas (3.2) 


where m, is the mass of the fluid mixture, p „is the density of the water phase, p is the density of the oil phase, p, 
is the density of the low-density solids, and p, is the density of the high-density solids. The overall density of the 
fluid mixture, then, is 


m, y y, 
t _ pV, fo o y Abi 4 Pas hs 


Pr = 
V; V, V; V, V; 
= P, fe + Pot Ashis + Past hs Ss sehevaetieheeo 2 N Pee serie ate aerate oes (3.3) 


where Í , is the volume fraction of the water phase, Ia is the volume fraction of the oil phase, A is the volume frac- 
tion of the low density solids, and f, is the volume fraction of the high density solids. Note that the sum of the 
volume fractions equals |. The specific gravities of typical drilling-fluid solids are given in Table 3.1. Changes in 
temperature and pressure will change the volumes of the components. While the solid phases show little change 
over typical ranges of temperature and pressure, water does show some change with temperature, and oil shows 
considerable change with pressure and temperature. Water is relatively incompressible, while oils are much more 
compressible. If we review Eq. 3.2, we see that the volume of the fluid changes as the volume of the water phase 
and oil phase changes. As a result, the volume fractions, computed at a given pressure and temperature, are not 
constants and vary with changes in pressure and temperature. If we measure volume fractions at a specified tem- 
perature, the following formula gives the density of the mixture at new temperatures and pressures: 


1- SAA FAP, 
P (P.T) P.T) 


P; (P.T) = 


Ap, = Py (P,T) ~ Py» (P, \) 

Ap, = P, (P,T) E Po (P.T.), 
where P is the reference temperature and T is the reference temperature used to calculate the volume fractions f, 
and f. 


Water and Oil Densities. The effect of temperature and pressure on the density of water, the density of diesel 
oil, and the density of typical synthetic oil is shown in Figs. 3.8 through 3.10, respectively. For an accurate 


TABLE 3.1—DENSITY OF SOLIDS IN DRILLING FLUIDS (SG) 


Bentonite 2.6 Limestone 2.8 Hematite 5.05 Galena 7.50 
Barite 4.2 Siderite 3.08 Ilmetite 4.6 Cuttings | ~2.6 
Attapulgite | 2.89 Sand 2.63 NaCl 2.16 CaCl 1.96 
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Fig. 3.8—Density of fresh water as a function of pressure and temperature. 


analytic formula for water density, we recommend the correlation in Parry et al. (2000). Sorelle et al. (1982) 
gives the following simplified formula: 


p, = 8.63186 — 3.31977 x 10°77 + 2.37170 x105 P, rrr een nents (3.5) 


where p „is water density in lbm/gal, T is temperature in °F, and P is pressure in psia. A general correlation for oil 
density has been proposed by Zamora et al. (2000): 


SG, =(a, +b, T)+(a, +b, T)P+(a, +b, T)P’, pied a oe a A Gos, hele doe E diesel atratoe anes (3.6) 
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Fig. 3.9—Density of diesel oil as a function of pressure and temperature. 


where SG) is the oil specific gravity, T is temperature in °F, and P is pressure in psia. Specific gravity is con- 
verted to lbm/gal by multiplying by 8.34. Table 3.2 gives coefficient values for diesel oil and four synthetic 
oils. 

Brine Density. As mentioned earlier, mixtures of water and salts, such as NaCl, KCl, and MgCl, are not ideal 
solutions and do not obey the mixing rules given in Eqs. 3.1 through 3.4. The calculation of brine density is ex- 
tremely difficult and beyond the scope of this book. The interested student is referred to Rodgers and Pitzer (1982) 
and Kemp and Thomas (1987). The usual method for calculating brine density is to refer to tables, such as Table 
3.3 from Halliburton’s cementing tables (Halliburton 2001). 


Density, Ibm/ft? 
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Fig. 3.10—Density of synthetic oil as a function of pressure and temperature. 


TABLE 3.2—COEFFICIENTS FOR OIL DENSITY CORRELATION 


aox 10° | baox10 | aix10° | bix10° | ax10” | b,x 10” 
Diesel -3.6058 | 8.7071 | 0.4640 | 3.6031 | —1.6843 | -72.465 
LVT 200 -3.8503 | 8.3847 | 1.5695 | 2.4817 | -4.3373 6.5076 
LAO C16C18 | -3.5547 | 8.1304 | 1.2965 | 3.1227 | -2.7166 | -28.894 
Saraline 200 | -3.7621 | 8.0019 | 1.5814 | 2.3560 | —4.3235 10.891 
EMO-4000 -3.7799 | 8.4174 | 1.3525 | 2.8808 | -3.1847 | -17.697 


103 


104 Fundamentals of Drilling Engineering 


TABLE 3.3—BRINE PROPERTIES (HALLIBURTON 1981) 


PHYSICAL PROPERTIES OF SODIUM CHLORIDE SOLUTIONS 


Percent 
Sodium 
Chloride by Density of Specific 
Weight Solution Gravity Weight of Salt Freeze Point 
Ibm/gal 
of of of lbm/bbl |kg/m? of| Yield of 
Solution| Water | |bm/gal | kg/m? | @ 20°C | Water lof Water| Water | Solution °F °C 
0 8.34 998 0.998 1.000 


1.01 | 8.38 | 1005 1.005 0.08 3.54 | 10.08 | 1.005 30.9 | —0.6 
2 2.04 | 8.45 | 1013 1.013 0.17 7.15 | 20.36 | 1.008 29.9 | -1.2 
3 3.09 | 8.51 | 1020 1.020 0.26 | 10.82 | 30.85 | 1.011 28.8 | -1.8 
4 4.17 | 8.57 | 1027 1.027 0.35 | 14.61 | 41.63 | 1.015 27.7 | -2.4 
5 5.26 | 8.62 | 1034 1.034 0.44 | 18.42 | 52.51 1.018 26.2 | -3.0 
6 6.38 | 8.68 | 1041 1.041 0.53 | 22.35 | 63.69 | 1.022 25.3 | -3.7 
8 8.70 | 8.81 | 1056 1.056 0.73 | 30.47 | 86.85 | 1.029 22.9 | -5.1 
10 11.11] 8.93 | 1071 1.071 0.93 | 38.92 | 110.90} 1.038 20.2 | -6.6 
12 13.64 | 9.06 | 1086 1.086 1.14 | 47.78 | 136.16] 1.047 17.3 | -8.2 
14 16.28 | 9.18 | 1101 1.101 1.36 | 57.03 | 162.51] 1.056 14.1 | -9.9 
16 19.05) 9.31 | 1116 1.116 1.59 | 66.73 | 190.16 | 1.067 10.6 |-11.9 
18 21.95 | 9.44 | 1132 1.132 1.83 | 76.89 | 219.11] 1.077 6.7 |-14.0 
20 25.00 | 9.57 | 1148 1.148 2.09 | 87.57 | 249.56 | 1.089 2.4 |-16.5 
22 28.21} 9.71 | 1164 1.164 2.35 | 98.81 | 281.60] 1.101 -2.5 |-19.2 
24 31.58 | 9.84 | 1180 1.180 2.63 | 110.62 | 315.24} 1.115 +1.4* |-17.0* 
26 35.14 | 9.98 | 1197 1.197 2.93 | 123.09 | 350.78 | 1.129 | +27.9**| -2.3** 


* Precipitation @ —17°C, 1.4°F; ** Precipitation @ —2.3°C, 27.9°F 
PHYSICAL PROPERTIES OF POTASSIUM CHLORIDE SOLUTIONS 


S.LINA SINLAIN/HSITSNA 


Percent 
Potassium Speci- 
Boei pe i ue Weight of Potassiuri Freeze Point 
Gravity Chloride 
kg of 
Potas- | kg of 
sium_ |Chloride 
Ibm/gal |lbm/bbl] kg/m? | per m? | per m? 
of of @ of of of of of 
Solution | Water | lbm/gal kg/m? 20°C | Water | Water | Water | Water | Water F °C 
0 — 8.34 998 0.998 — — — 


1.01 838 1005 1.005 0.08 3.54 10.08 5.27 4.78 31.2 -0.44 
2 2.04 843 1011 1.011 0.17 7.15 20.36 10.6 9.6 30.3 —0.94 
3 3.09 848 1017 1.017 0.26 10.82 30.85 16.0 14.5 29.5 -1.39 
4 4.17 854 1024 1.024 0.35 14.61 41.63 21.5 19.5 28.7 -1.83 
6 6.38 865 1037 1.037 0.53 22.35 63.69 32.6 29.6 27.0 -2.78 
8 8.70 8.75 1050 1.050 0.73 30.47 8685 44.0 39.8 25.2 -3.78 
10 11.11 887 1063 1.063 0.93 38.92 110.90 55.8 50.0 23.3 -4.83 
12 13.64 898 1077 1.077 1.14 47.78 136.16 67.8 61.4 21.4 -5.89 
14 16.28 9.10 1091 1.091 1.36 57.03 162.51 80.0 72.5 19.3 -7.06 
16 19.05 9.21 1104 1.104 1.59 66.73 190.16 92.6 84.0 17.4 -8.11 
18 21.95 9.33 1119 1.119 1.83 76.89 219.11 105.4 95.5 14.9 -9.50 
20 25.00 9.45 1133 1.113 2.09 87.57 249.56 118.8 107.8 15.0 -9.44 
22 28.21 9.57 1147 1.147 2.35 98.81 281.60 132.1 119.8 32.6 10.33 
24 31.58 9.69 1162 1.162 2.63 110.62 315.24 146.3 132.6 52.0* 11.11* 
26.5 36.05 9.82 1178 1.178 3.10 126.28 359.86 163.7 1485 78.3* 25.72* 


* Precipitates 
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Example 3.1 Determine the volume and density of brine composed of 110.6 Ibm of NaCl and 1 bbl of fresh water 
at 68°F. 

Solution. From Table 3.3, the total volume is 1.115 bbl, and the solution density is 9.84 Ibm/gal. Note that if 
ideal mixing is assumed, the total volume calculated, using Table 3.1 for the specific gravity of NaCl, is given by 


110.6 Ibm 


$ =1.146 bbl. 
(2.16 SG)(8.34 Ibm/gal)(42 gal/bbl) 


V =V, + Vya =1.0bbl 


jaCl 
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This volume corresponds to a density of 


_ (8.34 1bm/gal)(42 gal/bbl) + 110.6 Ibm 
g 1.1462 bbl 


= 401.76 lbm/bbl = 9.57 Ibm/gal. 


This value does not compare favorably with the true value shown in Table 3.3. As previously stated, salt solutions 
do not obey ideal mixture assumptions. 


Mud Weight Calculations. This section provides five example problems that are very typical of day-to-day 
mud-engineering calculations. The equations are helpful in the sense that if you are working in a location where 
barite specific gravity is not always 4.2, or you are using some other type of high-density weighting material, ac- 
curate values can still be calculated. Remember that published charts are usually based on barite with specific 
gravity of 4.2. 


Example 3.2 In this problem we will calculate the barite requirements for a weighted mud. We are not concerned 
with the volume increase of our mud. How much API barite (SG = 4.2) is needed? 
Solution. First we look at the volume and mass balances: 


Vi -Vİ =AV 
piv! =p'V' + p,AV, 


where V’ is the initial volume, V” is the final volume, p'is the initial mud density of 11 Ibm/gal, p/is the final mud 
density of 11.5 lbm/gal, and AV is the volume of barite added. We then solve for Vf, assuming initially 200 bbl 
mud; from Table 3.1, we know the specific gravity of barite is 4.2, so the density of barite = (4.2)(8.34) = 35 lbm/ 


gal: 


vi =y'| Se P| (20000) == | = 204.3 bbl. 
Prs ~P 35-11.5 


Note that you will need to have an additional 4.3-bbl tank volume to be able to accommodate the increase. 
While this is not much in this case, weighting up to large volumes and higher densities would strain the capacity 
of a rig. 

Next we calculate how much barite we need to add to get the increase: 


m,, = (V —V') p,, = (204.3 - 200)(35)(42 gal/bbl) = 6,255 Ibm ~ 63sacks, 


where m, is the mass of high density solids (barite) to be added. 
Now that the basic principle has been illustrated, we can move on to a slightly more complex situation. 


Example 3.3 The volume of the mud system is currently 800 bbl. The mud weight is 12 Ibm/gal and needs to be 
increased to 14 lbm/gal. Because the mud system is full, we need to throw out some mud before we weight up the 
remainder. 

Usually, when adding a large amount of barite to a system, the dry barite tends to rob the system of its water. It 
is good practice to add about 1 gal of water for every sack (100 Ibm) of barite to compensate for this issue. 

We need to calculate the volume of old mud to throw away and how much barite we need to add to the system. 

Solution. This problem is similar to the previous problem, with two exceptions: 


1. The final volume is known. 
2. Additional water is added proportional to the barite added. 


Because the additional water is proportional to the added mass of the barite, 


AV, =m y™” = Pr AV V", 


hs 
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where V" = 1 gal of water per 100 Ibm of barite. Rewriting the volume and mass balances: 


vi -V' = AV;s + Pp VAV 


piv! = p'V' + Pp AV, + Pu Pr V" AY, 


hs* 


The volume of old mud to be thrown away is simply the difference in the desired initial volume V’ and the actual 
initial volume. We solve the above equations for the desired initial volume, where we have been given the desired 
final volume: 


1+p,V™ \ y 1+8.33(0.01)\ _ 
s| ito v”) ? 3L 4350.00 
Vey n = 800 eae 7 F = 700.5 bbl. 
Prs PAN -p as = 12 
1+2,,V 1+35(0.01) 


V' is the initial volume we need to start with so that when we finish weighing up, we will maintain the 800-bbl 
system volume. Note that the equation is the inverse of the one in Example 3.2 with only the additional factor to 
take into account the additional water added in with the dry barite. 

The volume of mud we need to throw out V°s"4is 


y“ = Vl —V' = 800 — 700.53 = 99.47 bbl. 


Next, we calculate how much barite we need: 


Ba Phs i f\— 35 _ 
Vi-V 800 — 700.53) |( 42 gal/bbl ) = 108,309 Ibm 
1+ p, V” ( ) T+35(001) ) (A2 gabb) 


Mis 


= 1,083 sacks. 


Remember also to add in 1 gal of water per sack of barite (i.e., 1,083 gal or 25.8 bbl water). 
So the procedure is to 


1. Throw out 99.47 bbl of mud. 
2. Add 1,083 sacks of barite and 25.8 bbl water. 
3. Mix it up, and you are ready to go. 


Example 3.4 This example will illustrate another common situation. Suppose we have just set intermediate casing 
and are ready to drill ahead. We have been informed that we are to hit a high pressure zone 50 ft below the shoe 
and need to weigh up the mud to 14 Ibm/gal. Currently we have 9.5 lbm/gal unweighted mud in the hole with 5% 
solids content. 

Because there is a large distance to drill, it is necessary to lower the solids content of the mud to 3%. The mud 
volume is 1,000 bbl, which is too much, and we determine that an 800-bb1 volume is sufficient. (It costs more to 
weigh up 1,000 bbl than 800 bbl.) 

This scenario requires a mass operation on the mud, getting it into first-class condition so that the next section 
can be drilled without any problems. The first step is to lower the solids content of the mud using dilution. Because 
the final mud volume must be 800 bbl, 200 bbl are thrown out. Additionally, more mud will need to be removed 
and water added to reach the 3% solids content. 

Solution. The initial start volume is determined: 


f 
vey fi = 800 IE 480 bbl, 
Ti 0.05 
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where fj is the initial low density solids fraction and f/ is the final low-density solids fraction. Therefore, an ad- 
ditional 320 bbl of mud must be thrown out to leave the 480 bbl. Next, determine how much water must be added 
to the system: 


= f yf- = i yi Z a 7 
y, = p')V!-(py-p')V' _ (35-14)800-(35 9.5)480 _ 17, phi water, 
Prs = Pw 35 —8.33 


where Vis the volume of water added. Finally, determine the amount of barite to be added: 


m, =(V! -V' =V, ) Pu, = (800—480 -171)35 (42 gal/bbl) = 219,000 Ibm 


w 


~ 2,190 sacks. 


This will result in 800 bbl of 14 Ibm/gal mud. 


Example 3.5 To drop the weight of a drilling fluid, calculate the volume of dilution fluid required to decrease the 
density of the drilling fluid when a volume increase can be tolerated: 
Solution. 


i f = 
vi =v'| 2—2 -200 42 t) -420b 
Prs TP 35-11 


So, in this case, adding 4.2 bbl will dilute 200 bbl of mud from 11.5 Ibm/gal to 11.0 Ibm/gal. The total volume 
would end up at 204.2 bbl. 


Example 3.6 To drop the weight of a drilling fluid without a change in volume, calculate the volume of dilution 
fluid required to decrease the density of a drilling fluid, and calculate the volume of old mud to throw away. 
Solution. The volume of old mud to be thrown away: 


, -pf -11 
view [2 | -200[ 2 )=195.8b0. 


Pra TP 35-11.5 


V' is the initial volume to start with so that when density reduction is finished, the 200-bbl system volume is main- 
tained. The volume of mud to be thrown out (V“*““) and the amount of water to be added is 


yet — yf Vi =200-195.8 = 4.2 bbl. 


3.6.2 Estimating Mud Viscosity. Correlations for the viscosity of fresh water and of various oils are available 
from many sources. For example, Parry et al. (2000) provide correlations for fresh water, and Poling et al. (2000) 
provide correlations for oils. The effect that pressure and temperature have on the water viscosity is shown in Fig. 
3.11 and for diesel oil in Fig. 3.12. The viscous properties of a mixture of liquid and solid components, however, 
are not well understood. Fig. 3.13 shows the effect of low density solids on the viscosity of water, and the varia- 
tion for different types of solids is quite pronounced. A formula for dilute mixtures of spherical, noninteracting 
particles has been developed by Einstein (Govier and Aziz 2008): 


GaN j ese seiea ys siine eee eee E (3.7) 


where u is the fluid viscosity, u, is the viscosity of the mixture, and f is the solid volume fraction. This formula 
is valid only up to 1-2% of solids by volume. Guth and Simha (Govier and Aziz 2008) extended Einstein’s results: 


fg ANAS AIAN, |i: E enced EEES (3.8) 
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Effect of Pressure and Temperature on the Viscosity of Water 
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Fig. 3.11—Viscosity of fresh water as a function of pressure and temperature. 


which is valid up to about a volume fraction of 20% with about a 10% error. Unfortunately, the assumptions of 
spherical and noninteracting particles are not generally valid for drilling fluids and are especially untrue for brines 
and water-bentonite mixtures. 

Generally speaking, drilling fluids are mixed from basic components, the viscosity of the fluid is tested, and 
the viscous properties are then adjusted, if necessary, using chemical additives. The variation in drilling-fluid 
viscous properties as a function of pressure and temperature have been correlated by Alderman et al. (1988) for 
water-based muds and Houwen and Geehan (1986) for oil-based muds. 


3.7 Testing of Drilling Fluids 
During the drilling process, the physical and rheological properties of a drilling fluid have to be controlled accu- 


rately to ensure the fluid’s appropriate performance. These properties are regularly tested and recorded on the 
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Fig. 3.13—Viscosity of fresh water/solids mixtures (from Bourgoyne et al. 1991). 
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drilling-mud report, which is presented by the API (API Spec. 13B-1 2009). The drilling-fluid technicians carry 
out the field tests at the wellsite where the mud properties are routinely monitored. 

Because the chemical tests conducted upon the water phase are only semiquantitative, the control of the water’s 
ionic balance is quite complicated. Thus, a persistent question arises: How accurate are the test results? From a 
chemical standpoint, most of the chemical test results are sufficient for interpretation of drilling-fluid behavior. 
But, occasionally, no chemical balance is present and the interpretation of those results does not point to the actual 
problem. 

A water-based mud is composed of a three-phase system: water, active solids, and inert solids. The active solids 
(hydrophilic) such as hydratable clays react with the water phase by dissolving chemicals and by providing vis- 
cosity to the mud. On the other hand, the inert solids (hydrophobic) such as sand and shale do not react with the 
water and chemicals to any significant degree. Basically, the inert solids make difficult the analyses and control of 
the solids in the drilling fluid (1.e., inert solids produce undesirable effects). 


3.7.1 Properties of Drilling Fluids. There are many physical and chemical properties of drilling fluids that are 
useful to know or even critical to determine. The physical properties of a drilling fluid, the density, and the rheo- 
logical properties are examined continuously to optimize the rotary-drilling process. These properties contribute 
to preventing an influx of formation fluid, providing wellbore stability, providing hydraulic energy at the drilling 
bit, removing drilled solids (cuttings) from the well and suspending them during static periods, and permitting 
segregation of solids and gas at the surface. The chemical properties of a drilling fluid provide the chemical effects 
associated with formation damage, rheological-property changes, and cuttings-transport issues. 


3.7.2 Testing for Density. The mass per unit volume of a drilling fluid, density, is commonly reported either in 
pounds per gallon (lbm/gal), in kilograms per cubic meter (kg/m+), grams per cubic centimeter (also called spe- 
cific gravity [SG]), or in hydrostatic gradient, Ibm/in’/ft (psi/ft) or psi/1,000 ft. The mud density and the depth of 
the well control the hydrostatic pressure exerted by a static drilling-fluid column. The mud density prevents inflow 
of formation fluid into the well and collapse of the open hole and the casing. To prevent inflow, the hydrostatic 
pressure of a mud column must exceed the formation or pore pressure. However, excessive mud weight can cause 
lost circulation and considerably affect the rate of penetration. 

The mass per unit volume (density or mud weight) of the drilling fluid is determined by the use of the mud bal- 
ance. A typical pressurized mud balance is illustrated in Fig. 3.14. It is important to note that fresh water weighs 
8.34 lbm/gal. Therefore, to calibrate a mud balance, fresh water must be used. If brine is used, the calibration will 
be incorrect unless one knows precisely the salt concentration and can determine the actual weight of the calibra- 
tion fluid. 


Fig. 3.14—Pressurized mud balance. Courtesy of Halliburton. 
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3.7.3 Testing for Flow Properties. The flow properties of the drilling fluid play a very important role in the suc- 
cess of the rotary-drilling operation and they must be controlled if the fluid is to perform its various functions 
properly. 

Viscosity. The resistance to flow of a fluid and the resistance to the movement of an object through a fluid 
are usually stated in terms of the viscosity of the fluid. Experimentally, under conditions of laminar flow, 
the force required to move a plate at constant speed against the resistance of a fluid is proportional to the 
area of the plate and to the velocity gradient perpendicular to the plate. The constant of proportionality is 
called the viscosity. In the oil field, the following terms are used to describe the drilling-fluid viscosity: 
funnel viscosity, apparent viscosity, plastic viscosity, and effective viscosity. Viscosity is the rheological 
property of the drilling fluid that indicates its resistance to flow. Viscosity is defined as the ratio of shear 
stress to shear rate: 


where T is the shear stress, 7 is the shear rate, and u is the viscosity. The shear rate is the velocity gradient or fluid 
velocity/length. The shear stress is the force over an area exerted on the fluid (t = force/area), and u is the constant 
of proportionality, or viscosity, of the fluid. Viscosity, in the drilling industry, is expressed in centipoise (cp), 
where 1 cp = 0.01 poise = 0.01 dyne-sec/cm?’ = 0.01 g/cm-sec. The shear rate (7, sec”') of a fluid is defined as the 
velocity change divided by the width of a canal through which it is moving in laminar flow. The shear stress (t, 
Ibm/100 ft?) is the force per unit area needed to move a fluid at a given shear rate. When the proportionality be- 
tween shear stress and shear rate is independent of shear rate, the fluid is called Newtonian, and many common 
fluids have this behavior. However, most of the drilling fluids are characterized as non-Newtonian fluids, where 
the proportionality is shear-rate dependent. 

Testing for Viscosity. A simple test for viscosity at the wellsite is the Marsh-funnel test. The Marsh funnel, 
shown in Fig. 3.15a, is a cone-shaped tool with a small bore tube on the bottom end through which drilling mud 
flows due to gravity action. The resulting value is not a true viscosity value but a relative comparison one. The 
qualitative measurement indicates how thick the drilling mud sample is measuring a timed rate of flow. This vis- 
cosity is the number of seconds it takes for 1 quart of drilling mud to flow through the funnel. For example, the 
fluid would be described as a “43 viscosity fluid” if its flowing from the funnel reaches the 1-quart line in 43 
seconds. However, no useful engineering information can be derived from this test. 

The shear stress-shear rate relationship of a drilling mud is determined by conducting tests in a concentric viscom- 
eter (Fig. 3.15b). This consists of concentric cylinders, one of which rotates (usually the outer one). A sample of fluid 
is placed between the cylinders and the torque on the inner cylinder is measured, as illustrated in Fig. 3.16. Assuming 
an incompressible fluid, with flow in the laminar-flow regime, the equation of motion can be solved for t to give: 


Fig. 3.15—Marsh funnel (left) and rotational viscometer (right) (Bourgoyne et al. 1991). 
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Rotor sleeve 


Fig. 3.16—Rotational-viscometer geometry (Bourgoyne et al. 1991). 


where M, is the torque, A is the radius of the bob, and L is the length of the cylinders. In a concentric viscometer, 
torque M, is measured at different rotational speeds of the outer cylinder. 
Shear stress is then calculated from Eq. 3.10 and shear rate is given by: 


where r, is the inside radius of the outer cylinder and @ is the angular velocity of the outer cylinder. A number of 
commercially available concentric-cylinder rotary viscometers are suitable for use with drilling muds. They are 
similar in principle to the viscometer already discussed. All are based on a design by Savins and Roper (1954)—a 
two-speed viscometer that enabled the determination of the parameters of a fluid model called a Bingham plastic 
model. A Bingham plastic fluid model assumes that no flow occurs for shear stresses below T,, called the yield 
point. For shear stresses above the yield point, a Bingham plastic fluid behaves as a Newtonian fluid with viscos- 
ity H, called the plastic viscosity. The formula for the Bingham plastic model is given by 


A a s e ied p24 2a head E ET T S (3.12) 


Fig. 3.17 shows the result of a typical viscometer test, with the Bingham-plastic curve shown as a solid line and 
the actual fluid response shown as a dashed line. We can see that the Bingham plastic model does not fit this fluid 
very well except for high shear rates, and that the true yield point falls well below the calculated yield point. For 
this reason, many other fluid models have been devised, which will be studied in Chapter 5. For our current pur- 
poses, we will only consider the Bingham plastic model, but note that the viscometer results can be used in other 
ways. Viscometers are built so that 


e 1° dial reading = 1.067 lbf/100 ft? = 5.109 dynes/cm? shear stress 
e 1 rev/min = 1.703 reciprocal seconds, shear rate 


Therefore, the plastic viscosity and yield point are calculated very simply from two dial readings at 600 rev/min 
and 300 rev/min, respectively. 
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Shear stress=YP+PV (rev/min)/300 


Viscometer Dial Reading 


ear stress curve 


0 100 200 300 400 500 600 700 
Viscometer, rev/min 


Fig. 3.17—Rotational-viscometer results. 


where PV is plastic viscosity and YP is yield point. The units of plastic viscosity come out conveniently as centi- 
poise (cp). Yield point results are reported using the units Ibf/100 ft’. Apparent viscosity u, may be calculated from 
the Savins and Roper (1954) viscometer reading as follows: 


LL, = T/y = 5.109/1.703 poise/degree per rev/min = 300 cp/degree per rev/min = 300 0/œ, where 0 is the dial read- 
ing at œ rev/min. Apparent viscosity is usually reported at the 600 rev/min reading. 

Notice that real fluids are not ideally any of the models shown above, but generally are close to one model or 
another. The selection of the model may be motivated by a particular fluid velocity of interest. Using a direct 
reading concentric-cylinder rotary viscometer, a more meaningful measurement of rheological properties is ob- 
tained. This rotational cylinder and bob instrument is largely known in the drilling industry as a V-G meter. In 
1951, Melrose and Lilienthal (Rogers 1963) developed this multispeed viscometer for laboratory or field use in 
measuring the rheological properties. The rotational viscometer is capable of providing plastic viscosity, apparent 
viscosity, yield point, and gel strength. 

Although most models operate at six different speeds, only two dial readings are converted to the rheological 
parameters plastic viscosity and yield point—the 300- and 600-speed readings. The shear speed—that is 300 
rev/min and 600 rev/min—is the rotational speed on a standard oil-field viscometer on which the shear rate is 
measured. The V-G meter is called a direct reading viscometer because at a given speed, the dial reading is a 
true centipoise viscosity. For example, the dial reading (511 sec™') at 300 rev/min (0,,,) represents the true 
viscosity. 

Plastic Viscosity. For a plastic fluid, the plastic viscosity is the shear stress in excess of the yield stress that 
will induce a unit rate of shear. In other words, it is that part of the flow resistance in a drilling fluid mainly 
produced by the friction of the suspended particles and by the viscosity of the liquid phase (IMCO 1981). It 
is given by Eq. 3.13. Recommended ranges of plastic viscosity are given in Fig. 3.18 as a function of mud 
density. 

Yield Point. The yield point of clay in fresh water is defined as the number of barrels of 15-cp mud that can be 
obtained from 1 ton of dry material. Above 15 cp, small additions of clay have a significant effect on viscosity. 
The yield point is given by Eq. 3.14. Recommended ranges of yield point are given in Fig. 3.19 as a function of 
mud density. 


300: 
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Fig. 3.18—Recommended range of yield point (Annis 1974). Reprinted courtesy of ExxonMobil. 
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Fig. 3.19—Suggested range of plastic viscosity (Annis 1974). Reprinted courtesy of ExxonMobil. 


Apparent Viscosity. In evaluating drilling fluids, it is common practice to report the effective viscosity at 600 
rev/min using Eq. 3.15. This quantity is called the apparent viscosity, and is given by 


300 Goo 
600 


AV = LO,  dhbebae E Mvides beter ee psa Cdl ede tng uae dete (3.16) 
where AV is apparent viscosity. 

Effective Viscosity. Effective viscosity is defined as the viscosity of a Newtonian fluid that exhibits the 
same shear stress at the same rate of shear as the actual fluid being tested. Although it is a very useful pa- 
rameter in hydraulic equations when the shear rate is known, the value of the effective viscosity is meaning- 
less unless the rate of shear at which it is measured is specified. Furthermore, it is not a reliable parameter 
for comparing the viscous properties of two fluids; at least two parameters are necessary for that purpose. 
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Gel Strength. Gel strength is the third rheological parameter commonly used to describe non-Newtonian flu- 
ids. The gel strength is the shear stress measured at low shear rate after a mud has set quiescently for a period of 
time. In other words, it is the measure of ability of a colloidal solid at rest to form a gel. A colloid is a finely di- 
vided solid that does not deposit by gravity when dispersed in a liquid medium. Gel strength has the unit of pres- 
sure usually reported in lbf/100 ft’. It is a measure of the same interparticle forces of a fluid as determined by the 
yield point, except that gel strength is measured under static conditions. 

This rheological parameter is useful in drilling operations for determining the swabbing effect on pulling the 
drillpipe, the pressure required to break circulation, the ease of release of gas, and the settling of particles in the 
mud pits. The common gel strength measurements are initial and 10-min gels, which can be measured with a V-G 
meter as follows: 

The fluid is stirred at 600 rev/min until a stable dial reading is achieved. Then the instrument is turned off. After 
10 seconds of rest, the cylinder is rotated at 3 rev/min and the highest dial reading is recorded. This is called the 
“initial gel strength.” The same procedure is applied to measure the 10-min gel strength using a resting time of 10 
minutes after stirring the mud. 


Example 3.7 A mud sample in a rotational viscometer equipped with a standard torsion spring gives a dial reading 
of 46 when operated at 600 rev/min and a dial reading of 28 when operated at 300 rev/min. Compute the apparent 
viscosity of the mud at each rotor speed. Also compute the plastic viscosity and yield point. 

Solution. Use of Eq. 3.15 for the 300-rev/min dial reading gives 


— 300(28) _ 
fa 300 


28 cp 


Similarly, use of Eq. 3.15 for the 600-rev/min dial reading gives 


_ 300(46) 
Ms 600 


=23cp. 


Note that the apparent viscosity does not remain constant but decreases as the rotor speed is increased. This type 
of non-Newtonian behavior is shown by essentially all drilling muds. 
The plastic viscosity of the mud can be computed using Eq. 3.13: 


_ 300(46) 
Ha 600 


=23cp. 
The yield point can be computed using Eq. 3.14: 


Ty = Oy) — H, = 28 — 18 = 101bf/100 ft’. 


3.7.4 Lubricity Testing. Increasing the lubricity of a drilling fluid is a technique used to help prevent stuck pipe. 
In this application, lubricity is the coefficient of friction between the drillpipe and the mud filter cake. The API 
recommended practices for mud testing do not include a specification for lubricity. Lubricity testing has under- 
gone developmental changes to obtain a more accurate correlation between test results and actual wellbore con- 
ditions . 

In 1999, a specially designed fully automated device to accurately measure the coefficient of friction between 
metal and mud filter cake was tested on several drilling-fluid types (Isambourg 1999). To simulate downhole 
conditions, drilling fluid is circulated inside a pressurized cell with a temperature capability of 100°C. The cell 
is also equipped with an internal porous cylinder to simulate filtrate invasion and filter cake buildup across a 
permeable formation. Lubricity measurements are obtained through sensors on the rotating captor, which repre- 
sents the drillstring. 

Once the filter cake has been deposited on the metal screen, the rotating captor moves laterally to make 
contact with the cake. At this point, cake thickness can be determined and recorded, and the captor can be 
further embedded in the cake at a preselected speed. The outer cell can be rotated at one-quarter intervals to 
obtain measurements at four points on the filter cake. The apparatus and procedure produced accurate and 
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reproducible coefficients of friction existing between the filter cake and “drill pipe” under simulated down- 
hole conditions. A schematic of the lubricity tester is illustrated in Fig. 3.20. The test measures the applied 
force F and the applied torque M, The coefficient of friction is 4, calculated on the basis of the three follow- 
ing formulas: 


Moa a E sesh b+ oeiecemeee gare cies EE (3.17a) 
PEP HPP SE. eecwinbtavielessuees ie cece tdous eels cee ca E (3.17b) 
| Ps ee (3.17c) 


where i „is the radius of the captor, F „is the normal force and F, is the friction force. Moment equilibrium gives 
the value of F. in Eq. 3.17a. The sum of the friction force and the normal force equals the applied force F , so their 
magnitudes are equal, as given in Eq. 3.17b. Having determined F, we can now calculate the friction coefficient 
H, with Eq. 3.17c. 

Similar apparatuses were use to analyze differential sticking forces, pull forces, and associated mud-cake pore 
pressures. This leads to the conclusion that filter-cake compaction and permeability have a greater impact on the 
likelihood of differential sticking than cake thickness alone. The type and amount of solids affect filter-cake char- 
acteristics, the degree of pipe sticking, and the pull-out force to get it free. Potassium chloride concentration in 
the mud may play an important role in the pull-out force because it changes the mud-cake strength through the 
potassium-inhibitive effect on clays. 


3.7.5 Filtration Properties. The filtration and wall-building properties of drilling fluids are acknowledged as being the 
most significant in the good drilling of wells. This ability of the mud to seal permeable zones with a thin, low-permeabil- 
ity filter cake represents the key for successful completion of the hole. The mud would continuously invade the permeable 
formations allowing the filtrate to enter if a filter cake were not formed. 


Rotation 


Fig. 3.20—Lubricity-test geometry. 
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The API Filter Press—Static Filtration. The filter press (Fig. 3.21) is used to determine the filtration rate 
through a standard filter paper and the rate at which the mudcake thickness increases on the standard filter pa- 
per under standard test conditions. This test is indicative of the rate at which permeable formations are sealed 
by the deposition of a mudcake after being penetrated by the bit. 

The flow of mud filtrate through a mudcake is described by Darcy’s law. Thus, the rate of filtration is given by 


TAD, cps euathacsast naan tute dette este gschenia tte astaceaensedeinivcknats saseaiyheweade (3.18) 
dt Hang Pine 
where 


dV,/dt = the filtration rate, cm?/s 


k = the permeability of the mudcake, darcies 

A = the area of the filter paper, cm? 

AP = the pressure drop across the mudcake, atm 
L,,, = the viscosity of the mud filtrate, cp 

h „= the thickness of the filter cake (mudcake), cm 


At any time ¢ during the filtration process, the volume of solids in the mud that has been filtered is equal to the 
volume of solids deposited in the filter cake: 


Fann = Seche 


sm m sc mc 


where Í, 7 is the volume fraction of solids in the mud, and Í, . is the volume fraction of solids in the 
cake, or 


Jam (hp A T V,) = f A A, 


sco mc 


100 psig 


Valve 


Mud sample 


Mudcake buildup 
Filter paper 


Graduated cylinder 


Mud filtrate 


Fig. 3.21—API filter-press schematic (Bourgoyne et al. 1991). 
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Therefore, 


V y, 
SEA A ihe etn a E E ed E (3.19) 
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Inserting this expression for A „into Eq. 3.18 and integrating 
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or 


V, = zar| -ij vi se eave tee n a a r RE ER EEEO ens (3.20) 


The standard API filter press has an area of 45 cm? and is operated at a pressure of 6.8 atm (100 psig). The fil- 
trate volume collected in a 30-minute time period is reported as the standard water loss. Note that Eq. 3.20 indi- 
cates that the filtrate volume is proportional to the square root of the time period used. Thus, the filtrate collected 
after 7.5 minutes should be approximately half the filtrate collected after 30 minutes. It is common practice to 
report twice the 7.5-minute filtrate volume as the API water loss when the 30-minute filtrate volume exceeds the 
capacity of the filtrate receiver. However, as shown in Fig. 3.22, a spurt-loss volume of filtrate, V often is ob- 
served before the porosity and permeability of the filter cake stabilize and Eq. 3.20 becomes applicable. If a sig- 
nificant spurt loss is observed, the following equation should be used to extrapolate the 7.5-minute water loss to 
the standard API water loss: 


sm 


E E E etree caps EEE E (3.21) 


The best method for determining spurt loss is to plot V vs. Vt and extrapolate to zero time as shown in Fig. 3.22. 


Spurt loss 


Je 


Fig. 3.22—Filtration spurt loss (Bourgoyne et al. 1991). 
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In addition to the standard API filter press, a smaller filter press capable of operating at elevated temperatures and 
pressures also is commonly used. The filtration rate increases with temperature because the viscosity of the filtrate is 
reduced. Pressure usually has little effect on filtration rate because the permeability of the mudcake tends to decrease 
with increasing pressure, and the term VKAP in Eq. 3.20 remains essentially constant. However, an elevated pressure 
is required to prevent boiling when operating above 212°F. The area of the filter paper used in the high-pressure/ 
high-temperature (HP/HT) filter press is one-half the area of the standard filter press. Thus, the volume of filtrate 
collected in 30 minutes must be doubled before reporting as API water loss. An example HP/HT filter press is shown 
in Fig. 3.23. 


Example 3.8 Using the following data obtained by using an HP/HT filter press, determine the spurt loss and API 
water loss. 


Time (minutes) Filtrate Volume (cm?) 
1.0 6.5 
75 14.2 


Solution. The spurt loss of the cell can be obtained by extrapolating to zero time using the two data points 
given: 


662 nie” 


A el 


However, since the standard API filter press has twice the cross-sectional area of the HP/HT filter press, the cor- 
rected spurt loss is 4.14 cm*. The 30-minute filtrate volume can be computed using Eq. 3.8: 


Vag = 2(V;; - Vp) +V, 


sp 


= 2(14.2 — 2.07) + 2.07 = 26.33 cm°. 


Adjusting for the effect of the filter press cross-sectional area, we obtain an API water loss of 52.66 cm? at the 
elevated temperature and pressure of the test. 


Both low-temperature and high-pressure API filter presses are operated under static conditions—that is, the mud is 
not flowing past the cake as filtration takes place. Other presses have been designed to model more accurately the 
filtration process wherein mud is flowed past the cake, as it does in the wellbore. Such presses that model dynamic 
filtration have shown that, after a given period of time, the mudcake thickness remains constant—that is, the cake is 
eroded as fast as it is being deposited. Thus, dynamic-filtration rates are higher than static-filtration rates. With a 
constant-thickness cake, integrating Eq. 3.18, we have 


TER -a e A EEE (3.22) 
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A standard dynamic-filtration test has not been developed to date. Field mud testing uses the static filtration test 
to characterize the filtration quality of the mud. Unfortunately, there are no reliable guidelines for correlating 
static- and dynamic-filtration rates. Our ability to predict quantitatively filtration rates in the wellbore during 
various drilling operations remains questionable. 


3.7.6 Testing for Chemical Properties. Again, a solid understanding of drilling fluids requires a sound under- 
standing of their chemistry. Drilling-fluid engineers deal with mud chemistry daily because the mud’s water-phase 
complexity requires control to keep the desired ionic balance. Simple water chemistry cannot provide an accurate 
prediction of ionic behavior that results from the interaction and reaction of various ions with solids in mud sys- 
tems. Standard chemical tests have been elaborated for determining the concentration of certain ions present in the 
drilling fluid, such as OH”, CI, and Ca”. 

Acids, Bases, and Salts. Acids are sour-tasting solutions that cause effervescence in contact with carbonates, 
cause corrosion to metals, turn blue litmus (a dye extracted from lichens) paper red, and react with bases to form 
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Fig. 3.23—HP/HT filter press (Bourgoyne et al. 1991). 


salts. Acid comes from the Latin word “acidus” which means “sharp.” Because acids are substances considered 
to have an excess of hydrogen ions (H*), they are termed strong (pH from 0 to 4) or weak (pH from 3 to 6) accord- 
ing to hydrogen-ion concentration. A weak acid is an acid that only partially ionizes in an aqueous (mainly water) 
solution (i.e., not every molecule breaks apart). 

Bases are bitter-tasting solutions that feel slippery in solution, turn red litmus blue, and become less basic 
when mixed with acids. The weakness of a base depends on the quantity of the molecule that dissociates into 
hydroxyl ions (OH) in solution. A strong base is a base that has a very high pH (from 10 to 14). A weak base 
is a base that only partially ionizes in an aqueous solution. Weak bases usually have a pH close to 7 (from 8 
to 10). 

Salts are any compound other than water formed by the reaction of an acid and a base. In other words, salts are 
combinations of the negative ion from an acid, known as an anion, and the positive ion from a base, known as 
cation. Depending on the relative strengths of the particular ions, a salt may be neutral or have a tendency in the 
direction of the acid or the base. For example, an alkaline salt is the combination of a weak acid with a strong base, 
whereas a neutral salt is the mixture of both strong acid and strong base. 

Acidity and Alkalinity. A solution is considered acidic when the hydrogen-ion concentration (H*) is greater 
than the hydroxyl-ion concentration (OH); the opposite is called an alkaline solution. The relative acidity or al- 
kalinity of a liquid (drilling fluid) is conveniently expressed as pH. Drilling-fluid pH considerably affects the 
mud-rheological properties, the dispersability of clays, the solubility of chemical products, and the corrosion of 
steel-based materials. 

Buffer Solutions. A buffer solution is one that resists large pH changes when small quantities of a base or acid 
are added to the solution. In other words, a buffer solution contains components that will remove any hydrogen 
ions or hydroxide ions that might be added to it. Acidic buffer solutions have a pH less than 7 and are commonly 
a combination of a weak acid (i.e., carbonic acid, H,CO,) with one of its salts—often a sodium salt. On the other 
hand, base-buffer solutions have a pH greater than 7 and are the combination of a weak base (i.e., ammonium 
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hydroxide, NH,OH) with one of its salts. In either case, a buffer solution is a mixture of a weak acid or weak base 
and its salt. 

Triethanolamine, lime, and magnesium oxide are all solutions used to buffer pH-sensitive drilling-fluid sys- 
tems. To maintain stable mud properties and to resist the negative effect of many contaminants, buffering is highly 
advantageous. 

Electrolytes. An electrolyte is a nonmetallic substance that dissociates into ions in aqueous solution. Electro- 
lytes conduct electric currents in solutions by moving ions rather than electrons. In other words, electrolytes 
provide the ion-transport mechanism between the positive and negative electrodes of an electrochemical cell. All 
acids, bases, and salts are electrolytes. 

Strong electrolytes are completely ionized solutions (having a high concentration of ions), while weak electro- 
lytes are not completely ionized solutions. Salts are commonly strong electrolytes, whereas water is a weak elec- 
trolyte and not as conductive as salt solutions. 

Titration. Chemical analysis by titration is used to test drilling fluids. Titration is a technique used to determine 
the concentration of a solute (a dissolved substance) in a solution. One solution is added to another solution until 
the chemical reaction between the two solutes is complete. The concentration and volume of one solution is 
known (N, and V, respectively), and a sample volume of a different solution (V,) is used to determine the un- 
known concentration (N,). That is, 


API Specification 13I (2009) explains the titration process used in drilling-fluid chemical tests. 

Concentration of Solutions. There are several different ways of specifying the concentration of solutions. The 
reason for these multiple definitions is that some definitions are more convenient than others, depending on the 
materials being studied. 

Molality (m): The molality of a solution is the concentration expressed as number of moles of solute (the mate- 
rial dissolved) per kilogram of solvent. For example, | mol (molal) of NaOH = 40 g NaOH/kilogram water. This 
unit of concentration is not used commonly for mud laboratory testing. 

Molarity (M): This unit of concentration is used commonly for laboratory testing and analytical reagents, ex- 
pressed I units of g mol/L. The molar concentration of a solution is expressed as the number of moles of solute 
per liter of solution. For example, 1M HCl = 36.5 g/L because 1M HCI contains 36.5 g (molecular weight) of HCI 
dissolved in | liter of solution. If the normality concentration of a solution is known, the molarity can be deter- 
mined using molarity = normality + net positive valence. 

Normality (N): Equivalent concentration or normality is commonly used with acid/base reactions (laboratory 
reagents), expressed as gram equivalent weight per liter, gew/L. Normality is the concentration unit expressed in 
equivalent weights of solute per liter of solution. A one normal solution (1N) contains | mole of solute, divided 
by its ionic charge, in 1 liter of solution. A gram equivalent weight is the mass of the substance that contains a 
1-gram atom of available hydrogen or its equivalent. In other words, the equivalent weight of an element or ion is 


Atomic weight/charge of the ion formed, 
whereas the equivalent weight of a compound is 


Molecular weight/total charges of cations (positive ions). 


For example, sulfuric acid (H,SO,) has a molecular weight of 98 and a total cation charge of 2 (2H*). Because the 
equivalent weight of sulfuric acid is 49 g, the 1N concentration is 49 g/L. 

Milligrams per liter (mg/L): This “weight-volume-relationship” concentration unit is commonly improperly 
reported as the “weight-weight relationship” unit called parts per million (ppm). In fact some sources define it as 
equivalent to 1 ppm. As a weight per volume relationship, a 10 mg/L solution contains 10 milligrams of solute per 
liter of solution. Milligrams per liter can be easily converted to ppm if solution density is known. 

Parts per million (ppm): This weight-weight relationship is the parts by weight of a solute per million parts of 
solution. 


Example 3.9 A CaCl, solution is prepared at 68°F by adding 11.11 g of CaCl, to 100 cm* of water. 
At this temperature, water has a density of 0.9982 g/cm? and the resulting solution has a density of 1.0835 g/cm’. 
Express the concentration of the solution using (1) molality, (2) molarity, (3) normality, (4) milligrams per liter, 
and (5) parts per million. The molecular weight of CaCl, is 111.0 g/g-mole. 
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Solution. 
1. For a water density of 0.9982 g/cm’, the molality of the solution is 


1l.11lg % 1,000 g/kg 
111.0 g/g-mole (0.9982 g/cm°)(100 cm?) 


= 1.003 g - mol/kg. 


The volume of the solution can be computed from the mass of solute and solvent and the density of the solution. Be- 
cause 11.11 g of CaCl, added to 100 cm? of water gave a solution density of 1.0835 g/cm’, the solution volume is 


(11.11+99.82)¢ 


1.0835 g/cm’ = 102.38cm’. 


2. Thus, the molarity of the solution is 


11.llg i 1gmol À 1,000cm° 
102.38cm? 111g IL 


= 0.978 g mol/L. 


3. Because 0.5 mol of CaCl, would tend to react with 1 mol of hydrogen, the gram-equivalent weight of CaCl, is 
half the molecular weight. The normality of the solution is 


11.llg 5 l gew 7 1,000 cm? 
102.38cm* 55.5¢ IL 


= 1.955 gew/L. 


4. Concentration of CaCl, in milligrams per liter is 


11.11g __ 1,000mg | 1,000cm* 
102.38 cm° lg IL 


=108,517mg/L. 


5. The concentration of CaCl, in parts per million is given by 


11.11g „ LPPM 


=100,153 ppm. 
(11.11+99.8)g 10° j 


Alkalinity and Lime Content. Alkalinity is not the same as pH; it refers to the ability of a solution to react with 
an acid. In other words, alkalinity is the concentration of excess hydroxyl (OH), bicarbonate (HCO,>), and car- 
bonate (CO,”) ions in a water-based solution. Alkalinity is a chemical property of an aqueous system that implies 
that there are more hydroxyl ions (OH) in the system, or a potential to produce more hydroxy] ions, than there 
are hydrogen ions (H*), or potential to produce hydrogen ions. 

In drilling-fluid engineering, the phenolphthalein alkalinity (P) refers to the amount of acid (ml of 0.02 N H,SO, 
for water-based mud) required to titrate 1 ml of filtrate fluid (P) or mud (P „) and reduce the pH to 8.3, the phe- 
nolphthalein endpoint, whereas the methyl orange filtrate alkalinity (M,) measures the acid required to reduce pH 
to 4.3, the methyl orange endpoint. The alkalinity test is a well-known water-analysis procedure to estimate the 
concentration of the ions OH-, HCO,, and CO,” in the aqueous phase of the mud. 

When drilling fluid is saturated by calcium hydroxide (CaOH,)—commercially called lime—it is named lime- 
treated mud. The lime suspended in the mud will go into and tends to stabilize the pH. Once lime is added it be- 
comes primarily an alkalinity source producing hydroxy] ions: 


CaOH, — Ca”? +20H". 
The hydroxy] ions are immediately active in the drilling-fluid system. The free-lime content, p,,, is calculated as 


Pp, = 0.26(P,—F, P,), 


m 
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where F is the volume fraction of water in the mud. 


Caustic soda, a strong base, represents another alkalinity source: 
NaOH —> Na* +OH™ 


Alkalinity testing allows measuring of P » Mp and a by determining the amount of a standard acid solution nec- 
essary to neutralize the alkalinity present. We shrencae of P Mp and P. can indicate the source and the amount 
of alkalinity. In addition, these measurements help monitor and ideati CO,, HCO,-, and CO,” contamination, 
and give the mud engineer a better understanding of the ionic and buffering emronment of the drilling- -fluid sys- 
tem. 

Solid-Content Analysis. In addition to the effects of solids (e.g., sand) on drilling-fluid properties such as den- 
sity, viscosity, gel strength, fluid loss, and temperature stability, sand is highly abrasive to the fluid-circulating 
system. For this reason, the solid content in the drilling mud must be maintained at a low level. Formations con- 
taining silica and quartz add sand to the mud after being penetrated by the drilling bit. 

Solid-content tests determine the content of sand, total solids, oil, and water and the cation-exchange capacity 
of the drilling mud. The sand content of mud is measured by the use of a 200-mesh sand-screen set, while the mud 
retort test determines the volume fraction of oil, water, and total solids in drilling mud. Although there is not a 
standardized value for the sand-content test, the presence of such solids should be noted and reported in volume 
percentage (vol%). 

Hydrogen-lon Concentration (pH). The pH value is always used to describe the acidity or basicity of solu- 
tions and is defined as the negative log of the hydrogen-ion concentration. Currently, there are two methods for 
measuring the hydrogen-ion (H*) concentration (pH) of drilling fluids: colorimetric method, using pH paper test 
strips, and the electrometric method, using a pH meter with a glass electrode. 

From the chemical-dissociation reaction of hydrogen, pH is denoted as follows: 


pH = -log| H* 1. 


where [H+] is the hydrogen-ion concentration. For pure water at 75°F, pH = 7 and the pure-water system is called 
neutral. Systems with pH less than 7 (from | to 6) are called acidic, while those with pH greater than 7 (from 8 to 
14) are called basic or alkaline. 

A change of one pH unit corresponds to a tenfold increase in hydrogen-ion concentration. Water is a weak 
electrolyte that exists in nature as molecules of H,O. It can ionize to form hydronium (H,O*) ions and hydroxyl 
(OH_) ions. The equilibrium of water with these ions (2H,O <> H30* + OH’) may be affected by dissolved acid 
solutions when hydrogen ions (H*) are added. Hydrogen ions increase the hydronium concentration [H30*]. 

Because mud pH affects mud rheological properties, the dispersibility of clays, the corrosion of steel materials 
(drillstring and completion equipment), and the solubility of various chemicals and products, routine adjustments 
to the mud pH are fundamental to drilling-fluid control. For example, a proper pH level permits bentonite to yield 
faster and fully and to remain in suspension. 

Alkalinity refers to the acid-neutralizing ability of a solution or mixture. In other words, it is a chemical 
property of a solution indicating that there are more hydroxyl ions (OH-) than hydrogen ions (H*). Stan- 
dardized acids are used to determine the total amount of hydroxyl ions in the solution by titration. The 
phenolphthalein alkalinity refers to the quantity of acid needed to reduce the mud pH to 8.3, which is the 
phenolphthalein endpoint (Bourgoyne 1991). Because pH readings become rather insensitive at higher 
values (due to the logarithmic scale), the analysis of the mud filtrate for determining the alkalinity of the 
drilling fluid is preferable. The phenolphthalein alkalinity test reports the number of ml of 0.02N (N/50) 
acid needed per ml of drilling mud. 

Chlorine Concentration (Salt). In areas where salt (sodium chlorine) can enter and contaminate drilling flu- 
ids, the chlorine or salt analysis is extremely important. Salt enters the mud when either salt-containing for- 
mations are drilled or salt-water (formation water) enters the wellbore. This includes most of the world’s oil 
and gas fields. The chlorine-ion (Cl-) concentration is determined by titration using a silver-nitrate solution as 
titrant and potassium chromate as the endpoint indicator. For the titration to work correctly, the pH of the 
filtrate must be slightly basic (e.g., pH = 8.3). The titrant causes the chlorine ion to be removed from the 
solution as silver chloride (white precipitate), while the silver chromate will not start to precipitate until all 
chloride ions are tied up as silver chlorine. Two chemical reactions take place as follows, first the precipita- 
tion of silver chloride: 


124 Fundamentals of Drilling Engineering 


Ag’ + CI — AgCl 


and then the precipitation of silver chromate: 
2Ag* + CrO} > Ag,CrO,. 


Calcium Concentration (Total Hardness). The presence of calcium and magnesium ions 
determines the total hardness of drilling-mud filtrate. These contaminants—the divalent cations Ca** and 
Mg?*—are frequently present in the water used to prepare the mud, in the cement used for the cementing 
process, and in anhydrite or gypsum formations. The total Ca** and Mg” concentration is determined by 
titration. The process termed water softening is used to remove hardness. 

In some oil fields, the water available for use in the drilling fluid is fairly hard. The harder the water, the more 
bentonite it takes to produce an acceptable gel mud because the clays have low yields when mixed in hard water 
(Magcobar 1972). 


3.8 Solids Control 
Solids-control equipment is designed to control the buildup of undesirable solids in a mud system. Rheological 
and filtration properties can become difficult to control when the concentration of drilled solids (low-gravity sol- 
ids) becomes excessive. Penetration rates and bit life decrease and hole problems increase with a high concentra- 
tion of drill solids. 

In an ideal situation, all drill solids are removed from a drilling fluid. Under typical drilling conditions, 
low-gravity solids should be maintained below 6 vol%. How serious is the added mass of the drilled solids? 
The volume of rock fragments generated by the bit per hour of drilling is given by 


= 2 
V, = BOF Ror, ee ee ee Cn Th Cente ne ne Smee eN rrr errr e (3.23) 


where V, is the solids volume of rock fragments entering the mud, @ is the average formation porosity, d is the 
bit diameter, and ROP is the rate of penetration of the bit. The first few thousand feet of hole drilled in the US 
Gulf Coast area usually has a diameter of approximately 15 in. and is drilled in excess of 100 ft/hr. Thus, for an 


average formation porosity of 0.25, V, would be given approximately by 


= 2 
yal oe x (100) = 122.7 ft?/hr. 


From Table 3.1, the average specific gravity of drilled solids is approximately 2.6, so the density is 
2.6 x 62.4 Ibm/ft? (density of water) = 162.2 Ibm/ft*?. At a rock solids inlet volume rate of 122.7 ft*/hr, the drilled 
solids mass rate is: 


162.2 Ibm/ft* x 122.7 ft/hr x 1 ton/2000 Ibm = 9.95 tons/hr. 


Thus, the volume of drilled solids that must be removed from the mud can be quite large. 

Formation-friendly low density solids and solids-free water-based fluid systems can be formulated with a brine 
base (for density) and polymers for viscosity and fluid-loss control. The introduction of a clay-free SBF system 
has further enhanced the well-respected performance of SBFs by providing a flat rheological profile that responds 
quickly to treatment in cold and high-temperature environments. However, achieving the maximum benefit from 
running these fluid systems depends to a great extent on the efficiency of the rig’s solids-control equipment. Fig. 
3.24 shows a typical solids-removal system. Four devices are illustrated: 


Screen shaker 
Desander 
Desilter 
Centrifuge 


Desanders and desilters are similar devices called hydrocyclones. Fig. 3.25 shows the various solids-particle sizes 
and the range of sizes that each device can remove from the drilling fluid. Note that “mesh” refers to the screen shaker, 
also called a shale shaker. Not shown is a settling pit where solids are allowed to settle out of the drilling fluid. 
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Fig. 3.24—Solids-control system (Bourgoyne et al. 1991). 


The two primary sources of solids are chemical additives and formation cuttings. Formation cuttings are con- 
taminants that degrade the performance of the drilling fluid. If the cuttings are not removed, they will be ground 
into smaller and smaller particles that become more difficult to remove from the drilling fluid. Keep in mind—the 
smaller the drill-solid particle to be removed, the more difficult it is to remove. 

Most formation solids can be removed by mechanical means at the surface. Small particles are more difficult to 
remove and have a greater effect on drilling-fluid properties than large particles. Solids-processing efficiency is 
determined by the last piece of equipment processing 100% of the flow. 

Solids control is accomplished either mechanically with a screen or with the application of time and gravity. 
Mechanically with a screen means a shale shaker. Time and gravity means either a setline pit or a hydrocyclone. 
If time is not available, then increasing gravity through centrifugal separation devices is effective. Dilution is 
another form of solids control, but is generally considered to be a much less efficient and much more expensive 
option, which we have already addressed earlier in this chapter. 


3.8.1 Settling Pit. One inexpensive solids-control method is to allow a drilling fluid time to settle. That 
means circulating through a settling pit. Particles above colloidal size will eventually settle out if in a quies- 
cent condition. However, the smaller the particle, the longer it will take to settle. In some cases, for silt-sized 
particles, it may take days. Particle-settling velocities are given in Fig. 3.25. 


3.8.2 Shale Shakers. The most common screen device is a shale shaker (Fig. 3.26), which contains one or more 
vibrating screens through which mud passes as it circulates out of the hole. Shale shakers are classified as circular/ 
elliptical or linear-motion shale shakers. 

Mesh Size. Mesh screen size is the number of openings per linear inch as measured from the center 
of the wire. For example, a 70x30 oblong screen has 70 openings across a |-in. segment, with 30 openings along 
the l-in. line perpendicular to the first segment. A 20x20 mesh screen has 20 openings per inch of screen on 
mutually perpendicular sides. It has relatively large openings. A 220x220 mesh screen has 220 openings per inch 
on both sides. It has relatively small openings. In addition, the mesh material in this case is much smaller in di- 
ameter than in the 20x20 mesh screen, potentially making tearing more likely. 

Circular/Elliptical-Motion Shaker. This shaker, also known as a “rumba” shaker, uses elliptical rollers to 
generate a circular rocking motion to provide better solids removal through the screens. 

Linear-Motion Shaker. The development of the linear-motion shaker has made the use of a desander/ 
desilter almost unnecessary. If 220 mesh screens can be run on the shaker, the fluid can go directly from the 
shaker to the mud cleaner (that has 250 mesh screens for a finer cut of particles). 


126 Fundamentals of Drilling Engineering 


0.01 0.1 1 10 100 1,000 10,000 


Dispersed 
bentonite 


Desilter 
underflow 
Centrifuge 


overflow 
200 mesh 
discard 


100 mesh 


60 mesh 


20 mesh 


Tobacco smoke 


Milled flour —>| 


at 68°F, ft/min Drilled 
solids 0.01 0.1 1 30 50 90 


Fig. 3.25—Particle size for solids-control devices (Annis 1974). Reprinted courtesy of ExxonMobil. 


A linear-motion shaker uses a straight back-and-forth rocking motion to keep the fluid circulating through the screens. 
Four-screen linear-motion shakers configured in a series currently provide extremely efficient removal of drill solids. Very 
fine mesh screens can be run on these shakers, constrained only by the need to preserve the barite in a weighted system. 

Actual separation sizes are determined by factors such as particle shape, fluid viscosity, feed rates, and particle 
cohesiveness. Some drilling fluids can form a high surface-tension film on the wires of the screen and reduce the 
effective opening size of the screen. 

Screens are available in 2D and 3D designs. 2D screens can be classified as panel screens, with two or three 
layers bound at each side by a one-piece, double-folded hook strip, or they can be classified as perforated-plate 
screens, with two or three layers bonded to a perforated metal plate that provides support and is easy to repair. 

3D screens are perforated plate screens with a corrugated surface that runs parallel to the flow of fluid, provid- 
ing more screen area than the 2D screen configuration. On a properly designed screen, the fluid will pass through 
the openings about midway down the screen surface. 


3.8.3 Hydrocyclones. Hydrocyclones are a means to circulate a drilling fluid around a cylinder at a high rate of 
speed. In effect, the gravitational field on the drilling fluid is artificially increased, greatly speeding up the settling 
time of the particles. A typical hydrocyclone is illustrated in Fig. 3.27. Hydrocyclones have been used by the drilling 
industry for decades, and it is amusing that they were only recently discovered for use in home vacuum cleaners. 
Hydrocyclones come in various sizes and shapes. They are usually specified by the size particles they are de- 
signed to remove. There are desanders, desilters, mud cleaners, and centrifuges. A desander typically has a few 
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Fig. 3.26—Typical shale shaker [from Oilfield Glossary (2011)]. Courtesy of Mark Ramsey/Texas Drilling Associates. 


large diameter cones (greater than 6 in. diameter), whereas a desilter has a larger number of small diameter cones 
(less than 6 in. in diameter). Desanders are designed to remove sand-sized particles and desilters are designed to 
remove silt-sized particles. Mud cleaners are a combination of a fine-screened (roughly 320 mesh) shale shaker 
under a desilter. It is used for weighted muds because barite tends to be removed with silt-sized particles. By 
using a mud cleaner, barite can be recovered and reused. 


Example 3.10 A mud cup is placed under one cone of a hydrocyclone being used to process an unweighted mud. 
Thirty seconds were required to collect 1 qt of ejected slurry. The density of the slurry was determined (using a 
mud balance) to be 17.4 Ibm/gal. Compute the mass of solids and volume of water being ejected by the cone per 
hour. 

Solution. The density of the slurry ejected from the desilter can be expressed in terms of the volume fraction of 
low-specific-gravity solids by 


ae My + M, — PisVis + p,V,, 
Vs +V, Vs +V, 


= Pi fis ae oe 


where p is the density of the slurry, m,is the mass of the low density solids, and m is the mass of the water. 
Using the values given in Table 3.1, the average density of low-specific-gravity solids is 2.6 x 8.33 = 21.7 lbm/gal, 
and the density of water is 8.33 lbm/gal. Substituting these values in the above equation yields 


17.4 =21.7 f; +8.330- fp). 
Solving for the volume fraction of solids gives 


_174-8.33 


= = 0.6784. 
21.7 -8.33 


Ís 


Because the slurry is being ejected at a rate of 1 qt per 30 seconds, the mass rate of solids is 


0.6784 qt y 1 gal 7 21.7 Ibm x 3,600 sec 
30sec 4qt gal 


= 441.6 lbm/hr, 
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Fig. 3.27—Hydrocyclone schematic (Annis 1974). Reprinted courtesy of ExxonMobil. 
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and the volume rate of water ejected is 


(1.0—0.6784) qt F 1 gal Z 3,600 sec 


= 9.65 gal/hr. 
30 sec 4 at hr 


Note that to prevent the gradual loss of water from the mud, 9.65 gal of water must be added each hour to make 
up for the water ejected by this single cone. 


3.8.4 Centrifuge. When installed downstream of properly configured shakers, a decanter centrifuge efficiently 
removes most of the fine particles that traditional solids-removal equipment cannot capture. Typically, the de- 
canter centrifuge features slender cylindrical- or conical-bow] sections with a relatively large aspect (length/diam- 
eter) ratio, as shown in Fig. 3.28. A screw conveyor is fitted inside the bowl for continuous removal of separated 
solids. Typical bowl speeds are 1,800 to 4,000 rev/min and the developed G-force is between 644 and 3,100 Gs. 

The drilling fluid is fed into the rapidly spinning cylindrical section. Through centrifugal force, the solids form 
a layer around the bowl wall. The thickness of this layer is determined by a series of discharge weirs at the end 
of the cylindrical section through which the clean liquid is decanted. The solids, being heavier, collect at the bowl 
wall. From there they are continuously removed by the screw conveyor. The solids are transported along the 
conical section (the beach) where they are dried, and then discarded out the discharge ports. 

The separation result, solids recovery, solids dryness, and liquid clarity can be optimized during operation. 
Parameters influencing the result are easily regulated and include feed rate, rev/min (G-force), pond depth, and 
differential conveyor speed. 


3.8.5 Summary. A high-efficiency system for drill-solids removal means drastically reduced mud cost and sig- 
nificantly increased penetration rates, as well as a significantly decreased risk of differential sticking and other 
associated hole problems. The dilution costs for maintaining a drilling fluid in perfect condition are directly re- 
lated to the drill solids remaining in the system after processing by the solids-control equipment. A small increase 
in solids-removal efficiency can result in large savings. 


3.9 Health, Safety, and Environmental (HSE) Considerations 
A prime objective in all drilling operations is to minimize safety and environmental risks while maintaining 
drilling performance. Operators and service companies alike take a proactive stance to reduce the potential for 


Bowl rotation 


Overflow IT h- Underflow 
liquid ; coarse solids 
discharge discharge 


Fig. 3.28—Decanting-centrifuge schematic (Annis 1974). Reprinted courtesy of ExxonMobil. 
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hazardous incidents and to minimize the impact of any single incident. The HSE policies of many companies are 
more stringent than those required by national governments and the various agencies charged with overseeing 
drilling operations. All personnel who take part in the well-construction process must comply with these standards 
to ensure their own safety and the safety of others. On most locations, a zero-tolerance policy is in effect concern- 
ing behaviors that may endanger workers, the environment, or the safe progress of the operation. Additionally, all 
personnel are encouraged to report any potentially hazardous activities or circumstances through a variety of 
observational safety programs. 

The packaging, transport, and storage of drilling-fluid additives and/or premixed-fluid systems are subject 
to close scrutiny regarding HSE issues. Personnel who handle drilling fluid and its components are required 
to wear personal protective equipment (PPE) to prevent inhalation and/or direct contact with potentially haz- 
ardous materials. Risk-assessed ergonomic programs have been established to reduce the potential for inju- 
ries related to lifting and operating mud-mixing equipment. 


3.9.1 Protecting the Environment. In addition to the obvious benefits of minimizing, if not totally eliminating, 
sources of pollution and related threats to the ecosystem, the oil and gas industry recognizes that governmental 
permission to acquire and develop commercial reserves worldwide is more easily obtained if drilling-related ac- 
cidents are few and far between. 

Drilling fluid companies strive to achieve and maintain an “econoecological” balance with each drilling-fluid 
system and additive. A “green” drilling-fluid system that performs poorly will seldom be used; poor performance 
extends drilling time and increases the likelihood of hole problems as well as the cost of well construction. Con- 
versely, using a properly managed high-performance SBF can shorten the duration of the drilling operation and/ 
or help maintain wellbore stability, thereby reducing opportunities for environmental damage. These and other 
factors must be weighed in the design and selection of any drilling-fluid system. 


3.9.2 Sources of Contamination. Both land- and offshore-drilling locations are subject to regulations addressing 
the disposal of whole mud, drill cuttings and other solids, and run-off, if any, generated by rainfall, wave action, 
or water used at the rigsite. Industrywide efforts to eliminate environmental hazards resulting from accidents or 
the negligent handling of drilling fluids and/or drill cuttings encompass several contamination issues related to 
drilling fluids: 


e Formulation: chlorides, base oils, heavy metals, corrosion inhibitors 
e Natural sources: crude oil, salt water, or salt formation 
e Rigsite materials: pipe dope, lubricants, fuel 


In some cases, reformulating drilling-fluid systems makes them more benign to the environment. For example, 
chrome lignosulfonate water-based fluid is available in a chrome-free formulation. The development of SBFs re- 
sulted from the need to replace diesel and mineral OBFs due to environmental restrictions. 

The discharge of conventional OBFs and drill cuttings was effectively prohibited in the North Sea in 2000. 
Cuttings generated by drilling with certain compliant SBFs may be discharged overboard in the western GOM 
if they comply with the retention on cuttings (ROC) limits introduced in 2002. Neither traditional OBFs nor the 
drill cuttings produced while using them can be discharged in the GOM; the rare offshore operation using a 
diesel- or mineral-based fluid must include a closed-loop process for continuously capturing all drill cuttings 
and returning them to shore for regulated disposal. 


3.9.3 Drilling Fluids and Waste-Stream Reduction. As a result of the increasing emphasis on environmental 
protection and efficient use of resources, the concept of Total Fluids Management® (TFM) has emerged as a 
means of conserving materials, improving operational performance, and generating the appropriate documenta- 
tion to verify that a given well-construction project was completed in compliance with governmental and corpo- 
rate regulations. 

The key focus of TFM is to cover the interface between all aspects of the drilling operation and to exploit the 
natural synergies between different service specialties. The mission of the TFM supervisors is to guide and focus 
all members of the team on their individual targets in order to achieve the collective goal. The mission also ad- 
dresses the means and resources required to achieve the goals, measure the improvement, and refine the expecta- 
tions for further project stages. The examples of TFM discussed here represent practices in the North Sea and the 
GOM. 

During the late 1990s, a major Norwegian operator analyzed current practices related to the control and 
management of drilling and well fluids and the associated waste generation (Paulsen et al. 2001). A TFM model 
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was developed to improve environmental performance by reducing waste, maintaining or improving drilling 
performance, and preserving the profitability of contractor and service-company participants. The model was 
designed to reward performance according to Key Environmental Performance Indicators (KEPIs), so that any 
reduction in materials usage (i.e., sales) was offset. Once all participants agreed to the criteria, a TFM program 
was implemented to address the following areas: 


Measurement and management of drilling fluids, completion fluids, and drill cuttings 
Waste minimization 

Performance assessment 

Report formats and protocols 

Scheduled performance and target reviews 

Continuous improvement 


In the GOM, regulations covering the discharge of synthetic-based drilling fluids and drill cuttings have increased 
the complexity, number, and types of measurements along with the potential for noncompliance. This has created 
the need for checks and balances in the daily monitoring and in the end of well report issued by the environmental 
testing company on location. The resulting environmental-compliance document must be provided to the operator 
and must be verifiable and auditable by governmental and environmental oversight groups. 


3.9.4 Waste Management. The use of inhibitive drilling-fluid systems and good performance from solids-con- 
trol equipment are key factors in the effort to reduce the volume of solids and liquids generated at the rigsite. 
Studies indicate that the greatest impact on waste-minimization strategies and capabilities is achieved through 
close monitoring and control of the drilling-fluid system, though other fluid-related operations such as comple- 
tion, cementing, and rig-wastewater handling should also be part of the TFM program. Implementation of these 
policies resulted in overall well-construction-cost reductions and increased drilling performance. 

Because of the inherent value of synthetic-based drilling fluids and the restrictions applied to their discharge, 
the reuse of these fluids has long been an industry standard. The various TFM programs currently implemented 
worldwide ensure that the recovery of reusable fluids is optimized through close attention to 


Fluid quality assurance/quality control (QA/QC) 
Fluid transport 

Fluid flow at the rigsite 
Solids-control-equipment operation 

Cuttings processing 


Documentation requirements for these processes provide quantifiable indicators of environmental and economic 
performance of a specific TFM program. 

In areas where drill cuttings must be returned to shore, recently improved pneumatic-transfer systems allow the 
cuttings to be captured below the shale shakers and pumped with compressed air to rigsite-storage units (Martin 
2002). Supply boats equipped with the same pneumatic system receive the cuttings from the rig, transport them 
to shore, and then pump them into large storage tanks for eventual disposal. Auger-type conveyances are also 
commonly used to move drilled cuttings from the rig to vessels for treatment and/or transport to shore. 


3.9.5 Treatment and Disposal of Drilled Cuttings. Where offshore discharge of cuttings is not sanctioned by 
regulatory and environmental agencies, there are many possible disposal options. Waste segregation at the rigsite 
is a key factor in the success of zero-discharge programs. Drilling-fluid waste, drill cuttings, waste generated by 
cementing or completion operations, and waste water from the rig must be handled and stored separately. 

Another option is minimizing the initial volume of cuttings through installation and careful maintenance of 
high performance solids-control equipment. An effective cuttings-drying process should be established at the 
rigsite so that any cuttings transported to shore have the lowest possible fluid retention. At present, thermal de- 
sorption is considered one of the most effective methods of processing cuttings. Thermal desorption results in a 
0.1 to 0.5% ROC rate and recovers the liquid oil for possible reuse. In thermal desorption, cuttings are heated to 
a very high temperature so that oil and water are boiled into gases. The water is released as steam and the oil is 
condensed to liquid. 

However, the recovered oil may not have the same properties as the original base fluid because of the possi- 
bility of high temperatures breaking the heavier hydrocarbon molecules into lighter compounds. This may 
lower the oil flash point and alter its rheological properties. Though these changes are generally slight, they are 
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sufficient to prevent most operators from attempting to reuse the oil in a drilling-mud formulation. The oil is 
typically used as heating oil or to fuel the thermal desorption process. Salts or heavy metals are not removed 
from the cuttings. 


3.9.6 Encapsulation. Recommended primarily for the treatment of oil-wet cuttings (but also efficient in solidi- 
fying liquid oil-based mud, water-based-mud cuttings, or solids discharge from flocculation systems), the typical 
encapsulation process is capable of treating up to 20 bbl/hr. The cuttings are mixed with calcium or silicate mate- 
rials to produce a low-permeability cementitious matrix that reduces the mobility of oil. Kiln dust, an inexpensive 
waste by-product of cement factories, can be used, as can standard cement. The generator-powered system con- 
sists of one hopper for cuttings/sludge and one hopper for chemical treatment. Both feed to a central mixing area 
by means of screw conveyors. The speed of each conveyor can be adjusted, allowing the operator to control the 
ratio of chemical to sludge (generally from 30 to 50 % by weight). 

A silica-calcium oxide-encapsulating agent is mixed with the raw cuttings and thorough mixing is ensured. 
Water is added as demanded by the process. The cuttings are recirculated in the mixing device (auger, auger tank, 
and ribbon blender) until satisfactory appearance is observed and field scale tests (sheen/can test) are passed. 
Specialized laboratory tests are required and compliance with the applicable regulations ensured before following 
a customer’s instructions for disposal. 


3.9.7 Bioremediation. Bioremediation is the process of using micro-organisms in a controlled, engineered envi- 
ronment to reclaim soil, sludge, and water polluted by hazardous and nonhazardous substances that can affect 
human health and/or the environment. These micro-organisms may be native to the contaminated media, geneti- 
cally developed/enhanced, or they may be isolated from natural processes, selectively adapted to degrade a spe- 
cific contaminant and brought to the contaminated site. 

Land farming is the use of native bacteria, helped with additions of nutrients, water, and aeration, to break down 
harmful substances into environmentally-safe compounds. The broad metabolic capabilities of the micro-organ- 
isms enable them to remove or to reduce pollutant concentrations to levels that no longer present a risk to human 
health or the environment. In addition, the use of micro-organisms is not capital intensive, making bioremediation 
a cost-effective and feasible solution for small- and large-scale applications. 

For bioremediation to successfully occur, the contaminants in question must be degradable by the involved 
micro-organisms. The breakdown of these contaminant molecules is accomplished by enzymes produced by the 
microbes. Enzymes can be added to the solids to increase the rate of breakdown. 

Hydrocarbons are biodegradable. N-alcanes and n-alquilaromatics between C10 and C22 are generally con- 
sidered low toxic. Compounds between C5 and C9 are biodegradable at low concentrations. Gaseous alcanes 
from C1 to C4 are biodegradable, but this is not the usual removal mechanism. Alcanes, n-alquilaromatics, and 
aromatics over C22 show low toxicity, but their physical characteristics, including their low solubility in water 
and their solid state at 35°C (optimum bioremediation-process temperature), are a problem, affecting their 
biodegradability. 

Biodegradation is not always a successful process; sometimes the substance remains unaltered for one or more 
of the following reasons: 


The chemical concentration is high enough to kill micro-organisms. 

The number and type of micro-organisms is inadequate to carry out the process. 

The soil acidity or alkalinity may be inappropriate. 

The micro-organisms may suffer from a lack of nutrients such as nitrogen, phosphorous, potassium, sul- 
phur, or other micronutrients necessary for their normal metabolism. 

e The moisture conditions may be inadequate. 

e The micro-organisms may suffer from a lack of oxygen, nitrate, or sulphate, which are their main energy 
source. 


Bioremediation is one of the most cost-effective treatment methods available for destroying certain categories of 
hazardous and nonhazardous waste, offering the following advantages: 


e Proven technology for on-site destruction of many organic contaminants to concentrations below the 
cleanup standards 

e Cost savings associated with the on-site treatment and low-capital cost (typically requires simple and read- 
ily available equipment) 

e Reduced future liability associated with possible leaching of lime-fixed material 
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e Flexibility to perform treatment on-site rather than transporting cuttings to a central facility 
e The ability to use treated material as filling material or base material to be mixed with untreated cuttings 


Certain considerations apply to the use of bioremediation. These include high levels of oxygen, which facilitate 
bacteria growth. In the case of land farming, the soil is aerated by mechanical tilling of the soil. The biodegrada- 
tion rate is directly proportional to the oxygen level in the soil. 

The bioremediation process can be adversely affected by high rain conditions; therefore it is necessary to install 
appropriate drainage systems to direct, collect, use, and/or dispose of rain water. Proper roofing should be pro- 
vided for bioremediation facilities. The field capacity is the amount of water held in the soil after the excess 
gravitational water has drained away and after the rate of downward movement of water has materially decreased. 
A moisture level between 50 and 70% is best for bioremediation. 

The optimum temperature for bioremediation ranges from 75°F to 98°F. Lower temperatures slow or stop bac- 
teria activity, while temperatures above 135°F can destroy most bacteria. The optimal pH range for hydrocarbon- 
eating bacteria is from 6 to 8. Below 5, fungi become the predominant soil microbe and the bacteria population is 
reduced. A pH greater than 6 is recommended to minimize hazardous metal migration. 

Bioreactors are designed to reduce the cuttings to a benign soil-like material that can be disposed of without risk 
at any onshore location. Small bioreactors have been developed for use in laboratories, but at present there are no 
units with sufficient capacity to handle the volumes of cuttings typical of offshore drilling operations. 


Problems 


3.1 Discuss the functions of a drilling fluid. 
3.2 An 11.4-lbm/gal freshwater mud is found to have a solids content of 16.2 vol%. 
(a) Compute the volume fraction of API barite and low-specific-gravity solids. 
Answer: 0.068 and 0.094. 
(b) Compute the weight fraction of API barite and low-specific-gravity solids in the mud. 
Answer: 0.209 and 0.179. 
(c) Compute the API barite and low-specific-gravity solids content in pounds per barrels of mud. 
Answer: 100 and 85.5 lbm/bbIl. 

3.3 Compute the density of a mud mixed by adding 30 Ibm/bb! of clay and 200 Ibm of API barite to 1 bbl 
of water. 

Answer: 11.8 lbm/gal. 

3.4 Determine the density of a brine mixed by adding 150 Ibm of CaCl, to 1 bbl of water. 
Answer: 10.7 lbm/gal. 

3.5 Discuss the desirable and undesirable aspects of a high mud viscosity. 

3.6 Compute the yield of a clay that requires addition of 35 Ibm/bbl of clay to 1 bbl of water to raise the 

apparent viscosity of water to 15 cp (measured in a Fann viscometer at 600 rev/min). 
Answer: 59.3 bbl/ton. 

3.7 A mud cup is placed under one cone of a hydrocyclone unit being used to process an unweighted mud. 
Twenty seconds were required to collect 1 qt of ejected slurry having a density of 20 lbm/gal. Compute 
the mass of solids and water being ejected by the cone per hour. 

Answer: Solids: 852 \bm/hr and water:47.6 lbm/hr. 

3.8 A 1,000-bbl unweighted freshwater-mud system has a density of 9.5 lbm/gal. What mud treatment 
would be required to reduce the solids content to 4% by volume? The total mud volume must be main- 
tained at 1,000 bbl and the minimum allowable mud density is 8.8 lbm/gal. 

Answer: Discard 544 bbl of mud, add 544 bbl of water. 

3.9 The density of 600 bbl of 12-lbm/gal mud must be increased to 14 1bm/gal using API barite. One gal- 
lon of water per sack of barite will be added to maintain an acceptable mud consistency. The final 
volume is not limited. How much barite is required? Answer: 92,800 Ibm. 

3.10 The density of 800 bbl of 14-Ibm/gal mud must be increased to 14.5 lbm/gal using API barite. The total 
mud volume is limited to 800 bbl. Compute the volume of old mud that should be discarded and the 
weight of API barite required. 

Answer: Discard 19.05 bbl of mud, add 28,000 Ibm of barite. 

3.11 The density of 900 bbl of a 16-lbm/gal mud must be increased to 17 lbm/gal. The volume fraction of 
low-specific-gravity solids also must be reduced from 0.055 to 0.030 by dilution with water. A final 
mud volume of 900 bbl is desired. Compute the volume of original mud that must be discarded and the 
amount of water and API barite that should be added. 

Answer: Discard 409 bbl of mud, add 257.6 bbl of water and 222,500 Ibm of barite. 


134 Fundamentals of Drilling Engineering 


3.12 Assuming a clay and chemical cost of USD 10/bbl of mud discarded and a barium sulfate cost of USD 


0.10/lbm, compute the value of the mud discarded in Problem 3.11. If an error of + 0.01% is 
made in determining the original volume fraction of low-specific-gravity solids in the mud, how much 
mud was unnecessarily discarded? 

Answer: USD 16,697; 191 bbl. 


3.13 Derive expressions for determining the amounts of barite and water that should be added to increase 


the density of 100 bbl of mud from p, to p,. Also derive an expression for the increase in mud volume 
expected upon adding the barite and the water. Assume a water requirement of | gal per sack of barite. 
Answer: M, = 109,000 (p,— p,)/(28.08 — p,); V, = M,/4,200; V = 0.0091 M; 


3.14 A 16.5-lbm/gal mud is entering a centrifuge at a rate of 20 gal/min along with 8.34 lbm/gal of dilution 


water, which enters the centrifuge at a rate of 10 gal/min. The density of the centrifuge underflow 
is 23.8 lbm/gal while the density of the overflow is 9.5 Ibm/gal. The mud contains 25 Ibm/bbl ben- 
tonite and 10 lbm/bbl deflocculant. Compute the rate at which bentonite, deflocculant, water, and API 
barite should be added downstream of the centrifuge to maintain the mud properties constant. 
Answer: 10.02 Ibm/min of bentonite, 4.01 Ibm/min of deflocculant, 9.78 gal/min of water, and 20.81 Ibm/ 
min of barite. 


3.15 A well is being drilled and a mud weight of 17.5 lbm/gal is predicted. Intermediate casing has just 


been set in 15 lbm/gal freshwater mud that has a solids content of 29%, a plastic viscosity of 32 cp, 
and a yield point of 20 lbf/100 ft? (measured at 120°F). What treatment is recommended upon in- 
creasing the mud weight to 17.5 lbm/gal? 


3.16 Define an inhibitive mud. Name three types of inhibitive water-based muds. 

3.17 Discuss why prehydrated bentonite is used in high-salinity muds. 

3.18 Discuss the advantages and disadvantages of using oil muds. 

3.19 Compute the pounds per barrel of CaCl, that should be added to the water phase of an oil mud to 


inhibit hydration of a shale having an activity of 0.8. If the oil mud will contain 30% water by vol- 
ume, how much CaCl, per barrel of mud will be required? 
Answer: 98.7 lbm/bbl of water and 29.6 lbm/bb! of mud. 


3.20 Define these terms: (1) emulsifier, (2) wetting agent, (3) preferentially oil wet, (4) fatty-acid soap, 


3.2 


— 


and (5) balanced activity mud. 

A saline solution contains 175.5 g of NaCl per liter of solution. Using a water density of 0.9982 
g/cm’, express the concentration of NaCl in terms of (1) molality, (2) molarity, (3) normality, (4) 
parts per million, (5) milligrams per liter, (6) weight percent, and (7) pounds per barrel of water. 
Answer: (1) 3.198 mol; (2) 3.00 g mol/L; (3) 3.00 gew/L; (4) 157,440 ppm; (5) 175,500 mg/L; (6) 15.7 wt%; 
(7) 65.4 Ibm/bbl. 


3.22 Discuss the difference between these alkalinity values: (1) P, and P, and (2) I and M m 
3.23 One liter of solution contains 3.0 g of NaOH and 8.3 g of Na,CO,. Compute the theoretical values 


of P, and M, 
Answer: 7.7 cm?; 11.6 cm’. 


3.24 Alkalinity tests on a mud give a P , value of 5.0 and a P, value of 0.7. Determine the approximate 


amount of undissolved lime in the mud. The volume fraction of water in the mud is 80%. 
Answer: 1.154 Ibm/bbl. 


3.25 A volume of 20 mL of 0.0282 N AgNO, was required to titrate 1 mL of saline water in the API test 


for salinity. Determine the concentration of Cl and NaCl in the solution in mg/L assuming only NaCl 
was present. 
Answer: 20,000 mg/L and 33,000 mg/L. 


3.26 Name the three common causes of flocculation. Also name four types of mud additives used to control 


flocculation. 


Nomenclature 


A 
AV 

d 
dVfidt 


= area of the filter paper, cm? 

= apparent viscosity, cp 

= bit diameter, in. 

= filtration rate, cm?/s 

= volume fraction of the high-density solids 
= volume fraction of the low-density solids 
= volume fraction of the oil phase 

= volume fraction of solids in the cake 


a 


Spek SL aS 


3 


3 


D ys Woe yp SS 
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volume fraction of solids in the mud 
volume fraction of the water phase 


applied force in the lubricity test, lbf 

friction force in the lubricity test, lbf 

normal force in lubricity test, Ibf 

thickness of the filter cake (mudcake), cm 
permeability of the mudcake, darcies 

length of the cylinders in a concentric viscometer, in. 
the mass of the fluid mixture, Ibm 

mass of low density solids, Ibm 

mass of water, lbm. 

methyl orange filtrate alkalinity 

torque, ft-lbf 

phenolphthalein alkalinity, ml of 0.02 N H,SO, 
phenolphthalein alkalinity of filtrate fluid, ml of 0.02 N H,SO, 
phenolphthalein alkalinity of mud, ml of 0.02 N H,SO, 
pressure, psia 

reference pressure, psia 

plastic viscosity, cp 

radius of the captor in the lubricity test, in. 

radius of the bob in a concentric viscometer, in. 
inside radius of the outer cylinder in a concentric viscometer, in. 
rate of penetration of the bit, ft/hr 

oil specific gravity 

time in filtration test, s 

temperature, °F 

reference temperature, °F 

total fluid volume, ft? 

volume of the high-density solids, ft? 

volume of the low-density solids, ft? 

volume of the oil phase, ft? 

spurt-loss volume, cm? 

volume of the water phase, ft? 

15-minute filtrate volume, cm? 

30-minute filtrate volume, cm? 

yield point, Ibf/100 ft? 

shear rate, s7! 

pressure drop across the mudcake, atm 

dial reading on a viscometer, degrees 

dial reading on a viscometer at 300 rev/min, degrees 
dial reading on a viscometer at 600 rev/min, degrees 
viscosity, cp 

apparent viscosity, cp 

friction coefficient measured in lubricity test 
viscosity of the mud filtrate, cp 

viscosity of a mixture, cp 

plastic viscosity, cp 

slurry density from desilter, lbm/gal 

free lime content, ppb 

density of the high-density solids, lbm/gal 

density of the low-density solids, lbm/gal 

density of the oil phase, Ibm/gal 

density of the water phase, Ibm/gal 

shear stress, psia 

yield point (YP), Ibf/100 ft? 

the average formation porosity 

angular velocity of the outer cylinder, rev/min 
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Chapter 4 


Cementing 


Ron Sweatman, Halliburton 


This chapter is an updated version of the Cementing chapter that first appeared in Bourgoyne et al. (1991). The 
purposes of this chapter are to present (1) the primary objectives of cementing, (2) the test procedures used to 
determine if the cement slurry and set cement have suitable properties for meeting these objectives, (3) the addi- 
tives used to obtain the desirable properties under various well conditions, and (4) the techniques used to place 
the cement at the desired location in the well. Many advances have been made in laboratory testing, engineering 
design, and cement placement technologies during the last 25 years. Summaries of key improvements are pre- 
sented, with references cited for detailed information. The mathematical modeling of the flow behavior of the 
cement slurry is not discussed in this chapter but is presented in detail in Chapter 5. 


Cementing is used in the drilling operation to prevent the movement of fluid through the annular space outside the 
casing, protect and support the casing, stop the movement of fluid into vugular or fractured formations, and close 
an abandoned portion of the well. Cementing is the process of placing a cement slurry in a well by mixing pow- 
dered cement, additives, and water at the surface and pumping it by hydraulic displacement to the desired loca- 
tion. Thus, the hardened, or reacted, cement slurry becomes “set” cement, a rigid solid that exhibits favorable 
strength characteristics. The rigidity of hard-set cement must be designed to allow enough ductility to maintain 
a seal under expected load conditions including those in deep, high-pressure/high-temperature (HP/HT) wells; see 
API RP 65-Part 2 (2010) for additional information. 

The drilling engineer is concerned with the selection of the best cement composition and placement tech- 
nique for each required application. A deep well that encounters abnormally high formation pressure may 
require several casing strings to be cemented properly in place before the well can be drilled and completed 
successfully. The cement composition and placement technique for each job must be chosen so that the ce- 
ment will achieve an adequate strength soon after being placed in the desired location. This minimizes the 
waiting period after cementing and before commencing rig operations to change the BOP, wellhead, hydro- 
static pressures, and drill out the casing shoe. However, the cement must remain pumpable long enough at 
high temperatures to allow placement to the desired location. Also, each cement job must be designed so 
that the density and length of the unset cement column results in sufficient subsurface pressure to prevent 
the movement of formation pore fluids into the wellbore while not causing formation fractures and lost 
circulation. As this initial overbalanced pressure slowly becomes underbalanced during the cement curing 
period, cement properties such as rapid static-gel-strength (SGS) development must take over to prevent 
formation-fluid influx and potential blowouts; for more details, see APJ RP 65-Part 2 (2010). Consider- 
ation also must be given to the composition of subsurface contaminating fluids to which the cement will be 
exposed. 

Poor cement jobs may result in delayed production, flow from unintended intervals behind casing, sustained 
annular pressure, and loss of casing integrity due to corrosion. Remedial operations are possible; however, they 
are costly and time consuming. In some instances, a poor cement job may cause a loss of the well. 
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4.1 Composition of Portland Cement 
The main ingredient in almost all drilling cements is Portland cement, an artificial cement made by burning a 


blend of limestone and clay. This is the same basic type of cement used in making concrete. A slurry of Portland 
cement in water is ideal for use in wells because it can be pumped easily and hardens readily in an underwater 
environment. The name “Portland cement” was chosen by its inventor, Joseph Aspdin, because he thought the 
produced solid resembled a stone quarried on the Isle of Portland off the coast of England. 

A schematic representation of the manufacturing process for Portland cement is shown in Fig. 4.1. The oxides 
of calcium, aluminum, iron, and silicon react in the extreme temperature of the kiln (2,600 to 2,800°F), resulting 
in balls of cement clinker upon cooling. After aging in storage, the seasoned clinker is taken to the grinding mills 
where gypsum (CaSO,-2H,O) is added (1 to 3% by weight of cement) to control setting time and hardening of 
cement (strength). The units sold by the cement company are the barrel, which contains 376 Ibm or four 94-lbm 
sacks, or by U.S. tons (2,000 Ibm) and metric tonnes (2,205 Ibm). 

Cement chemists have found that there are four crystalline compounds in the clinker that hydrate to form or aid in 
the formation of a rigid structure. These are tricalcium silicate (3CaO-SiO, or C,S), dicalcium silicate (2CaO-SiO, or 
C,S), tricalcium aluminate (3CaO-A1,O, or C,A), and tetracalcium aluminoferrite (4CaO ° A1,O, ° Fe,O, or C,AF). 
The hydration reaction is exothermic and generates a considerable quantity of heat, especially the hydration of C,A. 

The chemical equations representing the hydration of the cement compounds when they are mixed with water 


are as follows. 


2(3CaO+ SiO,) + 6H,0> 
3CaO e 2SiO, + 3H,O + 3Ca(OH),. 


2(2Ca0 ° SiO,) + 4H,O> 
(slow)3CaO e 2SiO, * 3H,O + Ca(OH),. 

4Ca0 * Al,O,* Fe,O,+10H,O+2Ca(OH),—> 
(slow)6CaO ° AILO, ° Fe,O, * 12H,O. 

3CaO ° ALO, + 12H,O + Ca(OH),> 
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Fig. 4.1—Manufacture of Portland cement [after Kosmatka and Wilson (2011)]. Courtesy of Portland Cement Association. 
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(fast)3CaO ° AlO, ° Ca(OH), ° 12H,O. 
3CaO ° A1,0, 4 + 10H,O + CaSO, ° 2H,O > 
3CaO • ALO, ° CaSO, ° 12H,O. 


The main cementing compound in the reaction products is 3CaO e° 2SiO, * 3H,O, which is called tobermorite 
gel. The gel has an extremely fine particle size and, thus, a large surface area. Strong surface attractive forces 
cause the gel to adsorb on all crystals and particles and bind them together. Excess water that is not hydrated re- 
duces cement strength and makes the cement more porous and permeable. 

CS is thought to be the major contributor to strength, especially during the first 28 days of curing. C,S hydrates 
very slowly and contributes mainly to long-term strength. C,A hydrates very rapidly and produces most of the 
heat of hydration observed during the first few days. The gypsum added to the clinker before grinding controls 
the rapid hydration of C,A. The C,A portion of the cement also is attacked readily by water containing sulfates. 
C,AF has only minor effects on the physical properties of the cement. 

The chemical composition of Portland cement generally is given in terms of oxide analysis. The relative amounts 
of the four crystalline compounds present are computed from the oxide analysis. API Spec. IOA/ISO 10426-1 
(2002) uses the following equations for calculating the weight percent of the crystalline compounds from the 
weight percent of the oxides present. 


CS =4.07C-7.6S-6.72A —1.43F 2.8580; o vaknnei den ive earesaberdaleiaanicdaiweiuaede (4.1) 
C,S=2.87S-0.754C,S daca cescunh na det prawn aceus tevede dud sevboivnbhessdaumsauctbs (4.2) 
GA =2.65A-1.69F cece eee EELEE bebe bebe bbe e bebe bees (4.3) 
CS deve sata naa conesn vce ey ana Gena ta aeeu made neaeanadewiades (4.4) 


These equations are valid as long as the weight ratio of Al,O, to Fe,O, present is greater than 0.64. 


Example 4.1 Calculate the percentages of C,S, C,S, C,A, and C,AF from the following oxide analysis of a stan- 
dard Portland cement. 


Oxide Weight Percent 
Lime (CaO or C) 65.6 
Silica (SiO, or S) 22.2 
Alumina (A1,0, or A) 5.8 
Ferric oxide (Fe,O, or F) 2.8 
Magnesia (MgO) 1.9 
Sulfur trioxide (SO,) 1.8 
Ignition loss 0.7 


Solution. The A/F ratio is 5.8/2.8 = 2.07. Thus, using Eqs. 4.1 through 4.4 yields 
CS = 4.07(65.6)-7.6(22.2)-6.72(5.8) 
—1.43(2.8)—2.85(1.8) = 50.16 %. 
C,S = 2.87(22.2)—-0.754(50.16) = 25.89%. 
CA = 2.65(5.8)-1.69(2.8) = 10.64%. 
C,AF = 3.04(2.8) = 8.51%. 


4.2 Cement Testing 
API Spec. 10A/ISO 10426-1 (2002), RP 1OB-2/ISO 10426-2 (2005), RP 10B-3/ISO 10426-3 (2004), RP 10B-4/ 
ISO 10426-4 (2004); other API, ISO, and ASTM standards; and some nonstandard publications such as SPE 
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papers may present state-of-the-art, recommended procedures for testing well cements. All of these tests were 
devised to help drilling personnel determine if a given cement composition will be suitable for specific well con- 
ditions. Cement slurry design specifications almost always are stated in terms of these laboratory tests. The test 
equipment needed to perform many of the types of tests include: 


A pressurized mud balance for determining the slurry density 

An HP/HT filter press for determining the filtration rate of the slurry 

A rotational viscometer for determining the rheological properties of the slurry 

A consistometer for determining the thickening rate characteristics of the slurry under downhole pressure 

and temperature conditions 

Cement HP/HT curing and strength testing machines for determining the compressive strength of the cement 

A graduated cylinder for determining the free fluid of the setting cement 

e An HP/HT SGS testing device to measure the time period for the fluid cement slurry to convert into a high- 
enough SGS to inhibit formation-fluid influx and migration [see more in [SO 10426-6 (2008)] 

e A triaxial load cell for determining the ductility of the cement 


The first six types of tests are commonly performed for well cementing operations. The seventh type is needed 
for cement placed across potential flow zones to contain formation fluids during cement curing periods, and the 
eighth one is needed to ensure sustainable cement sealing and support integrity under life of the well-load cases. 
Unlike drilling-fluid testing, routine testing of the cement slurry normally is not done at the rig site except for ce- 
ment slurry density, which is required to calibrate density measuring devices on the cement mixing and pumping 
equipment. However, it is imperative for the drilling engineer to understand the nature of these tests if he or she 
is to interpret cement specifications and reported test results properly. 

The pressurized mud balance, filter press, and rotational viscometer used for cement testing are basically the 
same equipment described in Chapter 3 for testing drilling fluids, except that an HP/HT filter press is used instead 
of the low-pressure version. An HP/HT version of the rotational viscometer is often used for applications in deep, 
hot hole sections. When measuring the density of cement slurries, entrained air in the sample is more difficult to re- 
move. The pressurized mud balance shown in Fig. 4.2 can be used to minimize the effect of the entrained air. Ce- 
ment slurry density should be determined by use of a pressurized mud balance described in ISO 10426-2 (2005). 


4.2.1 Cement Consistometer. The pressurized and atmospheric-pressure consistometers used in testing cement are 
shown in Figs. 4.3a and 4.3b. The pressurized consistometer consists essentially of a rotating cylindrical slurry 
container equipped with a stationary paddle assembly, all enclosed in a pressure chamber capable of withstanding 
temperatures and pressures encountered in well cementing operations. The cylindrical slurry chamber is rotated at 
150 rev/min during the test. The slurry consistency is defined in terms of the torque exerted on the paddle by the 
cement slurry. The relation between torque and slurry consistency is given by 


T2782 
“90.02 ` 


Fig. 4.2—Mud balance. Courtesy of Halliburton. 


Cementing 143 


(b) 


Fig. 4.3—Examples of (a) pressurized and (b) atmospheric consistometers. Courtesy of Halliburton. 


where T = the torque on the paddle in g-cm and B_ = the slurry consistency in API consistency units designated by 
B . The thickening time of the slurry is defined as the time required to reach a consistency of 100 B. This value is 
felt to be representative of the upper limit of pumpability. The temperature and pressure schedule followed during 
the test must be given with the thickening time for the test results to be meaningful. API periodically reviews field 
data concerning the temperatures and pressures encountered during various types of cementing operations and 
publishes recommended schedules for use with the consistometer. API Spec. 10A (2002), RP 1OB-2 (2005)/ISO 
10426-2 (2003), RP 10B-3 (2004)/ISO 10426-3 (2003), and RP 10B-4 (2004)/ISO 10426-4 (2004) provide proce- 
dures for a number of schedules for simulating various casing and liner cementing operations. While some stan- 
dards provide “test schedules” for testing thickening times for different well depths and temperature gradients, the 
test schedule for a given job needs to be calculated using the actual well conditions and the anticipated pump rates. 

The atmospheric-pressure consistometer is frequently used to simulate a given history of slurry pumping before 
performing certain tests on the slurry, such as tests for free fluid, rheology, fluid loss, and compressive strength. For 
example, the rheological properties of cement slurries are time dependent because the cement thickens with time. 
The history of shear rate, temperature, and pressure before measuring the cement rheological properties using a 
rotational viscometer can be specified in terms of a schedule followed using the consistometer. The consistometer 
also is sometimes used to determine the maximum, minimum, and normal water ratios [% BWOC (by weight of 
cement)] for various types of cements and is most often used to condition the slurry for the free fluid content test. 
In the water-ratio tests, the sample is placed first in the consistometer and stirred for a period of 20 minutes at 80°F 
and atmospheric pressure. The minimum water content (or water ratio in % BWOC) is the amount of mixing water 
per sack of cement that will result in a consistency of 30 Bat the end of this period. The normal water content is 
the amount of mixing water per sack of cement that will result in a consistency of 11 B, at the end of the test. The 
free fluid (original name: water) content is determined by pouring a 250-mL sample from the consistometer into a 
glass graduated cylinder and noting the amount of free supernatant water that separates from the slurry over a 
2-hour period. The maximum water content is defined as the amount of water per sack of cement that will result in 
3.5 mL of free water. However, these water-ratio tests often can have varying results when additives are used in the 
cement slurry. A consistometer designed to operate only at atmospheric pressure is frequently used in conjunction 
with the determination of the slurry rheological, free fluid, and filtrate loss properties and water content. 


Example 4.2 The torque required to hold the paddle assembly stationary in a cement consistometer rotating at 150 
rev/min is 520 g-cm. Compute the slurry consistency. 


_T-78.2 _520-78.2 
€ 20.02 20.02 


=22 consistency units 
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4.2.2 Strength Tests. The standard tests for cement compressive strength are published in API Spec. 10A (2002)/ 
ISO 10426-1 (2002), RP 10B-2 (2005)/ISO 10426-2 (2003), RP 1OB-3 (2004)/ISO 10426-3 (2003), and RP 10B-4 
(2004)/ISO 10426-4 (2004) for drilling cements. The compressive strength of the set cement is the compressional 
force required to crush the cement divided by the cross-sectional area of the sample. Test schedules for curing 
strength test specimens are recommended by API. These schedules are based on average conditions encountered 
in different types of cementing operations and are updated periodically on the basis of current field data. The 
compressive strength of the cement is usually about 12 times greater than the tensile strength at any given curing 
time. Thus, frequently only the compressive strength is reported. 

Nondestructive Sonic Strength Testing of Cement. A sonic nondestructive testing procedure is used to corre- 
late cement compressive strength to sonic travel time and is performed by a testing device commonly called an 
ultrasonic cement analyzer (UCA). Strength correlations are specific to certain cement slurry compositions, and 
some cement compositions may not fit the correlations supplied by the UCA manufacturer. Custom correlations 
may be needed for some cement system formulations. The UCA test is the most frequently used test for compres- 
sive strength. More information on the UCA test can be found in ZSO 10426-2 (2005). 


4.2.3 Nonstandard Tests and Modeling. Parr et al. (2009) used a variety of nonstandard tests and numerical 
models to find the root cause for abnormally high cement-displacement pressures in liner cementing. The test and 
mathematical model conclusions are listed next. 


1. Slurry dewatering and filter-cake buildup were successfully simulated to show an annular restriction 
effect caused by a high-permeability formation interval. 

2. Solids settling was demonstrated within the drilling mud and spacer fluids. The mud was shown to build 
a soft layer of low-mobility solids, but not a hard layer of solids. The effect of the low-mobility solids on 
cement placement would be to make the mud difficult to remove completely from the hole, thereby allow- 
ing the mud and cement to mix. 

3. Using ultralow shear and HP/HT downhole conditions, the static-gel-strength (SGS) development of 
the drilling fluid was measured, showing that mud erodibility was low, meaning that subsequent mud 
displacement by cement would be difficult. 

4. Film buildup on interior liner pipe walls was measured and shown to be minor relative to issues with 
cement placement. 

5. Results of mud/spacer/cement compatibility laboratory test data and numerical modeling showed the 
means by which mixing of mud and cement as incompatible fluids might occur and contribute greatly to 
the abnormal cementing job pressures. 


4.2.4 Permeability Testing. Routine permeability testing of cement has been abandoned by the oil and gas 
industry. Further, the old method of cement permeability testing (Bourgoyne 1991) is not commonly practiced 
today. The following discussion explains this change in procedure. 

In Sutton et al. (1984a, 1984b), the authors discuss the time period for natural gas to migrate through cement 
with a very high (e.g., 12 md) permeability in a long cement column. For example, the time of gas migration 
through 2,000 linear ft of 12-md cement was found to be in excess of 72 years. The realization that cement 
permeability was relatively unimportant for annular gas flow was recognized as early as the early 1960s (Goode 
1962). This is one reason why the API RP-65 Task Group focused on other reasons for both short-term (during 
well construction) and long-term (most cases in < 10 years) annular flows. Instead of cement permeability, the 
main focus is on some of the following reasons or causes for flows: 


Poor cement placement 

Cement channeling through mud, leaving bypassed mud that forms a gas flow path 

Lost circulation during cementing, resulting in cement channeling or top of cement below a flow zone 
Poor removal of mudcake that later converts into an annular flow path 

Poor control of cement SGS development that causes an underbalanced condition before cement sets 
Formation of a microannulus at the cement/pipe and/or cement/borehole wall interfaces 

Stress cracking in hard-set, brittle cements that are not designed for certain cyclic well loads (temperature 
and pressure changes) 


The API RP-65 Task Group did not propose any maximum value for cement permeability in RP 65-Part 2 
(2010), as it is not a concern and routinely is much lower than the 12-md example. Gas migration travel-time 
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periods calculated with typically low cement permeability values may be several hundreds or thousands of 
years, depending on cement column lengths and differential pressures. Further, geochemical reactions over 
these time periods have been shown to deposit scale that seals the cement pores indefinitely. However, when 
these calculations predict problems, special cements (such as those used in low pH, corrosive environments) 
are used to ensure sealing by the cement. 

For instance (Sweatman et al. 2009b), most scientists agree that 1,000 years of CO, containment in an injection 
reservoir is sufficient to ensure permanent sequestration. Well-abandonment cement plugs with relatively short 
lengths of Portland type cements can seal CO, inside the well under the most severe corrosive conditions for 
much greater time periods than 1,000 years, regardless of CO,-induced degradation. Consequently, the consensus 
of opinion has now shifted from cement permeability to other issues such as cement slurry placement assurance 
(100% mud removal, etc.) and long-term mechanical integrity (stress resistance) to prevent annular leak path- 
ways like channels, microannuli, and cracks. 

Accordingly, the API Task Group discounted cement permeability as a cause for natural gas migration occur- 
rences. This is why routine permeability testing of cement has been abandoned by the oil and gas industry. During 
the industry’s evaluation, the old API cement permeability test under ambient pressure and temperature conditions 
was found technically invalid because it could not simulate the downhole conditions that affected cement perme- 
ability, such as geochemical effects and confining stresses in the annulus. Consequently, new laboratory tests have 
been developed to measure gas flow through cement permeability under downhole conditions. Discussion of these 
tests is considered to be beyond the scope of this textbook, but details may be found in many references, such as 
papers concerning sealing CO, injection wells with cement [e.g., Carey et al. (2006), Huerta et al. (2008), Kutchko 
et al. (2009), Rodot and Garnier (2009), Santra et al. (2009), and Sweatman et al. (2009b)]. 


4.3 Standard and Nonstandard Drilling Cements 

API Spec. 10A (2002) and its equivalent standard, [SO 10426-1 (2006), have defined eight (six in ZSO 10426-1) 
standard classes and three standard types of cement for use in wells. The more recent ISO standard drops Classes 
E and F, and API may likely follow suit in the next edition of Spec. 10A. The six classes specified are designated 
Class A, B, C, D, G, and H. The intended meanings of the various classes are defined in Table 4.1. The three types 
specified are (1) ordinary, “O”; (2) moderate sulfate-resistant, “MSR”; and (3) high sulfate-resistant, “HSR.” The 
chemical and physical requirements for the various types and classes are given in API Spec. 10A. The majority of 
oilwell cements are Class G and Class H. 

The physical requirements of the various classes of cement given in API Spec. 10A apply to cement samples 
prepared according to API specifications. To provide uniformity in testing, it is necessary to specify the amount 
of water to be mixed with each type of cement. These water-content ratios, shown in Table 4.2, often are referred 
to as the normal water content or “API water” of the cement class. As will be discussed in the next section, Wyo- 
ming bentonite sometimes is added to the cement slurry to reduce the slurry density, or barium sulfate is added to 
increase the slurry density. For example, the water content may be increased 5.3 wt% for each weight percent of 
bentonite added and 0.2 wt% for each weight percent of barium sulfate added. 


4.3.1 Construction Industry Cement Designations. Five basic types of Portland cements are used commonly 
in the construction industry in the USA. The ASTM classifications and international designations for these five 
cements are shown in Table 4.3. Note that ASTM Type I, called normal, ordinary, or common cement, is similar 
to API Class A cement. Likewise, ASTM Type II, which is modified for moderate sulfate resistance, is similar to 
API Class B cement. ASTM Type II, called high early strength cement, is similar to API Class C cement. Other 
types of construction cements can be found in standards by other countries. 


4.3.2 Nonstandard Cements. Nonstandard cements are often used for special applications and do not fall into 
any specific API, ISO, or ASTM classification. Some of these cements are dry blends of API, ISO, or ASTM ce- 
ments and additives for well applications in primary or remedial cementing operations. These cement materials’ 
quality and uniformity are generally controlled by the supplier and include the following types: 


Pozzolan/Portland cements 
Pozzolan/lime cements 
Resin or plastic cements 
Gypsum cements 
Microfine cements 
Expanding cements 
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TABLE 4.1—STANDARD CEMENT CLASSES AND GRADES 
[from API Spec. 10A (2002)] Reproduced courtesy of the American Petroleum Institute. 


Class A 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium silicates, 
usually containing one or more forms of calcium sulfate as an interground additive. At the option of the 
manufacturer, processing additives may be used in the manufacture of Class A cement, provided such materials in 
the amounts used have been shown to meet the requirements of ASTM C 465. This product is intended for use 
when special properties are not required. Available only in ordinary (O) Grade (similar to ASTM C 150, Type 1). 


Class B 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium silicates, 
usually containing one or more forms of calcium sulfate as an interground additive. At the option of 
the manufacturer, processing additives may be used in the manufacture of Class B cement, provided such 
materials in the amounts used have been shown to meet the requirements of ASTM C 465. This product is 
intended for use when conditions require moderate or high sulfate-resistance. Available in both moderate 
sulfate-resistant (MSR) and high sulfate-resistant (HSR) Grades (similar to ASTM C 150, Type Il). 


Class C 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium 
silicates, usually containing one or more forms of calcium sulfate as an interground additive. At the 
option of the manufacturer, processing additives may be used in the manufacture of Class C cement, provided 
such materials in the amounts used have been shown to meet the requirements of ASTM C 465. This product is 
intended for use when conditions require high early strength. Available in ordinary (O), moderate sulfate- 
resistant (MSR) and high sulfate-resistant (HSR) Grades (similar to ASTM C 150, Type Ill). 


Class D 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium 
silicates, usually containing one or more forms of calcium sulfate as an interground additive. At the 
option of the manufacturer, processing additives may be used in the manufacture of Class D cement, provided 
such materials in the amounts used have been shown to meet the requirements of ASTM C 465. Further, at 
the option of the manufacturer, suitable set-modifying agents may be interground or blended during manufacture. 
This product is intended for use under conditions of moderately high temperatures and pressures. Available 
in moderate sulfate-resistant (MSR) and high sulfate-resistant (HSR) Grades. 


Class E 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium 
silicates, usually containing one or more forms of calcium sulfate as an interground additive. At the 
option of the manufacturer, processing additives may be used in the manufacture of Class E cement, provided 
such materials in the amounts used have been shown to meet the requirements of ASTM C 465. Further, at 
the option of the manufacturer, suitable set-modifying agents may be interground or blended during manufacture. 
This product is intended for use under conditions of high temperatures and pressures. Available in moderate 
sulfate-resistant (MSR) and high sulfate-resistant (HSR) Grades. 


Class F 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium 
silicates, usually containing one or more forms of calcium sulfate as an interground additive. At the 
option of the. manufacturer, processing additives may be used in the manufacture of Class F cement, provided 
such materials in the amounts used have been shown to meet the requirements of ASTM C 465. Further, 
at the option of the manufacturer, suitable set-modifying agents may be interground or blended during 
manufacture. This product is intended for use under conditions of extremely high temperatures and pressures. 
Available in moderate sulfate-resistant (MSR) and high sulfate-resistant (HSR) Grades. 


Class G 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium 
silicates, usually containing one or more forms of calcium sulfate as an interground additive. No additives other 
than calcium sulfate or water, or both, shall be interground or blended with the clinker during manufacture of 
Class G well cement. This product is intended for use as a basic well cement. Available in moderate sulfate- 
resistant (MSR) and high sulfate-resistant (HSR) Grades. 


Class H 


The product obtained by grinding Portland cement clinker, consisting essentially of hydraulic calcium silicates, 
usually containing one or more forms of calcium sulfate as an interground additive. No additives other than calcium 
sulfate or water, or both, shall be interground or blended with the clinker during manufacture of Class H well 
cement. This product is intended for use as a basic well cement. Available in moderate sulfate-resistant (MSR) 
and high sulfate-resistant (HSR) Grades. 
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TABLE 4.2—NORMAL WATER CONTENT OF CEMENT 
[from API Spec. 10A (2002)] Reproduced courtesy of the American Petroleum Institute. 
Water 
Water % by Weight 
API Cement Class of Cement Gallon per sack Liter per sack 

A and B 46 5.19 19.6 

Cc 56 6.32 23.9 

D, E, F, and H 38 4.29 16.2 
G 44 4.97 18.8 


TABLE 4.3—BASIC ASTM CEMENT TYPES [ASTM Standards on Cement (1975)]* 


Typical Composition 


ASTM International API Common 
Type Designation Class Name C3S CS C3A C,AF 
l OC A Normal 53 24 8 8 
Ordinary 
Common 
ll B Modified 47 32 3 12 
Il RHC Cc High early 58 16 8 8 
strength 
IV LHC Low heat 26 54 2 12 
V SRC Sulfate- = = S - 
resistant 


* Reprinted, with permission, from the Annual Book of ASTM Standards, Part 13, 1975, copyright ASTM International, 
100 Barr Harbor Drive, West Conshohocken, PA 19428. 


High-alumina cements 

Latex cements 

Cements for permafrost environments 
Sorel cements 


Some of these cements that are commonly used are described below: 

Pozzolan-Portland Cements. Pozzolanic materials are often dry blended with Portland cements including API, 
ISO, or ASTM cements to produce “lightweight” (low-density) slurries for well cementing applications. Poz- 
zolanic materials include any natural or industrial siliceous or silica-aluminous material, which, though not ce- 
mentitious in itself, will combine with lime in the presence of water at ambient temperatures to produce 
strength-developing insoluble compounds similar to those formed from hydration of Portland cement. Typically, poz- 
zolanic materials are categorized as natural or artificial and can be either processed or unprocessed. The most com- 
mon sources of natural pozzolanic materials are volcanic materials and diatomaceous earth. Diatomaceous earth is 
composed of diatom fossil remains consisting of opaline silica. Artificial pozzolanic materials are produced by par- 
tially calcining natural materials such as clays, shales, and certain siliceous rocks, or are more usually obtained as an 
industrial byproduct. Artificial pozzolanic materials include metakaolin, fly ash, microsilica (silica fume), and ground 
granulated blast-furnace slag. As explained by Santra (2009) and Sweatman (2009a, 2009b), the addition of poz- 
zolanic materials to API, ISO, or ASTM (Portland) cements reduces permeability and protects cement from chemi- 
cal attack by corrosive formation waters with the buffered pH found in CO, injection zones. In most cases, pozzolanic 
materials also can reduce the effect of sulfate attack, though this is somewhat dependent on the slurry design. 

Gypsum Cements. Gypsum cement is a blended cement composed of API Class A, C, G, or H cement and 
the hemihydrate form of gypsum (CaSO, - 0.5H,O). In practice, the term “gypsum cements” normally indicates 
blends containing 20% or more gypsum. Gypsum cements are commonly used in low-temperature applications 
for primary casing or remedial cementing work. This combination is particularly useful in shallow wells to mini- 
mize fallback after placement. The unique properties of gypsum cement are its capacity to set rapidly, its high 
early strength, and its positive expansion (approximately 2.0%). This is caused by the “plaster of Paris” reac- 
tion in which the hemihydrate rehydrates to form gypsum. 
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A cement with high gypsum content has increased ductility and acid solubility. It is usually used in situations 
of high lateral stress or in temporary plugging applications. A 50:50 gypsum cement is frequently used in fighting 
lost circulation, to form a permanent insoluble plug. These blends should be used cautiously because they have 
very rapid setting properties and could set prematurely during placement. A limitation of gypsum cements is that 
they are nonhydraulic and are not stable in contact with external water sources, including corrosive formation 
waters. 

Microfine Cements. Microfine cements are composed of very finely ground (1) sulfate-resisting Portland 
cements, (2) Portland cement blends with ground granulated blast furnace slag, and (3) alkali-activated 
ground granulated blast furnace slag. The specific surface area for microfine cements is 500 to 1,000 m’/kg 
(and sometimes higher). Microfine cements have an average particle size of 4 to 6 microns and a maximum 
particle size of 15 microns. They hydrate in the same manner as normal Portland cements, though at a sig- 
nificantly faster rate because of the greater surface area. The blends of Portland cement and ground granulated 
blast furnace slag cement are equivalent to a finely ground pozzolanic cement, resulting in a faster hydration 
reaction. Such cements have a high penetrability and ultrarapid hardening. Applications for such cements in- 
clude consolidation of unsound formations and repair of casing leaks in squeeze operations, particularly 
“tight” leaks that are inaccessible by conventional cement slurries because of their penetrability. Ultrafine 
alkali-activated ground blast furnace slag is used in the mud-to-cement technology in which water-based 
drilling mud is converted to cement. 

Expanding Cements. Expansive cements are available primarily for improving the bond of cement to pipe and 
formation. If expansion is properly restrained, its magnitude will be reduced, and a prestress will develop. Expan- 
sion can also be used to compensate for shrinkage in neat Portland cement. Expansive cements were developed in 
the 1950s and 1960s that are hydraulic in nature and have controlled expansion that occurs just after setting. These 
cements were based on either the formation of considerable quantities of ettringite (C,AS,H,,) after set, or on 
hydration of anhydrous polyvalent metal oxides such as MgO or hard-burned CaO. In the late 1970s, in-situ 
gas-generating additives were developed; these additives produce microsize gas bubbles that cause the cement to 
expand while still in the plastic state. 

Other formulations of expanding cement include the following: 


e API and ISO Class A or H (Portland cement) containing 5 to 10% of the hemihydrate forms of gypsum 

e API and ISO Class A, G, or H cements containing sodium chloride in concentrations ranging from 5% to 
saturation 

e Cement additives that create in-situ gas generation within the cement matrix based primarily on the reaction 
of finely ground alumina powder with the alkalis present in the cement aqueous solution to produce hydro- 
gen gas. Although alumina powder is the most commonly used additive, zinc, magnesium, and iron powders 
are potential alternatives. 


At this time, the API and ISO standards contain no test procedures or specifications for measuring the expansion 
forces in cement. There are, however, an API Technical Report (API IOTR2, Shrinkage and Expansion in Oil- 
well Cements) and an ISO 10426-5 standard (2005) that describe some of the test procedures used for expan- 
sion. Hydraulic bonding tests also have been used to evaluate cement expansion. 

Calcium Aluminate Cements. High-alumina cement (HAC) was first developed for industrial use as a solution 
to the degradation of mortars and concretes in ground containing large quantities of sulfate. Today, these cements 
are used primarily in refractory concretes, but they are also widely used in construction for rapid setting and con- 
trolled expansion or shrinkage compensation. In well-cementing operations, they are used at both temperature 
extremes in permafrost zones with temperatures at 32°F or below; in in-situ combustion wells (fireflood), where 
temperatures may range from 750 to 2,000°F; and in thermal recovery wells, where temperatures can exceed 
1,300°F and fluctuate dramatically. 

Several high-alumina cements have been developed with alumina contents of 35 to 90 percent, and there is a 
move to term these collectively as calcium aluminate cements (CACs) because the reactive phase in all cases is 
calcium aluminate. CAC is manufactured by blending bauxite (aluminum ore) and limestone and heating the 
mixture above 2,640°F in reverberatory open-hearth furnaces until it is liquefied. The molten clinker is continu- 
ously removed through a tap hole, collected in molds, cooled, and ground in ball mills. The setting time for CAC 
is controlled by the composition, and no materials are added during grinding. 

The manufacturer usually controls standards for CACs because few national standards address these cements. 
These cements can be accelerated or retarded to fit individual well conditions; however, the retardation character- 
istics differ from those of Portland cements. The addition of Portland cement to a refractory cement will cause a 
flash set; therefore, when both are handled in the field, they must be stored separately. 


Cementing 149 


Latex Cement. Latex cement, although sometimes identified as a special cement, is actually a blend of API and 
ISO Class A, G, or H with latex. Latex is a colloidal suspension of polymer in water; the latex blends found in 
latex cements are generally copolymer systems that incorporate more than one type of polymer to optimize film 
formation and flexibility. The copolymers are based on polyvinyl acetate, polyvinylidene chloride-polyviny] chlo- 
ride, polyacrylate copolymers, or styrene-butadiene and are spherical with diameters of 0.01 to 1.0 um. In general, 
a latex emulsion contains only 50% by weight of solids and is usually stabilized by an emulsifying surface-active 
agent. The latex particles coalesce to form a continuous film around the cement hydration products in the set ce- 
ment and effectively coat the walls of the capillary pores. A well-distributed latex film may protect the cement 
from chemical attack by some types of corrosive conditions such as formation waters containing carbonic acid. 
Latex also imparts elasticity to the set cement and improves the bonding strength and filtration control of the 
cement slurry. 

Resin or Plastic Cements. Resin and plastic cements are specialty materials used for selectively plugging open 
holes, squeezing perforations, and primary cementing of waste-disposal wells, especially in highly aggressive, 
acidic environments. These cements may be composed of resins and catalysts alone or contain fillers such as silica 
sand. Other systems are mixtures of water, liquid resins, and a catalyst blended with API Class A, B, G, or H 
cement. For example: 


-O-CH,-CH-CH,-O-} Ca(OH), | O-CH,-CH-CH,-O- 
| 


CH,-CH-CH,- + —— 5> 
a OH Cure SCAG ror 
O L in L OH n 
Epoxy resin Hardened epoxy resin 


A unique property of these cements is their capability to be squeezed under applied pressure into a permeable 
zone to form a seal within the formation. These specialty cements are used in relatively small volumes and are 
generally effective at temperatures from 60 to 200°F (15 to 93°C). Some types of resin cements can be applied in 
wells with higher temperature conditions. 

Sorel Cement. Sorel cement is a magnesium-oxychloride cement used as a temporary plugging material in 
well cementing. The cement is made by mixing powdered magnesium oxide with a concentrated solution of 
magnesium chloride. The complex hydration reactions include at least eight different primary reactions. Car- 
bonates are generally incorporated into the formulation to reduce the solubility of the magnesium hydroxide 
chloride hydrates that are normally formed by producing carbonated hydrates. The main phases formed are 
Mg,OHCICO,-3H,O and Mg,(OH),(CO,),-4H,O. Sorel cements have been used on occasion in the Common- 
wealth of Independent States (CIS) for cementing oil wells at temperatures up to 1,400°F (752°C). An acid- 
soluble magnesia cement that reacts as a complex Sorel cement has been set across production perforations as 
a temporary abandonment plug and used to protect water-injection zones during workover operations (Sweat- 
man and Scoggins 1990). The same system has been used to squeeze lost-circulation zones during drilling 
operations. A more finely ground version is available for applications requiring short cement times. 

Acid-soluble Sorel cements are not recommended for permanent sealing in corrosive environments, such as well 
cementing applications across formations containing carbonic acid waters or “wet” CO, gas. 


4.4 Cement Additives 

Typically, cement additives are free-flowing powders that either can be dry blended with the cement before trans- 
porting it to the well or can be dispersed in the mixing water at the job site. At present, the cement classes G and 
H can be modified easily through the use of additives to meet almost any job specifications economically. The use 
of modified Class H cement has become extremely popular. 

The cement additives available can be subdivided into these functional groups: (1) density-control additives, (2) 
setting-time-control additives, (3) lost-circulation additives, (4) filtration-control additives, (5) viscosity-control 
additives, and (6) special additives for unusual problems. The first two categories are perhaps the most important 
because they receive consideration on almost every cement job. Some additives serve more than one purpose and, 
thus, would fit under more than one of the classifications shown above. 

It should be well understood that all additives have both primary and secondary effects. For example, an addi- 
tive that affects slurry density may also influence slurry viscosity and setting time. In fact, the mechanisms of 
acceleration and retardation are still not completely understood. It should be noted that most of additives are 
strongly influenced by the chemical and physical properties of the cement, which may vary considerably even for 
a given API class of cement. 


150 Fundamentals of Drilling Engineering 


The nomenclature used by the petroleum industry to express the concentration of cement additives often is 
confusing to the student. However, most of the confusion can be cleared up by pointing out that the reference 
basis of cement mixtures is a unit weight of cement. When the concentration of an additive is expressed as a 
“weight percent” or simply “percent,” the intended meaning is usually that the weight of the additive put in the 
cement mixture is computed by multiplying the weight of cement in the mixture by the weight percent given by 
100%. The concentration of liquid additives sometimes is expressed as gallons per sack of cement. A sack of ce- 
ment contains 94 lbm unless the cement product is a blend of cement and some other material. The water 
content of the slurry is sometimes expressed as the water/cement ratio in gallons per sack and sometimes ex- 
pressed as a weight percent. The term “percent mix” is used for water content expressed as a weight percent. Thus, 


; water weight 
percent mix = —___—_X 
cement weight 


Many components are used in low concentration and have very minor effects on slurry volume. Physical proper- 
ties of cement components needed to perform the ideal mixing calculations are given in Table 4.4. 

The volume of slurry obtained per sack of cement used is called the yield of the cement. This term should not 
be confused with the yield of clay or the yield point of a fluid as discussed in Chapter 3. 


Example 4.3 It is desired to mix a slurry of Class A cement containing 3% bentonite, using the normal mixing 
water as specified by API (Table 4.2). Determine the weight of bentonite (specific gravity = 2.65) and volume of 
water to be mixed with one 94-lbm sack of cement (specific gravity = 31.14). Also, compute the percent mix, yield, 
and density of the slurry. 

Solution. The weight of bentonite to be blended with one sack of Class A cement is 


0.03(94) = 2.82 Ibm. 
The normal water content for Class A cement is 46% (Table 4.2). However, 5.3% water must be added for each 
percent of bentonite. Thus, the percent mix is 


46 + 3(5.3) = 61.9%. 


The water volume to be added per sack of Class A cement is given by 


0.619 (94 Ibm/sack) 
8.33 lbm/gal 


= 6.98 gal. 


The specific gravities of cement and bentonite are 3.14 and 2.65, respectively. The volume of the slurry is given 
by 


94 Ibm m 2.82 Ibm 


t+ — c + 6.98 gal/sack = 10.7 gal/sack. 
3.14(8.33)lbm/sack 2.65(8.33)lbm/sack 


The yield of the slurry is 


10.7 gal/sack 


TAR calle = 1.43 ft?/sack 
A8 gal/ft" 


The density of the slurry is the total mass divided by the total volume or 


94 + 2.82 + 8.33(6.98) 
10.7 


= 14.5 lbm/gal. 


4.4.1 Density Control. The density of the cement slurry must be high enough to prevent the higher-pressured 
formations from flowing into the well during cementing operations, yet not so high as to cause fracture of the 
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TABLE 4.4—PHYSICAL PROPERTIES OF CEMENTING MATERIALS (Halliburton 2001) 
Absolute Volume 
Specific 

Material Bulk Weight, Ibm/ft® Gravity gal/lbm fP/lbm 

API Class A cement 94 3.15 0.0380 0.0051 

API Class C cement 94 3.19 0.0376 0.0050 
API Class G cement 94 3.18 0.0377 0.0050 
API Class H cement 94 3.18 0.0377 0.0050 
Ciment Fondu 90 3.20 0.0375 0.0050 
Activated Charcoal 14 157 0.0765 0.0102 
Gilsonite 50 1.07 0.1122 0.0150 
Micro-Fly Ash 65 2.54 0.0473 0.00630 
Calcium Chloride saturated liquid 1.32 0.0908 0.0121 

Potassium Chloride saturated liquid 1.18 0.1017 0.0136 
Sodium Chloride saturated liquid 1.20 0.0999 0.0134 
Latex 30 0.997 0.1202 0.0167 
Attapulgite 40 2.58 0.0465 0.0062 
Barite 135 4.23 0.0284 0.0038 
Bentonite 60 2.65 0.0453 0.0061 

Calcium Carbonate 22.3 2:71 0.0443 0.0059 
Calcium Chloride (dry) 50.5 1.96 0.0612 0.0082 
Hydrated Lime 31 2.34 0.0513 0.0069 
Iron Carbonate 114.5 3.7 0.0324 0.0043 
Hematite 193 5.02 0.0239 0.0032 
Perlite (0 psi) 8 0.67 0.1792 0.0240 
Perlite (3000 psi) 2.2 0.0546 0.0073 
Sodium Chloride (dry) 71 2.17 0.0553 0.0074 
Sand 35% porosity 106.6 2.63 0.0456 0.0061 

Sand 39% porosity 100 2.63 0.0456 0.0061 

Silica Flour 70 2.63 0.0456 0.0061 

Diesel Oil No. 1 0.82 0.1461 0.0195 
Diesel Oil No. 1 0.85 0.1410 0.0189 
Sea Water 1.025 0.1169 0.0156 
Fresh Water 1.0 0.1198 0.0160 
Potassium Chloride 3% 1.019 0.0443 0.0059 
Potassium Chloride 5% 1.031 0.0450 0.0060 
Sodium Chloride 6% 1.041 0.0372 0.0050 
Sodium Chloride 12% 1.078 0.0391 0.0052 
Sodium Chloride 18% 1.112 0.0405 0.0054 
Sodium Chloride 24% 1.145 0.0417 0.0056 


weaker formations. In most cases, the density of the cement slurry obtained by mixing cement with the normal 
amount of water will be too great for the formation fracture strength, and it will be desirable to lower the slurry 
density. 

Reducing the cement density also tends to reduce the overall cost of the cement slurry. Slurry density is re- 
duced by using nitrogen as an additive to mix foam cement. In recent years, low-density microspheres have been 
added to foam cement. Other common methods use nonfoamed cement with a higher water/cement ratio or with 
added low-specific-gravity solids, or both. The higher water/cement ratio approach that uses bentonite or silicate 
additives has been found to cause poor sealing results, leading to formation-fluid influx and migration between 
zones or up the annulus to the wellhead, and is not recommended for applications across potential flow zones or 
where unknown flow zones may exist. 

The low-specific-gravity solids commonly used to reduce slurry density include (1) nitrogen plus foaming 
agents, (2) microspheres, (3) pozzolans, (4) sodium silicates, and (5) bentonite (sodium montmorillonite). The last 
two solids in this list are not recommended for certain applications, including those that control gas migration. 
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When extremely weak formations are present, it may not be possible to reduce slurry density sufficiently to pre- 
vent fracture. In this case, the mud column in front of the cement slurry can be aerated with nitrogen to reduce 
hydrostatic pressure further. However, nitrogen and foaming agents added to cement slurries are often the best 
method for reducing cement density while maintaining other good properties. 


4.4.2 Foamed Cement. It is possible to make slurries ranging in density from 4 to 18 lbm/gal using foamed ce- 
ment. Foamed cement is a mixture of cement slurry, foaming agents, and a gas. Foamed cement is created when 
a gas, usually nitrogen, is injected at high pressure into a base slurry that incorporates a foaming agent and foam 
stabilizer. Nitrogen gas can be considered inert and does not react with or modify the cement hydration product 
formation. Under special circumstances, compressed air can be used instead of nitrogen to create foamed cement. 
In general, because of the pressures, rates, and gas volumes involved, nitrogen-pumping equipment provides a 
more reliable gas supply. The process forms an extremely stable, lightweight slurry that looks like gray shaving 
foam. When foamed slurries are properly mixed and sheared, they contain tiny, discrete bubbles that will not co- 
alesce or migrate. Because the bubbles that form are not interconnected, they form a low-density cement matrix 
with low permeability and relatively high strength. 

Virtually any oilwell-cementing job can be considered a candidate for foamed cementing, including primary 
and remedial cementing functions onshore and offshore, and in vertical or horizontal wells. Although its design 
and execution can be more complex than standard jobs, foamed cement has many advantages that can overcome 
these concerns. Foamed cement is lightweight, provides excellent strength-to-density ratio, is ductile, enhances 
mud removal, expands, helps prevent gas migration, improves zonal isolation, imparts fluid-loss control, is ap- 
plicable for squeezing and plugging, insulates, stabilizes at high temperatures, is compatible with non-Portland 
cements, simplifies admix logistics, enhances volume, has low permeability, is stable to crossflows, and forms a 
synergistic effect with some additives, which enhances the property of the additive. The disadvantage of foamed 
cement is the need for specialized cementing equipment both for field application and for laboratory testing. See 
API RP 65-Part 1 (2002), RP 65-Part 2 (2010), and RP 10B-4 (2004) or its equivalent, ISO 10426-4 (2004), for 
recommended practices on using and testing foam cements. 


4.4.3 Microspheres. Microspheres are used when slurry densities from 8.5 to 11 Ibm/gal are required. They are 
hollow spheres obtained as a byproduct from power-generating plants or are specifically formulated. The byprod- 
uct microspheres are essentially hollow fly-ash glass spheres. They are present, typically, in Class F fly ashes, but 
usually in small amounts; however, they are obtained in substantial quantities when excess fly ash is disposed of 
in waste lagoons. The low-density hollow spheres float to the top and are separated by a flotation process. These 
hollow spheres are composed of silica-rich aluminosilicate glasses typical of fly ash and are generally filled with 
a mixture of combustion gases such as CO,, NO , and SO. The synthetic hollow spheres are manufactured from 
a soda-lime borosilicate glass and are formulated to provide a high strength-to-weight ratio—they are typically 
filled with nitrogen. The synthesized microspheres provide a more consistent composition and exhibit better 
resistance to mechanical shear and hydraulic pressure. 

The primary disadvantage of most microspheres is their susceptibility to crushing during mixing and pumping 
and when exposed to hydrostatic pressures above the average crush strength. This can lead to increased slurry 
density, increased slurry viscosity, decreased slurry volume, and premature slurry dehydration. 

However, crushing effects can be minimized by the suitable choice of microspheres. These effects can be pre- 
dicted and taken into account in slurry design calculations to produce a slurry with the required characteristics 
for the well conditions. Lightweight systems incorporating microspheres can provide excellent strength develop- 
ment and can help control fluid loss, settling, and free water. 


4.4.4 Pozzolan. Pozzolans are siliceous and aluminous mineral substances that will react with calcium 
hydroxide formed in the hydration of Portland cement to form calcium silicates that possess cementitious prop- 
erties. Diatomaceous earth, which has been discussed previously, is an example of a pozzolan. However, the term 
pozzolan as used in marketing cement additives usually refers to finely ground pumice or fly ash (flue dust) pro- 
duced in coal-burning power plants. The specific gravity of pozzolans is only slightly less than the specific gravity 
of Portland cement, and the water requirement of pozzolans is approximately the same as for Portland cements. 
Thus, only slight reductions in density can be achieved with this material. The range of slurry densities possible 
using various concentrations of one type of pozzolan is about 13 to 16 lbm/gal. Because of this relatively low cost, 
considerable cost savings can be achieved through the use of pozzolans. 


4.4.5 Sodium Silicates. Sodium silicate liquid and metasilicate particulates are used as accelerators and for lighten- 
ing the density of cement. They are used in concentrations from 0.1% BWOC up to approximately 4% by weight. 
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4.4.6 Bentonite (Specific Gravity = 2.65). The use of bentonite (sodium montmorillonite) clay for building 
drilling-fluid viscosity has been discussed previously in Chapter 3. This same clay mineral is used extensively as 
an additive for lowering cement density; however, bentonite marketed for use in drilling fluid sometimes is treated 
with an organic polymer that is undesirable for use in cement slurries because it tends to increase slurry viscosity. 
The addition of bentonite lowers the slurry density because of its lower specific gravity and because its ability to 
hydrate permits the use of much higher water concentrations. Bentonite concentrations as high as 25% by weight 
of cement have been used. The bentonite usually is blended dry with the cement before mixing with water, but it 
can be prehydrated in the mixing water. Much higher increases in water content can be obtained for each percent 
bentonite added when the bentonite is prehydrated in the mixing water. The ratio of bentonite dry blended to 
bentonite prehydrated is approximately 3.6:1 for comparable slurry properties. 

In addition to lowering slurry density, the addition of bentonite lowers slurry cost; however, a high percentage 
of bentonite in cement also will cause a reduction in cement strength and thickening time. Also, the higher water 
content lowers the resistance to sulfate attack and increases the permeability of the set cement. At temperatures 
above 230°F, the use of bentonite promotes retrogression of strength in cements with time; however, test results 
have been found to vary significantly from batch to batch. When exact data are needed, tests should be conducted 
with the same materials and mixing water that will be used in the cementing operations. 

In areas in which the formation pore pressure is extremely high, it may be necessary to increase the slurry den- 
sity. Slurry density usually is increased by using a lower water content or adding high-specific-gravity solids. 
The high-specific-gravity solids commonly used to increase slurry density include hematite and barite (barium 
sulfate). The specific gravity values of selected cement additives are shown in Table 4.4. The water requirements 
for the various additives are shown in Table 4.5. 


4.4.7 Hematite. Hematite is reddish iron oxide ore (Fe,O,) having a specific gravity of approximately 5.02. He- 
matite can be used to increase the density of a cement slurry to as high as 19 lbm/gal. Metallic powders having a 
higher specific gravity than hematite have been tried but were found to settle out of the slurry rapidly unless they 
were ground extremely fine. When ground fine enough to prevent settling, the increased water requirement re- 
sults in slurry densities below those possible with hematite. The water requirement for hematite is approx- 
imately 0.36 gal/100 Ibm hematite. The effect of hematite on the thickening time and compressive strength 


TABLE 4.5—WATER REQUIREMENTS OF CEMENTING MATERIALS 
(Halliburton 2001) 
Material Minimum gal/lbm Maximum gal/lbm 
API Class A cement 0.05532 0.05532 
API Class C cement 0.06702 0.06702 
API Class G cement 0.05319 0.05319 
API Class H cement 0.04574 0.04574 
Ciment Fondu 0.04787 0.04787 
Activated Charcoal none none 
Gilsonite 0.04 0.04 
Calcium Chloride none none 
Potassium Chloride none none 
Sodium Chloride none none 
Latex 0.0 0.8/sack 
Attapulgite 0.69 0.69 
Barite 0.0264 0.0264 
Bentonite 0.69 0.69 
Calcium Carbonate none none 
Calcium Chloride (dry) none none 
Hydrated Lime 0.153 0.153 
Hematite 0.0036 0.0036 
Perlite (0 psi) 0.5 0.5 
Sand none none 
Silica Flour 0.049 0.049 
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of the cement has been found to be minimal at the concentrations of hematite generally used. The range of 
slurry densities possible using various concentrations of hematite is approximately 16 to 19 lbm/gal. 


4.4.8 Barite (Specific Gravity = 4.23). The use of barite, or barium sulfate, for increasing the density of 
drilling fluids has been discussed previously in Chapter 3. This mineral also is used extensively for increas- 
ing the density of cement slurry. The water requirements for barite are considerably higher than for hema- 
tite or ilmenite, requiring approxiamtely 2.4 gal/100 lbm of barite. The large amount of water required 
decreases the compressive strength of the cement and dilutes the other chemical additives. The range of 
slurry densities possible using various concentrations of barite is about 16 to 19 lbm/gal. 


Example 4.4 It is desired to increase the density of a Class H cement slurry to 17.5 Ibm/gal. Compute the amount 
of hematite that should be blended with each sack of cement. The water requirements are 4.5 gal/94 Ibm Class H 
cement and 0.36 gal/100 Ibm hematite. 

Solution. Let x represent the pounds of hematite per sack of cement. The total water requirement of the slurry 
then is given by 4.5 + 0.0036-x. Expressing the slurry density, p, in terms of x yields 


_ total mass, Ibm 


total volume, gal ° 


94 + x +8.34(4.5 + 0.0036 x) 


17.5= 


A p 4.5 4.0,00362) 
3.14(8.34)  5.02(8.34) 


Solving this expression yields x =18.3 Ibm hematite/94 Ibm cement. 
A summary of oilwell cementing additives is shown in Tables 4.6a and 4.6b. Table 4.7 shows the effects of 
some additives on the physical properties of cement. 


4.4.9 Setting-Time Control. The cement must set and develop sufficient strength to support the casing and 
seal off fluid movement behind the casing before drilling or completion activities can be resumed. The exact 
amount of compressive strength needed is difficult to determine, but a value of 500 psi commonly is used in field 
practice. Experimental work by Farris (1946) has shown that a tensile strength of only a few psi was sufficient to 
support the weight of the casing under laboratory conditions; however, some consideration also must be given to 
the dynamic loading imposed by the rotating drillstring during subsequent drilling operations. It is possible for the 
drillstring to knock off the lower joint of casing and junk the hole if a good bond is not obtained. The cement 
strength required to prevent significant fluid movement behind the casing was investigated by Clark (1953). His 
data show that tensile strengths as low as 40 psi are acceptable, with maximum bonding being reached at a 
value of approximately 100 psi. Because the ratio of compressive strength to tensile strengths usually is approx- 
imately 12:1, 40- and 100-psi tensile strengths correspond to compressive strengths of 480 and 1,200 psi. 

When cementing shallow, low-temperature wells, it may be necessary to accelerate the cement hydration so that the 
waiting period after cementing is minimized. The commonly used cement accelerators are calcium chloride, sodium 
chloride, the hemihydrate form of gypsum, and sodium silicate. Cement setting time also is a function of the cement 
composition, fineness, and water content. For example, API Class C cement is ground finer and has a higher C3A 
content to promote rapid hydration. When low water/cement ratios are used to reduce setting time, friction-reducing 
agents (dispersants) sometimes are used to control rheological properties; however, the dispersant must be chosen with 
care because many dispersants tend to retard the setting of the cement. Organic dispersants such as tannins and lignins 
already may be present in the water available for mixing cement, especially in swampy locations; thus, it often is im- 
portant to measure cement thickening time using a water sample taken from the location. 


4.4.10 Calcium Chloride. Calcium chloride in concentrations up to 4% by weight commonly is used as a cement 
accelerator in wells having bottomhole temperatures of less than 125°F. It is available in a regular grade (77% 
calcium chloride) and an anhydrous grade (96% calcium chloride). The anhydrous grade is in more general use 
because it absorbs moisture less readily and is easier to maintain in storage. 
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TABLE 4.6—SUMMARY OF OILWELL CEMENTING ADDITIVES (Lake 2006) 


Chemical 
Type of Additive Use Composition Benefit Type of Cement 
Accelerators Reducing WOC Calcium chloride Accelerated All API classes 
time Sodium chloride setting Pozzolans 
Setting surface Gypsum ae ee, Diacel systems 
ipe stren 
LP Sodium silicate 9 
Setting cement : 
plugs Dispersants 
Combating lost Seawater 
circulation 
Retarders Increasing Lignosulfonates Increased API Classes D, 
thickening time for Organic acids pumping time E, G, and H 
placement CMHEC Better flow Pozzolans 
Reducing slurry i properties Diacel systems 
viscosity _ Modified y 
lignosulfonates 
Weight-reducing Reducing weight Bentonite/attapulgite Lighter weight All API classes 
additives Combating lost Gilsonite Economy Pozzolans 
circulation Diatomaceous earth Better fill-up Diacel systems 
Perlite Lower density 
Pozzolans 
Microspheres (glass 
spheres) 
Nitrogen (foam 
cement) 
Heavyweight Combating high Hematite Higher density API Classes D, 
additives pressure Limenite E, G, and H 
Increasing slurry Barite 
weight 
Sand 
Dispersants 
Additives for Bridging Gilsonite Bridged fractures All API classes 
controlling lost Increasing fill-up Walnut hulls Lighter fluid Pozzolans 
circulation , columns : 
Combating lost Cellophane flakes Diacel systems 
circulation Gypsum cement Squeezed 


Fast-setting 


Betonite-diesel oil 


fractured zones 


systems j Treating lost 
Nylon fibers circulation 
Thixotropic additives 
Filtration-control Squeeze Polymers Reduced All API classes 
additives cementing Dispersants dehydration Pozzolans 
Setting long liners CMHEC Lower volume of Diacel systems 
Cementing in tatëx cement 
water-sensitive Better fill-up 
formations 
Dispersants Reducing Organic acids Thinner slurries All API classes 
hydraulic Polymers Decreased fluid Pozzolans 
horsepower , , loss , 
Dna i Sodium chloride Diacel systems 
ensifying cemen . Better mud 
slurries for Lignosulfonates Sal 
uggin 
P ae 2 Better placement 
Improving flow 
properties 
Special cements 
or additives 
Salt Primary Sodium chloride Better bonding to All API classes 
cementing salt, shales, 


sands 
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TABLE 4.6—SUMMARY OF OILWELL CEMENTING ADDITIVES (Lake 2006) (Continued) 


special conditions 


Hemihydrate 


Faster setting 


Chemical 
Type of Additive Use Composition Benefit Type of Cement 
Silica flour High-temperature Silicon dioxide Stabilized All API classes 
cementing strength 
Radioactive Tracing flow E All API classes 
tracers patterns 
Locating leaks 
Pozzolan lime High-temperature Silica-lime reactions Lighter weight 
cementing Economy 
Silica lime High-temperature Silica-lime reactions Lighter weight 
cementing 
Gypsum cement Dealing with Calcium sulfate Higher strength 


Latex cement 


Dealing with 


Liquid or powdered 


Better bonding 


API Classes A, B, 


Inorganic additives 


special conditions latex Controlled G, and H 
filtration 
Thixotropic Covering lost- Organic additives Fast setting All API classes 
additives circulation zones and/or gelation 


Preventing gas Less fallback 


migration Reduces lost 


circulation 


4.4.11 Sodium Chloride. Sodium chloride is an accelerator when used in low concentrations. Maximum accel- 
eration occurs at a concentration of approximately 5% (by weight of mixing water) for cements containing no 
bentonite. At concentrations above 5%, the effectiveness of sodium chloride as an accelerator is reduced. Satu- 
rated sodium chloride solutions tend to act as a retarder, rather than an accelerator. Saturated sodium chloride 
cements are used primarily for cementing through salt formations and through shale formations that are highly 
sensitive to fresh water. Potassium chloride is more effective than sodium chloride for inhibiting shale hydration 
and can be used for this purpose when the additional cost is justified. 

Seawater often is used for mixing cement when drilling offshore. The sodium, magnesium, and calcium 
chlorides at the concentrations present in the seawater all act as cement accelerators. Typical effects of seawa- 
ter on cement slurry properties as compared with fresh water are shown in Table 4.8. 

This thickening time obtained with seawater usually is adequate for cement placement where bottomhole tem- 
peratures do not exceed 160°F. Cement retarders can be used to counteract the effect of the seawater at higher 
temperatures, but laboratory tests always should be performed before this type of application. 


4.4.12 Gypsum. Special grades of gypsum hemihydrate cement can be blended with Portland cement to produce 
a cement with a low thickening time at low temperatures. These materials should not be used at high temperatures 
because the gypsum hydrates may not form a stable set. The maximum working temperature depends on the grade 
of gypsum cement used, varying from 140°F for the regular grade to 180°F for the high-temperature grade. A full 
range of blends, from as little as 1 sack gypsum/20 sacks cement to pure gypsum, have been used for various applica- 
tions. The water requirement of gypsum hemihydrate is approximately 4.8 gal/100-lbm sack. 

For very shallow wells and surface applications at low temperatures, where an extremely short setting time 
combined with rapid strength development is desired, a small amount of sodium chloride can be used with a gyp- 
sum cement blend. For example, a laboratory blend of 90 Ibm of gypsum hemihydrate, 10 Ibm of Class A Portland 
cement, and 2 lbm of salt when mixed with 4.8 gal of water will develop more than 1,000 psi of compression 
strength when cured at only 50°F for 30 minutes. 


4.4.13 Cement Retarders. Most of the organic compounds discussed in Chapter 3 for use as drilling-fluid de- 
flocculants tend to retard the setting of Portland cement slurries. These materials also are called thinners or dis- 
persants. Calcium lignosulfonate, one of the common mud deflocculants, has been found to be very effective as a 
cement retarder at very low concentrations. Laboratory data on the thickening time of cements at various concen- 
trations of calcium lignosulfonate are available from petroleum-industry service companies. 

The addition of an organic acid to the calcium lignosulfonate has been found to give excellent retarding char- 
acteristics at extremely high temperatures. It also improves the rheological properties of the slurry to a greater 
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TABLE 4.8—TYPICAL EFFECT OF SEAWATER ON THICKENING TIME 
(WATER RATIO: 5.2 GAL/SACK) (Bourgoyne et al. 1991) 
Thickening Time (Hours: Minutes) Compressive Strength (psi at 24 hours) 
6,000 ft* 8,000 ft* 50°F 110°F; 1,600 psi 140°F; 3,000 psi 
API Class A 
Cement 
Fresh water 2:25 1:59 435 3,230 4,025 
Seawater 1:33 AZ 520 4,105 4,670 
API Class H 
Cement 
Fresh water 2:59 2:16 - 1410 2,575 
Seawater 1:47 1:20 - 2,500 3,085 
*API RP 10B Casing Schedule 


extent than calcium lignosulfonate alone. When the addition of the organic acid increases the effectiveness of the 
retarder to the extent that less than 0.3% would be used, it may be difficult to obtain a uniform blend. In this case, 
the use of calcium lignosulfonate is best. The addition of the organic acid also has been found to be effective in 
Class A cement. 

Calcium-sodium lignosulfonate has been found to be superior to a calcium lignosulfonate when high concentra- 
tions of bentonite are used in the cement. The use of calcium-sodium lignosulfonate has been found to produce a 
slurry having a lower viscosity during mixing; it also helps to reduce air entrainment. 

Sodium tetraborate decahydrate (borax) can be used to enhance the effectiveness of the organic deflocculants 
as retarders, especially in deep, high-temperature wells where a large increase in thickening time is needed. The 
optimum borax concentration is thought to be approximately one-third of the concentration of deflocculant used. 
Laboratory tests have shown that in addition to increasing the pumping time, the borax reduces the detrimental 
effect of the deflocculant on the early compressive strength of the cement. 

Carboxymethy] hydroxyethyl cellulose (CMHEC) commonly is used for both cement retardation and fluid-loss 
control. It is used more commonly with cements containing diatomaceous earth, but it is effective as a retarder in 
essentially all Portland cements. Laboratory data on the thickening time and compressive strength of cements at 
various concentrations of CMHEC are available from the service companies. 


4.4.14 Lost-Circulation Additives. Lost circulation is defined as the loss of drilling fluid or cement from the 
well to subsurface formations. This condition is detected at the surface when the flow rate out of the annulus is 
less than the pump rate into the well. Lost circulation occurs when extremely-high-permeability formations are 
encountered (such as a gravel bed, oyster bed, or vugular limestone) or when a fractured formation is encountered 
or created while drilling or performing other operations such as running casing because of excessive wellbore 
pressure. 

Lost circulation usually occurs while drilling and can be overcome by adding lost-circulation material to the 
drilling fluid or reducing the drilling-fluid density. In some cases, however, lost-circulation material is added to 
the cement slurry to minimize the loss of cement to a troublesome formation during cementing and, thus, to ensure 
placement of the cement in the desired location. The lost-circulation additives are classified as fibrous, granular, 
or lamellated. In laboratory experiments, fibrous and granular additives are effective in high-permeability gravel 
beds. In simulated fractures, granular and lamellated additives are found to be effective. The commonly used 
granular additives include gilsonite, expanded perlite, plastics, and crushed walnut shells. Fibrous materials 
used include nylon fibers, shredded wood bark, sawdust, and hay. However, the use of wood products can cause 
cement retardation because they contain tannins. Lamellated materials include cellophane and mica flakes. 

Semi-solid and flash-setting slurries are available for stopping severe lost-circulation problems encountered 
while drilling that cannot be remedied by adding lost-circulation additives to the mud. The placement of these 
cements and noncement systems in the lost-circulation zone requires a special operation because they are not 
merely additives to the fluid being circulated while drilling. The slurries most often used for this purpose include 


e Gypsum hemihydrate cements 
e Mixtures of bentonite and diesel oil (gunk) 
e Mixtures of cement, bentonite, and diesel oil 
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e “WB super-gunks” (WB=water-based) comprised of hydradable clays, crosslinking polymers slurried in 
aqueous fluids 

e “OB super-gunks” (OB=oil-based) with hydradable clays and latex slurried in nonaqueous fluids including 
diesel, mineral, and synthetic oils 


4.4.15 Filtration-Control Additives. Cement filtration-control additives serve the same function as the mud fil- 
tration-control additives discussed in Chapter 3. However, cement slurries containing no filtration-control addi- 
tives have much higher filtration rates than clay/water muds. An untreated slurry of Class H cement has a 
30-minute API filter loss in excess of 1000 cm’. It is desirable to limit the loss of water filtrate from the slurry to 
permeable formations to 


Minimize the hydration of formations containing water-sensitive shales 
Prevent increases in slurry viscosity during cement placement 

e Prevent the formation of annular bridges (which can act as a packer and remove hydrostatic pressure hold- 
ing back potentially dangerous high-pressure zones) 

e Reduce the rate of cement dehydration while pumping cement into abandoned perforated intervals and, 
thus, allow for the plugging of longer perforated intervals in a single operation 


The commonly used filtration-control additives include latex, bentonite with a dispersant, CMHEC, and various 
organic polymers. 


4.4.16 Viscosity-Control Additives. Untreated cement slurries have a high effective viscosity at the shear rates 
present during cement placement. It is desirable to reduce the effective viscosity of the slurry so that (1) less pump 
horsepower will be required for cement placement, (2) there will be reduction in the annular frictional pressure 
gradient and, thus, a smaller chance of formation fracture, and (3) the slurry can be placed in turbulent flow at a 
lower pumping rate. Some evidence indicates that the drilling fluid is displaced with less mixing and, thus, less 
cement contamination when the flow pattern is turbulent. The required flow rates that result in turbulent flow can 
be calculated using equations given in Chapter 5. The commonly used viscosity-control additives include organic 
deflocculants such as calcium lignosulfonate; sodium chloride; and certain long-chain polymers. These additives 
are also called thinners, dispersants, or friction reducers. Deflocculants reduce cement viscosity in the same man- 
ner as discussed previously in Chapter 3 for drilling fluids; however, it should be noted that deflocculants act as 
retarders as well as thinners. Certain organic polymers are available that will act as thinners without accelerating 
or retarding the cement. 


4.4.17 Other Additives. Miscellaneous additives and slurries not discussed in the previous categories given 
include 


e Paraformaldehyde and sodium chromate, which are used to counteract the effect of cement contamination 
by organic deflocculants from the drilling mud 

e Silica flour, which is used to form a stronger, more stable, and less permeable cement for high-temperature 

applications 

Hydrazine, an oxygen scavenger used to control corrosion 

Radioactive tracers used to determine where the cement has been placed 

Special fibers such as nylon to make the cement more impact resistant 

Special compounds that slowly evolve into small gas bubbles as the cement begins to harden 


The formation of small gas bubbles in the cement is thought to be desirable when there is a danger of gas flow 
occurring in the newly cemented borehole when the cement begins to harden. There have been several cases of 
gas flow through the annulus several hours after cementing operations were completed. A gas flow outside the 
casing can be particularly difficult to stop because conventional well-control procedures cannot be used easily. 

The mechanism by which gas blowouts occur shortly after cementing is not fully understood; however, it is 
known that the formation of a semi-rigid gel structure begins as soon as cement placement is completed. Initially, 
the formation of the static gel structure is similar to that occurring in a drilling fluid when fluid movement is 
stopped. Later, as the cement begins to set, the cement gel becomes much more progressive than that of a drilling 
fluid. As the cement slurry goes through a transition from a liquid to a solid, it begins to lose the ability to transmit 
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hydrostatic pressure to the lower part of the cemented annulus. If this loss in ability to transmit hydrostatic pres- 
sure is accompanied by a cement slurry volume reduction, the wellbore pressure can fall sufficiently to permit gas 
from a permeable high-pressure formation to enter the annulus. The semi-rigid slurry may not be able to withstand 
the higher stresses created when gas begins to flow. Gas flow may increase and communicate with a more shallow 
formation. In an extreme case, gas flow may reach the surface. 

Volume reductions occurring while the cement is making the transition from a liquid slurry to a rigid solid can 
be traced to two sources. A small volume reduction, as measured in the soundness test, occurs as a result of the 
cement hydration reaction. For most cements used in current practice, this volume reduction (called plastic-state 
shrinkage) is small, generally being on the order of 0.1 to 0.3% (Sabins and Sutton 1991). Much larger volume 
reductions are thought to be possible due to the loss of water filtrate to the borehole walls. 

The magnitude of the pressure loss per unit volume of filtrate loss is controlled primarily by the cement com- 
pressibility during the early stages of the hardening process. A cement with a high compressibility is desirable 
because it will give a small pressure loss per unit volume of filtrate loss. The introduction of a compound that will 
react slowly to form small gas bubbles as the cement begins to harden will greatly increase the compressibility of 
the cement. Cement compressibility also can be increased by blending small volumes of nitrogen gas with the 
cement slurry during mixing. 

A high-compressibility cement permits much larger volumes of water filtrate to be lost without greatly in- 
creasing the potential for gas flow into the well. Other methods for reducing the potential for gas flow after ce- 
menting include use of filtration-control additives to reduce the volume of filtrate loss, shorter cement columns to 
reduce the effectiveness of the gel strength in blocking the transmission of hydrostatic pressure, and cements that 
build gel strength quickly after pumping is stopped and harden more rapidly. 


4.5 Cement Placement Techniques 

Different cementing equipment and placement techniques are used for cementing casing strings, cementing 
liner strings, setting cement plugs, and squeeze cementing. These different types of cementing applications are 
schematically depicted in Fig. 4.4. A casing string differs from a liner in that casing extends to the surface, while 
the top of a liner is attached to subsurface casing previously cemented in place. Cement plugs are placed in open 
hole or in casing before abandoning the lower portion of the well. Cement is squeezed into lost-circulation zones, 
abandoned casing perforations, or a leaking cemented zone to stop undesired fluid movement. 


4.5.1 Cement Casing. The conventional method for cementing casing is described in Fig. 4.5. The following 
describes the typical procedure for a single-stage primary cement job. 

When the well has been drilled to the planned setting depth for the next string of casing, or the driller has been 
forced to stop and set a casing for wellbore stability or other reasons, the casing running and cement operations 
begin. 

First, the drillstring is tripped out of the hole, and the casing string is made up and run into the hole. The first 
item on the casing string is the guide/float shoe. In its simplest form, the purpose of a guide shoe is to direct 
the casing away from ledges to minimize side-wall caving and to aid in safely passing hard shoulders and pass- 
ing through crooked holes. If the guide shoe does not have a float, then a float collar is placed above the guide 
shoe. The original purpose of a float collar was to facilitate running the casing by reducing the load on the der- 
rick. This purpose is accomplished by preventing the drilling fluid from flowing into the casing when it is run 
into the hole. The derrick design has improved over the years, and now the main purpose of the float collar is 
to prevent the cement from flowing back into the casing. The interval of casing that is to be cemented may have 
centralizers attached; centralizers are attached to the casing to keep it off the borehole wall and centralize it as 
much as possible. Centralizing the casing helps to provide a uniform fluid-flow profile around the annulus and 
leads to better drilling-fluid removal and proper cement placement. Scratchers, or wall cleaners, are devices 
that attach to the casing to remove loose filter cake from the wellbore. They are most effective when used while 
the cement is being pumped. Like centralizers, scratchers help to distribute the cement around the casing. 
There are two general types of scratchers: those that are used when the casing is rotated, and those that are used 
when the casing is reciprocated. 

Next, the cementing head is installed. A cementing head is designed to attach to the top joint of well casing. The 
head allows cementing plugs to be released ahead of and behind the cement slurry in order to isolate the cement 
slurry from wellbore fluids ahead of the cement and from displacing fluids pumped behind the slurry. 

Once the casing is at the bottom, the hole is normally circulated to remove the gelled drilling fluid and make it 
mobile. This step is very important because the drilling fluid is more difficult to remove from the narrow annulus 
around the casing. Normally, circulation is broken slowly to prevent fracturing the well. The drilling fluid has 
been static in the well for several hours and may be severely gelled. Moving the pipe during hole conditioning 


Cementing 161 


Work string Casing 


Liner hanger 
Cement 


Cement 


i 


(1) Casing Primary Cementing (2) Liner Primary Cementing 
Ta Cement plug A a 
? a 
Cement plug 


| | 


(3) Plug Cementing (4) Squeeze Cementing 


Fig. 4.4—Common cementing applications. 


will improve the gelled-drilling-fluid removal. Rotating or reciprocating the pipe helps the flow go into the nar- 
row side of the annulus. Pressure changes resulting from pipe movement must be considered so as not to change 
the well conditions. A preflush may now be used; preflushes are used to thin and disperse drilling-fluid particles, 
and they usually go into turbulent flow at low rates, helping to clean drilling fluid from the annulus. Some 
chemical flushes aggressively attack specific drilling fluids, breaking them down and further enhancing drilling- 
fluid removal. 

Before the cement is pumped, a spacer may be pumped into the casing. A spacer is a volume of fluid injected 
ahead of the cement but behind the drilling fluid. It can also enhance the removal of gelled drilling fluid, allowing 
a better cement bond. Spacers can be designed to serve other needs; for example, weighted spacers can help with 
well control, and reactive spacers can provide increased benefits for removing drilling fluids. The drilling-fluid/ 
spacer interface and the spacer/cement slurry interface must be compatible. 
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Fig. 4.5—Primary cementing. Courtesy of Halliburton. 


Neat cement is introduced in a hopper, where it is thoroughly mixed with water by a high-velocity, recirculating ce- 
ment mixer (RCM). The resulting slurry is then pumped down the casing between two plugs with wiping fins, which 
are placed in the system at the proper time by means of a cementing head. When the bottom plug reaches the float col- 
lar, it stops; pressure builds up, which quickly ruptures the plug’s diaphragm and allows the slurry to continue. 

The top plug, however, has a solid core, so that when it seats in the float collar, the surface pump pressure builds 
up sharply, thereby signaling the pump operator that the job is complete. The position of the top plug may also be 
checked either by metering the displacing fluid (because the casing volume is known), or by following the plug 
with a wire measuring line. The casing below the float collar is left full of cement, which can be drilled out if 
necessary. This latter procedure is commonly called “drilling the plug.” 

The float collar can act as a check valve to prevent cement from backing up into the casing. Top plugs that have 
pressure seals and latch in place can be used in addition to the float collar. Fluid movement also can be prevented 
by holding pressure on the top plug with the displacing fluid; however, it is not good practice to hold excessive 
pressure in the casing while the cement sets because when the pressure is released, the casing may change diam- 
eter sufficiently to break the bond with the cement and form a small annular channel. 

Not all operators use a bottom plug when cementing. Indeed, there have been cases in which the solid plug 
mistakenly was placed below the cement slurry. Also, with some of the first plug designs, the float collar was 
stopped up by plug fragments before completing the cement displacement. When a bottom plug is not used, 
however, the cement does not wipe all the mud from the wall of the casing. This results in a contaminated zone 
being built up in front of the top plug, as shown in Fig. 4.6. 

In addition to the conventional placement method for cementing casings, there are several modified techniques 
used in special situations. These include: (1) stage cementing, (2) inner-string cementing, (3) annular cementing 
through tubing, (4) multiple-string cementing, (5) reverse-circulation cementing, and (6) delayed-setting cementing. 


4.5.2 Stage Cementing. Stage cementing is one of the procedures developed to permit using a cement column 
height in the annulus that normally would cause the fracture of one or more subsurface formations. It also can be 
used to reduce the potential for gas flow after cementing. The first stage of the cementing operation is conducted 
in the conventional manner. After the slurry hardens, a bomb is dropped (Fig. 4.7) to open a side port in a staging 
tool placed in the casing string. The second-stage cement then is pumped through this side port and into the an- 
nulus above the set first-stage cement. Equipment also is available for three-stage cementing. 
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Fig. 4.6—Cement contamination without bottom plug (Bourgoyne et al. 1991). 
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4.5.3 Inner-String Cementing. Inner-string cementing was developed to reduce the cementing time and the 
amount of cement left in the shoe joint of large-diameter casing. The technique uses a float collar or shoe modified 
with sealing adapters, which permits tubing or drillpipe (work string) to be landed and hydraulically sealed. The 
cement then is displaced down the inner drillpipe or tubing string rather than the casing. When the float collar or 
shoe is equipped with a backpressure valve or latch-down plug, the inner string can be withdrawn immediately 
after displacing the cement. 


4.5.4 Annular Cementing Through Tubing. This technique consists of pumping cement through tubing run in 
the annulus between two casing strings or between the casing and the open hole. It usually is used to bring the top 
of the previously placed cement to the surface or to repair casing. 


4.5.5 Multiple-String Cementing. Multiple-string cementing is a multiple completion method that involves 
cementing several strings of tubing in the hole without the use of an outer casing string. This type of completion 
is an alternative to the more conventional multiple-completion method, in which the tubing strings are set using 
packers inside a larger-diameter casing. 


4.5.6 Reverse-Circulation Cementing. Reverse-circulation cementing consists of pumping the slurry down the 
annulus and displacing the mud back through the casing. This method has been used in some instances in which 
extremely-low-strength formations were present near the bottom of the hole. A special float collar or shoe as well 
as a special wellhead assembly is required to use this method. Because wiper plugs cannot be used, it is difficult 
to detect the end of the cement displacement. The cement usually is overdisplaced at least 300 ft into the bottom 
of the casing to enhance the probability of a good cement job at the shoe. 


4.5.7 Delayed-Setting Cementing. Delayed-setting cementing is used to obtain a more uniform mud displace- 
ment from the annulus than is possible with the conventional cement-placement technique. This method consists 
of placing retarded cement slurry having good filtration properties in the wellbore before running the casing. 
Cement placement is accomplished down the drillpipe (work string) and up the annulus. The drillpipe then is 
removed from the well, and casing is lowered into the unset cement slurry. This method also can be modified for 
multiple-string cementing, with cement displacement being made through the lower string. 


4.5.8 Cementing Liners. A liner is a casing that does not extend to the top of the well but overlaps with the pre- 
vious casing. The amount of overlap depends upon the purpose of the liner and can be in the range of 50 to 500 
ft. The liners are classified as production liners (run from the last casing to the total depth), drilling or intermedi- 
ate liners (run to isolate sloughing shale, lost circulation zones, etc.) and tieback liners that extend from the top of 
the existing liner uphole to another casing or the top of the hole. The conventional method of liner cementing is 
illustrated in Fig. 4.8. The liner is attached to the drillpipe using a special liner-setting tool. The liner-setting tool 
then is actuated so that the liner is attached mechanically to and supported by the casing without hydraulically 
sealing the passage between the liner and the casing. The cement is pumped down the drillpipe and separated 
from the displacing fluid by a latch-down plug. This latch-down plug actuates a special wiper plug in the liner- 
setting tool after the top of the cement column reaches the liner. When the wiper plug reaches the float collar, a 
pressure increase at the surface signifies the end of the cement displacement. The drillstring then must be released 
from the liner-setting tool and withdrawn before the cement hardens. 

Usually, a volume of cement sufficient to extend past the top of the liner is displaced. When the drillstring is 
withdrawn, this cement collects at the top of the liner but generally does not fall to the bottom. This cement can 
be washed out using the drillpipe or drilled out after the cement sets. When cement is not displaced to the top of 
the liner, cement must be forced into this area using a squeeze-cementing method, which is discussed later in Sec- 
tion 4.5.10. 

A large variety of liner-setting tools is available; most of these tools are set with either a mechanical or hydrau- 
lic devices. The hydraulically set devices are actuated by drillpipe rotation or by dropping a ball or plug and then 
set by applying pump pressure. The mechanically set devices are actuated by drillpipe rotation and set by lowering 
the drillpipe. A liner-setting tool must be selected on the basis of the liner weight, annular dimensions, cement- 
displacement rate, and liner-cementing procedure. There is a trend toward not setting the liner until after cement 
displacement; this allows the liner to be moved while cementing to improve mud removal in the annulus. This 
practice imposes some limitations on the selection of conventional liner-setting tools; however, expandable liner 
hangers can be moved easily while cementing and can lower cement placement pressures by having a larger cross- 
sectional flow area in the liner lap. Expandable liners are also available, and their use is increasing for several 
reasons. First, they can be run as drilling liners without losing the planned hole diameter vs. depth. Second, they 
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Fig. 4.8—Conventional placement techniques for cementing a liner (Bourgoyne et al. 1991). 
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Fig. 4.9—Placement technique used for setting cement plug (Bourgoyne et al. 1991). 


have larger cross-sectional flow areas to lower circulating and pumping pressures. Third, their smaller diameter 
helps running the pipe into the hole under difficult hole conditions without getting stuck. The cementing of 
expandable liners requires special procedures and cement compositions. 

After drilling the well, it may be desirable to extend the liner back to the surface if a commercial hydrocarbon 
deposit is found and the well is to be completed. As mentioned earlier, this type of casing is called a tieback liner. 
If casing is used to extend the liner up the hole, but not all the way to the surface, it is called a stub liner. Stub liners 
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are used primarily to repair the top of a leaking liner. The reader is encouraged to search the Internet to find some 
useful animations illustrating running liners developed by various service companies for marketing purposes. 


4.5.9 Plug Cementing. Displacement efficiency, slurry stability, fluid compatibilities, and all the issues that 
are normally considered for a primary cement job must be carefully considered for a cement plug job. Plugging 
operations are difficult because the work string that is located at a certain depth to place a heavier-density bal- 
anced cement plug must be pulled up and removed from its position to a safe distance above the cement plug 
without causing damage to the cement, either by swabbing the lower lighter-density wellbore fluid into the cement 
or by stringing out the cement into the wellbore fluid above the cement. 

Cement plugs can be set in open hole or in casing. Plugs are set to prevent fluid communication between an 
abandoned lower portion of the well and the upper part of the well. Plugs also are set to provide a seat for direc- 
tional drilling tools used to sidetrack the well. 

Cement plugs are placed using drillpipe or tubing, as shown in Fig. 4.9. When a plug is placed off-bottom in an 
open hole, a caliper log can be used to locate an in-gauge portion of the hole. Centralizers and scratchers can be 
placed on the bottom section of the pipe that will be opposite the section of hole to be plugged. Cement is pumped 
down the drillpipe or tubing and into the hole. The cement slurry has a natural tendency to form a bridge below the 
tubing, causing the slurry to move up the annular space opposite the drillpipe or tubing. When cementing in casing, 
a bridge plug (Fig. 4.10) sometimes is placed below the cement plug to assist in forming a good hydraulic seal. A 
new type of bridge plug constructed entirely with “composite” nonmetallic materials is easily drilled out of the 
wellbore. Like the metal ones, composite bridge plugs are designed to provide zonal isolation of the wellbore. 

When the drillpipe or tubing is open-ended, cement displacement is continued until the fluid columns are bal- 
anced (i.e., they have the same height of slurry inside the pipe and annulus). As shown in Fig. 4.11, the pump 
pressure during the displacement provides a good indication of when the fluid columns are balanced. The drill- 
string or tubing then is pulled slowly from the cement slurry. 

An improved plug placement technique has been described by Doherty (1933) and Goins (1959) as an alterna- 
tive to the balanced-column method. Mud contamination is minimized by placing a slug of water in front of and 
behind the cement slurry. The cement is displaced almost completely from the drillpipe or tubing. To prevent 
backflow while the pipe is being pulled, a special backpressure valve or plug catcher can be used at the bottom of 
the pipe string. Cement plugs also can be set using a wireline device called a dump bailer. After setting a bridge 
plug at the desired depth, the dump bailer is filled with cement and lowered into the well on a wireline. The dump 
bailer is designed to empty the slurry into the hole when the bailer reaches the bottom. After the first batch of 
cement takes an initial set, a second batch can be placed. The dump bailer seldom is used during drilling 
because of the time required to set a long plug. 


4.5.10 Squeeze Cementing. Squeeze cementing requires as much technical, engineering, and operational expe- 
rience as primary cementing but is often done when wellbore conditions are unknown or out of control, and when 
wasted rig time and escalating costs force poor decisions and high risk. Before using a squeeze application, a 
series of decisions must be made to determine (1) if a problem exists, (2) the magnitude of the problem, (3) if 
squeeze cementing will correct it, (4) if economics will support it, and (5) the risk factors that are present. 

Squeeze cementing consists of forcing a cement slurry into an area of the well or formation by means of applied 
hydraulic pressure. The purpose of squeeze cementing is to form a hydraulic seal between the wellbore and the 
zone squeezed. If the slurry is placed using sufficient pressure to fracture the formation, the process is called a 
high-pressure squeeze. The pressure required to fracture the formation and allow rapid slurry placement is called 
the breakdown pressure. In the high-pressure squeeze, whole cement slurry is forced into the fractured formation. 
If the slurry is placed using less than the breakdown pressure, the process is called a low-pressure squeeze. The 
low-pressure squeeze causes a cement cake to plate out against the formation as filtrate is lost to the formation. 
Common applications of squeeze cementing include plugging abandoned casing perforations, plugging severe 
lost-circulation zones, improving shoe test results in weak or fractured formations, and repairing annular leaks 
in previously cemented casing (caused by failure of either the casing or the previously placed cement). 

The conventional method for squeeze cementing is shown in Fig. 4.12. A squeeze packer and a circulating 
valve (Fig. 4.13) are placed above the perforations and lowered into the well on drillpipe or tubing. A slug of 
water or preflush is placed opposite the zone to be squeezed, and then the squeeze packer is set just above the 
zone of interest. The circulating valve is opened above the packer, and the cement slurry is displaced down the 
drillpipe. A slug of water is used before and after the cement slurry to prevent mud contamination of the slurry 
and mud plugging of the zone of interest. The circulating valve usually is closed after most of the leading 
water slug has been pumped into the annulus. The cement then is pumped into the zone of interest until the 
final desired squeeze pressure is obtained. With the low-pressure squeeze, it is common practice to stop pumping 


Fig. 4.10—Bridge plug. Courtesy of Halliburton. 
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Fig. 4.12—Squeeze cementing technique (Bourgoyne et al. 1991). 


periodically, or hesitate, during the squeeze process. This assists in the buildup of filter-cake nodes against the 
formation or perforations. The circulating valve then is opened, and the excess cement is pumped up the drill- 
pipe to the surface. This process is called reversing out. If the desired squeeze pressure is not obtained, the 
operation is repeated after waiting for the first batch of cement to take an initial set. 

In addition to the conventional squeeze-cementing method, several modified techniques have been developed. 
In certain instances, it may be necessary to isolate the section below the perforation by placing a bridge plug 
below the perforations. In other cases, neither a squeeze packer nor a bridge plug is used, and pressure is held 
against the well by closing the blowout preventers (BOPs). This method is called the bradenhead squeeze. A 
block squeeze consists of isolating a production zone by perforating above and below the producing interval and 
squeezing through both perforated intervals in separate steps. 


4.5.11 Cement Volume Requirements. In addition to selecting the cement composition and placement tech- 
nique, the drilling engineer must determine the volume of cement slurry needed for the job. The volume required 
usually is based on past experience and regulatory requirements in the area. As little as 300 ft of fill-up has been 
used behind relatively deep casing strings; however, in some cases, the entire annulus is cemented. It usually is 
necessary to include considerably more slurry than is indicated by the theoretical hole size because of hole 
enlargement while drilling. Thus, an excess factor, based on prior experience in the area, usually is applied to the 
theoretical cement volume. When hole size or caliper logs are available, a more accurate slurry volume can be 
determined. Example 4.5 illustrates one method of estimating slurry volume requirements for a conventional 
casing cementing operation. 


Example 4.5 Casing having an outside diameter (OD) of 13 % in. and an inside diameter (ID) of 12.415 in. is to be 
cemented at a depth of 2,500 ft. A 40-ft shoe joint will be used between the float collar and the guide shoe. It is 
desired to place a 500-ft column of high-strength slurry at the bottom of the casing. The high strength slurry is com- 
posed of Class A cement mixed using 2% calcium chloride and a water/cement ratio of 5.2 gal/sack. The upper 2,000 ft 
of the annulus is to be filled with a low-density slurry of Class A cement mixed with 16% bentonite and a 5% sodium 
chloride and a water/cement ratio of 13 gal/sack. This high water-to-cement ratio slurry should not be used to 
cement hole sections with potential flow zones or when unknown flow zones may be present. The hole size is 17 in. 
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Fig. 4.13—Squeeze packer assembly (Bourgoyne et al. 1991). Image courtesy of Halliburton. 
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Compute the slurry volume and number of sacks required if the excess factor in the annulus is 1.75. 
Solution. Specific gravity of Class A cement is 3.14. 


Specific gravity of bentonite is 2.65. 
Specific gravity of CaCl, is 1.96. 


Specific gravity of NaCl is 2.16. 
Part I yield of high-strength cement slurry: 


V. +V, +Vo 


aCl, 


Amount of calcium chloride per cement sack: 
(0.02)(94) = 1.88 lbm/sack 


Volume of calcium chloride: 


1.88 


——_———— = 0.115 gal/sack 
(1.96)(8.34) 
Volume of cement (one sack): 


94 


————- = 3.589 gal/sack 
(3.14)(8.34) 
Yield of cement slurry: 


3.589+5.2+0.115 =8.9 gal/sack = ae = 1.189 ft*/sack 


Volume of a 500-ft annular column and a 40-ft column in the casing joint is given by: 


T (442 2 1 T 2 1 3 
—(17° -13.3757 )(500)(12)—(1.75) + —(12.415° }(40)(12 )—— = 559 ft 
ri X M Tie! ) al ) M 778 


Slurry volume will require mixing: 


oe = 470 sacks of cement 
1.189 


Part II yield of low-density cement slurry: 
V: + V, + V, + Vacs 

Amount of bentonite per sack of cement: 
(0.16) 94 =15.04 Ibm 


Volume of bentonite: 


15.04 


— >" __ =0.6805 gal 
(2.65)(8.34) 


Amount of sodium chloride: 


(0.05)(94) = 4.7 Ibm 
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Volume of sodium chloride: 


4.7 


——~___ = 0.26 gal 
(2.16)(8.34) 


Yield of cement slurry: 


3.589 + 13+ 0.6805 + 0.26 = 17.53 gal = 2.342 ft*/sack 


Volume of 2,000 ft in annulus: 


Za? ~13.375° )(2,000)(12) 2 =2,100 ft? 
4 1728 


Slurry volume will require mixing: 


2,100 
2.342 


= 897 sacks of cement 


Total slurry volume = 2,100 + 559 = 2,659 ft? 
Total number of cement sacks = 470 + 897 = 1,367 sacks 


4.5.12 Cementing Time Requirements. As discussed previously, the time required to place the cement slurry is 
one of the more important variables in the engineering design of the slurry properties. The relationships between 
well depth and cementing time used by API in the specifications for the various cement classes represent average 
well conditions and may not be applicable in all cases. A more accurate estimation of cementing time can be made 
on the basis of the actual slurry volume and pumping rates to be used. Also, it is always prudent to allow some 
extra cementing time for unforeseen operational problems. Example 4.6 illustrates one method of estimating 
cementing time requirements for a conventional casing cementing operation. 


Example 4.6 Estimate the cementing time for the cementing operation if one cementing truck having a mixing 
capacity of approximately 25 ft*/min is used. The rig pump will be operated at 60 strokes/min and has a pump 
factor of 0.9674 ft?/stroke. 

Solution. Cementing time = mixing time + time required to displace the top plug from the surface to the float 
collar. 
Mixing time (time of placement of cement slurry): 


_ 2,659 
25 


=106 minutes 


Time required to place the drilling fluid: 


Volume of mud 


= (12.415) (2,500-40)( = ) : = 36 minutes 


Mud pump output 1728 /(60)(0.9674) 


Total cementing time is: 


106 + 36 = 142 minutes 


4.5.13 Waiting-on-Cement (WOC) Times. Part of this section is a summary of the recommended WOC prac- 
tices published in APJ RP 65-Part 2, “Isolating Potential Flow Zones During Well Construction” (2010). 

WOC Time Before Nippling Down. Operations to nipple down (i.e., remove) the diverter or BOP stack 
should wait until the cement is set (50 psi compressive strength) to avoid having an influx of formation fluids 
that may cause a blowout. Determination of this cement WOC time should take into account several factors, 
including whether a hydrocarbon zone is exposed in the wellbore or whether there is the possibility that an 
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unknown zone is exposed. There may be other downhole conditions or cement job results that could modify this 
guideline. Any plan for nippling down the BOP stack should use a conservative approach to avoid loss of well 
control or danger to personnel or equipment. Some factors to consider a modified plan to nipple down, such as 
a longer-than-planned WOC time, include: 


e Complete loss of returns while pumping cement 

e Delays in getting cement in place, such as pump interruptions that could lead to poor mud removal and 
poor cement consistency 

e Premature returns of cement to surface 

e High gas units in the drilling mud prior to cementing 


In these cases, the confidence in the cement job would decrease, and waiting on cement for a longer time before 
nippling down would be prudent, along with other measures discussed below. 
Special Considerations. Special considerations exist when determining and applying WOC times: 


e Complete a risk assessment and communicate the results to all parties involved. 

e Do not run tubing in the annulus between the casing and the diverter, or BOP, prior to completion of cement- 
ing operations, and wait until after the cement WOC time has elapsed or until the well has no potential for 
flow. 

e Verify that hydrostatic pressure calculations are performed to ensure sufficient hydrostatic pressure to over- 
balance all zones in the well prior to washing out the annulus to the mudline suspension hanger (MLSH). 


WOC Times for Other Drilling Operations. Operations on the well following cementing should be done so 
that they will not disturb the cement and damage the seal or cause the cement to set improperly. Any pipe move- 
ment to complete hanging the casing and activating seals should be finished before significant gel strength has 
developed. If done after the cement has developed significant gel strength, such pipe movement may cause a mi- 
croannulus. There is also a danger of initiating flow if the pipe movement swabs the well in. If the casing is to be 
hung after cement strength is developed, as when intentionally increasing or decreasing the landed tension in the 
casing, consideration should be given to the imposed forces on the cement and the cement strength. 

Preferably, pressure testing casing should be done before significant gel strength has developed; however, such 
pressure testing will be limited by the pressure ratings of plugs, floats, cementing heads, and other equipment. 
Pressure testing can be done after the cement has set, but this can result in microannulus formation or damage 
to the cement sheath. The pressure should be held on the casing for the shortest length of time required to accom- 
plish the test. The effect of pressure testing will depend on the properties of the cement, the pressure at which the 
casing is tested (and, consequently, the amount of enlargement of the casing), and the properties of the formation 
around the cement. Mechanical stress modeling can assist in determining the best time to conduct the pressure 
tests. 

Normally, a minimum compressive strength of 500 psi is recommended before drilling out the shoe of the ce- 
mented casing. 

The development of strength is also a primary consideration in continued operations such as drillout. Early 
work has shown that 8 psi tensile strength, or approximately 100 psi compressive strength (compressive strength 
is approximately 8 to 12 times the tensile strength for most cements), is adequate to support the casing. WOC time 
before drillout is normally the time that laboratory testing has shown it takes the cement around the casing shoe 
to develop 500 psi compressive strength. In the past, there has been a practice to maximize compressive strength. 
This may seem appropriate, with a “more is better” idea for the short term; however, later in the life of the well, 
load conditions may occur in which high strength may be contrary to good cement sealing and support integrity. 
High-strength cements are often brittle and lack the ductility needed for sustained well integrity. 

WOC Times for Cement Evaluation Logging (excerpt from API Technical Report 10TR1 2008). “Histori- 
cally, many of the guidelines for cement evaluation log interpretation have been based on cement compressive 
strength. Acoustic impedance, as outlined earlier [in the report], is a better property to use. However, it is impor- 
tant to allow the cement to hydrate sufficiently before running an evaluation log. Generally, at least 48 hours 
should elapse after the cement is in place prior to running a cement evaluation log.” 


4.5.14 Cementing Evaluation. After cementing operations are complete and the cement left in the wellbore, 
along with portions of the subsurface cementing equipment, has been drilled out, the cement job usually is 
evaluated to ensure that the cementing objectives have been accomplished. When possible, it is always good 
practice to positive- and negative-pressure-test cemented casing to the maximum pressure anticipated in 
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subsequent drilling operations. When pressure testing is not possible, other methods should be used to confirm 
that the cement has been properly placed in the annulus up to the planned top of cement (TOC). For example, 
the TOC can be located by making a temperature survey of the well from 6 to 10 hours after completing the 
cement displacement. When cement is present behind the pipe, heat liberated due to the exothermic hydration 
reaction will cause an increase in temperature. A noise log can be run to monitor for any formation-fluid 
influxes. In addition, ultrasonic and acoustic logging tools are available for evaluating the bond between the 
cement and the pipe and any bypassed mud in the annulus that could allow formation fluids to leak. When the 
cement is not bonded acoustically to both the pipe and the formation, a strong early sound reflection will be 
received by the acoustic logging device, indicating sound travel primarily through the casing (Fig. 4.14). A 
comprehensive description of cement evaluation logging technology and best practices can be found in API 
Technical Report 1OTRI (2008). 


4.6 Well Parameters Affecting Cement Design and Operations 
For proper cementing design, it is critical to consider the wellbore conditions such as temperature, pressure, well- 
bore configuration, well fluid, and formation properties when designing a cement job. 


4.6.1 Depth. The depth of the well influences the amount of wellbore fluids involved, the properties of wellbore 
fluids, the pressures, the temperature, and, thus, the cement slurry design. Wellbore depth is also an influential 
factor in the selection of hole and casing sizes, in addition to planned well operations parameters such as produc- 
tion or injection rates. Extremely deep wells have their own distinct design challenges because of high tempera- 
tures, high pressures, and corrosive formation fluids. 
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Fig. 4.14—Acoustic energy travel in cased wells (Bourgoyne et al. 1991). 
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4.6.2 Wellbore Geometry and Drilling-Fluid Removal. The geometry of the wellbore is important in determin- 
ing the amount of cement required for the cementing operation. The drilled hole’s dimensions can be measured 
using a variety of methods, including acoustic calipers, electric-log calipers, and fluid calipers. 

The drilled hole’s shape also determines the clearance between the casing and the wellbore, and this annular 
space influences the drilling-fluid displacement by the cement slurry. A minimum annular space of 1 to 1.5 in. is 
recommended. Annular clearances that are smaller restrict the flow characteristics and generally make it more 
difficult for the cement slurry to displace drilling fluids. 

Another aspect of borehole geometry is the hole inclination angle. The inclination angle influences the true 
vertical depth and temperatures. Highly deviated wellbores can be challenging because the casing is not as likely 
to be centered in the wellbore, and drilling-fluid displacement becomes difficult. In highly inclined wells, it is also 
difficult to run casing because of high drag forces (see Chapter 8, Section 8.5 for details). 

Drilling fluids or muds can become partially dehydrated or gelled when the well is not circulated. Pipe move- 
ment (rotation and/or reciprocation) while circulating the well prior to cementing and during cement slurry place- 
ment in the annulus can help improve drilling-fluid removal and displacement by the cement slurry. 


4.6.3 Temperature. The temperatures of the wellbore are critical in the design of a cement job. There are basi- 
cally three different temperatures to consider: the bottomhole circulating temperature (BHCT), the bottomhole 
static temperature (BHST), and the temperature differential, which is the temperature difference between the top 
and bottom of cement placement. 

The BHCT is the temperature at which the cement will be exposed as it circulates past the bottom of the casing. 
The BHCT controls the time that it takes for the cement to set up. The BHST is the temperature when no fluids 
are circulating and cooling the wellbore. The BHST plays a vital role in the strength development of the cured 
cement. The temperature differential becomes a significant factor when the cement is placed over a large depth 
interval with significant temperature differences between the top and bottom cement locations. Commonly, with 
a large temperature differential, two different cement slurries may be required to better accommodate the differ- 
ence in temperatures. 

The BHCT can be measured by using temperature probes that are circulated with the drilling fluid. If the 
actual wellbore temperature cannot be determined, the BHCT can be estimated using the temperature sched- 
ules of API RP 10B-2 (2005) or calculated using analytical or numerical thermal simulations. API TR 10TR3 
(1999), “Temperatures for API Cement Operating Thickening Time Tests” also has relevant information 
from studies by the API Task Group on Cementing Temperature Schedules. This report’s information signif- 
icantly improved the temperatures in the well-simulation test schedules found in relevant API and ISO 
standards and offers the largest set of temperature data available to the industry to date. Chapter 10 of Aad- 
noy et al. (2009) provides the desired theoretical background on the temperature calculations in wells. 
Knowing the actual temperature that the cement will encounter during placement allows operators to opti- 
mize the slurry design. 


4.6.4 Formation Pressures. During the planning stages of a cement job, information about the formations’ pore 
pressure, fracture pressure, hole-collapse pressure, lithology, permeability, and other characteristics must be 
known (see Chapter 2). Generally, these factors will be determined during drilling. The density of the drilling 
fluids can be a good indication of the equivalent circulating density (ECD) and hydrostatic pressure limitations of 
the wellbore (ECD = wellbore circulating fluid pressure divided by true vertical depth, expressed as a density such 
as Ibm/gal). The ECD at key depths must be calculated for all fluids, including the drilling fluid, cement spacer, 
and cement slurries. Wellbore pressure without circulation is called equivalent static density (ESD). 

To maintain the integrity of the wellbore, the ECD must not exceed the fracture gradient of the weakest forma- 
tion in the uncased part of the hole. If the formation breaks down, lost circulation will result. Fluid loss must be 
controlled for successful primary cementing. The ECD and ESD must not be below the hole-collapse pressure of 
the weakest formation in the hole. If the ECD or ESD is below the hole-collapse pressure, the hole can cave in, 
block fluid circulation, and trap the pipe in the hole. Pressures in the wellbore also affect the strength development 
of the cement. 


4.6.5 Formation Chemical Characteristics. The composition (lithology) of formations can present compatibil- 
ity problems with drilling and cementing fluids. Shale formations are sensitive to fresh water and can slough off 
or swell if special precautions, such as increasing the salinity of the water, are not taken. Some formations may 
also contain flowing fluids, high-pressure fluids, and corrosive gases or other complex features that require special 
attention. Geochemical models are available to predict corrosive conditions by the changes in pH over the life of 
the well and beyond (for many hundreds of years after well abandonment). 
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4.6.6 Formation Permeability. When the permeability of formations is high, excessive fluid-filtrate loss and fil- 
ter-cake buildup (deposits of particle solids carried by the fluids) may occur that can cause poor cementing re- 
sults. Effects of high permeability include reduced annular cross-sectional-flow areas, inability to remove drill 
cuttings, partially dehydrated and highly gelled drilling fluids, poor mud conditioning and displacement, inade- 
quate cement placement, lack of zonal isolation, casing damage, and well-control issues. For instance, Parr et al. 
(2009) reported that a high-permeability (1-darcy) zone caused excessive cement-displacement pressures that 
prematurely ended the cementing operation, with the top of cement lower than planned and cement left inside the 
liner. The key problem was a filter-cake-induced hole-diameter decrease that formed an annular-flow restriction 
across the high-permeability interval. The remaining wells were all successfully cemented by improved mud 
conditioning to better control filtrate loss and mudcake thickness, as well as lowering of the cement’s fluid loss to 
inhibit excessive cement filter-cake buildup. 


Problems 


4.1 List four steps in the manufacture of Portland cement. What is the approximate weight and bulk 

volume of Portland cement for 1 bbl and in one sack? 

4.2 List the equipment needed to perform the standard API tests for drilling cements. 

4.3 Define the following: minimum water content, normal water content, free water content, and maxi- 

mum water content. 
4.4 The torque required to hold the paddle assembly stationary in a cement consistometer rotating at 150 
rev/min is 800 g-cm. What is the slurry consistency? Answer: 36 B . 

4.5 A Class H cement core sample having a length of 2.54 cm and a diameter of 2.865 cm allows a water 
flow rate of 0.05 mL/s when placed under a pressure differential of 20 psi. Compute the permeability 
of the cement. Answer: 14.5 md. 

4.6 The cement tensile strength required to support the weight of a string of casing is estimated to be 8 psi. 

If the cement is known to have a compressive strength of 200 psi, do you think the casing could be 

supported by the cement? Why? Answer: Yes; tensile strength is 17 psi. 

List the eight standard classes and three standard types of API cement. Compare these classes and 

types with the ASTM cement types used in the construction industry. 

4.8 How is the composition of a high-sulfate-resistant cement different from a standard Portland cement? 

4.9 List the normal (API) water content of each class of cement used in slurry preparation. Answer: 5.19 
gal/sack for Classes A and B, 6.32 gal/sack for Class C, 4.29 gal/sack for Classes D through H, and 
4.97 gal/sack for Class G. 

4.10 Compute the yield and density of each class of cement when mixed with the normal amount of water 
as defined by API. Answer: 1.17 ft'/sack and 15.6 lbm/gal for Classes A and B. 

4.11 Itis desired to reduce the density of a Class A cement to 12.8 lbm/gal by adding bentonite. Using the 
water requirements for Class A cement and bentonite given in Table 4.5, compute the weight of ben- 
tonite that should be blended with each sack of cement. Compute the yield of the slurry. What is the 
“percent mix” of the slurry? Answer: 9.3 lbm/sack, 2.09 ft*/sack, 102.9%. 

4.12 Repeat Exercise 4.11 using diatomaceous earth instead of bentonite as the low-specific-gravity solid 
and a water requirement of 3.3 gal/10% diatomaceous earth. Answer: 11.5 lbm/sack, 1.75 ft*/sack, 
84.2%. 

4.13 Identify the following cement additives: gilsonite, expanded perlite, and pozzolan. 

4.14 It is desired to increase the density of a Class H cement to 17.5 lbm/gal using barite. Compute the 
weight of barite that should be blended with each sack of cement. Use the water requirements for 
Class H cement (maximum strength) and barite given in Table 4.5. Compute the yield of the slurry. 
What is the “percent mix” of the slurry? Answer: 29.4 lbm/sack, 1.26 ft*/sack, 44.3%. 

4.15 Repeat Problem 4.14 using sand instead of barite. Answer: 40.6 lbm/sack, 1.30 ft'/sack, 38.2%. 

4.16 List two common cement accelerators. 

4.17 List two common cement retarders. 

4.18 List the three types of lost-circulation additives used in cement, and give one example of each type. 

4.19 List four common filtration-control additives. 

4.20 Describe in your own words the conventional cement placement techniques used for cementing a cas- 

ing string, cementing a liner string, setting a cement plug, and squeeze cementing. 

What is the purpose of a shoe joint? Why is a shoe joint especially important in a deep cementing job 

or when no bottom wiper plug is used? 
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4.22 Casing having an OD of 9.625 in. and an ID of 8.535 in. is to be cemented at a depth of 13,300 ft ina 
12.25-in. borehole. A 40-ft shoe joint will be used between the float collar and the guide shoe. It is 
desired to place 2,500 ft of cement in the annulus. Each sack of Class H cement will be mixed with 4.3 
gal of water, to which is added 18% salt (by weight of water). A small quantity of dispersant will be 
blended with the cement, but this additive has no significant effect on the slurry yield or density. Com- 
pute the density of the slurry, the yield of the slurry, the number of sacks of cement required, and the 
cementing time. Assume that cement can be mixed at a rate of 20 sacks/min and displaced at a rate of 
9 bbl/min, and use an excess factor of 1.5. The salt will be added to the water phase and, thus, does not 
blend with the dry cement. Answer: 16.7 lbm/gal, 1.09 ft*/sack, 1,092 sacks, 159 minutes. 

4.23 A 7.0-in. liner having an ID of 6.276 in. is to be cemented at a depth of 15,300 ft in an 8.5-in. hole. 
Casing is set at 13,300 ft as described in Problem 4.22, and a 300-ft overlap between the casing and 
liner is desired. A 40-ft shoe joint will be used between the float collar and the guide shoe. It is desired 
to use 1,000 ft of preflush (in annulus) and then fill the total annular space opposite the liner with ce- 
ment. Class H cement containing 35% silica flour will be mixed with 5.8 gal of water containing 18% 
salt (by weight of water). Compute the slurry density, the slurry yield, the volume of cement slurry 
required if the caliper log shows an average washout of a 2.0-in. increase in hole diameter, and the 
number of sacks of Class H cement needed. Answer: 16.3 lbm/gal, 1.61 ft*/sack, 445 sacks. 

4.24 Define mixing and displacement time. 

4.25 Describe in your own words how to evaluate quality of a cement behind casing. 

4.26 List major parameters that need to consider while designing a cement job. 
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SI Metric Conversion Factors 
ft x 3.048* E-0Ol=m 
ft? x 9.290 304* E-02=m 
ft x 2.831 685 E - 02 = mê 
°F (°F — 32)/1.8 =°C 
x 3.785 412 E-03 =m? 
x 2.54* E+00=cm 
Ibm x 4.535 924 E-Ol=kg 
psi x 6.894 757 E+00=kPa 
ton x 9.071 847 E-01=Mg 


*Conversion factor is exact. 


Chapter 5 


Drilling Hydraulics 


Vassilios C. Kelessidis, Technical University of Crete, Roberto Maglione, Eni Agip, 
and Robert F. Mitchell, Halliburton 


The science of fluid mechanics is very important to the drilling engineer. Extremely large fluid pressures are 
created in the long slender wellbore assssssnd tubular pipe strings by the presence of drilling mud or cement. The 
presence of these subsurface pressures must be considered in almost every well problem encountered. 

In this chapter, the relations needed to determine the subsurface fluid pressures will be developed for three 
common well conditions. These well conditions are (1) a static condition in which both the well fluid and the 
central pipe string are at rest, (2) a circulating operation in which the fluids are being pumped down the central 
pipe string and up the annulus, and (3) operations in which a central pipe string is being moved up or down 
through the fluid. The second and third conditions listed are complicated by the non-Newtonian behavior of drill- 
ing muds and cement slurries. Also included in this chapter are the relations governing the transport of rock 
fragments and immiscible formation fluids to the surface by the drilling fluid. 

Applications include (1) calculation of subsurface hydrostatic pressures tending to fracture exposed forma- 
tions, (2) displacement of cement slurries, (3) bit nozzle size selection, (4) surge pressures due to a vertical pipe 
movement, and (5) cuttings-carrying capacity of drilling fluids. 

The order in which the applications are presented parallels the development of the fundamental fluid-mechanics 
concepts given in the chapter. 


5.1 Introduction to Drilling Hydraulics 

The three primary functions of a drilling fluid (the transport of cuttings out of the wellbore, prevention of fluid 
influx, and the maintenance of wellbore stability) depend on the flow of drilling fluids and the pressures associated 
with that flow. For instance, if the wellbore pressure exceeds the fracture pressure, fluids will be lost to the forma- 
tion. If the wellbore pressure falls below the pore pressure, fluids will flow into the wellbore, perhaps causing a 
blowout. It is clear that accurate wellbore pressure prediction is necessary. To properly engineer a drilling-fluid 
system, it is necessary to be able to predict pressures and flows of fluids in the wellbore. The purpose of this chap- 
ter is to describe in detail the calculations necessary to predict the flow performance of various drilling fluids for 
the variety of operations used in drilling and completing a well. 

Drilling fluids range from relatively incompressible fluids, such as water and brines, to very compressible flu- 
ids, such as air and foam. Fluid-mechanics problems range from the simplicity of a static fluid to the complexity 
of dynamic surge pressures associated with running pipe or casing into the hole. This chapter will first present 
each specific wellbore flow problem in detail, starting from the simplest and progressing to the most complicated. 
These problems will be considered in the following order: 


1. Hydrostatic pressure calculations 
2. Steady flow of fluids 
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Following these basic problems, we will present a series of special topics: 


. Fluid rheology 

. Laminar flow 

. Turbulent flow 

. Eccentric annulus flow 

. Flow with moving pipe 

. Steady-State wellbore flow 

. Dynamic wellbore pressure prediction 
. Cuttings transport 
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5.2 Hydrostatic Pressure Calculations 

Subsurface well pressures are determined most easily for static well conditions. The variation of pressure with 
depth in a fluid column can be obtained by considering the free-body diagram (Fig. 5.1) for the vertical forces 
acting on an element of fluid at a depth Z in a hole of cross-sectional area A. The downward force on the fluid 
element exerted by the fluid above is given by the pressure p times the cross-sectional area of the element, A: 


where p is the density of the fluid, and g is the acceleration due to gravity, which at sea level has a value of 9.81 
m/s?. 
Because the fluid is at rest, no shear forces exist and the three forces shown must be in equilibrium; hence, 


F -F,+F,=0, 


d 
pa-(p+ $ az }axpeaaz=0 
dZ 


Fig. 5.1—Forces acting on a fluid element. 
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Expansion of the second term and division by the element volume AAZ gives 


In SI units, Eq. 5.4 has density p in kg/m’, depth Z in m, and pressure p is given in Pascals (Pa), while in field units 
pis given in lbm/gal, Z in ft, g is 1 Ibf/lbm, and p is lbf/in.? (psi). With the conversion factors applied, Eq. 5.4 takes 
the following form in field units: 


d 
ANNE sci) wate gs xc vec ee eee ioe oe A E ees. 9 aca Bat es ais es nO (5.4b) 
dZ 


A note on units: The drilling industry uses an odd mixture of unconventional English units combined with 
assorted metric units, depending on where in the world you are drilling. As a result, almost any calculation re- 
quires unit conversions, or formulae will have strange coefficients, like 0.05195 in Eq. 5.4b. SI units have the 
advantage of not needing conversions because the units are consistent, meaning that use of SI units in the equation 
gives results in SI units. The downside is that no one uses SI units in the drilling industry. When in doubt, convert 
everything to SI units, calculate, and then convert the result back to field units. 


5.2.1 Incompressible Fluids. If we are dealing with a liquid such as drilling mud or salt water, fluid compress- 
ibility is negligible for low temperatures, and specific weight can be considered constant with depth. Integration 
of Eq. 5.4 for an incompressible liquid gives 


where p, the constant of integration, is equal to the surface pressure at Z = 0. If we are interested in absolute 
pressure, p, will be, at least, atmospheric pressure. Absolute pressure in English units is designated psia. Of- 
ten, we are interested only in incremental pressure relative to atmospheric, which is called gauge pressure. 
Gauge pressure in English units is designated psig. In this case, p, can be negative. Eq. 5.5a becomes, in field 
units, 


PHU0M pF eps. arete E e e T O PA E EEE ES (5.5b) 


Normally the static surface pressure p, is zero (gauge pressure) unless the blowout preventer of the well is closed 
and the well is trying to flow. 

An important application of the hydrostatic pressure equation is the determination of the proper drilling- 
fluid density. The fluid column in the well must be of sufficient density to cause the pressure in the well op- 
posite each permeable stratum to be greater than the pore pressure of the formation fluid in the permeable 
stratum. This problem is illustrated in the schematic drawing shown in Fig. 5.2. However, the density of the 
fluid column must not be sufficient to cause any of the formations exposed to the drilling fluid to fracture. A 
fractured formation would allow some of the drilling fluid above the fracture depth to leak rapidly from the 
well into the fractured formation. 


Example 5.1 Calculate the static minimum mud density required to prevent flow from a permeable stratum at 
12,200 ft if the pore pressure of the formation fluid is 8,500 psig. 
Solution. Converting field units to SI units gives 


p, = 8,500 psig x 6894.73 Pa/psi = 5.86 x 10’ Pa, 


12,200 ft 


=" = 3.718610" m. 
3.2808 ft/m 


Using Eq. 5.3a with p, = 0 gives 
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Fig. 5.2—The well-fluid system [from Bourgoyne et al. (1991)]. 


, 
E P E 


gZ (9.81)(3718.6) 


or, in field units, 
p = 1606.4 kg/m? x 8.3454 x 10” (Ibm/gal)/(kg/m° ) = 13.4 Ibm/gal. 


Thus, the mud density must be at least 13.4 lbm/gal to prevent the flow of formation fluid into the wellbore when 
the well is open to the atmosphere and when there is no mud circulation. 


5.2.2 Compressible Fluids. In many drilling and completion operations, a gas is present in at least a portion of 
the well. In some cases, gas is injected in the well from the surface, while in other cases gas may enter the well 
from a subsurface formation. The variation of pressure with depth in a static gas column is more complicated than 
in a Static liquid column because the gas density changes with changing pressure. 

The gas behavior can be described using the real gas equation, defined by 


RT 
PAPE Sy whine pa iw oe SR ee HUE TY bw eo Ge ee Ce Ca eon ee Wee aw (5.6) 
M 
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where p = absolute pressure, p = gas density, z = gas compressibility factor, R = universal gas constant, T = abso- 
lute temperature, and M = gas molecular weight. 

The gas compressibility factor z is a measure of how much the gas behavior deviates from that of an ideal gas, 
with z= 1 for ideal gases. Gas compressibility factors for natural gases have been determined experimentally as a 
function of temperature and pressure and are readily available in the petroleum and chemical engineering litera- 
ture [e.g., Standing and Katz (1942), Carr et al. (1954), and Burcik (1957)]. In this chapter the simplifying as- 
sumption of ideal-gas behavior will generally be made to assist the student in focusing more easily on the 
drilling-hydraulics concepts being developed. 

The gas density can be expressed as a function of pressure by rearranging Eq. 5.6. Solving this equation for the 
gas density p yields 


i ee Ee RUS GLa naa Ree ns a Ree ere Sa oR Pon ae Aa weet eB Ase hal Se eee ea (5.7a) 
zRT 
Changing units from consistent units to common field units gives 
Se E E E E (5.7b) 
80.3zT 


where p is expressed in lbm/gal, p is in Ibf/in.?, M is in lbm/Ibm-mol, and T is in degrees Rankine. The gas con- 
stant R is given in various unit systems as 


(Ibf/ft”) - ft? psia - gal Pa-m° Pa -m° 
R=1,545 = 80.3 = 8.3144 = 8314.4 : 
Ibm — mol- R Ibm — mol -R mol- K kmol-K 


When the length of the gas column is not great and the gas pressure is above 6.895 x 10° Pa (1,000 psia), the hy- 
drostatic equation for incompressible liquids given by Eq. 5.3a can be used together with Eq. 5.7a without much 
loss in accuracy. However, when the gas column is not short or highly pressured, the variation of gas density with 
depth within the gas column should be taken into account. Using Eqs. 5.4a and 5.7a, we obtain 
a ad 
dZ czkT 


If the variation in z within the gas column is not too great, we can treat z as a constant, Z. Separating variables in 
the above equation and integrating gives 


z | 
of 2-2 Í e a (5.9a) 
Po ZR “7 T(E) 


If we assume that T is relatively constant over the depth range, then Eq. 5.9a can be expressed 


or, in field units, 


MAZ 
p= Pexp cc (5.9c) 
1,544zT 


where p is in psi, M in lbm/lbm-mol, AZ in ft, and T in degrees R. 


Example 5.2 A well contains a tubing filled with methane gas (molecular weight = 16) to a vertical depth of 
10,000 ft. The annular space is filled with a 9.0-lbm/gal brine. Assuming ideal gas behavior (z = 1), compute the 
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amount by which the exterior pressure on the tubing exceeds the interior tubing pressure at 10,000 ft if the surface 
tubing pressure is 1,000 psia and the mean gas temperature is 140°F. If the collapse resistance of the tubing is 
8,330 psi, will the tubing collapse due to the high external pressure? 

Solution. Converting from field units to SI units gives 


P, = 1,000 psi x 6, 894.73 Pa/psi = 6.895 x 10° Pa, 
P. = 8,330 psi x 6, 894.76 Pa/psi = 57.433 x 10° Pa, 


9 Ibm/gal 


+ = = 1.078 10° kg/m’, 
8.3454 x 10” (Ibm/gal)/(kg/m:’ ) 


p= 


10, 000 ft 3 
Z = ————— = 3.048 x 10° m, 
3.2808 ft/m 


140°F — 32 
f= 
1.8 


= 60°C, 


P, = 14.7 psi x 6,894.76 Pa/psi = 101,353 Pa. 


The pressure in the annulus at a depth of 3048 m is given by Eq. 5.4a: 


p, = (9.81)(1078)(3048) + 101,353 = 32.3x10° Pa 


The pressure in the tubing at a depth of 3048 m is given by Eq. 5.9a: 


(9.81)(16)(3048) 
(1)(8314.4)(273.3 + 60) 


pi = 6.895 x 10° oo =8.24x10° Pa 


Thus, the pressure difference is given by 


pP, — P, = 32.33447 x 10° — 8.2383 x 10° = 24.096 x 10° Pa 


or, in field units, 


24.096 x 10° Pa 
P,- P, = = 3,494 psi, 
6894.73 Pa/psi 


which is considerably below the collapse pressure of the tubing. 
The density of the gas in the tubing at the surface could be approximated using Eq. 5.7a as follows: 


(6.895 x 10°)(16) P 
Ş = 39.8 kg/m“, 
(1)(8314)(333.3) 


or, in field units, 


p =(39.8kg/m*)(8.3454 x 10°) (Ibm/gal) /(kg/m?) = 0.332 Ibm/gal. 
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It is interesting to note that the use of this density in Eq. 5.3a gives 


p, = (39.8)(9.81)(3048) + 6.895x10° = 8.09 x10° Pa, 


which is within 150 kPa (22 psi) of the answer obtained using the more complex Eq. 5.9b. 


5.2.3 Hydrostatic Pressure in Complex Fluid Columns. During many drilling operations, the well fluid column 
contains several sections of different fluid densities. The variation of pressure with depth in this type of complex 
fluid column must be determined by separating the effect of each fluid segment. For example, consider the com- 
plex liquid column shown in Fig. 5.3. 

If the pressure at the top of Section 1 is known to be p, then the pressure at the bottom of Section 1 can be 
computed from Eq. 5.5a: 


Pi = p,g(Z, —Z,)+ Py. 


The pressure at the bottom of Section | is equal to the pressure at the top of Section 2. Thus, the pressure at the 
bottom of Section 2 can be expressed in terms of the pressure at the top of Section 2: 


P= 8 (Z, -Z,)+ pe(Z, -Z,)+ Po. 
In general, the pressure at any vertical depth Z can be expressed by 


EES AAE TA AA ee ne crs ca aeons et ee eens (5.10) 


Zn 


Fig. 5.3—A complex fluid column [from Bourgoyne et al. (1991)]. 
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where Z_,< Z< Z It is frequently desirable to view the well fluid system shown in Fig. 5.3 as a manometer 
when solving for the pressure at a given point in the well. The drillstring interior usually is represented by the 
left side of the manometer, and the annulus usually is represented by the right side of the manometer. A hy- 
drostatic pressure balance can then be written in terms of a known pressure and the unknown pressure using 
Eq. 5.10. 


Example 5.3 In intermediate casing string is to be cemented in place at a depth of 10,000 ft. The well contains 
10.5-lbm/gal mud when the casing string is placed on bottom. The cementing operation is designed so that the 
10.5-lbm/gal mud will be displaced from the annulus by (1) 300 ft of 8.5-Ibm/gal mud flush, (2) 1,700 ft of 12.7- 
Ibm/gal filler cement, and (3) 1,000 ft of 16.7-lbm/gal high-strength cement. The high-strength cement will be 
displaced from the casing with 9-lbm/gal brine. Calculate the pump pressure required to completely displace the 
cement from the casing. 

Solution. Converting from field units to SI units gives 


10.5 lbm/gal 


= = zy = 1.2581x 10° kg/m’, 
8.3454 x 10> (bm/gal)/(kg/m° ) 


Pn 


8.5 lbm/gal 


= =1.0185x10° kg/m’, 
Pa ~33454x 10" (Ibm/galy/(ke/m) j 
Pe = a —=1.5218x10° kg/m’, 
# 8.3454x 10° (Ibm/gal)/(kg/m°) 
Py = T ea —=2.0011x10° kg/m’, 
8.3454x 10° (Ibm/gal)/(kg/m°) 
P, ee = 1.0784x10° kg/m’, 


~ 8.3454x 10" (Ibm/galy/(kg/m’) 


The lengths of each fluid column are given by 


ae 7000 _ 2 1336x107 m, 

3.2808 ft/m 
Mijn = OT Aas 

3.2808 ft/m 

= LION 5190.10" m; 
3.2808 ft/m 

= LOR _- 3.04810? mm, 
3.2808 ft/m 

„ac ONT 8 OB 10" m: 
3.2808 fym 


The complex well fluid system is understood more easily if viewed as a manometer (Fig. 5.4). The hydrostatic 
pressure balance is written by starting at the known pressure and moving through the various fluid sections to the 
point of the unknown pressure. When moving down through a section, Z,,, — Z, is positive and the change in 
hydrostatic pressure is added to the known pressure; conversely, when moving up through a section, Z, ,, — Z, is 
negative and the change in hydrostatic pressure is subtracted from the known pressure. Thus, 


1 
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Fig. 5.4—Viewing the well as a manometer [from Bourgoyne et al. (1991)]. 


(1.2581x10° )(2.1336x 10°) +(1.0185x10° )(0.0914x10° ) 
Pa = Py + 9.814 +(1.5218x10° )(0.5182 10° ) + (2.011x10° )(0.3048 x10° ) 
—(1.0784 x 10° )(3.048x 10° ) 
= p, +8.75x10° Pa. 


Because the known pressure p, is 0 Pa, the gauge pump pressure is 


p, =8.75x10° Pa = 1,269 psig. 


5.2.4 Equivalent Density Concept. Field experience in a given area often allows guidelines to be developed for 
the maximum mud density that formations at a given depth will withstand without fracturing during normal drill- 
ing operations. It is sometimes helpful to compare a complex-well-fluid column to an equivalent single-fluid 
column that is open to the atmosphere. This is accomplished by calculating the equivalent mud density p,, which 
is defined by 


eS. AA ction eases ea eet E E A tebe ener (5.11a) 


or, in field units, 


ee as BAe eae ipsa vex iuda iaseup nayiones ni uieaine tanner (5.11b) 
© 0.05195Z 


The equivalent mud density always should be referenced to a specified depth. 
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Example 5.4 Calculate the equivalent density at a depth of 10,000 ft for Example 5.3 for static well conditions 
after the cement has been displaced completely from the casing. 
Solution. Converting from field units to SI units gives 


10,000 ft 


= ——_—___ = 3.048 x 10° m, 
3.2808 ft/m 


9 Ibm/gal 


= =~ = 1.0784 10° kg/m’. 
8.3454 x 10° (Ibm/gal)/(kg/m°) 


P, = 
At the end of displacement, the pressure at the bottom of the hole is given by 
Py, = (1078.4)(9.81)(3048) + 8.75 x 10° = 41.0x10° Pa. 


The equivalent density is then 


Pp _ 41.0x10° 


= 1371 kg/m’, 
gZ (9.81)(3048) sas 


Pe = 


or, in field units, 


p, =1371%8.3454 «107 = 11.44 Ibm/gal. 


Drilling activity has extended in recent years to high-pressure/high-temperature (HP/HT) wells, where drilling 
fluids experience both hot and cold temperature extremes, thus undergoing changes in density. The term mud 
weight usually refers to measurements performed at the surface, and while it could be assumed constant at tem- 
peratures for standard drilling activity in the past, it certainly does not hold for these HP/HT and deepwater wells. 
Zamora and Roy (2000) have put forward this issue, and instead of the term mud weight they have proposed the 
use of the term equivalent static density (ESD) for static wells and equivalent circulating density (ECD) for cir- 
culating wells. Simulation results are shown in Fig. 5.5 for a water-based mud (WBM) and a synthetic-based mud 
(SBM) in 8,000 ft of water and onshore HP/HT environments. 


S 
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Fig. 5.5—Comparison of equivalent static density for WBM and SBM in 8,000 ft of water and onshore 
HP/HT environments [from Zamora and Roy (2000)]. 
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The student should be aware of these issues, and appropriate modeling of the temperature and pressure depen- 
dence of the drilling fluid density is necessary together with computer simulations for incorporating temperature 
and pressure profiles into the calculation of ESD. 


5.2.5 Effect of Entrained Solids and Gases in Drilling Fluid. Drilling engineers seldom deal with pure liquids 
or gases. For example, both drilling fluids and cement slurries are primarily a mixture of water and finely divided 
solids. The drilling mud in the annulus also contains the drilled solids from the rock broken up by the bit and the 
formation fluids that were contained in the rock. As long as the foreign materials are suspended by the fluid, or 
settling through the fluid at their terminal velocity, the effect of the foreign materials on hydrostatic pressure can 
be computed by replacing the fluid density in Eq. 5.5a with the density of the mixture. However, particles that 
have settled out of the fluid and are supported by grain-to-grain contact do not influence hydrostatic pressure. 
The average density of an ideal mixture of N components is given by 


Èm Xoy V, 
p Sy y ÀN Zef, 


where m, V., P; and f are the mass, volume, density, and volume fraction of component i, respectively, and V is the 
total volume. As long as the components are liquids and solids, the component density is essentially constant through- 
out the entire length of the column. Thus, the average density of the mixture also will be essentially constant. 

If one component is a finely divided gas, the density of the gas component does not remain constant but 
decreases with the decreasing pressure. A drilling fluid that is measured to have a low density due to the presence 
of gas bubbles is said to be gas-cut. 

The determination of the density of a gas-cut mud can be made in the following way. If N, moles of gas are dispersed 
in (or associated with) 1 m° of drilling fluid, the volume fraction of gas at a given point in the column is given by 


zN,RT 
f= feee AO a ñk EINN (5.13) 
© V +V, q NRT p+zN,RT 

p 


In addition, the gas density p, at that point is defined by Eq. 5.7a. Thus, the effective density of the mixture, p, is 
given by 


P=P,U-f,)+ Pf 


_ l- zN, RT 4 pM ZN ,RT 
Ps pt+zN,RT | zRT| p+zN,RT 


where M is the average molecular weight of the gas. 
Combination of this expression with Eq. 5.4a yields 


azo hg Me 2 Se a ee a eee (5.15) 


a g(p,+MN,) p` 


If the variation of z and T is not too great over the column length of interest, they can be treated as constants of 
mean values Z and T . Integration of Eq. 5.15 gives 


az 42.2 nf +42 
a a P, 


ND Do Ppp AZS Zm Z i e OE a i A a RE DEG a AE TES (5.16) 
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where 
a= el P RMN Je. Sean ae seer me EAE plane Ae eee ew eh aun cies EAs ea ES ERR ee toms (5.17) 
BEN RY, piniet pana i a a oun bea okhadaeaatadeveredadats (5.18) 


It is unfortunate that the pressure Ap appears within the logarithmic term in Eq. 5.16. This means that an itera- 
tive calculation procedure must be used for the determination of the change in pressure with elevation for a gas-cut 
fluid column. However, if the gas-liquid mixture is highly pressured and not very long, 


2 3 
(1422) ae (2) s2) 5 
Pi P 2\ P 3\ P, 


which shows that if Ap/p, << 1, Eq. 5.16 can be approximated by a linear or a quadratic equation. 


Example 5.5 A massive low-permeability sandstone having a porosity of 0.20, a water saturation of 0.3, and 
a methane gas saturation of 0.7 is being drilled at a rate of 50 ft/hr with a 9.875-in. bit at a depth of 12,000 ft. 
A 14-Ibm/gal drilling fluid is being circulated at a rate of 350 gal/min while drilling. Calculate the change in 
hydrostatic pressure caused by the drilled formation material entering the mud. Assume that the mean mud 
temperature is 620 R and that the formation water has a density of 9.0 lbm/gal. Also assume that the gas be- 
havior is ideal and that both the gas and the rock cuttings move at the same annular velocity as the mud. The 
density of the drilled solids is 21.9 lbm/gal. 
Solution. Converting from field units to SI units gives 


9 Ibm/gal 


= = 1.0784 x 10° kg/m’, 
8.3454 x 10° (Ibm/gal)/(kg/m’) 


Py 


14 lbm/gal 
8.3454.x 10” (Ibm/gal)/(kg/m’) 


Pn = = 1.6776 x10° kg/m’, 


N 21.9 Ibm/gal 
8.3454 x 10° (Ibm/gal)/(kg/m’) 


P, = 2.6242 x 10° kg/m’, 


9.875 in. 
3.93710! in./m 


= 0.2508 m, 


2 


= _ 12,000 ft_ = 3.658x10° m, 
3.2808 ft/m 
350 gal/min 


= 7 - ~ = 0.02208 m’/s, 
1.585 x 10° (gal/min)/(m’/s) 


q 


620 


T =—_-=—— = 344.44K, 
1.8 


R 
1.8 


50 ft/hr 
3.2808 ft/m x 3,600 s/hr 


= 0.004233 m/s, 
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where ROP = rate of penetration. 
The hydrostatic head exerted by the mud is computed as 

p = 101,325 + (1677.6)(9.81)(3658) = 60.302 10° Pa. 
The formation is being drilled at a rate of 

(0.004233) (z x 0.2508°/4) =2.09x10* m’*/s. 
Drilled solids are being added to the drilling fluid at a rate of 

2.09x10* (1-0.2) = 1.672x10* m°/s. 
Formation water is being added to the drilling fluid at a rate of 


2.09x10* (0.2)(0.3) = 0.1254x10* m*/s. 


The density of the drilling fluid after the addition of formation water and of drilled solids would be 


Ge (1677.6) (0.02208) + (2624.2) (1.672 x 10") + (1078.4) (0.1254 x10) 


= 1684.4 kg/m’. 
0.02208 + 1.672107 + 0.1254 «107 


Methane gas is being added to the drilling fluid at a rate of 


2.09 x 10“ (0.2)(0.7) = 0.2926x 10™ m*/s. 


Assuming that the gas is ideal and that the formation pressure is approximately 38.8 x 10° Pa, the gas density 
given by Eq. 5.8a is 


60.602 x 10° Pa)(16 kg/kmol 
= ( ( : = 336.8 kg/m’. 


Pe 
s Pa- m? 


kmol- K 


(s3144 Josua 


Thus, the gas mass rate entering the well is given by 


(336.8 kg/m? )(0.2926 x 10% m*/s) 
16 kg/kmol 


= 6.159x10~* kmol/s = 0.6159 mol/s. 


Because the mud is being circulated at a rate of 0.02208 m*/s, the moles of gas per m’? of mud is given by 


0.6159 


= = 27.894 mol/m’. 
0.02208 


Using Eqs. 5.17 and 5.18 gives 
a = (9.81)[1684.4 + (16/1000)(27.894)] = 16,528 Pa/m 
and 


b = (1)(27.894 mol/m*)[8.3144 Pa-m*/(mol-K)](344.44K) = 79,883 Pa. 
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Because the well is open to the atmosphere, the surface pressure p, is 101,325 Pa. The bottomhole pressure p, 
must be estimated from Eq. 5.16 in an iterative manner. Eq. 5.16 becomes 


_ Pa —101,325 4 79,883 hn 
? 16,528 16,528 101,325 


As shown in the table below, various values for p, were assumed until the calculated Z,—Z, was equal to the well 
depth of 3658 m. 


P-P, 4.821 1n 22 
P, 16.528 P Zez 
(Pa) (m) (m) (m) 
60.329 x 10° 3644 30.8 3674.8 
59.984 x 10° 3623 30.8 3653.8 
60.03 x 10° 3625.9 30.8 3656.7 


Thus, the change in hydrostatic head due to the drilled formation material entering the mud is given by 


Ap = (60.03 — 60.302) x 10° Pa = -272,000 Pa = -39 psi. 


Example 5.5 indicates that the loss in hydrostatic head due to normal contamination of the drilling fluid is usually 
negligible. In the past, this was not understood by many drilling personnel. The confusion was caused mainly by a 
severe lowering of density of the drilling fluid leaving the well at the surface. This lowering of density was due to the 
rapidly expanding entrained gas resulting from the decrease in hydrostatic pressure on the drilling fluid as it 
approached the surface. The theoretical surface mud density that would be seen in Example 5.5 is given by Eq. 5.14 as 


[1684.4 kg/m’ + (0.016 kg/mol) (27.89 mol/m’ )]x 101,325 Pa 
101,325 Pa + (1)(27.89 mol/m*)(8.3144 Pa - m°/mol -K)(344.44K) 
= 941.83 kg/m* = 7.9 lbm/gal. 


In the past, it was common practice to increase the density of the drilling fluid when gas-cut mud was observed 
at the surface because of a fear of a potential blowout. However, Example 5.5 clearly shows that this should not 
be done unless the well will flow with the pump off. As shown in Fig. 5.6, significant decreases in annular mud 
density occur only in the relatively shallow part of the annulus. The rapid increase in annular density with depth 
occurs because the gas volume decreases by a factor of two when the hydrostatic pressure doubles. For example, 
increasing the hydrostatic pressure at the surface from 101,325 Pa (14.7 psia) to 810,820 Pa (117.6 psia) causes a 
unit volume of gas to decrease to one-eighth of its original size. 


5.2.6 Effect of Well Deviation. Today, drilling engineers seldom deal with vertical wells. For a variety of reasons, 
wells are deviated from the vertical, often by as much as 90°. We have been considering Z as the true vertical depth 
(TVD) of the well. In a real well, we use measured depth, s, rather that Z to determine our location in the wellbore. 
What is even more important is that pressure changes due to friction from fluid flow vary with measured depth, not 
with TVD. The relationship between TVD and measured depth for a well with constant azimuth is given by: 


where ọ is the angle of inclination of the wellbore with the vertical. More-complex geometries will be studied in 
later chapters, but for our purposes, this will suffice. For ọ = 0, a vertical well, the TVD varies as the measured 
depth; that is, Z = s. 


Example 5.6 Calculate the pressure in a deviated well as a function of measured depth. The wellbore is illus- 
trated in Fig. 5.7, and the mud weight is 9 lbm/gal. The well is vertical to 2,400 ft, builds angle at 5°/ft, and 
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Fig. 5.6—Annular density plot for Example 5.6. 
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Fig. 5.7—Example of a deviated well. 


traverses 6,000 ft laterally, with a TVD at bottomhole of 9,000 ft. From the surface to 2,400 ft measured depth, 
we know that the TVD corresponds with the measured depth, so the pressure calculation is unchanged from 
Eq. 5.5b. 

Solution. To simplify the calculation, we will ignore the build section and consider the well configuration as 
two straight lines, as shown by the dotted line in Fig. 5.7. In the deviated section, we see a horizontal displace- 
ment of 6,000 ft and a vertical displacement of 9,000— 2,400 = 6,600 ft. The approximate angle of inclination 
is thus: 
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6,600 
6.600)’ +(6,000)° 

gp = 42.3°. 


= 0.740 


coso = 


The total measured depth is 2,400 + R (6, 600) + (6, 000) =11,320 ft. The pressure as a function of measured 
depth is 


p(psig) =0.05195(9 Ibm/gal) xs s $2,400 ft 
=1,122 psig + 0.05195 (9 Ibm/gal)(0.740)x(s—2,400) s > 2,400 ft. 


Because we know that the TVD of the well is 9,000 ft, the bottomhole pressure is easily calculated using Eq. 5.5b: 
p(psig) = 0.05195 (9 Ibm/gal) x 9,000 ft = 4,208 psig. 
If we calculate the bottomhole pressure at measured depth s = 11,320 ft, we get 


p(psig) = 1,122 psig + 0.05195(9 Ibm/gal) (0.740) x (11,320 ft — 2, 400 ft) = 4, 208 psig. 


5.3 Steady Flow of Drilling Fluids 

The determination of pressure at various points in the well can be quite complex when either the drilling mud 
or the drillstring is moving. Frictional forces in the well system can be difficult to describe mathematically. 
However, in spite of the complexity of the system, the effect of these frictional forces must be determined for 
the calculation of (1) the flowing bottomhole pressure or ECD during drilling or cementing operations; (2) 
the bottomhole pressure or ECD during tripping operations; (3) the optimum pump pressure, flow rate, and 
bit nozzle sizes during drilling operations; (4) the cuttings-carrying capacity of the mud; and (5) the surface 
and downhole pressures that will occur in the drillstring during well-control operations for various mud flow 
rates. 

The basic physical laws commonly applied to the movement of fluids are conservation of mass, conservation of 
momentum, and conservation of energy. All of the equations describing fluid flow are obtained by application of 
these physical laws using an assumed rheological model and an equation of state. Rheological models will be studied 
in a later section. Example equations of state are the incompressible fluid model, the slightly compressible fluid 
model, the ideal gas equation, and the real gas equation. 


5.3.1 Mass Balance. The law of conservation of mass states that the net mass rate into any volume V is equal to 
the mass rate out of the volume. 
The balance of mass for single-phase flow is given by 


m= pvVA = Constant. oo scwesiidd boa eed Peat e bee SEM ee Sie ee wb ARE HOR OLE beet eh (5.20) 


m = mass flowrate, kg/s, 
p = density, kg/m’, 
v = average velocity, m/s, 

A = area, m’, 
where steady-state flow has been assumed. The drilling engineer normally considers only steady-state condi- 
tions. Note also that for constant area, which is usually the case, the product of the density and the average 
velocity is constant. As pressure decreases, so does density, which implies that the average velocity increases. 
In other words, pressure decreases will accelerate a gas in a constant-area pipe. With the exception of air, gas, 
or foam drilling, the drilling fluid usually can be considered incompressible. In the absence of any accumula- 
tion or leakage of well fluid in the surface equipment or underground formations, the flow rate of an incom- 
pressible well fluid must be the same at all points in the well. For an incompressible fluid, Eq. 5.20 takes an 
even simpler form: 


q=vA, 


q = volume flow rate, [sy e552 ek ceaevene diane tanGd aenaran RAG nebo e RNR RREEA (5.21) 
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Knowledge of the average velocity at a given point in the well is often desired. For example, the drilling engi- 
neer frequently will compute the average upward flow velocity in the annulus to ensure that it is adequate for 
cuttings removal. 


Example 5.7 A 12-lbm/gal mud is being circulated at 400 gal/min. The 5.0-in. drillpipe has an inside diameter 
(ID) of 4.33 in., and the drill collars have an ID of 2.5 in. The bit has a diameter of 9.875 in. Calculate the av- 
erage velocity in the drillpipe, the drill collars, and the annulus opposite the drillpipe. 

Solution. Converting to SI units, 


q = 400 gal/min (6.309x10°m?/s-gal/min) = 0.0252 m*/s, 

A inside drillpipe = 7/4(4.33 in.} (0.0254m/in.)° = 0.00950 m?, 

A inside drill collar = 7/4(2.5 in.)* (0.0254m/in.)’ = 0.00317 m’, 

A outside drillpipe = 7/4[(9.875in.)’-(5.0 in.) ](.0254m/in.)* = 0.0367 m’, 


3 
v inside drillpipe = naa =2.65m/s = 8.69 ft/s, 
4 m’ 
3 
v inside drill collars = ne = 7.95 m/s = 26.1 ft/s, 
Í m“ 
3 
v drillpipe annulus = PiS = 6.87 m/s = 2.25 ft/s. 
: m 


Example 5.8 An interesting calculation is the effect of pressure on the velocity of a flowing gas. Assume that the 
gas defined in Example 5.2 is flowing at 400 gal/min in the drillpipe annulus of area = 0.00317 m?. The density at 
the surface was 0.332 lbm/gal at a pressure of 14.7 psia. The bottomhole pressure was 1,195 psia. Assume that the 
temperature at surface and bottomhole are roughly the same. 

Solution. The mass flow rate m is: 


kg-min 


m = 400 gal/min (0.332 lbm/gal)(7.560x 10° 2) = 1.00 kg/s 
Ibm -sec 


, 1.00 kg/s 
0.00317 m? (0.332 Ibm/gal)(119.8kg- gal/m’° - Ibm) 


= 7.93 m/s 


At the same temperature and same z, the densities are proportional to the pressures, so the velocity at bottom- 
hole is 
_ 14.7 psia 


= — 7.93 m/s = 0.0976 m/s. 
1195 psia 


The student can verify that the mass flow rate is the same at both locations. 


5.3.2 Momentum Balance. The balance of momentum for single-phase flow has the form 


d 
Ap+pvAv= Í pgdZ+ f fac fae thea ba iiededasd TEET ERTS sedate te (5.22) 
i, 


AZ 


(2) = pressure change due to fluid friction, Pa/m, 
ds 


As = length of flow increment, m 
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where steady flow has been assumed again. The Av term is called the fluid acceleration, and it is nonzero only for 
compressible fluids. Also note that the term pv is constant, from Eq. 5.20. The pg term is the fluid weight term, 
which has been discussed in detail in Section 5.2. The fluid friction term is often expressed using the friction 
factor concept: 


2 2 
Ap + pvav=f | pg cose + VENA a T eee eee (5.23) 
As D, 
f = Fanning friction factor, 
D, = hydraulic diameter, m, 
As = length of flow increment, m. 


We have also used Eq. 5.19 to make everything dependent on measured depth s, though it may be convenient to 
retain the TVD relationship in some calculations. The Fanning friction factor f depends on the fluid density, ve- 
locity, viscosity, fluid type, and pipe roughness. Appropriate models for f, considering a variety of different fluid 
types, will be considered in detail in the section on rheology. The sign of the friction term is counter to the flow 
direction (e.g., negative for flow in the positive direction). The hydraulic diameter D, is defined as 


AIO WIE alot eae oada cada detuan EEEE (5.24) 
Wetted Perimeter 


h 


For a pipe cross-sectional area: 


4x Vind? 
h 2u =d 
md 


>’ 


where d is the ID of the pipe. For the annulus formed by two pipes, 


4xy r|d -d 
he arcu ” ae 
a(d,+d,) 


where dis the inside diameter of the outer pipe and d, is the outside diameter (OD) of the inner pipe. Notice that 
there is no effect of pipe eccentricity, so that also has to be accounted for in the friction factor. The friction factor 
we have defined is the Fanning friction factor. The student needs to be aware that there is an alternate definition 
called the Darcy friction factor that equals four times the Fanning friction factor. Be cautious when using friction 
factor graphs, tables, or formulas to be sure that you know which friction factor is being defined. For an incom- 
pressible fluid, Eq. 5.23 takes the following simple form: 


where all the coefficients are constant. From his experience with static compressible fluids, the student should 
expect that solutions to Eq. 5.23 will be solutions to first-order nonlinear differential equations, and that analytic 
solutions will not, in general, be available. 


Example 5.9 Assume that a liquid with density 990 kg/m’ is flowing down a pipe at a 45° angle. The fluid veloc- 
ity is 10.0 m/s, and the ID is 0.10 m. The Fanning friction factor has been calculated to be 0.001. If the surface 
pressure is atmospheric, what is the gauge pressure at the bottom of a 1000-m pipe? 

Solution. The hydrostatic contribution to the bottomhole pressure is 


AP,yarosaie = 990 kg/m’ (9.81 m/s” )cos(45°)(1000m), 
= 6.87 MPa = 996 psig. 


The fluid friction contribution is negative because the flow is in the positive s direction: 
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—2(0.001)(990 kg/m* )(10.0m/s)" 
0.10m 
=— 1.98 MPa = -287 psi. 


AP icion = (1000m), 


The total pressure at bottomhole is 996 psig — 287 psig = 709 psig. 


5.3.3 Energy Balance. The law of conservation of energy states that the net energy rate out of a system is equal 
to the time rate of work done within the system. Consider the generalized flow system shown in Fig. 5.8. The work 
done by the fluid is equal to the energy per unit mass of fluid given by the fluid to a fluid engine (or equal to minus 
the work done by a pump on the fluid). Thus, the law of conservation of energy yields 


(E,- E) + (PV, -p V) -8(Z,-Z) +2 -vE WHO, coc ccccceecceceeeeeeeeecteeeeeees (5.26) 


where E is the internal energy of the fluid, W is the work done by the fluid, and Q is the heat per unit mass added 
to the fluid, with subscript 1 indicating inlet properties and subscript 2 indicating outlet properties. Simplifying 
this expression using differential notations yields 


AE- gAZ A PAGS WO ose sericea Sa eae hate aw ye eneyscttouse eaten tens (5.27) 


Eq. 5.27 is the first law of thermodynamics applied to a steady flow process. This equation is best suited for flow 
systems that involve either heat transfer or adiabatic processes involving fluids whose thermodynamic properties 
have been tabulated previously. This form of the equation seldom has been applied by drilling engineers. The 
change in internal energy of the fluid and the heat gained by the fluid usually is considered using a friction loss 
term, which can be defined in terms of Eq. 5.27 using the following expression: 


F, 


fric 


= AE +|pdV -Q. sige sete ea doen dtc gaat occa Seve nee ea een eee (5.28) 


1 


The friction loss term can be used conveniently to account for the lost work or energy wasted by the viscous forces 
within the flowing fluid. Substitution of Eq. 5.28 into Eq. 5.27 yields 


2 2 

A 
[Vdp-gaz + > =W-F... 
1 


Enthalpy in 


E,+P, V, 
Enthalpy out 
FAL = pAAL «= pV 

Energy in—Energy out=Work Done 


Fig. 5.8—Generalized flow system [from Bourgoyne et al. (1991)]. 
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Eq. 5.29 often is called the mechanical energy balance equation. This equation was in use even before heat flow 
was recognized as a form of energy transfer by Carnot and Joule and is a completely general expression contain- 
ing no limiting assumptions other than the exclusion of phase boundaries and magnetic, electrical, and chemical 
effects. The effect of heat flow in the system is included in the friction loss term F. 

The first term in Eq. 5.29, 


2 
Í Vdp, 
1 


may be difficult to evaluate if the fluid is compressible unless the exact path of compression or expansion is 
known. Fortunately, drilling engineers deal primarily with essentially incompressible fluids having a constant 
specific volume V. 

For incompressible fluids, it holds that 


Eq. 5.29 also can be expressed by 


Ap!/p — gAZ + Av’ h2= W- F. 


fric 


or 

pi +9.81p(Z, -Z,)-0.5(v} =v? )+ AP, AP; = Pa. oonan oreen (5.30) 
Expressing this equation in practical field units of lbf/in.?, lbm/gal, ft/sec, and ft gives 

pi +0.052p(Z, -Z,)—8.074x10" p(v; =v J+ Ap, —APy = Py. terere i Haa EA (5.31) 


Example 5.10 Determine the pressure at the bottom of the drillstring if the frictional pressure loss in the drill- 
string is 1,400 psi, the flow rate is 400 gal/min, the mud density is 12 Ilbm/gal, and the well depth is 10,000 ft. The 
ID of the drill collars at the bottom of the drillstring is 2.5 in., and the pressure increase developed by the pump is 
3,000 psi. 

Solution. Converting to SI units gives 


7 12 Ibm/gal 
8.3454 x 10° (Ibm/gal)/(kg/m*) 


p =1.438x10° kg/m’, 


2.5 in. 


= — = 0.0635m, 
3.937x10° in./m 


= 10,000 B= 3.04810" m, 
3.2808 ft/m 
400 gal/min 


q= - Tx = 2.5236x 10° m*/s, 
1.585 x 10° (gal/min)/(m”/s) 


Ap, = (1,400 psi) (6894.73 Pa/psi) = 9.6526 x 10° Pa, 


Ap, = (3,000 psi) (6894.73 Pa/psi) = 20.6814 10° Pa. 
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The average velocity in the drill collars is 


_ 1.274% 2.5236x107 


; = 7.973 m/s. 
(0.0635) 


Vac = V2 


The average velocity in the mud pits is essentially zero. Eq. 5.30 then gives 
(9.81) (1438) (3048) - 0.5(7.973° ) + 20.6814 x 10° — 9.6526 x 10° = p,, 


or 


p = 54.0262 x 10° Pa = 7,836 psig. 


Example 5.10 illustrates the minor effect of the kinetic energy term of Eq. 5.30 in this drilling application. In 
general, the change in kinetic energy caused by fluid acceleration can be ignored, except for the flow of drilling 
fluid through the bit nozzles. 


5.3.4 Flow Through Jet Bits. A schematic of incompressible flow through a short constriction, such as a bit 
nozzle, is shown in Fig. 5.9. In practice, it generally is assumed that (1) the change in pressure due to a change in 
elevation is negligible; (2) the velocity v, upstream of the nozzle is negligible, compared with the nozzle velocity 
v, and (3) the frictional pressure loss across the nozzle is negligible. Thus, Eq. 5.31 reduces to 


p, -8.074x 10% pv} = p,. 


Substituting the symbol Ap, for the pressure drop (p, — p,) and solving this equation for the nozzle velocity v, 
yields 


A 
v, = T A E nN i ey eet (5.32a) 
8.074x10" p 


In SI units, Eq. 5.32a is given by 
APs E EEEE E EEEE EEEE EEEa (5.32b) 


where v, has units of m/s, Ap, has units of Pa, and p has units of kg/m*. Unfortunately, the exit velocity predicted 
by Eq. 5.32 for a given pressure drop across the bit, Ap,, never is realized. The actual velocity is always smaller 
than the velocity computed using Eq. 5.32, primarily because the assumption of frictionless flow is not strictly 


Bit nozzle 


"a Hole bottom 


Fig. 5.9—Flow through a bit nozzle [from Bourgoyne et al. (1991)]. 
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true. To compensate for this difference, a correction factor or discharge coefficient C, usually is introduced so that 
the modified equation, 


pe. Ap, se -Seheided ides E idea eR a (5.33a) 
" “A 8.074x10* p 


or, in SI units, 


v, =C |2 > ce (5.33b) 


will result in the observed value for nozzle velocity. The discharge coefficient has been determined experimentally 
for bit nozzles by Eckel and Bielstein (1951). These authors indicated that the discharge coefficient may be as 
high as 0.98 but recommended a value of 0.95 as a more practical limit. 

A rock bit has more than one nozzle, usually the same number of nozzles and cones. When more than one 
nozzle is present, the pressure drop applied across all of the nozzles must be the same (Fig. 5.10). 

According to Eq. 5.33, if the pressure drop is the same for each nozzle, the velocities through all nozzles are 
equal. Therefore, if the nozzles are of different areas, the flow rate q through each nozzle must adjust so that the 
ratio q/A is the same for each nozzle. If three nozzles are present, 


poAo t, 


A, A, A, 
Note also that the total flow rate of the pump, q, is given by 
q =q, +q, +q; =Vn A, + Vn Ay + Vn A. 
Simplifying this expression yields 


q = Vn (A, +A, +A) = in A, 


Thus, the velocity of flow through each nozzle is also equal to the total flow rate divided by the total nozzle area: 


Drillstring 


Hole 


Nozzle 


Od Nod NITT NT N, FO TF 4 


Fig. 5.10—Flow through parallel nozzles [from Bourgoyne et al. (1991)]. 
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OS. ae ee ee eee ene eee en ere A eee erry (5.35a) 


Pina ad wy ton a ae ae sas EE ae aes ee eee (5.35b) 


where v, has units of m/s, q has units of m’/s, and A, has units of m?. Combining Eqs. 5.33 and 5.35 and solving 
for the pressure drop across the bit, Ap,, yields 


_ 8.311x10° pq’ 


Np en hae es eee E Haake a Pe eee ES Rhy Tea iar ee an (5.36a) 
"o OR 
In SI units, Eq. 5.36a is given by 
2 
Ap, = BI 2 a E EA Pe ng Oh Ie (5.36b) 


Because the viscous frictional effects are usually negligible for flow through short nozzles, Eqs. 5.36a and 5.36b 
are valid for both Newtonian and non-Newtonian fluids, but should be used with caution. For critical applications, 
experimentally determined discharge coefficients should be determined for a specific mud. 

Bit nozzle diameters often are expressed in 32nds of an inch. For example, if the bit nozzles are described as 
12-13-13, this denotes that the bit contains one nozzle having a diameter of '’/,, in. and two nozzles having a di- 
ameter of '*/,, in. 


Example 5.11 A 12.0-Ibm/gal drilling fluid is flowing through a bit containing three '*/,,-in. nozzles at a rate of 
400 gal/min. Calculate the pressure drop across the bit. 
Solution. In SI units, the density p, the nozzle diameter d „ and the flow rate q are given by 


g (12 Ibm/gal) 
8.3452 10° (Ibm/gal)/(kg/m’) 


p =1.438x10° kg/m’, 


13/ in. 
d= Wg = 1.032107 m, 
3.93710! in./m 


400 gal/min 


= 7 - a = 2.524x 10° ms. 
1.585 x 10° (gal/min)/(m°/s) 


The total area of the three nozzles is given by 
A = 3- (103x 107%)? =2.509x10~ m? 


or 


A, = 0.3889 in. 
Using Eq. 5.36b, the pressure drop across the bit is given by 


_ (1.438 10°) (2.524x 107)? 


i i m = 8.062 x10° Pa 
2(0.95)° (2.509 x 10~) 


or 


Ap, = 1,169 psi. 
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5.3.5 Bit Hydraulic Power. Because power is the rate of doing work, pump energy W can be converted to hy- 
draulic power P,, by multiplying W by the mass flow rate pq. Thus, 


ae a el ee er ee ee ee eee ee ee (5.37a) 


In ST units P,, is expressed in watts (W), Ap, in Pa, and q in m*/s. In field units, if the flow rate q is expressed in 
gal/min and the pump pressure Ap, is expressed in Ibf/in.’, then 


T PNE ouacestsleetuditiasisiatien ate, aendteaetineiones (5.37b) 


where P, is expressed in hydraulic horsepower. Likewise, other terms in Eq. 5.31, the pressure balance equation 
can be expressed as hydraulic horsepower by multiplying the pressure term by g/1,714. 


Example 5.12 Determine the hydraulic horsepower being developed by the pump discussed in Example 5.10. 
How much of this power is being lost due to the viscous forces in the drillstring? 
Solution. In SI units, the pump pressure Ap, and the frictional pressure loss in the drillstring are given by 


3000 psi 


z = 2,069x10" Pa, 
P» = 145x107 psi/Pa 


=, = 1400 Psi _ 6 .655x10° Pa. 


Pæ = TA5x10" psi/Pa 


The pump power being used is given by Eq. 5.37a: 


P, = (2.069x 10")(2.524 x 10) = 5.222 10° W 
or 


P,, = 700 hp. 
The power consumed due to friction in the drillstring is given by 


P, = (9.655 10°)(2.524 x 10) = 2.437 10° W 


or 


P, = 327 hp. 


5.3.6 Bit Hydraulic Impact Force. The purpose of the jet nozzles is to improve the cleaning action of the drilling 
fluid at the bottom of the hole. Before jet bits were introduced, rock chips were not removed efficiently, and much 
of the bit life was consumed regrinding the rock fragments. Further improvements in the cleaning action have 
been obtained with the introduction of a central nozzle. This avoids the bit balling phenomenon in drilling soft 
formations. 

The rheological properties of drilling fluids can affect the hole bottom cleaning, particularly in the area around 
the bit nozzles and cones. In addition, the apparent viscosity can affect the overall bit performance. An increase 
in the frictional pressure loss inside the drillstring, because of higher values of the viscosity, reflects in a de- 
crease of the hydraulic power available at the bit. Several investigators have concluded that the cleaning action 
is maximized by maximizing the total hydraulic impact force of the jetted fluid against the hole bottom. If it is 
assumed that the jet stream impacts the bottom of the hole in the manner shown in Fig. 5.9, all of the fluid mo- 
mentum is transferred to the hole bottom. 

Because the fluid is travelling at a vertical velocity v, before striking the hole bottom and is travelling at 
zero vertical velocity after striking the hole bottom, the time rate of change of momentum (in field units) is 
given by 
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p- Am) [m Abe CPO. = NOs oe oe) isp E EE O ced awe Geo (5.38a) 
z At At 32.17(60) 1930.2 
or, in SI units, 
F, = (Payvar erdot a talos heats n a hate a Re a Ea aaa a halls Oe Ses (5.38b) 


where pg is the mass rate of the fluid. Combining Eqs. 5.33a and 5.38a yields 
F, =0.01823C qf P AP? rrr crete teeter tenets (5.39a) 
where F, is given in lbf. In SI units, Eq. 5.39a is given by 


FEIC aN PAD; ee a Sto a E Hee wi eeeceend (5.39b) 


Example 5.13 Compute the impact force developed by the bit discussed in Example 5.12. 
Solution. Using Eq. 5.39b, 


F, = 1.4142 (0.95) (2.524 10) (1.438 x 10°) (8.062 x10°) =3651.1N 


or 


F, = 820.8 lbf. 


5.3.7 Jet Bit Nozzle Size Selection. The determination of the proper jet bit nozzle sizes is one of the more fre- 
quent applications of the frictional pressure-loss equations by drilling personnel. Significant increases in penetra- 
tion rate can be achieved through the proper choice of bit nozzles. In relatively competent formations, the 
penetration rate increase is believed to result from mainly improved cleaning action at the hole bottom. Wasteful 
regrinding of cuttings is prevented if the fluid circulated through the bit removes the cuttings as rapidly as they are 
made. In soft formations, the jetted fluid also may aid in the destruction of the hole bottom. 

The true optimization of jet bit hydraulics cannot be achieved yet. Before this can be done, accurate mathemat- 
ical relations must be developed that define the effect of the level of hydraulics on penetration rate, operational 
costs, bit wear, potential hole problems such as hole washout, and drilling-fluid carrying capacity. At present, 
there is still disagreement as to what hydraulic parameter should be used to indicate the level of the hydraulic 
cleaning action. The most commonly used hydraulic design parameters are bit nozzle velocity, bit hydraulic 
horsepower, and jet impact force. Current field practice involves the selection of the bit nozzle sizes that will cause 
one of these parameters to be a maximum. 

Maximum Nozzle Velocity. Before jet bits were introduced, rig pumps usually were operated at the flow rate 
corresponding to the estimated minimum annular velocity that would lift the cuttings. To some extent, this prac- 
tice continues even today. If the jet nozzles are sized so that the surface pressure at this flow rate is equal to the 
maximum allowable surface pressure, then the fluid velocity in the bit nozzles will be the maximum that can be 
achieved and still lift the cuttings. This can be proved using Eq. 5.33a, the nozzle velocity equation. As shown in 
this equation, nozzle velocity is directly proportional to the square root of the pressure drop across the bit. 


v, £ ./Ap, 


Thus, the nozzle velocity is a maximum when the pressure drop available at the bit is a maximum. The pressure 
drop available at the bit is a maximum when the pump pressure is a maximum and the frictional pressure loss 
in the drillstring and annulus is a minimum. The frictional pressure loss is a minimum when the flow rate is a 
minimum. 

Maximum Bit Hydraulic Horsepower. Speer (1958) pointed out that the effectiveness of jet bits could be 
improved by increasing the hydraulic power of the pump. Speer reasoned that penetration rate would increase 
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with hydraulic horsepower until the cuttings were removed as fast as they were generated. After this “perfect 
cleaning” level was achieved, there should be no further increase in penetration rate with hydraulic power. Shortly 
after Speer published his paper, several authors pointed out that, because of the frictional pressure loss in the 
drillstring and annulus, the hydraulic power developed at the bottom of the hole was different from the hydraulic 
power developed by the pump. They concluded that bit horsepower rather than pump horsepower was the impor- 
tant parameter. Furthermore, it was concluded that bit horsepower was not necessarily maximized by operating 
the pump at the maximum possible horsepower. The conditions for maximum bit horsepower were derived by 
Kendall and Goins (1960). 

The pump pressure is expended by frictional pressure losses in the surface equipment, Ap; frictional pressure 
losses in the drillpipe MP ip and drill collars Ap; pressure losses caused by accelerating the drilling fluid through 
the nozzle; and frictional pressure losses in the drill collar annulus Ap , and drillpipe annulus AP pa Stated math- 
ematically, 


dca 


P; Ap Ap, App Apy FAPra FAP wisest a tae bs ous bsese ad Che tyd erhniei tanisi (5.40) 


If the total frictional pressure loss to and from the bit is called the parasitic pressure loss, Ap ,, then 


Ppa Ap; +A t Apy POD POD pp etsie bieeidiesddeet ea a Eaa (5.41a) 
and 
POP Ap titties nenea bai shee dies d dante a a dedad (5.41b) 


Because each term of the parasitic pressure loss can be computed for the usual case of turbulent flow, 


5 


Ap, o gr ; 
we can represent the total parasitic pressure loss using 
Appogg USC"). sigs andi Sey needa eiue dol A E E a aa E Motu an etaet (5.42) 


where m is a constant that theoretically has a value near 1.75, and c is a constant that depends on the mud proper- 
ties and wellbore geometry. Substitution of this expression for Ap, into Eq. 5.41b and solving for Ap, yields 


Ap, = Ap, Sey 


Because the bit hydraulic horsepower P,,, is given by Eq. 5.37a, 


m+1 


_ Ap,g _^P,4-cq 
H 1714 1,714 


using calculus to determine the flow rate at which the bit horsepower is a maximum gives 


dP, 


Hb _ 


dq 1,714 


Ap, —(m+1)cq" 


Solving for the root of this equation yields 


Ap, = nt Ded" = (mE AR, cepenvuah ovis eee eee Cae akey rea a naaa eia (5.43a) 
or 
es (5.43b) 
aig SRE RR nee renee ite gaa aro Ke aE are ; 
Because (d’P,,,)/dq° is less than zero for this root, the root corresponds to a maximum. Thus, bit hydraulic horse- 


power is a maximum when the parasitic pressure loss is [I/(m + 1)j] times the pump pressure. 
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From a practical standpoint, it is not always desirable to maintain the optimum Ap, /Ap, ratio. It is usually 
convenient to select a pump liner size that will be suitable for the entire well rather than periodically reducing the 
liner size as the well depth increases to achieve the theoretical maximum. Thus, in the shallow part of the well, the 
flow rate usually is held constant at the maximum rate that can be achieved with the convenient liner size. For a 
given pump horsepower rating P, this maximum rate is given by 


TA bebe b bbb bbb bbb bbbbbbvreeeeeees (5.44) 


max 
Pmax 


where F is the overall pump efficiency, and p a is the maximum allowable pump pressure set by the contractor. 
This flow rate is used until a depth is reached at which Ap, /Ap, is at the optimum value. The flow rate then is 
decreased with subsequent increases in depth to maintain Ap, /Ap, at the optimum value. However, the flow rate 
never is reduced below the minimum flow rate to lift the cuttings. 

Maximum Jet Impact Force. Some rig operators prefer to select bit nozzle sizes so that the jet impact force is 
a maximum rather than the bit hydraulic horsepower. McLean (1965) concluded from experimental work that the 
velocity of the flow across the bottom of the hole was a maximum for the maximum impact force. Eckel (1951), 
working with small bits in the laboratory, found that the penetration rate could be correlated to a bit Reynolds 
number group so that 


= a8 
dD | 2d, l 
dt Ha 


dD _ penetration rate, 

dt 

p = fluid density, 

v, = nozzle velocity, 

d = nozzle diameter, 

}, = apparent viscosity of the fluid at a shear rate of 10,000 seconds", and 
a8 = constant. 

It can be shown that when nozzle sizes are selected so that jet impact force is a maximum, the Reynolds number 
group defined by Eckel is also a maximum. (The proof of this is left as a student exercise.) The derivation of the 
proper conditions for maximum jet impact was published first by Kendall and Goins (1960). 

The jet impact force is given by Eq. 5.39a. 


F, = 0.01823C,q,/pAp, 


= 0.01823C,q,/p(Ap, Ap, ). 


Because the parasitic pressure loss is given by Eq. 5.42, 


F, = 0.01823, [pAp,q° —(m+2)pcq”™", 


using calculus to determine the flow rate at which the bit impact force is a maximum gives 


dF, {0.009115C,[2pAp,q-(m+2)pcq"™" } 


dq JPAP, P —(m+2)pcq"" 


Solving for the root of this equation yields 


m+1 


2pAp,-(m+2)pcq 


= 0, 
pq|2Ap, -(m+2)Ap, |=0, 


or 
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because (d’F7j)/dq’ is less than zero for this root, the root corresponds to a maximum. Thus, the jet impact force is 
a maximum when the parasitic pressure loss is [2/(w + 2)] times the pump pressure. 


5.4 Rheological Models of Drilling Fluids 

The frictional pressure loss term in the pressure balance equation given as Eq. 5.23 is the most difficult to eval- 
uate. However, this term can be quite important because extremely large viscoelastic forces must be overcome 
to move drilling fluid through the long, slender conduits used in the drilling process. Generally, the elastic 
properties of drilling fluids and cement slurries and their effects during the flow in the hydraulic circuit of a 
drilling well are negligible. It is common practice in the computation of the frictional losses to consider only 
the effects of the viscous forces. However, with the new generations of drilling fluids, with polymers intro- 
duced on a regular basis, tests should be conducted to verify the elastic recovery from deformation that occurs 
during flow. 

A mathematical description of the viscous forces present in a fluid is required for the development of friction- 
loss equations. The rheological models generally used by drilling engineers to approximate fluid behavior are the 
Newtonian model, the Bingham plastic model, the power-law or Ostwald-de Waele model, and the Herschel- 
Bulkley model. 


5.4.1 Overview of Rheological Models. The viscous forces present in a fluid are characterized by the fluid vis- 
cosity. To understand the nature of viscosity, consider a fluid contained between two large parallel plates of area 
A, which are separated by a small distance L (Fig. 5.11). 

The upper plate, which is initially at rest, is set in motion in the x direction at a constant velocity v. After suffi- 
cient time has passed for steady motion to be achieved, a constant force F is required to keep the upper plate 
moving at a constant velocity. The magnitude of the force F was found experimentally to be given by 


Fay, 

A E L 

The term F/A is called the shear stress exerted on the fluid. The constant of proportionality u is called the appar- 
ent viscosity of the fluid. Thus, shear stress is defined by 


Note that the area of the plate, A, is the area in contact with the fluid. The velocity gradient v/L is an expression of 
the shear rate: 


i dy v 
P HN Ue oS a tS E E E E E in eee Me ed be a Sa eA E AR Oe E (5.46) 
dL L 
ar F 
L Fluid initially Upper plate set 
| at rest in motion 
t<0 t=O 
v v 
F F 
Velocity buildup Final velocity distribution 
in unsteady flow in steady flow 
Small t Large t 


Fig. 5.11—Laminar flow of Newtonian fluids [from Bourgoyne et al. (1991)]. 
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The apparent viscosity is defined as the ratio of the shear stress to the shear rate and depends on the shear rate at 
which the measurement is made and the prior shear-rate history of the fluid. The viscous forces present in a simple 
Newtonian fluid are characterized by a constant fluid viscosity. However, most drilling fluids are too complex to 
be characterized by a single value for viscosity. Fluids that do not exhibit a direct proportionality between shear 
stress and shear rate are classified as non-Newtonian. Non-Newtonian fluids that are shear-dependent are pseudo- 
plastic or yield-pseudoplastic if the apparent viscosity decreases with increasing shear rate (Fig. 5.12a) and are 
dilatant if the apparent viscosity increases with increasing shear rate (Fig. 5.12b). Many drilling fluids and cement 
slurries are generally pseudoplastic in nature. 

The Bingham plastic and the power-law rheological models were used in the past to approximate the pseudo- 
plastic behavior of drilling fluids and cement slurries. The Bingham model was fairly simple, but the power-law 
model could handle the behavior of pseudoplastic drilling fluids and cement slurries better than the Bingham 
plastic model, particularly at low shear rates. 

However, a typical behavior of the majority of the drilling fluids and of the cement slurries used today includes 
a yield stress. The behavior of these fluids, called yield-pseudoplastic, is characterized by a trend similar to that 
of pseudoplastic fluids and by the presence of a finite shear stress at zero shear rate, which is referred to as the 


Shear Stress, t 


Shear Rate, 7 


Shear Stress, t 


Shear Rate, y 


(b) 


Fig. 5.12—Shear stress vs. shear rate for yield-pseudoplastic and dilatant fluids: (a) yield-pseudoplastic behavior, 
Hap < Ha: and (b) dilatant behavior, 4, > u, [from Bourgoyne et al. (1991)]. 
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Shear stress, t 
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Time, t Time, t 
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Fig. 5.13—Shear stress vs. time for thixotropic and rheopectic fluids: (a) thixotropic behavior and (b) rheopectic 
behavior [from Bourgoyne et al. (1991)]. 


yield stress. One of the rheological models that fits better this kind of behavior, both at low and high shear rates, 
is the Herschel-Bulkley model. 

Non-Newtonian fluids that are dependent on shear time (Fig. 5.13) are thixotropic if the apparent viscosity de- 
creases with time after the shear rate is increased to a new constant value and are rheopectic if the apparent vis- 
cosity increases with time after the shear rate is increased to a new constant value. Drilling fluids and cement 
slurries are generally thixotropic. 

At present, the thixotropic behavior of drilling fluids and cement slurries is not modelled mathematically. How- 
ever, drilling fluids and cement slurries generally are stirred before measuring the apparent viscosities at various 
shear rates so that steady-state conditions are obtained. Not accounting for thixotropy is satisfactory for most 
cases, but significant errors can result when a large number of direction changes and diameter changes are present 


in the hydraulic circuit of the well. 


5.4.2 Newtonian Fluid Model. The Newtonian model states that the shear stress t is directly proportional to the 
shear rate ý as follows: 


where u, the constant of proportionality, is known as the apparent viscosity or simply the viscosity of the fluid 
(Fig. 5.14). In terms of the moving plates (Fig. 5.11), this means that if the force F is doubled, the plate velocity 
v also will double. Examples of Newtonian fluids are water, gases, high-gravity oils, and brines. 

Viscosity is expressed in poise (P). A poise corresponds to 1 dyne-s/em? or 1 g/cm-s. In the drilling industry, 
viscosity generally is expressed in centipoise (cp), where | cp = 0.01 poise. In SI units, viscosity is expressed in 
decapoise (daP), or pascal-seconds (Pa-s), which corresponds to 10 poise. Sometimes, viscosity is expressed in 
units of lbf-sec/ft?. The units of viscosity can be related (at sea level) by 


Ibf -sec (453.6 g)(980.7 cm/s? )/Ibf 
1 x 


5 > = 478.83 dyne-s/cm’, 
ft (30.48 cm/ft) 


= 47.883 Pa-s = 47,883 cp. 


Example 5.14 An upper plate of 20-cm? area is spaced 1 cm above a stationary plate. Compute the viscosity in cp 
of a fluid between the plates if a force of 100 dyne is required to move the upper plate at a constant velocity of 10 


cm/s. 
Solution. In SI units, the area A, the distance L, the force F and the velocity v are as follows: 


(20 cm’) 


=2x10° m’, 
(10* cm*/m”) 
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_ dem) _ 492m 
(10° cm/m) 
(100 dyne) _ 10° N, 


~ (10° dyne/N) 


v= mee = 10°! m/s. 
(10° cm/m) 


The shear stress t is given by 


10° N 


t =——— = 5x10" Pa. 
2x10° m? 


The shear rate / is given by 


zj 
._ 10 ae -10 s! 
10° m 


Using Eq. 5.47, 


zt 5x10" Pa 


ioe = 5x10” Pa-s, 
ý s 


or 


u= 50 cp. 


The linear relation between shear stress and shear rate described by Eq. 5.47 is valid only as long as the fluid 
moves in layers, or lamina. A fluid that flows in this manner is said to be in laminar flow. This is true only at rel- 
atively low shear rate, and the pressure-velocity relationship is a function of the viscous properties of the fluid. At 
high shear rates, the flow pattern changes from laminar flow to turbulent flow, in which the fluid particles move 


Shear Stress, t 


Shear Rate, y 


Fig. 5.14—Shear stress vs. shear rate for a Newtonian fluid [from Bourgoyne et al. (1991)]. 
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Shear Stress, t 


Shear Rate, ý 


Fig. 5.15—Shear stress vs. shear rate for a Bingham plastic fluid. 


downstream in a tumbling, chaotic motion so that vortices and eddies are formed in the fluid. Dye injected into 
the flow stream thus would be dispersed quickly throughout the entire cross section of the fluid. The turbulent flow 
of fluids has not been described mathematically. Thus, when turbulent flow occurs, frictional pressure drops must 
be determined by empirical correlations. 


5.4.3 Bingham Plastic Fluids. The Bingham plastic model (Bingham 1922) is defined by 


TaT Ey WHET ST ce pexe sei ebes uw diiniita eee eee a a e CHa Eee e i (5.48) 


A graphical representation of this behavior is shown in Fig. 5.15. 

A Bingham plastic fluid will not flow until the applied shear stress t exceeds a certain minimum value t, known 
as the yield stress. After the yield stress has been exceeded, changes in shear stress are proportional to changes in 
shear rate, and the constant of proportionality is called the plastic viscosity, Hy Eq. 5.48 is valid only for laminar 
flow. Note that the units of plastic viscosity are the same as the units of Newtonian or apparent viscosity. To be 
consistent, the units of the yield stress t must be the same as the units for shear stress t. Thus, the yield stress has 
consistent units of dyne/cm’. In SI units, the yield stress is expressed in N/m? or Pa. However, yield stress usually 
is expressed in field units of Ibf/100 ft’. The units can be related (at sea level) by 


LIbf_ (453.6 g)(980.7 cm/s" bf 


5 - = 4.788 dyne/cm?, 
100 ft 100 (30.48 cm/ft) 


= 0.4788 Pa. 


Example 5.15 An upper plate of 20-cm? area is spaced | cm above a stationary plate. Compute the yield stress 

and plastic viscosity of a fluid between the plates if a force of 200 dyne is required to cause any movement of the 

upper plate and a force of 400 dyne is required to move the upper plate at a constant velocity of 10 cm/s. 
Solution. In SI units, the area A, the distance L, the forces F i and Es and the velocity v are as follows: 
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= ee dme = 9x10 'N, 
10° dyne/N 
= eae dyne_ _ 4x107 N, 
10° dyne/N 
p ig cals, 
10° cm/m 


The yield stress t is given by Eq. 5.48 with ¥ =0: 


2x10° N 
T, =T= x% = = 1Pa. 
: 2x10~ m 


In field units, 


T =T= = = 2.09 Ibf/100 ft’. 
i 0.479 
The plastic viscosity 1, is given by Eq. 5.48, with ý given by 
. 10° 
= ae eS 10 s™'. 
10° m 


Thus, H, is given by 


Hp == 01 N-s/m? =0.1 Pa-s, 
or 
4, = 100 cp. 
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5.4.4 Power-Law Fluids. The power-law model (Ostwald 1925) is defined by 


A graphical representation of the model is shown in Fig. 5.16. 


Shear Stress, t 


Shear Rate, ý 


Fig. 5.16—Shear stress vs. shear rate for a pseudoplastic power-law fluid. 
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Like the Bingham plastic model, the power-law model requires two parameters for fluid characterization. How- 
ever, the power-law model can be used to represent a pseudoplastic fluid (n < 1), a Newtonian fluid (n = 1), or a 
dilatant fluid (n > 1). Eq. 5.49 is valid only for laminar flow. 

The parameter K usually is called the consistency index of the fluid, and the parameter n usually is called either 
the power-law exponent or the flow behavior index. The deviation of the dimensionless flow behavior index from 
unity characterizes the degree to which the fluid behavior is non-Newtonian. The units of the consistency index K 
depend on the value of n. K has units of dyne-s"/cm? or g/cm-s*”. In SI units, the consistency index is expressed 
in N-s"/m? or Pa-s”. In this text, a unit called the equivalent centipoise (eq cp) will be used to represent 0.01 
dyne-s"/cm’. Occasionally, the consistency index is expressed in units of Ibf-sec"/ft”. The units of the consistency 
index can be related (at sea level) by 


į Jbf-sec" (453.6 g)(980.7 cm/s” yilbf 
ft? (30.48 cm/ft)? 


= 478.83 dyne - s”/cm°> 


= 47.883 Pa-s" = 47,883 eq cp. 


Example 5.16 An upper plate of 20 cm? is spaced 1 cm above a stationary plate. Compute the consistency index 
and flow behavior index if a force of 50 dyne is required to move the upper plate at a constant velocity of 4 cm/s 
and a force of 100 dyne is required to move the upper plate at a constant velocity of 10 cm/s. 

Solution. In SI units, the area A, the distance L, the forces F i and F j and the velocities v and v, are as follows: 


2 
A=— SR 22107 m? 
10° cm*/m 
a = 10? m, 
10° cm/m 
pee 5x10 N, 
10° dyne/N 
F= LO come =10° N, 
10° dyne/N 
vy =S 4x10? mis, 
10° cm/m 
, a ae 10” m/s. 
“10° cm/m 


Application of Eq. 5.49 at the two rates of shear observed yields the following system of two equations: 


5x10* f 4x107 \ 
2x10” 10° 


-3 = i 
10° g 10 l 
2x107” 10” 


Dividing the second equation by the first gives 


10° f wo y 
5x10“ 4x10? J` 
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Taking the log of both sides and solving for n yields 


10° 
log eae 
5x10 _ log(2) 


i joel 10" log(5/2) 
ae 
8| 4x107 


= 0.756. 


Substituting this value of n in the first equation of the above system yields 


-1 0.756 0.756 
se ees i a a 
2x(4)" m cm 


or 


K = 87.65 eq cp. 


5.4.5 Herschel-Bulkley Fluids. The Herschel-Bulkley model (Herschel and Bulkley 1926) is defined by 
T=T, +Ky", where T > Tye tne ee eee ee nee teen eee ene e ene e es 


A graphical representation of the model is shown in Fig. 5.17. The model combines the characteristics of the 
Bingham and power-law models and requires three parameters for fluid characterization. The Herschel-Bulkley 
model can be used to represent a yield-pseudoplastic fluid (n < 1), a dilatant fluid (n > 1), a pseudoplastic fluid 
(t, = 0, n< 1), a plastic fluid (n = 1), or a Newtonian fluid (t, = 0, n = 1). Eq. 5.50 is valid only for laminar flow. 

‘Like the Bingham plastic model, a fluid represented by this model will not flow until the applied shear 
stress T exceeds a minimum value T, which is called the yield stress. The fluid behaves like a solid until the 
applied force is high enough to exceed the yield stress. Thus, the yield stress has consistent units of dyne/ 
cm’. In SI units, the yield stress is expressed in N/m? or Pa. However, yield stress usually is expressed in 
field units of Ibf/100 ft’. The parameter K is called the consistency index of the fluid, and the parameter n 
usually is called the flow behavior index. The deviation from unity of the dimensionless flow behavior in- 
dex characterizes the degree to which the behavior of the fluid is non-Newtonian. Like the power-law 
model, the units of the parameter K depend on the value of n. K has units of dyne-s"/cm? or g/cm-s*". In SI 


Shear Stress, t 


Shear Rate, 7 


Fig. 5.17—-Shear stress vs. shear rate for a yield-pseudoplastic Herschel-Bulkley fluid. 
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units, the consistency index is expressed in N-s"/m* or Pa-s”. In this text, a unit called the equivalent centi- 
poise (eq cp) will be used to represent 0.01 dyne-s"/cm?. Occasionally, the consistency index is expressed in 
units of lbf-sec’/ft*. 


Example 5.17 An upper plate of 20 cm? is spaced 1 cm above a stationary plate. Compute the three rheological 
parameters of the Herschel-Bulkley model if a force of 60 dyne is required to move the upper plate at a constant 
velocity of 5 cm/s, a force of 130 dyne is required to move the upper plate at a constant velocity of 12 cm/s, and 
a force of 250 dyne is required to move the upper plate at a constant velocity of 25 cm/s. 


Solution. In SI units, the area A, the distance L; the forces F fy aoe and F 3 and the velocities V Vos and v, are as follows: 


A= =2x10”° m? 
10* cm?/m? 
= =10° m 
10° cm/m , 
= ane 607 Ni, 
10° dyne/N 
F, so U 1.3x10° N, 
10° dyne/N 
pe O 2952107 N, 
~ 10 dyne/N 
y= ems = 5x10 mis, 
10° cm/m 
v= an =1.2x10" m/s, 
10° cm/m 
E se th. 
~ 10° cm/m 


Application of Eq. 5.50 at the three rates of shear observed yields the following system of three equations: 


6x10~ 5x10? \ 
ge ps 
2x10 10 


7 10° 


13x10° g 1.2x107 \ 
2x10 y 


25x10" 25x10" \" 
m iK l 
2210"? 10° 
Solving the equations system yields 
t = 0.007 Pa = 0.0146 Ibf per 100 ft? 


0.898 


N- 
K =0.06903 —~— = 0.6903 
m cm 


0.898 
yne : = 69.03 eq cp 


n= 0.898 


Drilling Hydraulics 215 


Generally, the rheological parameters that characterize a model are determined by using analytical equations 
based on a data set of measurements from the rotational viscometer, as reported by the API 13 standards. How- 
ever, to improve the accuracy of the calculation on the rheological parameters, statistical regression methods are 
used. They are applied to the complete set (1,7) of measurements performed on a sample of the fluid in the rota- 
tional viscometer. Outcomes are a higher accuracy in determining the rheological parameters that characterize the 
behavior of the tested fluid, and as a consequence a better evaluation of flow parameters such as velocity profile, 
flow regime, and pressure drop. 

Merlo et al. (1995) presented a hydraulic computation model based on the Herschel-Bulkley rheological fluid 
model. They treated the annulus as a slot and considered also the temperature and pressure influence on drilling 
hydraulics. Field test circulation results were obtained for 17.5- and 12.25-in. openhole sections at various depths 
while measuring the rheology of mud. Predictions were made by computing pressure drop using one of the three 
theological models [i.e., Bingham plastic—American Petroleum Institute (API) 13 (600 and 300 rev/min read- 
ings), power-law—API 13 (600 and 300 rev/min readings), and Herschel-Bulkley based on regression of all six 
rheological data points]. Their results, presented in tabular form, are represented here graphically. 

The authors state that the Herschel-Bulkley rheological model, with parameters derived through regression 
analysis, gave the best fit to their rheological data and to the pressure-drop data. The errors in predicting the pres- 
sure drop and comparing to measurements using the Herschel-Bulkley model were smaller than the errors when 
using the two-speed models for Bingham plastic and power-law fluids, although the differences, seen in Fig. 5.18, 
were not that great. 


5.4.6 Other Rheological Models. The behavior of drilling fluids and cement slurries also can be simulated by 
other rheological models. The most used in the practice are the Casson model, for plastic fluids, and the Robert- 
son-Stiff model, for yield-pseudoplastic fluids. 

Casson Fluids. The Casson model (Casson 1959) is often used to simulate drilling fluids and cement slurries 
with plastic behavior, with a higher accuracy than the Bingham plastic model. The model is defined by 


VENEN | OEE SSS OOOOOOOSOSSOOSS (5.51) 


Eq. 5.51 is valid only for laminar flow. Generally, the model is plotted with coordinates Wr wy ) instead of (t, 7) 
to still maintain the linear trend. A graphical representation is shown in Fig. 5.19. 

Like the Bingham plastic model, the Casson model requires two parameters for fluid characterization. A fluid 
represented by this model requires a finite shear stress, t, below which it will not flow. Above this finite shear 
stress, referred to as the yield stress, changes in shear stress are proportional to changes in shear rate, and the 
constant of proportionality is called the plastic viscosity, 4, Note that the units of plastic viscosity are the same 
as the units of Newtonian or apparent viscosity. The yield stress has units of dyne/cm’. In SI units, the yield stress 
is expressed in N/m? or Pa. However, yield stress usually is expressed in field units of Ibf/100 ft’. 
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Fig. 5.18—Comparison of Merlo et al. (1995) pressure-drop predictions with their field data. 
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Fig. 5.19—Shear stress vs. shear rate for a Casson fluid. 


Example 5.18 An upper plate of 20-cm?° area is spaced 1 cm above a stationary plate. Compute the yield stress and 
plastic viscosity of a fluid between the plates, as seen for Example 5.15, if a force of 200 dyne is required to cause any 
movement of the upper plate and a force of 400 dyne is required to move the upper plate at a constant velocity of 10 cm/s. 
Solution. In SI units, the area A, the distance L, the forces F i and F 5 and the velocity v are the same as in 
Example 5.15. The yield stress t is given by Eq. 5.51 with y = 0: 
2x10° N 


T, =T= z =1Pa. 
i 2x10” m 


In field units, 


T, =T s-ta lbf /100 ft’. 
: 0.479 


The plastic viscosity H, is given by Eq. 5.51, with ý given by 


aoi 107 m/s 


ape =10<". 
m 


Thus, H, is given by 


(Fi) 
= < = 0.0171 N-s/m? = 0.0171 Pa -s, 
or 


4, = 17.1 cp. 


It can be seen that the yield stress calculated by the Casson model is less than that observed with the Bingham 
plastic model. The plastic viscosity changes according to the model, and here it decreases substantially compared 
to that calculated by Bingham model. 


Robertson-Stiff Fluids. The Robertson-Stiff model (Robertson and Stiff 1976) adequately describes the 
behavior of yield-pseudoplastic fluids, even though slightly less accurately than the Herschel-Bulkley model. The 


model is defined by 


A O as ca deeee sh tat E cr oo aesoaec wh ie Hc Ges x eae A (5.52) 
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Graphical representation of the model is similar to that for the Herschel-Bulkley model. Eq. 5.52 can de- 
scribe the behavior of yield-pseudoplastic fluids, pseudoplastic fluids (C = 0), and Newtonian fluids (B = 1, 
C = 0). Eq. 5.52 is valid only for laminar flow. Fluids represented by the Robertson-Stiff model exhibit a 
yield stress once the flow is initiated. The yield stress is given by AC”. A, B, and C are constants of the 
model. The units of the constant A depend on the value of the constant B. A has units of dyne-s?/cm? or 
g/cm-s**. In SI units, the constant A is expressed in N-s’/m? or Pa-s?. The constant B is dimensionless, and 
the units of the constant C are s~. In this text, a unit called the equivalent centipoise (eq cp) will be used to 
represent 0.01 dyne-s?/cm’. 


Example 5.19 An upper plate of 20 cm? is spaced 1 cm above a stationary plate. Compute the three rheological 
parameters of the Robertson-Stiff model and the yield stress if a force of 60 dyne is required to move the upper 
plate at a constant velocity of 5 cm/s, a force of 130 dyne is required to move the upper plate at a constant veloc- 
ity of 12 cm/s, and a force of 250 dyne is required to move the upper plate at a constant velocity of 25 cm/s. 

Solution. In SI units, the area A, the distance L, the forces F eles and F a and the velocities Vir Vos and v, are the 
same as Example 5.17. Application of Eq. 5.52 at the three rates of shear observed yields the following system of 
three equations: 


-4 -2 B 
6x10" | x 5x10 4C 
2x10" 10° 


23 -1 B 
1.3x10 =A 1.2x10 acl. 
2x10° 


4 -1 7 
a’ -A 2.5x10 4C 
2x107 


Solving the equations system yields 


0.898 


: 0.898 

A= 0.06930 s = 0,6930 D  ~ 69,30 eq op 
m cm 

B=0.897 

C=0.12 s” 


Thus, T, is given by 

T,= AC” = 0.06930 x 0.12°3% = 0.0103 Pa, 
or 

T, = 0.0215 Ibf/100 ft. 


The values of parameters A and B are comparable with the consistency index and the flow behavior index of the 
Herschel-Bulkley model, respectively. The yield stress 7, determined with the Robertson-Stiff model is slightly 
higher (+32.0%), but still comparable. l 


Advanced Models. In addition to the models previously reported, there are many other empirical mathematical 
descriptions that can describe with high accuracy the behavior of the viscous forces of drilling fluids and cement 
slurries. 

Very often the models have been developed to predict the properties of fluids not properly related to drilling 
operations, such as polymer solutions, suspensions, and blood. However, they also can be applied successfully 
to the flow of drilling fluids and cement slurries. They can be classified according to the number of constant 
parameters that the mathematical description contains. Generally, the higher the number of parameters that 
characterize the model, the better the approximation of the model to the fluid behavior, but the complexity of the 
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flow equations becomes higher. Generally, the rheological parameters of these models are determined by non- 
linear regression techniques, and in very few cases analytical solutions can be available. The equations are valid 
only for laminar flow. 

Three-Parameter Models. These models require three constant parameters for fluid characterization. The 
Graves-Collins model (Graves and Collins 1978) is defined by 


P= GAA Aedncdhah awndvachea dads bins toils ahtascdueseduaeeemae idee (5.53) 


The constant parameters of the model are t,, 41, and p. The model can approximate with good accuracy pseudo- 
plastic fluids at low shear rates and plastic fluids at high shear rates. 
The Gucuyener model (Gucuyener 1983) is defined by 


Tr 


1 
rn =r any 


1 
y 


EEEE EEEE EEEE EEEE EEEL pede ascents (5.54) 


The constant parameters of the model are Ty n, and m. The model predicts the behavior of yield-pseudoplastic 
fluids. In addition, it can be used to represent pseudoplastic fluids (t, = 0), plastic fluids (m = 2), and Newtonian 
fluids (T, =0,m=2). 

The Sisko model (Sisko 1958) is defined by 


The constant parameters of the model are a, b, and c. The model can describe the behavior of pseudoplastic fluids 
(a = 0), and Newtonian fluids (b = 0). 

Four-Parameter Models. These models require four constant parameters for fluid characterization. The Shul- 
man model (Shulman 1968) is defined by 


r% = r +(7 p). 


The constant parameters of the model are T, 7, n, and m. The model approximates with high accuracy the proper- 
ties of yield-pseudoplastic fluids (n = 1), pseudoplastic fluids (7, = 0, n = 1), plastic fluids (n = m = 1 for Bingham 
plastic fluids, and n = m = 2 for Casson fluids), and Newtonian fluids (7, = 0, n= m= 1). 

The Zhu model (Zhu et al. 2005) is defined by 


roae ee. E E EE S (5.57) 


The constant parameters of the model are t, n, m, and t. The model can approximate with high accuracy the 
behavior of yield-pseudoplastic fluids. 

Five-Parameter Models. These models require five constant parameters for fluid characterization. The Maglione 
model (Maglione and Romagnoli 1999a) is defined by 


The five constant parameters of the model are a, b, c, n, and m. The parameter a is the yield stress, parameters b 
and c are related to the fluid viscosity, and n and m are related to the flow behavior index of the fluid. The model 
approximates with high accuracy the properties of yield-pseudoplastic fluids (c = 0, n = 1), pseudoplastic fluids (a 
=c=0,n= 1), plastic fluids (c = 0 and n = m = 1 for Bingham plastic fluids, c = 0 and n = m = 2 for Casson fluids), 
and Newtonian fluids (a=c=0,n=m=1). 


5.5 Laminar Flow in Pipes and Annuli 

The drilling engineer deals primarily with the flow of drilling fluids and cements down the circular bore of the 
drillstring and up the circular annular space between the drillstring and the casing or open hole. If the pump rate 
is low enough for the flow to be laminar, the Newtonian, Bingham plastic, or power-law model can be employed 
to develop the mathematical relation between flow rate and frictional pressure drop. In this development, these 
simplifying assumptions are made: 
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The drillstring is placed concentrically in the casing or open hole. 
The drillstring is not being rotated. 

Sections of open hole are circular in shape and of known diameter. 
The drilling fluid is incompressible. 

The flow is isothermal. 

The flow is 1D. 


In reality, none of these assumptions are completely valid, and the resulting system of equations will not de- 
scribe perfectly the laminar flow of drilling fluids in the well. In addition, the student should keep in mind that the 
Newtonian, Bingham plastic, and power-law fluid rheological models do not take into account the thixotropic 
nature of drilling mud and only approximate the actual laminar-flow fluid behavior. Significant research has been 
conducted on the effect of pipe eccentricity (Luo and Peden 1990; Haciislamoglou and Laglinais 1990; Nouri and 
Whitelaw 1997; Uner et al. 1989), pipe rotation (Nouri and Whitelaw 1997; Escudier et al. 2000, 2002), and tem- 
perature and pressure variations (Annis 1967; Butts 1972; Merlo et al. 1995) on flowing pressure gradients. State- 
of-the-art simulators have been developed by many companies that allow numerical computation of velocity 
profiles and estimation of pressure losses, taking into account the many factors influencing flow of fluids in pipes 
and annuli (Peng et al. 2003), while with the advent of pressure-while-drilling (PWD) tools, fine tuning of the 
sophisticated simulators can be done on site (Charlez et al. 1998). 


5.5.1. Shear Stress in Laminar Flow. Fluid flowing in a pipe or a concentric annulus does not have a uniform 
velocity. If the flow pattern is laminar, the fluid velocity immediately adjacent to the pipe walls will be zero, and 
the fluid velocity in the region most distant from the pipe walls will be a maximum. Typical flow velocity profiles 
for a laminar flow pattern are shown in Fig. 5.20. 

Cylindrical Pipe Flow. As shown in this figure, concentric rings of fluid lamina are telescoping down the con- 
duit at different velocities. Pipe flow differs from annular flow because annular flow has a zero velocity boundary 
condition at the inner pipe radius, r,, while pipe flow has zero velocity specified only at the outer radius r,. 

A relation between radius z, shear stress 1, and frictional pressure gradient dp } /ds can be obtained from a con- 
sideration of Newton’s law of motion for a shell of fluid with radius r. Before proceeding, a presentation of the 
formulation for the shear stress sign convention becomes necessary to develop the appropriate mathematical equa- 
tions properly. For flow in pipes, only one wall is present and the velocity gradient is positive everywhere (Fig. 
5.20a). For flow in an annulus (or a slot), two walls are present, the inner-cylinder wall and the outer-cylinder wall. 
Close to the inner cylinder, the velocity gradient is positive (dv/dr), while close to the outer wall, the velocity 
gradient is negative (dv/dr < 0) (Fig. 5.20b). This fact may create confusion about the proper sign to be used for 
the developed shear stresses in the two areas of the flow section, and the following analysis and the approach in 
the rest of the chapter attempt to provide a consistent method to be used. 

For a fluid in motion and in contact with a solid surface (Fig. 5.21), we always define 


Fig. 5.20—Velocity profiles for laminar flow: (a) pipe flow and (b) annular flow [from Bourgoyne et al. (1991)]. 
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Fig. 5.21—Velocity profile for fluid flowing over a solid surface. 


with y the distance from the wall. The direction of the shear stress is defined, by convention, as positive when the 
outward normal to the surface and the shear stress both act in the same direction. For example, the shear stresses 
shown in Fig. 5.22 are all positive. 

We now examine shear stress distribution in cylindrical coordinates. Shown in Fig. 5.23 is a free-body diagram 
of a shell of fluid of length As and of thickness Ar. The shear stresses are drawn as per the sign convention defined 
above. Thus, the shear stresses at r and at r + Ar are both positive. 

The force F, applied by the fluid pressure at Point 1 is given by 


F =p, (2zr) Ar. 


Likewise, the force F, applied by the fluid pressure at Point 2 is given by 


d 
F, = p,(2arAr) = f» -fP as (aaran). 


The negative sign for the dp /ds term is required because the frictional pressure change is negative. The frictional 
force exerted at point r is given by 


F, = r2ar|, As. 
Similarly, the frictional force exerted at point r + Ar is given by 


As. 


r+Ar 


F, =7t2ar 


If the fluid element is moving at a constant velocity, the sum of the forces acting on the elements must equal zero. 
Summing forces, we obtain 


F -F,-F,+F,=0, 
or 


d 
Qarar- Qarar) p -Bias ]-r2ar], Ast Par, A= 
S 


Expanding this equation, dividing through by (27zrArAs), and taking the limit as Ar > 0 yields 


d 
A NM E re doaps sti slossetne sdercs ones dk dee toe dca tee octet ectesett gsc (5.60) 
ds r dr 


Because dp ds is not a function of z, Eq. 5.60 can be integrated with respect to r. Separating variables and inte- 
grating yields 
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Fig. 5.23—Flow in a cylindrical annulus. 


where C, is the constant of integration. Eq. 5.61, which relates shear stress and frictional pressure gradient at a 

given radius, is a consequence of the geometry of the system and does not require any assumption about a fluid 

theological model. For pipe flow, the constant C, must be zero if the shear stress is not to be infinite at r = 0. 
The shear rate 7 for the sign convention used is given by 


The shear rate can be related to shear stress using the defining equation for the Newtonian, Bingham plastic, 
power-law, Herschel-Bulkley, or any other fluid model. 

Representing the Annulus as a Slot. Annular flow also can be approximated using equations developed for 
flow through rectangular slots. The slot flow equations are much simpler to use and are reasonably accurate as 
long as the ratio rir, > 0.3, where r is the outside radius of the pipe and r, is the wellbore radius. This minimum 
ratio almost always is exceeded in rotary drilling applications. As shown in Fig. 5.24, an annular space can be 
represented as a narrow slot having an area A, width w, and height h, given by 


AWRETT AT E E eh nips sentesiiy (5.63a) 
and 
a Fe seein ess ce wh ea ree rie tenes nes de ee (5.63b) 


The relation between shear stress and frictional pressure gradient for a slot can be obtained from a consid- 
eration of the pressure and viscous forces acting on an element of fluid in the slot (Fig. 5.25). 
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Fig. 5.24—Representing the annulus as a slot [from Bourgoyne et al. (1991)]. 


Fig. 5.25—Free-body diagram for fluid element in a narrow slot [from Bourgoyne et al. (1991)]. 


If we consider an element of fluid having width w and thickness Ay, the forces on the fluid element are drawn 
as per the sign convention for the shear stresses mentioned above. The force F, applied by the fluid pressure at 
Point 1 is given by 

F, = p,wAy. 
Likewise, the force F, applied by the fluid pressure at Point 2 is given by 
F, = p,wdy. 
The frictional force exerted by the adjacent layer of fluid below the fluid element of interest is given by 


F =7| wAs. 


Similarly, the frictional force exerted by the adjacent layer of fluid above the fluid element of interest is given by 


If the flow is steady, the sum of the forces acting on the fluid element must be equal to zero. Summing forces, we 
obtain 


Fi-F,-F,+F,=0, 
or 
p,wAy — p,wAy—t|, wAs+t wAs = 0. 


y+Ay 


Expanding this equation, dividing through by wAsAy, and letting Ay > 0 yields 
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dp, dr 
—_4+— = 
ds dy 


Oe ates Mesa a E EEE Ba! a Moblin kab Gado o I E alia RE E i ae planes (5.64) 


Because dp,/ ds is not a function of y, Eq. 5.64 can be integrated with respect to y. Separating variables and inte- 
grating gives 


where T, is the constant of integration that corresponds to the shear stress at y = 0. 
For the sign convention used, the shear rate is given by 


__ dv 
y dy 


5.5.2 Newtonian Fluid Model. In the following development, the solution for the flow of a Newtonian fluid 
flowing in a concentric annulus will first be presented, followed by the solution for the flow in a pipe. 

If the fluid can be described with the Newtonian fluid model, the shear stress at any point in the fluid in the 
annulus is given by combining the fluid model with Eq. 5.62: 


dv 
TEU =H 


Combining this equation with Eq. 5.61, separating variables, and integrating, we obtain 


where C, and C, are the constants of integration. 
Pipe Flow. The simplest case is pipe flow. We already know that C, is zero. The drilling fluid wets the pipe wall, 
and the fluid layer immediately adjacent to the pipe inside wall (r = R) has a velocity of zero. Thus, for pipe flow, 


1 dp, 
Uae aa -7’). shh oa peter ind feeb kee icra eee E eee Cees (5.67) 


For flow of Newtonian fluid in a pipe, the shear stress is given by 


which is consistent with Eq. 5.61. The velocity profile and the shear stress profile for flow of a Newtonian fluid in 
a pipe are depicted in Fig. 5.26. If the pressure gradient and viscosity are known, Eq. 5.67 can be used to deter- 
mine the velocity distribution in the pipe. However, a relationship between pressure gradient and total flow rate is 
needed for most engineering applications. For flow in a pipe, the total flow rate is given by integrating the velocity 
profile (Eq. 5.67) over the cross-sectional area: 
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Fig. 5.26—Velocity and shear stress profiles for flow of Newtonian fluid in a pipe. 


Expressing Eq. 5.70a in terms of field units gives 


OT aa gsarecaauunideaniceieuiruscraes tad nnncaasianusdines-nenierassessasaeseuasinnbecss (5.70b) 
ds 6,000R? 


Annular Flow. For flow in an annulus, the drilling fluid wets both pipe walls, and the fluid layers immediately 
adjacent to the pipe walls (at r = r and at r=r,) have a velocity of zero. Using these boundary conditions in Eq. 
5.66 yields, for the two constants of integration, 


_ 14, (%7) 
‘4 ds In(r,/r,) 


w° p 


1 dp, In(r, nr, -ln(r,)r; 
_ : 
4u ds In(r,,/r, ) 


Substituting these expressions in Eq. 5.66 yields 


E 1 dp, r-r r PE 
v H a mer at UP Mile aiesiaepitaeve de ay ate TS (5.71) 


The shear stress for the flow in an annulus is given by 
dv 1 dp f 
T=U—= 
dr 4\ ds 


The velocity is maximum at a point in the annulus where r = r „ Hence, 


rer 1 
W EP e r E A E areca © E O A (5.72) 
In(r, /r ) r 


w p 
r=r, 7=0, Oe ag aes ean tod haa ed ade tes (5.73) 


Combination of Eqs. 5.72 and 5.73 gives 


In Fig. 5.27, the profiles of velocity and shear stress together with the forces acting on the fluid elements in the 
inner region r <r<r,) and the outer region ( r < r< r) are shown for flow of Newtonian fluid in a concentric 
annulus, for the coordinate system depicted. 
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Fig. 5.27—Velocity profile and shear-stress distribution for flow of Newtonian fluid in a concentric annulus. 


As with pipe flow, a relation between pressure gradient and total flow rate is needed for most engineering ap- 
plications. The total flow rate can be obtained by summing the flow contained in each concentric shell of fluid. 
Thus, for an annulus, 


Ny 2 d , Ny r? —r? 
q= [ v@zr)ar zA P Int (r re) rdr. 
> 4u ds ;,| In (r,,/r, ) r, 

Upon integration, this equation becomes 
2 
d nr) 

mT Pp 4 4 ( w P 
i a a a e E ESEE E E RE E A was E e (5.76) 


This relation was developed first by Lamb (1945). 
For annular flow, the flow rate q is the mean velocity v multiplied by the annular cross-sectional area: 


dp, = 8uv 
i ee (5.78) 
ry te P 
P Jn rlr, 


Eq. 5.79a relates mean velocity (flow rate) to developed frictional pressure gradient for the flow of a Newtonian fluid 
in a concentric annulus in consistent units. Converting from consistent units to field units, Lamb’s equation becomes 


dp; HY , (5.79) 


7 a E E S E O R 
a i 
2 2 w p 
6.0) 7, +7, E 
nr,/r, 


where the units are: V, ft/s; T ft; r» ft; u, cp; and dp,/ds, psi/ft. 
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Example 5.20 A 9-lbm/gal Newtonian fluid having a viscosity of 15 cp is being circulated in a 10,000-ft well 
containing a 7-in.-ID casing and a 5-in.-OD and 4%-in.-ID drillstring at a rate of 80 gal/min. Compute the static 
and circulating bottomhole pressure, give the velocity profile in the annulus, and compute the frictional loss in the 
drillstring. Assume that a laminar flow pattern exists both in the pipe and in the annulus. 

Solution. Conversion from field units to SI units gives 


9 Ibm/gal 


= = —=1.078x10° kg/m’, 
8.3454 10° (Ibm/gal)/(kg/m*) 


p 


Se j0 S 
10° cp/(Pa:s) 


Te: ie = 0.0889 m, 
2\ 3.937x10! in./m 


1 in. 
r, = 2m. | _ 9.0635 m, 
2\ 3.937x 10° in./m 


1 4.5 in. 


= 0.0572 m, 
2\ 3.937x10! F 


a EY 5 O48 S10 te: 
3.2808 ft/m 


80 gal/min 


q= 3 : T= 5.05x10° m’*/s. 
1.585 x 10° (gal/min)/(m°/s) 


The static bottomhole pressure is given by Eq. 5.5a. The annulus is open to the atmosphere at the surface, hence 
P= 0 Pa. At the bottom of the hole, the pressure is 


p = pgD + p, =1078x9.81x 3048 +0 = 32.23x10° Pa, 


or, in field units, the static bottomhole pressure is p = 4,675 psig. 
If fluid acceleration effects are neglected, the circulating bottomhole pressure is the sum of the hydrostatic pres- 
sure and the frictional pressure loss in the annulus. The mean velocity in the annulus is given by 


E 
y=—_1 -= Aona =0.415 m/s. 


a(r? =r?) (m)(0.0889° - 0.0635?) 


The frictional pressure gradient is determined using Eq. 5.79a: 


d 2 

a ee —~ = 115.6 Pa/m. 

S [oogt soda = 088? -0.0633 
In(0.0889 / 0.0635) 


The total frictional pressure loss in the annulus is 
dp J: 6 
Ap; = Fa = (115.6 Pa/m)(3048 m) = 0.352 x10° Pa, 


or, in field units, 
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dp, _ 115.57 Pa/m 
ds  22,620.2 (Pa/m) /(psi/ft) 


= 0.0051 psi /ft 


and 


Ap; = (352,257 Pa)/(6894.73 Pa/psi) = 51 psi. 
The circulating bottomhole pressure is given by 


p. =32.23x10° +0.35x10° = 32.58 x10° Pa, 


or 
P. = 4,725 psig. 


The velocity profile is given in Fig. 5.28. The frictional loss in the drillpipe is derived as follows. The mean 
velocity in the drillpipe is given by 


q _ 5.05x10° 


5 ~ = 0.492 m/s. 
aR (0.0572) 


v= 


The frictional pressure gradient is determined using Eq. 5.70a: 


dp, — 8(1.5x107)(0.492) 


5 =18.1Pa/m, 
ds (0.0572°) 


and total frictional loss is 


0.09 T T T T T T 
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Fig. 5.28—Velocity profile in the concentric annulus of Example 5.22. 
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Ap 


dp 
= 7 = (18.1)Pa/m)(3048m) = 55,169 Pa, 


or, in field units, 


dp; 18.1Pa/m 


= - = .000800 psi /ft 
ds 22,620.6(pa/m)/(psi/ft) 


and 


Ap, = 55,169 Pa /6894.757 pa/psi = 8.00 psi. 


Slot Flow. For the Newtonian model, we obtain 


panj- = Mune 
dy ds 4 


Separating variables and integrating gives 
2 
a E a tala Ea ee EEE a a A AN (5.80a) 


where v, is the constant of integration. The fluid wets the pipe walls; therefore, the velocity v is zero for y = 0 and 
for y = h. Applying these boundary conditions to Eq. 5.80a yields, for t, and v,, 


h dp; 
To =7— 

2 ds 
v =0. 


1 dp, 
z = e a SEN E E E (5.80b) 
2u ds 
Similarly, substituting for To gives, for the shear stress, 
h dp, 
TS HV. neia aie did Muwieideldertteeictiaiat bedside sedans 5.81) 
É »| ds ( 
The flow rate g is given by 
h h d h 3 d 
w ap; 2 hW w GP, 
q= | vdA = | vwdy = =| (hy- y )dy = ———. eee eee eee (5.82a) 
J J 2u ds J( 12 u ds 
Substituting the expressions for w and h (given by Eqs. 5.63a and 5.63b) in Eq. 5.82a gives 
d 
_ m Piffa 2 7 
n C e E EE E AS (5.82b) 


Expressing the flow rate in terms of the mean flow velocity v and solving for the frictional pressure gradient 
dp Fe ds gives 


dp, 24u37 OO BAO O ŤėOaaaa (5.820) 
ds aen) (4-4) 


Converting from consistent units to field units of lbf/in.”, cp, ft/sec, and in., we obtain 
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dir HY E EEEE DTE EE EEE EEE EE (5.82d) 
2 
ds 1,000(d, -d,) 


Example 5.21 Compute the frictional pressure loss for the annulus discussed in Example 5.20 using a slot flow 
representation of the annulus. Assume that the flow pattern is laminar. 

Solution. The ratio d,/d, has a value of 0.714. Because this ratio is greater than 0.3, Eq. 5.82c or 5.82d can be 
applied. Using Eq. 5.82c we obtain 


dp, „ _ (48)(0.015) (0.415) 


A = 
Pr = as ~ (0.1788-0.1270)° 


(3048) = 339,419 Pa, 


or 


Ap, = (339,419 Pa)/(6894.73 Pa/psi) = 49 psi. 


Note that this is almost the same value for frictional pressure loss that was obtained using Eq. 5.78 or Eq. 5.79. 


5.5.3 Non-Newtonian Fluid Models. Analytical expressions for the isothermal, laminar flow of non-Newtonian 
fluids can be derived by following essentially the same steps used for Newtonian fluids. The reader is referred to 
the work of Laird (1957) and Fredrickson and Bird (1958) for a discussion of the development of the annular flow 
equations for Bingham plastic fluids. However, as in the case of Newtonian fluids, annular flow can be modeled 
accurately for the usual geometry of interest to drilling engineers through use of the less complex flow equations 
for a narrow slot. The derivations of the laminar-flow equations for the Bingham plastic, power-law, and Herschel- 
Bulkley fluid models are given below. The annulus is represented as a narrow slot in these derivations. 

Bingham Plastic Model. Developing flow equations for a Bingham plastic fluid (as well as any fluid with a 
yield stress) is complicated because portions of the fluid having a shear stress less than the yield point must move 
as a rigid plug down the conduit (Fig. 5.29). 

Flow in a Slot. We will first investigate the flow of a Bingham fluid in a slot because of its relative simplicity 
and symmetry. In the region 0 < y < y , the shear stress in a slot must behave according to Eq. 5.65: 


At y = 0, the shear stress is equal to the shear stress at the inner slot wall, t= t,,; hence, 7, = T, At y = y, the 
shear stress must be equal to t ; hence 
dp, 


T=T,=T,;-Vy fa) NEE ETA RE IAA PENG Te RATA COAT REE UES (5.83) 
` S 


Fig. 5.29—Laminar flow of a Bingham plastic fluid in a slot. 
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Solving for y, yields 


gat ee oe ee Tek eee eee eee ere et eee ete er eek re (5.85a) 


Thus, the shear stress in this fluid region is given by 


T=T + ay dP, 
y Mn ay wi Yis” 


After separating variables and integrating, and noting that v must be zero at y = 0, we obtain the following expres- 
sion for fluid velocity: 


jad EE (a), a E easeneanteceess (5.85b) 


2u, ds H, 


Eq. 5.84 can be used to express 7, ,— T, in terms of y, and dp,/ ds. Thus, 
dp, 
v= ——(-y +2y,y), whereOS ys reter iiae E Goatees ieee (5.85c) 


The velocity of the plug region can be obtained by evaluating Eq. 5.85c at y = y, thus giving 


2 dp, 
yest eee ha alten E EET (5.85d) 
2u, ds 


In the upper layer (y, < y < h), we expect the same behavior as the lower layer because of the symmetry of the 


geometry about the center line of the slot. Because the shear stress at the top of the slot (y = A) is the same as the 
shear stress at the bottom of the slot, 


The velocity profile for the flow in annuli modeled as a slot is then given by 


d A T, 
TE hy| 1- |-y’ jaya! 1- 
2u, ds T 2 Ti 
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The total flow rate through the slot is defined by 


q= w| vdy = wf vdy + wv, | dy+ wf vdy, 
0 0 Ya Yp 


where w is the width of the slot. Performing the integrations, the flow rate can be expressed as 


: 
3 dp, T T, \ 
ee, ee E seen toe Guten eee: (5.89) 
124, ds 2\7, ) 2\7, 


In typical situations, the flow rate would be given and the pressure drop would be sought. However, Eq. 5.89 is 
implicit in pressure drop because of the appearance of the term t in the parenthetical terms. Normally an iteration 
would be required or a simplification should be made, to be presented later. However, Fordham et al. (1991) have 
given a relatively unknown solution to Eq. 5.89, which is 


-3/2 
T, 
y aaj 4 Po st sind Asin” 2o la a E (5.90a) 
dp,/ds h w(h/2) 7, 3 w(h/2) 7, 


Hence, if the flow rate is given, Eq. 5.91a can give the pressure drop directly without requiring an iteration or even 
an approximation. 

For the conditions usually encountered in rotary-drilling applications, the shear stress at the wall, t , is more 
than twice the yield point, t , and the last term in Eq. 5.90c can be neglected without introducing significant error. 
Dropping this term and substituting the expression for t, given in Eq. 5.86 yields 


h? d i h? 
E e E AEE ee (5.90b) 
12u, ds 44, 


Converting w and A into the equivalent dimensions of a concentric circular annulus gives 


= P, aea e a a ee (5.900) 


Expressing the flow rate in terms of the mean flow velocity, v, and solving for the frictional pressure gradient, 
dp,/ dL, gives 


LRR a ETE a E E E E (5.91a) 
2 2 š 
a pn] ear) a-a] ed 


Converting from consistent units to field units of lbf/in.?/ft, cp, ft/sec, in., and 1bf/100 ft’, we obtain 


dp, E HY T, 


-+ E EE EE EE N E E E ES (5.91b) 
ds 1,000(d, _ d,) 200(d, -d,) 


Pipe Flow. The derivation of the equations for laminar flow of Bingham plastic fluids through a pipe is quite 
similar to the derivation of the slot flow equation. As in the case of a slot, the portions of the fluid flowing near the 
center of the conduit that have a shear stress less than the yield point must move as a rigid plug down the conduit 
(Fig. 5.30). At the radius of the plug, ry» the shear stress, T,, must be equal to the yield point, T, Also, the shear 
stress in a circular tube must behave according to Eq. 5.61. Thus, 


In the plug region, the Bingham model is defined by 
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Fig. 5.30—Laminar flow of a Bingham plastic fluid in a pipe. 


d 
T=1,+H, = BTS, A E EAEE NE E E A EO (5.93) 


Thus, the shear stress in the plug region is given by 


7 dv _ r dp, 
RRT ds 


After separating variables and integrating, we obtain the following expression for fluid velocity: 


(5.94a) 


The constant of integration, v,, is obtained using the boundary condition of zero velocity at the pipe wall. Substitut- 
ing this boundary condition in Eq. 5.94a gives 


y = 
$ 4u, ds 4, 


Substituting this expression for v, in Eq. 5.94a yields 


dp. 
cee (R r°) fy (R-r) Ee PORTE STREET TEETER TET ECC ETT OEE CCRT (5.94b) 
4u, ds H, 


The velocity of the plug region can be obtained by evaluating Eq. 5.94b at r = r with substitution for t given by 
Eq. 5.92, which finally yields l 


1 d 
v, -— ipy S S EE EEE E EET (5.94c) 
4u, ds 


The total flow rate through the pipe is defined by 
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[pate E E a es 
q=fv = a r=a[r da T r. 


0 


Integration of this equation gives 


Note that this expression reduces to the familiar Hagen-Poiseuille law for t equal to zero. Note also that as T, 
approaches T „, the term in brackets approaches zero. This means that the shear stress at the wall must exceed the 
yield point to cause flow. 

It is unfortunate that Eq. 5.95a cannot be solved for the pressure drop in a manner similar to the annulus flow. 
Hence, when pressure drop is required given the flow rate, Eq. 5.95a should be solved by the use of an iteration 
procedure. However, for the conditions usually encountered in rotary drilling applications, the shear stress at the 
wall is more than twice the yield point, and the last term in Eq. 5.95a can be neglected without introducing a sig- 
nificant error. Dropping this term and substituting the expression for 7, given by Eq. 5.93 evaluated at R yields 


_ aR ap, aR? : 


E ET E E E E ete gegen ora (5.95b) 
8u, ds 3u, ` 


Expressing the flow rate in terms of the mean flow velocity, v, and solving for the frictional pressure gradient, 
dp,/ dL, gives 


dp, 8u,V 8T, 32u4,V 167, 
f= Pg 

ds R 3R d 3d 
Converting from consistent units to field units of Ibf/in., cp, ft/sec, in., and Ibf/100 ft’, we obtain, for the pres- 


sure drop of a Bingham plastic fluid flowing in a pipe, 


a ap tp i Ss ee (5.95d) 
ds 1,500d? 225d 


The shear rate in a Bingham plastic fluid at the pipe wall can be obtained from the shear stress at the pipe wall 
and the appropriate frictional pressure gradient equation. For a circular pipe and with the approximation repre- 
sented by Eq. 5.95c, we obtain 


1%, R dp, T, d louw 167, T, 
l, 2u, ds u, 44, g 3 d 


Changing from consistent units to field units of sec”, ft/sec, in., and Ibf/100 ft?, we obtain, for the approximate 
wall shear rate for circular pipe, 

5 A 
LOY a, ane a s a a a a Welded e A he Ace as E A E S S (5.96b) 
d l, 


⁄ w 


Similarly, for an annulus, the approximate shear rate at the wall, using the approximation from Eq. 5.91b, is given 
by 


es SS eee eT ee ee ee eee ey ee Cee eee eee (5.97a) 
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Changing to field units, we obtain, for the wall shear rate for the annulus, 


T, 
SIS e ae ee ee ee a eee eee eee ee ee nee ee eee eee cere (5.97b) 
u 


Example 5.22 Shah and Sutton (1990) provided a new friction correlation for flow of cement slurries in pipes and 
annuli. For the 15.6-lbm/gal slurry with rheological data shown below, they found after regression a plastic vis- 
cosity of 56.7 cp and a yield stress of 43.3 Ibf/100 ft’. For flow rates of 2 and 8 bbl/min in a 4.494-in.-ID casing, 
they found pressure drops of 0.053 and 0.0615 psi/ft, respectively. Similarly, for flow rates of 2 and 8 bbl/min in 
a 5x7.5-in. annulus, they found pressure drops of 0.096 and 0.1138 psi/ft, respectively. 

Compute the corresponding pressure losses in the pipe and the annulus, with the full solution and the approxi- 
mate solution, and compare with the results given by Shah and Sutton. Assume laminar flow for all situations. 

Solution 1—Pipe Computations. We first convert to SI units: 


d= 4.494 in. -0.1141 m, 
3.937x10! in./m 
d = zin =0.127m, 
P  3.937x10! in./m 
Dom. 6 (005i: 


» = 3 937x10 in/m 


15.6 lbm/gal 


= = =< = 1.8693x 10° kg/m’, 
8.3454x 10° (Ibm/gal)/(kg/m° ) 


p 


56.7 cp 


4 = ———— ~ =0.0567 Pa-s, 
10° cp/(Pa:s) 


_ 43.3 1bf 0.4788 Pa 


T, 7x =x = 20.73 Pa, 

“100 ft" — Ibf/(100 ft”) 

q= eee eann -00I 
1.585 x 10° (gal/min)/(m*/s) 

ds 8x42 gal/min -0.0212 m/s, 


~ 1.585x10° (gal/min)/(m°/s) 


The mean velocity is given by 


0.0053 


v= 7 =0.518 m/s 
(z/4)(0.1141) 
and 
v, = a = 2.074 m/s. 


(~/4)(0.1141) 


The full solution for pipe flow will be determined through an iteration on T. 

Assuming a value for t, then dp,/ ds can be computed from Eq. 5.86, and a new value for g can be computed 
from Eq. 5.90c. This procedure is continued until the values of t, and q converge to a solution. A fast way is to 
perform computations using the bisection method (Press et al. 1997). A sample of the computations is shown in 
the following table: 
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Tw qı Ta 2 d, To 3 q; 
(Pa) (m?/s) (Pa) (m?/s) (Pa) (m?/s) 

Ist iteration 20.83 2.4 x 10° 38.93 0.0317 29.88 0.0117 

2nd iteration 20.83 2.4 x 10% 29.88 0.0117 25.35 0.0038 

3rd iteration 25.35 0.0038 29.88 0.0117 27.617 0.0075 

Ath iteration 25.35 0.0038 27.617 0.0075 26.486 0.0056 

5th iteration 25.35 0.0038 26.486 0.0056 25.92 0.0047 

6th iteration 25.92 0.0047 26.486 0.0056 26.20 0.0051 

7th iteration 26.20 0.0051 26.486 0.0056 26.34 0.0053 
The pressure drop is then 
dp, 4( 26.34 

Pi Me DEO) papi 


ds d 0.1141 


or, in field units, dp Me /ds = 0.0408 psi/ft, a value that is within 23% of the value predicted by Shah and Sutton. 
Applying a similar procedure for q, = 8 bbl/min, we compute a value of dp, /ds =1204 Pa/m = 0.053 psi/ft, a 
value that is within 13% of the value predicted by Shah and Sutton. 
Using the approximate solution, Eq. 5.95c, we obtain, for q, = 2 bbl/min, 


dp, —32(0.0567)(0.518) 16(20.73) 


- + =1041 Pa/m, 
ds 0.1141 3(0.1141) 


or, in field units, dp i ds = 0.04602 psi/ft, a value that is 13% lower than the one predicted by Shah and Sutton and 
13% lower than the value predicted using the full solution. 
Similarly, for q, = 8 bbl/min, we obtain 


dp, _32(0.0567)(2.074) 16(20.73) 


Se = 1258 Pa/m, 
ds 0.1141 3(0.1141) 


or, in field units, dp,/ ds = 0.0556 psi/ft, a value that is 10% lower than the one predicted by Shah and Sutton and 
5% higher than the value predicted using the full solution. 

Solution 2—Annulus Computations. For the annulus computations, we could use the direct equation (Eq. 
5.91a) and the approximate solution (Eq. 5.91b). 

Using the direct approach, we obtain 


=(d, —d, )/2 = (0.1905 -0.127)/2 = 0.03175 m 
and 

w=2(d, +d, )/2=0.4985 m. 
For the first flow rate, we compute the term 


q My 0.0053 0.0567 


- - =0.1156, 
w(h/2) T,  (0.4975)(0.03175/2} 20.73 


then 


20.73 2 2011564x sin fis | (0.1156 +i)" I} = 0.700. 


dp ,/ds 0.03175 


Solving for the pressure drop, we get 
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d 
Ps _ 1309-83 L 1865 Pa/m, 


ds 0.700 


or, in field units, dp,/ds = 0.08245 psi/ft, a value that is 14% lower than the one predicted by Shah and Sutton. For 
the second flow rate, we compute the term 
q Hp 0.0212 0.0567 


- - =0.4614, 
w(h/2) T,  (0.4975)(0.03175/2} 20.73 


then 


SUCE DAGTA Ixsin{ sin" [(04614+1)*® |] =04817. 


dp,/ds 0.03175 
Solving for the pressure drop, we get 


dp; _ 1305.83 


= = 2711 Pa/m, 
ds 0.4817 


or, in field units, dp,/ds = 0.11985 psi/ft, a value that is 5% higher than the one predicted by Shah and Sutton. 
To use the approximate solution, Eq. 5.91b, we first determine the average velocities for the two flow rates, which are 


7 = A =~ =0.335 m/s 
(7/4)(0.1905° -0.127°) 
and 
0212 
v% = = = 1.34 mis. 


(7/4)(0.1905° — 0.127") 


Then, for the flow rate of 2 bbl/min, we get 


dp, _ 48(0.0567)(0.335) __6(20.73) 


z = 2185 Pa/m, 
ds (0.1905-0.127)  9.1905—0.127 


or, in field units, dp,/ ds = 0.0966 psi/ft, a value that is 5% higher than the one predicted by Shah and Sutton and 
17% higher than the value predicted using the equation for the full solution. 
Then for the flow rate of 8 bbl/min, we get 


dp, _48(0.0567)(1.34) . 6(20.73) 
ds (0.1905-0.127)  0.1905—0.127 


= 2863 Pa/m, 


or, in field units, dp,/ ds = 0.12658 psi/ft, a value that is 11% higher than the one predicted by Shah and Sutton and 
6% higher than the value predicted using the equation for the full solution. 


Power-Law Model. The annular flow of power-law fluids can also be approximated closely using the less com- 
plex flow equations for a narrow slot (Fig. 5.31). 
Slot Flow of Power-Law Model. The shear stress for a power-law fluid in a narrow slot is given by 


r=a{2) ee E gun eee aa cena een (5.98a) 
dy 


and 


r=K(2) -«{-2) Lee Sa eT eae eee Tee eee eee (5.98b) 
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Fig. 5.31—Laminar flow of a power-law fluid in a slot. 


In this region, Z = h — y. The force balance in the slot (Eq. 5.65) still holds that 


As discussed previously for Newtonian and Bingham plastic models, the shear stress changes linearly with dis- 
tance, y, in a slot. This is a consequence of the flow geometry and is independent of the rheological models used 
to describe the flow. Also, by inspection of Fig. 5.31, we see that for a slot, t is zero at y = h/2. Thus, 


4 dp. dp. 
r=K dv _ Mea EL Ps 
ds 2 ds 


Separating variables and integrating gives 


l+1/n 
-K 1 dp; [h 
y= r Eeft) PVs segre retara tht E iE eee Sinn ae tyheteere (5.99a) 
(1+1/n)dp,/ds K ds |2 
The constant of integration v, can be evaluated using the boundary condition that v = 0 at y = 0, so that finally 
1+1/n l+1/n 
-K 1 dp, 1 dp, 
= ef} »] Jah O<y<h/2, 
(1+1/n)dp,/ds K ds \2 K ds 2 


which can be written as 


l/n 

d Jd l1+1/n 1+1/n 

(es s) l (+) E »] E T EEEN S, (5.99b) 
(K)"" (1+1/n)|\2 2 


The velocity profile in the region h/2 < y < h is determined as follows. In this region, Eq. 5.88 still holds that 


Noting that at y = h/2, t = 0, it follows that 


1 h dp; 
T =-=. 
2 ds 


Hence, 
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dp, h 
r= Zep) h/l2<y<h. 


Combining with Eq. 5.98b and integrating, and noting that v = 0 at y = h, yields 


(ap Jas)" 1 Rn Aye 
a [» | pity óh, Khas ada wisaas Grane tes (5.99c) 


(K\" 1+1/n|\2 3 


Note that Eqs. 5.99b and 5.99c give the same value at y = h/2. 
The flow rate in the O < y < h/2 region is half of the total flow rate and is given by 


h/2 


q/2=vdA =w [ vdy. 
0 


Integration gives 


1 dp, i Ooa 
K ds 


Sa ee ae te std net ee eee dane ee eae tees 5.100a 
=" 9" (a4 Din) peers 
Substituting the expressions for wh and for h given by Eqs. 5.63a and 5.63b into Eq. 5.100a gives 
pe) 
K ds in 
CE A E (5.100b) 


13" (442/n) 


Expressing the flow rate in terms of the mean flow velocity, v, and solving for the frictional pressure gradient, 
dp,/ dL, gives 


dp, 2K(4+2/n)'v" 4K(8+4/n) v" 


L Fe eee eee (5.101a) 
(x, =) (a, -d,) 
Converting from consistent units to field units, we obtain 
d —n n 
n a Se Aiea E E EA TT (5.101b) 
ds 144,000(d, -d,)"" \ 0-0208 


The derivation of the pressure-loss equation for the laminar flow of a power-law fluid in a pipe is quite similar 
to the derivation of the slot flow pressure-loss equation. The shear stress for a power-law fluid in a circular pipe is 
given by 


Separating variables and integrating gives 


1 dp," 
2K ds 


v= PE) 3 ah eae o tnaed. te 4 mguad eG’ Hake keg ade Alban ghible aussie guanine 5.102 
1+1/n ( ) ( ) 


The flow rate, q, is given by 
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l/n 
q= joa = [24] srar = KE) jgn =g rd, 


Integrating this equation yields 


l 1 dp, ) 
T| ——_-—— 
2K ds RR . 


geese stele ta iatuet a axe tae a te ane aoa e a (5.103) 
3+1/n) 


Expressing the flow rate in terms of the mean flow velocity, v, and solving for the frictional pressure gradient, 
dp,/ ds, gives 


dp, 2Kv"(3+1/n)  4Kv"(6+2/n)’ 
ds R™! q™ . 


TEE TTC CeT TET eRT CCT ORE SET PETC ONT ET (5.104a) 


Converting from consistent units to field units, we obtain 


dp, Kv" BUTE, «cs occnusene hich dhuactrwerviencbausilioeiveiy a'etbuttecintstonttonten (5.104b) 
ds  144,000d""' 0.0416 ) ` 


The shear rate in a power-law fluid at the pipe wall can be obtained from the shear stress at the pipe wall and 
the appropriate frictional-pressure-gradient equation. For a circular pipe, 


m à l/n 
(m, \"_( R dp," | R 2KV"(3+1/n) 
Pw K 2K ds 2K p 


2y (3 +1/ n) 
Sh. SiS oS LL eee eee ite eo be bie digeia hide aiid (5.105a) 
d 
After simplifying and changing from consistent units to field units, we obtain 
PAD (3+1) a sodnpnavadiec ysdusinanedaauvih beanie ons duehadein phnekeasiwasth (5.105b) 
Vp =; 
d 
Similarly, for an annulus, the shear rate at the wall is given by 
1/n 
, (z )’ l h dp, | d,-d, 2Kv"(44+2/n)" 
Fu E = = lin 
K 2K ds 2K (d, — d,) 
47(2+1/n) 
SS, iea hat (HWE E aE EE tate tae eaten dace EEA (5.106a) 
d,,—d, 
After simplifying and changing from consistent units to field units, we obtain 
OT. E numer: duecpide E E (5.106b) 


Yw 
d,-d, 


Example 5.23 A cement slurry that has a flow behavior index of 0.3 and a consistency index of 9400 eq cp is 
being pumped in an 8.097x4.5-in. annulus at a rate of 200 gal/min. Assuming the flow pattern is laminar, compute 
the frictional pressure loss per 1,000 ft of annulus. Also estimate the shear rate at the pipe wall. 

Solution. In SI units, the given data become 


240 Fundamentals of Drilling Engineering 


7 9400 eq cp 
10° (eq cp)/(Pa-s”) 


4 Pa-s", 


8.097 in. 


== _= 0.2057 m, 
39.37 in./m 


4.5 in. 


ge 26) A 
” 39.37 in./m 


200 gal/min 


q= 7 : Tx = 0.01262 m°/s, 
1.585 x 10° (gal/min)/(m’/s) 


aL= SOON 328.08 m. 
3.048 fum 


The mean velocity in the annulus is given by 


v= d = vole = 0.55 m/s. 


(7/4)(a2 a?) (x/4)(0.2057 -0.1143") 


The frictional pressure loss predicted by the power-law model is given by Eq. 5.101, 


dp, 4K(8+4/n)'v" _ 4(9.4)(8+4/0.3)” (0.55) 
ds (d,-d,)"" (0.2057 -0.1143)" 


= 1765.2 Pa/m, 


and for 328.08 m of annulus, the total pressure drop is 


Ap, =(1765.2)(328.08) = 0.58 x 10° Pa, 


or, in field units, 


d 
Ets — Sera __ = 0078 palit 
ds 22,620.2 (Palm)/(psi/ft) 


Ap; = (0.078)(1000) = 78 psi. 
The approximate shear rate at the pipe wall is given by Eq. 5.106a: 


_49(24+1/n) _ 4(0.55)(2+1/0.3) 


: =128.4 s”. 
d,-d, 0.2057 — 0.1143 


5.5.4 Herschel-Bulkley Fluids. For the flow of Herschel-Bulkley fluids in an annulus modeled as a slot, the 
analysis follows that of Bingham plastic fluids. 
Slot Flow. The Herschel-Bulkley model is given by 


ran,+K( | T>T. ESS (ise E ates vaylaten tal oysauiee asta es beta E E nai ae (5.107) 
i y ) 


The geometry is depicted in Fig. 5.32. There is a central core of the fluid that moves as a rigid plug if the shear 
stress levels are smaller than the yield stress of the fluid, similar to the flow of a Bingham plastic fluid in a slot, as 
described above. 

Let y, be the distance of the lower sheared surface from the bottom plate. As before, the balance of 
momentum is 


Drilling Hydraulics 241 


Fig. 5.32—Slot flow of a Herschel-Bulkley fluid. 


dr _ dp, 
dy ds ` 


Integration gives 
PEA Ve a a o AEE E AE a E araa aaa (5.108) 


with t, a constant to be determined. 
At the lower side of the plug, y,, the shear stress t, must be equal to t , hence 


y= Dit, si eras ag, pes Red Ghia oe erg ee Rae Socrates SaaS ba anes Coes (5.109) 


The shear stress is given in terms of the velocity gradient by Eq. 5.107a; hence, 


dv Y q 
tr=r, +K| Z spay, 
: dy ds 


The solution to the differential equation is given by 


1 dp m+ 
v= = (a t,) y f +C, 
(m+1)(-dp, /ds)(K) ds 


where m = 1/n. The constant of integration is determined from the boundary condition v = 0 at y = 0, so finally the 
velocity within the region 0 < y < y, is given by 


1 n dp, m+1 
v= EF (r-r, ) Haze) yas erri kireks (5.110a) 


In terms of parameter y , this equation becomes 


dp ,/ds i 1 m+l m+1 
=| — ={y;= OSV SY EEEE E ETES TE 5.110b 
v - | (Ales (y,-Y) | ye), ( ) 
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The plug velocity, Vs is the velocity at y = y ; hence, 


m+l ( dp /ds i 
Ya f 
y= Ss Yi eh, eea aoe a icant a a Gers. aa E via mes O EE 5.110c 
ĝ d K ) Ya SYSV, ( ) 


By symmetry, the wall shear stress on the lower plate and the wall shear stress on the upper plate are equal: 


ee A ae bse Oe Saad bee es EEE ie peta aed oot e oe ad (5.11 1a) 


Cis, A EE E a SG ae OO ee CEG ee a ae eke ane wee ee (5.111b) 


h  \dp; 
T=|—-y |— LO Ss Ss ee 5.112a 
(3 jZ ySy, ( ) 
TET, VAR VY, ftienecie tantita te ganea ie e aa E a (5.112b) 
h\dp; 
tT=| y-— |— LD e aa e E ena A a E dean A 5.112c 
(» 4 ar. Y, Sy ( ) 


The shear stress distribution is depicted in Fig. 5.33. 
The summary of the necessary equations for the flow of the Herschel-Bulkley fluid in a slot is given below. 
There is fluid flow only if 


es OS AT CTO ee eee TeC eT RCTS ONE TET SET See wee OT Een Se eee Ee rere (5.113) 


hd 

Gs, E A S E S (5.114a) 
2 ds 

a A E E E E EA (5.114b) 
2 dp,/ds 


Fig. 5.33—Shear-stress distribution for flow of Herschel-Bulkley fluid in a slot. 
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The flow rate of the slot is given by 


1/n l+1/n 
+ n d r 7 > 
wa Pr | a 2 re 
K ds (h/2)(dp, /ds) (h/2)(dp,/ds) n 
re Sees (5.115) 


(A/n+1)\(1/n+2) 


Also, we can express the flow rate in terms of concentric annulus radii as 


a A l/n 1+1/n 
mesa) |e a): ae 
i p K ds [(r,, -1,)/2](dp,/ds) 


2" /n+1(2/n+4) 


q a re 1} NE (5.116) 
Lr, —1,)/2](dp,/ds) n 


Eq. 5.100b is implicit in pressure drop. Normally, the flow rate will be available together with the geometry 
characteristics and the fluid properties, and the pressure drop will be the parameter of interest. In order to solve 
the above equation, one would have to resort to a trial-and-error solution, in a manner similar to the Bingham 
plastic fluids, if the full solution (Eq. 5.90c) was retained. 

Hanks (1979) has provided the full solution to laminar flow of Herschel-Bulkley fluids in a concentric annulus 
and presented the results in tabular and graphical form, because explicit equations cannot be derived, relating 
pressure drop to flow rate for this geometry. 

Pipe Flow. For pipe flow of radius R, Eq. 5.87 holds that, for t 2 t, 


d 
free Sout oe 
2 ds 


The radius at which there is an unsheared portion of the fluid, ro is given by 


aS =, sage sd pacaan eke al oaheeseye np ele wea ahion Aes EAE (5.117a) 


aa er a ete we ese teen Bok een eee ak oe ek GE na Re ae oS eas (5.117b) 


r=1,+K(-2] Ee nee ene a et ere Te S (5.118) 


Hence, 
Í d 
T + K _dv = r Py 
dr 2 ds 
The solution to the differential equation is then 


2K 1 r dp, T, m+ 
v= + Vy; 
(dp,/ds)m+1\2K dL K 


with m = 1/n. From the boundary condition v = 0 at r = R, the constant of integration is easily shown to be 


S 2K 1 R dp, T, m+l 
(dp,/ds)m+1(2K dL Kj} ` 
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The velocity for the laminar flow of a Herschel-Bulkley fluid in a pipe is then given by 


ya_2k | l ) R dP, 5 r d, 1, "E eee EEN, (5.119a) 
(dp,/ds)\m+1)}\2K ds K 2K ds K ” (dp,/ds)/2 
and 
d Id ñ m+1 
AS T, 
vey, =| 7 | l je > E a E ETETE (5.119b) 
K m+1 (dp,/ds)/2 


This equation can be integrated to give the flow rate: 


an ([dp,/ds]R/2-1,)"" | ([dp,/ds |R/2-2,) 2r, ([dp,/ds]R/2-2,) 7? 
| ») 24 yy 


C= a5 ; ee ee (5.120a) 
K ([dp,/ds ]/2) 143n 1+2n lin 
If we now define 
T, 
p= 
Tw 
then Eq. 5.120a becomes 
dp,/dL R\” amm| (1-47 20(1- 2 
quan Py R (1 g)“ y ( $) P o( 9) 9 , 
K 2 3n+1 2n+1 n+1 
or 
d JAL I/n 1- (l+n)/n 
q=anR uae (1-9) 
K 2 (Bn+1)(2n+1)(n+1) 
e a R (5.120b) 


Eq. 5.120b gives the required flow rate for flow of a Herschel-Bulkley fluid in a pipe of radius R for a given 
pressure drop dp,/ dL. The equation cannot be simplified further, and the inverse problem of finding the pressure 
drop for a given flow rate requires iteration, as in the case of Bingham plastic fluids if the full solution was re- 
tained. 

The velocity profiles can also be given as functions of the parameter @: 


l/n 
pe a (1-9)"" ESET) 2is0d5c5Loiridauinnsieeaeeoribens (5.121a) 
n+l 
nR(t ; IK\” 1/n+1 r eg 
= : 1 REFER) eraa Ea ESASI .121b 
v oA (1-4) (z-s) OR <r (5.121b) 


Denoting v the mean velocity for flow in a pipe, it can be shown that 


1/n+1 


__ AR(z,/K)'"" (1-4) 
(3n+ 1)(2n+ 1)(n +1) 


[(n+1)(Qn41)+2n(nt)p+2n'@ |. oe. (5.122) 
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Hence, the velocity profiles can be expressed in terms of the mean velocity as 
1/n+1 
Vp 1 (1 — %) 


-= ENE A O<r<OR aaan. (5.123a) 


and 


era] 


v 
ENE E RSFSR oaa (5.123b) 


Example 5.24 Bailey and Peden (2000) presented a comprehensive hydraulic model for flow of drilling fluids in 
pipes and annuli. They have presented the experimental results of Okafor and Evers (1992) together with their 
predictions, for both laminar and turbulent flow in a pipe with a 2-in. ID. The laminar data are reproduced in the 
table below. Using the relationships derived above for Herschel-Bulkley fluids, compute the pressure loss for the 
various flow velocities indicated in the table and compare with measurements as well as predictions from Bailey 
and Peden. 

The fluid is modeled by the authors as Herschel-Bulkley with parameters t, = 0.62201 Pa, K = 0.11934 Pa - s”, 
and n = 0.75534. , 


Velocity Measured Predicted! Flow Predicted? Flow 

(m/s) Ap/AL (Pa/m) Ap/AL (Pa/m) Regime! Ap/AL (Pa/m) Regime? 
0.202 190 206 Laminar 199 Laminar 
0.409 283 306 Laminar 295 Laminar 
0.562 341 368 Laminar 355 Laminar 
0.724 405 429 Laminar 420 Laminar 
0.914 470 494 Laminar 489 Laminar 
1.076 523 548 Laminar 544 Laminar 
1.382 644 641 Laminar 645 Laminar 
1.448 700 661 Laminar 665 Laminar 


' Predicted by Bailey and Peden (2000) 
? Predicted using the proposed methodology 


Solution. Following the proposed methodology, we get the predictions for pressure drop, which are shown in 
the table above. The comparison with the data is shown in Fig. 5.34. 


5.6 Turbulent Flow in Pipes and Annuli 

In many drilling operations, the drilling fluid is pumped at too high a rate for laminar flow to be maintained. 
The fluid lamina become unstable and break into a chaotic diffused flow pattern. The transfer of momentum 
caused by this chaotic fluid movement causes the velocity distribution to become more uniform across the 
center portion of the conduit than for laminar flow. However, a thin boundary layer of fluid near the pipe walls 
generally remains in laminar flow. A schematic representation of laminar and turbulent pipe flow is shown in 
Fig. 5.35. 

A mathematical development of flow equations for turbulent flow has not been possible to date. However, a 
large amount of experimental work has been done in straight sections of circular pipe, and the factors influencing 
the onset of turbulence and the frictional pressure losses due to turbulent flow have been identified. By applying 
the method of dimensional analysis, these factors have been grouped so that the empirical data could be expressed 
in terms of dimensionless numbers. 


5.6.1 Newtonian Fluid Models. The experimental work of Reynolds (1883) has shown that the onset of turbu- 
lence in the flow of Newtonian fluids through pipes depends on pipe diameter d, density of fluid p, viscosity of 
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Fig. 5.34—Comparison of predictions with measurements from data of Okafor and Evers (1992) and with predictions of 
Bailey and Peden (2000). 
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Fig. 5.35—Laminar- and turbulent-flow patterns in a circular pipe: (a) laminar flow, (b) transition between laminar and 
turbulent flow, and (c) turbulent flow [from Bourgoyne et al. (1991)]. 


fluid u, and average flow velocity v. In terms of the primary units of mass m, length L, and time t, these variables 
have the following dimensions: 

d L. 

p, W/L’. 

u, m/ (Lt). 

v, L/t. 

The Buckingham Pi theorem of dimensional analysis states that the number of independent dimensionless 
groups N that can be obtained from n parameters is given by N = n — m, where m is the number of primary units 
involved. Because all three primary units (m, L, and f) are used in at least one of the four parameters shown previ- 
ously, N = 4 — 3 = 1, and only one independent dimensionless group is possible. The dimensionless grouping 
commonly used is expressed in consistent units by 


Ng L E E ER (5.124a) 


e a a ee (5.124b) 


where p = fluid density, lbm/gal; v = mean fluid velocity, ft/sec; d = pipe diameter, in.; and u = fluid viscosity, cp. 
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For engineering purposes, flow of a Newtonian fluid in pipes usually is considered to be laminar if the Reynolds 
number is less than 2,100 and turbulent if the Reynolds number is greater than 2,100. However, for Reynolds 
numbers of approximately 2,000 to 4,000, the flow is actually in a transition region between laminar flow and 
fully developed turbulent flow. Also, careful experimentation has shown that the laminar region may be made to 
terminate at a Reynolds number as low as 1,200 by artificially introducing energy into the system (e.g., hitting the 
pipe with a hammer). Likewise, the laminar flow region can be extended to Reynolds numbers as high as 40,000 
by using extremely smooth, straight pipes that are insulated from vibrations. However, these conditions generally 
are not realized in rotary-drilling situations. 


Example 5.25 A 1080-kg/m? (9.0-lbm/gal) brine having a viscosity of 0.001 Pa-s (1.0 cp) is being circulated in 
a well at a rate of 0.03787 m*/s (600 gal/min). Determine whether the fluid in the drillpipe is in laminar or turbu- 
lent flow if the ID of the drillpipe is 0.1086 m (4.276 in.). 

Solution. The cross-sectional area of the pipe is given by 


2 14)(0.1 í 
Anas _G eose mn): n, 


The average velocity in the drillpipe is given by 


y-4- 0.03787 mř/s 


= 4.088 m/s, 
A 0.009258 m? 
or, in field units, 
a 4.088 m/s _ 13.4 ft/s. 
0.3048 m/ft 


Using Eq. 5.123c, the Reynolds number is given by 


_ pyd _ (1,080)(4.088)(0.1086) 


N 
re èë u 0.001 


= 479,473. 


Because the Reynolds number is well above 2,100, the fluid in the drillpipe is in turbulent flow. 


Once it has been established that the flow pattern is turbulent, the determination of the frictional pressure loss 
must be based on empirical correlations. The most widely used correlations are based on a dimensionless quantity 
known as the friction factor. The friction factor is defined by 


P E E EEEIEE AERE OEE EES E EEE EEEE, (5.125a) 


where F „= force exerted on the conduit walls due to fluid movement, A = characteristic area of the conduit, and 
E, = kinetic energy per unit volume of fluid. 
For pipe flow, the shear stress on the conduit walls is given by 


7 = Rs a Py 
” 2ds 4ds“ 
The force F, exerted at the pipe wall due to fluid motion is given by 


ZË WP; Ss 


F, =(27RAs)r,, T 


The kinetic energy per unit volume of fluid is given by 
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1 
E, =—pv’. 
k 7? 


Substituting the expressions for F, and E, into Eq. 5.124a yields 


p patio paececen ens oun iaaeed seeiieeen i pamcedonteweds (5.125b) 


age setae se nia EAE (5.125c) 


Eq. 5.125c is known as the Fanning equation, and the friction factor defined by this equation is called the Fanning 
friction factor or simply the friction factor. In turbulent flow, the friction factor fis a function of the Reynolds number 
Nae and a term called the relative roughness, e/d, which is defined as the ratio of the absolute roughness, e, to the pipe 
diameter, with the absolute roughness representing the average depth of pipe wall irregularities. An empirical correla- 
tion for the determination of friction factors for fully developed turbulent flow in circular pipe has been presented by 
Colebrook (1939). The Colebrook function is given by 


i -tios 02595 1.255 } E ogo. A (5.1250) 


Vf Nef 


The friction factor f appears both inside and outside the logarithmic term of Colebrook’s equation, requiring an 
iterative solution technique. This difficulty can be avoided by a graphical representation of the Colebrook func- 
tion. A plot of friction factor against Reynolds number on log-log paper is called a Stanton chart. A Stanton chart 
for the Colebrook function is shown in Fig. 5.36. However, the solution of Eq. 5.125d using an electronic calcu- 
lator is not difficult and yields more precise results than is possible using the graphical solution. 

The selection of an appropriate absolute roughness e for a given application is often difficult. Shown in Table 5.1 are 
average roughness values determined empirically for several types of conduits. Also, Cullender and Smith (1956) in a 
study of published data obtained in clean steel pipes in gas-well and pipeline service found an average pipe roughness of 
0.01651 mm (0.00065 in.) to apply to most of the data. Fortunately, in rotary-drilling applications involving the use of 
relatively viscous drilling fluids, the Reynolds number seldom exceeds 100,000. Also, for most wellbore geometries, the 
relative roughness is usually less than 0.0004 in all sections. For these conditions, the friction factors for smooth pipe (zero 
roughness) can be applied for most engineering calculations. For smooth pipe, Eq. 5.124d reduces to 


oe 4log( Ne. f) PORT E E E (5.125e) 


Vf 


In addition, for smooth pipe and a Reynolds number range of 2,100 to 100,000, a straightline approximation (on 
a log-log plot) of the Colebrook function is possible. This approximation, first presented by Blasius (1913), is 
given by 


OTE EEEE EEEE (5.125f) 


where 2,100 < Np. < 100,000 and e/d = 0. 
The Fanning equation (Eq. 5.125c) can be rearranged for the calculation of frictional pressure drop due to tur- 
bulent flow in circular pipe as 


d —2 
d/o ee eae ee ee oe ee (5.126a) 
ds d 
and converting to field units gives 
d —2 
i me a Oe eT to ee E er eT enna tere nee (5.126b) 


ds  25.8d° 
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In addition, the Fanning equation can be extended to the laminar flow region if the friction factor for the laminar 
region is defined by 


Pe E EEO EERE wae neat E Ace an (5.126c) 


The proof of this relation is left as a student exercise. 
A simplified turbulent flow equation thus can be developed for smooth pipe and moderate Reynolds numbers 
by substituting Eq. 5.125d into Eq. 5.126a, which, after simplification, yields 


dp, B 0.1582p°?v'? ue” B 0.241604" uo” 


a Ra ae es es (5.126d) 
dL a> da‘? 
or, in field units, 
0.75=1.75 , 0.25 0.75 1.75 , 0.25 
SN le Sk © A ek RE Oe EE (5.126e) 
dL 1800d'* 8624d*” 
0.025 NN 
0.0225 
0.020 k 
0.0175 oe 0.05 
ddis 5 Fully rough wall 0.04 
0.014 Turbulence 0.03 
0.013 d 
0.012 0.02 @ 
“ 0.011 0.015 ys 
5 0.010 oo 68 
5 0.009 0.008 £ 
© 0.008 0.006 & 
c 0.007 fe) 
2 0.0065 0.004 K 
& 0.006 e 
IC 0.0055 0:002 $ 
0.005 T 
ee 0.001 & 
0.0008 
A 0.0006 
0.004 AE 0.0004 
0.0035 +E 0.0002 
0.003 Je 0.0001 
ai FIL 0.00005 
0.00225 F- 
0:002 2 34568 2 34568 2 34568 2 34568 2.3 496 8 0-090001 
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wd k 
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Fig. 5.36—Stanton chart showing Fanning friction factors for turbulent flow in circular pipe [after Moody (1944)]. 


TABLE 5.1—ABSOLUTE PIPE ROUGHNESS FOR SEVERAL TYPES OF CIRCULAR PIPES 
[AFTER STREETER (1962)] Reproduced with permission from The McGraw-Hill Companies. 
Type of Pipe Absolute Roughness, —e (mm) Absolute Roughness, —e (in.) 
Riveted steels 0.00635 to 0.0635 0.00025 to 0.0025 
Concrete 0.002108 to 0.02108 0.000083 to 0.00083 
Cast iron 0.001803 0.000071 
Galvanized iron 0.0010668 0.000042 
Asphalted cast iron 0.0008382 0.000033 
Commercial steel 0.0003302 0.000013 
Drawn tubing 0.00001016 0.0000004 
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Eqs. 5.126d and 5.126e are valid for circular pipes where e/d = 0 and N,, is between 2,100 and 100,000. 
These equations are in a form that readily identifies the relative influence of the various hydraulic parame- 
ters on turbulent frictional pressure loss. For example, it can be shown that changing from a drillpipe diam- 
eter of 0.143 to 0.1270 m (4.5 to 5 in.) would reduce the pressure loss in the drillpipe by approximately a 
factor of two. 


Example 5.26 Determine the frictional pressure drop in 3048 m (10,000 ft) of 0.143-m (4.5-in.) drillpipe having 
an ID of 0.09718 m (3.826 in.) if a 0.020-Pa-s (20-cp) Newtonian fluid having a density of 1080 kg/m? (9 lbm/gal) 
is pumped through the drillpipe at a rate of 0.0253 m*/s (400 gal/min). 

Solution. The mean fluid velocity is given by 


= q 0.0253 


v=—— = + =3.41 m/s =11.2 ft/s. 
md°/4  (3.14/4)(0.09718) 


The Reynolds number is given by 


va _(1080)(3.41)(0.09718 
E Oe ) ae eat 


e u 0.020 


Because the Reynolds number is greater than 2,100, the flow pattern is turbulent. For commercial steel, the abso- 
lute roughness is given in Table 5.1 as 0.0003302 mm. Thus, the relative roughness is 


e _ 0.0003302 mm 
d 97.18 mm 


= 0.0000034. 


Note that this corresponds closely to the smooth pipeline on Fig. 5.36 at a Reynolds number of 17,894. Solv- 
ing Eq. 5.125d by trial and error, the Fanning friction factor is 0.00666. Thus, the frictional pressure loss is 
given by 


d 7 2(0. 1 Aly 
Ge PPh Ara (0.00666)(1080)(3.41) 
ae 9 d (0.09718) 


(3048) = 5.211x10° Pa, 


or, in field units, 
Ap, = 756 psi. 
It is interesting to note that the use of the simplified turbulent flow equation given by Eq. 5.126c gives 


_ Pp 4 0158207 e 0.1582(1080)”” (3.41) (0.020)"” 
"db a’ (0.09718)'” 
= 5.3876x10° Pa = 781 psi. 


Ap 


(3048) 


The student should be warned that the Fanning friction factor presented in this text and commonly used 
in the drilling industry may be different from the friction factor used in other texts. A common friction fac- 
tor used in many engineering texts is the Darcy- Weisbach friction factor, usually presented in graphical form 
by Moody. The Moody friction factor is four times larger than the Fanning friction factor. Thus, a friction 
factor read from a Moody chart must be divided by four before being used with the equations presented in 
this text. 

A large amount of experimental work has been done in circular pipe. Unfortunately, this is not true for flow 
conduits of other shapes. When noncircular flow conduits are encountered, a common practice is to calculate 
an effective conduit diameter such that the flow behavior in a circular pipe of that diameter would be roughly 
equivalent to the flow behavior in the noncircular conduit. This concept, called the hydraulic diameter, is given 
in Eq. 5.24. 
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5.6.2 Non-Newtonian Fluid Models. When the flow becomes turbulent, no analytical solutions exist for flow of 
non-Newtonian fluids in pipes and annuli, and resort is made to experimental data. Determination of the g-Ap 
relationship is performed through the use of the friction-factor concept. Several equations have been proposed for 
the friction factor for turbulent flow of Bingham plastic, power-law, and Herschel-Bulkley fluids. Several investi- 
gators have tried to assess the accuracy of these correlations, either comparing the individual predictions or com- 
paring predictions with experimental data. In a study by Harnett and Kostic (1990), referenced by Chabra and 
Richardson (1999), it was found that the best approach was through the use of the Metzner and Reed graph 
(Metzner and Reed 1955). Variations of predictions of the different proposed correlations were found to differ by 
as much as +50% in a study by Heywood and Cheng (1984) for turbulent flow of Herschel-Bulkley fluids in 
pipes. 

Bingham Plastic Model. The frictional pressure loss associated with the turbulent flow of a Bingham plastic 
fluid is affected primarily by density and plastic viscosity. While the yield point of the fluid affects both the fric- 
tional pressure loss in laminar flow and the fluid velocity at which turbulence begins, at higher shear rates corre- 
sponding to a fully turbulent flow pattern, the yield point is no longer a highly significant parameter. It has been 
found empirically that the frictional pressure loss associated with the turbulent flow of a Bingham plastic fluid can 
be predicted using the equations developed for Newtonian fluids if the plastic viscosity is substituted for the New- 
tonian viscosity. This substitution can be made in the Reynolds number used in the Colebrook function defined by 
Eq. 5.124e or in the simplified turbulent flow equation given by Eq. 5.126c. 


Example 5.27 A 10-lbm/gal mud having a plastic viscosity of 40 cp and a yield point of 15 Ibf/100 ft? is being 

circulated at a rate of 600 gal/min. Estimate the frictional pressure loss in the annulus opposite the drill collars if 

the drill collars are in a 6.5-in. hole, have a length of 1,000 ft, and have a 4.5-in. OD. Assume turbulent flow. 
Solution. Converting to SI units, we get 


p= 1 ee —=1.198x10° kg/m’, 
8.3454 10° (Ibm/gal)/(kg/m’) 
ut, =— SP _ = 4.0x10" Pa-s, 


10° cp/(Pa-s) 


_ 15lbf | 0.4788 Pa 


Ty 7X z- = 7.182 Pa, 
“100 ft" —Ibf/(100 ft“) 
= as OO csi. 
* 3.93710! in./m 
-— 49 9.1143 m, 
”  3.937x10'" in./m 
s= IAR =3.048x10° m, 
3.2808 ft/m 
600 gal/min 


= 3.785x107 mř/s. 


= 1.585x10* (gal/min)/(m?/s) 


The average velocity is given by 


=) 
y= Ahi =3.397 m/s. 


(z14)(0.1651° —0.1143°) 


Computing the hydraulic diameter using Eq. 5.24 yields 


d, = 0.1651- 0.1143 = 0.0508 m. 
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The Reynolds number using the plastic viscosity is then 


vd, _(1198)(3.397)(0. 
N.= pvd, _(1198)(3.397)(0.0508) sie 
H, 0.04 


The Colebrook function for smooth pipe (Eq. 5.125e) gives a friction factor of 0.0093 for a Reynolds number of 
5,168. Thus, the pressure drop is given by 


dp, y 2 (0.0093) (1198)(3.397} (304.8 
Ap, = PE as = 2EB pg 20:0093) (11988.3977 (304.8) 
ds d (0.0508) 


e 


= 1,542,809 Pa, 


or, in field units, 


1,542,809 Pa : 
P; = - = 224 psi. 
6894.73 Pa/psi 


It is interesting to note that the use of the laminar flow equation gives 


48u, 6r, _ _48(0.04)(3.397) — 6(7.182) 


y 


(a,-a,} (d -4,) (0.1651-0.1143)* (0.1651-0.1143) 


Ap, /As = = 3375.6 Pa/m, 


or 
Ap, = (3375.6)(304.8) = 1,028,883 Pa = 149 psi, 


which is less than the value predicted by the turbulent flow relations. Thus, the flow pattern giving the greatest 
frictional pressure loss is turbulent flow. 


Power-Law Model. Dodge and Metzner (1959) extended the Colebrook equation for Newtonian fluids to power- 
law fluids and showed that the friction factor for the power-law fluids can be given by 


Ean 3 log(Ngem ””) 


Jf (n)? 


0.395 


z2-n' gn' 
v i 
ReMR T for pipes, 
K'(8) 
v(d, -d 
Nicu = eres FORGONE, ove toareueeeidocehdenekd ads NE e NEE EEE (5.127) 


Good agreement was found with their data of polymer solutions and clay suspensions, while Guillot and Dennis 
(1988) have also reported good agreement of predictions of Eq. 5.127 with their data on cement slurries. Irvine 
(1988) suggested the following Blasius-type equation for power-law fluids flowing in pipes: 


1 
3nt1 
f= pe g. Vie Malte a a ieee ee te a E ad ed EE a E See cae (5.128a) 
Nreme 
where 
gn An 3n? 
D(n) = ge deahtnbe ected dvlec un a e Soe Soe Oe wad aes Seed wae Some a eee ea S 5.128b 
(a) T” =} ( ) 


which readily reduces to the Blasius equation for n = 1. This equation gave <8% error when compared to data 
covering a range of 0.35 < n < 0.89 and 2,000 < N < 50,000. Guillot (1990) has also suggested a power-law 


Re MR 7 
relationship between the friction factor and Reynolds number valid for N, up < 10° of the form 
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PN ars penton cent ign wiles de ha nh AEAEE NEERA (5.129a) 


with a(n) and b(n) having different forms for a pipe and an annulus. For a pipe, 


AG) =0.079+0.0207l0g(n), -u.nan oaaao eea (5.129b) 


b(n) =—0.251+0.141log(n), onoono onoonoae aeaaea (5.129c) 


while, for the annulus, he gives 
a(n) = 0.0893 + 0.0246 log(n), .....enssssssessosessosescseceesseresseresessereneres (5.129d) 


b(n) = —0.263+0.138l0g(n). ooann aonana aoaaa EEEE EEEE (5.129e) 


The above analysis shows that for power-law fluids flowing either in a pipe or in an annulus, the approach using 
the apparent Newtonian viscosity gives the same pressure-drop relationships as the approach of using the local 
power-law fluids, as it should. 


Example 5.28 A 15.6-lbm/gal cement slurry having a consistency index of 335 eq cp and a flow behavior index 

of 0.67 is being pumped at a rate of 672 gal/min between a 9.625-in.-diameter hole and a 7.0-in.-diameter casing. 

Determine the frictional pressure loss per 100 ft of slurry. Use Eq. 5.175a to obtain the equivalent diameter. 
Solution. Converting from field units to SI units, we get 


15.6 lbm/gal 


= = = = 1.869 x 10° kg/m’, 
8.3454 x 10™ (1bm/gal)/(kg/m*° ) 


p 


7 335 eq cp 
10° (eq cp)/(Pa-s") 


= 0.335 Pa-s", 


d= 2099. _ 9.2445 m, 
3.93710! in./m 


z 7.0 in. 
P 3.93710! in./m 


= 0.1778 m, 


100 ft 


= ———— = 30.48 m, 
3.2808 ft/m 


672 gal/min 


q= 7 - — = 42.397 10° m°*/s. 
1.585 x 10° (gal/min)/(m*/s) 


The equivalent diameter is computed from Eq. 5.24: 


d, =d,,—d, = 0.2445 — 0.1778 = 0.0667 m. 
The mean fluid velocity is given by 


= q 42.397 x10° 


= = = 1.917 mis. 
(x/4)(@ =) (41 4)(0.2445° -0.1778°) i 


The Reynolds number is given by Eq. 5.203a: 
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_ pv "(d,-d,)" d, _ (1869)(1.917)"°” (0.2445 -0.1778)"”" (0.0667) 
12" K[(2n+1)/3n]" 12°! (0,335)| (20.67 +1) (3x0.67)) | 


0.67-1 ( 


= 4,431. 


Re 


From Fig. 5.37, the friction factor for n = 0.67 and N,, = 4,431 is 0.00763. This can be verified using Eq. 5.127. 
Thus, the frictional pressure drop is given by 


dp, — fpv? _ 2(0.00763)(1869)(1.917)° 


= 1574 Pa/m, 
ds d, [0.816(0.2445 —0.1778)] 
or, in field units, 
dp, 1.574 P. 
Pf ava ioei 


ds 22.6202 (Pa/m)/(psi/ft) 


and for 100 ft, the pressure drop is Ap,= 6.7 psi. 
If we compute the friction using the Irvine equation, we get 


D(n)= 


a" an Y” 27 4x0.67 
7 \3n41 7F® | 3x0.6741 


1.3467 
= 0.002368, 


thus giving 


0.002368 
r| 


0.3322 
= 0.00825, 
4,431 


which is 8% higher than the one computed with the full Metzner and Reed equation. 
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Fig. 5.37—Friction factors for power-law-fluid model [from Bourgoyne et al. (1991)]. 
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Similarly, we can estimate the friction factor using the approach of Guillot; hence, 
a(n) = 0.0893 + 0.0246 log(0.67) = 0.08502, 
and 


b(n) = —0.263 + 0.138 log(0.67) = 0.2870. 


Hence, 


f =a(n)Neng = (0.08502) (4,431 


-0.287 
Re MR ) 


= 0.0076, 


which is within only 1% of the friction factor computed with the full Metzner and Reed equation. 


Herschel-Bulkley Model. Various approaches have been suggested to compute the friction factor for turbulent 
flow of Herschel-Bulkley fluids. In a study by Heywood and Cheng (1984) for turbulent flow of Herschel-Bulkley 
fluids in pipes, the authors proposed that computation of the friction factor for turbulent flow of power-law fluids 
can be done either by using the Metzner and Reed approach (Metzner and Reed 1955) by deriving the local power- 
law parameters of Herschel-Bulkley fluids, thus taking into account the effect of the yield stress, or by neglecting 
the effect of the yield stress, because at the high shear rates encountered during turbulent flow, the yield stress 
should have minimal impact. For this situation, the equation proposed for power-law fluids, Eq. 5.127, should be 
used, with the K and n values being the same values as the parameters of the Herschel-Bulkley fluid. This was 
further supported in a recent paper by Brand et al. (2001) through measurements of pressure drop in a pipe in 
turbulent flow. These results indicate that in turbulent flow, the plug zone completely disappears, and the yield 
stress of the fluid does not play any role in the pressure-drop generation. 

Reed and Pilehvari (1993) presented a model for laminar, transitional, and turbulent flow of drilling muds using 
the Herschel-Bulkley rheological model. They proposed modifications to the diameter(s) of the conduit to account 
for the non-Newtonian effect and the use of the approach of Metzner and Reed (1955) with the generalized power- 
law model. 

Subramanian and Azar (2000) compared predictions of the Bingham plastic approach, the power-law approach, 
and the Reed and Pilehvari approach for Herschel-Bulkley fluids with their experimental data for a series of ex- 
periments with bentonite, glycol mud, polymer mud, and petroleum-free vegetable-oil mud flowing in a pipe and 
an annulus. In many cases, the Reed and Pilehvari approach with the Herschel-Bulkley fluid gave the most satis- 
factory results. For some cases with polymer mud (turbulent flow and rough pipe) and for the petroleum-free 
vegetable-oil mud, the predictions from all models were at odds with the measurements. 


5.6.3 Recommended Friction Models. The Petroleum Engineering Handbook, Volume IT: Drilling Engineering 
(Lake 2006) recommends the following friction factor calculations: 
Rheological Model 1: Newtonian Fluids. 


Pipe Flow. 
Frictional pressure drop: 


2 
De, aay soe bates cesta ose von ean Stace densa ash eatin ds aoe ss ea (5.130) 


NoSpam (5.131) 


where D is the pipe ID. 
Laminar flow: 


GAUGING a! eooo o noian oaao A EEEE EEEE EEEE EEEE EEE EEE EEEE EPERE EEEE EEEE EEEE (5.132) 


for Np. < 2100. 
Turbulent flow: 
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ee 2s sated ae beset a a E dauaseue (5.133) 
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for N}. > 3000, where k is the absolute pipe roughness in the same units as D. 
Annular Flow. 
Frictional pressure drop: 


dp, _ 2fpv (5.134) 


Reynolds number: 


ie Gee Yc) See eee Cae cee eee te tte ee eee Net Tere tee Tents eT eee tert (5.135) 


where d, is the annulus OD, and d, is the ID. 

Laminar flow: 

f= 16/N,,, (APPTOXIMALE), iea sereen aie Enea e E aE E E E AE E A EE EA (5.136) 
for N , < 2100. 

Turbulent flow: 


a E E E E T (5.137) 
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for Np. > 3000, where k is the absolute pipe roughness in the same units as D. 
Rheological Model 2: Bingham Plastic Fluids. 

Pipe Flow. 

Frictional pressure drop: 


ap, _2fpv' 
ds D 


LHIGte E eaweee Dike T eae MIO e Eadie eee eee ea Maws (5.138) 


Reynolds number: 
NSD OVI Migs. neha tontese sth alk SADE ahs au e banded ahaa tiled em aide OHS oie Red (5.139) 


where D is the pipe ID, and u, is the plastic viscosity. 
Laminar flow: 


F=1GKIN + (Na ION DIAN GENO, esse etacenaduiee ones aeearersecataeeies (5.140) 


for Nge < Nacgpp Where 


Nue = T, pD*/u,. 


Hı 


N 


ReBPI 


N 


ReBP2 


Necups ~ 86601- @.). 
N „„[(0.968774 — 1.362439a, + 0.1600822a,V/(8a,)]. 
a, = 4N 24,500) + (3/4)) — {(CN 124,500) + (3/4))? 


-4(N /24,500)?}'2)/(2(N,,/24,500))].- 


Turbulent flow: 


PANE, E E LE E AEE E (5.141) 
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for Nge > Ngegp Where 
For N „< = 0.75 x 10°, A = 0.20656 and B = 0.3780. 
For 0.75 x 10° < N, <=1.575 x 10°, A = 0.26365 and B = 0.38931. 
For N,,, > 0.75 x 10°, A = 0.20521, B = 0.35579, and N,,, = 7, pD*/L,” : 


Annular Flow. 
Frictional pressure drop: 


oP; o, 
ds d,-d, 


I deere EEEO AEE E EEE EE E (5.142) 


w 


Reynolds number: 
Nye = ld =d] PVU en R DEE EA EE (5.143) 


where d is the annulus OD, d, is the ID, and u, is the plastic viscosity. 
Laminar flow: 


f= TAIN JA Na ANON SNAPPING, a5e ies vou deriones weed ceadintaishaweones (5.144) 


for Nge < Neegpp Where 


Nye = T,p(dw?— dp*)/up’. 

N BP, =N, pp — 866(1- @,). 

Nap = Na, [(0-968774 — 1.362439a,, + 0.1600822a,4/(8a,)]- 
a, = %4[(((2 Np, 124,500) + (3/4) — {((2 Np, 124,500) + (3/4))? 


AN ae 124,500} 2N ye /24,500))]. 
Turbulent flow: 


TEAN D ee E E a a S (5.145) 


for Np, > Ngegp Where 
For N,,, < = 0.75 x 10°, A = 0.20656 and B = 0.3780. 
For 0.75 x 10° < N, <=1.575 x 10°, A = 0.26365 and B = 0.38931. 
For N, > 0.75 x 10°, A = 0.20521, B = 0.35579, and Np, = t,e(d,’— dV u5- 


Slit Flow. 
Frictional pressure drop: 


ON raat easy piace ais basa so se EE (5.146) 


Reynolds number: 
Nge = d,- d) PIL SH)y voce nee nen eee (5.147) 


where d is the annulus OD, d, is the ID, and u, is the plastic viscosity. 


258 Fundamentals of Drilling Engineering 


Laminar flow: 


f= 16[(UN,.) + (9/8) NAON D) — (NM BfNg Sb vee e cece cece eee ee es 


for Nge < Nesp Where 
Ny. = TP, - dP 15py. 
Nene: = Neap- 2/7 &,)- 
Npe = Nye (0.968774 — 1.362439, + 0.1600822a,*)/(12a,)]. 


a, = %l(((2 N,,,/24,500) + (3/4)) — {((2 N,,,/24,500) + (3/4))2 
—A(N,,,/24,500)?}"2)/(2(N,,/24,500))]. 


Turbulent flow: 


EAN. pean E E eases 


for Nge > N,,BP,, where 


For N< = 0.75 x 10°, A = 0.20656 and B = 0.3780. 


For 0.75 x 10° < N,,, <=1.575x10°, A = 0.26365 and B = 0.38931. 


For N,,, > 0.75 x 10°, A = 0.20521, B = 0.35579, and N,,, = T, p(dw?— dp’ VWA.5pu,). 


Rheological Model 3: Power Law Fluids. 
Pipe Flow. 
Frictional pressure drop: 


d, _ 2fpv" | 
ds D 


Reynolds number: 


N, =D" v2" p8 [Gnt DAM] K), occ ccc ccc cece riera rerne 


where D is the pipe ID. 
Laminar flow: 


for N,, < 3250 — 1150n. 
Turbulent flow: 


Lif "2= {[(4.0 in") log (Nf? HOM}, oaaao 


for Npe 2 4150 — 1150n. 
Annular Flow. 
Frictional pressure drop: 


Reynolds number: 


Nd dv le (Oma DR E 


(5.148) 


(5.149) 


(5.150) 


(5.151) 


(5.152) 


(5.153) 


(5.154) 


(5.155) 


where d is the annulus OD and d, is the ID. 
Laminar flow: 


f= 16/N,, (approximate), .. 6.6... eee eee eee 


for Np, < 3250 — 1150n. 
Turbulent flow: 


1/f 1/2 {[(4.0 fey log(\,,, pore )] _ (0.4/n'7)}, 


for Npe 2 4150 — 1150n. 
Slit Flow. 
Frictional pressure drop: 


We 21a 
ds d,-d, 


w 


Reynolds number: 
Ng = (4, — d,) "v ™ p12" [Qn + 1)/37)] " K). 


Laminar flow: 


for Np. < 3250 — 1150n. 
Turbulent flow: 


upe = {[(4.0 [ne] log Naf )] = (0.4/n!? )}, 


for N,, > 4150 — 1150n. 


Rheological Model 4: Yield Power Law Fluids. 
Pipe Flow. 
Frictional pressure drop: 


Wy _2fpv, 
ds D 


Reynolds number: 


Ni SPV TE RYO. xvecdesecernies 
where 

ye = 8v/D.,. 

_ 4n 

€ 3n+l ° 
Dal De 
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Ti 

D dp; 


Drilling Hydraulics 259 
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Laminar flow: 


PNG cre, e a E a pian dadids Maas cap e (5.164) 


ReYPL’ 


for N , < 3250 — 1150n. 
Turbulent flow: 


f= {A On) log (Np FOP OA, nes ccs aden the eee vend svesavescinadcesne ys (5.165) 


for Npe 2 4150 — 1150n. 
Slit Flow. 
Frictional pressure drop: 


2 
aP; _ 2fpv (5.166) 


Reynolds number: 


Nic AERE, raia i aR (5.167) 


ReYPL 


where 


y, = 12v/D,, 


3n 
= Cla =a): 
e 2n+1 Ke w p) 
c.=0-ə =a, 
l+n 
A 
x=—, 
To 
r, (2) dp E E E E se E AE (5.168) 
4 ds 


FAN ee ee candied a E cease (5.169) 


for Np, < 3250 — 1150n. 
Turbulent flow: 


Lif "2= ([(4.0 in) log (Np FOPO?) h, anaana eeeseeeesneneeeesenbeneseess (5.170) 


for Np, > 4150-1150n. 


5.7 Frictional Pressure Drop in an Eccentric Annulus 

In general, the pipe in the wellbore is usually not concentric with the wellbore. Only in special cases, such as a 
casing string with centralizers or a “packed” bottomhole assembly, will there be near-concentric annuli. The fric- 
tional pressure drop in an eccentric annulus is known to be less than the frictional pressure drop in a concentric 
annulus. For laminar flow of Newtonian fluids, the pressure drop in a fully eccentric annulus is approximately half 
the pressure drop in a concentric annulus. For turbulent flow, the difference is about 30%. For non-Newtonian 
fluids, the effect is less, but still significant. In deviated wells, the drillpipe should be fully eccentric over much of 
the deviated wellbore, resulting in reduced fluid friction. 

Define the correction factor for eccentricity: 
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a tien taser poesia Bees (5.171) 


where subscript e denotes eccentric, and subscript c denotes concentric. The geometry of an eccentric annulus and 
the definition of the degree of eccentricity ôr, are shown in Fig. 5.38. The eccentricity N, a dimensionless number 
that ranges from zero (concentric annulus) to one (fully eccentric annulus), is given by 


N ae oe ae ene re eee eee oe eee ee eee, (5.172) 


5.7.1 Newtonian Fluid Model. The laminar-flow analytic solution (Piercy et al. 1933) is not easy to derive and 
is very complex. For those interested, it is given on page 126 of White (1974). Fortunately, there is a simple solu- 
tion for a narrow annulus: 


de _ 1+5N2. Pe Bla ate Spat syed satin Gee kee a es eg eee (5.173) 


Note that full eccentricity increases the flow rate by a factor of 21⁄2. The laminar flow solution for an annulus shows 
that the frictional pressure drop is proportional to the volume flow rate, so 


Sh seen Gad oe da ee tine MOOR aa E E adie ee ee ad ee bate Cia 5.174 
e 2+3N? (3:174) 

For turbulent flow, Tao and Donovan (1955) have determined experimentally that, roughly, 
fe _|_1975N, +1.8N? -1.0625N°, a E a n a E a e a Glapatert Gig E E A (5.175) 


q. 


which is a cubic fit to Fig. 5.39 for curve rir, = 0.01. At full eccentricity, the flow rate is approximately 1.54 times 
the concentric rate. C, for turbulent flow is 


1 


C= Ce ee E E E Te E (5.176) 
€ 1-.1975N, +1.8N? -1.0625N° 


Fig. 5.38—Definition of an eccentric annulus. 
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5.7.2 Power-Law Model. C, for laminar flow is determined on the basis of the methods used by Uner et al. (1989). 
The flow rate through a concentric annulus is given by 


l/n 


dp; r, 
ds 2K 


mr n 


ERIR ice a eo ae raad 5.177 
2 2n+1 (ER )(I-R,) ( ) 


q. = 


where R, = rv. The flow rate through an eccentric annulus was determined to be 


I/n (1-R?) 
[2E(4)- zR, | 


3 
mr n 


w 


2 2n+1 


dp, r, 
ds 2K 


q. = FUG R js pier reise oreti epig DERES (5.178) 


where 


F(A,n,R,) = MEE sin? é +Acosé-R,) GE. eere ENEA EAA KEIER SEENE (5.179) 
E(A)= [i= ET pinaaieaicuohesnceseuuntacadae ia EEEE (5.180) 


and 
(1-R,) 
A=or Beech A E E canes caves E E EEE ehtose Ge ecten acca sa ane E E (5.181) 
Ly, 


The function E(A) is the complete elliptic integral of the second kind. E(A) and the function F must be evaluated 
using numerical methods (Press et al. 1997). C, for laminar flow of a power-law fluid is then 


m| 2E(4)- zR, |" 
C, =(1-R,) E O EE E A E E E te (5.182) 
F(A,n,R,) 
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Fig. 5.39—Volume flow through an eccentric annulus [from White (1974)]. Reproduced with permission from The 
McGraw Hill Companies. 
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Because C, depends only on A, n, and R , C, need be calculated only once, then used for all future frictional pres- 
sure drop calculations, as long as the property n does not vary. 

A simpler alternate expression for C, was given by Haciislamoglu and Langlinais (1990). The equation is as 
follows: 


N r 0.8454 r 0.1852 r 0.2527 
C,=1 oon{ e I | 1.5N3 Vn (2) rosen: +] a a (5.183) 
r 


n r, w r, 


Eq. 5.183 is valid for eccentricities ranging from 0 to 0.95, inner- to outer-pipe diameter ratios of 0.3 to 0.9, and 
flow behavior indices from 0.4 to 1.0. 


Example 5.29 Before cementing, mud is circulating in a deviated well, with a centralized 9%-in. casing string in 
a 12%4-in. hole. The diameter of the centralizers is 11’ in., and the drilling mud has a flow behavior index of 0.65 
and a consistency index of 155 eq cp. The pressure-loss gradient in a concentric annulus is estimated to be 0.0442 
psi/ft. Determine the frictional-pressure-loss gradient for the eccentric annulus. 

Solution. In SI units, the hole size ry the outside casing diameter ry the centralizer diameter f; the consistency 
index, K, and the pressure gradient dp,/dL are given by 


(12.25in.) 
r, = : =0.156m, 
2(3.937 x 10 in./m) 
(9.625in.) 
= = 0.122m, 
P  2(3.937x 10 in./m) 
(11.125in.) 
r, = - =0.141m, 
2(3.937x10in./m) 
= us “q s) = 1.55-107' Pa- s” 
(10° eq cp/Pa-s") 
dp, _ (0.0442 psi/ft) ioan 


dL (4.4207-10~ psi/ft/Pa/m) 


Assuming the centralizers are touching the low side of the hole, the eccentricity is 


gann 0156-0040 
€ n, =r, 0.156—0.122 


w P 


0.44 


The correlation factor for eccentricity is given by Eq. 5.183: 


0.8454 0.1852 
Cal oonu ) 1.5(0.44) v0.65 (=z) 


0.65 )\ 0.156 0.156 


0.2527 
+0.96(0.44)’ 0.65 (=2) , 


0.156 


C, = 1- 0.0396 — 0.0984 + 0.0620 = 0.924. 


The frictional-pressure-loss gradient in the deviated annular section is given by 
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dp, dp, 
Z 1 ) -c{ s 1 ) = 0.924 (100 Pa/m) = 92.4 Pa/m = 0.041 psi/ft. 
sS s j 


C, for turbulent flow is determined by applying the same techniques to the turbulent velocity profile determined 
by Dodge and Metzner (1959): 


u a 
<= =A|y|+ 2, In(w PA E a E tear eget A S (5.184) 
where 
A, = DAS a seresepate EEEE EEEN NLS Aa Siete tay eating eS (5.185) 
A, = 2.458(2 — WA celebs tee oe ace, eons a eae eR EGE Soa ee oe nes (5.186) 
A; = 245sin( 2) +3.475n°4 960 +0.815n -0.707mIn(3 al E E a ate E (5.187) 
n 
and 
ie E nea Ae E a e E E at WP E E Ae ee E O tes (5.188) 
p 


The volume flow rate through the concentric annulus is given by 


q= f" fi {a n(y)+4 n(u)+4}dyax, 


h/2 
h=r, =i 
WGI nied cain wena E E ceoameatesaey uns owueetn ere iaiaaeiaee (5.189) 


Integrating Eq. 5.188 gives 


garala Bj- Jeh a Ah acre inte cea e E (5.190) 


where A is the flow area. The equivalent integral to Eq. 5.188 for eccentric flow is given by 


au fB PO" a m()ayao eal a m(u)+2 


_ ar, (1-8) 


w 


2 2E(A)-2R,” 


h(0)= r (1-7 sin? 0 +Acos0-R, . a denen eevee (5.191) 


The integral in Eq. 5.190 must be evaluated numerically. C, can then be determined: 


C, = (s) NENE EEEE EEE NEEE (5.192) 


where u * is determined from the concentric solution given by Dodge and Metzner (1959). The resulting nonlinear 
equation must be solved for C, numerically (e.g., by using Newton’s method). Because C, depends only on 4., À, 
ån, and R, C, need be calculated only once, then used for all future frictional-pressure-drop calculations, as long 


as the properties p, K, and n do not vary. 
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5.7.3 Bingham Plastic and Herschel-Bulkley Models. For fluid models with a yield stress, neither laminar flow 
nor turbulent flow models have been developed. For low flow rates, however, one would expect that the sheared 
fluid layer would be relatively thin, so that it would be similar to a concentric flow. For fully turbulent flow, the 
Bingham Plastic model should mimic the behavior of a turbulent Newtonian fluid. The fully turbulent Herschel- 
Bulkley Model should mimic the power-law turbulent model. The intermediate cases, with merging sheared fluid 
zones, are currently not well understood. 


5.8 Frictional Pressure Drop With Pipe Movement 

In Sections 5.3 through 5.7, equations that described the movement of fluids through conduits were developed. 
However, when running casing or making a trip, a slightly different situation is encountered in that the conduit is 
moved through the fluid rather than the fluid through the conduit. 

As pipe is moved downward in a well, the drilling fluid must move upward to exit the region being entered by 
the new volume of the extending pipe. Likewise, an upward pipe movement requires a downward fluid movement. 
The flow pattern of the moving fluid can be either laminar or turbulent, depending on the velocity at which the 
pipe is moved. It is possible to derive mathematical equations for surge and swab pressures only for the laminar 
flow pattern. Empirical correlations must be used if the flow pattern is turbulent. 


5.8.1 Newtonian Fluid Model. The basic differential equations derived in Section 5.11 to describe laminar flow 
in circular pipes and annuli apply to conduit movement through the fluid as well as fluid movement through the 
conduit. Only the boundary conditions are different. 

A typical velocity profile for laminar flow caused by pulling pipe out of the hole at velocity —v_ is shown in Fig. 
5.40. Note that the velocity profile inside the inner pipe caused by a vertical pipe movement is identical to the 
velocity profile caused by pumping fluid down the inner pipe. If the mean fluid velocity in the pipe is expressed 
relative to the pipe wall, the pipe-flow equation developed in Section 5.5 can be applied. Substituting the term 
v, -(-v,) for y yields 


dp, vV, +v 
F e. n perparen ae AEE E EEN OIO EERE Hoge Rhee Reena een (5.193) 
or, in SI units, 
dp. v, + 
=L -32u = bebe eset ereees eos cu ntees bee oe seer ene (5.193a) 
s 


The velocity profile in the annulus caused by vertical pipe movement differs from the velocity profile caused by 
pumping fluid through the annulus in that the velocity at the wall of the inner pipe is not zero. The slot-flow rep- 
resentation of the annular geometry usually is preferred because of its relative simplicity: 


mT dp, TV 
q= T e COCEA H n e Seea EE E EE (5.194) 


Expressing the flow rate in terms of the mean flow velocity in the annulus, y,, and solving for the frictional pres- 
sure gradient dp /ds gives 


EE E E E E ate dhe A A E E E A (5.195) 


5.8.2 Non-Newtonian Fluid Model. It is possible to derive laminar-flow surge-pressure equations using non- 
Newtonian fluid models such as the Bingham plastic and power-law models. This can be accomplished by chang- 
ing the boundary conditions at the pipe wall from v = 0 to v= =, in the annular-flow derivations for the Bingham 
plastic model and power-law model given in Section 5.5. However, the resulting surge-pressure equations are far 
too complex for field application. 

A simplified technique for computing surge pressures was presented by Burkhardt (1961). The simplified 
method is based on the use of an effective fluid velocity in the annular-flow equations. The suitability of the 
annular-flow equations for predicting surge pressure is suggested by the similarity of the annular flow and 
surge pressure equations for the Newtonian fluid model. For example, the Newtonian equation (Eq. 5.195) is 
obtained if an effective mean annular velocity v „ defined by 
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Fig. 5.40—Velocity profiles for laminar-flow pattern when pipe is pulled out of hole [from Bourgoyne et al. (1991)]. 


ey e E E E E E E A G (5.196) 
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where the constant K, called the mud-clinging constant, is obtained for a given annular geometry using Fig. 5.41. 

Burkhardt obtained the correlation for K using complex equations derived for the Bingham plastic model using 
a slot-flow representation of the annulus. Note that for small annular clearances, where surge and swab pressures 
will be most significant, the value of K approaches 0.5. 

Mud-clinging-constant values also can be obtained from the work of Schuh (1964) for the power-law fluid 
model and a slot approximation of annular geometry. The resulting curve is used irrespective of flow pattern and 
falls between Burkhardt’s curves for laminar and turbulent flow. 

Brooks (1982) developed a series of curves reporting the mud-clinging constant for laminar flow for Bingham 
plastic and power-law fluids. Assumptions in developing the analytical calculations were a concentric annulus and 
incompressible fluids. Curves to determine the mud-clinging constant were proposed as a function of the annulus 
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diameter ratio, the ratio of actual fluid displacement to the maximum or closed-end pipe displacement, and the 
Bingham number relative to the pipe velocity or the power-law flow behavior index. The Bingham number relative 
to the pipe velocity is defined as follows: 

_ T,(d,—d,) 


Bip 


Hp Vp 


Ng e E A EA Th ea ae edly Fie Re Gob aoaaa E a E aii A (5.198) 


where up is the plastic viscosity and q, is the yield point for Bingham plastic fluids. 

Figs. 5.42 and 5.43 show an example of the mud-clinging-constant graphs reported by Brooks (1982) for a 
Bingham plastic fluid with Bingham number of 100 and for a power-law fluid with flow behavior index of 0.5, 
respectively. 

For Newtonian fluids, the mud-clinging constant is not dependent on the flow velocity ratio, v/v „a and the re- 
lated curve follows the one reported by Burkhardt (1961), while the analytical expression is that given by Fontenot 
and Clark (1974). However, the effect of the non-Newtonian behavior of a drilling fluid reduces the value of the 
mud-clinging constant, and this effect is more remarkable for low values of the ratio of bulk-fluid velocity to bulk 
velocity displaced by closed-end pipe, v/v „ax This results in a considerable error when making surge-pressure 
evaluations. 


a 


5.8.3 Turbulent Flow. Empirical correlations have not been developed specifically for the calculations of surge 
and swab pressures when in turbulent flow. However, Burkhardt (1961) and Schuh (1964) have presented corre- 
lations for the mud-clinging constant K applicable for turbulent flow and for commonly used annular geometries 
(Fig. 5.41). Recall that these annular flow equations, in turn, are based on an empirical correlation developed for 
circular pipes. Unfortunately, no published criteria for establishing the onset of turbulence are available. The usual 
procedure is to calculate surge and swab pressures for both the laminar and turbulent flow patterns and then to use 
the larger value. 


5.9 Calculating Steady-State Pressures in a Wellbore 

Assuming we can calculate AP for each constant area section of drillpipe or annulus (Sections 5.5 through 5.8) 
and can calculate AP for nozzles and area changes (Section 5.3), we are now ready to evaluate the pressures in a 
wellbore. 


5.9.1 Circulating Wellbore Pressures. A typical wellbore fluid system is illustrated in Fig. 5.2. Summing all 
pressure drops gives the standpipe pressure: 
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Fig. 5.41—Mud-clinging constant, K, for computing swab/surge pressures [from Bourgoyne et al. (1991)]. 
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Fig. 5.42—Mud-clinging constant plotted against annulus-diameter ratio for a Bingham plastic fluid and Bingham num- 
ber equal to 100 [from Bourgoyne et al. (1991)]. 
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Fig. 5.43—Mud-clinging constant plotted against annulus-diameter ratio for a power-law fluid with flow-behavior index 
of 0.5 [from Bourgoyne et al. (1991)]. 


Pstandpipe = AP(pipe joints) + AP(internal upsets) + AP(area changes) + AP(bit) 
+ AP(annulus) + AP(tool joints) + AP(misc) + AP(choke) + Pim 6. eee eee eee eee (5.199) 


In this calculation, we assume that the calculations are started from a known pressure value, most conveniently 
the atmospheric pressure at the exit of the annulus. This choice is particularly suitable if air or foam drilling is 
being considered because “choked” gas flow will almost never occur. For this choice of “boundary condition,” 
flow calculations proceed backward from the annulus exit to the standpipe pressure. For flow in the annulus, both 
fluid density and fluid friction will increase pressure going down the annulus. Where fluid type changes, the pres- 
sure and flow velocity are continuous: 


P(fluid,) = P(fluid,) 


v(fluid ) = v(fluid,) at the interface. sorse riensi eessen iseia nangen eia ea e K E aaa (5.200) 
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Notice that mass flow rate may not be continuous at the interface between two fluids because the densities may 
be different. When calculating from the bit to the standpipe, inside the drillstring, fluid density will decrease 
pressure and fluid friction will increase pressure. Pressure changes due to internal upsets and tool joints con- 
sist of two area changes and a short flow section, as shown in Fig. 5.44. 

Pressure drop across the bit consists of two area changes, into the nozzles and exit from the nozzles into the 
open hole annular area. Miscellaneous pressure drops are drops through tools, mud motors, floats, or in-pipe 
chokes. Sometimes, the manufacturer will have this pressure loss information tabulated; otherwise, one must es- 
timate the pressure loss through use of the tool internal dimensions. 

If the standpipe pressure is given, then the flow exiting the annulus must be choked back to atmospheric pressure: 


AP(exit choke) = Pstandpipe — AP(pipe joints) — AP(internal upsets) — AP(area changes) 
— AP(bit) — AP(annulus) — AP(tool joints) — AP(misc)— Pee eee eee (5.201) 


5.9.2 Surge Pressure Prediction. An exceptional flow case is the operation of running pipe or casing into the well- 
bore. Moving pipe into the wellbore displaces fluid, and the flow of this fluid generates pressures called surge pres- 
sures. When the pipe is pulled from the well, negative pressures are generated, and these pressures are called swab 
pressures. In most wells, the magnitude of the pressure surges is not critical because proper casing design and mud 
programs leave large enough margins between fracture pressures and formation-fluid pressures. Typically, dy- 
namic fluid flow is not a consideration, so a steady-state calculation can be performed. A certain fraction of wells, 
however, cannot be designed with large surge-pressure margins. In these critical wells, pressure surges must be 
maintained within narrow limits. In other critical wells, pressure margins may be large, but pressure surges may 
still be a concern. Some operations are particularly prone to large pressure surges (e.g., running of low-clearance 
liners in deep wells). The reader is referred to papers on dynamic surge calculations, and a later section on dy- 
namic pressure calculation will give a taste of this type of calculation. 

The surge-pressure analysis consists of two analytical regions: the pipe-annulus region and the pipe-to-bottom- 
hole region (Fig. 5.45). The fluid flow in the pipe-annulus region should be solved using techniques already dis- 
cussed, but with the following special considerations: frictional pressure drop must be solved for flow in an 
annulus with a moving pipe, and in deviated wells, the effect of annulus eccentricity should be considered. The 
analysis of the pipe-to-bottomhole region should consist of a static pressure analysis, with pressure boundary 
condition determined by the fluid flow at the bit, or pipe end if running casing. The pipe-annulus model and the 
pipe-to-bottomhole model then are connected through a comprehensive set of force and displacement compatibil- 
ity relations. 

Surface Boundary Conditions. There are six variables that can be specified at the surface: 

P, = pipe pressure, 

v, = pipe fluid velocity, 

p, = annulus pressure, 
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Fig. 5.44—Pressure-drop calculation sections. 
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v, = annulus fluid velocity, 
V, = pipe Velocity... a, cease ei etaQi ee cyte eee Oka ease Hie ce dies bE Ie eats (5.202) 


A maximum of three boundary conditions can be specified at the surface. For surge without circulation, the fol- 
lowing boundary conditions hold: 

p, = atmospheric pressure, 

p, = atmospheric pressure, 

v= specified pipe: velocity... J: sede okos eete bbs anaes Sade ees ee e Se Gees (5.203) 


For a closed-end pipe, the following boundary conditions hold: 
v, = v, fluid velocity equals pipe velocity; 
p, = atmospheric pressure; 
v, = specified pipe velocity, 2.6... ee eee AN tenn e es (5.204) 


For circulation with circulation rate g, the boundary conditions are 
v, =v, + q/A, (Le., fluid velocity equals pipe velocity plus circulation velocity), 
p, = atmospheric pressure, 
Vv, = specified pipe velocity, 6.0... ccc ene nee (5.205) 


End of Pipe Boundary Conditions. There are 11 variables that can be specified at the moving pipe end (see 
Fig. 5.46): 

P, = Pipe pressure, 

v, = pipe velocity, 

p, = pipe annulus pressure, 

v, = pipe annulus velocity, 

P,, = pipe nozzle pressure, 

v, = pipe nozzle velocity, 

p,= annulus return area pressure, 
v= annulus return area velocity, 
p = pipe-to-bottomhole pressure, 


Pipe-annulus 
region 


Pipe to bottomhole 
region 


T 


Fig. 5.45—Surge-pressure calculation regions. 
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v = pipe-to-bottomhole velocity, 
Vi = pipe Velocity: sa.d4 sca dhe hed ia ae eats Paint eG ee da kaha Sige eee a (5.206) 


A total of seven boundary conditions can be specified at the moving pipe end with bit, as shown in Fig. 5.47. 

For the surge model, three mass-balance equations and four nozzle-pressure relations were used: 

Pipe-to-bottomhole mass balance: 

AV HAV FAM AAVHO: wuateled tacts see a ie neh nes eee tied tea eae edo (5.207) 
Pipe annulus mass balance: 
An =A AY A SO giier en yi a ag ala SE E E E E ATER EE atin (5.208) 
Pipe mass balance: 


Fi E ASA E E E sien or ameeue: (5.209) 


nn 


Pipe nozzle pressures: 


ra epee Mids Se WN RE E a Aa AE A a EES (5.210) 


E R E E E EA E E E E E ED N (5.211) 


The boundary conditions are greatly simplified for a pipe without a bit: 


ESET APS EE (5.212) 


Fig. 5.46—Balance of mass at the bit. 
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and 
P,=P,=P,=P, =P, 
v =vn, 
PEN oaao iE E T ee eee Te E eee ee Ty E EE AE Tee rer (5.213) 
The boundary condition imposed by a float is the requirement that 
ae ee ee eee ee E ee ee E E Y (5.214) 


If the solution of the boundary conditions does not satisfy this condition, the boundary conditions must be solved 
again with the new requirement: 


Vi Vhs, uaia le act iGuide few 5 tinned guts esta a 20 aAA a lp uns aaae a ceeds, Ghat bared a fons wep ude anita gud lake (5.215) 


Change of Cross-Sectional Area. Changes in the cross-sectional area of the moving pipe generate an additional 
term in the balance of mass equations due to the fluid displaced by the moving pipe, as shown in Fig. 5.47: 


+ + Ary 
A v =A,v, +AA 


Atv, SAG, FAA V 2.65 65:2 0 G5 36s kieren s pa DESO EEE uS OEE FESR AEE CEE G (5.216) 
where 

AA, =A -A/, 

AA SA Ag wae ddt ean EES ead Leben teh a Guna hdd he ake ie ea T ETR (5.217) 


The superscript minus sign (—) denotes upstream properties and the superscript plus sign (+) denotes downstream 
properties. 

Surge Pressure Solution. Because of the complex boundary conditions, the solution of a steady-state surge pres- 
sure is most easily solved with a computer program. For closed-pipe and circulating cases, the flow is defined so that 
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pressures can be calculated from the annulus exit to the standpipe, as discussed previously. For open pipe surges, the 
problem is finding how the flow splits between the pipe and the annulus, so that the pressures for both the pipe and 
the annulus match at the bit. One strategy for solving this problem is 


1. Calculate all pressures with all flow in the annulus, then check pressures at the bit; annulus pressure will 
be lower because of fluid friction. 

2. Calculate all pressures with all flow in the pipe, then check pressures at the bit; pipe pressure will be lower 
because of fluid friction. 

3. Calculate a division of flow between the pipe and annulus that will equalize the pressures at the bit. 

4. Repeat Step 3 until the two pressures match within an acceptable tolerance. 


The efficiency of this calculation will depend on the method chosen for Step 3. With modern computers, this is 
not a particularly critical problem, so a simple interval halving technique would work. At the i™ step, x, is the 
fraction of flow in the pipe and (1—y,) is the fraction in the annulus. Previous steps show that he gives a higher 
annulus pressure and y „gives a lower annulus pressure. Our new choice for y, is /2( X, t X): We perform the pres- 
sure calculation and find that the annulus pressure is higher, so we assign Xp = Xr If the pressure difference is less 
than our tolerance, which we choose to be 1 psi, then the calculation is complete. Otherwise, we try another step. 
How do we establish he and y ,? The initial two steps in the solution step should give us i= 0 and y= 1, respec- 
tively. In some cases, such as small nozzles or restricted flow around the bit, fluid must flow into either the pipe 
or the annulus, or the fluid level must fall. For these cases, y may be negative or greater than one. It may be 
necessary to repeat Steps 1 and 2 to establish the initial set y, and Xy 


5.10 Dynamic Surge and Swab Pressures 


5.10.1 Introduction. Pressure surges in critical wells are commonly calculated using steady-state flow surge 
models, such as those proposed by Burkhardt (1961) and Schuh (1964). Since these models do not consider the 
inertia of the fluid or the compressibility of the fluid-wellbore system, the validity of the steady flow assumption 
was questioned. 

When a tubular (such as drillstring or casing) is moved in a hole filled with a fluid, transient pressure fluctuation 
can occur, causing the fluid pressure at a given depth to oscillate above and below the hydrostatic pressure. Tran- 
sients occur while either pulling out of the hole or tripping in the hole. It is natural to associate a pressure surge 
with tripping in, and a pressure swab with pulling out. However, due to the nature of transient pressure, both 
surges and swabs could occur in either case. For instance, while pulling out, the string is first accelerated to the 
maximum trip speed, held at that speed for some time, and finally decelerated to rest for each stand pulled. Fig. 
5.48 shows a typical trip-in velocity profile while tripping one stand of drillpipe in the hole. The graph includes 
picking up off the slips, lowering the stand in the hole, and stopping the stand to set the slips. 

Although the pipe has been brought to rest at the surface, the bit does not come to rest at the same time, due 
to the longitudinal elasticity of the pipe. Therefore the pipe alternately stretches and shortens. Similarly, the 
fluid inertia causes the fluid to alternately compress and expand. Also, the wellbore contracts and expands, in 
response to the fluid pressure and its own elasticity. As a result of these transient effects, the local pressure 
can go above as well as below the static pressure, causing both a surge and a swab. Eventually, the wellbore 
returns to its original shape, the pipe is back to its original length, the pressure is hydrostatic everywhere, and 
the pipe and fluid are at rest everywhere. 

At the end of the 1970s Lubinski (1977) introduced a dynamic model that included the compressibility and 
density of the drilling mud. Later, Lal (1983) further improved the model, providing a useful analysis of the 
factors affecting surge and swab pressures, including formation elasticity or borehole expansion. Mitchell 
(1988) refined the previous model with the addition of the axial drillstring elasticity and the coupling between 
the pressure inside and outside the drillstring via the circumferential stiffness of the pipe wall. Bizanti et al. 
(1991) performed a sensitivity study to quantify the differences between steady-state and unsteady-state mod- 
els. Rudolf and Suryanarayana (1998) reported field measurements of surge pressures to validate a fully dy- 
namic surge model, as shown in Fig. 5.49 and Fig 5.50. Fig. 5.49 shows a typical transient swab/surge 
pressure against time while tripping in the hole one stand. The graph shows transient pressure behavior over 
60 seconds as seen at the bottom of the open hole, starting with the bit 9,366 ft above the hole bottom. The 
time of 0.00 seconds is when the drillstring is picked up off the slips to trip in one stand. The pressure in the 
wellbore drops below the pore pressure for approximately 10 seconds (between 17 and 27 seconds), because 
of pressure transients. In this length of time the hydrostatic pressure is below the pore pressure value of 12.0 
lbm/gal (in this example). The pressure transients continue long after the stand has been set in the slips (near 
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Fig. 5.48—Typical velocity profile while tripping in the hole. 
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Fig. 5.49—Typical transient swab/surge pressure against time while tripping in one stand [after Rudolf and Suryana- 
rayana (1998)]. 
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Fig. 5.50—Normalized transient pressures while tripping in one stand [after Rudolf and Suryanarayana (1998)]. 


the 10-second mark) and are almost completely damped out after 60 seconds. This occurs for each stand low- 
ered into the hole. 

Steine et al. (1996) reported on surge and swab experiments performed in an inclined onshore slimhole well. 
Fig. 5.51 shows the downhole (1936 m measured depth) pressure development during tripping with plain drill 
water circulating at 150 L/min. In a successive paper, Bach et al. (1997) reported on a sensitivity study preformed 
on the data obtained from the tests. Wang et al. (1997) studied the effect of unsteady motion of closed-end casing 
strings in concentric annuli on wellbore surge and swab pressures. Recently, Mitchell (2004) carried out a study 
on the dynamic surge pressures with high viscous forces in a low-clearance liner annulus. It is well known that, 
due to narrow margins between pore pressures and fracture gradients, low clearance produces large fluid friction 
effects, and as a consequence surge pressures can strongly affect casing design. The low clearance between hole 
and liner restricts return flow to such an extent that all the displaced fluid flows inside the liner, and the annulus 
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Fig. 5.51—Surge/swab data measured downhole in plain drill water [after Steine et al. (1996)]. 


fluid is swabbed behind the liner. The possibility of taking a kick while tripping in this kind of well may be sig- 
nificant. 

While surge pressures are the primary concern while tripping into a well, two mechanisms have been identified 
for creating swabs: transient swabs caused by deceleration of the fluid at the end of a trip, and swabs caused by 
restricted annular flow due to low clearance. The second mechanism is possibly more serious because steady-state 
swab pressures are possible. 


5.10.2 Dynamic Pressure Prediction. Calculating dynamic pressures in a wellbore are significantly more diffi- 
cult than calculating steady-state flowing conditions. In a dynamic calculation, there are two effects not consid- 
ered in steady flow: fluid inertia and fluid accumulation. In steady-state mass conservation, flow of fluid into a 
volume was matched by an equivalent flow out of the volume. In the dynamic calculation, there may not be equal 
inflow and outflow, but instead, fluid may accumulate within the volume. For fluid accumulation to occur, either 
the fluid must compress or the wellbore must expand. When considering the momentum equation, the fluid at rest 
must be accelerated to its final flow rate, and then decelerated when pipe motion stops. The fluid inertia resists this 
change in velocity. 

Typically, dynamic fluid flow is not a consideration. The major exception is the operation of running pipe or 
casing into the wellbore, where dynamic pressure variation may be as important as pressures caused by fluid fric- 
tion. 

Governing Equations—Dynamic Pressure Prediction . The fluid pressures and velocities in open hole are 
determined by solving two coupled partial differential equations: the balance of mass and the balance of mo- 
mentum. 

Balance of Mass. 

pgi |e. ao, m enlist day aid AE a E og aces Saas al orale hated e ays etc eeD (5.218) 
AdP K,}dt o 


where 

A = cross-sectional area, m7; 

P = pressure, Pa; 

K,= fluid bulk modulus, Pa; and 
v = fluid velocity, m/s. 


The term 
ESGOS O (5.219) 
AdP K, 


is the compressibility, C, of the wellbore/fluid system (i.e., the change in wellbore volume per unit change in pres- 
sure). The balance of mass consists of three effects: the expansion of the hole because of internal fluid pressure, 
the compression of the fluid because of changes in fluid pressure, and the influx or outflux of the fluid. The expan- 
sion of the hole is governed by the elastic response of the formation and any casing cemented between the fluid 
and the formation. The fluid volume change is given by the bulk modulus K,. For drilling muds, K, varies as a 
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function of composition, pressure, and temperature. The reciprocal of the bulk modulus is called the compress- 
ibility. 

Balance of Momentum. 


dv ðP 
pa = ay tart egcosp=0 AEE T EE (5.220) 
where 


p = fluid density, kg/m’; 

dP fa friction pressure loss, Pa/m; 

g = gravitational constant, m/s’; 

ọ = angle of inclination from the vertical; 
and 


d_ ð ð 


+v— 
dt ôt z 


The balance of momentum equation consists of four terms. The first term in Eq. 5.220 represents the inertia 
of the fluid [i.e., the acceleration of the fluid (left side of Eq. 5.220) equals the sum of the forces on the fluid 
(right side of Eq. 5.220)]. The last three terms are the forces on the fluid. The first of these terms is the pressure 
gradient. The second is the drag on the fluid because of frictional or viscous forces. The friction pressure drop 
is a function of the type of fluid and the velocity of the fluid. Frictional drag is discussed in the section on 
rheology. The last force is the gravitational force. 

The balance equations for flow with a pipe in the wellbore are similar to the equations for the openhole 
model with two important differences. First, the expansivity terms in the balance of mass equations depend 
on the pressures both inside and outside the pipe. For instance, increased annulus pressure can decrease the 
cross-sectional area inside the pipe, and increased pipe pressure can increase the cross-sectional area be- 
cause of pipe elastic deformation. The second major difference is the effect of pipe speed on the frictional 
pressure drop in the annulus, as discussed in the steady-state surge article. Consult papers on dynamic surge 
pressures for more detail concerning the wellbore/pipe problem, such as Lubinski (1977) and Mitchell 
(1988). 

Borehole Expansion. The balance of mass equation contains a term that relates the flow cross-sectional 
area to the fluid pressures. This section discusses the application of elasticity theory to the determination of 
the coefficients in the balance of mass equation. If we assume that the formation outside the wellbore is elas- 
tic, then the displacement of the borehole wall because of change in internal pressure is given by the elastic 
formula. 


D 
EEEE 6 Ee |. ae eer ee ere ee Tere eee (5.221) 
2E, 


where 

u = radial displacement, m; 

v= Poisson’s ratio for the formation; and 
E „= Young’s modulus for the formation, Pa. 


The cross-sectional area of the annulus is given by 


Asr VD EU). aerer e E E are ee TE a (5.222) 


If we assume u is small compared to D,, we can calculate the following formula from Eqs. 5.221 and 5.222. 


1 dA 2(1+v,) (5.223) 


Using typical values of formation elastic modulus, the borehole expansion term is the same order of magnitude as 
the fluid compressibility and cannot be neglected. 

Solution Method—Fluid Dynamics. The method of characteristics is the method most commonly used to 
solve the dynamic pressure-flow equations (Courant et al. 1953). This method has been extensively used in the 
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analysis of dynamic fluid flow. The characteristic equations are developed using the methods given in Chapter 1 
of Lapidus and Pindar (1982). For the open hole below the moving pipe, the fluid motion is governed by the sys- 
tem of equations shown in Eq. 5.224. 


1 0 0 Clave 0 

0 p 1 OJ@ð/ðæ] En shui aa (5.224) 
a 1 0 O|lap/éaz| | dv/dé 

0 0 a 1||3p/ôt dp/dé 


where the first two equations are the balance of mass, with C equal to the wellbore-fluid compressibility, and the 
balance of momentum, with friction and gravitation terms lumped together as h: 


HOOP Apg sdvesieels aw diss yana kasaiy va de i n rete ss eee eT Ene Eaa (5.225) 


The last two equations describe the variation of p and v along the characteristic curve 6 = z + a*t, where a is the 
acoustic velocity. We have neglected the fluid velocity relative to the acoustic velocity a in Eq. 5.224. This system 
of equations is overdetermined; that is, there are more equations than unknowns. For this system to have a solu- 
tion, the following condition must hold. 


E E E oinhiaig’ EE peda decade m plapalard Gis Sh ara dda S aehon tale Roan (5.226) 


ortpD Oo 
o oF OC 


BS edited errs eetencin nese nes hae R a tae o ced (5.227) 


1 0 0 0 
0 p 1 h 

det SU sarean eaae ae a Re eee bea gd EE oaa ee G aa eia (5.228) 
a 1 0 dv/dé 
0 0 a dp/dé 

This determinant produces the following differential equations along the characteristic curves. 
d 
—(p+pav)=tah eee hehe ee De GS ote a en gis we E ine et nee mabe EEEE (5.229) 


dë 


The characteristic equations are solved to give p(x,f) and v(x,f) in the following way. Eq. 5.229 is integrated along 
the characteristics for timestep At. 


p(z,At)+ pav(z,At) = p(z -aAt,0)+ pav(z-aAt,0)+ f hdg 


aea O (5.230) 
& =z-at 
and 
p(z,At)— pa v(z,At) = p(z+aAt,0)-pav(e+aat,0)-fh dé* 
=C(z AN eee eee (5.231) 


é =z+tat 
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Eqs. 5.230 and 5.231 can be solved simultaneously to give 


PPA Pe) successes ETRE Speen dad saycepeseeogses hy (5.232) 


and 


v(z, At) = ee) a e Bese Che otto nee bo ene eas eae (5.233) 


pa 


Generally, c* and c must be interpolated to give values at the points of interest (Streeter 1962). 


Example 5.30 Consider a well with a rigid wellbore of depth 3000 m by 0.30 m diameter wellbore full 
of water at 35°C. The density of the water is 994 kg/m? and the bulk modulus is 2.24x10° Pa. At t = 0, 
a closed end pipe with diameter of 0.194 m begins moving at 1 m/s. Calculate the acoustic velocity, and 
predict wellbore pressure transients for 2 seconds. Neglect the hydrostatic and frictional pressure drop 
terms (h = 0). 


Solution. The acoustic velocity is ¥2.24 x 10° /994 =1,500 m/s. If we calculate at 1 second intervals, the well- 
bore is divided into two sections with nodes at 0, 1500, and 3000 m. Boundary conditions are p = 0 at the surface 
and v defined by the pipe movement at z = 3000 m. 


The volume displaced by the pipe is +(0.194m): (1 m/s) = 0.118 m° /s. The velocity of the fluid in 


the annulus at 3000 mis y = —0.118m° isi] (03 — 0.194? ) =—3.05m/s; that is, 3.05 m/s upward. At t = 0, 
4 

all of the c* and care zero, so the transient pressure at the bottom of the well is given by Eq. 5.230, 

p=-pav= (994.1) (1500)(3.05) = 4.55x10°Pa = 660 psi. 


The formulas for c* and c` for this case become: 


c (z,t+ At) = p(z—1500,t) + pa v(z—1500,r) 
c (z,t+ At) = p(z+1500,t) — pav(z+1500,r) 


For t= 1 second, 


c™(0,1) = p(1500,0)— pa v(1500,0) = 0 

c* (1500,1) = p(0,0) + pa v(0,0) =0 

c7 (1500,1) = p(3000,0) — p a v(3000,0) = 4.55 10° + (994) (1500) (3.05) = 9.10 10° 
c* (3000,1) = p(1500,0) + p a v(1500,0) = 0 


p(0,1)=0 

v(0,1) =0 

p(1500,1) = 4.55x10°Pa 
v(1500,1) = -3.05 m/s 
p(3000,1) = 4.55x10°Pa 
v(3000, 1) = -3.05 m/s 


c (0,2) = p(1500,1)— pa v(1500,1) = 4.55 10° + (994) (1500)(3.05) = 9.10 x 10° 
c* (1500,2) = p(0,1)+ pav(0,1) =0 

c (1500,2) = p(3000, 1) — p a v(3000, 1) = 4.55 x 10° + (994) (1500) (3.05) = 9.10 x 10° 
c* (3000,2) = p(1500,1) + p a v(1500,1) = 0 


Drilling Hydraulics 279 


p(0,2) =0 

v(0,2) = —9.10x 10° (994) (1500) = -6.1 m/s 
p(1500,2) = 4.55x10°Pa 

v(1500, 2) = -3.05 m/s 

p(3000, 2) = 4.55x10°Pa 

v(3000, 2) = -3.05 m/s 


Notice that the pressure of 660 psi is released at the surface, doubling the flow rate. The student is encouraged to 
continue this calculation to see how the fluid pressure and velocity change with time. Interpret what is happening 
with regard to fluid inertia and fluid compressibility. 


5.11 Cuttings Transport 


5.11.1 Introduction. Of the many functions that are performed by the drilling fluid, the most important is to 
transport cuttings from the bit up the annulus to the surface. If the cuttings cannot be removed from the wellbore, 
drilling cannot proceed for long. In rotary drilling operations, both the fluid and the rock fragments are moving. 
The situation is complicated further by the fact that the fluid velocity varies from zero at the wall to a maximum 
at the center of annulus, In addition, the rotation of the drillpipe imparts centrifugal force on the rock fragments, 
which affects their relative location in the annulus. Because of the extreme complexity of this flow behavior, drill- 
ing personnel have relied primarily on observation and experience for determining the lifting ability of the drilling 
fluid. In practice, either the flow rate or effective viscosity of the fluid is increased if problems related to inefficient 
cuttings removal are encountered. This has resulted in a natural tendency toward thick muds and high annular 
velocities. However, increasing the mud viscosity or flow rate can be detrimental to the cleaning action beneath 
the bit and cause a reduction in the penetration rate. Thus, there may be a considerable economic penalty associ- 
ated with the use of a higher flow rate or mud viscosity than necessary. Transport is usually not a problem if the 
well is near vertical. However, considerable difficulties can occur when the well is being drilled directionally, 
because cuttings may accumulate either in a stationary bed at hole angles above about 50° or in a moving, churn- 
ing bed at lower hole angles. Drilling problems that may result include stuck pipe, lost circulation, high torque and 
drag, and poor cement jobs. The severity of such problems depends on the amount and location of cuttings dis- 
tributed along the wellbore. 

Vertical Wells. The problem of cuttings transport in vertical wells has been studied for many years, with the 
earliest analysis of the problem being that of Pigott (1941). Several authors have conducted experimental studies 
of drilling-fluid carrying capacity. Williams and Bruce (1951) were among the first to recognize the need for es- 
tablishing the minimum annular velocity required to lift the cuttings. In 1951, they reported the results of exten- 
sive laboratory and field measurements on mud carrying capacity. Before their work, the minimum annular 
velocity generally used in practice was about 200 ft/min. As a result of their work, a value of about 100 ft/ min 
gradually was accepted. More recent experimental work by Sifferman and Becker (1974, 1992) indicates that 
while 100 ft/min may be required when the drilling fluid is water, a minimum annular velocity of 50 ft/min should 
provide satisfactory cutting transport for a typical drilling fluid. 

The transport efficiency in vertical wells is usually assessed by determining the settling velocity, which is 
dependent on particle size, density and shape; the drilling fluid rheology and velocity; and the hole/pipe configu- 
ration. Several investigators have proposed empirical correlations for estimating the cutting slip velocity experi- 
enced during rotary-drilling operations. While these correlations should not be expected to give extremely accurate 
results for such a complex flow behavior, they do provide valuable insight in the selection of drilling-fluid 
properties and pump-operating conditions. The correlations of Moore (1974), Chien (1971), and Walker and 
Mayes (1975) have achieved the most widespread acceptance. 

Deviated Wells. Since the early 1980s, cuttings transport studies have focused on inclined wellbores. And an 
extensive body of literature on both experimental and modeling work has developed. Experimental work on 
cuttings transport in inclined wellbores has been conducted using flow loops at the University of Tulsa 
and elsewhere. Different mechanisms, which dominate within different ranges of wellbore angle, determine 
cuttings bed heights and annular cuttings concentrations as functions of operating parameters (flow rate and 
penetration rate), wellbore configuration (depth, hole angle, hole size or casing ID, and pipe size), fluid properties 
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(density and rheology), cuttings characteristics (density, size, bed porosity, and angle of repose), and pipe 
eccentricity and rotary speed. 

Laboratory experience indicates that the flow rate, if high enough, will always remove the cuttings for any fluid, 
hole size, and hole angle. Unfortunately, flow rates high enough to transport cuttings up and out of the annulus 
effectively cannot be used in many wells because of limited pump capacity and/or high surface or downhole 
dynamic pressures. This is particularly true for high angles with hole sizes larger than 12% in. High rotary speeds 
and backreaming are often used when flow rate does not suffice. 


5.11.2 Particle Slip Velocity. The earliest analytical studies of cuttings transport considered the fall of particles 
in a stagnant fluid, with the hope that these results could be applied to a moving fluid with some degree of accu- 
racy. Most start with the relation developed by Stokes (1845) for creeping flow around a spherical particle (Fig. 
5.52). 


Fj FSH LO Nyse este it asa pn Sil POR Ae 2 A PE eee ands Vee ee na E E S GEO Fe Bate (5.234) 
where 
u= Newtonian viscosity of the fluid, Pa-s; 
d. = particle diameter, m; 
v „= particle slip velocity, m/s; and 


F = total drag force on the particle, N. 
When the Stokes drag is equated to the buoyant weight of the particle W, 


W=(0,-p;)ads- Hearn E abt ce te nee ste eee orate eee (5.235) 


Then, the slip velocity is given by 


ds 


Fa 


Fig. 5.52—Fluid movement about a settling particle (Bourgoyne et al. 1986). 
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TABLE 5.2—SPHERICITIES FOR VARIOUS 
PARTICLE SHAPES (Bourgoyne et al. 1991) 
Shape Sphericity 
Sphere 1.0 
Octahedron 0.85 
Cube 0.81 
Prism 
C0280 0.77 
L-20-20 0.76 
L-24-34 0.73 
Cylinders 
h = rl15 0.25 
h=r/10 0.32 
h= rl3 0.59 
h=r 0.83 
h=2r 0.87 
h=3r 0.96 
h=10r 0.69 
h= 20r 0.58 


(5.236) 


where 

p, = solid density, kg/m’; 

p, = fluid density, kg/m’; and 

g = acceleration of gravity, m/s’. 
Stokes’ law is accurate as long as turbulent eddies are not present in the particle’s wake. The onset of turbulence 
occurs for 


Re, a titre tavern a E E dace dantauand EE (5.237) 


RE me Ste cee a ee ee ey ce eee es er (5.238) 


For turbulent slip velocities, the drag force is given by 
a 2 
F,= gf Pirates bia area Gaels (Oe Meee ake LN wee hh ya oa hie bean oR aod (5.239) 


where fis an empirically determined friction factor. The friction factor is a function of the particle Reynolds num- 
ber and the shape of the particle given by Y, the sphericity. Table 5.2 gives the sphericity of various particle 
shapes. 

The friction factor/Reynolds number relationship is shown in Fig. 5.53 for a range of sphericity. The particle 
slip velocity for turbulent flow is given by 


3ed.(p, — 
v= 2 |384, (P, Pr) Seared acetate ast oa enty ha eta aie sh a epee ee (5.240) 
a, ÍP; 


If we define a laminar friction factor, f = 24/Re , then Eq. 5.240 is valid for all Reynolds numbers. 


Example 5.31 How much sand having a mean diameter of 0.025 in. and a sphericity of 0.81 will settle to the 
bottom of the hole if circulation is stopped for 30 minutes? The drilling fluid is 8.33 Ibm/gal water, having a vis- 
cosity of 1 cp and containing approximately 1% sand by volume. The specific gravity of the sand is 2.6. 
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Fig. 5.53—Friction factors for computing particle slip velocity (Bourgoyne et al. 1986). 


Solution. In SI units the particle diameter d , the fluid density P, the fluid viscosity u, and the solid density p, are 


ga O 
3.937 -10 in./m 
8.33 lbm/gal 


= 0.9981-10° kg/m? 


Pr = 3.3454 -10° (Ibm/gal) kg/m’) 
lep -3 
=——P__=1.0.10° Pa-s 
10° cp/(Pa- s) 
P 2.68.33 Ibm/gal 
* — 8.3454-10° (Ibm/gal) /(kg/m°) 


= 2.5952 -10° kg/m? 
A slip velocity first must be assumed to establish a point on the drag coefficient plot shown in Fig. 5.53. The first 
guess is by assuming Stokes’ law is applicable, hence, Eq. 5.236 gives 


( a 1 (0.000635) 
“isu” P18 TR 000 


(2.6—1)(998.1)(9.81) = 0.351 mis. 


This slip velocity corresponds to a drag coefficient of 


C, = 2 d, PPs \_ t (0.81) 000635 25052-0081) 0,109, 
SN. p 3 0.351 998.1 


and a Reynolds number of 


p,Vd, _ (998.1)(0.351) (0.000635) 
4 0.001 


Re = = 222. 


Entering Fig. 5.53 at the point (C, = 0.109, Re = 222) and moving parallel to the slant lines to the curve for y = 
0.81 yields an intersection point at (C, = 5, Re = 40). Thus, the slip velocity is given by 
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= + = 
pa 4 ga, (P, Pr) _ 49.81 ee 2.5052 8-1 | L 0.0516 mb =0.17 Rs 
aC, P; 3 5 998.1 


If circulation is stopped for 30 minutes, the sand will settle from approximately 
(30 min) (0.0516 m/s)(60 s/min) = 92.88 m = 304.7 ft 


From the bottom portion of the hole. If the sand packs with a porosity of 0.40, the fill on bottom is approximately 


0.01 


(1-0.4) 


304.7 =5ft. 


Non-Newtonian fluids introduce new factors into particle-settling calculations. For a Bingham fluid, the particle 
will remain suspended with no settling if 


(opra Aawelnelecharesantnecsechanniien EEEE E (5.241) 


where 7, is the fluid YP. Otherwise, because no other analytic solutions exist, an “apparent” or “equivalent” vis- 
cosity is determined from the non-Newtonian fluid parameters. For example, Moore (1974) used the apparent 
viscosity proposed by Dodge and Metzner (1959) for a pseudoplastic fluid. 


n-l n 
fe eee BUEN TE E EE E EEE, (5.242) 
144\0 v 0.02087 


where 
= apparent viscosity, Pa-s; 
K = consistency index for pseudoplastic fluid, Pa-s; 
n = power law index; 
D= annulus OD, m; 
D,= annulus ID, m; and 
v = annulus average flow velocity. 
Chien (1971) determines apparent viscosity for a Bingham plastic fluid as shown in Eq. 5.243. 


Td, 
Ma My ESA, eee tices (5.243) 


where H, is the plastic viscosity. The apparent viscosity models with most widespread acceptance are those of 
Moore (1974). 


5.11.3 A Cuttings Transport Model for Vertical Wells. The following model was taken from Clark and Bick- 
ham (1994), and is an example of what is called mechanistic modeling. For vertical well conditions, Fig. 5.54 
shows a schematic of the cuttings transport process in a YPL fluid under laminar-flow conditions. The area open 
to flow is characterized as a tube instead of an annulus. This simplifies the wellbore geometry. The tube diameter 
is based on the hydraulic diameter for pressure-drop calculations. 

Because drilling fluid often exhibits a yield stress, there may be a region, near the center of the cross section, 
where the shear stress is less than the yield stress. There, the mud will move as a plug (i.e., rigid body motion). 
The plug velocity is Vy The average cuttings concentration and velocity in the plug are c, and Vy respectively. In 
the annular region around the plug, the mud flows with a velocity gradient and behaves as a viscous fluid. The 
average annular velocity of the mud in this region is v, In addition, for the cuttings in this region, the average 
concentration and velocity are c, and v „ respectively. 

Cross-Sectional Geometry. First, let us define the basic wellbore geometry. The hydraulic diameter is defined 
as four times the flow area divided by the length of the wetted perimeter; namely, 


D 4x cross-sectional area 


i E a atcha a aE ate E ana) cacund ences mannan ares (5.244) 
wetted perimeter 
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Fig. 5.54—Cuttings-velocity profile: YPL fluid (from Lake 2006). 


For the wellbore annulus, the hydraulic diameter of the wellbore cross section is 


Dya D ay oe ae ee ee eee eee ee ee eee ere ee eer (5.245) 


D SNART aipania EN E ike eaten Ra ERTES (5.246) 


where A is the area open to flow. For the wellbore annulus, the equivalent diameter is 


2 2 
Th AG san E EA aust E ma ani ie yes bantam es aa (5.247) 


BDI, Salad prdvera E E A E (5.248) 


EE E EE ETET E a E ET EEEE E E ena (5.249) 


where Q „is the volumetric flow rate of the mud and Q, is the volumetric flow rate of the cuttings, which depends 
on the bit size and the penetration rate. In addition, the mixture velocity can be calculated from the average plug 
and annulus velocities in the equivalent pipe; namely, 


A E E E S (5.250) 


where we have used 
E 2 m2 2 
Q nix _ Va 74 (D2 Ding ) + Ve 7, Das ? 


with v, the plug velocity, v the average velocity outside the plug, and Eq. 5.248. See Fig. 5.54 for an illustration 
of these definitions. 
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Cuttings Concentration. The feed concentration is defined as 


Cy Q bbb bbb bbb bbb bbb bb bnnne, (5.251) 


The average concentration, c, of cuttings can be calculated as 


Q. = CQ mix = C,Q, t cQ, or 


e E a, E E eee nese ppt on and da eha ame nine (5.252) 
where c, is the cuttings concentration in the annular region and c, is the cuttings concentration in the plug region. 
The cuttings concentrations in the plug and annular regions are now assumed equal. This means that the sus- 
pended cuttings are uniformly distributed across the area open to flow. Obviously, this assumption has a major 
impact, and the actual distribution is probably a function of wellbore geometry, fluid properties, cuttings proper- 
ties, and operating conditions. With this assumption, the volume flow rate of cuttings is: 


O Se a A ee E E Sere ere eet eee e E (5.253) 


where v „is the average velocity of the mud, and v is the average settling velocity of the cuttings. The velocity of 
a cutting is going to be the velocity of the mud less the settling velocity. We multiply by the concentration c be- 
cause the cuttings do not fill the entire volume of the annulus, but rather the fraction c of the volume. The volume 
flow rate of mud is 


O eye apes St os nsec ns Perea ds se ae ence Spun ee eee ene (5.254) 


We use (1—c) because the mud fills the volume of the annulus that is not filled with cuttings. Using Eqs. 5.249, 
5.251, 5.253, and 5.254, we obtain 


cv (l-c) 
eG eee ecgete gt are r a a a e ene gpa anatee c ae ARE ne a (5.255) 
C=C 
where 
v =v Ql- A) =e a sea Dee tuaa an sar ance ences heal enue had gr te tho ga cls E E aise aia eats eee ah (5.256) 


is the average settling velocity in the axial direction. At this point, we have used all the principles of mass balance, 
but we are still left with unknowns. To finish the problem, we need correlations for the unknown quantities in 
terms of known quantities. The components of the settling velocities in the axial direction are given by correla- 
tions 


va =V (aR puuha Serii eget saree eee EET (5.257) 
and 

A E A E E E rie aaa etanieayeuea nan: (5.258) 
where 


y a= [44:8.=?) 
Sa 30 Cy ? 


Vi, =COS@ 4 fase- rs), 
i PCy 3 f 
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arate cseetsg sath pes apts ae ce E (5.259) 


~ d,g(p,-p) 


a 


C, is the drag coefficient of a sphere, t is the yield stress of the mud, and 4, is the apparent viscosity of the mud 
at the shear rate resulting from the settling cuttings. 
Perry and Chilton (1973) provide the following correlation for V: 


E EET E EEEE EE das phew E T (5.260) 


sa 


“=y 
while Clark and Bickham correlated their graphical method with the following equations: 


n= exp(0.0811y-1.19), 
—sgn(x) 
6 \/6 
(0.0001 +0.865|,| °) 


sees E E ood piv aed dessert reas eae wade eens (5.261) 


x =1.241In(Re, )—4.59 


The following correlation was developed by Clark and Bickham to model cuttings settling in a mud with a yield 
stress: 


Vee Siac E eee sede sao pe eee eennas (5.262) 


The value calculated using Eq. 5.255 is the minimum acceptable mixture velocity required for a cuttings con- 
centration. Pigott (1941) recommended that the concentration of suspended cuttings be a value less than 5%. With 
this limit (c = 0.05), Eq. 5.255 becomes 


E E EE nnn cali sien EE (5.263) 
0.05- c, 
where c, < 0.05. This implies that the penetration rate must be limited to a rate that satisfies this equality. 

For near-vertical cases, the critical mud-cuttings mixture velocity equals the value of Eq. 5.263. If the circula- 
tion rate exceeds this value, the suspended cuttings concentration will remain less than 5%. However, if the mud 
circulation velocity is less than the cuttings’ settling velocity, the cuttings will eventually build up in the wellbore 
and plug it. 


Example 5.32 An 834-in. vertical hole is being drilled at an ROP of 20 ft/hr into a formation with 15% porosity. 

The drill collar OD is 61⁄2 in. and the mud circulation rate is 100 gal/min. Assume that the settling velocity of the 

cuttings is the same as that in Example 5.31 (0.17 ft/sec). What is the feed concentration of the cuttings and the 
actual concentration of the cuttings? Should you change any of your operating parameters? 

Solution. The formation is porous with fluid in the pores, so drilling produces both a solids volume flow rate 
and an additional fluid volume flow rate. Assume the cuttings consist only of solids. Then, 

Aror = 7/4(8.75} = 60 in.?; 
Q, = (1-0.15) x ROP x A 
= 204 in.*/min; 


= 0.85(20 ft/hr)(12 in./ft)/60 min/hr)(60 in.’) 


hole 


Added fluid = .15 x ROP x A, ,, = 0.15 (20 ft/hr)(12 in/ft)/60 min/hr)(60 in.’) 
= 36 in.*/min; 


and 


Q = 36 in.*/min + 100 gal/min x 231 in.*/gal = 23,140 in.?/min. 


m 


The feed concentration c, = Q/(Q,, + Q.) = 0.00874. 


m 
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The mixture velocity = (Q, + Q )/A = (204 + 23,140)/60 = 389 in./min. 


The settling velocity = 0.17 ft/sec x 12 in./ft x 60 sec/min = 122 in./min. 


Using these results in Eq. 5.255, we get a quadratic equation in c, with the positive root equal to 0.0127. The 
actual concentration is higher than the feed concentration because the cuttings travel at a slower speed than the 
fluid. Pigott (1941) recommended that the concentration of suspended cuttings be a value less than 5%, so we are 
operating in a safe area, with potential to increase ROP. 


5.11.4 Cuttings Transport in Deviated Wells. A comprehensive cuttings transport model should allow a com- 
plete analysis for the entire well, from surface to the bit. The different mechanisms which dominate within differ- 
ent ranges of wellbore angle should be used to predict cuttings-bed heights and annular cuttings concentrations as 
functions of operating parameters (flow rate and penetration rate), wellbore configuration (depth, hole angle, hole 
size, or casing ID, and pipe size), fluid properties (density and rheology), cuttings characteristics (density, size, 
bed porosity, and angle of repose), pipe eccentricity, and rotary speed. Because of the complexity, extensive ex- 
perimental data were necessary to help formulate and validate the new cuttings transport models. 

New Experimental Data. Large-scale cuttings transport studies in inclined wellbores were initiated at the 
Tulsa U. Drilling Research Projects (TUDRP) in the 1980s with the support of major oil and service companies. 
A flow loop was built that consisted of a 40-ft length of 5-in. transparent annular test section and the means to vary 
and control 


The angles of inclination between vertical and horizontal 
Fluid pumping flow rate 

Drilling rate 

Drillpipe rotation and eccentricity 


Tomren et al. (1986) found marked differences between the cuttings transport in inclined wellbores and that of 
vertical wellbores. A cuttings bed was observed to form at inclination angles of more than 35° from vertical, and 
this bed could slide back down for angles up to 50°. Eccentricity, created by the drillpipe lying on the low side 
of the annulus, was found to worsen the situation. Analysis of annular fluid flow showed that eccentricity diverts 
most of the fluid flow away from the low side of the annulus, where the cuttings tend to settle, to the more open 
area above the drillpipe. Okrajni and Azar (1986) investigated the effect of fluid rheology on hole cleaning. They 
observed that removing a cuttings bed with a high-viscosity fluid (a remedy for the hole-cleaning problem in 
vertical wells) may in fact be detrimental in high-angle wellbores (assuming a zero to low drillpipe rotation), and 
that a low-viscosity fluid that can promote turbulence is more helpful. On the basis of this finding and on the 
previous study, hole cleaning was found to depend on the angle of inclination, hydraulics, fluid rheological prop- 
erties, drillpipe eccentricity, and rate of penetration. Becker et al. (1991) then showed that the cuttings transport 
performance of the fluids tested correlated best with the low-end-shear-rate viscosity, particularly the 6-rev/min 
Fann V-G viscometer dial readings. 

By the mid-1980s, a general qualitative understanding of the hole-cleaning problem in highly inclined well- 
bores had been gained. Because more directional and horizontal wells with longer lateral reaches were being 
drilled, the need for more and new experimental data created a demand for additional flow loops. In partnership 
with Chevron, Conoco, Elf Aquitaine, and Philips, TUDRP built a new and larger flow loop, with a 100-ft-long 
test section of 8-in. annulus, while construction of new flow loops was also done at Heriot-Watt U., BP, Southwest 
Research, M.I. Drilling Fluids, and the Inst. Français du Pétrole. All the flow loops had a transparent part of the 
annular test section that allowed observation of the cuttings transport mechanism. These flow loops provided the 
necessary tools for collecting the badly needed experimental data. 

Because of the new flow loops, a significant amount of experimental data was collected on the effect of different 
parameters on cuttings transport under various conditions. The observations made, and subsequent analysis of, the 
data collected provided the basis for work toward formulating correlations/models. 

Larsen (1993) conducted extensive studies on cuttings transport, totaling more than 700 tests with the TU- 
DRP’s 5-in. flow loop. Tests were performed for angles from vertical to horizontal under critical as well as 
subcritical flow conditions. Critical flow corresponds to the minimum annular average fluid velocity that would 
prevent stationary accumulation of cuttings bed. Subcritical flow refers to the condition in which a stationary 
cuttings bed forms. Analysis of the experimental data shows that when the fluid velocity is below the critical 
value, a cuttings bed starts to form and grows in thickness until the fluid velocity above the bed reaches the 
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critical value. The critical velocity was reported in the range of 3 to 4 ft/sec, depending on the value of various 
parameters, such as the fluid rheology, drilling rate, pipe eccentricity, and rotational speed. There were several 
new findings: 


e Under subcritical flow conditions, a medium-rheology mud (PV = 14 and YP = 14) consistently resulted in 
slightly smaller cuttings beds than those obtained with the low-rheology (PV = 7 and YP = 7) or the high- 
rheology (PV = 21 and YP = 21) muds. Calculation of the Reynolds number for the tests suggests that the 
flow regime for this fluid is neither turbulent nor laminar but in the transition range. 

e The small cuttings size used (0.1 in.) in the study was more difficult to clean than the medium (0.175 in.) 
and the large (0.275 in.) sizes (drillpipe rev/min 0 to 50). The small cuttings formed a more packed and 
smooth bed. 

e The height of the cuttings bed (between 55 and 90°) remained nearly the same, but there was a slight in- 
crease at 65 to 70°. 

e Significant backsliding of the cuttings bed was observed for angles from 35 to 55°. 


Seeberger et al. (1989) reported that elevating the low-shear-rate viscosities enhances the cuttings-transport 
performance of oil muds. Sifferman and Becker (1992) conducted a series of hole-cleaning experiments in an 
8-in. flow loop. Statistical analysis of the data showed interaction among various parameters; thus, simple rela- 
tionships could not be derived. For example, the effect of drillpipe rotation on cuttings transport depended also on 
the size of the cuttings and the fluid rheology. The effect of rotation was more pronounced for smaller particles 
and for more viscous muds. Bassal (1995) completed a study of the effect of drillpipe rotation on cuttings trans- 
port in inclined wellbores. The variables considered in his work were drillpipe rotary speed, hole inclination, fluid 
rheology, cuttings size, and fluid flow rate. Results have shown that drillpipe rotation has a significant effect on 
hole cleaning in directional-well drilling. The level of enhancement in cuttings removal as a result of rotary speed 
is a function of a combination of fluid rheology, cuttings size, fluid flow rate, and the manner in which the drill- 
string behaves dynamically. 

Flow Patterns. When solid-liquid mixtures flow in inclined and horizontal conduits, we observe specific flow 
patterns within which the basic characteristics of the two-phase mixture remain the same. The parameters deter- 
mining the type of the flow pattern are the liquid velocity, the solids loading, the rheology, and the density of the 
liquid, and the density, diameter, and sphericity of the solids. It is very important to analyze solid-liquid flow in 
horizontal and inclined annuli from the perspective of the flow patterns because, then, modeling the phenomenon 
is not only more appropriate but also more accurate. 

In the direction of decreasing flow rate (or velocity) we can define the following flow patterns for solid-liquid 
mixtures flowing in pipes or annuli, as shown in Fig. 5.55 (Govier and Aziz 1972; Ford et al. 1990; Peden et al. 
1990; Kelessidis and Mpandelis 2003). 


e Homogeneous (or pseudohomogeneous) suspension or fully suspended symmetric flow pattern. At high 
liquid velocities, the solids are more or less uniformly distributed in the liquid and there is no slip between 
the two phases. This flow pattern normally is observed with fairly fine solids, less than 1 mm in diameter, 
which does not normally occur during drilling applications. 

e Heterogeneous suspension or suspended asymmetric flow pattern. As the liquid flow rate is reduced, there 
is a tendency for the solids to flow near the bottom of the pipe (or the outer pipe of the annulus), but still 
suspended, thus creating an asymmetric solids concentration. Larger particles tend to segregate towards 
the bottom, while only the much smaller particles are in suspension higher up the annulus. A subpattern 
has also been defined, the suspension/saltation pattern, in which the cuttings are still in suspension but are 
densely populated near the bottom wall, and, in fact, they are transported by jumping forward or saltating 
on the bottom wall surface. 

e Continuous moving bed. At even-lower flow rates, the solids form a continuous bed, which is moving in the 
direction of the flow, while there may be some nonuniformly distributed solids in the liquid layer above, 
particularly if solids exist with smaller diameters than the ones forming the bed. The liquid velocity below 
which this is happening has been given different names like limit deposit velocity, minimum suspension 
velocity, or critical velocity. 

e Separated moving beds (dune or blob flow). As the flow rate is further decreased, separated cuttings beds, 
sometimes called dunes or blobs, are formed on the low side of the annulus with fairly large thickness and 
length. Cuttings on the surface of the bed move forward while cuttings inside the bed remain static, but the 
whole blob moves in the direction of the flow, so that the appearance is as if the bed is transported and mov- 
ing like a caterpillar. 
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Fig. 5.55—Qualitative description of flow patterns for solid-liquid flow [from lyoho (1980)]. 


e Three-layer pattern. Further reduction in liquid velocity results in more and more solids depositing on the 
low side, resulting in three layers: a bed of solids that is not moving, forming a stationary bed, a moving bed 
of solids on top of the stationary bed, and a heterogeneous liquid-solid mixture above. There is a strong 
interaction between the heterogeneous solid-liquid mixture and the moving bed, with solids deposited on 
the bed and re-entrained in the heterogeneous solid-liquid mixture. There is a point of equilibrium where, 
with the increase in height of the solids bed, the available area for flow of the heterogeneous mixture is 
decreased, resulting in higher mixture velocities and, hence, an increase in the erosion of the bed by the 
heterogeneous solid-liquid mixture. 


At even lower liquid velocities, the solids pile up in the pipe (or annulus) and full blockage may occur. Experi- 
mental evidence and theoretical analysis indicate that this may occur at relatively high solids concentration, not 
normally encountered during normal drilling operations. However, if cuttings transport is inefficient, resulting in 
high solids concentration, especially in sections where large cross-sectional areas exist (e.g., in annulus wash- 
outs), this flow pattern may occur, resulting in considerable problems for the drilling process. 


5.11.5 Factors Affecting Cuttings Transport. Field evidence, laboratory testing, and theoretical modeling have 
provided significant information concerning the major factors that affect cuttings-transport efficiency in horizon- 
tal and inclined wellbores. These factors are the annulus flow rate, hole inclination, fluid density and rheology, 
drillpipe rotation and eccentricity, cuttings size, fluid type, annular clearance, and solids volumetric concentration. 
Their significance is analyzed below, based on reported experimental and modeling results. 

Flow Rate. The velocity in the annulus is one of the major factors affecting hole cleaning ability in horizontal 
and inclined wellbores, both for cuttings-carrying capacity of the fluid and for bed erosion (Tomren et al. 1986; 
Sifferman and Becker 1992), and the recommendation is to use the highest flow rates that will not erode the well- 
bore (Hemphill and Larsen 1993). If a bed is formed, in order to erode it we should resort to either mechanical 
action, with wiper trips, or hydraulic action, either by increasing the flow rate or by reducing the viscosity in order 
to achieve turbulent flow (Li and Walker 1999, 2001; Leising and Walton 2002). Modeling and field data show 
that pump output is the key factor in enhancing hole cleaning potential, and more so for extended-reach wells. If 
the pump capacity is low, changes in rheology will not affect hole cleaning (Hemphill and Pogue 1999). Computer 
simulations and modeling of the process, together with comparison with experimental data, produced results 
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showing that efficient cuttings transport in inclined eccentric annuli is strongly related to computed mean viscous 
shear stresses averaged over the lower half of the annulus, which of course are related to the flow rate, fluid rhe- 
ology, and annular hole clearance (Chin 2001). 

Hole Inclination. Hole angle has a profound effect on the minimum velocity, defined above (Tomren et al. 
1986; Peden et al. 1990; Ford et al. 1990; Sifferman and Becker 1992; Bassal 1995). There appears to exist a 
critical range of hole inclination angles for which hole cleaning is more difficult compared to other angles, but 
there is some disagreement among various investigators. Some find that the critical angles were between 35 and 
55° from the vertical, because at these angles there is always bed formation and the bed slides downward against 
the flow (Tomren et al. 1986). Others find them between 40 and 60° (Ford et al. 1990; Peden et al. 1990), while 
others find that angles between 60 and 90° are the most difficult to clean (Sifferman and Becker 1992; Larsen et 
al. 1993). 

Density. Mud weight has been determined as one of the major factors (Sifferman and Becker 1992) or as the 
second most significant factor after mud velocity (Hemphill and Larsen 1993) affecting hole cleaning in full-scale 
inclined wellbores, because of the buoyancy effect, which reduces the cuttings settling velocity. Field data have 
demonstrated improved efficiencies when weighted sweeps were used instead of high-viscosity sweeps for hole 
cleaning in deviated wellbores. Minimization of cuttings buildup in the annulus was achieved by allowing regular 
circulation periods with rotation and with the bit off bottom and utilizing engineered sweeps. Weighted sweeps 
with weights of 3.0 to 3.5 lbm/gal (360 to 420 kg/m*) above the mud weight, with volumes of approximately 50 
bbl (4.5 m°), in 10.625-in. (0.27-m) holes, had a profound effect in improving the cuttings transport efficiency 
compared with plain drilling fluids or high-viscosity sweeps (Power et al. 2000). 

Pipe Rotation. The effect of drillpipe rotation on cuttings transport efficiency has been studied by several 
investigators, both experimentally and using field data, with mixed results, most of them stating that pipe rotation 
is very beneficial for cuttings transport. Some investigators believe that pipe rotation has a very small effect 
when mud flows in turbulent flow, but when flow is laminar the effect of rotation on cuttings transport ability is 
significant. 

Peden et al. (1990) and Ford et al. (1990) report data in which pipe rotation resulted in a smaller minimum 
velocity when using medium- or high-viscosity liquids, while this was not the case for water, for which no effect 
of rotation was observed. Fig. 5.56 shows some of their results depicting the combined effect of pipe rotation and 
hole inclination. For 120 rev/min (data points with the “D” symbol) and the conditions stated, the minimum 
velocity is very small with no effect on the minimum velocity of hole inclination between 15 and 90° from the 
vertical. On the other hand, for the case of no rotation (data points with the “+” symbol) and for the same condi- 
tions, the minimum velocity was very large, on the order of 1.1 m/s, with hole inclination influencing the mini- 
mum velocity as well. At a pipe rotation of 60 rev/min (data points with the “A” symbol) the minimum velocity 
was approximately % of the minimum velocity at no rotation and eight times more than the minimum velocity at 
120 rev/min. 

Tomren et al. (1986) found that pipe rotation produced only a slight effect on transport performance in inclined 
annuli, although they studied only one rotational speed (50 rev/min) and the flow was laminar. Drillpipe rotation 
was found to be a major factor for the efficiency of cuttings transport by Sifferman and Becker (1992). Laboratory 
and full-scale tests have shown that critical velocities on the order of 4 to 6 ft/sec (1.22 to 1.83 m/s) are necessary 
for steady hole cleaning, while field experience shows that for large inclined holes the need is for 2- to 3-ft/sec 
(0.61- to 0.92-m/s) annular mud velocities (Bassal 1995). In his study, Bassal has shown that the discrepancy 
between laboratory testing results and field observations was due to the underestimation of the effect of pipe ro- 
tary speed, particularly at high rotational speeds. 

While drillpipe rotation has a significant effect on hole cleaning during directional drilling, there is a synergistic 
effect by mud rheology, cuttings size, and mud velocity. For horizontal wells, at low flow rates, the higher the 
rotational speed, the better the cuttings transport efficiency, while at high flow rates, lower rotational speeds had 
the most effect (Sanchez et al. 1997). 

Field data show that when drilling angle sections, periods of rotation with circulation should be applied so 
that any cuttings that may have deposited on the hole walls will be agitated into the liquid and therefore enhance 
cleaning performance (Power et al. 2000). Cuttings erosion in extended-reach wells required extensive circula- 
tion at several bottom-up hole volumes, and cuttings removal was greatly improved by rapid string rotation and 
reciprocation, especially at hole inclinations larger than 70° (Naegel et al. 1998). The authors state that hole 
cleaning was poor while in sliding mode, thus indicating the positive effect of pipe rotation, and that either low- 
or high-viscosity pills proved ineffective. 

Lockett et al. (1993) studied the importance of rotation effects for efficient hole cleaning using numerical sim- 
ulation for both vertical and horizontal wellbores through the use of the Taylor number, N If NV, is greater than 
a critical number, which is a function of the Reynolds number, the geometry, and the fluid properties for 
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Fig. 5.56—The significant effect of pipe rotation on minimum velocity for laminar flow [from Ford et al. (1990)]. 


non-Newtonian fluids, the flow becomes unstable and pairs of toroidal counterrotating vortices are formed that aid 
cuttings lifting much like turbulent eddies do in turbulent flow. Although the presence of Taylor vortices in drilling 
simulations has not been demonstrated conclusively, the computer simulations of Lockett et al. (1993) indicated 
that should Taylor vortices be present in a drilling annulus, rock cuttings in the low side of the annulus will expe- 
rience an oscillatory force due to these vortices with the peak of oscillations sufficient to lift the particles with 
mass less than a critical value. 

Rheology. Rheology appears to affect cuttings transport efficiency, but its significance is controversial. It 
has been studied extensively, since it is one of the factors that can be both manipulated and monitored during 
drilling. It is clear that if mud rheological properties are such that the fluid is in turbulent flow in the annulus 
and the cuttings are in suspension, then the cuttings transport efficiency is at the highest possible levels. In 
horizontal or near-horizontal wellbores, hole cleaning has been found to be more efficient if a low-viscosity 
fluid is pumped in turbulent flow rather than a high-viscosity fluid in laminar flow (Okrajni and Azar 1986; 
Leising and Walton 1998, 2002; Walker and Li 2000). 

The problems arise when the cuttings form a bed and the transport efficiency depends then on the cuttings ero- 
sion rate, which may be governed by fluid rheology. Contributing to the controversy is the inability of the industry 
to standardize on the most appropriate rheological model that best describes the drilling fluids used in the field 
today. While there are still research reports that model the drilling fluids as Bingham plastic or power-law fluids, 
more and more investigators opt for the use of the more complex but apparently more accurate Herschel-Bulkley 
fluid model across the shear rate spectrum encountered while flowing up the annulus and particularly in the low- 
shear-rate zone (1-50 s~') where drilled cuttings are usually found to settle (Hemphill et al. 1993; Kenny et al. 
1998). 

If the annulus is eccentric and the drilling fluid behaves as a yield-pseudoplastic fluid (Bingham plastic or 
Herschel-Bulkley), then if flow conditions are such that there is plug formation in the low side of the eccentric 
annulus, trapping of the solids may occur on the low side. Hence, by changing (reducing) the yield point value of 
the fluid, bed erosion may be enhanced (Martins and Santana 1990). 

Some investigators find that for inclined wells, low-viscosity muds clean better than high-viscosity muds (San- 
chez et al. 1997), while others find that rheology has a moderate effect on cuttings transport (Sifferman and 
Becker 1992). If there are constraints on the pump output, hole cleaning can be enhanced through optimization of 
all rheological parameters of the drilling fluid: K, n, and t, (Hemphill and Pogue 1999). 

Peden et al. (1990) and Ford et al. (1990) found a mixed effect of rheology on cuttings transport when cou- 
pled with the other factors that affect cuttings transport efficiency. For the rolling condition of cuttings (moving- 
bed pattern) and small annulus clearance, water was the best fluid for hole cleaning, giving smaller minimum 
velocities, while the high-viscosity fluid was second best and the worst situation was with the low-viscosity 
fluid. However, for the suspension pattern (heterogeneous flow pattern) and the small annulus clearance, the 
high-viscosity fluid was the best, followed by water and then by the low-viscosity fluid. Hence, the worst 
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situation for the small clearance was the low-viscosity fluid with K = 0.392 Pa - s” and n = 0.65, with apparent 
viscosity of u, ~ 65 cp at a shear rate of 170 s~. For the rolling pattern (moving bed) and the large annulus 
clearance, the high-viscosity fluid was the best, with the low-viscosity fluid and water behaving in a similar 
manner. However, for the suspension pattern, it appears that fluid rheology does not have any significant effect. 
These results prompted the authors to observe that turbulence in the annulus has a significant effect on the hole 
cleaning process, an issue that is dealt with in more detail later on. These findings are illustrated in Fig. 5.57. 

Hemphill and Larsen (1993) suggest that the Herschel-Bulkley rheological model should be adopted for drilling 
fluids. For higher angles of inclination it is the power-law flow behavior index n that significantly affects cuttings 
transport because flow diversion from under the drillpipe is controlled by n. This conclusion is also derived when 
the drilling fluid is modeled as a power-law fluid by Kenny et al. (1998), with higher values of n promoting more 
flow under eccentric drillpipes. Experiments have shown that most pronounced vortices and higher velocities 
close to a stationary wall were obtained with fluids having higher n values (Philip et al. 1998). These observations 
indicate that it is important to balance the need to minimize the settling velocities of cuttings with more viscous 
fluids (requiring low n values) and the need to promote fluid velocity close to the walls (requiring higher n values). 

The viscoelastic and time-independent yield-pseudoplastic characteristics of biopolymer fluids when examined 
for hole cleaning efficiency showed that, when in laminar flow, these fluids provided superior cuttings suspension 
properties and hole cleaning, which were aided by pipe rotation for a horizontal eccentric annulus (Zamora et al. 
1993). 

The ability of the liquid to erode the cuttings bed once it is formed depends also on the way the cuttings pack 
and form the bed (Saasen 2002; Kjosnes et al. 2003). If the bed is loose and porous, it is possible to remove single 
cuttings particles, thus requiring smaller shear stresses and, hence, lower flow rates. If the bed is well consolidated 
by internal cohesive forces, then it becomes very difficult to erode and to remove single cuttings particles, so 
larger shear stresses are required. In order to accommodate these findings, the authors propose to minimize gel- 
strength formation and to keep the low-shear-rate viscosity as low as possible in the drilling fluids so that cuttings 
bed consolidation is prevented, a suggestion also proposed by Leising and Walton (1998, 2002) for promoting 
turbulent flow. 

Eccentricity. Most of the researchers mention the significant negative impact of eccentricity on hole cleaning 
ability, but there are not many quantitative studies addressing this parameter. Okrajni and Azar (1986) note that 
for hole angles between 55 and 90° from vertical, the eccentricity effect is moderate in turbulent flow but signifi- 
cant in laminar flow. For the smaller hole inclination angles, the effect is small for both laminar and turbulent flow. 
Others found eccentricity to have only a moderate effect on cuttings transport (Sifferman and Becker 1992). Clark 
and Bickham (1994) found that for small cuttings there was no eccentricity effect, while for larger cuttings the 
minimum velocity was 30% higher for the eccentric annulus. 

Cuttings Size. Drilling action produces a range of cuttings sizes and shapes, which may all coexist at any given 
time in the annulus, with the majority of cuttings covering a range of US mesh sizes from 4 to 8, which is equivalent 
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Fig. 5.57—Schematic of experimental findings for the combined effects of annular clearance and viscosity for the sus- 
pension and moving bed patterns [composed from data of Peden et al. (1990) and Ford et al. (1990)]. 
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Fig. 5.58—Critical flow rates (velocities) vs. hole angle for two WBMs and one OBM with similar rheological properties 
[from Hemphill and Larsen (1996)]. 


to 2.36 to 4.75 mm (Aremu 1998; Cho et al. 2001a). Larger cuttings have been found more difficult to clean with 
the low-viscosity fluids at all angles of inclination. However, with the high-viscosity fluids, larger cuttings were 
easier to transport at angles less than 50° (Peden et al. 1990); but Sifferman and Becker (1992) found that cuttings 
size had only a moderate effect. On the contrary, Sanchez et al. (1997) found that smaller cuttings are more dif- 
ficult to transport. 

If cuttings are in suspension, then smaller cuttings are easier to transport since the larger cuttings tend to settle 
at higher velocities in the same fluid. Many investigators have reported that once a cuttings bed is formed, smaller 
cuttings are more difficult to erode than larger cuttings (Pilehvari et al. 1999; Ozbayoglu et al. 2004) because they 
form beds that are more packed and have smoother surfaces. On the other hand, Martins et al. (1996b) provided 
experimental results showing the opposite—that larger cuttings are more difficult to erode than smaller cuttings. 
If the cuttings are small but the drilling fluid contains additives allowing them to bind together, they may form 
larger clusters that settle more readily, thus reducing hole cleaning efficiency. While this situation may not be 
observed in laboratory testing because of the small time that cuttings are in contact with the liquid, such occur- 
rences have been reported in the field (Kjosnes et al. 2003). These authors suggest replacing the high-molecular- 
weight polymers with low-molecular-weight polymers to give lower viscosities and lower gel strengths to induce 
turbulence. 

Solids Volumetric Concentration. Sifferman and Becker (1992) found that solids concentration, which var- 
ied from 1 to 4 vol%, had insignificant effect on minimum velocity. Similar results were presented by Larsen et 
al. (1993), who found a maximum of 25% variation in the minimum velocity (defined above) when they tripled 
the solids volumetric concentration from 0.65 to nearly 2 vol%. This should be expected because at these low 
concentrations particle-to-particle interactions are minimal, thus having no effect on hole cleaning. Particle-to- 
particle interactions appear to be significant for cuttings concentrations larger than approximately 10% by 
volume. 

Mud Type (Water- or Oil-Based). Mud type, water- or oil-based but of the same rheology, normally should 
have insignificant effect, and such results have been reported by Sifferman and Becker (1992) and Hemphill 
and Larsen (1993). For similar properties, there were no significant differences in hole cleaning ability of 
water- and oil-based muds, with a maximum of 10% variation among them, with oil-based muds providing 
slightly better hole cleaning. Fig. 5.58 shows results of critical flow rate as a function of inclination angle for 
three fluids having similar API yield point values, similar t values from Herschel-Bulkley modeling, and 
close values of n, noting, however, that the densities of the three fluids are different. For hole angles greater 
than 50° from the vertical, the critical flow rates for no cuttings accumulation in the annulus were approxi- 
mately the same for the two fluid types, and also they remained constant with a very small effect of hole 
inclination. 
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Annular Clearance. Investigators examined the effect of annular clearance on hole cleaning ability. Peden et 
al. (1990) and Ford et al. (1990) studied two annular clearances, 0.95 in. and 1.95 in. They found that it was easier 
to clean the smaller annular clearance, requiring lower minimum velocity, for both the rolling (moving bed) and 
suspension patterns. Jalukar et al. (1996) found a linear dependence of critical velocity on annular gap width 
(hydraulic diameter), as shown in Fig. 5.59. 


5.11.6 New Cuttings Transport Models. Larsen et al. (1993) developed a model for highly inclined (50 to 90° 
angle) wellbores. The model predicts the critical velocity as well as the cuttings-bed thickness when the flow rate 
is below that of the critical flow. Hemphill and Larsen (1996) showed that oil-based muds with comparable rheo- 
logical properties performed about the same. Jalukar et al. (1996) modified this model with a scaleup factor to 
correlate with the data obtained with the 8-in. TUDRP flow loop. 

Zamora and Hanson (1991), on the basis of laboratory observations and field experience, compiled 28 rules of 
thumb to improve high-angle hole cleaning. Luo and Bern (1992) presented charts to determine hole-cleaning 
requirements in deviated wells. These empirical charts were developed on the basis of the data collected with the 
BP 8-in. flow loop, and they predicted the critical flow rates required for prevention of cuttings-bed accumulation. 
The predictions have also been compared with some field data. 

Mechanistic Modeling. The existing cuttings-transport correlations and/or models have a few empirical coef- 
ficients, determined based on laboratory and/or field data. There is a need for developing comprehensive cuttings 
transport mechanistic models that can be verified with experimental data. Different levels of the mechanistic ap- 
proach are possible and can be built on gradually. Ideally, a fluid/solids interaction model, which would be cou- 
pled and integrated with a fluid-flow model to simulate the whole cuttings-transport process, is needed. Campos 
et al. (1995) recently made such an attempt, but much more work is needed to develop a comprehensive solids/ 
liquid flow model. 

Ford et al. (1990) published a model for the prediction of minimum transport velocity for two modes: cuttings 
suspension and cuttings rolling. The predictions were compared with laboratory data. 

Gavignet and Sobey (1989) presented a cuttings transport model based on physical phenomena, similar to that 
published by Wilson (1970), for slurry flow in pipelines that is known as the double-layer model. The model has 
many interrelated equations and a substantial number of parameters, a few of which are difficult to determine. 
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Fig. 5.59—Effect of hydraulic diameter on critical velocity [from Jalukar et al. (1996)]. Courtesy of ASME. 
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Fig. 5.60—Wellbore cross section with cuttings bed. 


Martin et al. (1987) developed a numerical correlation based on the cuttings-transport data that they had collected 
in the laboratory and in the field. 

Clark and Bickham (1994) presented a cuttings-transport model based on fluid mechanics relationships, in 
which they assumed three cuttings-transport modes: settling, lifting, and rolling—each dominant within a certain 
range of wellbore angles. Predictions of the model were compared with critical and subcritical flow data they had 
collected with the TUDRP’s 5- and 8-in. flow loops. A prediction of the model was also used to examine several 
situations in which poor cuttings transport had been responsible for drilling problems. 

Campos et al. (1995) developed a mechanistic model for predicting the critical velocity as well as the cuttings- 
bed height for subcritical flow conditions. Their work was based on earlier work by Oraskar and Whitmore for 
slurry transport in pipes. The model’s predictions are good for thin muds, but the model needs to be further refined 
to account for thick muds and pipe rotation. 

Kenny et al. (1998) defined a lift factor that they used as an indicator of cuttings-transport performance. The lift 
factor is a combination of the fluid velocity in the lower part of the annulus and the mud-settling velocity deter- 
mined by Chien’s correlation (1971). 

Fig. 5.60 illustrates the basic flow configuration for mechanistic cuttings transport modeling. There are three 
distinct zones in this model: stationary cuttings bed, moving cuttings zone, and “cuttings free” mud-flow zone. 

The cuttings-free mud flow creates a shear force at the interface with the moving cuttings bed, which drags the 
moving cuttings zone along with it. In the moving cuttings zone, gravity forces tend to make the cuttings fall onto 
the fixed cuttings bed, while aerodynamic and gel forces tend to keep the cuttings suspended. At the interface 
between the moving cuttings zone and the stationary cuttings bed, fluid friction is trying to strip off cuttings, 
which are held by gravity and cohesive forces. The balance of these forces determines whether the cuttings bed 
increases or decreases in depth. The critical flow rate for cuttings transport leaves the cuttings bed unchanged. For 
effective hole cleaning, the desired flow rate exceeds the critical flow rate. 


5.11.7 Field Application. When the results of cuttings transport research and field experience are integrated into 
a drilling program, hole-cleaning problems are avoided, and excellent drilling performance follows. This has 
certainly been the case when engineers achieved two new world records in extended-reach drilling. 

Guild and Hill (1995) presented another example of integration of hole-cleaning research into field practice. They 
reported trouble-free drilling in two extended-reach wells after they lost one well because of poor hole cleaning. 
Their program was designed to maximize the footage drilled between wiper trips and eliminate hole-cleaning back- 
reaming trips before reaching the casing point. They devised a creative way to avoid significant cuttings accumula- 
tion by carefully monitoring the pickup weight, rotating weight, and slackoff weight as drilling continued. They 
observed that cuttings accumulation in the hole caused the difference between the pickup weight and the slackoff 
weight to keep increasing, while cleaning the hole decreased the difference. By observing the changes in these pa- 
rameters and by the use of other readily available information, they were able to closely monitor hole cleaning and 
control the situation. 
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Calculate the hydrostatic pressure at the bottom of the fluid column for each case shown in Fig. 5.4. 
Answer: 5,460 psi for Case A. 

Calculate the mud density required to fracture a stratum at 5,000 ft if the fracture pressure is 3,800 psig. 
Answer: 14.6 lbm/gal. 

A mud program is designed for a development well with the following characteristics: target depth 
11,700 ft, vertical well, pore pressure at well depth estimated at 6,450 psia; average capacity of the drill 
pipe and of the annulus is 0.0704 bbl/ft, minimum mud velocity based on prior experience is 110 ft/min. 
Based on the above determine: (a) the appropriate mud weight, (b) the pressure gradient for the static 
mud, and (c) the minimum flow rate. 

Answer: (a) 11.05 ppg; (b) 0.575 psi/ft; (c) 7.74 bbl/min. 

A well is being drilled with a mud weight of 11 ppg at 8,000 ft with previous casing at 2,500 ft. (a) 
Determine the hydrostatic pressure at 8,000 ft and at 2,500 ft; (b) determine the pressure gradient at 
8,000 ft and at 2,500 ft; and (c) if the pore pressure gradient at 8,000 ft is 0.57 psi/ft, do you think you 
may have a problem while drilling and why? 

An ideal gas has an average molecular weight of 20. What is the density of the gas at 2,000 psia and 600 R? 
Answer: 0.8 Ibm/gal. 

The mud density of a well is being increased from 10 to 12 lbm/gal. If the pump is stopped when the 
interface between the two muds is at a depth of 8,000 ft in the drillstring, what pressure must be held at 
the surface by the annular blowout preventers to stop the well from flowing? What is the equivalent den- 
sity in annulus at 4,000 ft after the blowout preventers are closed? Answer: 832 psig; 14 lbm/gal. 

A well contains methane gas occupying the upper 6,000 ft of annulus. The mean gas temperature is 
170°F, and the surface pressure is 4,000 psia. (a) Estimate the pressure exerted against a sand below the 
bottom of the surface casing at a depth of 5,500 ft. Assume ideal gas behavior. Answer: 4,378 psia. (b) 
Calculate the equivalent density at a depth of 5,500 ft. Answer: 15.3 lbm/gal. 

A casing string is to be cemented in place at a depth of 10,000 ft. The well contains 10-Ibm/gal mud 
when the casing string is placed on bottom. The cementing operation is designed so that the 10-Ibm/gal 
mud will be displaced from the annulus by 500 ft of 8.5-lbm/gal mud flush, 2,000 ft of 12.7-Ibm/gal 
filler cement, and 1,500 ft of 16.7-lbm/gal high-strength cement. The high-strength cement will be dis- 
placed from the casing by 9-Ilbm/gal brine. Calculate the minimum pump pressure required to com- 
pletely displace the casing. Assume no shoe joints are used. Answer: 1,284 psig. 

The penetration rate of the rotary-drilling process can be increased greatly by lowering the hydrostatic 
pressure exerted against the hole bottom. In areas where formation pressures are controlled easily, the 
effective hydrostatic pressure sometimes is reduced by injecting gas with the well fluids. Calculate the 
volume of methane gas per volume of water (scf/gal) that must be injected at 5,000 ft to lower the effective 
hydrostatic gradient of fresh water to 6.5 lbm/gal. Assume ideal-gas behavior and an average gas temper- 
ature of 174°F. Neglect the slip velocity of the gas relative to the water velocity. Answer: 0.764 scf/gal. 
In order to determine annulus volume prior to cementing, it often is good practice to add CaC, in the 
drillpipe and to detect the produced acetylene (C,H,) with the gas chromatograph and the gas trap. A 
combination of the mud flow rate and of detection time allows for the computation of total volume and, 
thus, the well diameter. In one such test in a 5,000 ft well (Fig. 5.61) drilled with an 8.5-in. bit, we add a 
t = 0, CaC, that is detected after 0.9 hr at the surface. Compute the average well diameter and discuss 


Fig. 5.61—Problem 5.10. 
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your findings. How can we use such information? Given data: 9%-in. casing with an ID of 9.063 in., and 
5.5-in. drillpipe with a 4.892-in. ID. Mud flow rate = 480 gal/min. 

A massive gas sand at 10,000 ft having a porosity of 0.30 and a water saturation of 0.35 is being drilled 
at a rate of 80 ft/hr using a 9.875-in. bit. The drilling mud has a density of 12 Ibm/gal and is being circu- 
lated at a rate of 400 gal/min. The annular capacity is 2.8 gal/ft. The mean temperature of the well is 600 
R. Ignore the slip velocity of the gas bubbles and rock cuttings. (a) After steady-state conditions are 
reached, what is the effective bottomhole pressure? Assume that the gas is pure methane and behaves as 
an ideal gas. Answer: 6,205 psia. (b) What is the equivalent mud weight in the annulus? Answer: 11.9 
Ibm/gal. (c) What is the mud density of the mud leaving the annulus at the surface at atmospheric pres- 
sure? Answer: 5.8 lbm/gal. (d) Make a plot of the density of the drilling fluid in the annulus vs. depth. (e) 
Can the gas-cut mud at the surface be eliminated completely by increasing the mud density? Answer: No. 
A 10-lbm/gal mud is flowing at a steady rate of 160 gal/min down a drillpipe having an ID of 4.33 in. and an 
OD of 5 in. The diameter of the hole is 10 in. (a) Compute the average flow velocity in the drillpipe. Answer: 
3.49 ft/sec. (b) Compute the average flow velocity in the annulus opposite the drillpipe. Answer: 0.871 ft/sec. 
Determine the pressure at the bottom of the drill collars if the frictional loss in the drillstring is 900 psi, 
the flow rate is 350 gal/min, the mud density is 10 lbm/gal, and the well depth is 8,000 ft. The ID of the 
drill collars is 2.75 in. and the pressure developed by the pump is 2,600 psig. Answer: 5,860 psig. 

We are drilling an 8.5-in vertical well after installing 9% in. casing at 6,000 ft. We know that the pore pressure, 
pp at 8,000 ft is 6,000 psia. (a) Compute the mud weight for safe drilling at 8,000 ft. (b) If the plastic viscosity 
is 15 cp and the YP is 10 Ibf/100 ft’ for this mud weight, compute the bottomhole pressure, p if the minimum 
mud flow rate is 250 gal/min. (c) Compare p,, with p, and discuss the implications of the differences observed. 
Given data: drill pipe OD/ID = 5.5 in./5.0 in., drill collars of 600 ft with OD/ID of 7.5 in./5.5 in. 

A well is being drilled at 10,000 ft. Drilling has stopped and the mud is being circulated for hole cleaning. 
In a given time, the following parameters have been recorded: Q = 400 gal/min, p = 12 Ibm/gal, up = 20 
cp, Ty = 10 Ibf/100 ft? and pressure at the drillpipe is 2,980 psig. Drillpipe is 4.5 in. with 4.0 in. ID; the bit 
is 8.15 in. and has three nozzles—!», !?⁄2, and '!72. Prior casing shoe is at 6,000 ft with a casing diameter 
of 9% in. Determine the average well diameter. Analyze possible factors for being different than expected. 
A 10-lbm/gal mud is being circulated at a rate of 600 gal/min. If the bit contains two '°/,,-in. nozzles and 
one '’/,,-in. nozzle and the pump pressure is 3,000 psi, what is the total frictional pressure loss in the well 
system? Answer: 1,969 psig. 

While drilling a well, a drill bit is to be selected together with 3 nozzles. We have available 3 nozzles of 
'4/,,in. and 2 nozzles of '*/,, in. It is desirable to have a bit pressure loss between 1,000 and 1,200 psi 
when mud flows, with a mud weight of 12 Ibm/gal and a flow rate of 400 gal/min. State which nozzles 
you would choose and why. 

Compute the pump pressure required to pump a 9-lbm/gal fluid from sea level to an elevation of 1,000 ft. Assume 
that inertial and viscous (frictional) pressure changes are negligible. Answer: 468 psig. 

A pump is being operated at a rate of 800 gal/min and a pressure of 3,000 psig. The density of the drilling 
fluid is 15 lbm/gal, and the total nozzle area of the bit is 0.589 in.? (a) Compute the power developed by 
the pump. Answer: 1,400 hp. (b) Compute the power loss to viscous effects. What happens to this en- 
ergy? Answer: 210 hp. The energy is dissipated as heat. (c) Compute the impact force of the jets of fluid 
against the bottom of the hole. Answer: 2,709 lbf. 

Define (a) Newtonian, (b) non-Newtonian, (c) shear stress, (d) shear rate, (e) pseudoplastic, (f£) dilatant, 
(g) thixotropic, and (h) rheopectic. 

A shear stress of 5 dyne/cm? is measured in a fluid for a shear rate of 20 sec”. Compute the Newtonian 
or apparent viscosity in cp. Answer: 25 cp. 

Fann35 viscometer readings are 20 at 300 rev/min and 40 at 600 rev/min. Would you consider the fluid 
Newtonian? What is the apparent viscosity at 300 rev/min? What is the apparent viscosity at 600 rev/ 
min? The following shear-stress-rate behavior was observed. 


Shear Rate Shear Stress 


(sec!) (dyne/cm?) 
20 11.0 
30 15.2 
40 19.1 
50 22.9 


60 26.5 
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(a) Plot shear stress (ordinate) vs. shear rate (abscissa). Make a second plot of shear stress (ordinate) vs. 
shear rate (abscissa) using log-log scales. 

(b) Can the fluid behavior be accurately modeled by the Newtonian, Bingham plastic, or power-law 
model? Answer: The fluid appears to be a power-law fluid, but considering possible error in the mea- 
surements, a Bingham model is also not unreasonable. The fluid does not appear to be Newtonian. 

(c) Compute the apparent viscosity for each shear rate. Answer: 55 cp at 20 sec”. 

(d) Compute the YP and plastic viscosity using data taken at shear rates of 20 and 60 sec™'. Answer: T,= 
3.3 dyne/cm?; 11, = 39 cp. , 

(e) Compute the consistency index and flow-behavior index using data taken at shear rates of 20 and 60 
sec. Answer: n = 0.8; K =100 eq cp. 

A fluid is reported as having a plastic viscosity of 40 cp and a YP of 7 Ibf/100 ft’. Compute a consistency 
index and flow-behavior index for this fluid. Answer: n = 0.888; K = 94 eq cp. 

A 40-cp oil is flowing through 9,000 ft of 3-in. tubing at a rate of 2,500 B/D. Compute the frictional 
pressure loss in the tubing. Assume that the flow pattern is laminar. Answer: 88 psig. 


5.25A 9.2-lbm/gal Newtonian fluid having a viscosity of 30 cp is being circulated at a rate of 100 gal/min in a 
vertical well containing a 6-in.-ID casing and a 4.5-in.-OD drillstring. Compute the static and circulating 
pressure in the annulus of 15,000 ft. Assume that the flow pattern is laminar. Answer: 7,176 psig; 7,694 psig. 
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A Bingham plastic fluid has a plastic viscosity of 50 cp and a YP of 12 Ibf/100 ft’. Assuming that the flow 
pattern is laminar, compute the frictional pressure gradient resulting from (a) a flow rate of 50 gal/min 
through a drillstring having a 3.826-in. ID and (b) a flow rate of 90 gal/min through a 10x7-in. annulus. 
Answer: (a) 0.0171 psi/ft, (b) 0.0240 psi/ft. 

Compute the equivalent density below the casing seat at 4,000 ft when a mud having a density of 10 Ibm/ 
gal and a gel strength of 70 lbm/100 ft? just begins to flow. The casing has an ID of 7.825 in., and the 
drillpipe has an OD of 5 in. Answer: 11.6 lbm/gal. 

A 10-lbm/gal Newtonian fluid having a viscosity of 25 cp is being circulated in a 12,000-ft well contain- 
ing an 8.30-in.-ID casing and a 5 ¥2-in.-OD and 4.67-in.-ID drillstring at a rate of 75 gal/min. Compute 
the static and circulating bottomhole pressure, give the velocity profile in the annulus, and compute the 
frictional loss in the drillstring. Assume that a laminar flow pattern exists both in the pipe and in the an- 
nulus. Ignore the effects of bit and bit nozzles. 

Compute the frictional pressure loss for the annulus discussed in Example 5.28 using a slot flow repre- 
sentation of the annulus. Assume that the flow pattern is laminar. 

A cement slurry that has a flow behavior index of 0.35 and a consistency index of 8,000 eq cp is being 
pumped in a 12.515x5.5-in. annulus at a rate of 300 gal/min. Assuming the flow pattern is laminar, com- 
pute the frictional pressure loss per 1,000 ft of annulus. Also estimate the shear rate at the pipe wall. 
An 8.5-Ilbm/gal brine having a viscosity of 3.0 cp is being circulated in a well at a rate of 400 gal/min. 
Determine whether the fluid in the drillpipe is in laminar or turbulent flow if the ID of the drillpipe is 
4.670 in. 

Determine the frictional pressure drop in 9,000 ft of 5-in. drillpipe having an ID of 4.408 in. if a 10 cp 
Newtonian fluid having a density of 9.5 lbm/gal is pumped through the drillpipe at a rate of 300 gal/min. 
An 11.5-lbm/gal mud having a plastic viscosity of 55 cp and a YP of 27 Ibf/100 ft? is being circulated at 
arate of 550 gal/min. Estimate the frictional pressure loss in the annulus opposite 5 in. casing in a 6.5-in. 
hole, having a length of 1,000 ft. Assume turbulent flow. 

A 16-lbm/gal cement slurry having a consistency index of 300 eq cp and a flow-behavior index of 0.75 
is being pumped at a rate of 500 gal/min between a 9.5-in.-diameter hole and a 7%4-in.-OD casing. De- 
termine the frictional pressure loss per 100 ft of slurry using the power-law fluid model. Use Eq. 5.175a 
to obtain the equivalent diameter. 

A well is being drilled at a depth of 5,000 ft using water with a density of 8.33 Ibm/gal and a viscosity of 1 cp 
as the drilling fluid. The drillpipe has an OD of 4.5 in. and an ID of 3.826 in. The diameter of the hole is 6.5 in. 
The drilling fluid is being circulated at a rate of 500 gal/min. Assume a relative roughness of zero. (a) Deter- 
mine the flow pattern in the drillpipe. Answer: turbulent. (b) Determine the frictional pressure loss per 1,000 ft 
of drillpipe. Answer: 51.3 psi/1,000 ft. (c) Determine the flow pattern in the annular opposite the drillpipe. 
Answer: turbulent. (d) Determine the frictional pressure loss per 1,000 ft of annulus. Answer: 72.9 psi/1,000 ft. 
Work Exercise 5.28 for a Bingham plastic fluid having a density of 10 Ibm/gal, a plastic viscosity of 25 cp, 
and a YP of 5 lbf/100 ft. Answer: turbulent; 132 psi/1,000 ft; 185 psi/1,000 ft. 

Work Exercise 5.28 for a power-law fluid having a density of 12 lbm/gal, a flow-behavior index 
of 0.75, and a consistency index of 200 eq cp. Answer: turbulent; 144 psi/1,000 ft; turbulent; 
205 psi/1,000 ft. 
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A 15-Ibm/gal cement slurry has a flow-behavior index of 0.3 and a consistency index of 9,000 
eq cp. Compute the flow rate required for turbulent flow in an 8.097 x 4.5-in. annulus. Estimate the fric- 
tional pressure loss and the shear rate at the wall for this flow rate. Answer: for Np, = 3,200, v =11.5 ft/ 
sec, and q = 1,294 gal/min; 130 psi/1,000 ft; y = 817. 

Mud is circulating in a deviated well, with a centralized 7%-in. casing string in a 9⁄2-in. hole. The diam- 
eter of the centralizers is 8’ in., and the drilling mud has a flow-behavior index of 0.65 and a consistency 
index of 155 eq cp. The pressure-loss gradient in a concentric annulus is estimated to be 0.0442 psi/ft. 
Determine the frictional-pressure-loss gradient for the eccentric annulus. 

A 13%-in. casing is being run into a 17!2-in. gauge vertical wellbore at 5 ft/sec. The wellbore is filled 
with fresh water of 8.34 lbm/gal, with Newtonian viscosity of 1 cp. The casing has a float, so no fluid 
flows into the casing. What is the steady-state surge pressure increment at 2,000 ft. caused by frictional 
pressure drop? Answer: 0.55 psi. 


Nomenclature 


a,b 
a(n) 
b(n) 


VQ NANNAN Qn woda Db 


SL SA = 


dS 


> 


= 
= 

= 
Nar 


= coefficients in gas pressure calculation 
= Guillot function, dimensionless, Eq. 5.129 


Guillot function, dimensionless, Eq. 5.129 


= area, (L’), ft’, (m?) 


total nozzle area, (L>), in.”, (m?) 


= Sisko viscosity, (m/L-s), cp, (Pa:s) 


Robertson-Stiff coefficient, (m/L-s*”), Pa-s? 


= Sisko parameter, (m/L-s**), centipoise-sec*', (Pa-s°) 


Robertson-Stiff coefficient, dimensionless 


= Sisko parameter, dimensionless 


Robertson-Stiff coefficient, (1/s), s~! 


= discharge coefficient, dimensionless 


correction factor for eccentricity, dimensionless 


= constant of integration, shear stress, Eq. 5.61 


solids concentration, dimensionless 


= diameter, (L), in. (m) 


nozzle diameter, (L), in. (m) 


= inner diameter of annulus, (L), in. (m) 


particle diameter, (L), in. (cm) 


= outer diameter of annulus, (L), in. (m) 


hydraulic diameter, (L), in. (m) 


= Irvine “Blasius” formula, dimensionless, Eq. 5.128 


absolute roughness, (L), in. (cm) Eq. 5.125d 


= internal energy per unit volume, (mL/s’), Btu/lbm, (J/kg) 


kinetic energy per unit fluid volume, (mL/s’), Btu/Ibm, (J/kg) 


= complete elliptic integral of the second kind, Eq. 5.182 


Fanning friction factor, dimensionless 


= suspension Fanning friction factor, dimensionless 


coefficient of friction between cuttings and annulus wall, dimensionless 


= volume fraction of component i, dimensionless 


volume fraction of gas, dimensionless 


= downward force on fluid element, (mL/s’), Ibf, (N) 


upward force on fluid element, (mL/s’), 1bf, (N) 


= downward sedimentation force, (mL/s’), lbf, (N) 


energy loss due to friction per unit mass, (mL/s), Btu/Ibm, (J/kg) 


= bit hydraulic impact force, (mL/s’), Ibf, (N) 


force on pipe wall due to fluid motion, (mL/s’), Ibf, (N) 


= upward eddy force, (mL/s’), 1bf, (N) 


gravity constant, (L/t?), lbf/Ibm, (m/s”) 


= height of slot, (L), ft, (m) 


consistency index, (m/L-s*" ), lbf-sec’/ft?,Pa-s” 


= mud-clinging constant, dimensionless 
= length, (L), ft, (m) 
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= mass, (m), Ibm, (kg) 
= mass of component i, (m), Ibm, (kg) 
mass flow rate, (m/s), lbm/sec, (kg/sec) 
=  Gucuyener, Shulman, or Maglione exponent, dimensionless, Eq. 5.56 
1/n, n = flow behavior index, dimensionless 
Zhu parameter, (s), sec, (sec) 
gas molecular weight, lbm/lbm-mol, kg/kg-mole 
= number of sections 
flow behavior index, dimensionless 
= eccentricity, dimensionless 
Galileo number, dimensionless 
= Hedstrom number, dimensionless 
N =  Peclet number based on the outer-pipe diameter, dimensionless 
N = Reynolds number, dimensionless 
N = Metzner-Reed Reynolds number, dimensionless 
= Taylor number, dimensionless 
N = moles of gas per volume, (m-mol/L’), Ibm-mole/gal, (kg-mole/m*) 
p = pressure, (m/L-s’), psi, (Pa) 
P, = pressure at Z,, surface pressure, (m/L-s’), psi, (Pa) 
p, = Pressure in the annulus, (m/L-s?), psi, (Pa) 
P.,, = collapse pressure, (m/L-s’), psi, (Pa) 
p, = pressure in the tubing, (m/L-s’), psi, (Pa) 
P, = hydraulic power, (mL7/s*), hp, (W) 
= volume flow rate, (m/s), gal/min, (m*/s) 
volume flow rate in a concentric annulus, (m°/s), gal/min, (m*/s) 
volume flow rate in a eccentric annulus, (m*/s), gal/min, (m*/s) 
heat per unit mass added, (mL/s’), Btu/lbm, (J/kg) 
= radius, (L), in. (m) 
inside radius of annulus, (L), in. (cm) 
= outside radius of annulus, (L), in. (cm) 
= universal gas constant, psi-gal/lbm-mole/R, Pa-m*/kg-mole/K 
= pipe inside radius , (L), ft (m) 
= r JT p» dimensionless 
= measured depth, (L), ft (m) 
= settlement time for cuttings, (s), second, (sec) Eq. 5.229 
= Zhu parameter, (s), second, (sec), Eq. 5.57 
= absolute temperature, (T), R, (K) 
= turbulent flow velocity, (L/s), ft/sec, (m/s) 
= turbulent flow velocity for concentric annulus, (L/s), ft/sec, (m/s) 
= turbulent flow velocity for eccentric annulus, (L/s), ft/sec, (m/s) 
= velocity, (L/s), ft/sec, (m/s) 
= average velocity, (L/s), ft/sec, (m/s) 
= mean velocity of fluid-solid mixture, (L/s), ft/sec, (m/s) 
minimum transport velocity, (L/s), ft/sec, (m/s) Eq. 5.225-5.227 
nozzle velocity, (L/s), ft/sec, (m/s) 
average nozzle velocity, (L/s), ft/sec, (m/s) 
plug velocity, (L/s), ft/sec, (m/s) 
liquid fluctuating velocity, (L/s), ft/sec, (m/s) 
damped liquid fluctuating velocity, (L/s), ft/sec, (m/s) Eq. 5.221 
= total volume, (L°), gal (m°) 
volume of component i, (L°), gal (m°) 
= volume of mud, (L°), gallon, (m°) 
volume of gas, (L°), gal (m°) 
work done per unit mass, (mL/s), Btu/lbm, (J/kg) 
width of slot, (L), ft (m) 
= coordinate direction along width of slot, (L), ft (m) 
thickness of sheared layer in slot, (L), ft (m) 
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Z = TVD, (L), ft (m) 

Z, = TVD of section i, (L), ft (m) 

Z = gas compressibility factor, dimensionless 

a = damping coefficient, dimensionless, Eq. 5.221 
B Graves-Collins parameter, (s), second, (sec) 

y = shear rate, (st), s',(s~') 


Žnw = Newtonian wall shear rate, (s), s!,(s!) Eq. 5.223 

Ap = pressure increment, (m/L-s’), psi, (Pa) 
Ap, = pressure drop through bit, (m/L-s’), psi, (Pa) 

Ap i total frictional pressure drop, (m/L-s’), psi, (Pa) 

ör, = degree of eccentricity, (L), ft (cm) 

or, = lowest distance between the inner and outer wall of an inclined annulus 
As = measured depth increment, (L), ft (m) 

V„ = effective mean annular velocity, (L/s), ft/sec, (m/s) 

Av = velocity increment, (L/s), ft/sec, (m/s) 


AZ = TVD increment, (L), ft (m) 


A parameter in eccentric annulus calculations, dimensionless 
A, = parameters in eccentric annulus calculations, j = 1...3, dimensionless, Eq. 5.185 
A = scaling parameter, dimensionless, Eq. 5.230 
n =  Gucuyener or Shulman viscosity, (m/L-s), cp, (Pa:s) 
n, = Zhu viscosity, (m/L-s), cp, (Pa-s), Eq. 5.57 
LL = viscosity, (m/L-s), cp, (Pa-s) 
i, = plastic viscosity, (m/L-s), cp, (Pa-s) 
p = density, (m/L*), lbm/gal, (kg/m?) 
p, = equivalent mud density, (m/L*), lbm/gal, (kg/m*) 
p, = density of component i, (m/L’*), Ibm/gal, (kg/m?) 
pP, = fluid density, (m/L*), lbm/gal, (kg/m*) 
t = shear stress, (m/L-s’), psi, (Pa) 
t = yield stress, (m/L-s’), Ibf/100 ft’, (Pa) 
T, = shear stress, xy component, (m/L-s’), 1bf/100 ft?, (Pa) 
T., shear stress at wall of slot, (m/L-s’), 1bf/100 ft?, (Pa) 
T; = shear stress at inner wall of slot, (m/L-s’), Ibf/100 ft’, (Pa) 
T,, = Shear stress at outer wall of slot, (m/L-s’), Ibf/100 ft’, (Pa) 
T =  Graves-Collins yield stress, (m/L-s’), Ibf/100 ft’, (Pa) 
@ = T/T, dimensionless 
ọ = wellbore inclination, (radians) 
Q = pipe rotation rate, (s-'), rev/min, (radians/sec) 
Subscripts 
b = brine, bit 
dc = drill collars 
f friction 
fe = filler cement 
fl flush 
hc = high-strength cement 
m = mud 
p = pump 
s = solids 
w = formation water 
1,2 = 1 = initial, 2 = final 
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Chapter 6 


Rotary Drilling Bits 


Evren Ozbayoglu, University of Tulsa 


This chapter is an updated version of the Rotary Drilling Bits chapter that first appeared in Bourgoyne et al. 
(1991). The purpose of this chapter is to introduce the student to the selection and operation of drilling bits. In- 
cluded in the chapter are discussions of (1) various bit types available, (2) criteria for selecting the best bit for a 
given application or drilling program, (3) standard methods for evaluating the performances of dull bits, (4) fac- 
tors affecting bit wear and rate of penetration (ROP), and (5) optimization of drilling parameters such as weight 
on bit (WOB) and revolutions per minute (RPM). 


6.1 Introduction 

A drilling bit is the major tool that conducts the cutting action located at the end of the drillstring. The bit gener- 
ates the drilling action by scraping, chipping, gouging, or grinding the rock. Drilling fluid is circulated through 
the bit to remove the drilled cuttings generated inside the wellbore. 

There are many variations of bit designs available. The selection of the bit for a particular application will de- 
pend on the type of formation to be drilled as well as the expected operating conditions during the drilling process. 
The performance of a bit is a function of several operating parameters including WOB, RPM, mud properties, and 
hydraulic efficiency. The drilling engineer must be aware of the design variations, the impact of the operating 
conditions on the performance of the bit, and the wear generated on the bit in order to be able to select the most 
appropriate bit for the formation to be drilled. 


6.1.1 Historical Development. Roller-Cone Bits. Throughout the early 1900s, the performance of roller-cone 
bits was superior to other bit types and, as a result, their popularity grew as they became the most widely used 
drill-bit type. The first roller-cone bits were invented by and evolved from a patent by Howard Hughes in 1909 
(Hughes 1909) that described a rotary drill bit with two rotating cones. In the early 1930s, the tricone bit was in- 
troduced, with cutters designed for hard and soft formations (Fig. 6.1). 

By the late 1940s, the industry was venturing into deep drilling, which means harder rocks such as lime- 
stone and chert, slow penetration rates, and reduced bit life. Because conventional milled-tooth bits were 
simply inadequate for these drilling environments, in 1949, Hughes Tool Company introduced the first three- 
cone bit using tungsten carbide inserts in the cutting structure. This bit was characterized by short and closely 
spaced inserts. Failure in the roller cones was mostly from bearing failure, and not to structure failure. Still, 
developments achieved mostly focused on bearing enhancements, leg and cutter metallurgy, and hydraulics. 
Today, modern insert bits are used routinely in many areas from top to bottom in low-solids drilling-mud 
systems. 

Fixed-Cutter Bits. In the early 1900s, fishtail bits or drag bits, which were the early versions of fixed-cutter 
bits, were introduced. They were made of steel and were configured with two blades or paddles usually covered 
with harder alloy coatings or cutting tips to extend life. Their major application was mainly to drill very soft rock 
formations (Fig. 6.2). 
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Fig. 6.2—Drag bits (Torquato Drilling Accessories 2011). Reprinted with permission. 


The first bits to use diamond for oilwell drilling were dubbed natural-diamond bits because they used natural dia- 
monds as their cutting elements. These bits were first used in the 1940s and were commonly used through the 1980s. 
There was a significant increase of interest in the natural-diamond industry in the late 1970s, when thermally stable 
polycrystalline (TSP) bits and polycrystalline-diamond-compact (PDC) technology was developed. Both of these 
bits use small disks of synthetic diamond to provide the scraping/cutting surface (Fig. 6.3). The TSP bit was the first 
synthetic-diamond component used by the drill-bit industry and represents the evolutionary link to the modern PDC 
cutter, but it is tolerant of much higher temperatures than a conventional PDC bit. 

By the mid-1980s, the PDC drill bit had evolved. In these years, the PDC-bit industry experimented with a wide 
variety of bit configurations and cutters. Both roller-cone and PDC bits underwent tremendous material and tech- 
nological advances in the 1990s. Increasing reliability levels combined with more-efficient rock-shearing action 
have pushed PDC bits to the technological forefront. 


6.2 Bit Types 

Rotary drilling uses two types of drill bits: roller-cone bits and fixed-cutter bits. Roller-cone bits have one or 
more cones containing cutting elements, usually referred to as inserts, which rotate about the axis of the cone as 
the bit is rotated at the bottom of the hole. Milled-tooth (or steel-tooth) bits are typically used for drilling rela- 
tively soft formations. Tungsten-carbide-insert (TCD) bits (or button bits) are used in a wider range of formations, 
including the hardest and most abrasive drilling applications. Fixed-cutter bits, including PDC, impregnated, and 
diamond bits, can drill an extensive array of formations at various depths. All fixed-cutter bits consist of fixed 
blades that are integral with the body of the bit and rotate as a single unit. 


6.2.1 Roller-Cone Bits. Roller-cone bits are classified as milled-tooth or insert. In milled-tooth bits, the cutting 
structure is milled from the steel making up the cone. In insert bits, the cutting structure is a series of inserts 
pressed into the cones. Roller cone bits have a large variety of tooth designs and bearing types, and are suited for 
a wide variety of formation types and applications. 
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Fig. 6.3—(a) Diamond bits; (b) PDC bits (Mensa-Wilmot et al. 2006). 


Fig. 6.4—Soft- (left) and hard- (right) formation roller-cone bits (Wamsley and Ford 2007). 


The drilling action of a roller-cone bit depends to some extent on the offset of its cones. The offset of the bit is 
a measure of how much the cones are moved so that their axes do not intersect at a common point on the centerline 
of the hole. Offsetting causes the cone to stop rotating periodically as the bit is turned and scrapes the hole bottom 
much like a drag bit. This action tends to increase drilling speed in most formation types. However, it also pro- 
motes faster tooth wear in abrasive formations. Cone offsets vary between 0.5 and 0.375 in. for soft-formation 
roller-cone bits, and are usually between 0.0325 and 0.0 in. for hard-formation bits. 

The shape of the bit teeth also has a large effect on the drilling action of a roller-cone bit. Long, widely spaced 
steel teeth are used for drilling soft formations. As the rock type becomes harder, the tooth length and the cone 
offset must be reduced to prevent tooth breakage. The drilling action of a bit with zero cone offset is essentially a 
crushing action. The smaller teeth also allow more room for the construction of stronger bearings (Fig. 6.4). 

Because formations are not homogeneous, sizable variations exist in their drillability and this has a large impact 
on cutting-structure geometry. For a given WOB, wide spacing between inserts or teeth results in improved 
penetration and relatively higher lateral loading on the inserts or teeth. Closely spacing inserts or teeth reduces 
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TABLE 6.1—RELATIONSHIP BETWEEN INSERTS, TEETH, CUTTINGS-PRODUCTION 
RATE, HYDRAULIC REQUIREMENTS, AND THE FORMATION (Wamsley and Ford 2007) 
Penetration Cleaning 
Formation Insert/Tooth Insert/Tooth and Cuttings Flow-Rate 
Characteristics Spacing Properties Generation Requirements 
Soft Wide Long and 
sharp 
Medium Relatively wide Shorter and Relatively high Relatively high 
stubbier 
High Close Short and Relatively low Relatively low 
rounded 


loading at the expense of reduced penetration. The design of inserts and teeth themselves depends largely on the 
hardness and drillability of the formation. Penetration of inserts and teeth, cuttings-production rate, and hydraulic 
requirements are interrelated, as shown in Table 6.1. 

The action of bit cones on a formation is of prime importance in achieving a desirable penetration rate. Soft- 
formation bits require a gouging/scraping action. Hard-formation bits require a chipping/crushing action. 
These actions are governed primarily by the degree to which the cones roll and skid. Maximum gouging/scrap- 
ing (soft-formation) actions require a significant amount of skid. Conversely, a chipping/crushing (hard-forma- 
tion) action requires that cone roll approach a “true roll” condition with very little skidding. For soft formations, 
a combination of small journal angle, large offset angle, and significant variation in cone profile is required to 
develop the cone action that skids more than it rolls. The journal is the load-carrying surface of the bearing on 
a bit, and journal angle is the angle subtended between the axis of rotation of the roller cones and a plane per- 
pendicular to the axis of rotation of the drill bit. Hard formations require a combination of large journal angle, 
no offset, and minimum variation in cone profile. These will result in cone action closely approaching true roll 
with little skidding. 


6.2.2 Fixed-Cutter Bits. In general, fixed-cutter bits are categorized under two groups: PDC bits (fail the rock 
through a shearing process) and diamond bits made up of impregnated, natural-diamond and TSP elements (fail 
the rock through a grinding process). There does exist a third category, which also fails the rock through a shear- 
ing process and which is referred to as a tool steel-bladed bit or a drag bit (Fig. 6.2); however, drag bits are rarely 
used in the industry today. 

The major difference between fixed-cutter bits and roller-cone bits is that fixed-cutter bits do not have any mov- 
ing parts, which is an advantage, especially with small hole sizes in which space is not available for the cone/ 
bearing systems with proper teeth structure. The introduction of hardfacing to the surface of the blades and the 
design of fluid passageways greatly improved the performance of fixed-cutter bits. Because of the dragging/scrap- 
ing action of the fixed-cutter bits, high RPM and low WOB are applied. 

PDC Bits. PDC bits use small disks of synthetic diamond to provide the scraping/cutting surface. The small 
discs may be manufactured in any size and shape and are not sensitive to failure along cleavage planes as natural- 
diamond bits are. PDC bits have been run very successfully in many fields all around the world. TSP bits are 
manufactured similarly to PDC bits, except TSP bits can resist much higher operating temperatures than PDC bits. 

One commonly used PDC bit is the dual-diameter bit. Dual-diameter bits have a unique geometry that allows 
them to drill and underream. To achieve this, the bits must be capable of passing through the drift diameter (i.e., 
the smallest inner diameter of a tubular material) of a well casing and then drilling an oversized (larger than casing 
diameter) hole. State-of-the-art dual-diameter bits are similar to conventional PDC drill bits in the way that they 
are manufactured. They typically incorporate a steel-body construction and a variety of PDC and/or diamond- 
enhanced cutters. They are unitary and have no moving parts (Fig. 6.5). 

The maximum benefit of dual-diameter bits is realized in swelling or flowing formations in which the risk of 
sticking pipe can be reduced by drilling an oversized hole. They are commonly used in conjunction with applica- 
tions requiring increased casing, cement, and gravel-pack clearance; they also can eliminate the need for extra 
trips and can avoid the risk of moving-part failure in mechanical underreamers in high-cost intervals. 

Impregnated Bits. Impregnated-bit bodies are PDC matrix materials that are similar to those used in cutters. 
The working portions of impregnated bits are unique, such that they contain matrix impregnated with diamonds 
(Fig. 6.6). 
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Fig. 6.5—Dual-diameter PDC bit. 


Fig. 6.6—Impregnated bit. 


Both natural and synthetic diamonds are prone to breakage from impact. When embedded in a bit body, they are 
supported to the greatest extent possible and are less susceptible to breakage. However, because the largest dia- 
monds are relatively small, cut depth must be small and ROP must be achieved through increased rotational speed. 
They are most frequently run in conjunction with turbo drills and high-speed positive-displacement motors that 
operate at several times normal rotational velocity for rotary drilling (500 to 1,500 rev/min). During drilling, in- 
dividual diamonds in a bit are exposed at different rates. Sharp, fresh diamonds are always being exposed and 
placed into service (Fig. 6.7). Better bit performance and reduction in the number of required bits have been re- 
ported in abrasive and heterogeneous formations when impregnated bits with turbines are used instead of roller- 
cone bits and PDCs (Botelho et al. 2006). 

Diamond Bits. The term “diamond bit” normally refers to bits incorporating surface-set natural diamonds as 
cutters. Diamond bits are used in abrasive formations. The cutting action of a diamond bit is developed by scrap- 
ing away the rock. Diamond bits drill by a high-speed plowing action that breaks the cementation between rock 
grains. Fine cuttings are developed in low volumes per rotation. To achieve satisfactory ROPs with diamond bits, 
they must, accordingly, be rotated at high speeds. Despite its high wear resistance, diamond is sensitive to shocks 
and vibrations. Thus, caution must be taken when running a diamond bit. Effective fluid circulation across the face 
of the bit is also very important to prevent overheating of the diamonds and the matrix material, and to prevent bit 


316 Fundamentals of Drilling Engineering 


Fig. 6.7—Presentation of diamonds impregnated in a cross-sectional view of a matrix body [from Botelho et al. (2006)]. 


Fig. 6.8—Hybrid bit (Pessier and Damschen 2010). 


balling (i.e., cuttings agglomerating on the bit). The cutting elements are typically placed among and along shal- 
low waterways intended to provide some level of cooling and cleaning. 

Diamond bits are described in terms of the profile of their crown, the size of diamond stones (stones per carat), 
total fluid area incorporated into the design, and fluid-course design (radial or crossflow). Diamonds do not bond 
with other materials. They are held in place by partial encapsulation in a matrix bit body. Diamonds are set in 
place on the drilling surfaces of bits (Fig. 6.3a). 


6.2.3 Hybrid Bits. Significant advances have been made in PDC-cutter technology, and fixed-blade PDC 
bits have replaced roller-cone bits in numerous operations. However, in some applications for which the 
roller-cone bits are uniquely suited—such as drilling hard, abrasive and interbedded formations; complex 
directional-drilling applications; and, in general, applications in which the torque requirements of a conven- 
tional PDC bit exceed the capabilities of a given drilling system—the hybrid bit can substantially enhance the 
roller-cone bit’s performance while generating a lower level of harmful dynamics compared to a conventional 
PDC bit. 

In a hybrid bit, the intermittent crushing of a roller-cone bit is combined with the continuous shearing 
and scraping of a fixed-blade bit (Fig. 6.8). The central portion of the borehole is cut solely by PDC 
cutters on the primary blades, while the more-difficult-to-drill outer portion is being disintegrated by the 
combined action of the cutting elements on the rolling cutters and the fixed blades. The rolling cutters are 
biased toward the backside of the blades to open up a space (or junk slot) in front of the blades for the return 
of cuttings and the placement of nozzles (Pessier and Damschen 2010). Hydraulically activated expandable 
hybrid bits having tricones outside and PDC cutters inside perform successfully in hard formations (Gopals- 
ing 2006). 


Rotary Drilling Bits 317 


Vent 


Lubricant 


reservoir cover . 
Lubricant 


reservoir 


Leg Lubricant supply 
passage 
Nozzle 
Hardfacing y Bearing seals 
Shirttail =S Main bearing 
Cone retention 
Milled tooth Thrust bearing 


Gauge insert 
cong Heel insert 


Fig. 6.9—Schematic view of a roller-cone bit (Wamsley and Ford 2007). 


6.3 Manufacturing and Design of Bits 

Drill-bit performance is influenced by the environment in which the bit operates. Operating choices such as ap- 
plied WOB, rotary speed, and hydraulic arrangements all have important implications for the way that bits are 
designed and for their operating performance. 

Environmental factors, such as the nature of the formation to be drilled, hole depth and direction, characteris- 
tics of drilling fluids, and the way in which a drill rig is operated, are also of critical importance in bit perfor- 
mance and design. Engineers consider these factors for all designs, and every design should begin with close 
cooperation between the designer and the drilling company to ensure that all applicable inputs contribute to the 
design. 


6.3.1 Roller-Cone Bits. Roller-cone bits generally consist of three similar-sized cones and legs, attached 
together with a pin connection. Each cone is mounted on bearings. The three legs are welded together to form 
the cylindrical section, which develops the pin connection. The pin connection provides the connection to the 
drillstring. 

Legs are provided with openings for fluid circulation. The size of these openings can be controlled by inserting 
nozzles, which provide constraints at the fluid exit in order to obtain high jetting effect for efficient bit and hole 
cleaning. Mud pumped through the drillstring passes through the nozzles. A schematic view of a roller-cone bit is 
presented in Fig. 6.9. 

The drill-bit design is determined on the basis of the type of rock to be drilled and the size of the hole. Although 
the legs and journals are identical, the shape and distribution of cutters on the three cones differ. If the bit is a 
tricone bit, the design should ensure that all three legs must be equally loaded during the drilling process. The 
journal angle offsets between cones, bearings, and teeth are the major considerations when designing and manu- 
facturing a tricone bit. 

Basic Design Principles. Design activities are focused principally on four general areas: material selection for 
the bit body and cones, geometry and type of cutting structure to be used, mechanical-operating requirements, and 
hydraulic requirements. The dimensions of a bit at the gauge (outside diameter) and the pin (arrangement for at- 
tachment to a drillstem) are fixed, usually by industry standards, and resultant design dimensions always accom- 
modate them. 

Hardfacing materials are designed to provide wear (abrasion, erosion, and impact) resistance for the bit. To be 
effective, hardfacing must be resistant to loss of material by flaking, chipping, and bond failure with the bit. Hard- 
facing provides wear protection on the lower (shirttail) area of all roller-cone-bit legs and serves as a cutting- 
structure material on milled-tooth bits. Hardfacing materials containing tungsten carbide grains are the standard 
for protection against abrasive wear on bit surfaces. To improve the durability of the leg while increasing seal and 
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bearing reliability, abrasion-resistant hardfacing (Fig. 6.10) is incorporated onto the majority of the leg outer di- 
ameter (Buske et al. 2008). 

Roller-Cone-Bit Components. The first consideration in the physical design of a roller-cone bit is the permis- 
sible bit diameter (i.e., the available space). Every element of a roller-cone bit must fit within a circle that is 
representative of the required well diameter. The sizes of journals, bearings, cones, and hydraulic and lubrication 
features are collectively governed by the circular cross section of the well. In smaller bits, assembling components 
are very challenging because of a shortage of space. 

The cones of a roller-cone bit are mounted on journals (Fig. 6.11). There are three types of bearings used in 
these bits: roller bearings, which form the outer assembly and help to support the radial loading (or WOB); ball 
bearings, which resist longitudinal or thrust loads and also help to secure the cones on the journals; and friction 
bearing in the nose assembly, which helps to support the radial loading. 


Fig. 6.10—Left = standard hardfacing; right = enhanced hardfacing (Buske et al. 2008). 
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Fig. 6.11—Typical journal-bearing system (Wamsley and Ford 2007). 
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The bearings should be large enough to support the loads applied. The strength of the journal and cone shell 
should also be considered. Usually, it is expected that the bearings will not wear out before the cutters. There have 
been a number of developments in bearing technology used in rock bits (i.e., sealed-bearing bits in which the seal- 
ing mechanism prevents abrasive solids in the mud from entering and causing excess frictional resistance in the 
bearings, and journal-bearing bits in which the cones are mounted directly onto the journal). 

All three cones have the same shape except for the first cone, which has a spear point. Journal angle describes 
an angle formed by a line perpendicular to the axis of a bit and the axis of the bit’s leg journal (Fig. 6.12). Journal 
angle is usually the first element in a roller-cone-bit design. Because all three cones fit together, the journal angle 
specifies the outside contour of the bit. It optimizes bit-insert (or tooth) penetration into the formation being 
drilled; generally, bits with relatively small journal angles are best suited for drilling in softer formations, and 
those with larger angles perform best in harder formations. 

To increase the skidding/gouging action, bit designers generate additional working force by offsetting the cen- 
terlines of the cones (Fig. 6.13). Basic cone geometry is affected directly by increases or decreases in either jour- 
nal or offset angles, and a change in one of the two requires a compensating change in the other. When the cone 
is mounted on a journal, the cone is forced to rotate around the center of the bit. This rotational motion forces the 
inner-cone profile to skid and the outer-cone profile to gouge. Skidding/gouging improves penetration in soft and 
medium-formations at the expense of increased insert or tooth wear. In abrasive formations, offset can reduce 
cutting structure service life to an impractical level. Therefore, bit designers limit the use of offset so that results 
meet the minimum requirements for formation penetration. 

Skidding of a cone is presented in Fig. 6.14. The bit rotates around the bit axis in a clockwise direction, and the 
cone rotates around the cone axis in counterclockwise direction. These rotational motions can be expressed in 
terms of instantaneous angular velocities W, and W,, respectively. Because velocities are vectors, instantaneous 
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Fig. 6.12—Journal-angle alignment. 
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Fig. 6.13—Cone offset (Bourgoyne et al. 1991). 
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Fig. 6.14—Cone skidding. 


rotation is in the direction of the resultant of these two velocities: that is, W°. The axis of this vector intercepts the 
cone at point O, which is motionless. The projection of the cone at this instant is represented by triangles a, a’, O’ 
and b, b’, O’. These triangles are the grinding/crushing zone at which skidding takes place. 

Tooth and insert design is governed primarily by structural requirements for the insert or tooth and formation require- 
ments such as penetration, impact, and abrasion. With borehole diameter and knowledge of formation requirements, the 
designer selects structurally satisfactory cutting elements that provide an optimum insert/tooth pattern for efficient drill- 
ing of the formation. Factors that must be considered to design an efficient insert/tooth and establish an advantageous 
bottomhole pattern include bearing-assembly arrangement, cone-offset angle, journal angle, cone-profile angles, insert/ 
tooth material, insert/tooth count, and insert/tooth spacing. When these requirements have been satisfied, remaining 
space is allocated between the insert/tooth contour and the cutting-structure geometry to best suit the formation. The 
TCls/teeth designed for drilling soft formations are long and can have various geometries. The TCIs used in bits for hard 
formations are short and usually have a hemispherical end (Fig. 6.15). These bits are sometimes called button bits. 

Drilling fluid circulates inside the drillstring and passes through the bit nozzles. After passing through the nozzles, 
fluid basically cleans out the face of the bit by carrying the drilled cutting into the annulus. Early bit designs allowed 
the fluid to leave only through the center of the bit, which was not an effective way of cleaning the cuttings from the bit 
face. The introduction of nozzles simply created a more efficient method of cleaning the face of the bit because fluid 
flows through the nozzles and goes around the outside of the bit body. The nozzles are made of tungsten carbide to 
prevent fluid erosion. The turbulence generated by the jet streams is enough to clean the cutters and allow efficient 
drilling to continue. The nozzles can be replaced easily. Also, extended nozzles may be preferred for improving the 
bottomhole cleaning action. 

Cone-cleaning-nozzle systems perform best in bit-balling environments, and borehole-cleaning-nozzle systems 
perform best in bottom-balling environments. Different configurations of nozzle positioning are available for 
improving drilling performance (Fig. 6.16). 

Special Bits. Monocone bits are potentially very advantageous for use in small-diameter systems in which 
bearing sizing presents significant engineering problems. Monocone bits are also attractive for ultradeep and 
slimhole drilling operations because of less torsion and longer bearing life (Hu and Liu 2006). 

As with monocone bits, two-cone bits have available space for larger bearings and rotate at lower speeds than 
three-cone bits. Bearing life and seal life for a particular bit diameter are greater than those for comparable three- 
cone bits. Two-cone bits, although not common, are available and perform well in special applications. For ex- 
ample, an interest has arisen in the industry in using two-cone bits because performances show that improvements 
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Fig. 6.15—Inserts (Smith Technologies 2005); ACE = asymmetric conical edge. 


Type E 


Fig. 6.16—Different nozzle systems: (Type A) the conventional nozzle; (Type B) the nozzles direct the drilling fluid such 
that it skims the leading edge of the gauge-cutting elements of the cone before impacting the borehole; (Type C) like 
Type B, but more toward the wall of the borehole; (Type D) a third-cone nozzle is positioned such that the fluid passes 
between the gauge-cutting surfaces and the borehole wall, on the trailing side of the cone, in the gap created by cone 
offset (skew angle); and (Type E) the nozzle system developed by using a high-pressure drilling simulator in conjunc- 
tion with computational fluid dynamics, which maximizes cone and borehole cleaning and cuttings evacuation while 
minimizing cone erosion (Legderwood et al. 2000). 


have been observed in vibrations, directional responsiveness, deviation-free performance, hydraulic aspects of 
bottomhole cleaning, and free-of-bit balling (Centala et al. 2006). Fig. 6.17 provides photographs of a monocone 
bit and a two-cone bit. 

The cutting action of two-cone bits is similar to that of three-cone bits, but fewer inserts simultaneously contact 
the hole bottom. Penetration per insert is enhanced, providing particularly beneficial results in applications in 
which capabilities to place WOB are limited. 
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Fig. 6.17—(a) A monocone bit (Hu and Liu 2006); (b) a two-cone bit (Centala et al. 2006). 


6.3.2 PDC Bits. A PDC bit has no moving parts—in other words, it has no bearings. The rock-drilling mecha- 
nism of PDC bits is shearing rather than crushing (as in roller-cone bits). Rock breakage by shear requires less 
energy than crushing; hence, less WOB can be applied. However, higher rotational speeds are required. 

A PDC bit employs a large number of cutting elements, called PDC cutters. A PDC cutter is constructed by 
joining a layer of polycrystalline artificial diamond to a cemented tungsten carbide composite under high pressure 
and temperature. The diamond layer is usually composed of numerous small diamond particles collected together 
at random orientation for achieving maximum strength and wear resistance. 

Basic Design Principles. The design features and constitution of fixed-cutter bits include the number and shape 
of the blades and the structural body type (matrix or steel) from which the bit body is formed. In addition, these bits 
are characterized by the shapes and sizes of their cutting elements (PDC cutters) or stones, metallurgic or material 
makeup, and the sizes and locations of their watercourses (Fig. 6.18). 

Two of the important design features of a PDC bit are the number of cutters used and the angle of attack be- 
tween the cutter and the surface of the formation being drilled. Cutter orientation and bit configuration are defined 
in terms of backrake, siderake, exposure, and blade height (Fig. 6.19). 

Cutter exposure is the amount by which the cutters protrude from the bit body. Backrake is the angle presented 
by the face of the cutter to the formation and is measured from the vertical. Siderake is the measure of the orienta- 
tion of the cutter from left to right. 

Bit-rake angle is found to have a pronounced effect on the bit forces. The forces acting on a single bit insert 
increase substantially as the cut depth increases. However, on a fullscale bit, fewer bit inserts are required if 
each insert takes a deeper bite. Therefore, the total bit force actually may decrease if fewer inserts are employed 
and deep cuts are made on each bit revolution (Li et al. 1993). 

In general, low backrake angles make bits more aggressive (i.e., greater ROP for a given WOB), but more prone 
to impact damage. High backrake angles reduce aggressiveness, but make the bits less prone to impact damage 
(i.e., greater resistance to cutter damage). Because of these relationships, backrake angles have to be optimized 
for specific bit designs and applications. 

Siderake angles are classified as negative or positive on the basis of cutter/face orientation. Negative siderake im- 
proves bit stabilization but compromises bit cleaning because cuttings tend to be pushed toward the center of the bit. 
On the other hand, positive siderake increases cleaning efficiency but does not aid in bit stabilization. For a PDC bit, 
cutter exposure establishes how much a given cutter can bite into a formation before the back of the blades make con- 
tact with the formation and prevent efficient WOB use for ROP gains. Under normal conditions, increased exposure, 
which makes bits more aggressive, is directly dependent on cutter size (Fig. 6.20). Blade height provides room for 
drilled cuttings to peel off the hole bottom without possibly sticking to the bit body or packing off in front of the cutter 
and thus reducing ROP. 

In general, aggressive bits are defined by large cutter sizes, reduced blade counts, low backrakes, high cutter 
exposures, and increased blade height, and they are used in soft-formation applications. On the other hand, smaller 
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Fig. 6.18—PDC bit (Wamsley and Ford 2007). 
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Fig. 6.19—Cuitter orientation expressed in terms of exposure, backrake, and siderake (Cerkovnik 1982); 
d is the height of the cutter visually seen attached to the body. 


cutters, high blade counts, high backrakes, reduced cutter exposures, and reduced blade height are used in hard- 
formation applications. 

In the early 1970s, PDC bits incorporated elementary designs without waterways or carefully engineered provisions 
for cleaning and cooling. By the late 1980s, PDC-bit technology advanced rapidly as the result of a new understanding 
of bit vibrations and their influence on productivity. Today, cutting structures are recognized as the principal determi- 
nant of force balancing for bits and for ROP during drilling. 
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Fig. 6.20—Soft- (left), medium- (middle), and hard- (right) formation blade/cutter combinations for a PDC bit (Chevron 
DE Drilling Seminar 2005). 
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Fig. 6.21—PDC bit profiles (Wamsley and Ford 2007). 


Bit Shape. Major crown profiles of PDC bits are flat or shallow cone, tapered or double cone, and parabolic. 
WOB is distributed homogeneously on the cutters in the flat-or shallow-cone profile. However, this type of crown 
profile has limited rotational stability and uneven wear. At high rotation speeds, high instantaneous loading, high 
temperatures, and loss of cooling to the PDC cutters may develop. The tapered- or double-cone profile allows for 
increased distribution of the cutters toward the outer diameter of the bit, which makes it possible to rotate the bit 
with greater rotational speeds, which in turn permits better directional stability and wear reduction. The largest 
surface-area contact and smoothest load distribution can be achieved by the parabolic profile (Fig. 6.21). It offers 
better rotational and directional stability. Major applications of this profile are typically on downhole motors or 
turbines. 

The design of the watercourse pattern that is cut in the face of the bit and the junk slots that are cut in the side 
of the bit face controls cuttings removal and diamond cooling. Diamond bits are designed to be operated at a given 
flow rate and pressure drop across the face of the bit. Experiments conducted by bit manufacturers have indicated 
the need for approximately 2.0 to 2.5 hp/in.? of hole bottom with an approximate 500- to 1,000-psi pressure drop 
across the face of the bit to clean and cool the diamond adequately. 

Matrix. PDC bits are designed and manufactured in two structurally dissimilar styles: matrix-body bits and 
steel-body bits. The two provide significantly different capabilities, and because both types have certain advan- 
tages, a choice between them would be decided by the needs of the application. 

Matrix is a very hard, rather brittle composite material comprising tungsten carbide grains metallurgically 
bonded with a softer, tougher, metallic binder. Matrix is desirable as a bit material because its hardness is resistant 
to abrasion and erosion. It is capable of withstanding relatively high compressive loads but, compared to steel, 
has low resistance to impact loading. Steel is metallurgically the opposite of matrix. Steel is capable of withstand- 
ing high impact loads but is relatively soft and without protective features, and will quickly fail by abrasion and 
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erosion. This makes it possible for steel-body PDC bits to be relatively larger than matrix bits and to incorporate 
greater height into features such as blades. Matrix-body PDC bits are commonly preferred over steel-body bits 
for environments in which body erosion is likely to cause a bit to fail. For diamond-impregnated bits, only matrix- 
body construction can be used. Quality steels are essentially homogeneous, with structural limits that rarely 
surprise their users. 

Cutter Design and Manufacturing. Diamond is the hardest material known. This hardness gives it superior 
properties for cutting over any other material. Besides their hardness, PDC diamond tables (1.e., the part of a cutter 
that contacts a formation) have an essential characteristic for drill-bit cutters: they efficiently bond with tungsten 
carbide materials that can, in turn, be brazed (attached) to bit bodies. 

In terms of chemicals and properties, synthetic diamond is identical to natural diamond. Making diamond grit 
involves a chemically simple process: ordinary carbon is heated under extremely high pressure and temperature. 
In practice, however, making diamond is far from easy. 

Diamond grit is less stable at high temperatures than natural diamond. Because the metallic catalyst trapped in 
the grit structure has a higher rate of thermal expansion than diamond, differential expansion places diamond-to- 
diamond bonds under shear and, if loads are high enough, causes failure. If bonds fail, diamonds are quickly lost, 
so the PDC cutter loses its hardness and sharpness and becomes ineffective. To prevent such failure, PDC cutters 
must be adequately cooled during drilling. To manufacture a diamond table, diamond grit is sintered with tungsten 
carbide and metallic binder to form a diamond-rich layer. The tables are wafer-like in shape, and they should be 
made as thick as structurally possible because diamond volume increases wear life. The highest-quality diamond 
tables are 2 to 4 mm, and technology advances will increase diamond-table thickness. Tungsten carbide substrates 
are normally 0.5 in. high and have the same cross-sectional shape and dimensions as the diamond table. The two 
parts—diamond table and substrate—make up a cutter as shown in Fig. 6.22a. PDC-cutter examples are presented 
in Fig. 6.22b. 

The size and number of diamonds used in a diamond bit depend on the hardness of the formation to be drilled. 
Bits for hard formations have many small (0.07- to 0.125-carat) stones, while bits for soft formations have a few 
large (0.75- to 2-carat) stones. 

Combining advanced PDC-bit designs with state-of-the-art cutter technology has opened up many new applica- 
tions for PDC bits that, in the past, were appropriate only for International Association of Drilling Contractors 
(IADC) Series 6, 7, and 8 insert drill bits. Because of this improvement, the PDC bit has become an alternative for 
drilling hard-rock formations, providing a significant reduction in cost per foot (Schell et al. 2003; Mensa- Wilmot 
et al. 2003). An advanced series of PDC drill bits incorporating a new highly abrasion-resistant PDC cutter has 
extended effective PDC-bit application to hard-rock drilling. Bit design has been conducted by considering the 
optimization of axial, lateral, and torsional forces acting on the bit and by improving cutter thermal resistance 
(Clayton et al. 2005). New cutting-material developments are at the forefront of the ongoing improvement of PDC 
bits. A new-generation thermostable cutter is a significant development that shows a step change in cutter and bit 
performance (Clegg 2006). 
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Fig. 6.22—(a) PDC-cutter construction (Wamsley and Ford 2007); (b) example PDC cutters (Chevron 
DE Drilling Seminar 2005). 


326 Fundamentals of Drilling Engineering 


Design Features 


Roller Sealed Sealed 
Standard Sealed Roller Sealed Friction 


Roller Bearing, . ae } s . 
s Roller . ` Roller Bearing, Friction Bearing, Directional 
Formations Bearing, Air Gage . i 
Bearing Gage Bearing Gage 


Bearin 
8 Protected 
Protected Protected 


5 6 7 


Soft formations with low 
compressive strength 
and high drillability 


Medium to medium- 
hard formations with 
high compressive 
strength 


Milled-Tooth Bits 


Hard semi-abrasive and 
abrasive formations 


Soft formations with low 
compressive strength 
and high drillability 


Soft to medium 


formations with low 
compressive strength 


Medium-hard 
formations with high 
compressive strength 


Insert Bits 


Hard semi-abrasive and 


abrasive formations 


Extremely hard and 
abrasive formations 


1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 
1 
2 
3 
4 


Fig. 6.23—IADC classification for roller-cone bits [after McGehee et al. (1992)]. 


6.4 IADC Bit-Classification System 
The IADC has developed a system of comparison charts for classifying drill bits according to their design charac- 
teristics and their application. There exists a classification system for roller-cone bits and one for fixed-cutter bits. 


6.4.1 Roller-Cone-Bit Classification. The IADC roller-cone-bit classification method is an industrywide stan- 
dard for the description of milled-tooth and insert-type roller-cone bits (Winters et al. 1987). This coding system 
is based on key design and application-related criteria. The currently used version was introduced in 1992 and 
incorporates criteria cooperatively developed by drill-bit manufacturers under the auspices of SPE (Fig. 6.23) 
(McGehee et al. 1992). 

The IADC classification system is a four-character design and application-related code. The first three charac- 
ters are always numeric, and the last character is always alphabetic. The first digit refers to bit series, the second 
to bit type, the third to bearings and gauge arrangement, and the fourth (alphabetic) character to bit features. 

Series, the first character in the IADC system, defines general formation characteristics and divides milled- 
tooth and insert-type bits. Eight series or categories are used to describe roller-cone rock bits. Series | through 
3 apply to milled-tooth bits; Series 4 through 8 apply to insert-type bits. The higher the series number, the 
harder or more abrasive the rock type is. Series 1 represents the softest (easiest) drilling applications for 
milled-tooth bits; Series 3 represents the hardest and most abrasive applications for milled-tooth bits. Series 
4 represents the softest (easiest drilling applications) for insert-type bits, and Series 8 represents very hard 
and abrasive applications for insert-type bits. 

Unfortunately, rock hardness is not clearly defined by the [ADC system. The meanings of soft, medium, or 
hard are subjective and open to a degree of interpretation. The rock types within each category can be described 
as follows: 


e Soft formations are unconsolidated clays and sands, those that can be drilled with a relatively low WOB 
(3,000-5,000 Ibf/in.) and high RPM (125-250 rev/min). High ROPs are expected. Recommended flow rates 
are 500-800 gal/min to clean the hole effectively, but such rates may cause washouts. 
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Medium formations may include shales, gypsum, sand, and siltstone. Usually, a low WOB is sufficient 
(3,000-6,000 Ibf/in.). Medium-rate rotation speeds are recommended (100-150 rev/min). High flow rates are 
recommended for efficient hole cleaning. 

Hard formations, such as limestone, anhydrite, hard sandstone, and dolomite, have high compressive 
strength and contain abrasive materials. High WOBs (6,000-—10,000 Ibf/in.) and lower rotary speeds (40- 
100 rev/min) are recommended. Hard layers of quartzite or chert are best drilled with insert or diamond bits 
with higher RPM and lower WOB values. Flow rates are not as critical as in relatively softer formations. 


The second character in the [ADC categorization system represents bit type—insert or milled tooth—and de- 
scribes a degree of formation hardness. Types range from 1 through 4. 

The third IADC character defines both bearing design and gauge protection. [ADC defined nine categories of 
bearing design and gauge protection: 


OP AOD. AE Oe 


Nonsealed roller bearing (also known as open-bearing bits) 

Air-cooled roller bearing (designed for air-, foam-, or mist-drilling applications) 
Nonsealed roller bearing, gauge protected 

Sealed roller bearing 

Sealed roller bearing, gauge protected 

Sealed friction bearing 

Sealed friction bearing, gauge protected 

Directional 

Other 


Note that “gauge protected” indicates only that a bit has some feature that protects or enhances bit gauge. It 
does not specify the nature of the feature. For example, it could indicate special inserts positioned in the heel 
row location (side of the cone) or diamond-enhanced inserts on the gauge row. 

The fourth character used in the system defines features available. [ADC considers this category optional. This 
alphabetic character is not always recorded on bit records but is commonly used within bit manufacturers’ cata- 
logs and brochures. IADC categorization assigns and defines 16 identifying features, as shown in Table 6.2. 

Only one alphabetic feature character can be used under IADC rules. Bit designs, however, often combine 
several of these features. In these cases, the most significant feature is usually listed only. 


TABLE 6.2—ADDITIONAL FEATURES 
AVAILABLE [after McGehee et al. (1992)] 


Air application 
Special bearing seal 
Center jet 

Deviation control 
Extended reach 


Extra gauge/body protection 
Horizontal/steering application 


Jet deflection 


Lug pads 
Motor application 


Standard steel tooth model 
Two-cone bits 


Enhanced cuttings structure 
Chisel insert 

Conical insert 

Other insert shape 


N<XXS<CHMWDWOVOZZrFAC-LTOMWMIONY 
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Example 6.1 Considering a roller-cone bit, what does “6-3-5-E” stand for? 

Solution. “6” shows that the bit is an insert bit for a medium-hard formation. “3” means that the formation 
should be considered more hard than medium. “5” indicates the category “sealed roller bearing, gauge protected”. 
Finally, “E” refers to the special feature “extended nozzles.” 


6.4.2 Fixed-Cutter-Bit Classification. A large variety of fixed-cutter bit designs are available from several 
manufacturers. The IADC approved a standard classification system similar to the roller-cone classification 
system for identifying fixed-cutter bits available from various manufacturers based on a four-character coding 
system (Winters and Doiron 1987) (Fig. 6.24). In 1987, Winters and Doiron introduced another four-character 
code classification system describing seven bit features. 

The first character of the fixed-cutter-classification code describes the primary cutter type and body material 
(Fig. 6.25). Five letters are currently defined: 


D—natural diamond/matrix body 
M—PDC/matrix body 
S—PDC/steel body 
T—TSP/matrix body 

O—other 


The distinction of primary cutter types is made because fixed-cutter bits often contain a variety of diamond mate- 
rials. Typically, one type of diamond is used as the primary cutting element while another type is used as backup 
material. 


Bit Type Design Feature 


Downhol 
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Fig. 6.24—IADC classification for PDC and diamond bits [after Bourgoyne et al. (1991) and Winters and 
Doiron (1987)]. 
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Four-Character Classification Code 


First Second Third Fourth 
Cutter type r ; Cutter size 
ended | | peng | Seme ard 
material P 9 density 
1-9 R.X.O. 1-9,0 
D = Natural diamond (matrix body) 
M = Matrix body PDC 
S = Steel body PDC 
T = TSP (matrix body) 
O = Other 


Fig. 6.25—IADC fixed-cutter-bit classification; first character detail [after Winters and Doiron (1987)]. 


ae. | 2 
1 1 
| | 
i i 
Drill Bit | 
Core Bit Long taper Long taper Long taper 
deep cone medium cone shallow cone 


“parabolic” 


Medium taper Medium taper Medium taper 
deep cone medium cone shallow cone 


1 4 
| 
| 
I 


D=Bit diameter 


“double cone” “rounded” 

G—Gauge Height C—Cone Height i 7 | 8 | 9 
P| ttt | vebecetian | | 
I I 1 
High G > 3/8D | | 
I 1 

ales di Ad a ee ee Short taper Short taper Short taper 

Exact ranges are defined for nine basic bit profiles. Grop cota medium cone Pa e ong 


The numbers 1 through 9 in the second character of 
the IADC code refer to the bit’s cross-sectional profile. 


(a) (b) 


Fig. 6.26—IADC fixed-cutter-bit classification, second character. (a) Bit profile codes; (b) bit profiles [after Winters and 
Doiron (1987)]. 


The numbers 1 through 9 in the second character of the fixed-cutter-classification code refer to the bit’s 
cross-sectional profile (Fig. 6.26). The term profile is used here to describe the cross section of the cutter/bot- 
tomhole pattern. This distinction is made because the cutter/bottomhole profile is not necessarily identical to 
the bit-body profile. Nine basic bit profiles are defined by arranging two profile parameters—outer taper 
(gauge height) and inner concavity (cone height)—in a 3x3 matrix. The rows and columns of the matrix are 
assigned high, medium, and low values for each parameter. Gauge height systematically decreases from top 
to bottom. Cone height systematically decreases from left to right. Each profile is assigned a number. Two 
versions of the profile matrix are presented. One version (Fig. 6.26a) is primarily for the use of manufacturers 
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in classifying their bit profiles. Precise ranges of high, medium, and low values are given. These criteria have 
been selected carefully to provide functional divisions between the numerous popular bit designs. In Fig. 
6.26a, gauge-height and cone-height dimensions are normalized to a reference dimension that is taken to be 
the bit diameter for drill bits and the the difference between outer and inner diameters for core bits. Fig. 6.26b 
provides a visual reference, which is better suited for use by field personnel. Bold lines are drawn as examples 
of typical bit profiles in each category. Cross-hatched areas represent the range of variation for each category. 
Each of the nine profiles is given a name. For example, “double cone” is the term used to describe the profile 
in the center of the matrix (Code 5). The double-cone profile is typical of many natural-diamond and TSP bits. 
The number 0 is used for unusual bit profiles that cannot be described by the 3x3 matrix of Fig. 6.26a. For 
example, a bicenter bit that has an asymmetrical profile with respect to the bit pin centerline should be classi- 
fied with the numeral 0. 

The numbers | through 9 in the third character of the fixed-cutter-classification code refer to the hydraulic design 
of the bit (Fig. 6.27). The hydraulic design is described by two components: the type of fluid outlet and the flow 
distribution. A 3x3 matrix of orifice types and flow distributions defines nine numeric hydraulic-design codes. The 
orifice type varies from changeable jets to fixed ports to open throat from left to right in the matrix. The flow dis- 
tribution varies from bladed to ribbed to open faced from top to bottom. Usually, there is a close correlation be- 
tween the flow distribution and the cutter arrangement. The term bladed refers to raised, continuous-flow restrictions 
with a standoff distance from the bit body of more than 1.0 in. The term ribbed refers to raised continuous-flow 
restrictions or standoff distance from the bit body of 1.0 in. or less. The term open faced refers to nonrestricted flow 
arrangements. Open-face flow designs generally have a more even distribution of cutters over the bit face than the 
bladed or ribbed designs. A special case is defined: the numbers 6 and 9 describe the crowfoot/water-course design 
of most natural-diamond and many TSP bits. Such designs are further described as having either radial flow, cross- 
flow (feeder/collector), or other hydraulics. Thus, the letters R (radial flow), X (crossflow), or O (other) are used as 
the hydraulic design code for such bits. 

The numbers | through 9 and 0 in the fourth character of the fixed-cutter-classification code refer to the 
cutter size and placement density on the bit (Fig. 6.28). A 3x3 matrix of cutter sizes and placement densities 
defines nine numeric codes. The placement density varies from light to medium to heavy from left to right in 
the matrix. The cutter size varies from large to medium to small from top to bottom. The ultimate combina- 
tion of small cutters set in a high-density pattern is the impregnated bit, designated by the number 0. Cutter- 
size ranges are defined for natural diamonds on the basis of the number of stones per carat. PDC- and 
TSP-cutter sizes are defined on the basis of the amount of usable cutter height. Usable cutter height rather 
than total cutter height is the functional measure because various anchoring and attachment methods affect 
the “exposure” of the cutting structure. The most common type of PDC cutters, which have a diameter that 
is slightly more than 0.5 in., were taken as the basis for defining medium-sized synthetic-diamond cutters. 
Cutter-density ranges are not explicitly defined. The appropriate designation is left to the judgment of the 
manufacturer. In many cases, manufacturers build light-set and heavy-set versions of a standard product. 
These can be distinguished by use of the light, medium, or heavy designation which is encoded in the fourth 
character of the [ADC fixed-cutter-bit code. As a general guide, bits with minimal cutter redundancy are clas- 
sified as having light placement density, and those with high cutter redundancy are classified as having heavy 
placement density. 


Changeable Fixed Open 
jets port throat 
Bladed 1 2 3 
Ribbed 4 5 6 
Open 7 8 9 
faced 
Alternative codes 
R—Radial flow 
X—Cross flow 
O—Other 


The numbers 1 through 9 in the third character of the IADC code 
refer to the bit’s hydraulic design. The letters R, X, and O apply 
to some types of open-throat bits. 


Fig. 6.27—IADC fixed-cutter-bit classification, third character—hydraulic design [after Winters and Doiron (1987)]. 
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Density 
Size Light Medium Heavy 
Large 1 2 3 
Medium 4 5 6 
Small 7 8 9 


O—Impregnated 


Cutter size Natural diamonds Natural diamonds 


ranges stones/carat usable cutter height 
Large <3 >% in. 

Medium 3-7 %—% in. 
Small >7 % in. 


Notes: 1 Cutter density is determined by the manufacturer. 
2 The numbers 1 through 9 and 0 in the fourth character of the IADC 
code refer to the cutter size and placement density on the bit. 


Fig. 6.28—IADC fixed-cutter-bit classification, fourth character—cutter size and density [after Winters and Doiron 
(1987)]. 


TABLE 6.3—IADC DULL-GRADING CATEGORIES (Wamsley and Ford 2007) 


T (Cutting Structure) B G Remarks 
1 2 3 4 5 6 7 8 
Inner Outer Dull Location BearingSeal Gauge Other Reason 
Rows Rows Characteristic ae Dull Pulled 


(!) (0) (D) (L) (B) (G) (0) (R) 


Example 6.2 Considering a PDC bit, what does “M-5-4-5” stand for according to the classification system intro- 
duced by Winters and Doiron (1987)? 

Solution. “M” indicates matrix body, “5” shows that the PDC has a double-cone profile, “4” states that the 
hydraulic design is ribbed with changeable jets, and “5” refers to medium size cutters with medium cutter density 


6.5 IADC Bit Dull-Grading System 

The IADC, in conjunction with SPE, has established a systematic method for communication of bit failures. The 
intent of the system is to facilitate and accelerate product and operational development based on accurate record- 
ing of bit experiences. This system is called dull grading. The [ADC dull-grading protocol evaluates eight roller- 
cone- or seven PDC-bit areas, provides a mechanism for systematically evaluating the reasons for removal of a bit 
from service, and establishes a uniform method for reporting (Brandon et al. 1992; McGehee et al. 1992). 

Partly because of dull analyses, bit-design processes and product operating efficiencies evolve rapidly. Engi- 
neers identify successful design features that can be reapplied and unsuccessful features that must be corrected 
or abandoned, manufacturing units receive feedback on product quality, sales personnel migrate performance 
gains and avoid duplication of mistakes between similar applications, and so forth. All bit manufacturers require 
collection of dull information for every bit run. 

IADC dull grading is closely associated with its bit-classification systems, and the general formats for fixed- 
cutter- and roller-cone-bit dull grading are similar. There are important differences that must be taken into ac- 
count, however, and the two approaches are not interchangeable. [ADC dull grading reviews four general bit-wear 
categories: cutting structure (T), bearings and seals (B), gauge (G), and remarks. These categories and their sub- 
divisions are outlined in Table 6.3. 


6.5.1 Cutting Structure (T). For dull-grading purposes, cutting structures are subdivided into four subcatego- 
ries: inner rows, outer rows, major dull characteristic of the cutting structure, and location on bit face where the 
major dull characteristic occurs. 
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Dull grading begins with evaluation of wear on the inner rows of inserts/teeth (i.e., with the cutting elements 
not touching the wall of the hole). Outer rows of inserts/teeth are those that touch the wall of the hole. Grading 
involves measurement of combined inner-row structure reduction and outer-row teeth/insert structure reduction 
caused by loss, wear, and/or breakage. 

Measurement of roller-cone-bit cutting-structure condition requires evaluation of bit tooth/insert wear status. 
The tooth or cutter wear on all bits is graded in terms of the fractional tooth height that has been worn away. Wear 
is reported by use of an eight-increment wear scale in which no wear is represented by 0 and completely worn 
(100%) is represented by 8 (Fig. 6.29). For example, if half the original tooth or cutter height has been worn away, 
the bit will be graded as a T4 (i.e., the teeth are, or 50%, worn). 

PDC-bit-cutter wear is graded with a 0-to-8 scale in which 0 represents no wear and 8 indicates that no usable 
cutting surface remains (Fig. 6.30). PDC-bit-cutter wear is measured across the diamond table, regardless of the 
cutter shape, size, type, or exposure. The location of cutter wear is categorized as either the inner two-thirds or 
outer one-third of the bit radius (Fig. 6.31). 

For both PDC and surface-set diamond bits, a value is given to cutter wear, as discussed. To obtain average wear 
for the inner rows of cutters depicted in Fig. 6.31, the six included cutters must be individually graded, summed 
as a group, and averaged to obtain the inner-row wear grade, (a+ b + c + d + e + f)/6. This analysis is repeated for 
each blade, and blade results are summed and averaged for the final result. A similar analysis is made for the seven 
cutters used in the outer bit rows, and the two results are recorded in the first two spaces of the dull grading form. 

The cutting-structure dull characteristic (D) is the observed characteristic most likely to limit further use of the 
bit in the intended application. A two-letter code is used to indicate the major dull characteristics of the cutting 
structure. 

The primary cutter dull characteristic, the third cutting-structure subcategory, is recorded in the third 
space on the dull-grading record. (Note that noncutting structure or “other” dull characteristics that a bit 
might exhibit are noted in the seventh grading category.) Category 3 defines only primary cutter wear, 
whereas Category 7 can be used to describe either secondary cutting-structure wear or wear characteristics 
that relate to the bit as a whole and are unrelated to cutting structure. Grading codes for the other-dull- 
characteristics category are the same as those listed in Table 6.4. 


Fig. 6.29—Roller-cone teeth-wear schematic view (0-8 grading) (Bourgoyne et al. 1991). 
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Fig. 6.30—PDC teeth-wear schematic view (0-8 grading) (Wamsley and Ford 2007). 


Inner 2/3 radius Outer 1/3 radius 
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Fig. 6.31—Inner- and outer-body designation for PDC and impregnated bits (Wamsley and Ford 2007). 


TABLE 6.4—DULL CHARACTERISTICS (Wamsley and 
Ford 2007) 


BC 
BF 
BT 
BU 
CC 
CD 
Cl 
CR 
CT 
ER 
FC 
HC 
JD 
LC 
LN 
LT 
NR 
OC 
PB 
PN 
RG 
RO 
RR 
SD 
SS 
TR 
WO 
WT 
NO 


Broken cone 

Bond failure 

Broken teeth 

Balled-up bit 

Cracked cone 

Cone dragged 

Cone interference 

Cored 

Chipped teeth/cutter 
Erosion 

Flat crested wear 

Heat checking 

Junk damage 

Lost cone 

Lost nozzle 

Lost teeth 

Not rerunnable (fixed cutter) 
Off-center wear 

Pinched bit 

Plugged nozzle/flow package 
Rounded gauge 

Ring out 

Rerunnable (fixed cutter) 
Shirttail damage 
Self-sharpening wear 
Tracking 

Washed-out bit 

Worn teeth/cutters 

No dull characteristics 
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The letter codes used to indicate the location of the wear or failure (L) that necessitated removal of the bit from 


service are listed in Table 6.5. 


6.5.2 Bearings and Seals (B). Detailed field evaluation of exact bearing wear is very difficult. The bit would have 
to be disassembled to examine the condition of the bearings and journals. A field evaluation of the dull bit gener- 
ally will reveal only whether the bearings have failed or are still intact. Bearing failure usually results in one or 
more locked cones that will no longer rotate or in one or more extremely loose cones in which the bearings have 


become exposed. 
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TABLE 6.5—DULL LOCATION (Wamsley and Ford 2007) 
Roller Cone Fixed Cutter 
N Nose row C Cone 
M Middle row N Nose 
G Gauge row T Taper 
A All rows S Shoulder 
1 Cone no. 1 G Gauge 
2 Cone no. 2 A All areas/rows 
3 Cone no. 3 M Middle row 
H Heel row 


TABLE 6.6—SEAL/BEARING-EVALUATION CHECKLIST (Wamsley and Ford 2007) 
Evaluation/Description Acceptable Condition 
Ability to rotate cone Rotates normally 
Cone springback Springback exists 
Seal squeak Seal squeak exists 
Internal sounds No internal noises exist 
Weeping grease No lubricant leaks exist 
Shale packing If packing exists, remove before measuring 
Gaps at the back face or throat No bearing gaps exist 
Inner or outer bearing letdown No bearing letdown exists 


IADC provides separate protocols for the estimation of bearing and seal wear in nonsealed- and sealed-bearing 
assemblies. Seal and bearing grading applies only to roller-cone bits. It is always marked X for PDC bits. 

A checklist for the seal-and-bearing-system condition is provided in Table 6.6. If no seal problems are encoun- 
tered, use the grading code “E.” If any component in the assembly has failed, use the grading code “F.” If any 
portion of the bearing is exposed or missing, it is considered an ineffective assembly; again, use the grading code 
“F.” Use the grading code “N” if it is not possible to determine the condition of both the seal and the bearing. 
Grade each seal-and-bearing assembly separately by cone number. If grading all assemblies as one, report the 
worst case. 

When bearing wear cannot be detected, it usually is estimated on the basis of the number of hours of bearing 
life that the drilling engineer thinks the bearings might last. Linear bearing wear with time is assumed in this es- 
timate of bearing life. A bearing-grading chart such as the one shown in Fig. 6.32 frequently is used in determin- 
ing the proper bearing-wear code. 


6.5.3 Gauge (G). The gauge category of the dull-bit-grading system is used to report an undergauge condition for 
cutting elements intended to touch the wall of the hole. Gauge is measured with an American Petroleum Institute 
(API) specified ring gauge. 

When the bit wears excessively in the base area of the rolling cones, the bit will drill an undersized hole. Exces- 
sive wear on a PDC bit in the shoulder area, and specifically when this wear progresses onto the gauge cutters and 
gauge pads, will make the bit produce an undergauge hole. Excessive wear on the heel row, gauge row, and shirt- 
tail area of the insert bit will also produce an undergauge hole. This wear mechanism will typically generate 
higher than usual drilling torque and may produce a cyclic torque response. In addition, the next bit run may be 
affected adversely because of the undersized hole created, or—to avoid this—an additional run for reaming may 
be required. 

For three-cone bits, the two-thirds rule is applied to measuring the gauge condition. The amount out of gauge, 
as measured by the ring gauge, is multiplied by two-thirds to give the true gauge condition. 

Measurements are taken at either the gauge or heel cutting elements, whichever is closer to the gauge. A ring 
gauge and a ruler or feeler gauge (shown in Fig. 6.33) must be used to measure the amount of gauge wear on a 
roller-cone bit. Undergauge increments of Xin. are reported. If a bit is Kein. undergauge, the gauge report is 1. If 
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Fig. 6.32—Bearing-grading guide based on a linear scale of 0 to 8 (Bourgoyne et al. 1991). 
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Fig. 6.33—Ring gauge and ruler for measurement of gauge wear (Wamsley and Ford 2007). 


a bit is % in. (Ao in.) undergauge, the gauge report is 2. If a bit is Xs in. undergauge, the gauge report is 3, and so 
forth. Round to the nearest 6-in. Gauge rules apply to cutting-structure elements only. 

For diamond and PDC bits, gauge is measured with a nominal ring gauge. Use of an ‘T’ code indicates that the bit re- 
mains in gauge. Undergauge increments of X, in. are reported. If a bit is / in. undergauge, the gauge report is 1. If a bit 
is % in. undergauge, the gauge report is 2, and so forth. Round to nearest Ms in. Gauge rules apply to cutting-structure 
elements only. Measurements are taken at the gauge cutting elements. 


6.5.4 Remarks. The “remarks” category allows explanation of dull characteristics that do not correctly fit into 
other categories and is the category in which the reason a bit was removed from service is recorded. 

Other dull characteristics (O) can be used to report dull characteristics other than those reported under 
cutting-structure dull characteristics (D). Evidence of secondary bit wear is reported in the seventh grading 
category (O). Such evidence could relate to cutting-structure wear, as recorded in the third space, or may 
report identifiable wear, such as erosion, for the bit as a whole. The secondary dull characteristic often iden- 
tifies the cause of the dull characteristic noted in the third space. 

The eighth dull-grading category reports the reason that a bit was pulled (R). Table 6.7 is the list of codes 
for (R). 
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TABLE 6.7—REASON PULLED (Wamsley and Ford 2007) 
BHA Change bottomhole assembly 
DMF Downhole motor failure 
DTF Downhole tool failure 
DSF Downhole string failure 
DST Drillstem test 
LOG Run logs 
LIH Left in hole 
RIG Rig repair 
CM Condition mud 
CP Core point 
DP Drill plug 
FM Formation change 
HP Hours on bit 
PP Pump pressure 
PR Penetration rate 
TD Total depth/casing depth 
TQ Torque 
TW Twistoff 
WC Weather conditions 


6.6 Rock-Failure Mechanism During Drilling 

The method in which rock fails is important in bit design and selection. Formation failure occurs in two modes: 
brittle failure and plastic failure. The mode in which a formation fails depends on rock strength, which is a func- 
tion of composition and downhole conditions such as depth, pressure, and temperature. 

Formation failure can be depicted with stress/strain curves (Fig. 6.34). Stress—applied force per unit area— 
can be tensile, compressive, torsional, or shear. Strain is the deformation caused by the applied force. Under 
brittle failure, the formation fails with very little or no deformation. For plastic failure, the formation deforms 
elastically until it yields, followed by plastic deformation until rupture. 

To operate a given bit properly, the drilling engineer needs to understand as much as possible about the basic 
mechanisms of rock removal that are at work, including 


Shearing 
Grinding 
Erosion by fluid jet action 
Crushing 


To some extent, these mechanisms are interrelated. While one may be dominant for a given bit 
design, more than one mechanism is usually present. In this discussion, only the two basic rotary-drilling-bit types 
will be discussed: roller-cone bits and fixed-cutter bits. 


6.6.1 Roller-Cone Bits. The action of bit cones on a formation is of prime importance in achieving a desirable 
penetration rate. Soft-formation bits require a gouging/scraping action. Hard-formation bits require a chipping/ 
crushing action. These actions are governed primarily by the degree to which the cones roll and skid. Maximum 
gouging/scraping (soft-formation) actions require a significant amount of skid. Conversely, a chipping/crushing 
(hard-formation) action requires that cone roll approach a “true roll” condition with very little skidding. 

Insert bits designed with a large cone-offset angle for drilling soft formations employ all of the basic 
mechanisms of rock removal. However, the crushing action is the predominant mechanism present for [ADC 
Series 3, 7, and 8 roller-cone bits. Because these bit types are designed for use in hard, brittle formations in 
which penetration rates tend to be low and drilling costs tend to be high, the crushing mechanism is of con- 
siderable economic interest. Maurer (1965) conducted experiments using an original setup of a single-tooth 
impacting on a rock sample under simulated borehole conditions. He found that the crater mechanism de- 
pended to some extent on the pressure differential between the borehole and the rock-pore pressure. At low 
values of differential pressure, the crushed rock beneath the bit tooth was ejected from the crater, while at 
high values of differential pressure the crushed rock deformed in a plastic manner and was not ejected 
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Fig. 6.34—Stress-vs.-strain relation of formations (Wamsley and Ford 2007). 
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Fig. 6.35—Crater mechanism beneath a bit tooth (Maurer 1965). 


completely from the crater. The crater mechanism for both low and high differential fluid pressure is 
described in Fig. 6.35. The sequence of events shown in this figure is described by Maurer (1965) as follows. 

As a load is applied to a bit tooth (A), the constant pressure beneath the tooth increases until it 
exceeds the compressive strength of the rock, and a wedge of finely powdered rock then is formed beneath the 
tooth (B). As the force on the tooth increases, the material in the wedge compresses and exerts high lateral forces 
on the solid rock surrounding the wedge until the shear stress t exceeds the shear strength S of the solid rock and 
the rock fractures (C). These fractures propagate along a maximum-shear surface, which intersects the direction 
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Fig. 6.36—Shear and thrust on a cutter (Hughes 1965). 


of the principal stresses at a nearly constant angle as predicted by the Mohr failure criterion (explained in detail 
in Section 6.2.2). The force at which fracturing begins beneath the tooth is called the threshold force. As the force 
on the tooth increases above the threshold value, subsequent fracturing occurs in the region above the initial frac- 
ture, forming a zone of broken rock (D). At low differential pressures, the cuttings formed in the zone of broken 
rock are ejected easily from the crater (E). The bit tooth then moves forward until it reaches the bottom of the 
crater, and the process may be repeated (F, G). At high differential pressures, the downward pressure and frictional 
forces between the rock fragments prevent ejection of the fragments (E’). As the force on the tooth is increased, 
displacement takes place along fracture planes parallel to the initial fracture (F’, G’). This gives the appearance of 
plastic deformation, and craters formed in this manner are called pseudoplastic craters. 

High-speed movies (Murray and MacKay 1957) of full-scale bits drilling at atmospheric conditions with air 
as the circulating fluid have verified that the mechanisms of failure for insert bits with little or no offset is not 
too different from that observed in single-insert impact experiments. However, the drilling action of insert 
bits designed with a large offset for drilling soft, plastic formations is considerably more complex than the 
simple crushing action that results when no offset is used; because each cone alternately rolls and drags, con- 
siderable wedging and twisting action is present. 


6.6.2 Fixed-Cutter Bits. The cutting mechanism of PDC bits drills primarily by shearing such that the cutters 
have sufficient axial force to penetrate into the rock surface and simultaneously have the available torque for bit 
rotation. The resultant force defines a plane of thrust for the cutter. Cuttings are then sheared off at an initial angle 
relative to the plane of thrust, which is dependent on rock strength (Fig. 6.36). In shear, the energy required to 
reach the plastic limit for rupture is significantly less than that required by compressive stress. PDC bits, thus, 
require less WOB than roller-cone bits. 

Natural-diamond bits are designed to remove rock primarily by a grinding action. Diamond bits with very large 
diamonds may possess a shallow plowing action. As the bit is rotating, the exposed diamonds grind against and 
remove the rock with a very shallow depth of cut. The intent is that as these bits wear, either the exposed diamonds 
are sharpened because of small fractures during drilling, or new diamonds become exposed as the less-abrasion- 
resistant body material is worn away. This is a self-sharpening effect that is consistent with other grinding tools 
where a new grinding surface is continually exposed. 

The depth of cut of the bit is determined by the rock strength, the WOB applied, and the dull condition of the 
bit. The cut geometry at hole bottom is a helix and can be expressed in terms of the bottom-cutting angle or helix 
angle a. The helix angle æ is a function of the cutter penetration per revolution L,and radius r from the center of 
the hole. This relation can be defined by 
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Compression 
01 o 


Fig. 6.37—Mohr’s circle representation of Mohr failure criterion (Bourgoyne et al. 1991). 


Rock-mechanics experts have applied several failure criteria in an attempt to relate rock strength measured 
in simple compression tests to the rotary-drilling process. One such failure criterion often used is the Mohr 
theory of failure. The Mohr criterion states that yielding or fracturing should occur when the shear stress 
exceeds the sum of the cohesive resistance of the material and the frictional resistance of the slip planes or 
fracture plane. The Mohr criterion is stated mathematically by 


t=t(cto, tan 0), eed ee ts Ress, aE tsar pad seeded Bed ache dee bie enh oe eee ave E nde Ae ahaa Miers Sab ets (6.2) 


where Tt is the shear stress at failure, c is the cohesive resistance of the material, o, is the normal stress at 
the failure plane, and @ is the angle of internal friction. As shown in Fig. 6.37, this is the equation of a line that 
is tangent to Mohr’s circles drawn for at least two compression tests made at different levels of confining 
pressure. 

To understand the use of the Mohr criterion, consider a rock sample to fail along a plane, as shown in 
Fig. 6.38a, when loaded under a compressive force F and a confining pressure p. The compressive stress o, is 
given by 


F 


7 
mr 


0 = 
The confining stress is given by 
O; = p. 

If we examine a small element on any vertical plane bisecting the sample, the element is in the stress state 
given in Fig. 6.38b. Furthermore, we can examine the forces present along the failure plane at failure using the 
free-body elements shown in Fig. 6.38b. The orientation of the failure plane is defined by the angle ¢@ between 
the normal-to-the-failure plane and a horizontal plane. It is also equal to the angle between the failure plane and 
the direction of the principal stress o,. Both a shear stress t and a normal stress o, must be present to balance o, 


and o,. 
Summing forces normal to the fracture plane (Fig. 6.38c) gives 


o,, dA, =o, dA, cos¢+o, dA, sing 
The unit area along the fracture plane, dA „ is related to the unit areas dA, and dA, by 


dA, = dA, cos¢ 
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Fig. 6.38—Mohr’s circle graphical analysis; (a) reference rock specimen; (b) reference free-body stress element; and 
(c) force balance normal and parallel to failure plane (Bourgoyne et al. 1991). 


and 

dA, = dA, sing 
Making these substitutions in the force-balance equation gives 

o, =0, sin’ ġ +0, cos? ġ = (e +0,)- TG e O A ee ee ee (6.3a) 
Summing the forces parallel to the fracture plane gives 

TdA, =o, dA, cos¢—o, dA, sing 


Expressing all unit areas in terms of dA , and simplifying yields 


t={(o, 0, sin gos = +(0, —o,)sin(2¢). Hep ias 2 that Ota thd eee saved tose bebe es (6.3b) 
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Note that Eqs. 6.3a and 6.3b are represented graphically by the Mohr’s circle shown in Fig. 6.37. Note also that 
the angle of internal friction 0 and 2¢ must sum to 90°. The angle of internal friction for most rocks varies from 
approximately 30 to 40°. 

The Mohr failure criterion can be used to predict the characteristic angle between the shear plane and the plane 
of thrust for a fixed-cutter bit. Assuming an angle of internal friction of approximately 30° implies 


2¢ = 90° — 30° 
or 
= 30°. 


This value of @ has been verified experimentally by Gray et al. (1962) in tests made at atmospheric pressure. 


Example 6.3 A rock sample under a 2,000-psi confining pressure fails when subjected to a compressive loading 
of 10,000 psi along a plane that makes an angle of 27° with the direction of the compressive load. Using the Mohr 
failure criterion, determine the angle of internal friction, the shear strength, and the cohesive resistance of the 
material. 

Solution. Given 


$= 27°, 

o, = 10,000 psi, 
and 

o, = 2,000 psi, 


angle of internal friction @ can be determined by using the relation 
90° = 0+ 2¢. 
Thus, 
0= 90-2(27) = 36° 
The shear strength can be determined by using 
1 ; 
g= (mi —o,)sin(2¢). 
Thus, 
p= (10,000 — 2,000) sin(54) = 3,236 psi. 
The stress normal to the fracture plane o, is computed by 


1 1 
o, = mi +0) 3o —o,)cos(2¢). 
Thus, 


o, = 5 (10,000 + 2,000) — (10,000 - 2,000) cos(54) = 3,649 psi. 


The cohesive resistance c can be computed by rearranging 
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T= t[c+oa, tan(6) |. 
Thus, 
c=T-o, tanl = 3,236 — 3,649 tan (36) = 585 psi. 


Graphical Solution. Make a plot of shear strength t and compression load o on the y- and x-axes, respectively. 
Mark 10,000 psi (compressive load) and 2,000 psi (confining pressure) on the x-axis. Develop a circle with a 
diameter of 8,000 psi with the center at 


Center = — 200 4,000 psi. 


Determine the angle of internal friction 0 using the correlation 
90° = 0+ 2¢, 
6 = 36°. 


Draw a tangent line to the circle with an angle of 36°. The tangential point on the circle gives t. The normal line 
from q to the compression line (x-axis) gives o,, and the intercept at y-axis gives c. 


6.7 Wear Mechanism 

The cutting structures of bits often experience catastrophic failures resulting from dynamic-load variations beyond the 
capacity of the cutting elements. Continuous improvements to cutting structures have steadily increased penetration 
rates but, at the same time, have elevated their sensitivity to these dynamic effects. Lateral motion of the bit is a major 
cause of premature cutting-structure wear (Kenner and Isbell 1994). 


6.7.1 Cutter Wear. Factors Affecting Wear. The information about the instantaneous rate of bit wear is required 
for determining the total time interval of bit use. Therefore, it is mandatory to identify the influence of various 
drilling parameters on the instantaneous rate of bit wear. The rate of cutter wear depends primarily on formation 
abrasiveness, cutting-element size and geometry, bit weight, rotary speed, and the cleaning and cooling action of 
the drilling fluid. 

For roller-cone bits, the major influences on wear on cutters are as follows. 

Effect of Tooth Height on Rate of Tooth Wear. Campbell and Mitchell (1959) showed experimentally that the rate 
at which the height of a steel tooth can be abraded away by a grinding wheel is inversely proportional to the area 
of the tooth in contact with the grinding wheel. The shape of steel bit t eeth is generally triangular in cross section 
when viewed from either the front or the side. Thus, almost all milled-tooth bits have teeth that can be described 
using the geometry shown in Fig. 6.39. The bit tooth initially has a contact area given by 


A, =W, Wy 


Fig. 6.39—Typical shape of a milled tooth as a function of fractional tooth wear (Bourgoyne et al. 1991). 
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After removal of tooth height L, of the original tooth height L, the bit tooth has a contact area given by 


A=wW,W, = [w, + h(w,, — Wy, Jw, + h(w,, — Wy, yh 


The ratio L/L, is defined as the fractional tooth wear, A: 


Expressing the contact area A in terms of fractional tooth wear h yields 


A= [pos +A(w., =w Ea #05, = )] 


= àw, w, J+ ws (wa =w Jwa (wa =w Jr (w, =w (w =w, J. 
If we define the geometry constants G, and G, by 
G, = [wy (wa =w, J+ ws (0a =w, ) JA 
and 
G, =[(ws -w )(m, =w) |A 
the contact area A can be expressed by 
A=A,(1+G,h+G,h’). 


Because the instantaneous wear rate dh/dt is proportional to the inverse of the contact area A, 
dh 1 
oc > 
dt A,(1+G,h+G,h’) 


the initial wear rate, when A = 0, is proportional to A,. Thus, expressing dh/dt in terms of a standard initial wear 
rate (dh/df) gives 


oe (2) : ee Oe eT eaters Meee eee a eee ee ee (6.5a) 
dt \ dt), (1+G,h+G,h’) 


For most bit types, the dimension w,, —w, is small compared with w, —w,. This allows a constant H, to be cho- 
sen such that the wear rate can be approximated using Í 


(2) ñfťűfűñC üü (6.5b) 
dt \ dr J, (1+H,h) 


The use of Eq. 6.5b in place of Eq. 6.5a greatly simplifies the calculation of tooth wear as a function of rotat- 
ing time. A case-hardened bit tooth or a tooth with hardfacing on one side often will be self-sharpening as the 
tooth wears. Even though the mechanism of self-sharpening tooth wear is somewhat different than in the 
abrasive-wear experiments of Campbell and Mitchell (1959), a constant H, usually can be selected such that 
the instantaneous wear rate can be predicted by use of Eq. 6.5b. 

Insert teeth used in roller-cone bits usually fail by fracturing of the brittle tungsten carbide. For this 
tooth type, fractional tooth wear h represents the fraction of the total number of bit teeth that have been 
broken. The wear rate (dh/dt) does not decrease with increasing fractional tooth wear h. On the contrary, 
there is some evidence that the tooth breakage accelerates as the number of broken teeth beneath the bit 
increases. This type of behavior could be modeled with a negative value for H, in Eq. 6.5b. However, this 
phenomenon has not been studied in detail, and in practice a value of 0 is recommended for H, when using 
insert bits. : 

Effect of Bit Weight on Rate of Tooth Wear. Galle and Woods (1963) published one of the first equations for 
predicting the effect of bit weight on the instantaneous rate of tooth wear. The relation assumed by Galle and 
Woods is 
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where W is the bit weight in 1,000-lbf units and d, is the bit diameter in inches. Note that W/d, < 10.0. 
The wear rate at various bit weights can be expressed in terms of a standard wear rate that would occur for a bit 
weight of 4,000 lbf per inch of bit diameter. Thus, the wear rate relative to this standard wear rate is given by 


Note that dh/dt becomes infinite for W/d, = 10. Thus, this equation predicts that the teeth will fail instantaneously 
if 10,000 Ibf per inch of bit diameter were applied. Later authors (Galle and Woods 1963; Edwards 1964; Young 
1969; Reed 1972; Bourgoyne and Young 1974) used a simpler relation between the bit weight and tooth wear rate. 
Perhaps the most commonly used relation is 


dh 1 
dt Ww Ww 
d, max d, 
where (W/d,),,,, 1S the maximum bit weight per inch of bit diameter at which the bit teeth would fail instanta- 


neously, and W/d, < (W/d,)..,,. Expressing this relation in terms of a standard wear rate at 4,000 lbf per inch of bit 
diameter yields 


max’ 


(E Ww] 
d, max d, 
Effect of Rotary Speed on Rate of Tooth Wear. The first published relation between the instantaneous rate of 
tooth wear and the rotary speed N also was presented by Galle and Woods (1963) for milled-tooth bits. The Galle 
and Woods relation is 


Se N+4.34%10" I ect recreates sade eases ec eek Ce (6.8) 
t 


However, several more-recent authors (Edwards 1964; Young 1969; Reed 1972; Bourgoyne and Young 1974) have 
shown that essentially the same results can be obtained using the simpler relation 


dh H 

EON ot eaea r a E ETSE E E carne E E E E E EE A E a EI (6.9a) 
dt ( ) 

where H, is a constant. Also, H, was found to vary with the bit type used. The Galle and Woods (1903) relation 
applied only to milled-tooth bit types designed for use in soft formations. Expressing the tooth wear rate in terms 
of a standard wear rate that would occur at 60 rev/min yields 


H, 
a(S) (=) E EE EE I E E EEA (6.9b) 
dt dt /,\ 60 


Effect of Hydraulics on Rate of Tooth Wear. The effect of the cooling and cleaning action of the drilling fluid on 
cutting-element wear rate (dh/df) is much more important for fixed-cutter bits (diamond and PDC) than it is for 
roller-cone bits. Cutting elements on fixed-cutter bits must receive sufficient flow to prevent the buildup of exces- 
sive heat, which leads to graphitization of the diamond materials, which thus accelerates the wear process. The flow 
velocities also must be maintained high enough to prevent clogging of fluid passages with drilled cuttings. The 
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design of the fluid-distribution passages on a diamond or PDC bit is extremely important and varies considerably 
among the various bits available. However, the manufacturer will usually specify the total flow area (TFA) needed 
for specific drill bits based on rig type and capabilities, flow rates, drilling-fluid type and properties, BHA design, 
formation characteristics, drilling program, and anticipated ROP. Considering a specific TFA, nozzle sizing must 
also be based on the need to minimize recirculation of the drilling fluid, cuttings regrinding, and stagnation zones 
on the bit face. In addition to minimizing cutting-element wear rate, efficient fluid distribution and cleaning also 
improves ROP. It is generally assumed that as long as the flow is present to clean and to cool the drill bit, the effect 
of hydraulics on cutting-element wear rate can be ignored or can be assumed to be taken care of. 

Wear on PDC Cutters. PDC-cutter wear can be divided into two categories, depending on the basic cause 
of the wear. The first category is steady-state wear that is normally associated with the development of uni- 
form wear flats on the PDC cutter and the gradual degradation in the ROP over the bit life, which is a function 
of operating parameters applied to the bit and individual cutters, cutter temperature, cutter velocity, formation 
properties, and cutter properties. The second category of wear is the result of impact loading of the cutters. 
This type of wear may be caused by dynamic loading of the bit during bit whirl or from drilling through het- 
erogeneous formations (Sinor et al. 1998). 

PDC cutters tend to wear in a manner somewhat similar to that of steel-tooth inserts (Hoover and Middleton 
1981). Some examples of PDC-cutter wear are presented in Fig. 6.40. 

The shape of the PDC cutter, which is usually circular, provides a different relationship between fractional tooth 
wear h and cutter-contact area. For a zero backrake angle, the cutter-contact area is proportional to the length of 
the chord defined by the lower surface of the cutter remaining after removal of the cutter height L, (Fig. 6.41). 

Because the fractional tooth wear h is given by 


Broken cutter 


Fig. 6.40—PDC-cutter-wear examples: (a) worn cutter; (b) chipped cutter; (c) broken cutter; (d) failed cutter because of 
high impact loads (Jaffar et al. 2005). 
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Fig. 6.41—PDC-blank geometry as a function of fractional cutter wear h for a zero backrake angle [from Bourgoyne et 
al (1991)]. 


(a) (b) (c) 


Fig. 6.42—Typical failure modes of PDC inserts: (a) spalling; (b) chipping and heat checking; (c) breakage 
(Fang et al. 2001). 


Solving this expression for the subtended angle yields 


Because the contact area is directly proportional to the chord length subtended by the angle £, then 
Ax2 a, da. 
2 2 


and the wear rate (dh/drf) is inversely proportional to this contact area: 


a(S) Sis T E (6.10b) 


The wear rate (dh/dt) decreases with increasing fractional tooth wear h between 0 and 0.5. Above this range, the 
wear rate increases with increasing h. 

For PDC cutters with nonzero backrake angles, the total contact area of the PDC wafer or diamond layer and the 
tungsten carbide substrate becomes more complex. However, the preceding analysis remains representative of the 
geometry of the PDC layer, which is believed to be the predominant determinant, in terms of the wear resistance of 
the PDC cutter. Typical failure modes observed of diamond enhanced inserts are shown in Fig. 6.42. Chipping and 
fracture resistance can be improved at the expense of the hardness and wear resistance of the materials. This tradeoff 
between wear resistance and chipping resistance hinders the development of super hard materials for demanding 
drilling applications. 

Warren and Sinor (1994) pointed out the effects of bit whirl on PDC cutters. Bit whirl caused the cutters to be 
damaged by impact loading, even in homogeneous rock, by allowing the cutters to move sideways and backward 
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so that the diamond cutting edge was damaged. This damage to the cutting edge allowed the carbide substrate to 
contact the rock and generate heat. This in turn further damaged the diamond and gave the appearance that the 
cutter had been damaged by heat, when in fact the root cause of the damage was the initial chipping. 

Laboratory results for antiwhirl and conventional PDC bits by Dykstra et al. (1994) have shown that 
vibrations of the former were an order of magnitude less than those of the latter. Backward whirl of the 
conventional PDC bit was prevalent in both hard and soft formations. Roller-cone-bit tests suggested that they 
too were subject to backward whirl and that the lateral vibrations that resulted were an order of magnitude 
worse than the axial vibrations commonly associated with these bits. Johnson (2006) noted that proper blade 
and cutter alignment during the design stage of PDC bits eliminates whirl. Fig. 6.43 shows the evidence of 
the bit whirl by comparing the bottomhole patterns and presents an alternative bit profile to eliminate this 
problem. 

Diamond bits also wear by breakage or loss of the diamond-cutter elements. The wear rate of diamond bits is, 
thus, not sensitive to the fractional cutter wear. The wear rate of diamond bits is far more sensitive to the amount 
of cooling provided by the flow of drilling fluid across the face of the bit. 

Glowka and Stone (1985) discussed the wear mechanisms for PDC bits and the dependence of wear on cutter 
temperature. Above 1,382°F (750°C), wear was shown to accelerate because of thermal deterioration on diamond 
grain pullout, resulting in catastrophic cutter failure. At temperatures below 1,382°F, the primary mode of wear 
was described as microchipping abrasive wear. Glowka and Stone (1985) have also shown that wear rate increased 


Fig. 6.43a—Stable (left) and unstable (right) PDC at high RPM. Instability caused continuous fracturing (Johnson 
2006). 


Fig. 6.43b— A ring PDC bit, which is very effective in avoiding whirl and in providing high control on steerability 
(Schell et al. 2003). 


Fig. 6.43c—Bit whirl (left) and full-contact gauge ring (right) (Schell et al. 2003). 
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dramatically above 622°F (350°C). Because of the accelerated wear above 662°F, it is defined as the critical cut- 
ter temperature. The following equation is derived for wear-flat temperature (i.e., the temperature at the flat sur- 
face of the cutter having direct contact with the formation): 


-1 


if 
k,Fv 2 
T, =r, 44E f NZ 54, 100v 
A 4 L, a, 


w 


where T is the mean cutter wear-flat temperature, °C; T,is the fluid temperature, °C; v is the cutting speed, m/s; 
a, is the rock thermal diffusivity, cm/s; A „is the cutter wear-flat area, cm; Fis the normal force on cutter, N; f 
is the thermal response function, (cm?- °C)/W; k, if is the rock thermal conductivity, W/(cm - °C); k, is the friction 
coefficient between rock and cutter; and L is the wear-flat length, cm. Thermal response function f is the effective 
thermal resistance of the cutter and is a function of cutter configuration, thermal properties, and cooling rates. 

Wear Equation. Roller-Cone Bits. A composite tooth-wear equation can be obtained by combining the rela- 
tions approximating the effect of tooth geometry, bit weight, and rotary speed on the rate of tooth wear (Bour- 
goyne and Young 1974). Thus, the instantaneous rate of tooth wear is given by 


d, 


H 
dh 1 z j 2 
dt t60 wW w\|| 1+A,h 7 
max (D 
where A is the fractional tooth height that has been worn away; t is the time, hours; H Hy and (W/d,) nax are con- 
stants; W is the bit weight, 1,000-lbf units; N is the rotary speed, rev/min; and Ty is the formation-abrasiveness 
constant, hours. 

The rock/bit-classification scheme shown in Figs. 6.23 and 6.24 can be used to characterize the many bit 
types available in the industry from the different bit-manufacturing companies. Recommended values of H, 
H,, and (W/d,)_,, are shown in Table 6.8 for the various roller-cone-bit classes. 

The tooth-wear rate formula given by Eq. 6.12 has been normalized so that the abrasiveness constant q, is 
numerically equal to the time in hours required to completely dull the bit teeth of the given bit type when oper- 
ated at a constant bit weight of 4,000 Ibf/in. and a constant rotary speed of 60 rev/min. The average formation 
abrasiveness encountered during a bit run can be evaluated using Eq. 6.12, and the final tooth wear h, can be 
observed after pulling the bit. If we define a tooth-wear parameter J, using 


z) _W 
_ d, max d, (2) 1 
j% 


then Eq. 6.12 can be expressed by 


TABLE 6.8—RECOMMENDED TOOTH-WEAR PARAMETERS FOR ROLLER-CONE BITS 
(Bourgoyne et al. 1991) 
W 
Bit Class Hı Hz d, max 
1-1 to 1-2 1:9 7 7 
1-3 to 1-4 1.84 6 8 
2-1 to 2-2 1.8 5 8.5 
2-3 1.76 4 9 
3-1 1:7 3 10 
3-2 1.65 2 10 
3-3 1.6 2 10 
4-1 1.5 2 10 
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(Sees, (Oh, ET (6.14a) 
0 0 
Integration of this equation yields 


h 2 
t, =a, Ç „+H, “| siden E nus eoue etter decease aban nos ara pene eee (6.14b) 


Solving for the abrasiveness constant t,, gives 


Bg ep cceeg terran oes ate dah ene atee sy ona ee ean N (6.15) 


= 
J, ee aed 
j 2 


Although Eqs. 6.12 through 6.15 were developed for use in modeling the loss of tooth height of a milled-tooth 
bit, they also have been applied with some degree of success to describe the loss of insert teeth by breakage. Insert 
bits are generally operated at lower rotary speeds than milled-tooth bits to reduce impact loading on the brittle 
tungsten carbide inserts. In hard formations, high rotary speeds may quickly shatter the inserts (Estes 1974). 


Ty = 


Example 6.4 A 9%-in. Class 1-1-1 bit drilled from a depth of 12,000 to 12,200 ft in 12 hours. The average bit 
weight and rotary speed used for this bit run were 40,000 Ibf and 90 rev/min, respectively. When the bit was 
pulled, it was graded T-6 and B-6. The drilling fluid was a barite-weighted clay/water mixture having a density of 
12.0 lbm/gal. Estimate the formation-abrasiveness constant for this depth interval. 

Solution. From Eq. 6.15, it is known that 


From Table 6.8, for a 1-1-1 bit, A, is equal to 1.90, H, is equal to 7, and 


wee = 7.0. Ibf/in. 
d, max 


Thus, J, can be calculated as 


i 7.0-4 |(90 a2 
2 


7.0 ——— 1.90 
J,= 9.875 (£) t soii 
1 
Therefore, the formation-abrasiveness constant can be determined by 


Ty = = 43.651 hours. 


o 
(0.101116)| &+7 $ 
8 2 
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Wear Equation. Fixed-Cutter Bits. Ziaja and Miska (1982) developed a mathematical model of the diamond-bit 
drilling process with several limiting assumptions. On the basis of this model, the wear on diamond cutters can be 
estimated. The wear of diamonds on the face of a diamond bit using a linear-wear model is expressed as 


%2 HOTIN EIEE ESTESE ad sn si de oe (6.16) 
nxd,C,(D,, -D,,) 


where X is the linear wear, in.; T is the index of rock abrasiveness, in.*/(Ibf-in.) W is the weight on bit, lbf; N is 
the rotary speed, rev/min; s is the average diamond size, carat/stone; t, is the bit time, hours; dis the average dia- 
mond diameter, in. (if not known, a, =) C J is the average density of the face stones, carats/in.’; and D, and D, 
are outer and inner diameter of the bit, respectively, in. (if the bit is a core bit, D, # 0 but if the bit is a drilling bit, 


D, =0). 


Example 6.5 After 6 hours of drilling, a diamond bit with a diameter of 3% in. is pulled out of the hole. The aver- 
age linear wear on the diamonds is observed to be 0.05 in. The WOB was 3.8 x 10°, and the rotational speed of 
the bit was 195 rev/min. Diamond size is 0.358 carats/stone, and average density of the face stones is 4.32 carat/ 
in.” Estimate the index of rock abrasiveness for these drilling conditions. 

Solution. From Eq. 6.16, it is known that 


_ |2407, (WOB)N s(t, ) 
zd, C,(D,, -D,,) 


Therefore, 
Xxd,C,(D,, -D,) 


f 240(WOB)N s(t,) ` 
Thus, 


0.33 
nosta S55 \4.32)(8.339) 


= = 4.22710" in.4/Ibf-in. 
s = 240(3,800)195(0.358)(6) ee 


6.7.2 Bearing Wear (Roller Cones Only). The prediction of bearing wear is much more difficult than the predic- 
tion of tooth wear. Like tooth wear, the instantaneous rate of bearing wear depends on the current condition of the 
bit. After the bearing surfaces become damaged, the rate of bearing wear increases greatly. However, because the 
bearing surfaces cannot be examined readily during the dull-bit evaluation, a linear rate of bearing wear usually 
is assumed. Also, bearing manufacturers have found that for a given applied force, the bearing life can be ex- 
pressed in terms of total revolutions as long as the rotary speed is low enough to prevent excessive heat. Thus, bit 
bearing life usually is assumed to vary linearly with rotary speed. 

Factors Affecting Bearing Wear. The effect of bit weight and RPM on bearing life depends on the number and 
type of bearings used and whether the bearings are sealed. When the bearings are not sealed, bearing lubrication 
is accomplished with the drilling fluid, in which case the mud properties also affect bearing life. 

The hydraulic action of the drilling fluid at the bit is also thought to have some effect on bearing life. As flow 
rate increases, the ability of the fluid to cool the bearings also increases. However, it is generally believed that flow 
rates sufficient to lift cuttings will also be sufficient to prevent excessive heat in the bearings. Lummus (1974) has 
indicated that a jet velocity that is too high can be detrimental to bearing life. Erosion of bit metal can occur, which 
leads to failure of the bearing grease seals. In the example discussed by Lummus, this phenomenon was important 
for bit hydraulic-horsepower values greater than 4.5 hp per square inch of hole bottom. However, a general model 
for predicting the effect of hydraulics on bearing wear was not presented. 

Bearing-Wear Equation. Researchers have been putting forward empirical formulas about the bearing 
wear of roller-cone bits for more than 50 years. One bearing-wear formula used to estimate bearing life is given 
by Bourgoyne et al. (1991): 


B, B, 
oS (2) uid me Dae b pee eee ooh eeee cole ce suse eeaais senses (6.17) 
dt r (60) \ 4d, 
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where b is the fractional bearing life that has been consumed; ż is the time, hours; N is the rotary speed, rev/min; 
W is the bit weight, 1,000 Ibf; d, is the bit diameter, in.; B, and B, are the bearing-wear exponents; and t, is the 
bearing constant, hours. 

Recommended values for the bearing-wear exponents are given in Table 6.9. Note that the bearing-wear formula 
given by Eq. 6.17 is normalized so that the bearing constant t, is numerically equal to the life of the bearings if 
the bit is operated at 4,000 Ibf/in. and 60 rev/min. The bearing constant can be evaluated using Eq. 6.17 and the 
results of a dull-bit evaluation. If we define a bearing-wear parameter J, using 


J, -(£) (4 EEEE OEE E EEEIEE EE (6.18) 
N Ww 


Eq. 6.17 can be expressed by 


by 


far =J,t, | db, 
0 0 


where b, is the final bearing wear observed after pulling the bit. Integration of this equation yields 


DEt a pon E E E A E E E A are (6.19) 


Solving for the bearing constant t, gives 


Journal-bearing insert-bit runs without excessive insert breakage or gauge wear typically fail because of seal/bear- 
ing wear. The factors affecting seal and bearing surface wear are numerous and complex (Winters and Doiron 
1987). 

The bearing wear is proportional to the frictional work, which mainly depends on the travel distance and the 
contact pressure between two surfaces of cone and journal, which are related to rotary speed of the bit and WOB. 
Also, bearing wear is dependent on bit type, formation, BHA, and downhole conditions. In addition, the wear is 
related to bit diameter d, and to time. The equation for bearing dull grade, b, (0-8), is assumed as follows (Hare- 
land et al. 2009): 


where K, a, b, c, and d are constants that need to be determined using offset data. 


Example 6.6 Field data obtained on %-in. Series-6 roller-cone bits at a rotary speed of 60 rev/min show an aver- 
age bearing life of 32 hours for a bit weight of 5,700 Ibf/in. and 45 hours for a bit weight of 3,800 Ibf/in. Compute 
the apparent bearing weight exponent B, and the bearing constant, t, for this bit type. 


TABLE 6.9—RECOMMENDED BEARING-WEAR EXPONENT FOR ROLLER- 
CONE BITS (Bourgoyne et al. 1991) 
Bearing Type Drilling-Fluid Type By B2 
Nonsealed Barite mud 1 1 
Sulfide mud 1 1 
Water 1 1.2 
Clay/water mud 1 1.5 
Oil-based mud 1 2 
Sealed roller — 0.7 0.85 
bearings 
Sealed journal — 1.6 1 
bearings 
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Solution. From Eq. 6.19, 


t, =T,J,b,, 


where 
(£ J 4d, \" 
J,=|— ; 
: N WOB 
Therefore, inserting the given information into these equations will yield 
B B. 
1 4 2 
(io) (57) * 
60 5.7 
and 
B, B, 
7a ee 
60 3.8 


So, there are two equations and two unknowns, because B, will not affect the equality. Solving for B, and t, will 
yield 0.84 and 43.1 hours, respectively. 


6.8 ROP 


6.8.1 Factors Affecting ROP. The most important variables affecting penetration rate that have been identified 
and studied include bit type, formation characteristics, drilling-fluid properties, bit operating conditions (bit 
weight and rotary speed), bit tooth wear, and bit hydraulics. 

Bit Type. The bit type selected has a large effect on penetration rate. For roller-cone bits, the initial penetration 
rate is often highest in a given formation when using bits with long teeth and a large cone-offset angle. However, 
these bits are practical only in soft formations because of a rapid tooth destruction and decline in penetration rate 
in hard formations (Chen et al. 2001). 

As discussed previously, fixed-cutter bits give a wedging-type rock failure in which the bit penetration per 
revolution depends on the number of blades and the bottom-cutting angle. Diamond and PDC bits are designed 
for a given penetration per revolution by the selection of the size and number of diamond or PDC cutters. 

Developments in PDC bits that have helped in achieving higher ROPs and longer bit life involve a compromise 
between open, light-set bits for speed and heavy-set bits for durability. Hydraulic-design improvements prevent 
bit balling, while mechanical-design enhancements increase the ROP (Taylor et al. 1999). Steel-bodied drill bits 
have shown significant improvements in drilling efficiency. These bits allow higher ROP in high-mud-weight 
applications, increased mechanical efficiency, and enhanced wear/erosion resistance (Beaton et al. 2008). 

Formation Characteristics. The elastic limit and ultimate strength of the formation are the most important 
formation properties affecting penetration rate. The shear strength predicted by the Mohr failure criterion 
sometimes is used to characterize the strength of the formation. Maurer (1965) reported that the crater vol- 
ume produced beneath a single tooth is inversely proportional to both the compressive strength of the rock 
and the shear strength of the rock. Bingham (1965) found that the threshold force required to initiate drilling 
in a given rock at atmospheric pressure could be correlated to the shear strength of the rock as determined in 
a compression test at atmospheric pressure. To determine the shear strength from a single compression test, 
an average angle of internal friction of 35° was assumed. The angle of internal friction varies from approxi- 
mately 30 to 40° for most rocks. Applying Eq. 6.3b for a standard compression test at atmospheric pressure 
(o, = 0) gives 

i, = Lo, -0)sin(90- 8) = Zi cos, 
2 2 

The threshold force or bit weight, (W/d,) , required to initiate drilling was obtained by plotting drilling rate as a 
function of bit weight per bit diameter, and then extrapolating back to a zero drilling rate. The laboratory correla- 
tion obtained in this manner is shown in Fig. 6.44. 

The permeability of the formation also has a significant effect on the penetration rate. In permeable rocks, the 
drilling-fluid filtrate can move into the rock ahead of the bit and equalize the pressure differential, acting on the 
chips formed beneath each tooth. This would tend to promote the more-explosive elastic mode of crater formation 
described in Fig. 6.35. It also can be argued that the nature of the fluids contained in the pore spaces of the rock 
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Fig. 6.44—Rock shear strength vs. threshold bit weight (Bingham 1965). 


also affects this mechanism because more filtrate volume would be required to equalize the pressure in a rock 
containing gas than in a rock containing liquid. 

The mineral composition of the rock also has some effect on penetration rate. Rocks containing hard, abrasive 
minerals can cause rapid dulling of a bit’s cutting elements. Rocks containing gummy clay minerals can cause the 
bit to ball up and drill in a very inefficient manner. 

Drilling-Fluid Properties. The properties of the drilling fluid reported to affect the penetration rate include 
density, rheological flow properties, filtration characteristics, solids content and size distribution, and chemical 
composition. 

Penetration rate tends to decrease with increasing fluid density, viscosity, and solids content, and tends to in- 
crease with increasing filtration rate. The density, solids content, and filtration characteristics of the mud control 
the pressure differential across the zone of crushed rock beneath the bit. The fluid viscosity controls the parasitic 
frictional losses in the drillstring and, thus, the hydraulic energy available through the bit nozzles for cleaning. 
There is also experimental evidence (Estes 1974) that increasing viscosity reduces penetration rate even when the 
bit is perfectly clean. The chemical composition of the fluid has an effect on penetration rate in that the hydration 
rate and bit-balling tendency of some clays are affected by the chemical composition of the fluid. 

An increase in drilling-fluid density causes a decrease in penetration rate for roller-cone bits. An increase in 
drilling-fluid density causes an increase in the bottomhole pressure beneath the bit and, thus, an increase in the 
pressure differential between the borehole pressure and the formation-fluid pressure. This pressure differential 
between the borehole pressure and the formation-fluid pressure often is called the overbalance. Recall the change 
in the crater-formation mechanism with increasing overbalance described in Fig. 6.35. The Mohr failure criterion 
given by Eq. 6.3 predicts a similar effect of overbalance on fixed-cutter bit performance. The normal stress at the 
failure plane o, for a shearing-failure mechanism is directly related to overbalance (Maurer 1965). 

Bourgoyne and Young (1974) observed that the relation between overpressure and penetration rate could be repre- 
sented approximately by a straight line on semilog paper for the range of overbalance commonly used in field prac- 
tice. In addition, they suggested normalizing the penetration-rate data by dividing the obtained values by the 
penetration rate achieved at zero overbalance (borehole pressure equal to formation-fiuid pressure). Note that a rea- 
sonably accurate straight-line representation of the data is possible for moderate values of overbalance. The equation 
for the straight line shown in Fig. 6.45 is 
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Fig. 6.45—Exponential relation between penetration rate and overbalance for roller-cone bits [from Bourgoyne et al. 
(1991)]. 


oe * Sil Dp Py) diccimaiid rida iaia neni ptebeiaktnar roa Mohan wats (6.22a) 


0 


where R is the penetration rate, R, is the penetration rate at zero overbalance, p, is the bottomhole pressure in the 
borehole, p 7 is the formation-fluid pressure, and m is the slope of the line. 
If we express overbalance in terms of equivalent circulating density p, and pore-pressure gradient 8, we obtain 


(Pa —P, ) =0.052D(p, -g,). 
Substituting this expression for overbalance in Eq. 6.22a gives 
R 
el © | =-0.052mD(p, —g,) =0.052mD(g, -p,). 


0 


Bourgoyne and Young (1974) chose to replace the combination of constants (-0.052m) by a single coefficient 
a; 


oe * | Se ce ete ae aes cht es erent (6.22b) 


0 


This expression is useful for relating changes in mud density or pore-pressure gradient to changes in penetration 
rate. 


Example 6.7 The slope of the shale line in Fig. 6.45 is 0.000666 psi'. Evaluate the coefficient a, for this value of 
m, and estimate the change in penetration rate in this shale at 12,000 ft to be expected if the mud density is in- 
creased from 12 to 13 lbm/gal. The current penetration rate in this shale is 20 ft/hr. 

Solution. The coefficient a, is given by 


a, = 0.052 (0.000666) = 35x 10°. 


Eq. 6.22b can be rearranged using the definition of a common logarithm in terms of the initial penetration rate R, 
and mud density p, to give 


R =R, x10% ler“) = R etm D(s,-7,) 


0 . 


Similarly, for the final penetration rate R, and mud density p,, we obtain 
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R = R 10“ D(s, -p) _ R 2.303 ay D(g,-P>) 
2 NO x m e s 
Dividing the equation for R, by the equation for R, gives 


R, = e nn D(Pi-p2) 


Solving for the final penetration rate R, yields 


i 2230844 D(ar-p2) _ zo] a haem = 7.60 ft/hr. 


2 1 


Operating Conditions. Weight on Bit and Rotation Speed. The effect of bit weight and rotary speed on penetra- 
tion rate has been studied by numerous authors both in the laboratory and in the field. Typically, a plot of penetra- 
tion rate vs. bit weight obtained experimentally with all other drilling variables held constant has the characteristic 
shape shown in Fig. 6.46. No significant penetration rate is obtained until the threshold formation stress is ex- 
ceeded (Point b). Penetration rate increases gradually and linearly with increasing values of bit weight for low-to- 
moderate values of bit weight (Segment ab). A linear curve is again observed at higher bit weights (Segment bc). 
Although the ROP vs. the WOB correlations for the discussed segments (ab and bc) are both positive, segment be 
has a much steeper slope, representing increased drilling efficiency. Point b is the transition point where the rock- 
failure mode changes from scraping or grinding to shearing. Beyond Point c, subsequent increases in bit weight 
cause only slight improvements in penetration rate (Segment cd). In some cases, a decrease in penetration rate is 
observed at extremely high values of bit weight (Segment de). This type of behavior sometimes is called bit foun- 
dering. The poor response of penetration rate at high WOB values is usually attributed to less-efficient hole clean- 
ing because of a higher rate of cuttings generation, or because of a complete penetration of a bit’s cutting elements 
into the formation being drilled, without room or clearance for fluid bypass. 

A typical plot of penetration rate vs. rotary speed obtained with all other drilling variables held constant is 
shown in Fig. 6.47. Penetration rate usually increases linearly with rotary speed at low values of rotary speed. At 
higher values of rotary speed, the response of penetration rate to increasing rotary speed diminishes. The poor 
penetration-rate response to increasing rotary speeds is also attributed to inefficient bottomhole cleaning. 

Maurer (1962) developed a theoretical equation for roller-cone bits, relating penetration rate to bit weight, 
rotary speed, bit size, and rock strength. The equation was derived from the following observations made in 
single-insert impact experiments: 


1. The crater volume is proportional to the square of the depth of cutter penetration. 
2. The depth of cutter penetration is inversely proportional to the rock strength. 


W 


Fig 6.46—Relation between ROP and WOB (Bourgoyne et al. 1991). 
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Fig. 6.47—Relation between ROP and rotation speed (Bourgoyne et al. 1991). 
For these conditions, the penetration rate R is given by 


where K is the constant of proportionality; S is the compressive strength of the rock; W is the bit weight; d, is the 
bit diameter; (W/d,), is the threshold bit weight per inch of bit diameter; and N is the rotary speed. 

This theoretical relation assumes perfect bottomhole cleaning and incomplete bit tooth/insert penetration. 

The theoretical equation of Maurer (1962) can be verified using experimental data obtained at relatively 
low bit weight and rotary speeds corresponding to Segment ab in Figs. 6.46 and 6.47. At moderate values 
of bit weight, the weight exponent is usually observed to be closer to a value of | than the value of 2 pre- 
dicted by Eq. 6.23. At higher values of bit weight, a weight exponent of less than 1 is usually indicated. 
Bingham (1965) suggested the following drilling equation on the basis of considerable laboratory and field 
data: 


R= [=] N e a E A E E eee (6.24) 


b 


where K is the constant of proportionality that includes the effect of rock strength and a, is the bit-weight expo- 
nent. In this equation the threshold bit weight was assumed to be negligible, and the bit-weight exponent must be 
determined experimentally for the prevailing conditions. However, a constant rotary-speed exponent of 1 was 
used in the Bingham equation even though some of his data showed behavior similar to that described by Segment 
be in Fig. 6.47. 

Several authors have proposed the determination of both a bit-weight exponent and a rotary-speed exponent 
using data representative of the prevailing conditions. Young (1969) pioneered the development of a computerized 
drilling-control system in which both the bit weight and rotary speed could be varied systematically when a new 
formation type was encountered, and the bit-weight and rotary-speed exponents could be computed automatically 
from the observed penetration-rate response. Values of the bit-weight exponent obtained from field data range 
from 0.6 to 2.0, while values of the rotary-speed exponent range from 0.4 to 0.9. 

Fixed-cutter bits require lower WOB and higher RPM when compared with roller-cone bits. The general recom- 
mendation is that the highest RPM that can be achieved should be used. In practice, enough WOB should be sup- 
plied for the cutters to penetrate through the formation in order to provide the applied torque to conduct the 
shearing process properly. Insufficient WOB will cause premature cutter wear, possible diamond chipping, and a 
slow ROP. 

Bit Tooth Wear. Most bits tend to drill slower as the bit run progresses because of cutting-element wear. The 
tooth length of roller-cone bits is reduced continually by abrasion and chipping. As previously discussed, the teeth 
are altered by hardfacing or by case-hardening processes to promote a self-sharpening type of tooth wear. How- 
ever, while this tends to keep the tooth pointed, it does not compensate for the reduced tooth length. The inserts 
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of tungsten-carbide-type roller-cone bits fail by breaking rather than by abrasion. Often, the entire tooth is lost 
when breakage occurs. Reductions in penetration rate because of bit wear usually are not as severe for insert bits 
as for milled-tooth bits unless a large number of teeth are broken during the bit run. Diamond and PDC bits also 
fail from cutting element breakage or loss of diamonds from the matrix. 

Several authors have published mathematical models for computing the effect of cutting-element wear on 
penetration rate for roller-cone bits. Galle and Woods (1963) published the following model: 


Re l e eaa e a a a E E a a r e oon eee hee 
0.928125h? +6h+1 


where A is the fractional tooth height that has been worn away and a, is an exponent. 

A value of 0.5 was recommended for the exponent a, for self-sharpening wear of milled-tooth bits, the primary 
bit type discussed in Galle and Woods (1963). Bourgoyne and Young (1974) suggested a similar but less complex 
relationship: 


Re 7i h)a crates gave tau asecensk dann ono h sd otters nares Ne DEMO E ENES (6.26) 


Bourgoyne and Young suggested that the exponent a, be determined on the basis of the observed decline of pen- 
etration rate with tooth wear for previous bit runs under similar conditions. 


Example 6.8 An initial penetration rate of 20 ft/hr is observed in shale at the beginning of a bit run. The previous 
bit was identical to the current bit and was operated under the same conditions of bit weight, rotary speed, mud 
density, and other factors. However, a drilling rate of 12 ft/hr was observed in the same shale formation just before 
pulling the bit. If the previous bit was graded T-6, compute the approximate value of a.. 

Solution. The value of h for the previous bit just before the end of the bit run is °/, or 0.75. The value of h for 
the new bit is zero. Thus, from Eq. 6.26, we have 


R=Ke™“", 

20 = K e”, 
and 

12 = K e0), 


Dividing the first equation by the second yields 


20 — a,(0.75) 
— =e : 
12 


Taking the natural logarithm of both sides and solving for a, gives 


Bit Hydraulics. The introduction of the nozzle-type roller-cone bits in 1953 showed that significant improve- 
ments in penetration rate could be achieved through an improved jetting action at the bit. The improved jetting 
action promoted better cleaning of the bit teeth as well as improved bottomhole jetting action. 

Historically, there have been many positions taken as to the best hydraulics parameter to use in characterizing 
the effect of hydraulics on bit performance. Bit hydraulic horsepower, jet-impact force, flow rate, and nozzle ve- 
locity are all parameters commonly discussed. The level of hydraulics achieved at the bit is thought by many to 
affect the flounder-point of the bit (i.e., a decrease in rate of penetration although the weight on bit is increased to 
very high values, which occurs as a result of less-efficient bottomhole cleaning caused by high cuttings genera- 
tion, or a complete penetration of cutters into the hole bottom. 
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Eckel (1968), working with microbits in a laboratory drilling machine, has made the most extensive laboratory 
study to date of the relation between penetration rate and the level of hydraulics. Working at constant bit weight 
and rotary speed, Eckel found that penetration rate could be correlated to a Reynolds-number group given by 


where K is a scaling constant, p is the drilling-fluid density, v is the flow rate, d is the nozzle diameter, and y, is 
the apparent viscosity of drilling fluid at 10,000 sec”. 

The shear rate of 10,000 sec"! was chosen as representative of shear rates present in the bit nozzle. The scaling 
constant, K, is somewhat arbitrary, but a constant value of 1/1,976 was used by Eckel (1968) to yield a convenient 
range of the Reynolds-number group. 

The results of Eckel’s experiments are summarized in Fig. 6.48. Note that penetration rate is increased by in- 
creasing the Reynolds-number function for the full range of Reynolds numbers studied. When the bit weight was 
increased, the correlation curve simply was shifted upward as shown in Fig. 6.48. The behavior at the founder 
point was not studied by Eckel. It can be shown that, for a given drilling fluid, the Reynolds number function is a 
maximum when the jet-impact force is a maximum. 

Data obtained in full-scale laboratory-drilling experiments conducted under simulated borehole conditions 
(Tibbitts et al. 1981) have shown that the jet-Reynolds-number group, hydraulic horsepower, and jet-impact force 
all give similar results when used to correlate the effect of bit hydraulics on penetration rate (i.e., as they increase, 
ROP also increases). It also has been reported that fluid rheological properties, density, and solid content have 
influence on ROP (Beck et al. 1995). 


6.8.2 ROP Equations. The manner in which the important drilling variables that have been discussed affect 
penetration rate is quite complex and only partially understood. Several mathematical models that attempt to 
combine the known relationships have been proposed. These models make it possible to apply formal optimiza- 
tion methods to the problem of selecting the best bit weight and rotary speed to achieve the minimum cost per 
foot. Many authors (Galle and Woods 1963; Edwards 1964; Young 1969; Reed 1972; Bourgoyne and Young 1974) 
have reported significant reductions in drilling cost through use of these approximate mathematical models. 

Roller-Cone Bits. Penetration-rate equations for roller-cone bits have been proposed by various authors. The ap- 
proach usually taken is to assume that the effects of bit weight, rotary speed, insert wear, and other factors. on penetra- 
tion rate are all independent of one another and that the composite effect can be computed using an equation of the 
form 


Raj ede. sdvteenechies E E tad aos (6.28a) 


where f., fa fa --f, represent the functional relations between penetration rate and various drilling variables. The 
functional relations chosen usually are based on trends observed in either laboratory or field studies. Some authors 
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Fig. 6.48—Effect of Reynolds number and WOB on ROP (Eckel 1968). 
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have chosen to define the functional relation graphically, while others have used curve-fitting techniques to obtain 
empirical mathematical expressions. Some relatively simple mathematical equations have been used that model 
only two or three of the drilling variables. An example is the Bingham (1965) model defined by Eq. 6.24. 

Perhaps the most complete mathematical drilling model that has been used for roller-cone bits is the model 
proposed by Bourgoyne and Young (1974). They proposed using eight functions to model the effect of most of the 
drilling variables discussed in the previous section. The Bourgoyne- Young drilling model can be defined by Eq. 
6.28a with the following functional relations: 


gE a a pyasecnatha te haan edieninie Peeing a aaa (6.28b) 
e aera oes potas ed a ee cae eee (6.28c) 
Pam E E uma tegnme unsaid emenveeeadeeuns (6.28d) 


2.3034, D(g,-P.) 


f,=e E EE go no digs eee se se ee psa at (6.28e) 
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i y i 
aH 
L d, t 
N fs 
A A E E E E eed A oe eee (6.28g) 
Is x) 
Toe A a a acne ware et ue oa a E E S (6.28h) 
TR i 6.28i 
f= A EES GEE E E (6.28i) 


In these equations, D is the true vertical-well depth, ft; B: is the pore-pressure gradient, lbm/gal; p, is the equiva- 
lent circulating density, Ibm/gal; (W/d,), is the threshold bit weight per inch of bit diameter at which the bit begins 
to drill, 1,000 Ibf/in.; h is the fractional tooth wear; F, is the hydraulic impact force beneath the bit, lbf, and a 
through a, are the constants that must be chosen on the basis of local drilling conditions. 

The constants a, through a, can be computed using prior drilling data obtained in the area when detailed drilling 
data are available. The drilling model can be used both for drilling-optimization calculations and for the detection 
of changes in formation pore pressure. The function f, primarily represents the effects of formation strength and 
bit type on penetration rate. However, it also includes the effects of drilling variables such as mud type and solids 
content, which are not included in the drilling model. The exponential expression for f, is useful when applying a 
multiple regression technique presented by Bourgoyne and Young (1974) for computing the values of a, through 
a, from prior drilling data obtained in the area. The coefficient 2.303 allows the constant a, to be defined easily in 
terms of the common logarithm of an observed penetration rate. 

The functions f, and f, model the effect of compaction on penetration rate. The function f, accounts for the rock- 
strength increase resulting from the normal compaction with depth, and the function f, models the effect of under- 
compaction experienced in abnormally pressured formations. Note that the f, f, product is equal to 1.0 for a 
pore-pressure gradient equivalent to 9.0 lbm/gal and a depth of 10,000 ft. 

The function f, models the effect of overbalance on penetration rate. This function has a value of 1.0 for zero 
overbalance (i.e., when the formation pore pressure is equal to the bottomhole pressure in the well). 

The functions f, and f, model the effect of bit weight and rotary speed on penetration rate, respectively. Note 
that f: has a value of 1.0 when Wid, has a value of 4,000 lbf per inch of bit diameter, and Je has a value of 1.0 for 
a rotary speed of 60 rev/min. This was chosen so that the f, f, product would have a value near 1.0 for common 
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drilling conditions. The threshold bit weight is often quite small and can be neglected in areas such as the US 
Gulf coast, where the formations are relatively soft. In more-competent formations, the threshold bit weight can 
be estimated from drilloff tests terminated at very low bit weights. The function f, has an upper limit correspond- 
ing to the bit founder point, which must be established from drilloff tests. The constants a, and a, also can be 
determined from drilloff tests (see Example 6.13). Reported values of a, range from 0.5 to 2.0, and reported 
values of a, range from 0.4 to 1.0. 

The function f, models the effect of tooth wear on penetration rate. The value of a, can be estimated from pen- 
etration-rate measurements taken in similar formations at similar bit-operating conditions at the beginning and 
end of a bit run, as shown previously in Example 6.8. The function f, has a value of 1.0 for zero insert wear. When 
tungsten-carbide-insert bits are used and operated at moderate bit weights and rotary speed, insert wear is often 
insignificant and this term can be neglected. Typical values of a, for milled-tooth bits range from 0.3 to 1.5. 

The function f, models the effect of bit hydraulics on penetration rate. Jet-impact force was chosen as the 
hydraulic parameter of interest, with a normalized value of 1.0 for Í at 1,000 lbf. However, the choice of impact 
force is arbitrary. Similar results could be obtained with bit hydraulic horsepower or nozzle Reynolds number as 
the hydraulic parameter affecting penetration rate. Typical values for a, range from 0.3 to 0.6. 

In practice, it is prudent to select the best average values of a, through a, for the formation types in the depth 
interval of interest. However, the value of f, varies with the strength of the formation being drilled. The function 
f, is expressed in the same units as penetration rate and commonly is called the drillability of the formation. The 
drillability is numerically equal to the penetration rate that would be observed in the given formation type (under 
normal compaction) when operating with a new bit at zero overbalance, a bit weight of 4,000 Ibf/in., a rotary 
speed of 60 rev/min, and a depth of 10,000 ft. The drillability of the various formations can be computed with 
drilling data obtained from previous wells in the area. 


Example 6.9 An 82-in. Class 1-1-1 bit operated at 35,000 Ibf and 90 rev/min is drilling in a shale formation at a 
depth of 9,000 ft at a penetration rate of 30 ft/hr. The formation pore pressure is equivalent to a 9.0-lbm/gal mud, 
and the equivalent mud weight is 9.7 Ibm/gal. The computed impact force beneath the bit is 1,300 lbf, and the 
computed fractional tooth wear is 0.4. Determine the apparent formation drillability f, for this bit type at 9,000 ft 
using a threshold bit weight of zero and the following values of a, through a,. 


a a a a a a a 


2 3 4 5 6 7 8 


0.00009 0.000004 0.00002 1.2 0.6 0.4 0.4 


Solution. It has been proposed that rate of penetration can be expressed as the multiplication of several expo- 
nential functions in the form 


R= (AA) A)(K): 


For this equation, f, through f, are presented by Eq. 6.28. Thus, calculation of these functions will yield the 
determining f. 


f= e2290 (10,000-D) = g? 303 (0.00009)(10,000-9,000) =1.2303. 


2.303 a; D”® ( g ,—9.0 2.303 (0.000004) 9,000° (9.0-9.0 
f=e aD (8, ag ( ) ( ) =1.0. 


f= g a, D(gp-ECD) _ e230 (0.00002)(9,000)(9.0-97) _ 0 74813. 
[( wos) (wos) | 35 ia 
rekon N oe 
f= 2 a =| S =1.0354. 
4- WOB 4-0 
d, J, 
N ag 90 0.6 
= = = 1.2754. 
asla) Sla) 


60 
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fe" =e OVOY = 0.85214. 


F. ag 0.4 
f,=|— -() = 1.11065. 
1,000 1,000 


Therefore, using Eq. 6.28a, 


30 = ( £ )(1.2303)(1.00494) (0.74813) (1.0354) (1.2754) (0.85214) (1.11065). 


Thus, Í can be calculated as 


f, = 26.08 ft/hr. 


In this example, detailed drilling data were available at a given point in time. This requires the use of a modern 
well-monitoring and data-recording system. In many instances, data of this quality are not available and an aver- 
age drillability for an entire bit run must be computed. For bits that show significant insert wear over the life of 
the bit, the change in the insert-wear function f, with time over the life of the bit must be taken into account. If we 
define a composite drilling variable J, using 


Fo ECE le ernen teas e a a (6.29) 


Eq. 6.28a can be expressed by 


dD 
R= ra J, f = J, exp(-a, h). 


Separating variables in this equation yields 


dD=J exp( 7q 4) a er ee ee te ee (6.30) 


The evaluation of this integral requires a relation between time ¢ and tooth wear h. Recall that Eqs. 6.12 and 6.13 
give 


dt = J, T, (1+ H, h)dh. 
Substituting this expression into Eq. 6.30, we obtain 


dD =J, J, T; exp(-a, h)(1+ H, h)dh. vawreay ier uecetcosesa dev tnn cel tate pe tea anet (6.3 1a) 


Finally, integration of this equation leads to the following expression of bit footage in terms of the final tooth wear 
observed. 
Jae H 1 —ayhy —a,hy 
=e a(l-e `” -a,h,e 
AD=J, J, Ty + 


(6.31b) 


J Eo EPIO E WE A Gre E REEE R E EUS 
a a, 


This equation can be used to determine the footage corresponding to a given final tooth wear h, and composite 
drilling parameter J,. Conversely, it also can be used to compute an apparent or average value of J A for an observed 
footage AD and final tooth wear h 7 The formation drillability then can be computed from J, using Eq. 6.29. 

In some cases, it is desirable to compute the footage drilled after a given time interval t, of bit operation. To use 
Eq. 6.31 for this purpose, it is necessary to know the insert condition, in terms of dull grade, at the drilling time 
of interest. Recall that the time required to obtain a given tooth wear is given by Eq. 6.14b. Expressing this equa- 
tion in terms of h Lp» We obtain 
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H,J,T 7 
[Ate a, +(J, Ty )h, —t, =0. 


Solving this quadratic equation for h ly gives 


2 
Ee E a, OEE EEEE (6.32) 
H, H, J, Ty H, 


Fixed-Cutter Bits. Diamond bits, as well as other types of fixed-cutter bits, are designed to achieve a given 
maximum penetration per revolution. Under ideal conditions, the bit weight and RPM are such that the bit is kept 
feeding into the formation at a constant rate. The penetration rate of a fixed-cutter PDC bit, for a given penetration 
of the cutting element into the formation, is given by 


where Lie is the effective penetration of each cutting element, n,, is the effective number of blades, and N is the 
rotary speed. 

Peterson (1976) developed theoretical equations for the effective penetration Lie and the effective number of 
blades n,, for diamond bits. The equations were derived for a simplified model that assumed the following: 


The bit has a flat face that is perpendicular to the axis of the hole. 

Each blade is formed by diamonds laid out as a helix, as shown in Fig. 6.49a. 

The stones are spherical in shape, as shown in Fig. 6.49b. 

The diamonds are spaced so that the cross-sectional area removed per stone is a maximum for the design 
depth of penetration. 

5. The bit is operated at the design depth of penetration. 


Fe Ma 


The bit hydraulics is sufficient for perfect bottomhole cleaning. 
For these conditions, the effective penetration Li and the effective number of blades n,, are given by 


E Oc (6.34a) 
and 
C 
n, =1 Ai : Ja d Ly eee eee Se ee EE ee ee eee ee (6.34b) 
d 


Adjacent 
blade 
diamonds 


Plotting points on bit face 


Clearance Exposure 


Diamond Formation 


: : penetration 
Bit profile (Lp) 


(a) (b) 


Fig. 6.49—Diamond-bit-stone layout assumed in penetration-rate equation (Peterson 1976). 
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where C, is the concentration of diamond cutters, carats/in.’; L, is the actual depth of penetration of each stone, 
in.; d, is the bit diameter, in.; d, is the average diameter of the face stone cutters, in.; and s, is the diamond size, 
carats/stone. 

A formation property called the formation resistance r.is used to compute the bit weight required to obtain the 
design penetration L, The formation resistance is the pressure needed to overcome the formation strength, allow- 
ing the stone to penetrate the rock. 


where W is the effective weight applied to the bit after the hydraulic pumpoff forces have been taken into account 
and A ,, is the total diamond area in contact with the formation. The formation resistance can be computed from an 
observed penetration rate after a bit is operated in the formation of interest. 

For a spherical stone as shown in Fig. 6.49b, the contact area is given by 


wd,” (C, 
A, = af Q T E ET (6.34d) 


Sa 


Ziaja (1985) conducted a study on describing the drilling model for PDC core bits and its application to deter- 
mining the indices of rock properties that affect the bit performance. The model described the mechanical aspects 
of any PDC core bit, taking into account the wear of PDC cutters that results in penetration-rate reduction. 


Example 6.10 A 5.585-in. diamond bit contains 200 stones of 1.0 carats that have a width of 0.0848 in. for a 
penetration of 0.01 in. Compute the expected ROP if sufficient bit weight for a 0.01-in. depth of a diamond pen- 
etration could be maintained at a rotary speed of 100 rev/min. 

Solution. ROP can be estimated using Eq. 6.33: 


N. 


be 


ROP =L,,n 


Thus, in order to calculate ROP, effective penetration length Le and effective number of blades n,, should be de- 
termined. 
It is assumed that the bit has a flat face that is perpendicular to the axis of the hole. Therefore, 
Ca at 0 n 8.1638 stone/in.? 
a 4, * Z(5.585?) 


s a 
4 


So, the effective number of blades can be calculated using Eq. 6.34b: 


C 
n, = 199 < Ja. Jd, L,- L; 


d 


= 1.92(8.1638)(5.585) | 0.0848 (0.01) -(0.01°) | 
= 2.39, 


Effective penetration length can be obtained with Eq. 6.34a: 


L,, =0.67 L, = 0.67 (0.01) = 0.0067 in. 


Thus, ROP can be calculated by 


ROP = L, n, N = (0.0067)[ 4 |(2.3)(100) £ min) = 8.01 ft/hr. 
in. 


6.9 Economics 

For those in administration, engineering, manufacturing, and sales, cost calculations are used to evaluate the 
effectiveness of any product or method, new or old. Because drilling costs are so important, everyone involved 
should know how to make a few simple cost calculations. 
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For example, the cost of a PDC bit can be up to 20 times the cost of a milled-tooth bit and up to 4 times the cost 
of a TCI bit. The choice of a PDC bit, a milled-tooth bit, or an insert roller-cone bit must be economically justified 
by its performance. Occasionally, this performance justification is accomplished by simply staying in the hole 
longer. In such cases, the benefits of using that particular bit are intangible. 

The main reason for using a bit, however, is that it saves money on a cost-per-foot basis. To be economical, 
a PDC bit must make up for its additional cost by either drilling faster or staying in the hole longer. Because 
the bottom line on drilling costs is dollars and cents, bit performance is based on the cost of drilling each foot 
of hole. 

One of the most important aspects of an economic evaluation of a bit is the break-even analysis. A break- 
even analysis is necessary to determine whether the added bit cost can be justified for a particular applica- 
tion. 

The break-even point for a bit is simply the footage and hours needed to equalize the cost-per-foot that would 
be obtained on a particular well if the bit was not used. To break even, a good offset well must be used for com- 
parative purposes. 


6.9.1 Selection of a Bit. As mentioned previously, [ADC bit-comparison charts are typically used for selecting 
the best bit for a particular application (Figs. 6.23 and 6.24). During the planning stage, an in-depth review of 
offset-well data, records of previous bit performance, and bit-grading characteristics in comparable formations 
should be conducted. This will help determine the suitable bit types for the formations to be drilled. Data required 
for a proper bit selection include 


e Geological properties and lithological characteristics of the formations to be drilled 
e Drilling fluid to be used 
e Well profile and equipment to be used 


Aggressiveness and wear resistance are two fundamental properties that must be considered when selecting a 
bit for a specific application. For simplicity’s sake, these two bit properties, while not totally independent, may be 
considered separately. The aggressiveness of the bit is determined by the depth of cut that it is designed to take. 
In roller-cone bits, aggressiveness is determined by projection, pitch of the teeth, and cone offset. In PDC bits, 
aggressiveness is determined by the exposure of the cutters and the cutter angle (backrake). Wear resistance, on 
the other hand, is determined by the density of the cutters, especially those on and near the gauge. In roller-cone 
bits, increasing wear resistance is accomplished by adding more gauge cutters; using more-durable shapes of cut- 
ters; applying diamond to the cutters that contact the gauge; and modifying carbide grade (at the expense of mak- 
ing cutters more brittle) or increasing the number of carbide inserts on the shirttail. The wear resistance of PDC 
bits is improved by increasing the length of the gauge so that more cutters can be placed on and near the gauge 
and by increasing the carbide or diamond content of the gauge pad. Some of the tradeoffs that make a bit more 
wear resistant also make it more susceptible to cutter breakage and whirl. It is generally accepted that a flat profile 
is more resistant to off-center bit whirl than a tapered profile, which is more resistant to wear. Typically, bits de- 
signed with a specific degree of aggressiveness are available with or without gauge wear enhancement (Spaar et 
al. 1995). 


6.9.2 Cost-Per-Foot Calculation. The performance of a bit may be analyzed on the basis of how much footage 
it drilled, ft; how fast it drilled (ROP); and how much it cost during the run (the initial cost of the bit and the total 
operational costs) per foot of the hole drilled. Because the aim of bit selection is to obtain the lowest cost per foot, 
an analysis is required to achieve this goal. The following equation is usually preferred to estimate the cost per 
foot for a single bit run: 


C,+C (t,+t +t 
C=- (htt a) e a a a uea he ccteuearrs (6.35) 
AD 


where C is the overall cost per foot, USD/ft; C a is the cost of bit, USD; t, is the rotating time with bit on bottom, 
hours; t, is the round-trip time, including connection time, hours; t is the other time, which is not rotating time or 
trip time, hours; C, is the cost of operating the rig USD/hr; and AD is the total footage determined by the particu- 
lar bit, ft. 

As seen from Eq. 6.35, cost per foot is expressed considering the initial cost of the bit, ROP, and 
the total footage. This equation can be used for many practical purposes, such as conducting a post-drilling analy- 
sis to compare one bit run with another in a similar well, or a real-time analysis to decide when to pull the bit out 
of the hole. 
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6.9.3 Run-Cycle Speed. The performance of a bit can also be determined by using run-cycle speed (RCS). RCS 
can be considered as the effective ROP, including the effect of trip time and nonrotating time. RCS (ft/hr) is de- 
fined as 
AD 
ROSS. Se ek btw badd acid pauls eee ba ek E a E eet een A (6.36) 
ttt tt 

where AD, t, t, and t, are as described in Eq. 6.35. Because rig cost cannot be defined clearly to be used in Eq. 
6.35, RCS may give a better understanding of how efficient the drilling operation under consideration is. 


6.9.4 Break-Even Analysis. The break-even analysis is usually preferred for conducting an economic analysis of 
replacing a current bit with a relatively more expensive new bit. The comparison is normally based on a graphical 
analysis plotting footage vs. rotation time. This analysis is a variation of the cost-per-foot equation. The procedure 
for developing the plot is as follows: 


1. Calculate equivalent rig hours by comparing the initial bit cost C, (USD) and rig cost C, (USD/ft) by use 
of 


Gs, a a a (6.37a) 


2. Add trip time 7, to t to obtain the total number of rig hours corresponding to the cost of the new bit: 


mee a e E A (6.37b) 


total = t eq 
Mark this point on the x-axis of a footage-vs.-time plot, as shown in Fig. 6.50. 
3. Calculate the footage at break-even cost using 


C, +(t,)C, 


AD, C 


Mark this point on the y-axis of footage vs. time plot, as shown in Fig. 6.50. 
4. Plot a straight line passing through the points obtained in Steps 2 and 3, as shown in Fig. 6.50. This line is 
the break-even line—that is, any footage and time combination on this line is a break-even point, where cost 
per foot is constant on any point on this line. Above this line, the new bit will produce lower USD/ft than the 
offset bit, and below this line, the new bit will be more expensive to run. 


6.9.5 Mechanical-Specific-Energy Concept. The concept of mechanical specific energy (MSE) is defined as the 
work required to destroy a given volume of rock. The MSE-monitoring process can provide the ability to detect 
changes in drilling efficiency that possibly can be used to optimize operating parameters. Power is defined as 


P=T@+WR, 
Footage 
A Break-even line 
(USD/ft is constant along 
the line) 
ADb-e 
< > Time 
total 0 


Fig. 6.50—Break-even analysis. 


366 Fundamentals of Drilling Engineering 


where P is the energy input, W is the WOB, T is the torque, w is the angular velocity, and R is the ROP. MSE can 
be expressed in terms of power as 


where Aż is the time interval and V is the volume of rock, which is equal to 
V=A, RAt 
Inserting the definitions of “power” and “volume of rock” into Eq. 6.38a yields 


Me- al. a e MeiticeelieHeie E a (6.38b) 


The MSE equation (Dupriest and Koederitz 2005; Dupriest 2006) can be expressed in terms of drilling param- 
eters as 


Ar A cscs ssosaskene oe A E EEEN (6.38c) 


A, A,R 


where MSE is in psi, A, is the bit area, in.’; T is the torque, Ibf-ft; W is the WOB, lbf; and N is the rotation speed, 
rev/min. In Eq. 6.38c, torque is used as a variable in the MSE calculation formula. Torque at the bit can be mea- 
sured by a measurement-while-drilling system but in most cases no bit-torque measurements exist. The bit-spe- 
cific coefficient of sliding friction (u) is introduced to express torque as a function of the WOB and to allow for 
calculation of the MSE equation in the absence of a reliable torque measurement: 


pole WOR 
36 


Finally, Eq. 6.38c and the torque equation are coupled to form the new form of the MSE equation, which is 
called the modified MSE and can be shown as 


NSE SOB ae | carte econ tosis seed eased deeabiorteo emcees: (6.38d) 
A, d,ROP 


6.9.6 Termination of a Bit Run. There is almost always some uncertainty about the best time to terminate a bit 
run and begin tripping operations. The use of the tooth-wear equation (Eq. 6.12) and the bearing-wear equation 
(Eq. 6.17) will provide, at best, a rough estimate of when the bit will be completely worn. In addition, it is help- 
ful to monitor the rotary-table torque. In the case of a roller-cone bit, when the bearings become badly worn, 
one or more of the cones frequently will lock and cause a sudden increase or large fluctuation in the rotary 
torque needed to rotate the bit. With a PDC or fixed-cutter bit, when cutter elements are heavily worn or broken, 
or the bit becomes undergauge, the bit will exhibit much lower than expected ROP and cyclic or elevated torque 
values. 

When the penetration rate decreases rapidly as bit wear progresses, it may be advisable to pull the bit before it 
is completely worn. If the lithology of the formation is homogeneous, the total drilling cost can be reduced by 
minimizing the cost of each bit run. In this case, one way to determine when to terminate the bit run is by keeping 
a current running calculation of the cost per foot for the run, assuming that the bit would be pulled at the current 
depth. Even if significant bit life remains, the bit should be pulled when the computed cost per foot begins to 
increase. 

However, if the lithology of the formation is not uniform, this procedure will not always result in the minimum 
total well cost. In this case, an effective criterion for determining optimum bit life can be better established after 
offset wells are drilled in the area, thus defining the lithological variations, and the contribution of the rock prop- 
erties can be studied and understood better. 


Example 6.11 Determine the optimum bit life for the bit run described in the table below. The lithology 
of the formation is known to be essentially uniform in this area. The tooth-wear parameter J, has a value of 0.4, 
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the constant H, has a value of 6.0, and the bearing-wear parameter J, has a value of 0.55. The formation abrasive- 
ness constant T, has a value of 50 hours, and the bearing constant Tt, has a value of 30 hours. The bit cost is USD 
5,000; the rig cost is USD 4,000/hr; and the trip time is 10 hours. 


o AD ee Time, t,+t, Rennie 
0 0 New bit 
30 2.0 
50 4.0 
65 6.0 
77 8.0 
87 10.0 
96 12.0 
104 14.0 
111 16.0 Torque increased 


Solution. The time required to wear out the teeth can be computed with Eq. 6.14b: 


i= oaoot = 80 hours. 


2 


The time required to wear out the bearings can be computed with Eq. 6.19. 


t, = (0.55)(30)(1) = 16.5 hours. 


The cost per foot of the bit run at various depths can be computed with Eq. 6.35. Thus, the overall cost per foot 
of the bit run that would result if the bit were pulled at the various depths shown are as follows: 


Footage, AD Drilling Time, ¢, + £, Drilling Cost, C 
(ft) (hours) (USD/ft) 
0 0 0.0 
30 2.0 1,766.67 
50 4.0 1,220.00 
65 6.0 1,601.54 
77 8.0 1,000.00 
87 10.0 977.01 
96 12.0 968.75 
104 14.0 971.15 
111 16.0 981.98 


Note that the lowest drilling cost would have resulted if the bit were pulled after 12 hours. 


Example 6.12 Recall Example 6.11. Determine the optimum bit life using the break-even analysis and the RCS. 
Solution. In order to apply the break-even analysis for determining the optimum bit life, the break-even line 
must be compared with the RCS. Using Eq. 6.37b, 


5,000 


t., =10+ a hours. 


total 
> 
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A footage (y-axis) vs. time (x-axis) plot is required, which can be obtained using the information given in Ex- 
ample 6.11. On the same plot, ¢,,,, will be marked. Optimum bit life can be determined by drawing a line that will 
start from f,.,,, and it will be tangential to the footage-vs.-time curve. Note that the tangential line will have the 


maximum slope for this case. The result should look like Fig. 6.51. 
From this graph, it is determined that the bit should be pulled out after 12 hours. 


6.10 Bit-Operation Practices 
In addition to selecting the best bit for the job, the drilling engineer must see that the bit selected is operated as 
efficiently and effectively as possible. Items of primary concern include 


Optimizing the BHA 

Preventing premature bit damage 
Bit weights and rotary speeds 
Proper hydraulics 

Bit-run termination criteria 


Proper attention must be given to all of these items to maximize drilling performance and minimize drilling costs. 


6.10.1 Optimizing the BHA. The BHA used with the bit often has a significant effect on bit performance. The 
type or size of drill collars used should be effective at preventing the development of bending moments in the 
drillpipe for the range of bit weight needed during drilling. Also, stabilizers should be used as required to pre- 
vent bending of the lower portion of the drill collars. If the drill collars above the bit are not properly central- 
ized in the borehole, the bit rotation and cutting action can be affected adversely. This can result in damaged 
teeth, bearings, and seals because of cyclic loading on roller-cone bits; chipped or broken cutters on PDC bits; 
poor borehole quality; directional-drilling problems; much lower performance than anticipated; and increased 
frequency of drillstring-component failures. 

The use of stabilizers having a diameter near the hole size can reduce the severity of these problems 
greatly. Special shock-absorbing devices called shock subs also can be used above the bit to dampen the 
shock loads further. The additional cost of shock subs is justified more easily for more-expensive bits or for 
those runs in which success is dependent on achieving a long bit run. 


6.10.2 Selection of WOB and Rotation Speed. Drilloff Tests. Frequent changes in formation lithology with 
depth can make it difficult to evaluate the bit-weight and the rotary-speed exponents from a series of penetra- 
tion-rate measurements made at various bit weights and rotary speeds. In many cases, the formation lithology 
may change before the tests are completed. To overcome this problem, a drilloff test can be performed. A 
drilloff test consists of applying a large weight to the bit and then locking the brake and monitoring the de- 
crease in bit weight with time while maintaining a constant rotary speed. Hooke’s law of elasticity then can 


a e e a a Alb ecncen 
' ' i Tangential point 
pee ; ane (aaa a aaa pe en ie peepee 
"= 1 i) $ 1 1 
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o ! i i i ! 
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baearrie eee ace ess eo 
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Fig. 6.51—Determination of optimum bit life by use of RCS and break-even analysis. 
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be applied to compute the amount that the drillstring has stretched as the WOB decreased and the hook load 
increased. In this manner, the penetration-rate response to changing bit weight can be determined over a very 
short depth interval. 

Hooke’s law states that the change in stress is directly proportional to the change in strain: 


AGH ENE: 200-2 sone Gab athe eee ee eae POSSE wb edlae ed coe he sree t (6.39) 


For the case of axial tension in a drillstring, the stress change is equal to the change in bit weight 
divided by the cross-sectional area of the drillpipe. The change in strain is equal to the change in drillpipe length 
per unit length. Thus, Hooke’s law becomes 

AW AL 


->En 
A L 


Solving this expression for AL gives 
AL = ky. 
EA, 


The average penetration rate observed for the change in bit weight AW can be obtained by dividing this equation 
by the time interval Aż required to drill off AW (Lubinski 1988): 
_AL_ L AW 
At EA, At 
Range-2 drillpipe has tool-joint upsets over approximately 5% of its length that have a much greater cross-sec- 


tional area than the pipe body and essentially do not contribute to the length change observed. Replacing L by 
0.95L gives 


The length change of the drill collars is also small and can be ignored. 


Example 6.13 Using the following drilloff-test data, evaluate the bit-weight exponent and the rotary-speed expo- 
nent. The length of drillpipe at the time of the test was 10,000 ft, and the drillpipe has a cross-sectional area of 
5.275 in.” Young’s modulus for steel is 30x10°. Assume that the threshold bit weight is zero. 

Test No. | (rotary speed = 150 rev/min) 


Bit Weight Elapsed Time 
(1,000 Ibf) (seconds) 
76 0 
72 52 
68 105 
64 160 
60 218 
56 281 
52 352 
48 432 
44 522 
40 626 


36 746 
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Test No. 2 (rotary speed = 100 rev/min) 


Bit Weight Elapsed Time 
(1,000 Ibf) (seconds) 
76 0 
I2 54 
68 114 
64 180 
60 253 
56 334 
52 424 
48 525 
44 641 
40 773 


Solution. The penetration rate can be evaluated using Eq. 6.40: 


Reog A 
EA, At 


10,000 4,000 _ 0.24 
(30x10°)5.275 At At ` 


If we express R in units of ft/hr and Aż in seconds, this expression becomes 


a n24( 3.0 = _ 864 


At 1 hour At 


The drilloff-test data have been evaluated by use of this expression in Table 6.10. 

A plot of penetration rate vs. average bit weight can be constructed on log-log paper from the results of 
the drilloff-test analysis. Graphical evaluation of the slope of the straight-line portions of both the N=150 
rev/min and the N=100 rev/min cases yields a value of 1.6. Thus, the observed bit-weight exponent is ap- 
proximately 1.6 for values of bit weight below the founder region. The rotary-speed exponent can be 
evaluated from the spacing between the lines in the parallel region. 

For example, a penetration rate of 13.7 ft/hr is observed for a bit weight of 58,000 lbf and a rotary speed of 150 
rev/min. Reducing the rotary speed to 100 rev/min resulted in a penetration rate of 10.7 ft/hr at the same bit 
weight. Thus, we have 


R=KN*, 
13.7 = K(150)", 
and 


10.7 = K (100)“ , 


where K is the constant of proportionality and a, is the rotary-speed exponent. Dividing the top equation by the 
bottom equation gives 


13.7 _( 150)" 
10.7 (100) ` 
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TABLE 6.10—EXAMPLE OF DRILL-OFF-TEST ANALYSIS (Bourgoyne et al. 1991) 
N=150 rev/min N=100 rev/min 
Average Elapsed Elapsed 
Bit Weight Bit Weight Time At R Time At R 
(1,000 Ibf) (1,000 Ibf) (seconds) (seconds) (ft/hr) (seconds) (seconds) (ft/hr) 

76 0 0 

74 52 16.6 54 16.6 
72 52 54 

70 53 16.6 60 14.4 
68 105 114 

66 55 15.7 66 13.1 
64 160 180 

62 58 14.9 73 11.8 
60 218 253 

58 63 13.7 81 10.7 
56 281 334 

54 71 12.2 90 9.6 
52 352 424 

50 80 10.8 101 8.6 
48 432 525 

46 90 9.6 116 7.4 
44 522 641 

42 104 8.3 132 6.5 
40 626 733 

38 120 7.2 
36 746 


Taking the logarithm of both sides and solving for a, yields 
í a] 
log} —— 
ag = a. 0.6. 
(9) 
100 

In this example, a good straight-line fit was obtained below the founder region assuming the threshold bit 
weight was zero. When the threshold bit weight is not zero, it may be necessary to subtract the threshold bit 
weight from the bit-weight column before plotting the data. If the threshold bit weight is not known, it can be 
determined by trial and error as the value that gives the best straight-line fit. 

WOB and Rotation-Speed Optimization. The weight applied to the bit and the rotational speed of the drill- 
string have a major effect on both the performance and the life of the bit. These parameters are usually changed 
during the drilling operation to improve ROP as dictated by formation hardness, to mitigate bit vibrations, to 
improve directional-drilling efficiency, and to minimize rate of cutter wear. Thus, the determination of the op- 
timum bit weight and rotary speed for a given bit run is one of the routine challenges faced by the drilling en- 
gineer. 

For roller-cone bits, there are several published methods for computing optimum combinations of bit weight 
and rotary speed that ensure improved overall drilling performance and reduced drilling costs (Galle and Woods 
1963; Edwards 1964; Young 1969; Reed 1972; Bourgoyne and Young 1974; Estes 1974; Lummus 1974). All of 


these methods require the use of mathematical models to define the effect of bit weight and rotary speed on pen- 
etration rate and bit wear. Methods are available for computing both the best variable bit-weight/rotary-speed 
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schedule and the best constant bit weight and rotary speed for the entire bit run. Galle and Woods (1963) have 
reported that the simpler constant-weight/-speed methods result in only slightly higher costs per foot than the 
methods allowing the bit weights and rotary speeds to vary as the bit dulls or encounters different formation char- 
acteristics. Reed (1972) indicated a difference of less than 3% in cost per foot between the variable-weight/-speed 
and the constant-weight/-speed schedules for the cases studied. 

One straightforward technique used with roller-cone bits to determine the best constant-weight/-speed schedule is to 
generate a cost-per-foot table. The cost per foot for various assumed bit weights and rotary speeds can be com- 
puted using the penetration-rate and bit-wear models. The best combination of bit weight and rotary speed, the 
best bit weight for a given rotary speed, or the best rotary speed for a given bit weight then can be read from the 
table, which corresponds to the minimum cost per foot. The use of the best bit weight for a given rotary speed may 
be desirable when the rotary-speed selection is limited by the rotary-power transmission system. The best rotary 
speed for a given bit weight may be desirable when the bit weight is limited because of hole-deviation problems. 


Example 6.14 A Class 1-3-1 bit will be used to drill a formation at 7,000 ft having a drillability of 20 ft/hr. The 
abrasiveness constant T, has a value of 15.7 hours, the bearing constant t, has a value of 22 hours, and the bearing 
exponents B, and B, are equal to 1.0. The formation pore-pressure gradient is equivalent to a 9.0-lbm/gal fluid, 
and the mud density is 10 lbm/gal. The bit costs USD 4,000, the operating cost of the drilling operation is USD 
5,000/hr, the time required to trip for a new bit is 6.5 hours, and 3 minutes are required to make a connection. Using 
a threshold bit weight per inch (W/db), of 0.5 and the values of a, through a, as given, compute the cost per foot 
that would be observed for W/db = 4.0, N = 60 rev/min, and a jet-impact force of 900 Ibf. 


a, a, a, a, a, a, a, 


0.000087 0.000005 0.000017 1.2 0.6 0.9 0.4 


Solution. Using Table 6.8 for a Class 1-3-1 bit, we obtain H= 1.84, H, = 6, and (WId,) max = 8.0. The value of 
J, as a function of bit weight and the rotary speed is given by Eq. 6.13: 


ey eh 7 1 


H 2 
wW —4 N +— 
d, max 2 


1.84 
J, = 0.250 eee oo : 
4d, N 
For W/d,= 4 and N = 60, J, has a value of 0.250. Using a final tooth dullness of 1.0, Eq. 6.14b gives 
(1) 
t, =J,Ty UE =4J,Ty- 


Substituting the values of t, and J, into this equation yields 


t, =s(15.)(02s| 2-2 (2) 


b 
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For W/d, = 4 and N = 60, the time required to reach a tooth dullness of 1.0 predicted by this equation is 15.7 
hours. 
The bearing life can be computed using Eqs. 6.18 and 6.19: 


ae) 
J, =| > , 
N Jw 


pain pena) 20{ 2 \ $2) 


W 


For W/d, = 4 and N = 60, the time required to completely wear the bearings predicted by this equation is 22 
hours. Evaluation of the multipliers f, through f, and f, yields the following: 


f, =20. 


2.303 ay (10,000—D 2.303 (0.000087 )(10,000—7,000 
f, = ea Lag 0000087) ) = 1,83. 


2.3034; D° (g,-9.0) 


f =e =1.0 for g, = 9.0. 


2303a, D(8,-p; 2.303(0.000017)(7,000)(9.0-10.0 
f,=e a D(¢, =. ( )(7,000)( ) = 0.76. 


F. ag 0.4 
fal -( a = 0.959. 
1,000 1,000 


Substitution of these values into Eq. 6.29 gives 


R = (AMAA AI) Fe) 


J, = (20)(1.83)(1.0)(0.76) (f,)(f,) (0.959) = 26.7(f5)(f,)- 


For W/d, = 4 and N = 60, both the bit-weight function f, and the rotary-speed function f, have a value of 1.0; 
thus, Ji has a value of 26.7. 
The footage drilled before tooth failure at 15.7 hours is given by Eq. 6.31b: 


-ah H, (1 ze Uh ahpa ) 
+ 6 


2 
a, a, 


—e 


AD=J, J, Ty 


Because the bit teeth will fail first, the final tooth dullness h is known to be 1.0. When the bearings fail first, it 
is necessary to compute A, for the known value of t, using Eq. 6.32. Solving the above equation for AD, we obtain 


je) 6[1-e -(0.9)e | 


ort (09) = 246 ft. 


AD =(26.7)(0.250)(15.7) 


This footage corresponds to approximately eight joints of drillpipe at 3 minutes per connection. The total connec- 
tion time is 
3 


t,= a =0.4 hours. 


The cost per foot for the bit run is given by Eq. 6.35 


cn Se tS, (t,+1,+1,) (4,000) +(5,000)(15.7 +6.5 + 0.4) 
AD (246) 


= USD 475.6 1/ft. 


This is the predicted cost per foot that corresponds to ending the bit run just before bit failure and is usually the 
minimum cost per foot for the bit weight and rotary speed assumed. However, to ensure that this is true, the cost per 
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foot corresponding to a slightly shorter bit life should be checked. For example, if the bit was pulled after 15 hours, 
the final tooth dullness, as computed from Eq. 6.32, is given by 


2 
2t 
h,= ! + 4 ! F 
H, H, J, Ty H, 


ys 0 laa ; ae 


The footage drilled for this value of h le would be 


g C0) 6 [1 — 9 (09)(0974) _ (0.9) (0.974) e (99)(0.974) ] 


oa (097 = 238 ft. 


AD = (26.7)(0.250)(15.7) 


The cost per foot after 15 hours of drilling time is given by 


Ja (4,000) + (5,000)(15.7 +6.5+0.4) 


= USD 491.60/ft. 
(238) 


Note that this cost per foot is slightly greater than the cost per foot corresponding to the maximum possible bit life. 
Analytical expressions for the best constant bit weight and rotary speed were derived by Bourgoyne and Young 
(1974) for the case in which tooth wear limits bit life. Eq. 6.35, the cost-per-foot equation, can be rearranged to give 


Ga. Ganr . 
AD\ C, 


Substituting Eq. 6.14a for t, and Eq. 6.31a for AD in this cost-per-foot formula yields 


hy 


—* +41, [(1+H,h)dh 


C= 
[Co (1+ H, h)dh 
0 


Taking Ie. =0 and solving yields 


w (w 
c A 
(E) a,- DE +a; J, T (1+ H, h)dh =0. EEEE EE ESEE (6.41a) 


Wy w 
d, max d, 


Taking oc = 0 and solving yields 
ON 
C, H, = 
tao eae AA a sp tsacen rier ncinidataeeaerbaner sioeianiies (6.41b) 


Solving these two equations simultaneously for W/d, gives the following expression for optimum bit weight: 


a;H, ta +d, (4) 
(=) = ee Ge crag stances BAG pen e Sota ates ia cee (6.42) 
opt 


aH, +a, 


d, 
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If the optimum bit weight predicted by this equation is greater than the flounder bit weight, then the flounder bit 
weight must be used for the optimum. The optimum bit life is obtained by solving either Eq. 6.41a or Eq. 6.41b 
for J, T, |(1+H,h)dh: 


t, -[ Se, +1, 2-1} eho g dota pt E aa pa Hp ten Repos ers ceo eee (6.43) 
C; dg 


The optimum rotary speed N „is obtained using the known value of t, in Eq. 6.14b, and solving for J,. N ee 
then can be obtained from J, using Eq. 6.13. This leads to the following expression for N 


1 
Ty d, max d, opt 
opt ; ko eaea a E A ie! a a Iota S 
» (W\) 4 
d, max 


Unfortunately, for the case where bit life is limited by bearing wear or penetration rate, such simple expressions 
for the optimum conditions have not been found, and the construction of a cost-per-foot table is the best approach. 
This type of calculation is most easily accomplished using a computer. 


Example 6.15 Compute the optimum bit weight and rotary speed for a Class 1-1-1 bit, which will be used to drill 
a formation at 9,000 ft that has a drillability of 40 ft/hr. The abrasiveness constant t, has a value of 38 hours. The 
threshold bit weight per inch is given as 0.5 x 10° lbf/in. and the flounder bit weight is known to be 60,000 lbf at 
60 rev/min. Bit cost is USD 6,000 and the cost of the drilling operation is USD 8,000/hr. Required time to trip is 
7 hours, and connection time per triple stand is 4 minutes. Determine the optimum WOB and rotary speed for this 
well if a, and a, are given as 1.2 and 0.6, respectively. 

Solution. Optimum bit weight (Eq. 6.42) and rotary speed (Eq. 6.44) can be determined using 


aH, (=) +a) 
ta = d, max d, t 
opt 


a;H, + a, 


b 


and 


_ T H d, max d, opt 
opt t k 
rW a 
d, max 


Because the bit is Class 1-1-1 (from Table 6.8), H, is equal to 1.90 and (=) is equal to 7.0. Therefore, optimum 
bit weight can be calculated as mak 


(=) _ (1.2)(1.90) (7.0) + (0.6) (0.5) AET 


b 


d, (1.2)(1.90) + (0.6) 
Because the flounder WOB is 60,000 Ibf, bit diameter can be estimated as 
_ 60,000 
” 7,000 


Thus, optimum WOB is equal to 48,390 Ibf. 
In order to estimate the optimum rotary speed, bit time ¢, has to be evaluated using Eq. 6.43. Bit time is 
given by 


H f 
pal tapag ey sg O A f : i) 17.69 hours. 
C a, 8,000 (90)4 60 min || 0.6 


r 


= 8.571 in. 
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Thus, optimum rotary speed is equal to 


1 
Per | ce ele ae ee 
opt 17.69 )\ 7.0-4 


So, the optimum WOB and rotation speed combination is 48,390 lbf and 59.03 rev/min, respectively. 


For PDC bits, optimization of drilling parameters is also possible. Wojtanowicz and Kuru (1987) introduced an 
optimization methodology for PDC bits, assuming a footage and determining the optimum operating conditions 
to maximize the ROP. Footage is defined as a function of rate of penetration R, which depends on many drilling 
parameters. 


AD = [R(W.NK, CnC, asi eeventohenee alert EEE a eE (6.45) 
0 


where W is weight on bit, N is rotation speed, K is drillability of the formation, and @ is dimensionless wear on 
cutters. Values of W and N are considered to be within the practical limits. The ROP equation defined in Wojtano- 
wicz and Kuru (1987) has the form 


R=K(W-W,)f(a)N*, a Wee tana Races, bate a es nese aie, ot ee ees eee ee mane (6.46) 


where W, is the threshold bit weight to maintain shearing, f (@ is the linear wear function of the cutters, and a is 
constant. The model proposed by Wojtanowicz and Kuru (1987) focuses on the minimum cost that will be achieved 
by using multiple bits, such that 


S i 6.47 
C= XS, eC. (1, +t, )] i aa ee ee ee ee eee ee eee eer ree (6.47) 


where n is the current bit and M is the total number of bits used. It is known that 


Optimum WOB and rotation speeds are selected on the basis of an iterative procedure that satisfies the condition 
for Eq. 6.47 of being minimum. 


Problems 

6.1 List the two main types of bits in use today. Also, list two subclassifications of each basic bit type and dis- 
cuss the conditions considered ideal for the application of each subclassification given. 

6.2 Discuss how cone offset, tooth height, and number of teeth differ between soft- and hard-formation in- 
sert-cutter bits. 

6.3 Discuss how blade count, cutter density, and cutter structure differ between soft- and hard-formation 
PDC bits. 

6.4 Discuss the primary mechanism of drilling for roller-cone bits and fixed-cutter bits. 

6.5 A rock sample is placed in a strength-testing machine at atmospheric pressure and compressed axially to 
failure. A force of 12,000 lbf was required for rock failure, and the cross-sectional area of the sample was 2.0 
in.? The sample failed along a plane that makes a 35° angle with the direction of the compressional loading. 
(a) Construct a Mohr’s circle using the two principal stresses present. 

(b) Compute the shear stress present along the plane of failure. 

(c) Compute the stress normal to the plane of failure. 

(d) Compute the angle of internal friction. 

(e) Compute the cohesive resistance of the material. 

(f) Label the parameters computed in the Steps (b) through (e) on the Mohr’s-circle construction. Using 
the Mohr criterion, compute the compressional force required for rock failure if the sample is placed 
under a 5,000-psi confining pressure. 

6.6 What is the best basis of comparison when trying to choose between two different bit types? 

6.7 The bit type currently used to drill a given formation consistently yields a drilling cost of approximately USD 
500/ft. You are sending a new experimental bit type to the field for evaluation in this formation. The new bit 
is expected to have a bit life of approximately 150 hours as compared with the usual bit life of 50 hours. The 
new bit costs USD 10,000 and the operating cost of the drilling operation is USD 7,500/hr. Trip time is 


6.8 
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approximately 10 hours for the depth of interest. Prepare a graph that shows the break-even cost of USD 500/ 
ft as a function of penetration rate and bit life to assist in the field evaluation of the new bit. Label the region 
of the graph that shows combinations of penetration rate and bit life that are not acceptable. If the initial 
penetration rate of the new bit during the first hour is 10 ft/hr, what would you recommend? 

Grade the bit shown in the photograph below (West et al. 2004). 


6.9 A 9.875-in. Class 1-1-1 bit drilled from a depth of 12,000 to 12,200 ft in 12 hours. The average bit 


weight and rotary speed used for the bit run were 40,000 lbf and 90 rev/min, respectively. When the bit 

was pulled, it was graded T-6, B-6. The drilling fluid was a barite-weighted clay/water mud having a 

density of 12 lbm/gal. 

(a) Compute the average formation-abrasiveness constant for this depth interval. 

(b) Estimate the time required to completely dull the bit teeth using a bit weight of 45,000 lbf and 
a rotary speed of 100 rev/min. 

(c) Compute the bearing constant for this depth interval. 

(d) Estimate the time required to completely dull the bearings using a bit weight of 45,000 lbf and a 
rotary speed of 100 rev/min. 


6.10 Why is cooling the cutters of PDC bits one of the major considerations during an operation? 


6.11 


6.12 


6.13 


Compute the bearing constant t, for the bit of Example 6.4. Use values of B| and B, recommended in 
Table 6.9. 

Field data obtained on 7.875-in., Series 6, roller-bearing bits at a rotary speed of 60 rev/min show an average 
bearing life of 32 hours for a bit weight of 5,700 Ibf/in. and 45 hours for 3,800 Ibf/in. Compute the apparent 
bearing weight exponent B, and the bearing constant q, for this bit type. 

Field data observed on 7.875-in., Series 6, sealed journal-bearing bits operating at a rotary speed of 60 rev/min 
show an average bearing life of 67 hours at 5,700 Ibf/in. and 100 hours at 3,800 Ibf/in. Compute the apparent 
bearing weight exponent B, and the bearing constant t, for this bit type. 


6.14 Field data observed on 7.875-in., Series 6, sealed journal-bearing bits operated with 4,000 to 5,000 Ibf 


6.15 


of bit weight per inch of bit diameter showed a medium bit life of 95 hours at a rotary speed of 60 rev/ 
min and 185 hours at 40 rev/min. Using an assumed value of 1.0 for B, compute the apparent values for 
B and t, from these observations. 

Field data obtained using 7.875-in., Series 6, sealed roller-bearing insert bits operated at 4,000 lbf per 
inch of bit diameter indicated an average bit life of 42 hours at a rotary speed of 60 rev/min and 55 hours 
at 40 rev/min. Compute the apparent values of B, and r,. 


6.16 Recommend values of B, and t, for 7.875-in., nonsealed, roller-bearing bits operated in oil muds, 


weighted clay/water muds (barite muds), and a clay/water mud containing H,S (sulfide mud). The rec- 
ommendation should be based on the laboratory bearing-wear data shown in the following table and 
conducted at a rotary speed of 60 rev/min. The bearing life was determined on the basis of 0.1-in. wear 
in the bearing races. 


Laboratory Bearing-Life Data Obtained at 60 rev/min 


Bit Weight/in. Bearing Life (hours) 
(1,000 Ibf/in.) Sulfide Mud Barite Mud Oil Mud 
3 14.0 48.0 = 
T5 17.5 80.0 


25.0 
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6.17 Field data obtained on 8.5-in. sealed roller-bearing insert bits are shown below. Use these data to obtain 
representative values of B,, B,, and qt, for this bit type. 


Bit Weight Rotary Speed Bearing Life 
(1,000 Ibf/in.) (rev/min) (hours) 
4 60 41 
6 60 30 
4 40 81 


6.18 Upon completing the drilling run using a diamond-core bit, the following data were recorded: outer 
diameter of bit = 47. in.; inner diameter of bit = 34 in.; diamond size = 0.4 carat/stone; average 
diamond density = 3.5 carat/in.’; total rotation time = 20 hours; WOB = 7,000 lbf; rotation speed = 250 
rev/min; and index of rock abrasiveness is 5.0x10-!° in.*/Ibf-in. Calculate the linear wear on the dia- 
monds. 

6.19 Determine the optimum bit life for the bit run described in the following table. The lithology is known 
to be uniform for the depth range of interest. The tooth wear parameter J, has a value of 0.15, the con- 
stant H, has a value of 7.0, and the bearing-wear parameter J, has a value of 0.56. The formation abra- 
siveness constant Ty has a value of 40 hours, and the bearing constant Ty has a value of 40 hours. The bit 
cost is USD 6,000, the rig-operating cost is USD 5,000/hr, and the trip time is 6 hours. 


Drilling Time t,+7 +t, Total Footage DD Remarks 
(hours) (ft) 
0 0 New bit 
2 30 
4 54 
6 73 
8 88 
10 104 
12 117 
14 127 
16 135 
18 142 
20 147 
22 151 Torque increase 


6.20 List the factors affecting penetration rate in Problem 6.19. 

6.21 A penetration rate in shale of 20 ft/hr was obtained using a mud density of 12 lbm/gal at a depth of 
10,000 ft. When the mud density was increased to 13 lbm/gal, the penetration rate was decreased to 
9.5 ft/hr for similar drilling conditions. Compute the apparent value of the overbalance exponent a,. 

6.22 The penetration rate in shale is observed to increase from 12 to 18 ft/hr when the bit weight is increased 
from 30,000 to 50,000 lbf. Compute the bit-weight exponent a,. 

6.23 Using the following drilloff-test data, evaluate the bit-weight exponent a, and the rotary-speed exponent 
a, The length of the 4.5-in., 16.6-Ibm/ft drillpipe is 12,000 ft. 

Test No. | (rotary speed = 120 rev/min) 


Bit Weight Elapsed Time 
(1,000 Ibf) (seconds) 
80 0 
76 104 


72 210 
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Bit Weight Elapsed Time 

(1,000 Ibf) (seconds) 
68 320 
64 436 
60 562 
56 704 
52 864 
48 1,045 


Test No. 2 (rotary speed = 80 rev/min) 


6.24 


6.25 


6.26 


6.27 


6.28 


Bit Weight Elapsed Time 
(1,000 Ibf) (seconds) 

80 0 

76 108 

72 228 

68 360 

64 506 

60 668 

56 848 

52 1,050 


The average penetration rate in shale is observed to drop from 18 ft/hr for a new bit to 11 ft/hr at the end 
of the bit run. The bit was graded T-6, B-7. Assuming that all variables other than tooth wear remained 
constant, evaluate the tooth-wear exponent a. 

A bit contains three '*/,,-in. nozzles, and the mud, which has a density of 10 Ibm/gal, is being circulated 
at a rate of 600 gal/min. The penetration rate is observed to decrease from 15 to 11 ft/hr when one of the 
two pumps is stopped temporarily, causing the circulation rate to fall from 600 to 400 gal/min. Compute 
the apparent hydraulics exponent a,. 

An 8.5-in. Class 1-1-1 bit operated at 35,000 lbf and 90 rev/min is drilling in a shale formation at a 
depth of 9,000 ft at a penetration rate of 30 ft/hr. The formation pore pressure is equivalent to a 9.0- 
lbm/gal mud, and the equivalent circulating density of the mud on bottom is 9.7 Ibm/gal. The com- 
puted impact force beneath the bit is 1,300 Ibf, and the computed fractional tooth wear is 0.4. Compute 
the apparent formation drillability f, for this bit type at 9,000 ft using a threshold bit weight of zero 
and the following values of a, through a,. 


a, a, a, as 4, a, as 


0.00009 0.000004 0.00002 1.2 0.6 0.4 0.4 


A diamond bit with a total blade length of 5.585 in. contains 200 stones of 1.0 carats that have a width 
of 0.0848 in. for a penetration of 0.01 in. Compute the expected penetration rate if sufficient bit weight 
for a 0.01-in. depth of diamond penetration could be maintained at a rotary speed of 100 rev/min. As- 
sume that the diamonds are shaped and arrayed so that the penetration is two-thirds the maximum 
penetration depth. 

A 9.875-in. diameter Class 1-1-1 bit will be used to drill a formation at 9,000 ft that has a drillability 
of 40 ft/hr. The abrasiveness constant T, has a value of 38 hours, and the bearing constant t, has a 
value of 22 hours. The formation pore-pressure gradient is equivalent to a 9.0-lbm/gal fluid gradient, 
and the weighted clay/water drilling fluid (barite mud) has a density of 9.7 lbm/gal. The bit cost is 
USD 6,000, the operating cost of the drilling operation is USD 8,000/hr, the time required to trip for 
a new bit is 7 hours, and 4 minutes is required to make a connection per 30-ft joint of drillpipe. Using 
a threshold bit weight per inch of 0.5 and the constants a,through a, given in Problem 6.26, compute 
the cost per foot that would be observed for (W/d,) = 4.5, N = 90 rev/min, and a jet-impact force of 
1,100 bf. 
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6.29 Compute the optimum bit weight and rotary speed for the bit described in Problem 6.28, assuming bit 
life is limited by tooth wear. Ignore the effect of connection time. The flounder bit weight is known to 
be 60,000 Ibf/in. 

6.30 After drilling for 24 hours, a footage of 384 ft has been achieved. The bit used has a cost of USD 
4,000. The bit will be replaced with a new one. Two different bit candidates are available, which are 
expected to give an 18-ft/hr and 21-ft/hr ROP. Bit costs are USD 6,000 and USD 10,000, respectively. 
The average rig-operation cost is USD 1,200/hr. Determine the more economical bit. 


Nomenclature 


aa, = exponents in the penetration rate equation 
A = area, in.” 
A, = area of bit, in 
A, = total diamond area in contact with the formation, in.” 
b p = final bearing wear at end of bit run 
B „B, = bearing-wear exponents 
c = cohesive resistance of material, psi 
C = cost per foot, USD/ft 
C = initial cost of bit, USD 
C, = concentration of diamond cutters, carats/in.? 
C, = average density of the face stones, carats/in.? 
C, = fixed operating cost of rig per unit time, USD/hr 
d = diameter, in. 
d, = diameter of bit, in. 
d, = diameter of cutter, in. 5 08 
d , = average diamond diameter, in. (if not known, d, = Aj 
. 4.99 
D = depth, ft 
D, = inner diameter of the bit, in. (if the bit is a core bit, D, #0, but if the bit is a drilling bit, D, = 0) 
D, = outer diameter of the bit, in. 
E = Young’s modulus of elasticity, psi 
F = force, lbf 
ff, = functions defining effect of various drilling variables 
F, = normal force on cutter, lbf 
p = formation pore-pressure gradient expressed as an equivalent fluid density, lbm/gal 
G = geometry constant for a given tooth design 
h = fractional tooth wear 
h, = final tooth wear at end of bit run 
H —H, = tooth-geometry constants used to predict bit tooth wear 
J,-J, = composite functions of bit weight and rotary speed used in penetration-rate, tooth-wear, and bearing- 


wear equations, respectively 
K = scaling constant 
L = length, in. 
L = initial height, in. 
L, = depth of penetration of drag-bit cutter, in. 


L, = height removed, in. 
L, = width cut by an individual diamond for a penetration Ly in. 
m = slope 
MSE = mechanical specific energy, psi 
n, = effective number of blades of drag bit 


n, = number of cutters 
N = rotary speed, rev/min 
N,. = Reynolds number 
p = pressure, psi 
r = radius, in. 
R = penetration rate, ft/hr 
R, = penetration rate at zero overbalance, ft/hr 
r, = formation resistance, psi 
s, = average diamond size, carats/stone 


~ nA 
> ~ 


= 
eS eS Ee eae 


> 
tE Dm UDR 


5 
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compressive strength of rock, psi 

size of diamond, carats/stone 

time, hours 

bit life, hours 

nonrotating time during bit run (e.g., connection time), hours 
fluid temperature, °F 

time of tripping operations required to change bit, hours 
cutting speed, m/s 

fluid velocity, ft/sec 

width, in. 

WOB, lbf 

linear wear, in. 

spatial coordinates 

bottom cutting angle, degree 

angle subtended by wear surface on PDC blank, degree 
depth interval drilled during bit run, ft 

axial strain 

angle of internal friction, degree 

viscosity, cp 

Poisson’s ratio 

apparent viscosity at 10,000 s"! 

mud density, lbm/gal 

equivalent circulating density, Ibm/gal 

normal stress, psi 

shear stress, psi 

bearing-life constant, hours 
formation-abrasiveness constant, hours 

shear strength, psi 

index of rock abrasiveness, in.*/(Ibf-in.) 

angle between failure plane, degree 

direction of principal stress 

instantaneous angular velocity in bit axis, m/s 
instantaneous angular velocity in cone axis, m/s 
resultant of Q, and Q,, m/s 


Subscripts 


a 
b 
b-e 
be 
bh 


apparent 
bit 
break-even 
effective blade 
bottomhole 
cutter 
circulating 
cone 
drillpipe 
effective 
equivalent 
formation 
initial 

jet 

journal 
maximum 
destructive 
slope 
modified 
normal to plane 
optimum 
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p = penetration 
pe = effective penetration 

r removed 

sS steel 

s = standard 

sS reference 

t threshold 
x,y = spatial coordinates or directions 
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SI Metric Conversion Factors 


ft x 3.048% E-Ol =m 
gal/min x 3.785412 E-03 =m*/min 
hp x 7.460 43 E-01=kW 
in. x 2.54% E+00 =cm 
in.2 x 6.451 6* E-00 =cm?* 
in.3 x 1.638706 E+01= cm’ 
lbf x 4.448222 E+00=N 

Ibm x 4.535924 E-Ol =kg 
Ibm/gal x 1.198264 E+02 = kg/m’ 
M x 4.448222 E+00 =N 


psi x 6.894757 E+00 =kPa 


*Conversion factor is exact. 


Chapter 7 


Casing Design 


John W. Barker andJim Powers, ExxonMobil and Robert F. Mitchell, Halliburton 


The purpose of this chapter is to present (1) the primary function of oil-well casing, (2) the various types of casing 
strings used, and (3) the procedures used in the design of casing strings. Tubing string design is not covered in 
this chapter. Design issues with drillpipe will not be included. 


7.1 Introduction 

Oil country tubular goods (OCTG) include casing, tubing, line pipe, and drillpipe. Casing serves several important 
functions in drilling and completing a well. It prevents collapse of the borehole during drilling and hydraulically 
isolates the wellbore fluids from the subsurface formations and formation fluids. It minimizes damage to the sub- 
surface environment by the drilling process and to the well by the hostile subsurface environment. It provides a 
high-strength flow conduit that directs the drilling fluid to the surface and, with blowout preventers (BOPs), 
enables the safe control of formation pressure. Selective perforation of properly cemented casing also permits 
isolated communication with a particular formation of interest. 

Tubing conducts well fluids from the formation to the wellhead. Line pipe is typically used in surface facilities 
to convey gas, oil, and water in both the oil and natural-gas industries. Line pipe is sometimes used in oil wells 
because it is available in larger sizes and is often needed for shallow oilwell strings. Drillpipe is used to drill wells, 
and it functions as a workstring that enables application of torsion, weight, and hydraulics during the drilling 
process. The function of drillpipe is very different from that of other types of OCTG, and design issues such as 
fatigue are more important. 

As the search for commercial hydrocarbon deposits reaches greater depths, the number and sizes of the 
casing strings required to drill and complete a well successfully have also increased. Casing has become one 
of the most expensive parts of a drilling program; studies have shown that the average cost of tubulars is 
approximately 18% of the average cost of a completed well (Greenip 1978). Therefore, an important respon- 
sibility of the drilling engineer is to design the least expensive casing program that will enable the well to be 
drilled and operated safely throughout its life. The savings that can be achieved through optimal design, as well 
as the risk of failure from an improper design, justify a considerable engineering effort in this phase of the 
drilling program. 

Fig. 7.1 shows a typical casing program for a well along the United States Gulf Coast. A well that will not 
encounter abnormal formation pore-pressure gradients, lost-circulation zones, or salt sections may require only 
conductor casing and surface casing to drill to the objective for the well. 

Conductor casing is needed to circulate the drilling fluid to the shale shakers without eroding the shallow sedi- 
ments below the rig and rig foundations when drilling is initiated. The conductor casing also protects the subsequent 
casing strings from corrosion and may be used to support some of the well load structurally. A diverter system can 
be installed on the conductor to divert flow from rig personnel and equipment in case of an unexpected influx of 
formation fluids to surface-casing depth during drilling. 

Surface casing prevents cave-in of unconsolidated weaker near-surface sediments and protects the shallow 
freshwater sands from contamination. Surface casing also supports and protects from corrosion any subsequent 
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30-in. conductor 200 ft 
20-in. conductor 600 ft 
133/8-in. 4,000 ft 
surface casing 
7-in. tapered 
to 5-in. liner 


tieback to surface 


95/s-in. 


: ; F 13,000 ft 
intermediate casing 

75/8-in. 17,000 ft 
drilling liner 

5-in. 

production casing 20,000 ft 


Fig. 7.1—Typical casing program. 


casing strings run in the well. In the event of a kick, surface casing generally makes it possible to contain the flow 
by closing the BOPs. 

The BOPs should not be closed unless the casing to which they are attached has been placed deeply enough into 
the Earth to prevent a pressure-induced formation fracture initiated below the casing seat from reaching the sur- 
face or mudline. Subsequent flow through such fractures eventually can erode a large crater, up to several hundred 
feet in diameter, at the surface or the mudline. Surface-casing setting depths are usually from 300 to 5,000 ft into 
the sediments. Because of the possibility of contamination of shallow water-supply aquifers, surface-casing set- 
ting depths and cementing practices are often subject to government regulations. 

Intermediate casing is usually required in deeper wells that penetrate abnormally pressured formations, lost- 
circulation zones, unstable shale sections, or salt sections. Intermediate casing is often referred to as “protective” 
or “drilling” casing. Some wells may require one or more strings of intermediate casing between the surface- 
casing depth and the final well depth. When abnormal formation pore pressures are present in the deeper portions 
of a well, intermediate casing is needed to protect formations below the surface casing from the pressures cre- 
ated by the required high drilling-fluid density. Similarly, when normal pore pressures are found below sections 
having abnormal pressure, an additional intermediate casing makes it possible to reduce the mud density to drill 
deeper formations economically. If a troublesome lost-circulation zone is encountered or an unstable shale or 
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salt section is penetrated, intermediate casing may also be required to prevent well problems when drilling below 
these zones. 

Liners are casing strings that do not extend to the surface, but are suspended from the bottom of the next larger 
casing string. A liner hanger (shown as Kl) is used to suspend the top of the liner in the larger casing size; the liner 
hanger often can seal the annulus between the liner and the larger casing size. Several hundred feet of overlap 
between the liner hanger and the casing seat is typical and will provide enough length that in the event a seal is not 
effective in the liner hanger, a cement seal can be obtained in the overlap length. The principal advantage of a liner is 
its lower cost. However, problems sometimes arise if a hanger fails to suspend the liner correctly or if a seal between 
the liner and the larger casing is not effective. Moreover, using a liner exposes the casing string above it to additional 
wear during subsequent drilling. A drilling liner can be used either as an intermediate casing (in that it serves to 
isolate troublesome zones that tend to cause well problems during drilling operations) or as production casing. 

Production casing is usually the final casing string set in a well. It comes in contact with formation fluids below 
the production packer and with the completion fluid (packer fluid) in the tubing-casing annulus above the produc- 
tion packer. This casing string provides protection for the environment in the event of a failure of the tubing string 
during production operations and enables the production tubing to be replaced or repaired later in the life of a 
well. A production liner is a liner that is set at total depth and is usually exposed to formation fluids below the 
production packer and to packer fluid above the production packer. Production liners are generally connected to 
the surface wellhead using a tieback casing string when the well is completed. The tieback casing is connected to 
the top of the liner with a specially designed seal. Production liners with tieback casing strings are advantageous 
when exploratory drilling below the productive interval is planned. Casing wear resulting from deeper drilling 
operations then affects only the production liner, not the production tieback. Use of a production liner with a tie- 
back casing string also results in lower-hanging weights in the upper part of the well and thus often enables a more 
economical design. 


7.2 Casing Manufacture 

The tubular manufacturing process begins with placing iron ore, limestone, and coke in a blast furnace, where 
they are heated. Pig iron is produced, which is rich in carbon. The molten pig iron is then placed into a special 
furnace, often with scrap steel. This special furnace uses oxygen to heat the iron and further reduce its carbon 
content. Carbon is the primary alloying agent used to increase the strength of iron. Other alloying elements such 
as molybdenum and chrome are often added to adjust the chemical composition of the molten steel and to impart 
specific metallurgical properties. The molten metal is then made into billets, which are essentially solid bars. The 
strength of the final steel depends on its chemical composition as well as on the mechanical and thermal processes 
used when the billet is formed into a casing tube. 

The two basic processes used in the manufacture of OCTG tubes are the seamless process and the electric- 
resistance-welding (ERW) process. In the seamless process, a hot billet is fed between two obliquely oriented 
rollers that rotate, advance the billet, and apply a very high compressive load. The center of the billet is fractured 
by the high compressive stresses induced at the center of the billet by the rollers. Then a central piercing plug is 
used to open the fracture to form a tube (Fig. 7.2). The hot pierced tube is then processed through various plug 
mills and sizing mills (either hot or cold) to form a tubular of a given wall thickness and with uniform pipe dimen- 
sions and roundness. Most types of OCTG are manufactured by the seamless process. The very-high-alloy steels 
used require unique specialized manufacturing processes. 

In the electric-welding process, a billet is formed into flat-sheet steel stock of a specified wall thickness. After 
being cut to a specified width, the flat stock is then formed into a circular shape by passing it through a series of 
rollers. A single longitudinal seam is then electric-resistance or electric-induction welded, typically without the 
addition of filler material. The welding process on the two edges is typically performed by mechanically pressing 
the two edges together, and the heat for welding is generated by resistance to flow of electric current. Excess 
material formed in the welding process is then trimmed to leave a uniform OD (OD) and ID (ID). The American 
Petroleum Institute (API) and International Standards Organization (ISO) have special chemical requirements for 
the steel used to make higher-strength ERW OCTG. 

Low-strength steels can be manufactured solely by adjustment of steel chemistry and may not require additional 
heat-treatment processes to improve the steel strength and mechanical properties. These steels are typically called 
carbon steels. Examples of low-carbon steels include common structural steel and railroad rail. Higher-strength 
steels are manufactured both by adjustment of the steel chemistry and by a heat-treatment process. Sometimes 
these steels are called carbon steels, but they are technically low-alloy steels because they contain carbon and 
manganese and frequently other alloying elements such as chromium, nickel, and molybdenum. Higher-strength 
OCTG usually incorporate some form of heat treatment to achieve the desired strength while maintaining the 
toughness and ductility of the steel. 
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Billet 


Plug 


Fig. 7.2—Manufacturing of seamless casing. 


Three heat-treatment processes are typically available for carbon and low-alloy steels. These processes can be 
used for either seamless or ERW tubes and are 


e Quench and tempering: heating the tube to roughly 1,600°F, cooling rapidly with water or oil, heating to 
roughly 1,200°F, and then air-cooling. 

e Normalizing and tempering: heating the tube to approximately 1,600°F, air-cooling, heating to approxi- 
mately 1,000°F, and air-cooling. 

e Normalizing: heating the tube to approximately 1,700°F and then air-cooling. 


The quenching and tempering process is generally viewed as the best heat-treatment process and is required to 
achieve higher strength levels. 

Very-high-alloy steels are often called corrosion-resistant alloys (CRAs). These steels often are manufactured 
using particular processes to obtain the desired final material properties. For example, they may be cold-worked 
rather than heat-treated to increase yield strength. 


7.3 Casing Standardization 

API and ISO have developed standards for casing and other tubular goods that have been accepted internationally 
by the petroleum-producing industry. Casing is defined as tubular pipe with an OD range of 4.5 to 20 in. Among 
the properties included in the API and ISO standards (API Spec. 5CT/ISO 11960 2005) for both pipe and cou- 
plings are strength, physical dimensions, and quality-control test procedures. In addition to these standards, API 
and ISO provide bulletins on the recommended minimum performance properties (API Bull. 5C2 1999) and for- 
mulas (API TRC 5C3 2008) for the computation of minimum performance properties. 


7.3.1 Grade. API and ISO have adopted a grade designation for casing to define the strength characteristics of 
the pipe. The grade code consists of a letter followed by a number. The number designates the minimum yield 
strength of the steel in thousands of psi. The yield strength is defined as the tensile stress required to produce a 
specified total elongation per unit length on a standard test specimen. This strain is slightly beyond the elastic 
limit. Because there are significant variations in the yield strengths measured for manufactured pipe, a mini- 
mum yield-strength criterion, rather than an average yield strength, has been adopted. In addition to specifying 
the minimum acceptable yield strength of each grade of casing, API and ISO specify the maximum yield 
strength, the minimum tensile strength, and the minimum elongation per unit length at failure (Table 7.1). The 
letter designation in the grade was selected arbitrarily to provide a unique designation for each grade of casing 
described in the standards. The letter designation is also used to distinguish between various tensile-strength 
requirements or different heat-treatment methods used on casing with the same minimum yield strength. 


7.3.2 Chemical Requirements. The steel used in casing and couplings must conform to certain chemical re- 
quirements. All grades of steel used in API and ISO casing and tubing have a specified maximum sulfur and 
phosphorus content, expressed as a percentage of total weight. Higher grades of steel can have several additional 
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TABLE 7.1—API STEEL GRADES 
Yield Stress (psi) 

API Minimum Ultimate Minimum 
Grade Minimum Maximum Tensile Strength (psi) Elongation (%) 
H—40 40,000 80,000 60,000 29.5 
J-55 55,000 80,000 75,000 24.0 
K-55 55,000 80,000 95,000 19.5 
N-80 80,000 110,000 100,000 18.5 
L-80 80,000 95,000 95,000 19.5 
C-90 90,000 105,000 100,000 18.5 
C-95 95,000 110,000 105,000 18.5 
T-95 95,000 110,000 105,000 18.0 
P-110 110,000 140,000 125,000 15.0 
Q-125 125,000 150,000 135,000 18.0 


TABLE 7.2—CHEMICAL REQUIREMENTS FOR SELECTED 
API CASING GRADES, MASS FRACTION PERCENT 


Carbon Manganese Molybdenum Chromium Nickel Copper Phosphorus Sulfur Silicon 
Grade Type Maximum Maximum Minimum Maximum Minimum Maximum Maximum Maximum Maximum Maximum Maximum 


H-40 0.030 0.030 — 
K-55 0.030 0.030 — 
N-80 0.030 0.030 — 
L-80 1 0.43° 1.90 0.25 0.35 0.030 0.030 0.45 
c-90 1 0.35 1.00 0.25° 0.75 — 1.20 0.99 — 0.020 0.010 — 
C-90 2 0.50 1.90 — NL — NL 0.99 — 0.030 0.010 — 
C-95 1 0.45° 1.90 0.030 0.030 0.45 
T-95 1 0.35 1.20 0.25° 0.85 0.40 1.50 0.99 — 0.020 0.010 — 
T-95 2 0.50 1.90 0.99 — 0.030 0.010 — 
P-110 0.030° 0.030 — 
Q-125 1 0.35 1.00 — 0:75 — 1.20 0.99 — 0.020 0.010 — 
Q-125 2 0.35 1.00 — NL — NL 0.99 — 0.020 0.020 — 
Q-125 3 0.50 1.90 — NL — NL 0.99 — 0.030 0.010 — 
Q-125 4 0.50 1.90 — NL — NL 0.99 — 0.030 0.020 — 


Notes: (a) The carbon content for L-80 may be increased up to 0.50% maximum if the product is oil-quenched. 
(b) The carbon content for C-95 may be increased up to 0.55% maximum if the product is oil-quenched. 
(c) The molybdenum content for C-90, type 1, has no minimum tolerance if wall thickness is less than 0.700 in. 
(d) The molybdenum content for T-95 type 1, may be decreased to 0.15% minimum if the wall thickness is less than 0.700 in. 
(e) For electric welded grade P-110, the phosphorus content shall be 0.020%. 
NL = No limit; elements reported in product analysis. 


chemical-composition requirements for carbon, manganese, molybdenum, chromium, nickel, copper, and silicon. 
Table 7.2 lists the chemical-composition requirements for several common steels. 

Some casing grades have the same numeric code, but a different letter code. Several API and ISO grades are 
also available in different types, all with the same numeric code. The differences between these grades, which 
have the same minimum yield strength, include differences in maximum yield strength, chemical requirements, 
and other properties. In some cases, controlling the often slight variations in these properties is necessary to 
ensure that the casing will fulfill a special service requirement such as installation in a highly corrosive or cold 
environment. 

Higher steel grades also have hardness specifications and Charpy V-notch impact-test requirements. These 
requirements ensure that the steel is not brittle and will not fail by brittle cracking. Physical testing of particular 
specimens taken from specific locations and orientations is necessary to meet this API requirement. Other require- 
ments for grain size, straightness, flatness, and surface condition are included in API and ISO specifications. 

API and ISO have additional requirements for special materials containing higher alloying agents than those 
in the most common types of OTCG. Increased percentages of alloying agents may cause some OCTG to be 
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more resistant to corrosion. Many downhole environments are very harsh and corrosive. In addition to the API 
and ISO grades, there are many proprietary steel grades that may or may not conform to all API and ISO speci- 
fications and are widely used in the petroleum-producing industry. These steel grades are used for special 
applications that require very-high-tensile-strength or high-strength steels that are more resistant to corrosion 
and hostile environments. 


7.3.3 Dimensions. The API and ISO standards recognize three length ranges for casing. Range | (R-1) 
includes joint lengths from 16 to 25 ft. Range 2 (R-2) covers the 25- to 34-ft range, and Range 3 (R-3) the 
34- to 48-ft range. These standards also specify that when casing is ordered from the mill in amounts greater 
than one carload, 95% of the pipe must have lengths greater than 18 ft for R-1, 28 ft for R-2, and 36 ft for R-3. 
In addition, 95% of the shipment must have a maximum length variation no greater than 6 ft for R-1, 5 ft for 
R-2, and 6 ft for R-3. Casing is run most often in R-3 lengths to reduce the number of connections in the string. 
Because casing is made up in single joints, R-3 lengths can be handled easily by most rigs. Use of a consistent 
range of casing lengths in a string is desirable to facilitate casing-running operations. Typically, casing is 
purchased and used in longer lengths than those of tubing because most drilling rigs have bigger, taller der- 
ricks than workover rigs. 

To meet API and ISO specifications, the OD of casing must be held within a tolerance of 1.0% larger to 0.5% 
smaller than the nominal dimension. However, casing manufacturers will generally try to manufacture casing 
slightly larger than the nominal OD to ensure adequate thread run-out when machining a connection. The mini- 
mum permissible pipe-wall thickness permitted by API and ISO specifications is 87.5% of the nominal wall thick- 
ness. Casing, however, usually has an average wall thickness close to the nominal wall thickness, resulting in an 
ID near the nominal ID. 

The minimum ID is also controlled by a specified drift diameter—the minimum mandrel diameter that must 
pass unobstructed through the pipe. Drift mandrels have an OD that is determined by subtracting a given tolerance 
from the calculated ID. The tolerance used to determine the drift-mandrel diameter varies depending on casing 
size (Table 7.3). The length of a casing drift mandrel is 6 in. for casing sizes from 4.5 to 8.625 in. For larger 
casing sizes, a 12-in.-long drift mandrel must be used. The drift mandrel is not long enough to ensure a straight 
pipe, but it will ensure the passage of a bit size that is less than the drift diameter. 

In some instances, it is desirable to run casing with a drift diameter slightly greater than the API and ISO drift 
diameter for that casing size. In these instances, casing that has passed an oversized drift mandrel can be specially 


TABLE 7.3—CASING DRIFT DIAMETERS 


API 
Standard API 
Drift Nominal Alternate 


Diameter Size (in.) | weight/ft or Special Drift-In 


41/2 
5 
51/2 
65/8 
d-1/8 in. 7 23.0 6.250 
7 32.0 6.000 
75/8 
85/8 32.0 7.875 
85/8 40.0 7.625 
95/8 40.0 8.750 
95/8 53.5 8.500 
95/8 58.4 8.375 
103/4 45.5 9.875 
d—5/32 in. 103/4 55.5 9.625 
113/4 60.0 10.625 
113/4 65.0 10.625 
133/8 72.0 12.250 
133/8 76.0 


16 
d—3/16 in. 185/8 
20 
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ordered. Some of the more commonly available oversized drift diameters are given in Table 7.3. When non-API 
and non-ISO drift requirements are specified, they should be made known to the mill, the distributor, and the 
threading company before the pipe is manufactured. 

Casing size (i.e., OD) and nominal wall thickness can be used to specify casing dimensions. However, it is 
conventional to specify casing dimensions by size and weight per foot. In discussing casing weights, one 
should differentiate between nominal weight, plain-end weight, and average weight for threads and cou- 
plings. The nominal weight per foot is not a true weight per foot, but is useful for identification purposes as 
an approximate average weight per foot. The plain-end weight per foot is the weight per foot of the pipe 
body, excluding the threaded portion and coupling weight. The average weight per foot is the total weight of 
an average joint of threaded pipe with a coupling attached power-tight at one end, divided by the total length 
of the average joint. In practice, the average weight per foot is sometimes calculated to obtain the best pos- 
sible estimate of the total weight of a casing string. However, the variation between nominal weight per foot 
and average weight per foot is generally small, and most design calculations are performed with the nominal 
weight per foot. Methods to calculate the thread and coupled weight of a casing joint are available in APJ TR 
5C3 (2008). 

Although there are no industry standards for the density of steel used to manufacture casings, low-alloy steels 
used for this purpose have a density of approximately 490 lbm/ft* or 0.2836 lbm/in.*. The plain-end weight for 
API/ISO casing is tabulated in API Spec. 5CT/ ISO 11960 (2005). CRA materials can have a slightly different 
density than low-alloy steels. For example, API 13 Cr weighs approximately 485 lbm/ft* or 0.2805 Ibm/in.*, and 
some very-high-alloy steels have specific weights as high as 540 lbm/ft*. 

API and ISO also have specifications for some casing connections. These specifications include dimensions, 
tolerances, manufacturing methods, mechanical properties, and special hostile-service testing. These will be cov- 
ered in more detail in Section 7.8. 


7.4 Line Pipe 

Line pipe is typically used in production operations, including pipelines and flowlines, and in refineries and 
plants. The majority of line pipe is welded into longer lengths rather than using connections. There are API and 
ISO specifications for couplings used with line pipe up to 20 in. OD. Typically line pipe with couplings are not 
used in oil wells, but occasionally larger sizes of line pipe are used for conductor strings and even surface-casing 
strings. Often line pipe used in these applications is welded or has special machined connectors welded to plain- 
end pipe. API and ISO have specifications for line pipe, and line pipe is manufactured from as small as 1% in. OD 
to as large as 80 in. OD. Line-pipe sizes of 12 in. or less have an actual OD larger than the nominal size. For 
example, a 6-in. nominal line pipe is actually 6% in. OD. For line pipe larger than 12 in., the nominal size is the 
actual OD. 

Manufacturing processes and chemical-property requirements for line pipe are different from those for casing. 
Chemical specifications for line pipe can be more restrictive than for casing because line pipe typically has welded 
connections. Although some line pipe is manufactured using the seamless process, the majority of line pipe is 
manufactured with one or more welded seams, which are created by electric welding, submerged-arc welding, or 
gas-metal arc-welding processes. Heat-treatment processes can be the same as for casing, but can also include 
other heat-treatment and manufacturing processes such as cold expansion. 

Table 7.4 presents a list of the various grades of line pipe specified by API and ISO, along with minimum 
yield strength and ultimate tensile strength requirements. As for casing and tubing, the OD is specified, and the 
ID is governed by the OD and the weight tolerances. Unlike the specifications for casing and tubing, API Spec. 
SL (2007) includes several wall-thickness tolerances for line pipe that are dependent on grade, manufacturing 
process, and OD. These tolerances are also included in Table 7.4. 

API TR 5C3 (2008)/ISO 10400:2007(E) (2007) include formulas for calculating the performance proper- 
ties of casing and line pipe. Generally, the API formulas for the performance properties of casing should 
provide reasonable estimates for the performance properties of line pipe with yield strength and d/t ratio 
falling within the size and thickness limits given in the API and ISO specifications. However, API Spec. 5L 
addresses line pipe with yield strength and d /t ratios that often significantly exceed the casing d//t 
ratios, and therefore the collapse and pipe-body yield-strength formulas developed for casing may not be 
applicable. 


7.5 Strength of Materials 

Many of the performance properties of casings are based on the strength of the steel. It is important 
to understand how the strength of a steel is measured. Moreover, other properties of a steel, such as hardness, 
toughness, and service temperature, can have an impact on the proper application of a steel. Most oilwell tubulars 


392 Fundamentals of Drilling Engineering 


TABLE 7.4—API/ISO LINE PIPE SPECIFICATIONS 
API/ISO Line Pipe Specifications Line Pipe Wall Thickness Tolerance 
Minimum Ultimate Wall Thickness Tolerance % 
ner : Tensile Strength (ksi) 
Minimum Yield Grades 
Grade Strength (ksi) Minimum Maximum OD (in.) A,B,A-25 X-42 through X-80 
A-25 25 45 2.875 and smaller +20.0 +15.0 
A 30 48 -12.5 -12.5 
B 35 60 
X-42 42 60 3:9 +18.0 +15.0 
X-46 46 63 -12.5 -12.5 
X-52 52 66 
X-56 56 71 4 through 18 +15.0 +15.0 
X-60 60 75 -12.5 -12.5 
X-65 65 77 
X-70 70 82 > 20 welded +17.5 +19.5 
X-80 80 90 120 —10.0 —8.0 
seamless +15.0 +17.5 
-12.5 -10.0 
Note: Weld area not limited by plus tolerance 


are placed into a highly complex combination of many types of loads, which can require special analysis tech- 
niques to ensure that the combined stress does not result in failure. 


7.5.1 Tensile Test. The strength of a material is its ability to support a load and is generally measured using a 
uniaxial tensile test. In this test, a machined test specimen with a gauge length of known cross-sectional area is 
pulled in tension until failure. The applied load and corresponding specimen extension are measured and con- 
verted into stress and strain values. The following equations are used to calculate nominal (or engineering) stress 
and strain and to draw the engineering stress-strain curve. An example of a nominal stress-strain curve for a low- 
alloy steel is shown in Fig. 7.3. 


Engineering stress and strain are based on the original cross-sectional area and length of the sample. Engineering 
stress and strain are not the true stress and strain applied to the specimen because they do not account for changes 
in cross-sectional area or incremental increases in length that occur during the uniaxial tensile test. The true stress 
is the force applied to the sample divided by the current area of that sample. The true strain is based on the current 
length of the sample. 

At relatively low values of strain, the relation between stress and strain is linear for many materials, including 
most steels. This relationship is described by Hooke’s law: 


The proportionality constant is the elastic modulus (£), also known as Young’s modulus. The elastic modulus is a 
measure of the stiffness of the material; high-modulus materials require more stress to achieve a given deforma- 
tion. The elastic modulus of steel is approximately 30,000 ksi. 

At the beginning of a tensile test, the deformation (strain) of the specimen increases linearly with the applied 
load (stress). At these loads, the specimen exhibits elastic behavior; if the load is removed, the specimen returns 
to its original length along the same stress-strain path. At a certain strain, the specimen deviates from the linear 
stress-strain relationship, but still exhibits elastic behavior. The point of deviation from linearity is called the 
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proportional limit. At slightly higher strain, the specimen begins to experience permanent plastic deformation 
with increasing load. This transition point is called the elastic limit or yield point. 

Plastic deformation of a material is known as yielding. Because the yield point can be difficult to determine 
from load-displacement data, the yield strength or proof stress is an engineering definition of the stress value at 
which the specimen begins to exhibit plastic deformation. The yield point and the yield strength of a material are 
different. Two methods are commonly used to calculate yield strength. API and ISO define the yield strength of 
OCTG as the tensile stress required to produce a specified elongation (or strain), which is typically between 0.5 
and 0.65% of total elongation. The other common method is the offset method, which defines yield strength as the 
tensile stress required to produce a specified plastic strain, most typically 0.2%. 

After the specimen passes the yield point, it deforms plastically. A perfectly plastic material would exhibit a 
plateau at the yield strength, but for metals, the tensile stress applied to the specimen continues to increase, al- 
though the specimen is now yielding. The material becomes stronger as it deforms, a behavior known as strain 
hardening or work hardening. The engineering stress and strain will continue to increase until the stress reaches 
its peak value—the tensile strength. 

The specimen does not break immediately upon reaching its tensile strength. Instead, the strains become highly 
localized, and the stress required per unit of strain decreases. The local straining of the specimen under this plas- 
tic instability condition is called necking. The specimen continues to neck until it finally fractures. The permanent 
extension, or plastic elongation, of the specimen at failure is a measure of the ductility of the material. For steel 
OCTG, plastic elongation typically exceeds 20%. 

For carbon and low-alloy steels, the mechanical properties are the same in all directions. This condition is called 
isotropy. Some highly alloyed corrosion-resistant alloys are cold-worked after being formed, and this can result 
in significantly different yield strengths in different tangential, radial, or axial directions. This condition is called 
anisotropy. 

Most classic design methods never permitted a material to be stressed beyond its yield point. Safety factors 
were typically used to ensure that working stresses remained below the yield point or yield strength. In more re- 
cent years, stresses and deformations in the plastic range of a material have been permitted in certain situations. 

Engineering materials are often referred to as either ductile or brittle. Ductility is the property that allows the 
development of deformation under the application of stress. A ductile material has a relatively large tensile strain 
up to the point of rupture. A brittle material, on the other hand, has a relatively small strain up to the point of 
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Fig. 7.3—Stress-strain behavior of steel. 
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failure. A measure of ductility is the percentage elongation of a specified length after fracture. A large percentage 
elongation indicates high ductility. 


7.5.2 Hardness. Technically speaking, hardness is the ability of a material to resist indentation. In a hardness 
test, a small (~1 mm) indenter is forced into the test material at an applied load. The size of the indentation is used 
to calculate the hardness value. The hardness scale used depends on the strength of the material; Brinell and Rock- 
well C (HRC) are the most commonly used scales for OCTG. 

Hardness is a useful property because it correlates with tensile strength. High-hardness steels also have high 
strength. Because hardness indentations are small, hardness measurements are frequently used to characterize 
local variations in material properties. Consistent hardness measurements indicate consistent tensile properties. 
API and ISO have requirements for the location and orientation of samples taken from OCTG for hardness testing 
and specify maximum hardness values as an indicator of fitness for service for some steels. Table 7.5 includes 
typical hardness ranges for some API and ISO grades. 


7.5.3 Toughness. The toughness of a material is its ability to absorb energy and resist brittle fracture. Brittle 
fracture is catastrophic and can be manifested at stresses below the yield strength of the material. Brittle materials 
have low toughness because they experience only small plastic deformations before fracture. Generally, toughness 
decreases with increasing yield strength. Temperature can have a significant impact on the toughness of carbon 
and low-alloy steels. Toughness is usually measured using the Charpy impact test at a specified temperature. 
Elongation requirements are also a measure of ductility and are used to ensure adequate toughness. 

The Charpy test measures a material’s resistance to a sudden intense impact load. In the test, a heavy pendulum 
swings through its arc and breaks a V-notched specimen. The impact energy of the sample is a measure of the 
potential energy absorbed by the sample during failure. This energy is a measure of the toughness of the material 
and is called the Charpy impact energy or Charpy toughness. Toughness is measured in ft-lbf, and high impact 
energy indicates high toughness. 

Two other specimen characteristics are measured in the Charpy test: percent shear area on the fracture surface, 
and percent lateral expansion. Percent shear area describes the morphology of the fracture surface—a specimen 
exhibiting a large percent shear area fractures in a more ductile (rather than brittle) manner. In ductile behavior, a 
specimen exhibits a relatively large amount of lateral-expansion deformation during fracture. Specifications for 


TABLE 7.5—TYPICAL HARDNESS RANGES FOR CASING 
Rockwell C-Scale (HRC) Hardness 
Grade 
(All Types) Minimum Maximum” 
H-40 — — 
K-55 13 24 
N-80 15 29 
L-80 15 23 
C-90 18 25.4 
T-95 18 25.4 
C-95 17 28 
P-110 28 35 
Q-125 30 38°) 
Note: 
(a) API requirements shown in bold 
(b) No hardness limits specified for this grade, but maximum hardness 
variation is restricted during manufacturing. Charpy toughness 
requirements. 


Casing Design 395 


Charpy testing include required impact energy and percent shear, but typically no requirements for lateral expan- 
sion are included. 

Although the Charpy impact energy is not a rigorous measurement of fracture toughness, it is very useful for 
quality-assurance testing of OCTG. Because toughness tends to decrease with increasing strength, Charpy tests 
are frequently required to verify the toughness of high-strength OCTG such as Q125. API and ISO have require- 
ments for the location and orientation of samples taken from OCTG for Charpy testing and specify a minimum 
impact toughness as an indicator of fitness for service. 


7.5.4 Effect of the En vironment on Mechanical Pr operties. Temperature can have a dramatic effect on the 
mechanical properties of materials. As temperature increases, yield strength, tensile strength, and stiffness de- 
crease, while ductility increases. Temperature effects on strength need to be considered for high-temperature 
wells. For example, at 300°F, the yield strength of steel can be reduced to approximately 90% of the room- 
temperature value. Steel manufacturers can provide more precise information on yield-strength reduction associ- 
ated with elevated temperature. 

Toughness is also strongly affected by temperature. Most low-alloy steels exhibit a nearly constant low toughness 
value at low temperatures and a nearly constant high toughness value at high temperature, connected by a nearly 
linear transition region. The transition temperature is the temperature below which a material exhibits 15 ft-lbf impact 
energy or 50% shear area. Materials are considered brittle when they are below their transition temperature. Because 
toughness is such a strong function of temperature, toughness is a significant design criterion for cold-temperature 
design. Charpy tests must be conducted below the coldest anticipated service temperature to verify that the selected 
materials have sufficient toughness for the application. The presence of hydrogen sulfide (H,S) also can reduce the 
toughness of steel OCTG. 


7.5.5 Combined Stresses. Loading conditions in an oil well are a highly complex combination of many types of 
loading, including loads from the environment and loads from temperature changes. Although a tensile test uses a 
gradually increasing uniaxial loading to determine the strength of a steel, the design problem with tubulars is how to 
predict the stress in the tubular when the tubular is subjected to biaxial or triaxial stresses, not just uniaxial stresses. 
Fig. 7.4 shows the principal stresses that can exist at any point in a tubular as a result of the combined actions of 
internal, external, and axial loading. In a tubular, the stresses act in three orthogonal directions: axial, radial, and 
tangential. Axial stresses act parallel with the axis of the tube, radial stresses act through the wall thickness, and 
tangential stresses act around the tube. The tangential direction is also often referred to as the “hoop” or “circumfer- 
ential” direction. For a tubular, these three stress directions are the directions of maximum stress and therefore are 
the maximum principal stresses. The Lamé equations for thick-walled pressure vessels can be used to calculate the 
radial and tangential principal stresses when there is no bending or torsion (Timoshenko and Goodier 1970). At any 
radius, r, between the inner radius, r,, and outer radius, r , the Lamé equations are 
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where g, and o, are the radial and tangential stresses at radius z. Note that in these equations, the outer radius is 
typically based on the nominal OD and the inner radius is based on the maximum ID with the permissible wall 
thickness under tolerance. To be conservative, the inner radius typically is based on the maximum ID according 
to these calculations. 

The total axial stress, o., in a tube is the result of tension or compression loads, om and bending stresses, O, It 
can be calculated using the following equation: 


o, =0,Ł0, 
o =F 
a A, 
PO Aes. aaacteua nes Pena one G see a Oeste MOS cach s ae nee Pace aoe en ae feast (7.5) 


The bending stress, O,, will be defined later. In most cases, the cross-sectional area of the steel in this equation is 
based on the nominal inside and OD of the tubular. Bending stresses due to hole deviation, doglegs, or buckling 
are superimposed on or added to the axial stress. Bending stresses are positive (indicating tension) or negative 
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Fig. 7.4—Stresses in a pipe. 


(indicating compression), depending on where the stress is computed in the pipe body. Equations for calculating 
bending stresses will be covered in Section 7.6. Note that the steel cross-sectional area used in this equation is 
based on the nominal outside and IDs of the tube. 

As many as eight theories have been developed that predict a material’s failure or yield behavior when several 
types of loading and the resulting stresses are present (Boresi and Schmidt 2002). One commonly used method is 
based on the Huber-von Mises-Hencky theory. This theory, also known as the maximum-distortion-energy theory, 
predicts that failure by yielding will occur when the strain energy of distortion per unit volume of the tube in a 
triaxial stress state is equal to the strain energy per unit volume that causes yielding in a standard uniaxial test 
specimen. In simpler terms, this method combines tangential, radial, and axial principal stresses into a single 
stress-equivalent term, which is then compared to the minimum yield strength of the steel as determined from a 
simple uniaxial tension test. The stress at a point in the tubular using this theory can be calculated using the fol- 
lowing equation: 

20,2 =(0, =O) HGH CYP PG = Gy. herinni e Ao aba ENEE EIO RE ndusee (7.6) 


vm 


Notice that Eq. 7.6 is independent of hydrostatic pressure, because if we add pressure to each term in Eq. 7.6, the 
pressures cancel each other out. If we substitute Eqs. 7.4 and 7.5 for the radial and hoop stresses into Eq. 7.6, we 
get the following result: 


vm A? Ari 
F =R =PA PAS —_ mre E nE AAI A REE EE TENO TERANE N (7.7) 


F, is called the effective tension, and we will have further use of it when we study the effects of fluid forces 
on casing design. We can plot the results of this equation as a graph of effective tension vs. the pressure increment 
P,- P.. (Fig. 7.5). Note that the maximum von Mises stress occurs at the inner radius of the pipe, r = r, When 
there is bending, however, the bending stress varies with radius, so the inner radius may not be the worst case, as 
we will see later. 
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Fig. 7.5—Casing failure criteria. 


For a given tubular, it is common to plot the burst, collapse, and axial-load combinations that result in a triaxial 
equivalent stress equal to the minimum yield strength of the steel, or equal to a reduced maximum working-stress 
level that is less than the minimum yield strength. All combinations of pressure and axial loads inside the ellipse 
must result in a triaxial equivalent stress that is less than the maximum desired working stress. A combination of 
pressure and axial loads outside the ellipse results in a triaxial equivalent stress which is greater than the desired 
working stress. 

Although Eq. 7.7 is accurate for thick-walled pressure vessels, simpler methods to calculate a tubular’s perfor- 
mance properties have been used for many years by API and ISO. These methods typically assume uniaxial or 
biaxial principal stresses and further assume that the radial principal stresses are small, which can be true in thin- 
walled pressure-vessel design. 


7.6 Casing-Tube Performance Properties 

The performance properties of tubular goods are a collective term for all the strength and sealability ratings of the 
tubulars. Casing strength is defined as the maximum load that a tubular can withstand without failure. Failure can 
be defined in many ways. These include stresses in the tubular exceeding the steel’s minimum yield strength, 
fracture or rupture of the tubular, and a leak in the tubular. Equations, both theoretical and empirical, have been 
developed by the industry to determine the maximum loading that can be applied to a tubular to ensure that the 
desired failure criteria will be met. Many of the early equations used by the industry required that the allowable 
stress in the steel be in the elastic region. Early deterministic approaches to performance ratings were based on 
calculating a single performance-property value based on material or geometric properties and on the assumption 
that the stress in the material was below minimum yield strength. Fracture or physical failure of the tubular usually 
occurred at a much higher loading. 

More recently, the industry has moved toward the use of limit-state equations. When used with the measured geom- 
etry and properties of the material, they result in a prediction of the failure or rupture performance properties of the 
tubular. Often this failure occurs in the plastic region, and a method of determining the “limit state” of a tubular was 
therefore needed. Limit-state equations can be either empirical or probabilistic in nature. For probabilistic limit-state 
equations, geometric and material properties are typically treated as random, and a statistical approach to determining 
performance properties is used. 

API TR 5C3 (2008VISO 10400:1993 (1993) include deterministic equations to calculate the rated performance- 
property values for axial tension, burst pressure, and collapse pressure. Axial tension loading results primarily 
from the weight of the casing string suspended below the joint of interest. Pipe-body yield strength is the tension 
force that causes the pipe body to exceed its elastic limit. Similarly, joint strength is the minimum tensional force 
required to cause connection failure. Burst-pressure rating is the calculated minimum internal pressure that 
will cause the maximum stress in the casing to approach the minimum yield strength in the absence of external 
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pressure and axial loading. Collapse pressure rating is the minimum external pressure that will cause the casing 
walls to collapse in the absence of internal pressure and axial loading. 

API Bull. 5C2 (1999/ISO 10400:2007(E) (2007) summarize the performance properties for API casing. Several 
industry publications also include many API and some non-API standard casing-performance properties. These 
publications include the Halliburton Cementing Tables (2001), BJ-Titan Services Engineering Handbook (1987), 
Baker Oil Tools Tech Facts Engineering Handbook (1993), and others. Most proprietary connection manufactur- 
ers also publish pipe-body performance tables and connection ratings. In addition, some operators have developed 
proprietary methods and performance-property summaries. 


7.6.1 Casing Tension Strength. APJ TR 5C3 (2008) defines pipe-body yield strength as the axial load in the tube, 
which results in the stress being equal to the material’s minimum specified yield strength. To calculate the stress 
in the tube, the specified or nominal OD and the ID are used for API casing. Thus, the pipe-body tensile strength 
can be expressed as 


ten 


F = 7 Oi CHET he (7.8) 


The pipe-body yield strength computed using Eq. 7.8 is the minimum force that would be expected to cause perma- 
nent deformation of the pipe. The expected minimum force required to pull the pipe apart would be significantly higher 
than this value. Note that nominal OD and ID are used in this equation. Experience has found that for most casings, 
even with permissible tolerances, the overall wall cross-sectional area will be close to the cross-sectional area obtained 
if specified or nominal OD and ID are assumed. 

Yield strength in compression is typically assumed to be the same as in tension. However, when a casing is 
loaded in compression, axial buckling may occur, and the casing may fail before reaching the pipe-body yield 
strength. 


Example 7.1 Compute the pipe-body yield strength for 20-in., K-55 casing with a nominal wall thickness of 
0.635 in. and a nominal weight per foot of 133 Ibf/ft. 

Solution. This pipe has a minimum yield strength of 55,000 psi and an ID of 

d = 20.00 — 2(0.635) = 18.730 in. 


Thus, the cross-sectional area of steel is 
T 2 2 sg 
A = ac —18.73°) = 38.63 in.’, 


and Eq. 7.8 predicts minimum pipe-body yield strength at an axial load of 


F = 55,000(38.63) = 2,125,000 Ibf. 


The pipe-body yield strength under tensile axial load for both casing and line pipe can be calculated using Eq. 7.8. 
However, for casing or line pipe in compression, axial buckling can occur before the loading reaches pipe-body 
yield strength and is dependent on how the tubular is laterally restrained. Axial buckling of a tubular in compres- 
sion is not considered in Eq. 7.8. 

For a particular casing, the limiting case may be governed by the connection rather than the pipe body and does 
not include any consideration of leak resistance. 


7.6.2 Casing Internal Pressure Resistance. API TR 5C3 (2008)/ISO/TR 10400:2007(E) (2007) use the Barlow 
equation to determine the minimum internal yield pressure for tubulars. The Barlow equation was the first widely 
accepted formula used for predicting the internal pressure resistance of a thick-walled tube (Seely and Smith 
1965). The main difference between the Lamé formula and Barlow’s formula lies in the assumptions made con- 
cerning how the cylinder as a whole strains under internal pressure. The Barlow formula applies to cylinders 
subjected to internal pressure only and depends on the assumption that the transverse cross-sectional area remains 
constant. This assumption is known to be incorrect. The stresses calculated by the Barlow formula are always 
higher than the stresses calculated by the Lamé formula for the same loading; therefore, Barlow’s formula always 
gives lesser burst-resistance values than the Lamé formula. 
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Because actual tube failure does not occur until yielding has progressed through the tube wall to the outer di- 
ameter and is affected by tensile stress, the API burst resistance typically will be as much as 20% lower than the 
actual burst-failure rating. 

The Barlow equation is easily applied in practice, easily accounts for the acceptable API manufacturing 
wall-thickness tolerance for casing (which is 12.5% less than nominal wall thickness), and has resulted in 
acceptable tubular designs in noncritical wells. Sometimes called an “API burst” calculation, the Barlow 
equation is: 


where the wall-thickness correction factor is f = 0.875 for standard API tubulars when a 12.5% wall-thickness 
tolerance is specified. Line pipe has different wall-thickness correction factors, as specified in API Spec. SL/ISO 
3183 (2009). 

API recommends use of this equation with wall thickness rounded to the nearest 0.001 in. and the results 
rounded to the nearest 10 psi. 


Example 7.2 Compute the API burst resistance for 20-in., 133-lbf/ft, K-55 casing with a nominal wall thickness 
of 0.635 in. 
Solution. The API burst resistance is computed using Eq. 7.9: 


P, = (0.875)[(2)(55, 000)(0.635) /20.0)] 
= 3,056 psi. 
Rounded to the nearest 10 psi, this value becomes 3,060 psi. This burst-resistance rating corresponds to the min- 


imum expected internal pressure at which permanent pipe deformation could take place if the pipe were subjected 
to no external pressure or axial loads. 


To make the Lamé equations easier to apply, some operators assume that radial stress is insignificant. The radial 
stress is usually small under moderate design conditions. The Lamé tangential-stress equation (Eq. 7.5) simplifies 
to this equation when solved for the stress at the minimum specified ID, assuming no internal pressure, the 
absence of bending and torsion, and no radial stress: 


Peed a. oaaao (7.10) 


b. yield m m 


The specified wall-thickness reduction factor should be used to obtain the maximum pipe-body ID used in this 
equation. The pipe nominal OD is normally used here. 

When design conditions are more stringent and a more accurate tubular design is needed, the von Mises yield 
theory is often used in conjunction with the Barlow equation or the Lamé equations. The von Mises yield theory 
is more cumbersome to apply using hand calculations, but computers make this calculation fast and simple. In 
most cases, a more accurate tubular design is needed where a significant combined load or a hostile service envi- 
ronment is anticipated. Although current API and ISO specifications do not include the formulas and calculations 
for von Mises analysis, those likely will be included in the next few years. 

The internal pressure-resistance formulas discussed so far predict the internal pressure at the point where the 
stress somewhere in the material starts to exceed the minimum yield strength. The actual burst of a tubular can 
occur at a much higher internal pressure defined by a limiting-state equation, which can be either empirically or 
theoretically derived. 

Crack propagation due to internal pressure can occur at less than plastic stress when an imperfection or crack in 
the steel propagates to the point that the material fails. The service environment, defined by temperature, presence 
of corrosive gases or fluids, pH, and other factors, as well as material properties such as toughness, will govern 
when this type of failure occurs. Several limiting-state equations have been developed by the industry for brittle 
fracture. 

A ductile rupture or fracture is characteristic of a tubular with adequate toughness for the environment in 
which it is placed. Failure after deformation of the tube occurs in a ductile manner through to final rupture. 
The failure is not brittle even in the presence of small imperfections in the steel. 
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More advanced textbooks include information on limiting-state equations, which can predict rupture pressure 
using these models. 


7.6.3 Casing Collapse Resistance. The collapse of a steel pipe tube from external pressure is a very complex 
phenomenon and much more difficult to calculate than the bursting of pipe from internal pressure. The reason for 
this is that collapse is an instability type of failure in many cases and is sensitive to many factors such as ovality, 
the ratio of tube diameter to wall thickness, yield strength, type of steel heat treatment, and localized wall reduc- 
tion. There is no simple method of calculating the collapse of a tube because collapse can occur in various modes 
depending on these parameters. More accurate equations for predicting collapse strength continue to be proposed 
and studied (Issa and Crawford 1993; Tamano et al. 1983; Ju et al. 1998). 

Formulas for calculating collapse-performance properties were first introduced in the late 1960s by the API. 
Four modes of collapse were recognized, with each mode defined by a separate formula. The ratio of OD to 
wall thickness and the minimum yield strength are used to determine which collapse-pressure formula should 
be used. 

The four collapse-pressure formulas proposed by the API are listed here in order of increasing d_f ratio, as 
shown in Fig. 7.6: 


Yield-strength collapse 
Plastic collapse 
Transition collapse 
Elastic collapse 


Five factors (F, F, F, F, and F.) are used with the tube’s d/t ratio to determine which of the four collapse- 
pressure formulas is applicable. The factors are dependent on the yield strength of the tube. They are defined by 
the following equations: 


= 2 3 
Fy = Cy +O yieta tH CoP peta + Cg Pyar he ee ee ee eee ated bene tees bate een betes (7.11) 
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Fig. 7.6—Collapse modes. 
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3 
=<, [3R,(2+R,)] 5 A a (1.14) 
O iaa 3R K2 +R,)- R, |[1-3R,A2+R,)| 
IA eR ee E E E E E EE peer eee eee (7.15) 
where 
Co =2.8762 c, = 0.10679 x 10° 
c, =021302x10" c, = -0.53132x10""° 
c, = 0.026233 c, = 0.50609 10° 
c, =—465.93 c, = 0.030867 
c, =—0.10483x 107 cy = 0.36989x10% 
Cio = 46.95 x 10° R, = EJF, 


The d/t ranges where the four collapse-pressure equations applicable are separated by three changeover points, 
which are dependent on casing grade and the values of the factors. The equations used to determine these three 
changeover points are discussed in the next section. 

Yield-Strength Collapse-Pressure Formula. The yield-strength collapse-pressure formula calculates the exter- 
nal pressure that generates the minimum yield stress on the inside wall of a tube and can be derived theoretically 
using the Lamé equation. Generally, this formula applies to the thickest-walled tubulars used in oil wells. The 
yield-strength collapse-pressure formula can be written as 


This equation is applicable for d /t values up to the value of the d /t ratio where the plastic collapse formula be- 
comes applicable. The d /t ratio for this changeover point can be calculated using the following equation: 


d, |E -2 +81F, + Floyay)1+ F-2) 


t 2LF, + (F/O pioa )] 


Plastic-Collapse Pressure Formula. This equation is based on 2,488 physical-collapse tests of K-55, N-80, 
and P-110 casings (API TR 5C3 2008). Statistical methods were used to analyze the results of the physical tests, 
and a plastic-collapse formula was developed to calculate a collapse value with a 95% probability that the actual 
collapse pressure will exceed the minimum stated with no more than a 0.5% failure rate: 


P — 
p= Oy = 
cr yield dlt 


The d/t ratio where the changeover from the plastic-collapse formula to the transition formula occurs can be 
calculated using the following equation: 


2472 
d, Mi a a e SECT e ONT EEUCET TURE STE CMTE NT Ee TET eT STN (7.19) 
t mal 
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Transition-Collapse Pressure Formula. The transition-collapse formula was developed to provide a transition 
from the plastic-collapse formula to the elastic-collapse formula: 
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Po = O pioa £ -F, } abisi npi raiped ao Eon es ine nEn ea pi eba ae erm E eaa (1.20) 


The d/t range for the changeover from the transition-collapse equation to the elastic-collapse equation can be 
calculated using the following equation: 


Elastic-Collapse Pressure Formula. The elastic-collapse pressure formula was theoretically derived and 
was found to be an adequate upper bound for collapse pressures as determined by testing. The following equation 
is a modification of the theoretical equation and is used to calculate the minimum elastic-collapse pressure. The 
API adopted this equation in 1968: 


6 
OR ins, ROR DT eT OTE CP ET OCTET Cree eT eTeT Cree ene en CRED (7.22) 
~ (d IDa, 10-1? 


Note that in elastic collapse, as typically observed in some large tubulars, material yield strength does not affect 
the collapse resistance of the tubular. Increasing wall thickness is the only available method to increase collapse 
resistance for tubulars that fall in the elastic-collapse pressure range. 

Collapse Resistance of Casing With Combined Loading. As noted in Section 7.5, a tubular material subjected 
to combined loadings, such as a collapse load, internal pressure, axial tension, or bending, will experience a dif- 
ferent stress level from that which would occur if only collapse loads existed. The API offers an equation to cal- 
culate the external pressure equivalent when both external and internal pressures are applied to a tubular. The 
formula is a simple method to account for external pressure and its effect on the collapse rating of a tubular: 


Tension has a detrimental effect on the collapse-pressure rating and a beneficial effect on the burst-pressure rating. 
By contrast, axial compression has a detrimental effect on burst-pressure rating and a beneficial effect on collapse- 
pressure rating (Fig. 7.6). In casing design practice for simple wells, it is common to include only the detrimental 
effects of axial loading. 

The current API and ISO method to derate the collapse resistance of a tubular due to tension was developed in 
the early 1980s. The current API formula accounts for the combined influence of tension and collapse loading on 
a casing by modifying the minimum yield strength to the yield strength of an axial-stress-equivalent grade. The 
reduced equivalent yield strength is based on von Mises yield theory. The equivalent yield-strength formula is 


The equivalent yield strength due to axial stress is then used in the five collapse-factor equations (Eqs. 7.11- 
7.15). The appropriate collapse-pressure formula (Eqs. 7.16, 7.18, 7.20, 7.22) is then used to arrive at the reduced 
collapse-pressure rating due to axial tension. 


Example 7.3 Compute the API collapse-pressure rating for 20-in., K-55 casing with a nominal wall thickness of 
0.635 in. and a nominal weight per foot of 133 Ibf/ft. 

Solution. This pipe has a d /t ratio given by d/t = 20/0.635 = 31.496. 
Eq. 7.21 indicates that this value for d /t falls in the range specified for transition collapse. Therefore, the col- 
lapse-pressure rating can be computed using Eq. 7.20. Eqs. 7.11-7.15 yield values for factors F, and F, of 1.989 
and 0.036, respectively. The calculation then becomes 
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1.989 
31.496 


P,= 55,000 -0.036 =1,493 psi, onoono naonao raara (1.25) 


or 1,490 psi rounded to the nearest 10 psi. This collapse-pressure rating is the minimum expected external pres- 
sure at which the pipe would collapse if the pipe were subjected to no internal pressure or axial loads. 


Special High-Collapse-Resistance Casing. Since the 1970s, manufacturers have produced special tubulars 
that are “high-collapse” as measured with reference to the API collapse rating. In many cases, the high collapse 
ratings are achieved by using tubular, mechanical, and dimensional tolerances greater than API standards, thus 
increasing the yield strength of the steel, and by using superior heat-treatment methods. An API study in the 1980s 
found that many of these tubulars failed to achieve the claimed design rating (Marlow 1982). This controversial 
study led to the physical testing of many more samples and some changes in the methods used for physical testing 
of collapse specimens. Users of “high-collapse” tubulars should therefore consider stricter-than-API dimension 
and material control and other specifications and testing to ensure the desired product performance. Because API 
collapse ratings can be improved on significantly with the use of special “high-collapse” tubulars, many operators 
continue to use them. 

Many engineers have found the classic API collapse equations to be conservative. Beginning in the 1980s, sev- 
eral authors developed new methods to predict the collapse of a tubular. These methods are based on finite-ele- 
ment modeling, empirical data, theoretical analysis, and risk-based approaches, such as Issa and Crawford (1993), 
Ju et al. (1998), Tamano et al. (1983), Brand et al. (1995), and Lewis et al. (1995). 

Similarly to the determination of the limit state for burst, methods have been proposed to determine a limit state 
for collapse, including statistical analysis of physical test results, heat-treatment types, risk analyses, and various 
mechanical properties of the tubular. The limit-state equations for minimum collapse are presented in ZSO/TR 
10400:2007(E) (2007). 


7.6.4 Effect of Bending. In directional wells, the effect of wellbore curvature and vertical deviation angle on 
axial stress in the casing and couplings must be considered in the casing design. When a casing is forced to bend, 
the axial tension on the convex side of the bend can increase greatly. On the other hand, in relatively straight sec- 
tions of hole with a significant vertical deviation angle, the axial stress caused by the weight of the pipe is reduced. 
Axial stress is also significantly affected by increased friction between the casing and the borehole wall. In current 
design practice, the detrimental effect of casing bending is considered, but the favorable effect of the vertical 
deviation angle is neglected. Wall friction, which is favorable to downward pipe movement and unfavorable to 
upward pipe movement, is generally compensated for by the addition of a minimum acceptable overpull force to 
the free-hanging axial tension. 

The curvature of a directional well is generally expressed in terms of the change in the angle of the borehole 
axis per unit length. The dogleg severity, K, is the change in angle in degrees over the borehole length. The maxi- 
mum increase in axial stress, o,, on the convex side of the pipe is given by Crandall and Dahl (1959). On the 
concave side of the pipe, the stress magnitude is the same, but the stress is compressive rather than tensile: 


Lgi 
o, =Ł3 
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In oilfield units, where the dogleg severity, x, is expressed as the change in angle in degrees per 100 ft of borehole 
length, and the pipe is assumed to be steel, this equation simplifies to 


PI game cgay caters etn os Sees ees (7.27) 


It is often convenient to express the increased axial stress caused by bending in terms of an equivalent axial 
force, Fs where 


Re ly EN I E, Acc, epee rastas ad acasvac ares coy aoa edoweenencienciokas sotceep es (7.28) 


s 


The area of steel, A, can be expressed conveniently as the weight per foot of pipe divided by the density of steel. 
For common field units, Eq. 7.28 becomes 


Pda Weg. ae a e a a eee ied (7.29) 
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where F , K, d, and w, have units of lbf, degrees/100 ft, in., and Ibf/ft, respectively. Use of a nominal weight per 
foot for w will generally give acceptable accuracy. Eq. 7.29 is valid when the pipe wall is uniformly in close con- 
tact with the borehole wall (i.e., when the size of the upset in OD at the casing connectors is small compared with 
borehole irregularities). 

When the casing is in contact with the borehole wall only at the connectors, the radius of curvature of the pipe 
is not constant. In this case, the maximum axial stress can be significantly greater than that predicted by Eq. 7.29. 
Classical beam-deflection theory as stated by Lubinski (1977) can be used in this case to determine the bending 
stress magnification factor. Lubinski considered only pipe in tension. For pipe in compression, use Paslay and 
Cernocky (1991) and Mitchell (2003). 

In the previous discussion, the effect of bending on casing failure was handled by consideration of the 
maximum stress present under the combined loading situation experienced. In this analysis, a possibility 
of failure is indicated when the maximum stress level exceeds the yield strength of the steel. An alternative 
approach sometimes used is to express the axial strength of the material in terms of combined tension 
and bending. The approach is used most commonly in rating the tensional joint strength of a coupling sub- 
jected to bending. API formulas (APJ TR 5C3 2008) have been developed for the joint strength of a round- 
thread casing subjected to bending. When the axial tension strength F divided by the cross-sectional area of 
the pipe wall under the last perfect thread is greater than the minimum yield strength, the joint strength is 
given by 


F, = 0.95A,, 4 Oy, | sg | Poco teenies (7.30) 
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where 


F,/A, 20. 
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K is given in degrees/100 ft, and 


A, = (a/4)| (d, -0.1425)' - (a, -21)']. 


When the axial tension strength divided by the cross-sectional area of the pipe wall under the last perfect thread 
is less than the minimum yield strength, then 


CO... =0.; 
F, =0954,[ x m a 218 15K, E apse beth aly noe aoe en ode cates (7.31) 


These empirical correlations were developed from experimental tests conducted with 5.5-in., 17-Ibf/ft, K-55 
casing with short round-thread couplings (STC). 


Example 7.4 Determine the maximum axial stress for 7.625-in., 39-Ibf/ft, N-80 casing if the casing is sub- 
jected to a 400,000-lbf axial-tension load in a portion of a directional wellbore having a dogleg severity of 
4°/100 ft. Compute the maximum axial stress assuming uniform contact between the casing and the borehole 
wall. 

Solution. Nominal API pipe-body yield strength for this casing is 895,000 lbf, and the ID is 6.625 in. The 
cross-sectional area of steel in the pipe body is 


14(7.625° -6.625°) =11.192 in? 


The axial stress without bending is 


400, 000/11.192 = 35,740 psi. 
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The additional stress level on the convex side of the pipe caused by bending can be computed using Eq. 7.27 under 
the assumption of uniform contact between the casing and the borehole wall. Eq. 7.27 gives a maximum bending 
stress of 


(Ao, Jaa = 218(4.0)(7.625) = 6,649 psi 
and a total stress of 


35,740 psi + 6,649 psi = 42,389 psi. 


7.6.5 Torsion. For most casing strings, torque is very seldom applied, and when it must be applied, it is limited 
to the connection makeup torque M.. The torsional shear stress qt acting in the circumferential direction at a radius 
at some point in the pipe-body wall thickness is 


Mr 
T= 


With internal and external pressures, axial force, bending, and torsion, the von Mises equivalent stress equation 
(Eq. 7.6) becomes 


20, =(0,-0,F +0, -[o, +0, D+ (lo, +0,]-0,) +67, 


vm 


7.7 Corrosion 

All casing used in wells is susceptible to corrosion. Corrosion can cause failure of a tubular during its design 
service life, so some sort of protection from corrosion is normally needed. A common application where special 
corrosion protection may be needed is for production casing below the production packer. This casing will be 
exposed to corrosive formation fluids. Typically, drilling muds are alkaline, and special corrosion protection for 
casing exposed only to drilling mud is not needed. The method chosen for corrosion protection is dependent on 
many factors, including temperature, carbon dioxide, hydrogen sulfide, and other corrosive products such as chlo- 
rides, elemental sulfur, and acids. One of the most corrosive gases found in wells is HS. A well whose production 
contains H,S is called “sour,” and wells without H,S are called “sweet.” 

Carbon dioxide is present in many sweet produced gases. Alone, it is a noncorrosive gas; however, a mixture of 
water and carbon dioxide is very corrosive. Water and carbon dioxide react to produce carbonic acid, which then 
reacts with low-alloy steels to form iron carbonate. The resulting dissolution of the steel reduces the wall thick- 
ness. This corrosion process is sensitive to temperature and pressure. In addition, high well flow rates typically 
increase erosion velocity and accelerate the corrosion process because protective films on the steel surface are 
more rapidly removed. Pitting and steel weight loss are typical results of this type of corrosion. 

Normally, when steels corrode, they generate hydrogen atoms, which pair up to become hydrogen gas mole- 
cules and bubble off the surface. However, when steel corrodes in an H,S-containing environment, the sulfide ions 
retard the formation of hydrogen gas molecules, enabling the hydrogen atoms to diffuse into the steel. The hydro- 
gen atoms in the steel can cause the steel to lose much of its toughness, a phenomenon known as hydrogen 
embrittlement. Sulfide stress cracking (SSC) is a form of hydrogen embrittlement in which H,S is the hydrogen 
source and the material is under tensile stress. Higher-strength low-alloy types of OCTG are generally more sus- 
ceptible to SSC than are lower-strength grades. For this reason, grades such as C-90 and T-95 have been developed 
with special metallurgy to resist SSC. 

Failures from hydrogen embrittlement often do not occur immediately after exposure to hydrogen sulfide. A 
time period during which no damage is evident is followed by sudden failure. During this time, hydrogen is being 
diffused into points of high stress. 

Generally, higher-strength low-alloy steels are more susceptible to hydrogen embrittlement than are lower- 
strength steels. Temperature and applied stress level also play important roles in hydrogen embrittlement. Typi- 
cally, low temperatures and higher-stress states accelerate hydrogen embrittlement. 
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For mildly corrosive environments, adequate corrosion protection of carbon and low-alloy steels may be achieved 
through use of internal plastic coatings or chemical inhibitors. However, these corrosion-prevention methods may 
have temperature or application restrictions that prevent their use. 

Many companies have restrictions on the use of carbon or low-alloy steels in sweet service at moderate to low 
temperatures. Special restrictions are sometimes specified to mitigate concerns for brittle fracture. These restrictions 
may include specifications on toughness or API and ISO requirements on steel chemistry. For a specific steel grade, 
the API and ISO may have several alloying-agent specifications, which are referred to as different types of the same 
grade. For example, Q-125 casing can be manufactured in any one of four separate types which differ by chemical 
weight-percentage requirements. 

For sour service, tubular-material selection is based on minimum temperature, yield strength, manufacturing 
process, and application. For example, low-alloy higher-strength ERW grades may not be suitable for sour ser- 
vice. When OCTG are purchased for H,S applications, test methods as specified by NACE TM0177-2005 (2005) 
are often required to verify resistance to SSC. 

The industry uses the NACE MRO175 (1999) specifications to differentiate between sour and sweet service on 
the basis of total system pressure and partial pressure of H,S (NACE 1999). Gas systems are sour (Fig. 7.7) when 
the maximum pressure exceeds 65 psi and the partial pressure of H,S is greater than 0.05 psi. Multiphase systems 
are considered sour (Fig. 7.7) if the maximum gas/liquid ratio is less than 5,000 scf/bbl under any of the following 
conditions: 


e Maximum pressure exceeds 265 psi, and H,S partial pressure in the gas phase is greater than 0.05 psi. 
e Maximum pressure is less than 265 psi, and H,S partial pressure in the gas phase is greater than 10 psi. 
e The gas phase contains more than 15% H,S. 


The following equation can be used to calculate H,S partial pressure: 


HS partial pressure = (pressure x volume fraction of H,S-ppm)/1,000,000.  ..........-.------- (7.34) 


ISO considers pH in addition to H,S partial pressure to specify sour conditions. This acknowledges that the pH of 
the environment plays a role in the severity of H,S attack. 

In the 1970s, CRAs began to be used in corrosive well environments. Generally, the corrosion resistance of 
CRAs is directly proportional to their alloy content. The most commonly used elements that improve the corro- 
sion resistance of CRAs are nickel, chromium, and molybdenum. These are very expensive elements and add 
greatly to the cost of the tubular. 

Two basic types of CRAs are used for casings: stainless steels and high-nickel alloys. Stainless steels use chro- 
mium to improve corrosion resistance. When chromium content is increased beyond approximately 12%, a stable 
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Fig. 7.7—SSC. 
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chromium-oxide film forms, which helps protect the base metal. Stainless steels contain iron as the primary ele- 
ment, typically 70-88%. Nickel-based alloys contain less than 50% iron and more than 50% nickel, chromium, 
and molybdenum. Nickel provides strength, toughness, and resistance to stress-corrosion cracking. 

Stainless steels are the most commonly used CRAs and are acceptable in many environments. However, stain- 
less steels are susceptible to pitting corrosion and stress-corrosion cracking at elevated temperatures and therefore 
have maximum chloride and H,S restrictions and minimum pH restrictions. Inhibitors used to protect the tubular 
during acidizing are not particularly effective in protecting against corrosion. Visually, CRAs with 12% or more 
chromium will look like stainless steel and not like carbon or low-alloy steels. These higher-chromium stainless 
steels are typically manufactured using a different heat-treatment process from that used for carbon or low-alloy 
steels. 

Nickel-based steels can be used in environments with higher H,S, CO,, temperature, and chlorides and with 
lower pH than can stainless steels. They are even more resistant to corrosion by acidizing fluids than are stainless 
steels. However, specific acid treatments or other well treatments should be evaluated to determine their tendency 
to corrode nickel-based alloys. Produced gas with elemental sulfur may cause embrittlement of all CRAs. 

There are currently no universally accepted industry manufacturing specifications or material-selection guide- 
lines for most CRA tubulars. API Spec. 5CT (2005) includes specifications for both 9 Chrome and 13 Chrome 
L-80 steels, but additional specifications and usage restrictions should be considered before purchasing this 
product. Material selection should be based on many factors, including site-specific operating conditions and 
experience. 

CRAs typically have a minimum specified yield strength of more than 80 ksi. Stainless steels are typically avail- 
able in 80- to 95-ksi yield strength, while nickel-based alloys are available in 65- to 125-ksi yield strength. Often 
the high yield strength of CRAs is a result of cold working. Cold-worked steels can have anisotropic yield- 
strength behavior. 


7.8 Casing Connections 

Oilwell casing is delivered to the rig in approximately 40-ft lengths and must be joined with threaded connectors 
as each length is run in the well. Casing connections consist of a pin and a box. Connections can be either threaded 
and coupled or integral-joint (Fig. 7.8). Threaded and coupled connections have pins on both ends of the pipe that 
screw into a common coupling. For most threaded and coupled casings, the threads are cut into the unaltered 
diameter of the tubes. Integral-joint casing connections often have the ends of the casing tube thickened (swaged) 
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Fig. 7.8—Joints. 
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on either the tube OD or ID (or both). This provides more metal into which threads can be cut. However, the 
swaged ends must be heat-treated after swaging to recover the original tube properties before threading. 

API and ISO provide several standards for casing connections that are widely used all over the world. They 
provide specifications for the following four types of casing connectors: 


1. STCs 

2. Long round threads and couplings (LCs) 
3. Buttress threads and couplings (BCs) 

4. Extreme line threads and couplings (XCs) 


Schematics of each of the API and ISO connections are shown in Fig. 7.9. 

The most common API and ISO casing connections are the STC, the LC, and the BC. These connections are 
rugged and reliable when properly made up and have been used by the industry for many years. They are usually 
cheaper than most alternative connections. 

These three connections all use a “tapered-seal” sealing mechanism, which means that the threads on both the 
coupling and the tube are cut with a taper so that as the connection is made up, the threads are pushed together in 
a wedging action. The bearing pressure resulting from the wedging action is the sealing mechanism for these 
connections and is necessary to form a leak-resistant seal. In addition to the thread bearing pressures, it is also 
necessary to use a thread compound and a suitable coating on the coupling ID to form a leak-resistant connection. 

Couplings used on casing are usually manufactured using the forging process or the seamless process and are 
of the same heat-treatment class and grade as the casing tube. Casing couplings are typically provided with a 
coating or plating on the threads to prevent galling during makeup and to assist in providing a pressure seal. Gen- 
erally, coupling threads are surfaced with various forms of metal-phosphate coatings or plated with either tin or 
zinc using the electroplating process. Typical phosphate platings are very thin, zinc plating is thicker, and tin plat- 
ing is very thick and soft to provide more sealing capability. Some proprietary connections on CRA materials can 
also be copper-plated, and some proprietary connections are surface-treated by blasting the pin ends. 


7.8.1 Round Threads. STC and LC connectors have the same basic thread design. The threads have a rounded 
shape and are spaced to give eight threads per inch. Because of this, they are sometimes referred to as 8-round or 


(a) Round thread (b) Buttress thread 


Fig. 7.9—API joints [from Bourgoyne et al. (1991)]. 
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Fig. 7.10—API round threads [from API Spec. 5B (2008)]. Reprinted courtesy of the American Petroleum Institute. 


round threads. The threads are cut with a taper of 3⁄4 in./ft on diameter for all pipe sizes. A longer thread runout 
and coupling of the LC provide greater tensile strength when needed. These connections are very commonly used 
because of their proven reliability, ease of manufacture, and low cost. 

LC connections have longer couplings and longer thread length than STC connections and are stronger. For 
casing sizes of 10% in. and larger, the long taper of an LC connection would result in a very thin wall, which 
would make the pin end more vulnerable to handling damage. For this reason, only STC connections are typically 
manufactured for these casing sizes. LC couplings can be used with STC pins, but LC pins cannot be used with 
STC couplings because the pin ends could meet in the middle, resulting in incomplete engagement of the threads. 

As can be seen in Fig. 7.10, the round thread is cut with a 60-degree included angle and has rounded peaks and 
roots. When the coupling is formed, small voids exist at the roots and crests of each thread. A combination of 
thread compound and plating on the coupling must be used to fill these voids to obtain a seal. If the seal is inef- 
fective, internal pressure acts to separate the threaded surfaces. The sealability of round-thread connections to 
liquids or gas is sensitive to dimensional variations that can occur depending on the threading order, the thread 
dope, the plating used on the coupling, the service temperature, high curvature (bending), or the makeup method. 
Sealability will likely be limited to 70 to 90% of the API internal yield pressure of the coupling or the pipe body. 

Threaded connections are often rated according to their joint efficiency, which is the tensile strength of the joint 
divided by the tensile strength of the pipe body. Although the joint efficiency of an LC connection is greater than that 
of an STC connection, neither is 100% efficient. Because of the taper of the threads and their 60-degree included 
angle, the threaded end of the casing sometimes begins to yield and then collapses (Fig. 7.11). This can produce an 
unzipping effect in which, upon failure, the pin appears to jump out of the coupling. In addition to this jumpout, 
fracture of the pin or the coupling can also occur. 

In addition to “standard” OD couplings, API and ISO provide dimensional specifications for reduced-OD or 
“special-clearance” couplings. These couplings have a fixed OD for each pipe size regardless of weight or grade. 
In general, special-clearance couplings are not used with STC and LC connections. Higher-grade couplings are 
sometimes used with lower-grade pipe to eliminate the need for an oversized coupling. There are no API or ISO 
dimensional specifications for oversized couplings as there are for special-clearance couplings. 


7.8.2 Buttress Threads. API and ISO both specify a BC that has a more rectangular thread form than the other 
types. This thread form provides higher tensile strength in the connection, but sealability is more dependent on 
pipe dope and the coupling plating material. The more rectangular thread form resists pullout loads and enables 
the connection to approach or even exceed the axial strength of the tube. Typically, buttress connections are 
slightly more expensive than LC and STC connections. 

Fig. 7.9b shows a BC casing thread. The basic thread design is similar to that of the API and ISO round thread 
in that it is tapered. However, longer coupling and thread runout are used, and the thread shape is squarer, so that 
the unzipping tendency is greatly reduced. Five threads are cut per inch, and the thread taper is 3⁄4 in./ft for casing 
sizes up to 7%s in. and | in./ft for 16-in. or larger casings. As with API round threads, the placement of thread 
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Fig. 7.11—Pull-out [from Bourgoyne et al. (1991)]. 


compound at the roots of the buttress teeth provides the sealing mechanism. Similarly to API round-thread con- 
nections, the sealability of buttress casing connections in liquid or gas service is sensitive to dimensional varia- 
tions that can occur in the threading order, the thread dope, the plating used on the coupling, the service 
temperature, the degree of curvature (bending), and the makeup method. The sealability of a buttress connection 
will likely be limited to 70 to 90 percent of the API internal yield pressure of the coupling or the internal yield 
pressure of the pipe body in liquid service and can be very low in gas service. 


7.8.3 XC Threads. The API XC connector is shown in Fig. 7.9c. It differs from the other API and ISO connectors 
in that it is an integral joint (i.e., the box is machined into the pipe wall). On an integral-joint connection, the pipe 
wall must be thicker near the ends of the casing to provide enough metal to permit machining of a stronger con- 
nection. The OD of an XC connector is significantly less than that of the other API couplings, thus providing an 
alternative when the largest possible casing size is to be run in a restricted-clearance situation. Moreover, only half 
as many threaded connections exist as in other connectors; therefore, there are fewer potential sites for leakage. 
However, the minimum ID will be less for the XC connector than for other types. 

The sealing mechanism used in the XC connector is a metal-to-metal seal between the pin and the box (Fig. 
7.9c). Metal-to-metal seal connections usually have two precision-machined surfaces that are forced together to 
resist leakage. This connector does not depend solely on a thread compound for sealing, although a compound is 
still needed for lubrication. Because of the requirement for thicker pipe walls near the ends and the closer machining 
tolerances needed for the metal-to-metal seal, XC connectors are much more expensive than the other connectors. 

This connection is seldom encountered in oil wells today. Some continue to use this connection in fishing 
strings where reduced-OD connections are required. 


7.8.4 Non-API/ISO Connections. In addition to API/ISO connections, many proprietary connections are avail- 
able that offer premium features not available on API connections. Among the special features offered are the 
following: 


e Flush joints for maximum clearance 
e Smooth bores through connectors for reduced turbulence 
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Threads designed for fast makeup with low tendency to cross-thread 

Multiple metal-to-metal seals for improved pressure integrity 

Multiple shoulders for improved torque strength 

High compressive strength for special loading situations 

Resilient rings for secondary pressure seals and connector corrosion protection 


Several examples of premium non-API and non-ISO connectors are shown in Figs. 7.12 through 7.14, which 
illustrate the special features listed above. 
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(a) IJ-4S Connector (b) TC-4S Connector (c) FL-4S Connector 
(Integral Joint Connector) (Threaded and Coupled Connector) (Flush Integral Joint) 


Fig. 7.13— Connector Example 2 [from Bourgoyne et al. (1991)]. 
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Fig. 7.14— Connector Example 3 [from Bourgoyne et al. (1991)]. 


Many non-API connections use metal-to-metal sealing mechanisms. Both tapered-seal and metal-to-metal 
sealing mechanism connections may also use seal rings. An elastomer-type seal ring is placed into grooves 
machined into the connection to assist sealing. Some connections feature multiple seals for redundancy. Mul- 
tiple metal-to-metal seals or a combination of a metal-to-metal seal with a seal ring are common. In addition, 
there are several specialized thread design (e.g., “wedge thread” and “hook thread”) profiles. Many proprietary 
casing connections have the ends of the casing tube thickened or upset to provide more metal into which 
threads can be cut. 


7.8.5 Thread Compounds. Thread compounds serve three basic purposes: (1) to seal the thread clearances in 
the thread profile, (2) to lubricate the threads during makeup, and (3) to resist galling resulting from metal-to- 
metal contact. Most thread compounds consist of particles suspended in a carrier grease. The types and ratios 
of the particles generally determine the performance of a thread compound. Before 1996, API had two basic 
specifications for thread-compound formulations. The standard formulation was called the “modified thread 
compound,” and a silicone-based, high-temperature alternative compound was called “silicone thread com- 
pound.” In 1996, API and ISO issued recommended practices and testing and evaluation guidelines for casing 
thread compounds. These publications suggested performance-based criteria for thread-compound specifica- 
tions and used the API modified formulation as the reference standard for comparison. The challenge of cor- 
relating compound performance derived from bench tests with that observed in full-scale applications has 
proved to be difficult, and as a result, API does not currently provide performance guidelines or formulations 
for thread compounds. In July 2003, APJ RP 5A3/ISO 13678 were published with editorial corrections and 
updates. 

Many other thread compounds are available, containing various components that aid performance. Some spe- 
cialty thread compounds are marketed as environmentally acceptable because they rely on constituents other than 
lead to lubricate and seal. Other thread compounds contain Teflon, which reduces makeup torque and may help 
provide a seal. 

Special thread compounds containing powdered metals are used to reduce frictional forces during connection 
makeup and to provide filler material to help plug any remaining small voids around the roots and crests of the 
threads. The choice of compound is of critical importance to prevent galling and to obtain a leak-proof, properly 
made-up connection. Care must be exercised to ensure that a thread compound appropriate for the connector is 
used. 
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Proprietary connection manufacturers frequently offer a recommended type of thread dope that should be used 
with their connections. At in-service temperatures higher than approximately 300°F, special high-temperature 
thread compounds may enhance connection performance. 

Storage compounds are sometimes applied to casing connections to protect them against corrosion during stor- 
age or shipment. These storage compounds should not be used for connection makeup. Storage compounds should 
be properly removed and the proper thread compound applied for connection makeup. 


7.8.6 Connection Makeup. Threaded and coupled casing is normally shipped to the rig with the couplings 
attached. Each casing joint has a coupling screwed onto one end. The mill end is the end with the coupling in- 
stalled, so called because the coupling was made up in the pipe mill. The end with no coupling is called the field 
end because it will be made up in the field. Typically casing is ordered with specifications for mill-end makeup; 
the requirements may include thread dope, plating, and other preparatory steps. If special makeup is required, then 
these requirements should be specified in the purchase order. Occasionally, casing is ordered from the mill with 
the couplings so that makeup of both ends can be controlled and monitored. 

API and ISO have issued recommended makeup specifications for connections in their RP5C/ (1999) specifica- 
tion. These recommendations include how to determine minimum and maximum torque, makeup speed, and posi- 
tion of the coupling face in relationship to the thread vanishing point or the base of the triangle on BTC connections. 
Other methods of making up API connections have been developed by the industry; these also specify the torque 
range and coupling position after makeup (Day et al. 1990). Earlier methods that specify makeup torque and 
number of turns past a reference torque have long been used, but many consider this method to be no longer 
acceptable for API 8-Round threads (Weiner and Sewell 1967). Advances in thread-manufacturing processes, dif- 
ferences in thread compounds, and variations in coupling coating or plating coefficients have resulted in erratic 
results when this method is used. 

For proprietary connections that use torque shoulders, makeup can be monitored by measuring torque and turns. 
This approach makes it possible to observe indications of galling and to determine when a connection has reached 
its recommended torque. The makeup of many proprietary connections with very tight tolerances is sensitive to 
the amount of thread compound used. 


7.8.7 Performance Properties of Connections. Internal Pressure Resistance. The coupling on an API connec- 
tion can be weaker in burst than one on a plain-end casing. This problem usually occurs with thicker-wall casings 
and higher grades of casing. The API and ISO equation to calculate the minimum internal yield pressure for 
round-thread or buttress couplings is based on calculating the coupling wall thickness at the root of the first 
engaged thread. The internal yield pressures for API round-thread profiles with standard OD couplings and but- 
tress profiles for both standard and special-clearance couplings are tabulated in APJ Bull. 5C2 (1999). The API 
equation for calculating the coupling internal yield pressure is 


d-d 
P= eu] a +} danas hernathncnd vad e A a (7.35) 


c2 


The diameter at the root of the coupling thread, d 


.» 18 different for STCs and for BCTs and can be calculated using 
the following equations: 


For an STC, 
QE CE Ae Tas ES E a ati si E E E Risap hee ae alae (7.36) 
where 


E, is the pitch diameter at the hand-tight plane (in.); 

L, is the length from the hand-tight plane (in.); 

A, is the hand-tight standoff (in.) (Note: A, in API Spec. 5B (2008) is in turns, turns/threads per inch= in.); 
L is the taper, 0.0625 in./in. for round threads; 

H, is the thread height (in.) or 0.10825 in. for eight threads per inch; 

S „is the distance from the root of the coupling thread to the top of the pin thread at the hand-tight position (in.). 


API Spec. 5B (2008) includes values for Ep Lp A,, H; and S Tables 7.6a through 7.6e summarize the API 
connection dimensions from API Spec. 5B. 
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TABLE 7.6a—CASING SHORT-THREAD DIMENSIONS [from API Spec. 5B (2008)] Reproduced 
courtesy of the American Petroleum Institute. All dimensions in inches, except as indicated. See Figure 3. 


a) (2) (3) (4) (5) (6) (7) (8) ©) (10) (11) (12) (18) (14) 


End of 
Pipe to Mini- 
Center mum 
Nominal of Length: Dia- Length, 
Weight: Length: Total Coup- Face of meter Hand- Full 
Thread End of Length: Pitch ling, Coup- of Depth Tight Crest 
and Number Pipe to End of Diameter Power- ling to Coup- of Stand-Threads 


Size Major Coup- of Hand- Length: Pipe to at Hand- Tight Hand- ling Coup- off, from 
Desig- Dia- ling Threads Tight Effective Vanish Tight Make- Tight Re- ling Thread End of 
nation meter (lbm/ft) per inch Plane Threads Point Plane Up Plane cess Recess Turns Pipe 
D D, Ly Lo La E; J M Q q A ES 
4% 4.500 9.50 0.921 1.715 2.000 4.40337 1.125 0.704 4'2 0.500 3 
4% 4.500 Others 1.546 2.340 2.625 4.40337 0.500 0.704 4'%/3, 0.500 3 
5 5.000 11.50 1.421 2.215 2.500 4.90337 0.750 0.704 5%/s32 0.500 3 
5 5.000 Others 1.671 2.465 2.750 4.90337 0.500 0.704 5%/s3. 0.500 3 1.625 
3 
3 
3 


5% 5.500 All 1.796 2.590 2.875 5.40337 0.500 0.704 5'%/3. 0.500 
6.625 All 2.046 2.840 3.125 6.52837 0.500 0.704 6/32 0.500 
7.000 17.00 1.296 2.090 2.375 6.90337 1.250 0.704 7%/s32 0.500 
7.000 Others 2.046 2.840 3.125 6.90337 0.500 0.704 7/32 0.500 3 2.000 
7.625 All 2.104 2.965 3.250 7.52418 0.500 0.709 77/32 0.433 3% 2.125 
8.625 24.00 1.854 2.715 3.000 8.52418 0.875 0.709 8/32 0.433 3% 1.875 
8.625 Others 2.229 3.090 3.375 8.52418 0.500 0.709 87/3. 0.433 3% 2.250 
9.625 All 2.229 3.090 3.375 9.52418 0.500 0.709 9%/⁄32 0.433 3% 2.250° 
9.625 All 2.162 3.090 3.375 9.51999 0.500 0.713 9°%/3. 0.433 4 2.250” 
10.750 32.75 1.604 2.465 2.750 10.64918 1.250 0.709 107%/32 0.433 3% 1.625° 
10.750 Others 2.354 3.215 3.500 10.64918 0.500 0.709 107%/3, 0.433 3% 2.375% 
10.750 Others 2.287 3.215 3.500 10.64499 0.500 0.713 107%. 0.433 4 2.375” 
11.750 All 2.354 3.215 3.500 11.64918 0.500 0.709 11/32 0.433 3% 2.375° 
11.750 All 2.287 3.215 3.500 11.64499 0.500 0.713 1177/3 0.433 4 2.375” 
13.375 All 2.354 3.215 3.500 13.27418 0.500 0.709 131/32 0.433 3% 2.375% 
13.375 All 2.287 3.215 3.500 13.26999 0.500 0.713 131/32 0.433 4 2.375” 
16.000 All 2.854 3.715 4.000 15.89918 0.500 0.709 167/32 0.366 3% 2.875 
18.625 87.50 2.854 3.715 4.000 18.52418 0.500 0.709 187/32 0.366 3% 2.875 
20.000 All 2.854 3.715 4.000 19.89918 0.500 0.709 207/32 0.366 3% 2.875° 
20.000 All 2.787 3.715 4.000 19.89499 0.500 0.713 207/32 0.366 4 2.875% 
Include taper on diameter, all sizes, 0.0625 in. per in. 


œ CO CO 00 CO CO HO C CO MO C CO CO C CO CO œ CO œ CO CO œ œ œ 


Note: Hand-tight standoff “A” is the basic allowance for basic power make-up of the joint as shown in Figure 3. 
*L, = L4 —1.125 in. for 8 round thread casing. 
4 Applicable to coupling grades lower than P110. 
Applicable to coupling grades P110 and higher. 
“Applicable to coupling grades lower than J55 and K55. 
d Applicable to coupling grades J55 and K55 and higher. 


For buttress casing, the equation is: 


d =E ALA TT + 0.062 coi nas lee ecnsuadidassectacedeenstavie nied eeeedeeinstnds (7.37) 


where 
E, is the pitch diameter (in.); 
L, is the length of perfect threads (in.); 
[is the basic hand-tight position from the triangle stamp (in.); 
T, is the taper, or 0.0625 in./in. for 13%-in. and smaller casing and 0.0833 in./in. for 16-in. and 
larger casing. 

For many years, API TR 5C3 (2008) included an equation to calculate the leak resistance of an API- or ISO- 
coupled connection. This equation is seldom used now. The equation limited the burst strength or leak resistance 
of an API or ISO connection on the basis of the interface pressure between the pin and the box. This interface 
pressure was a result of the makeup and the internal pressure itself. 

Connection Joint Strength. Joint strength resists the axial load that causes a coupling or connection to fail. The 
API and ISO casing-connection joint-strength formulas are based partially on theoretical considerations and par- 
tially on empirical observations (API TR 5C3 2008). The lesser of the values obtained from the two equations 
governs for round-thread casing connections. These equations are based on an API test program in the early 1960s 
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TABLE 7.6b—CASING LONG-THREAD DIMENSIONS [from API Spec. 5B (2008)] Reproduced 
courtesy of the American Petroleum Institute. All dimensions in inches, except as indicated. See Figure 3. 


a) (2) (3) (4) (5) (6) (7) (8) ©) (0 (11) (12) (13) 


End of 

Pipe to Mini- 

Center Length: mum 
of Face Length, 

Length: Total Coup- of Dia- Hand- Full 

End of Length: Pitch ling, Coup- meter Depth Tight Crest 
Pipe to End of Diameter Power- ling to of of Stand- Threads 

Size Major Number Hand- Length: Pipe to atHand- Tight Hand- Coup- Coup- off from 
Desig- Dia- of Tight Effective Vanish Tight Make- Tight ling ling Thread End of 
nation meter Threads Plane Threads Point Plane Up Plane Recess Recess Turns Pipe 

D D, perinch Lı Lo La E; J M Q q A Le 
4% 4.500 8 1.921 2.715 3.000 4.40337 0.500 0.704 419/32 0.500 3 1.875 
5 5.000 8 2.296 3.090 3.375 4.90337 0.500 0.704 5%/3. 0.500 3 2.250 
5% 5.500 8 2.421 3.215 3.500 5.40337 0.500 0.704 51%. 0.500 3 2.375 
6% 6.625 8 2.796 3.590 3.875 6.52837 0.500 0.704 67%/3. 0.500 3 2.750 
7 7.000 8 2.921 3.715 4.000 6.90337 0.500 0.704 7%/32 0.500 3 2.875 
T% 7.625 8 2.979 3.840 4.125 7.52418 0.500 0.709 77%/3. 0.433 3% 3.000 
8% 8.625 8 3.354 4.215 4.500 8.52418 0.500 0.709 8/32 0.433 3% 3.375 
9% 9.625 8 3.604 4.465 4.750 9.52418 0.500 0.709 9/3, 0.433 3% 3.625° 
9% 9.625 8 3.537 4.465 4.750 9.51999 0.500 0.713 9/3. 0.433 4 3.625” 
20 20.000 8 4.104 4.965 5.250 19.89918 0.500 0.709 20⁄2 0.366 3% 4.125° 
20 20.000 8 4.037 4.965 5.250 19.89499 0.500 0.713 207/32 0.366 4 4.125° 


Include taper on diameter, all sizes, 0.0625 in. per in. 


Note: Hand-tight standoff “A” is the basic allowance for basic power make-up of the joint as shown in Figure 3. 
*Le = L4 -1.125 in. for 8 round thread casing. 

Applicable to coupling grades lower than P110. 

Dapplicable to coupling grades P110 and higher. 

“applicable to coupling grades lower than J55 and K55. 

dApplicable to coupling grades J55 and K55 and higher. 


and predict joint failure rather than the onset of round-thread casing-connection yielding. Note that the equations 
are based on ultimate strength rather than yield strength. Because the equations are based on joint failure rather 
than the point at which the stress in the connection reaches yield strength, a design factor (DF) associated with 
failure rather than yielding should be considered. For API STC connections, the API and ISO formula for comput- 
ing the minimum coupling fracture strength is 


Fo =O.95A, Oye circ et en tte teens (7.38) 
where the area under the last perfect thread for eight-round threads is given by 
Ai, St /4| (d, ~0.1425)° — d’ |. Gis Hele Gara ale AAR eed BAD De UR E ba dn tid nea Gh casi des (7.39) 


The minimum force for joint pullout or thread jumpout is given by 


714d,°° yi 
Fo = 0.95A. La 0 d, On 4. yield PO ORAE KAER a E AE a E a a E E E (7.40) 
P| 05L, +0.14d, L,+0.14d, 


For BTC connections, API and ISO have specific equations for minimum coupling-pin and coupling-thread 
strength. The lesser of the values obtained from the two formulas governs. The tension force for BTC-connection 
thread failure is given by 


a 
Fa = 0.95A 0 i 1.008 -0.0396 1.08 = yield Ja k DAREA a ae ee ae ee ee ee ee eee (7.41) 
On 
The tensile force for coupling-thread failure is given by 
EH O99A ON: Since eee araben Resi hs hs oak Se hte ei ond eo eee Saeed tus (7.42) 
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TABLE 7.6c—BUTRESS CASING THREAD DIMENSIONS [from API Spec. 5B (2008)] Reproduced 
courtesy of the American Petroleum Institute. All dimensions in inches, except as indicated. See Figure 5. 


a) (2) (3) 4 (5) (6) (7) (8) (9) (0) (11) (2) (13) (14) 


End End 
of of 
Pipe Pipe 
to to Dia- Mini- 
Center Center meter mum 
of of of Length, 
Total Coup- Coup- Length: Hand- Coun- Full 
Length: ling, ling, Length: Endof Tight ter- Crest 
Number Length: End of Power- Hand- Face Pipe to Stand- bore Threads 


Size Major Of  |mper- Length: Pipe to Pitch Tight Tight of Coup- Tri- off in from 

Desig- Dia- Threads fect Perfect Vanish Dia- Make- Make- lingto angle Thread Coup- End of 

nation meter per inchThreadsThreads Point meter Up Up Plane E; Stamp Turns ling Pipe 
D D, g Lz La E7 J Jn Ay A Q Le 


4% 4.516 5 1.984 1.6535 3.6375 4.454 0.500 0.900 1.884 3'/i6 % 4.640 1.2535 
5 5.016 5 1.984 1.7785 3.7625 4.954 0.500 1.000 1.784 4'he 1 5.140 1.3785 
5% 5.516 5 1.984 1.8410 3.8250 5.454 0.500 1.000 1.784 4'/s 1 5.640 1.4410 
6% 6.641 5 1.984 2.0285 4.0125 6.579 0.500 1.000 1.784 4°/16 1 6.765 1.6285 
7 7.016 5 1.984 2.2160 4.2000 6.954 0.500 1.000 1.784 4% 1 7.140 1.8160 
7% 7.641 5 1.984 2.4035 4.3875 7.579 0.500 1.000 1.784 4"he 1 7.765 2.0035 
8% 8.641 5 1.984 2.5285 4.5125 8.579 0.500 1.000 1.784 4/16 1 8.765 2.1285 
9% 9.641 5 1.984 2.5285 4.5125 9.579 0.500 1.000 1.784 4/16 1 9.765 2.1285 
10% 10.766 5 1.984 2.5285 4.5125 10.704 0.500 1.000 1.784 413/16 1 10.890 2.1285 
11% 11.766 5 1.984 2.5285 4.5125 11.704 0.500 1.000 1.784 4'%/16 1 11.890 2.1285 
13% 13.391 5 1.984 2.5285 4.5125 13.329 0.500 1.000 1.784 4'%/16 1 13.515 2.1285 
16 16.000 5 1.488 3.1245 4.6125 15.938 0.500 0.875 1.313 4'/16 T/s 16.154 2.7245 
18% 18.625 5 1.488 3.1245 4.6125 18.563 0.500 0.875 1.313 48/16 Ve 18.779 2.7245 
20 20.000 5 1.488 3.1245 4.6125 19.938 0.500 0.875 1.313 4/16 le 20.154 2.7245 


Include taper on diameter: Sizes 13% and smaller—0.0625 in. per in. 
Sizes 16 and larger—0.0833 in. per in. 


Notes: 

1. At plane of perfect thread length L;, the basic major diameter of the pipe thread and plug gage thread is 0.016 in. greater than specified pipe 
diameter D for sizes 13% and smaller and is equal to the specified pipe diameter for sizes 16 and larger. 

2. Hand-tight standoff “A” is the basic allowance for basic power make-up of the joint as shown in Figure 5. The % in. equilateral triangle 
stamp located on the pipe at the length A1 from the end of the pipe facilitates obtaining the power make-up provided for by the hand-tight 
standoff “A” 

*Pitch diameter on buttress casing thread is defined as being midway between the major and minor diameters. 

*L, = L7 —0.400 in. for buttress thread casing. Within the L, length, as many as 2 threads showing the original outside surface of the pipe on 
their crests for a circumferential distance not exceeding 25% of the pipe circumference is permissible. The remaining threads in the L, thread 
length shall be full crested threads. 


TABLE 7.6d—NON-UPSET TUBING THREAD DIMENSIONS [from API Spec. 5B (2008)] Reproduced 
courtesy of the American Petroleum Institute. All dimensions in inches, except as indicated. See Figure 8. 


0) (2) (3) (4) (5) (6) (7) (8) (9) (10) (11) (12) (13) 


Mini- 
Length: mum 
Endof Face Dia- Length, 
Length: Total Pitch Pipe to of meter Depth Hand- Full 
End of Length: Dia- Centerof Coup- of of Tight Crest 


Number Pipe to Length: End of meter at Coupling, ling to Coup- Coup- Stand- Threads 
Size Major of Hand- Effec- Pipeto Hand- Power- Hand- ling ling off from 
Desig- Dia- Threads Tight tive Vanish Tight Tight Tight Re- Re- Thread End of 
nation meter perinch Plane Threads Point Plane Make-Up Plane cess cess Turns Pipe 
D D, Ly L2 La E, J M Q q ES 
1.050 1.050 10 0.448 0.925 1.094 0.98826 0.500 0446 1.113 “hs 2 0.300 


> 


1.315 1.315 10 0.479 0.956 1.125 1.25328 0.500 0.446 1.378 "he 2 0.300 
1.660 1.660 10 0.604 1.081 1.250 1.59826 0.500 0.446 1.723 "he 2 0.350 
1.900 1.900 10 0.729 1.206 1.375 1.83826 0.500 0.446 1.963 “Vig 2 0.475 
2% 2.375 10 0.979 1.456 1.625 2.31326 0.500 0.446 2.438 "hes 2 0.725 
Zle 2875 10 1.417 1.894 2.063 2.81326 0.500 0.446 2.938 “Ve 2 1.163 
3% 3.500 10 1.667 2.144 2.313 3.43826 0.500 0.446 3.563 “Vr 2 1.413 
4 4.000 8 1.519 2.140 2.375 3.91395 0.500 0.534 4063 % 2 1.375 
4% 4.500 8 1.779 2.328 2.563 4.41395 0.500 0.534 4563 % 2 1.563 


Include taper on diameter, all sizes, 0.0625 in. per in. 


Note: Hand-tight standoff “A” is the basic allowance for basic power make-up of the joint as shown in Figure 8. 
*Le = L4-0.900 in. for 10 thread tubing, but not less than 0.300. 
Le = L4 —1.000 for 8 thread tubing. 
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TABLE 7.6e—EXTERNAL-UPSET TUBING THREAD DIMENSIONS [API Spec. 5B (2008)] Reproduced 
courtesy of the American Petroleum Institute.All dimensions in inches, except as indicated. See Figure 8. 


a) (2) (3) (4) (5) (6) (7) (8) (9) (10) (11) (12) (13) 


End of Mini- 
Pipe to Length: mum 
Total Pitch Center Face Dia- Length, 
Length: Length: Dia- of of meter Depth Hand- Full 
End of End meter Coupling Coup- of of Tight Crest 


Pipe to Length: of Pipe at Power- ling to Coup- Coup- Stand- Threads 
Size Major Number Hand- Effec- to Hand- Tight Hand- ling ling off from 
Desig- Dia- of Tight tive Vanish Tight Make- Tight Re- Re- Thread End of 
nation meter Threads Plane Threads Point Plane Up Plane cess cess Turns Pipe 
D D, per inch Ly Lo L4 E4 J M Q q A E: 
1.050 1.315 10 0.479 0.956 1.125 1.25328 0.500 0.446 1.378 “hes 2 0.300 


1.315 1.469 10 0.604 1.081 1.250 1.40706 0.500 0.446 1.531 "he 2 0.350 
1.660 1.812 10 0.729 1.206 1.375 1.75079 0.500 0.446 1.875 “le 2 0.475 
1.900 2.094 10 0.792 1.269 1.438 2.03206 0.500 0.446 2.156 “Iie 2 0.538 
2% 2.594 8 1.154 1.703 1.938 2.50775 0.500 0.534 2.656 % 2 0.938 
2'ls 3.094 8 1.341 1.890 2.125 3.00775 0.500 0.534 3.156 % 2 1.125 
3% 3.750 8 1.591 2.140 2.375 3.66395 0.500 0.534 3.813 % 2 1.375 
4 4.250 8 1.716 2.265 2.500 4.16395 0.500 0.534 4.313 % 2 1.500 
4% 4.750 8 1.841 2.390 2.625 4.66395 0.500 0.534 4813 % 2 1.625 
Include taper on diameter, all sizes, 0.0625 in. per in. 
Note: Hand-tight standoff “A” is the basic allowance for basic power make-up of the joint as shown in Figure 8. 
*Le = L4 —0.900 in. for 10 thread tubing, but not less than 0.300. 
L. = L4—-1.000 for 8 thread tubing. 
where A „is given by 
mT 
(A e ii ea ie a sin pear ee tedtaes (7.43) 


API TR 5C3 (2008) and ISO/TR 10400:2007(E) (2007) present a method to calculate the joint strength for a 
round-thread casing with combined bending and internal pressure. The method is based on physical tests per- 
formed in the 1960s. 

Connection Collapse. The collapse resistance of API casing couplings is greater than that of the pipe body. 

Connection Performance Plot. There is a wide range of designs and performance levels among API connec- 
tions from various manufacturers, especially for premium connections. Some proprietary connections have strong 
interactions between sealability and applied tension or axial compression loads. Many vendors provide a von 
Mises performance envelope for their connections, which in many cases is based on finite-element analysis or 
physical testing (Fig. 7.15). There are no standards in the industry for these plots, and the envelopes may be based 
on the onset of yield, a sealability limit, or other criteria. The sealability of a connection will also depend on 
whether a gastight or a liquid-tight seal is required. Because gas leaks through a connection much more easily than 
liquid, the sealability of a connection in liquid service is typically much greater than its sealability in gas service. 
In some cases, vendors will have a different performance envelope for each combination of connection trade 
name, size, weight, and casing grade. 


7.9 Casing-Program Selection and Design 

The process of selecting casing-setting depths, hole sizes, number of casing strings, and related parameters is 
referred to as the casing-program selection process. The casing design process consists of selecting the weight, 
grade, and connections for the casings that will be used in a string. 

The process of casing-program selection begins with specification of the surface and bottomhole well locations 
and the size of the production casing that will be used if hydrocarbons are found in commercial quantities. The 
number and sizes of tubing strings and the type of subsurface artificial-lift equipment that may eventually be 
placed in the well determine the minimum ID of the production casing. These specifications are usually deter- 
mined for the drilling engineer by other members of the engineering staff. In some cases, the possibility of explor- 
atory drilling below an anticipated productive interval must also be considered. The drilling engineer then must 
design a program of bit sizes, casing sizes, grades, and setting depths that will enable the well to be drilled and 
completed safely in the desired producing configuration. 
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Fig. 7.15—Example of 7 -in. 39 Ibf/ft Q125 connection/pipe body performance envelope (von Mises 
equivalent). 


To obtain the most economical design, casing strings often consist of multiple sections of different steel 
grades, wall thicknesses, and coupling types. Such a casing string is called a combination string. Additional 
cost savings can sometimes be achieved using liner-tieback combination strings instead of a full string run 
from the surface to the bottom of the hole. When this is done, the reduced tension loads experienced in running 
the casing in stages often make it possible to use lighter weights or lower grades of casing. The potential sav- 
ings from use of a liner-tieback combination rather than a full string must be weighed against the additional 
risks and costs of a successful, leak-free tieback operation. Rig and equipment limitations often make the use 
of a liner-tieback combination necessary because the tension loads are usually lower than when running a full 
string. 


7.9.1 Selection of Casing-Setting Depths. The selection of the number of casing strings and their respective 
setting depths is generally based on consideration of the pore-pressure gradients and fracture gradients of the 
formations to be penetrated. The example shown in Fig. 7.16 illustrates the relationship between casing setting 
depth and these gradients. The pore-pressure-gradient and fracture-gradient data are obtained by the methods 
presented in Chapter 2, expressed as equivalent densities, and plotted against depth. A line representing the 
planned mud-density program is also plotted. The mud densities are chosen to provide an acceptable trip mar- 
gin above the anticipated formation pore pressures to allow for reductions in effective mud weight caused by 
upward pipe movement during tripping operations. A commonly used trip margin is 0.5 lbm/gal or one that will 
provide 200 to 500 psi of excess bottomhole pressure (BHP) over the formation pore pressure. 

To reach the depth objective, the effective drilling-fluid density shown at point a is chosen to prevent the flow 
of formation fluid into the well (i.e., to prevent a kick). However, to carry this drilling-fluid density without 
exceeding the fracture gradient of the weakest formation exposed within the borehole, the protective intermediate 
casing must extend at least to the depth of Point b, where the fracture gradient is equal to the mud density needed 
to drill to Point a. Similarly, to drill to Point b and to set intermediate casing, the drilling-fluid density shown at 
Point c will be needed and will require surface casing to be set at least to the depth at Point d. When possible, a 
kick margin is subtracted from the true fracture-gradient line to obtain a design fracture-gradient line. If no kick 
margin is provided, it is impossible to absorb a kick at the casing-setting depth without causing a hydrofracture 
and a possible underground blowout. 

Other factors, such as the need to protect freshwater aquifers, the presence of vugular lost-circulation zones, the 
presence of depleted low-pressure zones that tend to cause stuck pipe, the presence of salt beds that tend to flow 
plastically and close the borehole, and government regulations, can also affect casing-depth requirements. More- 
over, experience in an area may show that it is easier to achieve a good casing-seat cement job in some formation 
types than in others, or that fracture gradients are generally higher in some formation types than in others. Under 
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Fig. 7.16—Casing setting depths [from Bourgoyne et al. (1991)]. 


such conditions, a design must be found that simultaneously will meet these special requirements and the pore- 
pressure and fracture-gradient requirements outlined above. 

The conductor-casing setting depth is based on the mud density required to prevent washout of the shallow 
borehole when drilling to the depth of the surface casing. The conductor casing must be able to sustain 
the pressures expected during diverter operations without washing around the outside of the conductor. 
The conductor casing is often driven into the ground, where soil resistance governs its length. The casing- 
driving operation is stopped when the number of blows per foot of depth exceeds some specified upper 
limit. Typically the conductor is not designed to support the weight of the surface casing or of subsequent 
strings. 


Example 7.5 A well is being planned for a location in Jefferson Parish, Louisiana. The intended well completion 
requires the use of 7-in. production casing set at 15,000 ft. Determine the number of casing strings needed to reach 
this depth objective safely and select the casing-setting depth of each string. Pore pressure, fracture gradient, and 
lithology data from logs of nearby wells are given in Fig. 7.17. Allow a 0.5-lbm/gal trip margin and a 0.5-lbm/gal 
kick margin when making the casing-seat selections. The minimum length of surface casing required to protect 
the freshwater aquifers is 2,000 ft. Approximately 180 ft of conductor casing is generally required to prevent 
washout on the outside of the conductor. It is general practice in this area to cement the casing in shale rather than 
in sandstone. 

Solution. The planned mud-density program is first plotted to maintain a 0.5-lbm/gal trip margin at every 
depth. The design fracture line is then plotted to provide a 0.5-lbm/gal kick margin at every depth. These two 
lines are shown in Fig. 7.16 by dashed lines. To drill to a depth of 15,000 ft, a 17.6-lbm/gal mud will be 
required (Point a). This, in turn, requires intermediate casing to be set at 11,400 ft (Point b) to prevent fracture 
of the formations above 11,400 ft. Similarly, to drill safely to a depth of 11,400 ft to set intermediate casing, a 
mud density of 13.7 lbm/gal is required (Point c). This, in turn, requires surface casing to be set at 4,000 ft 
(Point d). Because the formation at 4,000 ft is normally pressured, the usual conductor-casing depth of 180 ft 
is appropriate. 

Only 2,000 ft of surface casing is needed to protect the freshwater aquifers. However, if this minimum casing 
length were used, intermediate casing would have to be set higher in the transition zone. An additional liner would 
also have to be set before reaching the total depth objective to maintain the 0.5-lbm/gal kick margin. Because 
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Fig. 7.17—Setting depth example [from Bourgoyne et al. (1991)]. 


shale is the predominant formation type, only minor variations in casing setting depth are required to maintain the 
casing seat. 


7.9.2 Selection of Casing Sizes. The size of the casing strings is controlled by the necessary ID of the production 
string and the number of intermediate casing strings required to reach the depth objective. To enable the produc- 
tion casing to be placed in the well, the bit size used to drill the last interval of the well must be slightly larger than 
the OD of the casing connectors. The selected bit size should provide sufficient clearance beyond the OD of the 
coupling to allow for mudcake on the borehole wall and for casing appliances such as centralizers and scratchers. 
This, in turn, determines the minimum size of the second-deepest casing string. Using similar considerations, the 
bit size and casing size of successively more shallow well segments are selected. 

Selection of casing sizes that permit the use of commonly used bits is advantageous because the bit manufactur- 
ers make readily available a much larger variety of bit types and features in these common sizes. However, addi- 
tional bit sizes are available that can be used in special circumstances. Fig. 7.18 shows common hole and bit sizes 
used to drill wells (Greenip 1978). 
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Fig. 7.18—Casing hole size. Solid lines indicate commonly used bits for that size pipe and can be consid- 
ered adequate clearance to run and cement the casing or liner. The broken lines indicated less common 
hole sizes used. The selection of one of these broken paths requires that special attention be given to 
the connection, mud weight, cementing, and doglegs [from Economides et al. (1998)]. Reprinted with 
permission from John Wiley & Sons. 


Example 7.6 Using the data given in Example 7.5, select casing sizes (i.e., OD) for each casing string. 

Solution. A 7-in. production casing string is desired. An 8.5-in. bit is selected to drill the bottom section of the 
borehole. An 8.5-in. bit will pass through most of the available 9.625-in. casings (see Table 7.3). However, a final 
check will have to be made after the required maximum weight per foot is determined. A 12.25-in. bit is selected 
to drill to the depth of the intermediate casing. As shown in Fig. 7.18, a 12.25-in. bit will pass through most 
13.375-in. casings. A 17.5-in. bit is selected to drill to the depth of the surface casing. Finally, as shown in 
Fig. 7.18, a 17.5-in. bit will pass through the 20-in. conductor casing, which will be driven into the ground. 
Some operators would use 18.625-in. conductor casing because a 17.5-in. bit will pass through most commonly 
used casings of this size. 


7.9.3 Selection of Weight, Grade, and Couplings. Once the length and OD of each casing string have been 
established, the weight, grade, and couplings for each string can be designed. In general, each casing string is 
designed to withstand the most severe loading conditions anticipated during casing placement and the life of the 
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well. The loading conditions that are always considered are burst, collapse, and tension. When appropriate, other 
loading conditions (such as bending or buckling) must also be considered. Because the loading conditions in a 
well tend to vary with depth, it is often possible to obtain a less expensive casing design using several different 
weights, grades, and couplings in a single casing string. 

It is often impossible to predict the various loading conditions to which a casing string will be subjected during 
the life of a well. Therefore, the casing design usually is based on an assumed loading condition. The assumed 
design load must be severe enough that there is a very low probability of a more severe situation actually occur- 
ring and causing casing failure. When appropriate, the effects of casing wear and corrosion should be included in 
the design criteria. These effects tend to reduce the casing thickness and greatly increase the stresses where they 
occur. 

The design loads assumed by the various well operators differ significantly and are too numerous to be exhaus- 
tively listed in this text. There are no industry specifications that contain recommendations for design loads. 
Instead, example design criteria that are felt to be representative of current drilling-engineering practice will be 
presented. Once the concepts presented in this text are mastered, the reader should be able to apply easily any 
other criteria used by his particular company. 

As mentioned in Section 7.5, most classic design methods never permitted a material to be loaded beyond its 
design rating, which could be based on a material’s yield strength or failure strength. A safety factor is the margin 
of safety between an applied load and the design rating. A design factor is the minimum safety factor allowed for 
a particular load; thus, it limits the load that can be safely applied. Design factors are usually based on experience 
and account for uncertainties in the loads and in the strength or resistance of a tubular. There are no universally 
accepted design factors, and there are no design factors specified or recommended by industry standards. Design 
methods based on applying a design factor to the strength or resistance of a tubular to yield the working rating of 
the tubular are referred to as working-stress designs. 

To achieve a minimum-cost casing design, the most economical casing and coupling that will meet the design 
loading conditions must be used for all depths. Because casing prices change frequently, it is not practical to 
include a detailed price list in a text of this type. In general, minimum cost is achieved when casing with the min- 
imum possible weight per foot in the minimum grade that will meet the design load criteria is selected. For this 
illustration, only API casing and couplings will be considered in the example applications. It will be assumed that 
the cost per foot of the casing increases with increasing burst strength and that the cost per connector in- 
creases with increasing joint strength. 

Casing strings required to drill safely to the depth objective serve different functions from those of the produc- 
tion casing. Similarly, drilling conditions applicable for surface casings are different from those for intermediate 
casings or drilling liners. For this reason, each type of casing string will have different design load criteria. Design 
criteria also can vary with the well environment (e.g., wells drilled into permafrost on the north slope of Alaska) 
and with the well application (e.g., geothermal steam or steam-injection wells). General design criteria will be 
presented for surface casings, intermediate casings, intermediate casings with a liner, and production casings. 
Additional criteria for thermal and arctic wells will also be discussed. 


7.9.4 Casing Axial Forces. The balance of forces on the casing is shown in Fig. 7.19. Adding the forces and tak- 
ing the limit as As goes to zero gives the following equation (Mitchell 2009): 


where w, is the weight of pipe in air, w; is the fluid load on the interior of the pipe, w, is the fluid load on the 
exterior of the pipe, w, is the contact load, s is the measured depth, i is the downward direction, and f is the vec- 
tor pointing in the axial direction. The fluid force on the inside of the pipe can be determined with a similar force 


balance, as shown in Fig. 7.20: 


Wy = -<[P Al] PPAG =U. srar n eE a EE EEE Ra kurekganne santas (7.45) 
S 


where p, is the density of the fluid inside the pipe, and g is the gravity constant. The exterior fluid force is some- 
what more difficult to determine, but if we assume a static fluid, it is somewhat easier. If we assume a volume of 
fluid with a missing volume the size of the pipe, then the load on the wall of the hole in the fluid equals the load 
on the casing. A cylinder of fluid that would fill the hole in this volume of fluid would have a load on it of the 
opposite sign, since there is no net load on the total fluid volume. Thus, the exterior fluid load has the same form 
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Ft + A(Fi) 


Fig. 7.19—Casing force balance. 
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Fig. 7.20—Internal flow force balance. 


as Eq. 7.45, but with the opposite sign, the exterior area A, replacing the interior area A, and the exterior pressure 
replacing the interior pressure: 


Wer -<[PAi]-pAsi S aD T wees care ev Sees a E oer Ronse Bosak Bie Gidea oie (7.46) 
S 


where p,is the density outside the casing. Putting loads from Eqs. 7.45 and 7.46 into the pipe force balance gives 
d 2 TAREA 
gle - PA, +P A,)t ] tw S PAPE PAS EW =O merrie po saii EE aeeai (7.47) 
s 


Notice that we can combine terms in Eq. 7.47, and we find that we have again derived the effective tension we 
found in Section 7.5.5, Eq. 7.7: 
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din > 
—[F, F|+ wyi +w, =0 
ds 7 


F, = F,- PA, + P,A, 
Wp W TPAR PA oriire a TA EE E AREE E EA EEE E A a ie (7.48) 


If we look at only the axial terms in Eq. 7.48, we get the equation for calculating the tension in the casing: 


ip +W, cosp = 0 di orie a A E O EO es Sus R beth ae (7.49) 
ds 


where ọ is the pipe inclination angle relative to the vertical. Another advantage of using effective tension 
occurs with a change in cross-section of the pipe. Clearly, pressure forces are generated at changes in area 
(see Fig. 7.21): 


FE = P -P AA, + PAA, 
AA, = A* — Ay 
RA iM eee be gdan ea a ioe ha Cos eet tu che teepenieeaenount (7.50) 


The negative superscript denotes upstream of the area change, while the positive superscript denotes downstream. 
Remember that the sign convention for F is tension positive. 
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Aj 


11—— 
E l 


Fig. 7.21—Pressure force due to area change. 


Casing Design 425 


Fi =F, -P|A -A |+P[Ai-A, |> 


i 


FE RPA ERA SEP RA TRA o eea a a eee oe (7.51) 
or: 
Fi =F; 


If we use the effective force, we do not need to account for fluid loads resulting from changes in cross-sectional 
area. 

When designing a casing string, the effect of fluid pressure (buoyancy) is easily included when calculating axial 
loads by using the effective tension. Because the collapse resistance of a tubular is derated for tension, buoyancy 
will also affect a tubular’s collapse-resistance properties. Drilling engineers sometimes use a simple method to 
include the buoyancy effect on casing when performing hand calculations. The buoyed weight per foot of casing 
is obtained by multiplying the air nominal weight per foot of casing by a buoyancy factor. The following equation 
can be used to calculate the buoyancy factor (BF) in common oilfield units: 


where p is the mud weight in lbm/gal. In this case, w, can be shown to be 


Wop = Wa — Pn 8A; + P,8A, 
=(P, — Pm BA, 


where p is the density of steel, and we have converted the density of steel to Ibm/gal units. 


7.9.5 Surface Casing. Examples of design loading conditions for surface casing are illustrated in Fig. 7.22 for 
burst, Fig. 7.23 for collapse, and Fig. 7.24 for tension. The high-internal-pressure loading condition used for the 
burst design is based on a well-control condition which is assumed to occur while circulating out a large kick. The 
high-external-pressure loading condition used for collapse design is based on a severe lost-circulation problem. 
The high-axial-tension loading condition is based on an assumption of stuck casing while the casing is being run 
into the hole before cementing operations. 
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Fig. 7.22—Burst loads [from Bourgoyne et al. (1991)]. 
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Fig. 7.23—Collapse loads [from Bourgoyne et al. (1991)]. 
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Fig. 7.24—Tension loads [from Bourgoyne et al. (1991)]. 


The burst design should ensure that the formation-fracture pressure at the casing seat will be exceeded before 
the casing burst pressure is reached. Therefore, this design uses formation fracture as a safety pressure-release 
mechanism to ensure that casing rupture will not occur at the surface and endanger the lives of the drilling person- 
nel. The design pressure at the casing seat is equal to the fracture pressure plus a safety margin to allow for an 
injection pressure that is slightly greater than the fracture pressure. The pressure within the casing is calculated 
assuming that all the drilling fluid in the casing is lost to the fractured formation, leaving only formation gas in the 
casing. The external or backup pressure outside the casing, which helps to resist burst, is assumed to be equal to 
the normal formation pore pressure for the area. The beneficial effect of cement or higher-density mud outside the 
casing is ignored because of the possibility both of a locally poor cement bond and of mud degradation over time. 
A safety factor is also used to provide an additional safety margin for possible casing damage during transporta- 
tion and field handling of the pipe. 

The collapse design is based either on the most severe lost-circulation problem that is believed to be possible 
or on the most severe collapse loading anticipated when the casing is run. For both cases, the maximum possible 
external pressure, which tends to cause casing collapse, will result from the drilling fluid that is in the hole when 
the casing is placed and cemented. The beneficial effect of the cement and of possible mud degradation is 
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ignored, but the detrimental effect of axial tension on the collapse-pressure rating is considered. The beneficial 
effect of pressure inside the casing can also be taken into account by the consideration of a maximum possible 
depression of the mud level inside the casing. A safety factor is generally applied to the design loading condition 
to provide an additional safety margin. 

If a severe lost-circulation zone or a pore-pressure regression zone is encountered near the bottom of the next 
interval of the hole and if no other permeable formations are present above the zone, the fluid level in the well can 
fall until the BHP is equal to the pore pressure of the zone. Equating the hydrostatic mud pressure to the pore 
pressure of the lost-circulation zone gives 


005221 2,.= 2, = 0052, Ze tates risri arse rntiener reir a E a (7.54a) 


where Z, is the depth (true vertical) of the lost-circulation zone, 8, is the pore-pressure gradient of the zone, p. 
is the maximum mud density anticipated in drilling to Z,, and Zis the depth to which the mud level will fall. 
Solving this expression for Z, yields 
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There is usually considerable uncertainty in the selection of the minimum anticipated pore-pressure gradient and 
the maximum depth of the zone for use in Eq. 7.54b. In the absence of any previously produced and depleted 
formations, the normal pore-pressure gradient for the area can be used as a conservative estimate of the minimum 
anticipated pore-pressure gradient. Similarly, if the lithology is not well known, the depth of the next full-length 
casing string can be used as a conservative estimate of Z, . 

The minimum fluid level in the casing when it is placed in the well depends on field practices. The casing usu- 
ally is filled with mud after each joint of casing is made up and run in the hole, and an internal casing pressure that 
is approximately equal to the external casing pressure is maintained. However, in some cases the casing is floated 
in, or run at least partially empty, to reduce the maximum hook load before reaching bottom. If this practice is 
anticipated, the maximum depth of the mud level in the casing must be compared to the depth computed using Eq. 
7.45b, and the greater value must be used in the collapse-design calculations. 

The most difficult part of the collapse design is the correction of the collapse-pressure rating for the effect of 
axial tension. The difficulty lies in determining the axial tension that is present at the time the maximum collapse 
load is imposed. If the maximum collapse load is encountered when the casing is run, the axial tension can be 
readily calculated from a knowledge of the casing weight per foot and the mud hydrostatic pressure in accordance 
with the principles previously presented. However, if the maximum collapse load is encountered after the cement 
has hardened and the casing has been landed in the wellhead, the determination of axial stress is much more dif- 
ficult. In the case of hand calculations, it is common to compute axial tension as the hanging weight for the 
hydrostatic pressures present when the maximum collapse load is encountered plus any additional tension put in 
the pipe during and after casing landing. This assumption will result in a maximum tension value and a corrected 
minimum collapse-pressure rating. 

Tension design requires consideration of the axial stresses that are present when the casing is run during 
cementing operations, when the casing is landed in the slips, and during subsequent drilling and production 
operations throughout the life of the well. In most cases, the design load is based on conditions that could occur 
when the casing is run. It is assumed that the casing may become stuck near the bottom and that a maximum 
amount of pull, in excess of the hanging weight in mud, would then be required to work the casing free. A mini- 
mum safety-factor criterion is applied so that the design load will be dictated by the maximum load resulting from 
the use of either the safety factor or the overpull force, whichever is greater. The minimum overpull force tends to 
control the design in the upper portion of the casing string, and the minimum safety factor tends to control the 
design in the lower part of the casing string. Once the casing design is completed, the maximum axial stresses 
anticipated during cementing, casing loading, and subsequent drilling operations should also be checked to ensure 
that the design load is never exceeded. In some cases where internal pressure or density has increased and external 
pressure has decreased because of setting conditions, added tension loads can exceed the overpull force. This 
phenomenon will be further explained in Section 7.12. 

In the design of a combination string of nonuniform wall thickness, the effect of buoyancy is most accurately 
included using the effective tension concept. The drilling fluid in use at the time the casing is run is used to com- 
pute the hydrostatic pressure at each junction between sections of different wall thicknesses, so that the actual 
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tension can be calculated from the effective tension. For hand calculations, the simpler method shown in Section 
7.8.4 is commonly used. 

In directional wells, the additional axial stress in the pipe body and connectors caused by bending should be 
added to the axial stress that results from casing weight and fluid hydrostatic pressure. The directional plan must 
be used to determine the portions of the casing string that will be subjected to bending when the pipe is run. The 
lower portion of the casing string will have to travel past all the curved sections in the wellbore, but the upper 
section of the casing string may not be subjected to any bending. 

When the selection of casing grade and weight in a combination string is controlled by collapse, a simultaneous 
design for collapse and tension will be the most exact. The greatest depth at which the next most economical cas- 
ing can be used depends on its corrected collapse-pressure rating, which in turn depends on the prior computation 
of axial tension. An iterative procedure can be used in which the depth of the bottom of the next most economical 
casing section is first selected on the basis of an uncorrected table value for collapse resistance. The axial tension 
at this point is then computed, and the collapse resistance is corrected. This procedure enables the depth of the 
bottom of the next casing section to be updated for a second iteration. Several iterations may be required before 
the solution converges. A simple graphical method can be used with hand calculations, as shown in Example 7.7, 
for quicker selection of casing-section depths. 


7.9.6 Intermediate Casing. Intermediate casing is similar to surface casing in that its function is to permit the 
final depth objective of the well to be reached safely. Several methods are used by the industry to ensure that this 
string is designed for safe handling of formation kicks, lost returns, and other drilling problems that may occur 
during deep drilling. 

Similarly to surface-casing design, internal and external pressure design loads are determined using both burst 
and collapse analysis. For burst design, the external pressure, or the backup pressure outside the casing that helps 
resist burst, is typically assumed to be equal to the normal formation pore pressure for the area. The beneficial 
effect of cement or higher-density mud outside the casing is ignored because of the possibility both of a locally 
poor cement bond and of mud degradation over time. 

Internal-pressure design-load assumptions for burst analysis vary significantly in the industry. Some operators 
calculate the internal pressure that would result at every depth in a string from circulating out a design kick. The 
design-kick intensity and volume is chosen to result in well pressures that are equal to (or slightly greater than) 
the predicted formation pressure at the intermediate-casing shoe. This ensures that the design kick can be success- 
fully circulated past the intermediate-casing shoe without compromising formation integrity at the casing shoe. If 
the design-kick pressure exceeds the formation strength at the intermediate-casing shoe, a lost return or an under- 
ground blowout would likely result, after which the kick could not be circulated to the surface. The maximum 
surface pressure while circulating out the design kick can also be calculated, and the BOP working pressure is 
chosen to exceed this maximum surface pressure from the kick-circulation process. 

Some operators use the general procedure outlined for surface casing for intermediate-casing strings. However, 
in some cases, the burst-design requirements dictated by the design-loading condition illustrated in Fig. 7.22 are 
extremely expensive to meet, especially when the resulting high working pressure is in excess of the working 
pressure of the surface BOP stacks and choke manifolds for the available rigs. In this case, the operator may ac- 
cept a slightly larger risk of losing the well and select a less severe design load. The design load remains based on 
an underground blowout situation which is assumed to occur while a gas kick is being circulated out. However, 
the acceptable mud loss from the casing is limited to the maximum amount that will cause the working pressure 
of the surface BOP stack and choke manifold to be reached. If the existing surface equipment is to be retained, it 
is pointless to design the casing to have a higher working pressure than the surface equipment. 

When the surface burst-pressure load is based on the working pressure of the surface equipment, P a» internal 
pressures at intermediate depths should be determined, as shown in Fig. 7.22. It is assumed that the upper portion 
of the casing is filled with mud and the lower portion of the casing is filled with gas. The depth of the mud/gas 
interface, Z „ is determined using the following relationship: 
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where P, is the injection pressure opposite the lost-circulation zone; p,, and p, are the densities of mud and gas, 
respectively; and Z, is the depth of the lost-circulation zone. Solving this equation for Z, gives 
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The gas behavior can be described using the real gas equation, defined by 


where p = absolute pressure, Pp, = gas density, z = gas compressibility factor, R = universal gas constant, T = abso- 
lute temperature, and M = gas molecular weight. The gas density is estimated using Eq. 7.56 with z ~ 1 (see 
Chapter 5) and an assumed average molecular weight. The density of the drilling mud is set to the maximum 
density anticipated while drilling to the depth of the next full-length casing string. This makes it possible to 
calculate the maximum intermediate pressures between the surface and the casing seat. The depth of the lost- 
circulation zone is determined from the fracture gradient vs. depth plot as the depth of the weakest exposed forma- 
tion. The injection pressure is equal to the fracture pressure plus an assumed safety margin to account for a 
possible pressure drop within the hydraulic fracture. 

Collapse-loading design assumptions for intermediate casings are usually similar to those used for surface- 
casing design, taking lost returns into account. Typically, an intermediate-casing-string design will result in a 
lower casing grade and weight per foot than those for a production string. As a result, an intermediate string de- 
signed only for deep drilling often will not meet production-casing design specifications. 


7.9.7 Intermediate Casing With a Liner. The burst-design-load criteria for intermediate casing on which a drill- 
ing liner will later be supported must be based on the fracture gradient below the liner. The burst design considers 
the intermediate casing and liner as a unit. All other design criteria for the intermediate casing are identical to 
those previously presented. 


7.9.8 Production Casing. Example burst-design and collapse-design loading conditions for production casing 
are illustrated in Fig. 7.25. The example burst-design loading condition assumes that a producing well has an 
initial shut-in BHP equal to the formation pore pressure and a gaseous produced fluid in the well. The production 
casing must be designed so that it will not fail if the tubing fails. A tubing leak is assumed to be possible at any 
depth. External pressure for production-casing burst design is generally assumed to be the formation pressure 
outside the casing. Experience has shown that mud left outside the casing will decrease in density over time if 
the mud can interact with an open hole. An exception is if the casing annulus outside the production casing is 
sealed with cement and the mud trapped in the annulus is not free to interact with the open hole. A sealed an- 
nulus also creates a fixed-volume annulus, which is subject to annulus mud expansion creating annulus pressure 
with a temperature increase, a phenomenon which is discussed in Section 7.13.3 and in advanced literature. 


Burst Collapse 


Formation Formation 
Gas pressure Empty pressure 
BHP=formation pressure 


Fig. 7.25—Production casing design and loads. 
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The collapse design load shown in Fig. 7.25 is based on conditions late in the life of the reservoir, when 
reservoir pressure has been depleted to a very low (negligible) abandonment pressure. A leak in the tubing or 
packer could cause loss of the completion fluid, and therefore the low internal pressure is not restricted to the 
portion of the casing below the packer. Therefore, for design purposes, the entire casing is considered to be 
empty. For collapse design, the fluid density outside the casing is assumed to be equal to the formation pres- 
sure, and the beneficial effect of the cement is ignored. 

In the absence of any unusual conditions, the tension design load criteria for production casing are the same as 
for surface and intermediate casing. When unusual conditions are present, the maximum stresses associated with 
these conditions must be checked to determine whether they exceed the design load in any portion of the string. 


Example 7.7 Design 7-in. production casing for a vertical 16,000-ft sweet service well. The production casing 
will be set in 10.2-Ibm/gal mud. Base the design on the pipe-body performance properties; connections will be 
chosen later. The operations group has specified a 2,000-ft minimum section length, 100,000-lbf overpull over 
buoyed casing weight, and a maximum of three sections of casing. A “gauge joint” of the heaviest weight- 
per-foot casing at the surface is not required. Packer-fluid density is specified as 8.8 lbm/gal salt water, and the 
expected shut-in tubing pressure (SITP) is 6,000 psi. Minimum pore pressure in the open hole and the BHP is 
9.6 Ibm/gal. For burst design, assume that a wellhead leak has occurred and that the 6,000-psi tubing pressure 
has been applied to the top of the 8.8-Ibm/gal packer fluid. Assume further that the top of cement in the produc- 
tion casing by the open hole is at 10,500 ft. Use a burst design factor (BDF) of 1.1, a collapse design factor 
(CDF) of 1.125, and a pipe-body-tension design factor (TDF) of 1.5. Available casing and API pipe-body 
performance properties with the specified design factor, listed in increasing order of cost, are as follows: 


Collapse, psi Burst, psi Tension, klbf 
Available Types CDF= 1.125 BDF = 1.1 TDF=1:5 
23.0 Ibf, N-80 3,400 5,760 3953 
23.0 Ibf, C-95 3,690 6,850 420 
26.0 Ibf, C-95 5,235 7,820 478 
29.0 Ibf, C-95 6,970 8,810 535 
32.0 Ibf, C-95 8,660 9,780 590 
29.0 lbf, P-110 7,580 10,200 620 


Solution. Step 1. Determine burst loads: 
With 6,000-psi SITP applied on top of the 8.8-lbm/gal packer fluid with a 9.6-lbm/gal external pressure: 
Burst load at the surface = 6,000 psi 
Burst load at 16,000 ft = (6,000 + (16,000)(8.8)(0.052)) — (16,000)(9.6)(0.052) 
= (6,000 + 7,322) — 7,987 
= 5,335 psi. 
The burst load line is plotted in Fig. 7.26. 
Step 2. Determine collapse loads: 


Collapse load at the surface = 0 psi 

Collapse load at 16,000 ft = 8,000 psi (i.e., BHP) 
The collapse load line is plotted in Fig. 7.26. Both burst and collapse loads are plotted on the same figure for 
convenience. 


Step 3. Determine the depth of the neutral plane: 


BF=1- 10.2 
65.5 
BF = 0.844 


Neutral plane = (16,000) (0.844) = 13,500 ft. 
The neutral plane is plotted in Fig. 7.26. Note that collapse is the dominant design load below approximately 10,000 ft. 
Collapse-performance properties will require derating for tension above the neutral plane. 

Step 4. Select the bottom Section 1: 
The design starts at total depth and moves uphole. To satisfy the collapse load at total depth, 32.0-lbm/ft, C-95 casing 
will be required. The length of Section 1 will be determined by the setting depth of Section 2. 
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Fig. 7.26—Burst and collapse load lines. 


The casing with the next-lowest collapse rating and cost is 29-Ibm/ft, C-95 casing. This casing can be set at: 
Maximum depth = 6,970/(8,000 /16,000 ) = 13,940 ft. 


Section 1 can be summarized as follows: 

Section 1: 16,000 — 13,940 = 2,060 ft of 32-Ibm/ft, C-95 casing. 

Because the top of Section | is below the neutral plane, collapse resistance for this casing does not need to be 
reduced for tension. 


Step 5. Select Section 2: 


The top of Section 2 is dictated by the setting depth of the next uphole section of casing, Section 3. The casing 
with the next-lowest collapse rating and cost is 26.0-lbm/ft, C-95. The maximum setting depth of this casing, not 
considering the effect of the reduction in collapse rating for tension, is 

Maximum depth = 5,235 psi /(8,000 /16,000) = 10,470 ft. 

Section 2 could be considered to run from 13,940 ft to 10,470 ft; however, the reduction in collapse rating due 
to tension must be considered for the casing between the neutral plane at 13,500 ft and the top of Section 2. The 
tensile load at the top of Section 2 (10,470 ft) is 

Tension load at 10,470 ft = (29.0)(13,500 — 10,470) = 87,870 Ibf. 
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Note that the nominal weight per foot, rather than the buoyed weight per foot for the casing, is used in this 
calculation. This is because buoyancy was used to calculate the neutral plane, and the casing below the neutral 
plane is in compression. Using the API equations from Section 7.5.3, the collapse rating for 29.0-Ibm/ft, C-95 
(Section 2) of 7,840 psi must be reduced to 7,550 psi because of the tensile load of 87.9 kip. The working rating 
with a 1.125 DF is 6,710 psi. This value is plotted at 10,470 ft, and the full rated collapse resistance is plotted on 
the neutral plane in Fig. 7.26. Section 2 can be summarized as follows: 

Section 2: 13,940 ft — 10,470 ft = 3,470 ft of 29-lbf/ft, C-95 casing. 


Step 6. Select Section 3: 


From the above calculations, Section 3 will require 26-Ibf/ft, C-95 casing. From Fig. 7.26, it is evident that tension 
and burst loads are becoming the dominant design considerations. Checking the maximum tension loads at the 
bottom of Section 3 (10,470 ft) with 100,000 lbf overpull: 

Maximum tension load at 10,470 ft = (2,060) (32.0) (0.844) + (3,470) (29.0) (0.844) +100,000 Ibf = 240,570 lbf. 

Note that the calculated loads for tension use the buoyancy factor (and overpull), while the calculated loads for 
collapse derating use the air weight above the neutral plane. 

The 26.0-lbf/ft, C-95 casing has sufficient burst and tension capacity for a 2,000-ft section. Calculate the maxi- 
mum possible length of 26.0-Ibf/ft, C-95 casing given the desired overpull and DF. 

Maximum pipe-body tensile strength with DF (26.0 Ibf/ft, C-95) = 478,000 Ibf 

Maximum tension load at 10,470 ft = 240,570 lbf 

Remaining load capacity = 237,430 Ibf 

237,430 Ibf/((26 Ibf/ft)(0.844)) = 10,820 ft. 

Section 3 could extend from 10,470 ft to the surface and not exceed the tension and burst loading requirements. 
Check the collapse resistance of Section 3 at 10,470 ft. 

At 10,470 ft (bottom of Section 3), the tension load is 

Load at 0,470 ft in Section 3, 26.0-Ibf/ft = (13,500 — 10,470)(29.0) = 87,870 Ibf. 

The API collapse rating of Section 3 at 10,470 ft is reduced from 5,890 psi to 5,700 psi because of tension. With 
a 1.125 DF, the rated collapse loading is 5,070 psi. The required collapse loading at 10,470 ft is 

Collapse loading at 10,470 ft = (8,000 /16,000)(10,470) = 5,235 psi. 

The 29.0-lbf/ft, C-95 casing’s tension-reduced collapse rating at 10,470 ft is 5,070 psi, which is less than 
the required collapse loading of 5,235 psi, so Section 3 cannot begin at 10,470 ft, and Section 2 must extend 
above 10,470 ft. From Fig. 7.26, it appears that the 29.0-Ibf/ft, C-95 casing can begin near 10,000 ft. Check 
the reduced collapse rating of Section 3 (26.0-lbf/ft, C-95) at 10,000 ft. 

At 10,000 ft (bottom of Section 3), the tension load is 

Load at 10,000 ft in Section 3, 26.0-lbm/ft = (13,500 — 10,000) (29.0 Ibf/ft) = 101,500 Ibf. 

The API collapse rating of Section 3 at 10,000 ft is reduced from 5,890 psi to 5,670 psi because of the tension 
value of 101,500 Ibf. With the 1.125 DF, the rated collapse loading is 5,040 psi. The required collapse loading at 
10,000 ft is 5,000 psi, so Section 3 can begin at 10,000 ft. 

The rated collapse loading with no derating for tension is plotted on the neutral plane, and the derated collapse 
resistance is plotted at 10,000 ft, as shown in Fig. 7.26. 

As a check, calculate the collapse load after derating for tension of Section 3 at 3,500 ft: 


Load 3,500 ft = load at 10,000 ft + load from 10,000 ft to 3,500 ft 
= 101,500 Ibf + (26.0 Ibf/ft)(10,000 — 3,500 ft) 
= 101,500 Ibf + 169,000 lbf 
= 270,500 lbf. 


Using the API equations from Section 7.5.3, the collapse rating of 5,890 psi for 26.0-lbf/ft, C-95 casing is 
reduced to 5,100 psi because of the tensile load of 270,500 lbf at 3,500 ft. The working rating with a 1.125 DF is 
4,530 psi. This value is plotted in Fig. 7.26. 

Check the tension capacity of Section 3 if Section 2 extends to 10,000 ft with 100,000 Ibm overpull: 

Tension load at 10,000 ft = (2,060) (32.0) (0.844) + (3,940)(29.0)(0.844) + 100,000 lbf = 252,072 Ibf. 

Pipe-body tensile strength with TDF of Section 3, 26.0-lbf/ft, C-95 = 478,000 Ibf, which is adequate. 

Check the tensile strength of Section 3 at the surface: 

Maximum tension at surface = load at 10,000 ft + load from 10,000 ft to surface 

= 252,072 + (26.0)(10,000 )(0.844) 
= 252,072 + 219,440 
= 471,510 Ibf. 

The tension rating of Section 3, using 26.0-Ibf/ft, C-95 with TDF, is 478,000 lbf, which is slightly greater than 

the required tension load at the surface. 
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Section 3 can be summarized as follows, and the Section 2 length can be changed to 
Section 3: 10,000 ft to surface, 26.0-Ibf/ft C-95; 

Section 2: 13,940 ft — 10,000 ft = 3,940 ft of 29-Ibf/ft, C-95 casing. 

Step 7. Summarize the final design: 


Depth 

Section Casing Type Length, ft Top, ft Bottom, ft 
1 (bottom) 32.0-lbf/ft, C-95 2,060 13,940 16,000 

2 (middle) 29.0-Ibf/ft, C-95 3,940 10,000 13,940 

3 (top) 26.0-lbf/ft, C-95 10,000 0 10,000 


This design is based on the pipe-body performance properties. Connection performance properties are not in- 
cluded. To complete the design, connections should be chosen to exceed the pipe-body performance ratings or the 
casing design checked against connection performance properties. 


7.10 Probabilistic Reliability-Based Design of Casings 

Load- and resistance-factor design is a reliability-based design philosophy that was developed by the civil- 
engineering profession beginning in the 1930s in Europe. It is widely accepted today for use in civil engineering 
projects and is the current basis for many structural-engineering systems (Manual of Steel Construction 2001). In 
the late 1980s and early 1990s, these well-established design techniques began to be applied to oilwell-tubular 
design (Brand et al. 1995; Payne and Swanson, 1990; Gulati et al. 1994; Lewis et al. 1995). 

The traditional working-stress design methods presented previously compare a maximum load with a minimum 
resistance (or minimum tubular strength), maintaining a safety margin between the two values. The maximum 
load that a tubular will experience is based on expected operations and historical data and will occur with cer- 
tainty. Tubular strength is based on specifying minimum manufacturing tolerances for dimensions, steel strength, 
and stress states such that no failures will occur. Fig. 7.27 illustrates this design process. 

In reliability-based design methods, uncertainties in both the load applied and the strength of a tubular are rec- 
ognized as being random in nature. The objective of the resulting designs is to account for all uncertainties associ- 
ated with these design parameters and to determine an appropriate risk level for the particular application. These 
procedures ensure adequate safety of a tubular design and uniform reliability across many well applications under 
varying design conditions. For example, for some wells, such as a development well that is drilled after many 
earlier wells, the actual loads may be known very accurately. For other wells, such as exploration wells, the pre- 
dicted loads may be less accurate because available offset data may be limited. The final design should ensure that 
the probability of failure is commensurate with the consequences of failure. 

The strength or performance properties of a tubular can vary from joint to joint, and even along the length of a 
single joint. Many parameters determine the strength of a tubular, including its mechanical properties, manufac- 
turing tolerances and flaws, ease of finding and assessing imperfections, and handling and installation operations. 
The strength variability inherent in the manufacturing process can be minimized but not eliminated. 
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Fig. 7.27—Working stress design. 
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Actual loads in a well are based on many variables, including drilling loads (kick volume, pore pressure, lost 
returns) and operational loads (production-fluid density, reservoir pressure). An estimate of the actual loads and 
their probabilities of occurrence can be made using historical databases or by modeling the load using factors such 
as the effect that fluid gradients have on kick loads. Fig. 7.28 illustrates the basic concepts of reliability-based 
design. 

One method used for probabilistic tubular design is to adjust standard load cases and standard tubular perfor- 
mance properties using factors based on statistical methods. These factors are based on the uncertainties in a 
tubular’s loading and determine its performance properties. They are determined so as to provide an acceptable 
failure probability or risk for the final tubular design and are based on historical data in many cases. 

Using this design process, the engineer determines appropriate probabilities of failure or risk levels for a 
tubular’s load and performance properties depending on design conditions. The optimum risk level is not the 
same for all failure modes because the consequences of failure can vary widely. For example, the cost of a kick 
resulting in a near-surface blowout can far exceed the cost of a kick below a deep protective string that results 
in a collapse failure. As a result, a much lower probability of failure would be used to design a surface-casing 
string than to design a deep intermediate string in a collapse mode. The acceptable probability of failure is 
chosen considering the consequences of failure, defined as the risk to health, safety, and the environment, as 
well as the cost of the failure. 

Load factors can be selected for each of many specific load situations and can be large or small, depending on 
whether the case is likely or unlikely. This approach enables the engineer to design for a given level of risk with- 
out carrying out cumbersome probabilistic calculations. Performance-property factors can be selected or matched 
to each of a tubular’s performance properties (i.e., burst, collapse, and tension). A shortcoming of this method is 
that substantial amounts of historical and physical data are necessary to calibrate the load and performance- 
property factors with the resulting risk. Other parameters, such as casing wear, temperature, and derating for ten- 
sion, are usually included when determining a tubular’s performance-property factors. 

The following equation can be used as a check to ensure that a proposed design is acceptable: 

Utilization factor = (load x load factor)/(performance-property factor x performance-property value). 


7.11 Computer-Based Design of Casings 
It is very important for the drilling engineer to understand how to perform casing-design steps manually; however, 
it would be impractical to analyze every possible load scenario, design an optimized mixed string, or track chang- 
ing load conditions without using the capabilities of a computer. Furthermore, computers facilitate the calculation 
of complex combined-load conditions and make it possible to perform routine checks using complex tubular- 
capacity formulas. Individual users and companies have developed spreadsheets and programs for casing analy- 
sis, and several commercially available programs focus on casing-stress analysis and design. This section describes 
how casing analysis and design programs work, how to use them, and how to interpret the results. 
Computer-based analysis of casing and tubing begins with the definition of the stress state of the tubular at the 
moment it is installed in the well. This stress state is called the initial condition and is defined at all points along 
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Fig. 7.28—Reliability-based design. 
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the length of the tubular string. The initial condition and stress state are defined by the tension load from dead 
weight, buoyancy effects, and applied stability loads (see next section); the internal and external pressures from 
hydrostatic fluid columns; bending resulting from geometric doglegs in the well path; and a temperature profile 
arising from the installation operation or the presence of geothermal gradients. For casing and liner strings, the 
initial conditions are typically defined when the cement has been circulated in place and has set and the slips are 
set in the wellhead. For tubing strings, the initial conditions are typically defined when the packer is set. 

Whether commercial software or a custom engineering or corporate program is used, it is essential to under- 
stand the assumptions made by the program when the initial conditions are determined. For example, the addi- 
tional buoyancy effects of the dense lead and tail cement slurries will decrease the tension of a string at the surface 
compared with that of a string run in mud. 

Computer-based analysis continues by considering various operating conditions that result in a new stress state 
for the tubular. These operating conditions define a load case. The software calculates the changes that have 
occurred from the initial conditions. Changes in internal and external pressure profiles may be caused by changes 
in the fluid density or gradient. Changes in temperature profile may be caused by cool fluid flowing from the sur- 
face or hot fluid flowing from the reservoir. Moreover, the operating conditions may include a pressure imposed 
at the surface (by pumping operations such as a pressure test or a fracturing operation) or coming from downhole 
(from the reservoir pressure through perforations or from a kick influx). 

Another benefit of using commercial software or an in-house program is that most load cases are predefined. 
The software user simply selects a load case for analysis from a menu, and the program determines the changes 
in fluid densities, pressures, and temperatures from other program inputs. As a hypothetical example, if the user 
selects “hot production” conditions for a tubing string, the program might replace the packer-fluid density present 
when the tubing was installed by the density of the production fluid, calculate the flowing reservoir pressure, and 
calculate the temperature profile for a user-specified flow rate. 

The program then uses the pressure and temperature changes from initial to operating conditions to calculate 
the change in tension load and thus the change in stress state. The final load conditions and stress state are com- 
pared to the resistance or capacity defined for the tubulars selected for the well. Results are often reported in terms 
of the ratio of capacity to load or stress (called the safety factor) or in terms of the ratio of load to capacity (called 
the utilization factor). The engineer evaluating the selected tubulars for the intended service must compare the 
safety factor or utilization factor with the design standard imposed by the company or regulatory body. The engi- 
neer should review the results carefully and make sure that the pressures and temperatures used in the analysis 
reflect the intent of the inputs. 

The importance of understanding the assumptions made by software when defining the load case to be ana- 
lyzed, as well as understanding how the inputs are being used in the calculations, cannot be overemphasized. The 
drilling engineer and the programmer may have slightly different definitions for a load case or an input. Com- 
mercial software often incorporates input range checks to provide a warning if an input is inappropriate or not 
what the programmer intended. 

Several input fields require careful attention when the user defines a tubular analysis. The directional survey 
should have a suitable number of stations to define the well path—one survey station per drillpipe stand is appro- 
priate in long-radius build sections. Too many survey stations may result in unrealistically high calculated dogleg 
curvatures and bending loads, but too few survey stations may not capture the tension loads from the dead weight 
of the tubular. Pore pressures and fracture gradients should be defined at each casing point and at the transition to 
overpressure in the well. Geothermal temperatures may be defined by two or three points or by a simple gradient, 
but flowing or injecting operating conditions should be modeled using more temperature stations. Some programs 
calculate and present results at each depth defined by a survey station, a pore-pressure or fracture-pressure station, 
or a temperature station, so it may be prudent to limit the number of stations to facilitate review of the analysis 
results. 

The initial effort to define the well conditions and the tubular string properly may be difficult, but the effort pays 
off when a different design must be considered—for example, if the selected tubular does not meet the application 
requirements or is not available for purchase. “What-if” analysis is easily performed using a computer program. 
In addition to changing the tubular size, weight, or grade, the user can vary the depth of the top of cement or the 
amount of tension applied when the slips are set. 

For casing designs for directional wells, computer-based analysis is essential. The computer can easily use 
survey results to interpolate the positions of calculation stations and keep track of the measured depth (which 
determines the length of pipe above and below each calculation station) and the true vertical depth (which deter- 
mines the hydrostatic pressure of a column of fluid). 

Computer-based analysis typically considers casing strings to be fixed at the wellhead and at the top of cement 
when it sets. It typically considers tubing strings to be fixed at the wellhead, but they may be fixed at the packer 
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or allowed to move under operating conditions if a floating-seal configuration is defined. Specialized analysis 
offered by at least one commercial program allows the wellhead to move under operating conditions (particularly 
high thermal loads). All the casing and tubing strings defined for the well in this type of analysis must “grow” by 
the same amount, and axial loads may be redistributed among the strings to satisfy this constraint. 

Some commercial programs have optimization capability and can determine the lowest-cost tubular design that 
meets the load requirements defined by the user. This design capability is a powerful tool that can present options 
that the user might not have considered. A common limitation of design routines is that the actual cost of a specific 
tubular is not reflected in the “cost/ton by grade” that is typically specified. 

Stress-analysis results from computer programs are a good representation of the pipe body. However, the results 
do not completely define the stress state of the threaded connections for each joint along the string. The tension, 
pressure, and temperature results obtained from computer-based analysis can be compared with performance 
envelopes available from the thread manufacturer or from ISO and API standards. These standards are often 
available in commercial design programs, and connector manufacturers often have the necessary design data 
available. 

Most computer programs for casing-stress analysis do not consider the suitability of the selected material for 
the application environment. The potential for stress cracking due to corrosion or sulfides should be evaluated 
separately from the stress analysis. 


7.12 Casing Stability 

When a casing string is hanging freely in a vertical well, the burst, collapse, and axial loads can be accurately 
calculated, and the string will be as straight as the well allows. After the primary cement is pumped, the casing 
will be hanging freely in the fluid cement, and again the loads in the string can be accurately calculated. After 
some time waiting for the cement to set, the string is typically landed in a wellhead with a surface tensile load. 
This essentially fixes the length of the string between the wellhead and the top of cement. With time, the 
temperature, as well as both the internal and external pressures, change, resulting in changes in the length of the 
casing. 

With a fixed length of casing and the external pressure unchanged from cementing conditions, an increase 
in internal pressure or a decrease in temperature causes the casing length to contract. Because the casing length 
is not free to change, axial load increases. If the external pressure around a casing decreases or the temperature 
increases from the initial setting conditions and the internal pressure remains unchanged, the casing length will 
increase, and axial stress in the casing will be reduced. 

A method is needed to calculate the axial load changes that may result from changes in temperature or from 
internal or external pressures in the uncemented portion of a string. The general equation for calculating the 
change in axial load in an uncemented tubular due to changes in temperature or internal or external pressure is 


(a) AL, + AL, + AL, + AL, =0 
A(F,+6F 
(b) AL, =f a) A ) 
(c) AL, = fáe, ds 
2v[AP,A, - APA, | 
EA, 
A E E TET (1.57) 


ds 


(d) AL, = Í 


where v is Poisson’s ratio, 6F is the correction load necessary to solve Eq. 7.57a, e, is the buckling incremental 
length change, and a, is the pipe coefficient of thermal expansion. Eq. 7.57a says that the total length change is 
zero, Eq. 7.57b is the length change due to change in axial force, Eq. 7.57c is the length change due to buckling 
(addressed later in this section), Eq. 7.57d is the length change due to pressure changes (ballooning), and Eq. 7.57e 
is the length change due to thermal expansion. All changes are relative to the initial conditions. We must solve for 
OF to satisfy Eq. 7.57a. The average thermal coefficient of expansion, æ, for low-alloy steel is approximately 
6.9x10°°/°F. High-alloy steels typically have a slightly higher coefficient of thermal expansion. Eq. 7.57 should be 
used only if the axial stress is less than the yield stress and the tubular has not buckled. This equation assumes that 
the length of the tubular is restrained, which is not always the case in real wells. A tubular inside another tubular 
with a common length for both tubulars (fixed at top and bottom) will strain and load differently from a single 
tubular, even with the same average temperature differential. The two tubulars will almost always have different 
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cross-sectional steel areas. Accurate temperature modeling is best performed using computer programs, which can 
consider interactions between many casing strings in a well and can even model the change in temperature as the 
distance from the center of the well increases. 

As discussed above, after a string has been cemented, the axial loads in the uncemented portion of the string 
will change due to changes in internal and external pressures and in temperature. Lubinski et al. (1962) have 
proved that when pressure acts on the inside walls and not on the ends of a tube, the pressure tends to deflect or 
bend the tube. Pressure acting on the outside walls and not on the ends tends to prevent deflection. They observed 
that in some cases an imbalance between internal and external pressures can cause a tubular to buckle or bend. 
This is called a loss of stability. They determined that a loss of stability would occur when the axial load in the 
tube was below a critical stability load. The critical stability load at a specific vertical well depth can be calculated 
using the following equation: 


Remember that F, is the effective tension, so buckling happens only for compressive (negative) loads. Note that 
stability can be lost in a string even though axial load is significant; the axial load does not need to be a compres- 
sive load. The depth where the axial load equals the critical stability load is called the stability neutral point. Why 
does internal pressure destabilize the casing? If we return to Eq. 7.48, we see that we did not consider all the loads, 
only the axial loads. A particularly interesting load is the second term in Eq. 7.59: 


F T 3 
E T E cot vabncauwesedvelarnonceshercotsaenranantempaeecten (7.59) 
ds ds =” * 


The calculus of a curve in space (Zwillinger 1996) says 


where x is the pipe curvature and ñ is the unit vector lying in the plane of the curvature perpendicular to the pipe 
axial direction, as shown in Fig. 7.29. This means that axial force plus pressure on a curved pipe generates a side 
load w 


lateral” 


What is the sense of this result? In Fig. 7.29, we can see that there is an excess of area on the side of the pipe on 
the outside of the bend. The internal pressure on this additional area will generate a side force. Any residual bend 
in the pipe will generate a load that will increase the bend if Eq. 7.58 is satisfied, and as the bend increases, Eq. 
7.61 says that the lateral load increases. 


Greater area 
Net force 


Fig. 7.29—Lateral load from internal pressure. 
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At the depth where the axial and stability loads are equal, the string is stable, because the lateral load tends to 
straighten the pipe. As the axial load becomes increasingly less than the stability load, the amount of bending in 
the string increases (increasing loss of stability). If the axial load is greater than the stability load, the string will 
remain in its stable unbuckled condition. The degree to which a string can buckle or bend will also depend on the 
size of the hole or casing in which it is installed. 

The minimum axial load in the uncemented portion of a string will typically be at the top of cement. As well 
depth decreases, effective tension will increase. If a string becomes unstable, loss of stability occurs first at the 
lowest point, where the effective tension is at a minimum and the string is free to move laterally. Maximum buck- 
ling of the string will take place at this depth. With decreasing well depth, the axial load of a buckled string will 
typically approach the stability load, and the amount of buckling in the string will decrease. At shallower depths, 
where the axial load exceeds the stability load, the string will not buckle, as illustrated in Fig. 7.30. 

Dellinger and McLean (1973) have presented evidence that casing wear from drilling in buckled strings is much 
more severe than in normal drilling, especially when the borehole diameter has been increased due to washout. 
Today, computer programs are available to calculate casing-string wear related to bending or buckling in a string 
and to other physical conditions. When drilling under high-pressure, deep, or high-temperature conditions, drill- 
ing times are often long. Even a small amount of buckling or bending when rotating time is long may lead to 
unacceptable levels of wear. Drillstring wear in a short-duration well with minor buckling may be minimal. Wear- 
mitigation plans should include management of the buckling and bending in a casing string, choice of drillstring 
hardbanding, use of downhole mud motors or turbines to reduce drillstring rotation, and designing strings with 
extra wear allowance. Drilling time on many deep critical wells often greatly exceeds original expectations, and 
the wear-management plan should consider these unplanned events and the future life of the well. 

Although stable at the time of installation, a string may become unstable in subsequent operations as changes 
in pressure occur inside and outside the casing, and as temperatures change. It may be desirable to keep the casing 
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Fig. 7.30—Casing buckling. 
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in the straight unbuckled condition during some operations, such as when drilling through the casing. In other 
conditions, such as when internal well pressure is present while circulating out a kick, casing buckling may be 
limited to low but acceptable levels. 

Several options exist to reduce buckling in a string. Any one (or combinations) of these options can be used to 
increase the axial load where the string is free to move. These methods are generally used to adjust the axial load 
during or after cementing to result in specified loads at a future time of interest. These methods are 


e Adjust cement height. 

e Mechanically pull or slack off axial load after the casing below the top-of-cement has become fixed in the 
cement. 

e Apply internal pressure at the surface until both ends of the string become fixed. 


The usual procedure used with casing is to adjust cement height. In some cases, an additional axial load is 
added after the cement has set. Application of internal pressure while the cement sets is usually not desirable 
with casing. The internal pressure must be applied when the casing is free to respond to pressure—that is, 
before the casing becomes stuck. With a decrease in the depth to the top of cement or with addition of a me- 
chanical load, the axial load at the top of cement will increase, thus increasing casing stability and discouraging 
bending. 

In an inclined wellbore with angle ọ, the string lies against the low side of the hole and therefore is supported 
laterally. This lateral support changes the loads at the points where the string may buckle. A casing will not buckle 
until the axial compression (—F’, i.e., F, positive is tension) exceeds the critical force F, given by the Paslay- 
Dawson equation (Dawson and Paslay 1984): 


PHT a Bat teckel a RRS eee ete Oe Re he oe es a aS Re RA ee Sis (7.64) 
r „is the wellbore radius, and w, is the contact force. For a straight pipe, w, has the simple form: 
W, = Wy COSD. eee cece eee eee eee eee ene eee ee een eee nee eae (7.65) 


This equation applies to wellbores that are inclined but not curved (see He and Kyllingstad 1995) Buckling in 
areas of a wellbore where the angle is changing is more difficult to assess (Mitchell 2008). Initial buckling is 
lateral (side-to-side) buckling, but when the axial compression exceeds approximately 2F , the buckling is helical 
(i.e., shaped like a coil spring). 

In some cases, it is acceptable to have some degree of instability or buckling in a casing string. The level 
of acceptable curvature will depend on many well factors, including rotating hours, drillstring tensions, and 
other wellbore conditions. If buckling is present, then stress may be induced in the casing. Loads due to 
buckling can be calculated and should be considered as an additional stress in the casing. If a string is un- 
stable (1.e., the axial load is less than the stability load), then the dogleg in the casing at that depth due to 
instability can be calculated using the following equation: 


(The curvature unit in this equation is radians/in., which is convenient for most calculations. For conversion to 
common field units of degrees/100 ft, multiply by 6.875.) Note that the ID of the wellbore impacts the severity of 
the dogleg resulting from buckling. An enlarged hole due to washout would increase the dogleg, but if the hole 
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were of the same diameter as the casing OD, no dogleg would be created. The bending stress at any point r in the 
cross-section of the pipe can be calculated using the following equation: 


Bending stress can be either positive (tension) or negative (compression), depending on whether the stress is cal- 
culated for the inside or the outside of the casing bend. 

A buckled string is shorter than an unbuckled string. This is easily seen by the example of pulling on a coiled 
spring. As the spring extends, the wire straightens and elongates. The change in casing length for helical buckling 
is determined by the following equation (see Eq. 7.57): 


AL, = feds 

rF 
eS yh hee eB rE Sek Sa ards os a E eek ds Res SoG e Sw Sra WS aw eS 7.68 
*  4EI (7.68) 


The exact form of the solution depends on how the effective tension varies along the string. For a vertical well, 


PER =w OS) raanei E K cere ce AOE Eee Mes NEA (7.69) 


Substituting Eq. 7.68 into Eq. 7.69 and integrating over the buckled length from F° to F, 


AL, =- fing K Fy -(F, $|: ee ee ee (7.70) 


Example 7.8 A 9.625-in., 53.5-Ibf, C-95 grade intermediate casing string is set at 11,600 ft in a vertical well. 
The top of primary cement (TOC) is planned at 8,000 ft, and only 15-lbm/gal cement will be used. The string 
had a 9.6-lbm/gal mud inside and outside at the time that the string was cemented. The next step is to hang the 
9.625-in. casing in the wellhead without any doglegs in the string due to buckling or temperature changes. The 
design case is after cementing and during deeper drilling. At the design time of interest, the average temperature 
increase from the top of cement to the surface has been determined to be 20°F. Also at the design time of interest, 
the internal mud weight is 16 lbm/gal, and the casing has 2,000 psi surface pressure. Calculate the “as cemented” 
buoyed weight of the string and how much (if any) tension should be added after the cement sets to prevent 
buckling from occurring. Calculate the value of the dogleg at the top of cement if this tension were not added 
after the cement had set. 
Solution. The axial load at the top of cement in the “as cemented” condition is 


F or = WZ. Zro) + (P, (x @)/4) - (P(x d P4), 

F oop = 53-5 (3,600) + (9.6)(0.052)(1 1,600 (57.21) 
— ((9.6) (0.052)(8,000) + (15.0)(0.052)(3,600))(72.76), 
F ooo a = $29,003 Ibf. 


The load due to buckling at the time of interest, noting that v is 0.3 for steel, is: 
AF = (0.052)(0.3)(15.546 in.”)(8,000)[(16 — 9.6) — (9.625/8.535)°(9.6 — 9.6)/((9.926/8.535)— 1)] 


8,000 ft 
+ (.6)(15.546)[(2,000 — 0) — (9.625/8.535)°(0 — 0)/((9.625/8.535)?  1)], 
AF, oon = 114,350 Ibf. 


The load change from the “as cemented” condition resulting from an average temperature change of 20°F can 
be calculated as follows, assuming a, = 6.9x10%: 


AF. = (A ) 30x10%)(6.9x10-)(20); 
AF, = (A ) (207) (20); 

AF = (15.546)(207)(20); 

AF = -64,360 lbf. 
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The axial load at the time of interest at the top of cement at 8,000 ft would be 
F = (29,003 + 114,350 — 64,360) Ibf, 


8,000 ft 


F = 78,983 Ibf. 


8,000 ft 


The stability load at the top of cement at 8,000 ft is 

F = (2,000 + (16.0 (0.052)(8,000))(57.21)) — (9.6)(0.052)(8,000)(72.76), 
F = 204,635 Ibf, 

F,=F,-F, 


a 


F, = (204,635 — 78,983) Ibf, 
F, = 125,650 lbf. 


At the time of interest, it would be necessary to add this amount of tension to the suspended weight of the “as 
cemented” string to prevent it from buckling due to changes in pressures and temperatures from the “as cemented” 
conditions. 

If this tension were not added after the cement set, the casing would buckle at the top of cement, resulting in a 
dogleg. If the hole were washed out to 13 in. just above the top of cement, then 

K = ((1.146x10°)((F,- F )/I, 

K= (1.146x10°) ((13 — 9.625)/2) (204,635 — 78,983)/160.8, 

K= 1.5 degrees/100 ft. 


7.13 Special Casing-Design Considerations 

In the previous section, casing-design considerations were based on selected burst, collapse, and axial-tension 
loading conditions. Although these loading conditions are important in the design of all casing strings, other load- 
ing conditions also can be important and should be recognized by the student. These additional loading conditions 
can be caused by shock loading, cementing operations, and other conditions such as subsidence, permafrost, and 
formation compaction. 


7.13.1 Cementing Casing. Primary and remedial squeeze-cementing operations can also result in design con- 
ditions that exceed the conditions based on maximum anticipated pressures during the producing life of the 
well. During cement pumping, the casing is subjected to internal pressure as the cement is displaced outside the 
casing. Moreover, the fluid used to displace the cement often has a lower density than the fluid that was pumped 
ahead of the cement. It is common to bump the wiper plug with sufficient pressure to ensure that the design 
primary-cement volume is pumped outside the casing. The internal pressure used to bump the wiper plug 
causes burst loads on the casing and also axial stresses. The surface pressure inside the casing can cause an 
axial load, which is given by 


Typically, primary cement is composed of a lead and tail cement that are of higher density than the fluid in which 
the casing is cemented. This can result in the imposition of collapse loads on the casing. In cases with large cement/ 
mud density differences and substantial cement heights, collapse design for cementing operations can present signifi- 
cant challenges. Caution must be exercised during cementing operations to ensure that none of the burst rating, the 
collapse rating, and the tension rating of the casing is exceeded. 


7.13.2 Effect of Field Handling on Casing. The performance properties that a given casing joint will exhibit in 
the field can be adversely affected by certain field operations. For example, burst strength can be significantly 
affected by the procedure and equipment used to make up the pipe. Tests have shown that burst strength can be 
reduced by as much as 70% by combinations of tong marks that penetrate 17% of the wall thickness and 4% out- 
of-roundness caused by excessive torque. 

Mechanical deformations can also occur while the casing is being transported to the well or while it is being run into 
the hole. Any mechanical deformity in the pipe normally results in a considerable reduction of its collapse resistance. 
This is especially true for casing with a high d / ratio. Tubulars used in sour service can also be stress-hardened by 
careless handling. Stress hardening can cause changes in a tube’s resistance to certain hostile environments. To mitigate 
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these problems, special casing-running tools and methods have been developed and are available that will minimize 
mechanical damage to a string when it is run. 

API RP5C1 (1999) lists common problems experienced with tubulars and gives recommendations for good 
pipe-handling procedures. 


7.13.3 Other Special Casing-Design Considerations. Formation subsidence often occurs as pore fluids are 
produced and reservoir pressures decline. This subsidence can cause significant compressive axial loads which 
cannot be neglected in casing design. Significant axial loads can occur along the wellbore and also in the reservoir. 
Some well designers place a section of very-heavy-wall production casing opposite the producing interval to 
prevent casing damage due to reservoir compaction. Axial stress resulting from subsidence tends to be greatest in 
soft soil with a low Young’s modulus value. 

In some areas, the fluids remaining in casing annuli are confined in a fixed volume by cementing operations. When 
the well heats up, these fluids expand slightly, causing increased pressure in the annulus (Adams 1991). This annular 
pressure buildup can result in high collapse loads on the inner string or burst loads on outer strings. Computer 
programs are available to model annulus pressure buildup and its impact on casing burst and design requirements. 
An example where high strains resulting from heating have an impact on casing designs is that of a subsea well 
where access to casing annuli is not available; this makes it impossible to vent any pressure resulting from heating. 

In wells in Arctic environments, fluids left in casing annuli may freeze due to low ambient temperatures or the pres- 
ence of permafrost. The resulting loads tend to lead to collapse of tubulars due to expansion of fluids when they freeze. 
Methods exist to approximate the additional collapse loads due to freezeback; however, they depend upon the accuracy 
of determination of the wellbore thermal profile during freezeback. 

Permafrost can generate casing-string loads as the formation moves outside the casing when pore water outside 
the casing goes through the freeze/thaw cycle. Both axial loads and collapse loads can be generated in this 
process. Computer programs have been developed to model loading due to permafrost, which is a very complex 
interaction. 

When casing is set through a salt formation, the salt can plastically deform under stress, resulting in very high 
collapse loads. Although experience in an area often drives the casing design for salt collapse, many engineers 
design these strings to withstand a collapse load in the salt that is equal to the overburden. The salt temperature, 
composition, bedding, inclusions, and purity all factor into how the salt will load a casing string. In some areas, 
salt in a well does not creep uniformly into the casing, but rather creeps in over a fairly small arc of the wellbore. 
This type of point loading places very high collapse loads on the casing, which can greatly exceed the overburden 
pressure. 

When casing is being run, the axial stresses resulting from modest running-speed changes are normally not severe. 
Significant shock loading can develop if a casing string is suddenly stopped while running. Methods to estimate shock 
loads during casing-running operations form part of advanced drilling technology. 


Problems 
7.1 Discuss the functions of the following casing strings: 
(a) Conductor casing 
(b) Surface casing 
(c) Intermediate casing 
(d) Production casing 
7.2 Discuss the advantages of using a liner rather than a full-length casing string. 
7.3 Name the two basic processes used to manufacture casing. 
7.4 What is the diameter range of API casing? 
7.5 Give the three length ranges of casing specified by API. 
7.6 Define the following terms: 
(a) Nominal weight 
(b) Plain-end weight 
(c) Nominal ID 
(d) Drift diameter 
7.7 For each connection, state the number of threads per inch and the pitch: 
(a) STC 
(b) LC 
(c) BC 
7.8 Consider a 9%-in. 43.5-lbf/ft N-80 production casing in an 11,000 ft vertical well, with top of cement 
at 8,000 ft. The casing is run in 11 lbm/gal water-based mud. 


7.9 


7.10 


7A1 
7.12 


T13 


7.14 


715 


7.16 


7-17 


7.18 
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(a) What is the hanging weight in air for the casing? Answer: 478,500 Ibf. 

(b) What is the hanging weight as run? Answer: 394,500 Ibf. 

(c) If we assume 15 lbm/gal cement and 11 lbm/gal displaced mud, what is the surface hanging 
stress after cementing, and what is the margin of safety for this string? Answer: 31,181 psi. 

(d) Next, consider the effects of a stimulation treatment on this surface stress. Assume that the average 
temperature change in the surface-to-8,000 ft interval is —50°F, (the coefficient of thermal expan- 
sion is 6.9 x 10°/°F, and Young’s modulus is 30 x 10° psi for steel).What is the net surface stress in 
the casing? Answer: 41,531 psi. 

Calculate the API casing-body burst performance property for 10.75-in., 40.5-lbf, K-55 casing that has 

a nominal wall thickness of 0.40 in. 

Assume that we have 13°/ Ain. 72-\bf/ft N-80 intermediate casing set at 9,000 ft and cemented to sur- 

face. 

(a) What is the burst differential pressure for this casing? Answer: 5,380 psi. Consider a displacement 
to gas case, with formation pressure of 6,000 psi, formation depth at 12,000 ft, and a gas gradient 
equal to 0.1 psi/ft. What is the surface internal pressure? Answer: 4,800 psi. 

(b) If the external pressure is zero, the casing is strong enough to resist this burst pressure. Surface 
axial stress is the casing weight divided by cross-sectional area (20.77 in.”) less pressure loads 
when cemented (assume 15 lbm/gal cement). What is the surface axial stress? Answer: 24,182 psi 
tensile. 

(c) The radial stresses for the internal and external radii are the internal and external pressures. Using 
the Lamé formula, calculate the internal and external hoop stresses, assuming the external pressure 
is zero. Answer: 60,152 psi and 55,352 psi. 

(d) What is the von Mises equivalent stress or triaxial stress at the inside radius and at the outside ra- 
dius? Answer: 52,426 psi and 47,905 psi. 

(e) Compare the burst calculation to the von Mises calculation for this case, and discuss. 

Calculate the API collapse rating for 7-in., 38-lbf, N-80 casing with no axial load. 

Calculate the API collapse rating of 7-in., 38-lbf, N-80 casing when the casing has an axial load of 400 

kip. 

Test the collapse resistance of a 7-in., 23-lbf/ft P-110 liner cemented from 8,000 to 12,000 ft. Compar- 

ing the 7-in. liner properties against the various collapse regimes, it was found that transition collapse 

was predicted for this liner. The collapse pressure for this liner is calculated using F = 2.066, 

G = 0.0532. 

(a) What is the collapse pressure? Answer: 4,440 psi. 

(b) To evaluate the collapse of this liner, we need internal and external pressures. Internal pressure is 

determined using the full evacuation above packer. If we assume a 0.1 psi/ft pressure gradient, what 

is the internal pressure at the base of the liner? Answer: 1,200 psi. 

The external pressure is based on a fully cemented section behind the 7-in. liner. The external pres- 

sure profile is given 10 Ilbm/gal mud above the top of cement with an internal mix-water pressure 

gradient of 0.45 in the cement column. What is the external pressure at the base of the liner? 

Answer: 5,960 psi. 

(d) What is the equivalent pressure for comparison with the collapse pressure P? Answer: 

4,869 psi. 

Is it appropriate to calculate a von Mises stress for collapse in this case? Answer: No, because 

collapse in the transitional region is not strictly a plastic yield condition. 

Assuming typical hole sizes are used, what sizes of intermediate string and surface string would be 

used if a 5%2-in. production string were required? 

For 51⁄2-in., 23-lbf casing with either BC or LC standard connections, which grades would fail in axial 

tension by pipe-body failure before a connection failure occurred? 

Develop a spreadsheet to calculate the API round-thread minimum coupling fracture strength and 

the API minimum joint pullout (or thread jumpout). Does coupling fracture strength or joint pullout 

result in the lesser connection-joint-strength value for 7-in., 32-lbf, N-80 casing with standard LC 
connections? 

What is the H,S partial pressure when the maximum pressure is 10,000 psi and the volume fraction of 

H,S is 5 ppm? 

If a 120-ft length of 16-in., 84-Ibf, J-55 casing were restrained from axial movement at both the top and 

bottom ends, how much force would be imparted to the casing if the average temperature of the casing 

increased by 20°F? 
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7.19 What is the equivalent axial force caused by a 9%-in., 43.0-lbf casing bending in a 2.0 deg/100 dogleg? 
Assume uniform contact between the casing and the borehole wall. 

7.20 Consider a 2’/,-in., 6.5-Ibf/ft tubing inside of 7-in., 32-Ibf/ft casing. The tubing is submerged in 10 lbm/ 
gal packer fluid with no other pressures applied. The effect of the packer fluid is to reduce the tubing 
weight per unit length through buoyancy. 

(a) What is the buoyant weight of the tubing? Answer: 5.56 Ibf/ft, or 0.463 Ibf/in. 

(b) Given that the moment of inertia 7 is 1.611 in.*, the radial clearance is 1.61 in., and Young’s modu- 
lus = 30 x 10° psi, determine the critical buckling load for the angles 10°, 30°, 60°, and 90° and 
comment on your results. Answer: 3,107 Ibf, 5,272 lbf, 6,939 lbf, and 7,456 lbf. Notice how quickly 
the critical load increases with small angles. At only 10°, the critical load is easily half of the 
maximum critical load. 

(c) Assume we have a 10,000-ft vertical tubing string with an effective tension at the bottom of the 
string of 30,000 Ibf compression. Is the string buckled, and what is the maximum bending stress 
due to buckling? Answer: The string is buckled, and the maximum bending stress is 21,550 psi. 

(d) Where is the neutral point of the string? Answer: 4,604 ft. 

(e) What is the buckled length change of this string? Answer: 4.34 ft. 


Nomenclature 


A = area 

A, = coupling hand-tight standoff, in. 

A, = outer pipe area enclosed by nominal OD 
A, = inner pipe area enclosed by nominal ID 


= steel area under last perfect thread 
= steel cross-sectional area 
A = steel area in coupling 
BF = buoyancy factor 
c.-c,, = collapse equations coefficients 
d = nominal ID of pipe 
= diameter at root of coupling thread at end of pipe in power-tight position 
= OD of coupling 
= maximum pipe body ID based on minimum specified wall thickness 
= nominal OD of pipe 
= buckling “strain” 
= Young’s modulus of elasticity 
coupling pitch diameter at the hand-tight plane, in. 
= thread pitch diameter, in. 
wall-thickness correction factor 
= force 
factors used in the applicable collapse formula 
= axial force 
increased axial force due to bending 
= critical force to initiate buckling in an inclined hole 
axial tension strength of joint 
= effective tension 
required added tension to keep casing in unbuckled condition 
stability load 
tension force 
axial tension including bending 
gravity constant 
=  pore-pressure gradient expressed as equivalent mud density 
thread height, in. 
= downward direction vector 
moment of inertia 
distance from basic hand-tight position, in. 
polar moment of inertia 
length 
length from end of pipe to hand-tight plane, in. 
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length of perfect threads 

engaged thread length, in. 

gas molecular weight 

normal direction vector 

absolute pressure 

burst pressure rating 

collapse pressure rating 

external pressure 

external pressure equivalent in collapse due to external and internal pressure 
maximum surface equipment pressure 
internal pressure 

injection pressure, psi 

radius 

radial clearance of annulus 

inner radius 

wellbore or outer casing radius 

outer radius 

universal gas constant 

parameter in collapse equations 
measured depth 

round-thread distance from pin top of thread to coupling base of thread, in. 
thickness 

axial direction vector 

absolute temperature 

thread taper, in./in. 

weight per foot 

buoyant weight per foot of pipe 
contact force load vector 

external fluid load vector on casing 
internal fluid load vector on casing 
side load produced by axial force plus pressure on a curved pipe 
weight per foot of pipe in air 

gas compressibility factor 

true vertical depth 

depth of casing 

depth of lost-circulation zone 

depth to top of cement 

depth of mud surface 

temperature coefficient of expansion 
axial force increment to ensure zero length change 
change 

change in outside area of casing 
change in inside area of casing 

length change 

length change due to axial forces 
length change due to buckling 

length change due to ballooning 
length change due to thermal expansion 
change in external pressure 

change in internal pressure 

change in casing temperature 

strain 

dogleg severity 

Poisson’s ratio 

fluid density outside casing 

gas density 

fluid density inside casing 
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p,, = mud density 
Prox = Maximum mud density 
p, = Steel density 
o = stress 
Oo, total axial stress, not including bending due to hole deviation, doglegs, or buckling 
o, = bending stress 
(o equivalent yield strength 
o, = radial stress 
o, = tangential stress 
w = Ultimate strength 
Ou = yield strength 
O „ = von Mises triaxial equivalent stress 
F total axial stress including bending 
t = shear stress 
@ = angle of inclination of the wellbore 
Subscripts 
+ = upsteam 
— = downstream 
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SI Metric Conversion Factors 


bbl x = 1.589 873 E-0l=m 
ft x 3.048% E-0Ol=m 
fë x 2.831 685 E - 02 = m? 
°F (°F — 32)/1.8 =°C 
°F (CF+ 459.67)/1.8 =K 
gal x 3.785412 E - 03 = m’ 


in. x 2.54* E + 00 = cm 


psi 


*Conversion factor is exact. 
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6.451 6* 

1.638 706 
4.448 222 
6.894 757 
4.448 222 
4.535 924 
6.894 757 


E + 00 = cm? 
E + 01 = cm? 
E+03=N 

E + 03 = kPa 
E+00=N 

E-01=kg 
E + 00 = kPa 


Chapter 8 


Directional Drilling 


Stefan Miska, University of Tulsa 


The objective of this chapter is to present the fundamental concepts of directional drilling. These include directional 
well trajectory design, determination of the well trajectory from survey data, the control of the wellpath while drill- 
ing, and methods for modeling the torque and drag forces on a drillstring. 


8.1 Fundamentals of Directional-Well Trajectory Design 


8.1.1 Introduction. The term directional drilling is a broad term that refers to all activities that are required to 
design and drill a wellbore to reach a target, or a number of targets, located at some horizontal distance from the 
top of the hole. In other words, the purpose of directional drilling is to connect the surface location with oil/gas 
reservoirs that are not located right below it. Any well that is intentionally nonvertical is also called a directional 
well. Deviation control comprises all activities needed to drill a hole as required by the well plan and geological 
data. 

Historically, the development of directional drilling started about 1920 when some wells crossed their lease 
boundaries and triggered several lawsuits. The need to know the position of the wellbore in reference to its surface 
location as well as to the lease boundaries quickly became evident. It soon became standard practice to report the 
length of the wellbore [the so-called measured depth (MD)], the hole inclination angle (its deviation from verti- 
cal), and the hole azimuth (direction from magnetic and geographic north). 

In 1929, H. John Eastman developed commercial technology to drill wells from rigs located on land (onshore) 
to exploit oil reservoirs located beneath the ocean. In 1932, an offshore platform was built in California. At about 
the same time, offshore drilling platforms were constructed in the Caspian Sea. 

Today, much oil and natural-gas production comes from directional wells drilled onshore and offshore, even in 
environmentally sensitive locations. To enhance production, many wells are drilled with a high inclination angle 
or even horizontally. At first, horizontal wells were only a few hundred feet long. Thanks to continuous improve- 
ments in drilling technology, the horizontal departure was gradually increased to enable drilling of so-called ex- 
tended-reach wells (ERWs). Extended-reach drilling (ERD) is commonly used nowadays to reach onshore and 
offshore oil and gas deposits; the length of such a well can be 20,000 to 40,000 ft or even more. If the stepout is 
greater than 40,000 ft, the well is classified as ultra-extended-reach drilling (ERD). Drilling ERD and uERD 
wells creates a number of challenges for drilling personnel. To drill such wells effectively required significant 
improvements in drilling fluids, cuttings transport, and mechanical performance of the drillstring and other ele- 
ments of a drilling system. 

Development of logging-while-drilling (LWD) tools triggered development of so-called geosteering methods 
and maximum-reservoir-contact wells. Geosteering involves guiding the wellbore path based on real-time mea- 
surements of formation properties rather than following a predetermined trajectory. As the name indicates, the 
purpose of maximum-reservoir-contact wells is to improve recovery of hydrocarbons by maximizing the contact 
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area of the well with the formation. To enhance production further, several wells can be drilled from the main well 
(mother well), resulting in a so-called multilateral completion. 

Directional wells are also sometimes drilled to control a blowing well or to bypass (sidetrack) a portion of a 
vertical well that is impossible to drill [e.g., due to wellbore stability problems or loss of portions of a drillstring 
(fish) in a hole]. Some typical applications of directional drilling are shown schematically in Fig. 8.1. 

Directional drilling is also widely used for geothermal and civil-engineering applications. Many geothermal 
projects involve drilling directional wells in hot hard rocks such as granite and other igneous and metamorphic 
rocks. Civil engineers frequently use directional-drilling techniques for drilling under rivers, highways, and other 
obstacles. In response to economic and environmental pressures, the use of directional wells is increasing in oil 
and other industries. Not only has the number of directionally drilled wells increased, but also the well trajectories 
have become increasingly complex, resulting in a need for more-sophisticated drilling tools and technologies. 
First, however, some basic concepts will be discussed, followed by some useful mathematical formulations that 
apply to all directionally drilled wells. 


8.1.2 Basic Concepts. The conventional visual representation of a directional well consists of a horizontal and 
vertical cross-section, as shown in Fig. 8.2. For the sake of simplicity, a straight segment A-B is used here to 
represent the wellbore. The distance from the rotary table [the rotary kelly bushing (RKB)] to Point A or Point B 
as measured along the wellbore is called a measured depth (MD). The vertical distance from the rotary table to 
Point A or Point B is called true vertical depth (TVD) or simply vertical depth. The vertical and horizontal planes 
are called the inclination and direction planes respectively. The inclination angle Qis the angle between the verti- 
cal and the wellbore. The direction angle 0 is specified as the azimuth between the geographic north and the 
projection of the wellbore onto a horizontal plane. 

A number of devices exist to measure the hole inclination and azimuth angles. Such devices are called survey- 
ing instruments. The industry is currently using a number of surveying instruments, ranging from magnetic (sin- 
gle-shot and multishot) to more-sophisticated gyroscopic devices. Magnetic instruments use an inclinometer, a 
compass, a timer, and a camera, while gyroscopic instruments work on the principle of a spinning mass. The use 
of magnetic instruments requires installation in the bottomhole assembly (BHA) of special drill collars made of 
stainless steel (approximately 68% nickel and 28% copper, with small additions of iron and manganese—“monel” 
metals) with nonmagnetic properties. On the other hand, gyroscopic instruments do not require nonmagnetic drill 
collars because they are immune to magnetic influence. An azimuth reading with a gyrocompass is not distorted 
by casings and other structures made of steel. 

The angle between geographic (true) north and magnetic north is called the declination angle. A location where 
measurements are taken is called a station. At each station, an MD, hole inclination angle, and azimuth are re- 
corded. 

Modern technology makes it possible to send directional-survey information to the surface using mud-pulse 
telemetry. Information on hole inclination and azimuth, as well as certain other information (e.g., downhole 
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Fig. 8.1—Applications of directional drilling. 
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Fig. 8.2—Hole inclination and azimuth angles. 


WOB, deflection of tool-face angle), is transmitted as pressure pulses and decoded at the surface while drilling. 
Typically, the measurements are taken at intervals of between 30 and 300 ft or even less, depending on the com- 
plexity of the well path and the purpose of the wellbore. 

It is conventional practice to use four 90° quadrants, north, east, south, and west (N-E-S-W) to report well direc- 
tion. For example, the azimuth angles v, = 27° and J, = 215° can also be reported as 3, = N27E and 0, = S35W. 
In other words, if the hole direction is reported as E26S, the azimuth is 116°. Figs. 8.3a and 8.3b are examples of 
a horizontal (plane) view and a vertical (section) view of a wellbore trajectory, represented for the sake of simplic- 
ity as straight segments. The x (north) and y (east) axes in Fig. 8.3a intersect in the center of the rotary table (the 
RKB). The vertical cross section is drawn through the centers of the RKB and the target. 

Figs. 8.3a and 8.3b are qualitative in nature to help define some commonly used terms in directional drilling. 
The kickoff point (KOP) is the depth at which the well trajectory departs from the vertical in the direction of the 
target or is modified by the lead angle. The lead angle is usually to the left of the target horizontal departure line 
(the line from the initial point 0 to the target T). The magnitude and direction (left or right) are based on analysis 
of forces at the drill bit and on local field experience. The departure is the horizontal distance between the surface 
location and the point on the traverse (trajectory). The closure is the horizontal distance between the rotary table 
and the center of the target. Fig. 8.4 shows a 3D view of a wellbore composed of three segments in x,,z-coordi- 
nates. 

The origin of the coordinate system is located at Point P|; Points P,, P,, and P, lie on the trajectory at the coor- 
dinates shown in Fig. 8.4. For the sake of simplicity, the segments P P,, P,P,, and P,P, are assumed to be straight, 
and their inclination and direction angles are also shown in Fig. 8.4. In reality, a wellbore is composed of curved 
rather than straight segments, and it is useful to introduce the concepts of build and turn rates as discussed below. 


8.1.3 Fundamental Mathematical Formulations. Let us consider a wellbore trajectory as shown schematically 
in Fig. 8.5 in a conventional rectangular x,y,z (right-hand) system of coordinates consistent with the north, east, 
and vertical directions, N, E, and V. The continuous curve O-s in Fig. 8.5 represents the well trajectory (wellbore 
centerline). Consider a small element ds with components dx, dy, and dz. Because ds is small, it can be approxi- 
mated as a straight segment with inclination angle ọ and azimuth ¥. The projection of the small element ds onto 
a horizontal plane is denoted as dl. With motion along the well path, in general, both the inclination angle and 
azimuth will change. In other words, the hole inclination angle and azimuth are functions of the MD s. 

For purposes of directional-well trajectory planning, it is useful to define the following fundamental quantities: 

Rate of change of the hole inclination angle along the well path, or the so-called build rate: 
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Fig. 8.3—(a) Plane view; (b) side view. 
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Fig. 8.4—Wellbore composed of three segments. 


Rate of change of the azimuth angle along the projection of the well path onto a horizontal plane, or the so- 
called horizontal turn rate: 


In other words, the build and turn rates are the first derivatives of the hole inclination and azimuth angle as func- 
tions of MD. In directional drilling, the build and turn rates are usually expressed in degrees/100 ft (or degrees/30 
m), and care should be exercised to carry out calculations in a consistent system of units (radians rather than de- 
grees). The rate of change can be positive or negative, depending on whether the angles increase or decrease with 
MD. For example, a negative build rate indicates that the inclination angle decreases with depth, in which case it 
is usually called a drop rate. Note that, in general, the hole inclination and azimuth angles as well as the build and 
turn rates are functions of the measured hole depth s. 

Examination of the right triangles in Fig. 8.5 immediately reveals the following useful relationships: 


“ = cos As), (8.4) 
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Fig. 8.5—Schematic diagram of a small element of a 3D wellbore trajectory. 
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It is also useful to calculate the following derivatives: 


dx _ dx dl 
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In calculus, the quantities defined by Eqs. 8.7, 8.8, and 8.9 are called directional cosines and are frequently de- 
noted by the letters /, m, and n. It can be shown that the sum of the squares of the directional cosines is equal to 
one. 

Differentiating Eqs. 8.7, 8.8, and 8.9 yields the second derivatives: 


2 


E = COS Q E itv ma = B cosg cos Q-T sing sin Q, oe eee (8.10) 
ds“ ds ds 
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2 

= = coso sing Ps sing cos 9S = BeosgsinG+T sing cos Q, oo... ee ee (8.11) 
2 

= = sing =B SNE. ciiwarniedacvasagvepeatwenanenseies ta a (8.12) 


A good understanding of the definitions formulated above and of their derivatives is essential for solving a number 
of practical directional-drilling problems. 

In well-trajectory design, the coordinates of the initial point are usually known [i.e., the top of the hole (the 
RKB) or the KOP]. The target-point coordinates are generally also known. In some instances, such as when 
the well must pass through multiple targets, the directions in terms of inclination and azimuth angles are also 
specified. The task of the designer is to calculate the coordinates of all other points on the well path. This usu- 
ally is accomplished in a stepwise manner by selecting a subsequent point on the trajectory a distance As 
(measured along the trajectory) from the initial point (e.g., the KOP). To carry out the required calculations, 
assumptions frequently must be made about well path build and turn rates as well as hole inclination and direc- 
tion angles. The calculations are repeated until a smooth well path is obtained that will reach the target or 
targets. In principle, to obtain the coordinates (x,y,z) of an arbitrary point on a well path, Eqs. 8.7 through 8.9 
must be integrated. 

Eq. 8.8 provides the difference in x-coordinates: 


Ax =x,-x, = Í C T E E E E E (8.13) 


Eq. 8.9 provides the difference in y-coordinates: 


Ay =y, -J = f sin ø(s)sin &s)ds. aaaea (8.14) 


Eq. 8.7 the difference in z-coordinates: 


Az=%-Z, = i CORO. aaner E Ee E EE ae ne 2d oe ee ee es (8.15) 


Clearly, if the coordinates Yz) at Point 1 are known, the coordinates YZ) at Point 2 can be calculated using 
Eqs. 8.13, 8.14, and 8.15. At times, the integrals are difficult to calculate, and for practical applications, designers use 
various assumptions to obtain closed-form solutions. Examples of such assumptions are provided in subsequent sec- 
tions of this chapter. If a closed-form solution is not available, the integrals are evaluated numerically. 


8.1.4 Bends in the Vertical and Horizontal Planes. Consider two important special cases of curved wellbore 
sections located in the vertical and horizontal planes. If a well path is confined to a vertical plane, its azimuth 
A is constant along the trajectory. Then Eqs. 8.13, 8.14, and 8.15 take the form 


s P 1 
Ax = cos 9f sin p(s)ds = cos 9| = sing dọ, aA E a E AE a wate E WANS ae (8.16a) 
si Pı 
s2 P 1 
Ay = sin af sin ø(s)ds = sin af go EE E E E E E E E EE (8.16b) 
si Pı 
$1 
Az= | =COSO dO: bok Si eh re HAE a r Oe a ADA RES E E es 8.16c 
| ,o8¢d0 (8.16c) 


Furthermore, for the case where a wellbore segment is a circular arc with radius R, the build rate is constant and 
equal to the reciprocal of the radius (1/R). Then, Eq. 8.16 can be integrated to obtain: 


(cosy, —cos@,)=ERCOSP(COSP,—COSY,), eve cee cece eee ences (8.17a) 


Ay = n (cosg, - cosp, ) = č Rsin 9(cosg -cosp ), . 0... eee eee cee cee cece eee eee eees (8.17b) 
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Az =— (sing, -sing )=¢R(sino, SiO). wercecereees eorarexamersasis cxeter via ews (8.17c) 


The parameter & is chosen to be positive (+1) for a positive turn rate and negative (—1) for a negative rate. 
Consequently, the horizontal departure, HD, between Points | and 2 is 


HD, Sy Ay + Ay =ER(cos cos). siten sense rttaenetecndhncesaendeten ee eckerss (8.18) 


Clearly, in this case, the departure is independent of the hole azimuth. 


Example 8.1 Consider two points on a curved part of a trajectory located in a vertical plane with azimuth A = 

60°. The hole inclination angle at Point 1 is p, = 60° and at Point 2 is p, = 32°. The drop-off rate is 6.5°/100 ft (B 

= —6.5°/ 100 ft). The rectangular coordinates of Point 1 are x, = 1,650 ft, y= 2,858 ft, and z= 4,250 ft. 
Calculate: 


(a) the x, y, z coordinates at Point 2 

(b) the radius of curvature R 

(c) the HD between Points 1 and 2 

(d) the length of the segment As, the differences in MD between Points 1 and 2 


Solution. To make the system of units consistent, the build rate is expressed as 


@) B= ORARE (1.1339)(10° )1/ft. 


Using Eq. 8.17, the rectangular coordinates can be obtained as 


cos60 ( 
(—1.1339)(10°) 


(b) x, =1,650+ cos65 cos32) = 1,837.6 ft, 
sin60 


= 2,858 
5 i (-1.1339)(10°) 


(cos65—cos32) = 3,182.9 ft, 


1 


d) z, =4,250 
me *(1.1339)(107) 


(sin32 —sin65) = 4,581.9 ft. 


The radius of curvature is then 
1 1 
(e) R=—= a= 882 ft. 
B  (1.1339)(10") 


The HD between Points | and 2 can be calculated as 


(f) HD, , =e + ay? = (187.9) + (324.9) = 375.2 ft. 


For a circular segment in a vertical plane, the differential length of the segment is ds = Rd@; therefore, 


(2) As= | ds=—Rap = R(g, -9,)= (882)( (os 32) = 508 ft. 


For a bend in a horizontal plane (@ = 90°), such as a curved horizontal wellbore with constant turn rate H, the 
difference in vertical coordinates is nil, and the changes in the x- and y-coordinates are given by the following 
equations: 


Ax == (sin 9, -sin 9) =ER(sin 9, ~sin 9), ET EEE OEE E awe pad eee (8.19a) 


Ay == (cos -cos 9, ) = E R(cos9 cosg). neers eiscnctereacnesntetee ns teneens (8.19b) 
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Again, the parameter & is chosen to be positive (+1) for a positive turn rate and negative (—1) for a negative 
rate. 


8.1.5 Wellbore Curvature and Dogleg Severity. For several practical reasons, in addition to build and turn rates, 
it is also useful to determine wellbore curvature and torsion along the well trajectory. In directional-drilling no- 
menclature, wellbore curvature is frequently called dogleg severity (DLS) and expressed in degrees/100 ft, as 
mentioned earlier. This section presents the concept of curvature; torsion will be defined in Section 8.4. 
From calculus, the curvature of a 3D curve can be calculated as 
1 


_|(@x) (bry faz) P 8.20 
x(s) (4) [2] eal E EEE By vse pnecaow ub Gee E EE E E T E EE (8.20) 


Eq. 8.20 gives curvature in any consistent system of units (e.g., 1/ft, 1/m). 
In everyday directional-drilling terminology, the term DLS, expressed in degrees per unit length, is often used 
rather than curvature. If the DLS is expressed in degrees/100 ft, then 


DLS = 18,000«(s) 
m 
In other words, Eq. 8.21 gives wellbore DLS in degrees/100 ft if the curvature is expressed as 1/ft. Sometimes 
the DLS is called the dogleg rate. 
The radius of curvature R is defined as the inverse of curvature: R(s) = «(s)'. By substituting Eqs. 8.10, 8.11, 
and 8.12 into Eq. 8.20 and performing some rearrangements, it is possible to obtain the wellbore curvature in 
terms of build rate, turn rate, and hole inclination angle, as follows: 


eS sim O cae ech eeu nee owen eee LE ea eo ees (8.22) 


Sometimes the build rate B is called a vertical build rate (vertical curvature) and denoted as B , and the product 
(Tsing) is called a lateral curvature and denoted as B,. The curvature expressed by Eq. 8.22 is called the total 
curvature. 


Because T = as = Hsin (s), it is also possible to write the curvature equation in terms of build 
s 


rate and horizontal turn rate: 
AON S Si OS). E E E aden de (8.23) 


A good understanding of the concept of curvature is of critical importance for solving many directional-drilling 
problems, and the reader is strongly encouraged to take a close look at Eqs. 8.22 and 8.23. It should be remem- 
bered that curvature is a vector quantity and that Eqs. 8.22 and 8.23 represent only the magnitude of this vector. 
More information on curvature is provided in Section 8.4 on the use of vectors for well-trajectory calculations 
based on information obtained from directional surveys. 

Wellbore curvature provides information about the rate of overall change in angle due to simultaneous changes in 
hole inclination and azimuth along the well path. The overall angle change (dogleg) between two points on a well 
path is defined as the angle between the tangent lines at the two points under consideration. The curvature is the rate 
of change of the overall angle along the trajectory, and therefore the overall angle change p between two neighboring 
points on the trajectory located As apart can be obtained by integrating the curvature along the trajectory as follows: 


The overall angle change is frequently called a dogleg. For example, if the turn rate is nil (no change in azimuth 
along the well path), the dogleg (DL) will be: 


BH=DL=(" Bds=(" do =@, =O. eevee cecccusceccseccsuceccceeccsucesustenstuncens (8.25) 
0 P 


Clearly, if the well path is in the vertical plane, the DL is simply equal to the difference between the inclination 
angles at the two adjacent points. 
Lubinski et al. (1953) was the first to derive an equation for DL of the form 
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B= zarin in (2 > J sing, sing, sin? (2 2 | e e E a a (8.26) 


Analysis of Eq. 8.26 shows that for 0, = 0,, Eq. 8.26 reduces to Eq. 8.25. Some other useful formulas for DL 
calculations will be discussed later on. 


8.1.6 Directional-Well Profiles. Typically, the design of a directional-well profile consists of two phases. First, a well 
path is constructed to connect the target with the surface location, and then adjustments are made to account for factors 
that will eventually influence the final trajectory. In other words, the location of the target and of the drilling rig must 
be decided before the trajectory shape is designed. The location of the target is the first and most important step. In 
principle, the well should be placed in the reservoir to optimize production if the purpose of drilling is to recover oil 
and gas. The optimal wellbore trajectory (traverse) should result in minimum drilling and completion cost or time. 
Some oil and gas wells are designed to be confined to a vertical plane and are referred to as 2D wells. Such wells are 
frequently recommended whenever they are possible and economically justified. The well path shape should be con- 
sidered simultaneously with casing (casing sizes and setting depths, cementing), completion program (perforating, 
fracturing, gravel packs), wellbore stability, cuttings transport, and any anticipated hole problems. Frequently, to 
optimize the well path, the geoscientists and engineers must work together from the outset of the project. 

After the base well trajectory has been calculated, the designer needs to make corrections to compensate for 
anticipated effects related to drillpipe rotation (bit walk), formation hardness and dip angle, type of drill bit, and 
other factors. For example, drillpipe rotation typically results in right-hand bit walk, and therefore a left lead angle 
is used to compensate for this tendency, as schematically shown earlier in Fig. 8.3a. The optimum lead angle re- 
sults in the closest approach to the base trajectory. The required information on the directional tendencies of 
various drilling systems can be obtained by analyzing drilling data from similar wells drilled under similar geo- 
logical conditions. Lack of such data can lead to considerable discrepancies between calculated well trajectories 
and those actually observed while drilling the well. This situation places the designer of an exploratory well in a 
difficult situation. In such cases, as well as during more typical drilling jobs, it is essential to have a contingency 
plan. Under more complex geological conditions, drilling a pilot hole should be considered to obtain at least some 
preliminary information about geological conditions, including types of rock, formation dip and strike angles, and 
possible hole problems. There are three basic 2D directional well trajectories, as shown in Fig. 8.6. 

Type | consists of a vertical part, a build section, and a tangent that is also called a hold part or slant section. 
This well profile is also called a slant well. Type 2, also called an S-shaped pattern, consists of five segments: 
vertical, buildup, tangent, drop-off, and another vertical at the bottom. A modified S-shaped trajectory has 
a tangent segment (not vertical) at the bottom of the drop-off part. The S-shaped pattern penetrates the target 


Type 3 


Vertical 


Vertical 


KOP 
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Build section 


Build section Dropoff 


section 
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Tangent 
section 


Dad 


Tangent 
section 


Fig. 8.6—Three major types of 2D wellbore trajectories. 
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vertically, and the modified S-shaped pattern penetrates the formation at some desired inclination angle. Type 3 
is called a continuous-build trajectory and consists of a vertical part and a buildup section. Horizontal wells and 
ERWs are additional types. 

The Ideal Slant-Type Well Profile (Type 1). The ideal slant-type well trajectory is confined to a vertical plane, 
resulting in a 2D well profile. Consider the slant well shown in Fig. 8.7, using the following notations: KOP depth; 
the vertical depth of target (VDT); the horizontal departure of target (HDT); and £ [inclination angle of slant part 
(tangential part)]. For the slant-type well, the tangent angle is equal to the DL of the curved section. 

Examination of Fig. 8.7 reveals the following geometric relationships: 


(a) VDT — KOP = ab+ bd, 
(b) HDT = de +ef. 


The segments ab, bc, and bd can be calculated as 
(c) ab=Rsin 2, 
(d) be = R(1 -cos £), 
(e) bd = ce = 


tan 8 
Substituting Lines (c), (d), and (e) as calculated above for Lines (a) and (b) gives 


(f) VDT-KOP = Rsin p +L, 
tan 8 


(8) HDT =R(1-cosp)+ ef. vpieseciiecitee ia eajas ee iheoee tee eds (g) 


Solving the equation for Line (g) for ef and substituting the result into the equation for Line (f), after some rear- 
rangements, gives 


(VDT —KOP)sin B+(R-HDT)cosB=R. oe. e cece cece ccc c eect ececeeeeeveeeueeeueereeees (8.27) 


Eq. 8.27 describes the desired relationship between the departure of the tangent, the VDT, the kickoff point 
(KOP) depth, the radius of curvature, and the inclination angle of the tangent section. The reader is encouraged to 
use a similar approach and derive the corresponding equation for a Type 2 directional well. 


RKB 


Fig. 8.7—Slant-type well profile. 
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If the target VDT, the KOP depth, the HDT, and the radius of the build section are given, then Eq. 8.27 can be 
solved for the DL angle ß: 


 =arcsin R arctan( R- UDI } peanae Seeded aici a ee (8.28) 
(R - HDT)’ + (VDT - KOP} VDT - KOP 


Once the DL angle has been calculated, it is possible to determine the length of the curved section and the build 
rate in degrees/100 ft. 

On the other hand, if the quantities HDT, VDT, KOP, and f are given, then Eq. 8.27 can be solved for the radius 
of curvature of the build section and subsequently for the required build rate. 


Example 8.2 Design the trajectory of a slant-type offshore well for the conditions stated below: 


e Elevation (above sea level) of the rotary table = 180 ft 
e Target depth (subsea) = —5,374 ft 

e Target south coordinate = 2,147 ft 

e Target east coordinate = 3,226 ft 

e Declination = 6° E 

e KOP depth = 1,510 ft 

e Buildup rate = 2°/100 ft 


A vertical section of this well is shown in Fig. 8.8a and a horizontal view in Fig. 8.8b. Find the 
following: 


e Slant angle 

e Vertical depth at the beginning of the tangent part 
e Departure at the beginning of the tangent part 

e MD to the target 


Solution. 
(a) Target VDT = 180 + 5,374 = 5,554 ft 
(b) HDT = /2,147° +3,226° = 3,875 ft 


3,226 


(c) Target direction = arctan 5 = §56.35E (azimuth 180-56.35=123.65) 


$ 


(d) Target magnetic direction = 56.35°+6°= $62.35E 
180 


(e) Radius of curvature: R = = 2,865 ft 
02) 
Slant angle: 
(£) £=arcsin = A — arctan aaa = an) = 57.4° 
(2,865 —3,875)° + (5,554-1,510)? 5,554-1,510 


Further calculations will be performed using a slant angle = 57.4°. 
Vertical depth (VD) at the beginning of the tangent part: 


(g) VD, =1,510+ (2,865)(sin 57.4) = 3,925 ft 
Departure at the beginning of the tangent part: 
(h) HD, = 2,865(1 —cos57.4) = 1,321 ft 


MD at the beginning of the tangent part: 


(i) 5, =1,510+ 2 + = 4,380 
. 0.02 


Sea level 


Sea bottom 


Target 


Fig. 8.8a—Offshore slant-well profile. 
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Fig. 8.8b—Horizontal view. 
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MD at the target: 


O) Seger = 4380+ ee 7,403 ft 
cos 57.4 


Horizontal Well Profiles. In practical applications, horizontal wells are high-angle wells with inclination an- 
gles of approximately 80 to 100°. In an ideal horizontal well, as the name indicates, the inclination angle is equal 
to 90°. Wells with inclination angles greater than 90° are sometimes drilled to recover oil and gas located in the 
upper part of a formation as well as to enhance production rates (gravity helps to counteract the frictional pressure 
losses). Most horizontal wells are drilled in a reservoir partly to maximize wellbore contact with the formation in 
anticipation of higher-production wells. Horizontal wells are also drilled for enhanced oil recovery purposes (wa- 
terflooding) and for water and gas control. Fig. 8.9 shows a schematic diagram of a horizontal well that consists 
of a vertical segment, a first buildup segment, a tangent part, and a second buildup segment, followed by a hori- 
zontal section. Here, the departure is defined as the displacement from vertical until the well reaches the begin- 
ning of the horizontal section. Horizontal displacement is the sum of the length of the horizontal section and the 
departure. Some horizontal wells consist of one build section connecting the vertical part with a horizontal sec- 
tion. 

Typically, horizontal wells are classified by their radius of curvature as: 


e Long-radius, with a radius of approximately 1,000-3,000 ft 
e Medium-radius, with a radius of 200—1,000 ft 
e Short-radius, with a radius of 30-200 ft 


There are also ultrashort-radius systems that use high-pressure jetting techniques to turn the well from a vertical 
to a horizontal orientation. 

The distinction between the three horizontal well categories is arbitrary, and in engineering practice, the build 
rates overlap. Some wells can be a combination of long and medium build rates or of medium and short. For 
example, a 3°/100 ft build rate may be used in the upper section of a well, followed by a tangent section, with a 
10°/100 ft buildup rate below the tangent section to reach a horizontal section. 

The build curve can be classified as ideal, simple-tangent, or complex-tangent. The ideal build curve connects 
the KOP with the beginning of the horizontal section using one or two circular arcs. One circular arc located in a 
vertical plane is possible if TVD — KOP = HD. Then the radius of the circular arc is simply equal to TVD — KOP. 


First build 
A Tangent section 


section [e.g., 


4°130 m (100 


Final build rate 
[e.g., 4-6°/30 m (100 ft)] 


Departure Lateral Section 


Fig. 8.9—Horizontal well profile consisting of two build sections. 


Directional Drilling 463 


The simple-tangent build curve consists of an upper circular arc, a tangent section, and a lower circular arc. The 
designer must decide on the buildup rates, the angle of the tangent section, and the length of the tangent section. 
The length of the tangent part should not be less than approximately 120-150 ft so that adjustments can be made 
if the performance of downhole tools (e.g., mud motors with bent housing) differs from that assumed by the de- 
signer. 


Example 8.3 Design a simple-tangent horizontal-well profile, given the following: 


e KOP = 8,206 ft 

e VDT =9,000 ft 

e Tangent length = 120 ft 

e Tangent angle = 50° 

e Target angle = 90° at VDT 

e Expected build rate = 8°/100 ft 


Solution. The same build rate will be used for the first and second build segments: 


Build radius: 
ara a igs 
B 8 


Height of first build (Eq. 8.17c): 

(b) Az, = R(sing, -sin p, )=716(sin 50 -sin 0) =549 ft 
Height of tangent: 

(C) Azan = StanCOS Pron = (120) (cos 50) = 77 ft 

Height of second build: 

(d) Az, =716(sin 90—sin 50) = 168 ft 
HD of first build: 

(e) AHD, = R(cosg, - cosp, ) = 716 (cos 0—cos 50) = 256 ft 
HD of tangent: 

O AHD gn = SianSiN Py, = (120) (sin 50) = 92 ft 
HD of second build: 


(g) AHD, =(716)(cos50-cos90) = 460 ft 


Length of first build: 
100( @, — 100(50—0 
(h) As, = (a=) _100(50-0) _ pose, 
B 
Length of second build: 
, 100 (90 E 50) 
(i) As, =—————— = 500 ft 
MDs: 


At end of first build: 8,206 + 625 = 8,831 ft 
At end of tangent: 8,831 + 120 = 8,951 ft 
At end of second build: 8,951 + 500 = 9,451 ft 


A complex-tangent build curve uses the first build interval in a manner similar to the simple-tangent method. How- 
ever, the second build curve is designed with a lower build rate and also involves turning the curve to the left or right to 


464 Fundamentals of Drilling Engineering 


reach the desired target. Eventually, a 3D curve is drilled to connect the tangent part with the horizontal segment. This 
task is accomplished by proper orientation of the tool-face deflection angle, as discussed later in Section 8.3. The well 
path can be designed to have the entire turn in one direction (right or left) or to turn in one direction for some distance 
and then in the opposite direction to complete the curve. Of course, turning the well path involves a change in azimuth, 
which may change the direction (azimuth) of the end of curve. Three-dimensional wellbore segments are discussed 
later in this book. 

In general, the major factors affecting a horizontal-well profile are as follows: 


e Anticipated reservoir production performance, existence of fractures and their orientation, depth of gas-oil 
and water-oil contact (WOC) 

e Completion type (open-hole, slotted liner, etc.) and anticipated workover requirements 

e Casing and cementing program. 

e Drilling fluids and wellbore stability 

e Drillstring design (torque and drag) 

e Anticipated hole problems (cuttings transport, washouts, others) 


8.1.7 Three-Dimensional Well Profiles. In engineering practice, any well trajectory that is not located in a verti- 
cal plane is considered to be a 3D well. Under favorable drilling conditions, trajectories can be restricted to a 
vertical plane; however, in many instances the well path must move in 3D space to meet the well objectives. A 3D 
well trajectory is designed for a variety of geological and engineering reasons—for example, to avoid some diffi- 
cult-to-drill subsurface formations (e.g., drilling around salt domes) or to avoid faults. The well path must nearly 
always be in 3D if the well needs to intersect multiple targets, as is frequently required in horizontal drilling and 
geosteering applications. Most wells drilled offshore are three-dimensional to avoid intersecting with other wells. 
An example of the situation that often exists is the 3D view of a multiwell offshore platform as shown schemati- 
cally in Fig. 8.10. Three-dimensional wells are also drilled onshore for environmental reasons (to minimize the 
footprint of drilling rigs) or when drilling under buildings and other constructions. A group of wells is called a 
cluster. Frequently, drilling a cluster of wells is not only environmentally friendly, but also more economical be- 
cause of its higher efficiency and reduced footprint. New generations of onshore drilling rigs that can slide on rails 
make it easier to implement a multiwell (15-20 wells or more) directional-drilling program. 

Another example is the so-called designer wells, as shown in Fig. 8.11. Such wells originally were drilled in 
the geologically complex Gullfaks field in the Norwegian sector of the North Sea. The field has a very complex 
oil reservoir, with many normal and reverse faults. Typically, a designer-type well path involves a strong change 
in the hole azimuth combined with some change in hole inclination angle. To be classified as a “designer well,” 


Platform C 
Platform B 


Platform A 


Fig. 8.10—Group of wells drilled for offshore applications. 


Directional Drilling 465 


APIA a P 


TVD, m 
+ / 


Fig. 8.11—Examples of designer wells in Gullfaks field (Eck-Olsen et al. 1995). 


a well must turn in a horizontal plane through not less than 30°, consist of both right turns (positive turn rates) 
and left turns (negative turn rates), and not have the turns restricted by inclination. The need to optimize produc- 
tion or injection efficiency or to place a horizontal well underneath a platform frequently results in a designer 
well profile. 

In general, the design task is to construct a smooth 3D path that connects a surface or subsurface location to a 
known target or targets. In addition to 3D geometric requirements, the designer must also consider other factors 
related to the drilling process, such as drillstring mechanical integrity, wellbore stability, cuttings transport, run- 
ning of casing, cementing and perforating operations, and other factors. For the purpose of well-path optimiza- 
tion, minimum drilling cost or minimum drilling time is usually used as the optimization criterion. The design 
process frequently requires a few iterations before the desired solution is found. Drilling data from offset wells 
(e.g., types of formations, drilling fluids, drilling problems, performance of drill bits, BHAs, downhole motors, 
and expected drilling rates) are very valuable for the designers. If the well is to produce both oil and gas, certain 
production aspects, such as two-phase flow hydraulics, a possible artificial-lift system, and formation-stimulation 
requirements must be considered. This paper will focus on only the 3D geometric considerations and a discussion 
of five methods that are available from SPE literature. The five methods considered are average-angle method 
(AAM), radius-of-curvature (RCM), constant build and turn rate (CBTM), constant curvature and build rate 
(CCBM) (constant tool face), and minimum-curvature (MCM). 

AAM. Several methods can be used to design a 3D well path. One of the first developed is the so-called AAM. In this 
approach, the well is modeled as a series of straight segments in a vertical and a horizontal plane, as shown earlier in 
Figs. 8.3a and 8.3b. It is assumed that the inclination and azimuth angles are constant and equal to the average value for 
two subsequent points on the trajectory. With this assumption, Eqs. 8.13, 8.14, and 8.15 can be rewritten as 


Ly SX; +(sin @ cos 3) A A r a ee han E E arm oe eens (8.29a) 
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y, =y +(singsin g) As, ounce sppdveuye Ue ieen siesta andes ceacernaeevenireee, (8.29b) 


BHO BG, opal arp edac sine AEAEE TTO bas SEN (8.29c) 


where the average values of the hole inclination and azimuth angles (Ø and 9 ) are defined as 


p-2 and & 


_ Ath, 

In other words, for a given increment in MD As between two subsequent points with inclination and azimuth 
angles ¢.,, 9, and ,, 9, the arithmetic average values and the coordinates x, y, and z, can be calculated if the 
coordinates x, ,, Y,» and z, | are known. 


Example 8.4 Calculate the rectangular coordinates of a well for the depth range from 8,000 to 8,400 ft. The 
KOP is at 8,000 ft, and the build rate is 1°/100 ft, using a lead of 10° and a right-hand walk rate of 1°/100 ft (the 
turn rate in a horizontal plane). The direction of the target is N30E. Assume that the first 200 ft is to set the lead, 
where the direction is held constant to 8,200 ft and then turns right at a rate of 1°/100 ft. 

Solution. The origin of the coordinate system is fixed at the top of the hole (x, = 0, y, = 0, z, = 0), and the first 
segment is vertical; hence, the inclination angle o= 0° and the azimuth is undetermined. The coordinates of the 
KOP are x, =0 ft, y, = 0 ft, and z, = 8,000 ft. For the point located at As = 100 ft from the KOP, the following can 
be calculated: 


(a) x, = (100)sin{ £2 Jes 20 = 0.82 ft 


(b) y, = (100)sin{ 2 sin 20 = 0.30 ft 


(c) z, =8,000+ (100)cos{ 242) = 8,099.99 ft 


From 8,100 ft to 8,200 ft, the inclination angle increases to 2°, and the azimuth is N20E: 


(d) x, = 0.82- (100)sin( “7 Jeo 22420) =3.28 ft 


2 2 


(e) y} = 030+ (100)sin| £2 )sin{ 22220) =1.20 ft 


(f) z, =8,099.99 + (100)c0s{ 22) = 8,199.96 ft 


From 8,200 ft to 8,300 ft, the inclination angle increases to 3°, and the azimuth changes to N21E. The following 
values can then be calculated: 


= 7.37 ft 


(g) x, = 328 +(100)sin{ 22 )eos{ 22421) 


(h) y, = 120+ (100)sin 2+2 )sin( 22421) =2.73 ft 


ta) = 8,299.86 ft 


O z= 8,199.96- (100) cos{ 


From 8,300 ft to 8,400 ft, the inclination and azimuth angles increase to 4° and 22°, resulting in 


i) x; =7.37+ (100)sin{ 2 > teos 212 


) =13.05 ft 
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(kK) y; =2.73 +(100)sin 2 )snf 


3+4 


(1) z; = 8,299.86 + (100) os = 8,399.67 ft 


The total HD is 


(m) HD =,(ZAx,)’ +(ZAy,) = (13.05) +(4.97)° = 13.96 ft 


DAy, ; 
(n) Departure angle = arctan Yi | = arctan I |e 20.8° 
xAx 13.05 


The Radius-of-Curvature Method (RCM). The RCM was originally proposed by Wilson (1968) to re- 
place earlier methods that used a series of straightline segments to represent the wellbore between survey 
stations. In this method, it is assumed that the build rate B and the horizontal turn rate H are constant over 
the trajectory. Typically, a few build and horizontal turn rates must be tried by the designer before finding a 
well path that will meet the desired objectives. Fig. 8.12 shows a segment of wellbore between two points 
on the 3D trajectory. The MD between Points 1 and 2 is As. 

It should be pointed out that, even if the build and turn rates are constant, the wellbore curvature is not 
constant between the two points on the well path because the hole inclination angle varies between Points 1 
and 2. The assumptions of a constant build rate B and a constant horizontal turn rate H imply that the projec- 
tions on the vertical plane (the segment between Points 1 and 4) and the horizontal plane (the segment bet- 
ween Points 1 and 3) have constant curvature. The radius of curvature in the vertical plane (R) is the 
reciprocal of the build rate, while the radius of curvature in the horizontal plane (R,) is the reciprocal of the 
horizontal turn rate H. 

Using the assumption that both build rate and turn rate are constant (B = constant and H = constant), by integra- 
tion of Eqs. 8.13, 8.14, and 8.15, the following equations are obtained for calculating the desired rectangular tra- 
jectory coordinates: 


© 


P2, 92 


«— ¢ 


S 


Fig. 8.12—Schematic diagram of a wellbore segment for the radius-of-curvature method. 
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Ax -1(" N P Pa a a E (8.30a) 
Hes 
Ay=— [*sin gag = SA 208%, KOE E A E E an udadndanduten es (8.30b) 
Hs H 
sin é, — sin 
$, 4, (8.30c) 


l re 
Az=—([“cos¢dg=—2— —". 
Z zf, coed FF 


It should be remembered that the above equations are valid in a consistent system of units. The 
application of this method and some specific cases are given below. 


Example 8.5 At a certain point P, on a well path, the inclination angle and azimuth are ọ, = 10.8° and 0, = 
36.5°. Assuming an increment in the MD As = 200 ft (the distance between Points | and 2), at Point 2 it is 


necessary to calculate the 


e Hole inclination angle @, and azimuth 0, 

e Increments in x, y, z coordinates, Ax, Ay, and Az 
e Wellbore curvature (i.e., DLS) 

e DL 


To perform the calculations, assume a build rate B = 5.14°/100 ft and a horizontal turn rate H = 17°/100 ft. 
Solution. Integrating Eq. 8.1 gives: 


As 2 
(a) f, Bds=|"dy p, = 9, + BAS 


Hence, 


5.14° 
100 ft 


(b) , = 10.8° + ~~ _(200 ft) = 21.08°. 


Using Eqs. 8.2 and 8.6, 


(c) f dł = aI sino dọ, 


and upon integration, 
H 
(d) =9+ n p, = cosp, ). 


The second term in the equation for Line (d) needs to be expressed in degrees if A, is in degrees. Hence, 


17 (1 
(e) % =36.5°+— ane (cos 10.8°—cos21.08°) = 45.8°. 
5.14\ a 


Now it is possible to calculate the increments of the coordinates using Eqs. 8.30a, 8.30b, and 8.30c as Ax = 


41.14 ft, Ay = 35.95 ft, and Az = 192.03 ft 
The wellbore curvature (i.e., DLS) can be calculated using Eq. 8.23: 


(© DLS = (5.14) +(17.0} sint g(s) degrees /100ft. 


Clearly, the wellbore curvature is not constant between the two points, but changes with the inclination angle. 
Using the average inclination angle ⁄ (9, +@,) to determine the “average DLS,” 


(8) DLS = (5.14) +(17.0)' sin* (15.94) =5.3 deg/100 ft. 
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This calculation may not be sufficiently accurate because DLS is a nonlinear function of hole inclination angle. 
If a more accurate calculation were required, it would be necessary to integrate the DLS as a function of MD and 
to divide the result by the length between the points on the well path (e.g., in the present case, 200 ft). 

Using Eq. 8.26: 


(h) DL = 2aresin sin? (5.14) + sin(10.8) sin (21.08) sin’? (4.65) = 10.56 degrees. 


Example 8.6 Consider Example 8.5, but with the assumption that the designer wants to keep the well path in a 
vertical plane; in other words, the horizontal turn rate H = 0. 

Solution. Because H = 0, (A = Ù, = 36.5°, and 2, = 21.08° (build rate = 5.14°/100 ft). Now Eqs. 8.17a, 8.17b, 
and 8.17c can be used to calculate the coordinates. 

By substituting actual numbers into the above-mentioned equations, 


Ax = 44.1 ft, Ay = 32.6 ft, Az = 192.03 ft. 


The reader is invited to verify the above calculations. 


Clearly, four basic cases can be distinguished here (Case 1: B and H are constant along the trajectory; Case 2: H 
= 0 and B = constant; Case 3: B = 0 and H = constant; and Case 4: both B = 0 and H = 0), resulting in four differ- 
ent types of well-trajectory segments. In practical designs, any combination of these can be used to connect the 
initial point smoothly with the target. A smooth trajectory is achieved if at the connection points (common points), 
the ends of the two segments have the same inclination and direction angles. 

Rivero (1971) used the radius-of-curvature equations to calculate the net thickness of a pay zone of known dip 
and strike angles. McMillian (1981) provided several examples of use of the RCM to design the well paths of slant 
and S-shaped wells as well as for 3D well configurations. He proposed a method by which a 3D problem can be 
transformed into 2D space. Once the 2D well path is determined in 2D space, it can be transferred back into 3D 
space. 

After the base well trajectory is calculated, the designer needs to make corrections to compensate for antici- 
pated effects related to drillpipe rotation (bit walk), formation hardness and dip angle, type of drill bit, and other 
factors. For example, as mentioned earlier, drillpipe rotation typically results in right-hand bit walk, and therefore 
a left lead angle is used to compensate for this tendency. The optimum lead angle results in the closest approach 
to the base trajectory. The required information on the directional tendencies of various drilling systems can be 
obtained by analyzing drilling data from similar wells drilled under similar geological conditions. Lack of such 
data can lead to considerable discrepancies between calculated well trajectories and those actually achieved while 
drilling the well. This situation places the designer of an exploratory well in a difficult situation. In such cases, as 
well as during more typical drilling jobs, it is essential to have a contingency plan. Under complex geological 
conditions, drilling a pilot hole should be considered to obtain at least some preliminary information about geo- 
logical conditions, including types of rock, formation dip and strike angles, and possible hole problems. 

Minimum-Curvature/Circular-Arc Method (MCM). An analytical formulation of the minimum-curvature 
method was originally proposed by Taylor and Mason (1972) and by Zaremba (1973) as a way to improve direc- 
tional-survey analysis. Zaremba used the term circular-arc method and carried out the development using the 
method of vectors, which will be discussed in the next section of this chapter. More recently, Sawaryn and Tho- 
rogood (2003) published a compendium of algorithms useful for directional-well planning and deflection-tool 
orientation. Currently this method is widely used by the petroleum industry for both well-trajectory planning and 
directional-survey evaluation. 

In this method, two successive points on the trajectory are assumed to lie on a circular arc located in a plane, as 
shown schematically in Fig. 8.13. In other words, Points 1, 2, and O in Fig. 8.13 lie on the same plane, and the cur- 
vature of the segment between Points 1 and 2 is constant. The MD between Points 1 and 2 is As, and the radius of 
the circular arc connecting the two points is R. The angle f is called the DL. 

The reader is encouraged to analyze Fig. 8.13 carefully and to prove that the equations for calculating changes 
in the rectangular coordinates on the trajectory are as given below, with the ratio factor quantity is represented by 
RF: 


Ax = (sing, cos.% + sing, cos 3, ) RF a EREE AEN E EEE AEREE E EN (8.31a) 


AVS (SG SO +sing, sing, ) RF spc a eiea 2 et monei a endo eAanena net Naled vans oh Uweedas (8.31b) 
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Az 


Ay 


S 


Fig. 8.13—Schematic diagram of a wellbore segment for the minimum-curvature method. 


z= (cop Feos RE eirenpnbeisn pesoto penp rEni paiera A ta cela GENA SENEE E ted (8.31c) 

where 

a eee gases E dete bec cnt raps eachence ede tn (8.32) 
B 2 


Because the well path lies in a plane, this method is also sometimes called the turn-in-plane method. 


Example 8.7 Given the following data, find the x-, y-, and z-coordinates at Point 2. 


Point MD, ft Inclination Azimuth Angle, Coordinates 
Angle, degrees degrees 
x y z 
Point 1 1,050 3.05 350 102 99 1,044 
Point 2 1,627 32.11 76 ? ? ? 


Solution. Using Eq. 8.26, the DL B can be determined as 


(a) £= 2arcsin (sm a + sin(3.15)sin(32.11)sin” (7) = 32.03°. 
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From Eq. 8.32, the RF is: 


oy ee | OO | og 1, 
32.03\ x 2 


Hence, using Eqs. 8.31a, 8.31b, and 8.31c, 

(c) x, =102 +(sin3.15 cos 350 +sin 32.11 cos 76)(296.1) = 156 ft, 
y, =99+(sin3.15 cos 350 +sin 32.11 sin 76)(296.1) = 248 ft, 
z, = 1,044+(cos3.15 +cos 32.11)(296.1) =1,590 ft. 


More-detailed derivations and examples are given later in this section when the use of vectors for directional- 
drilling calculations is discussed. 


Constant Build and Turn Rate Method (CBTM). In this method, proposed by Planeix and Fox (1979), it 
is assumed that the build rate B and turn rate T are constant along the well trajectory. With this assumption, 
by integrating Eqs. 8.13 and 8.14, the trajectory coordinates can be obtained as: 


1 . . ; F 
Ax= m_p (sin p, sin 9, —sin p, sin 3, )+ B (coso, cos ¥, — cos gp, cos 9, )] E E (8.33) 
and 
1 : ; . : 
Ay = pp le(s 3, cos p, -sin 9, cos p, )—T (cos 9, sin p, — cos J sin g, )]. E E EE (8.34) 


The equation for calculating the change in a vertical coordinate, Az, remains the same as for the RCM (Eq. 
8.30c) and for this reason is not repeated here. It should be remembered that Eqs. 8.33 and 8.34 are valid only for 
points on the build and turn curves. As for the RCM, one can consider several special cases such as T = 0 and B = 
constant, B = 0 and T = constant or perhaps B = 0 and T = 0. 

Because the turn rate and the horizontal turn rate are functionally related (T = H sin @) , the solutions for Ax, 
Ay, Az are all the same as in the RCM. Here a special case of a wellbore trajectory composed of a segment of a 
circular helix will be discussed. Because a circular helix has constant curvature and constant inclination angle, the 
build rate is nil (B = 0) and the turn rate T is constant. 


Example 8.8 Given hole inclination and azimuth angles at two points 100 ft apart on a trajectory composed of 
a part of a circular helix, 


Q, = 9, = 46.31", 
0, = 65.5 andt,= 73.78", 


calculate the: 


e DLS and DL 
e Pitch and radius of the helix 


Solution. To calculate the DLS (curvature), use Eq. 8.22. Because @ = constant and B = 0, 


(a) DLS = sin Paa 
ds 


For a circular helix, the curvature is constant, so integrating the above equation yields 
. AQ Bade 
(b) DLS= oul re = (1.045 x10 ~ radians / ft = 5.99°/100 ft. 
s 


Hence, the turn rate T = 8.28°/100 ft (0.001445 radians/ft), and the DL is 5.99°. 
From calculus, it is known that the x, y, z coordinates of a circular helix with radius r and pitch p are given by 
the following equations: 


(c) x(s)= rcos(T s), 
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(d) »(s)=rsin(Ts), 
P 
z(s) = — Ts. 
(e) = 
Taking derivatives with respect to s, 


(f) & =r sin (Ts), 
(g) YY -rT cos(Ts), 
ds 


iy Ha 
ds 2x 


It is also known (from Eqs. 8.7 and 8.9) that a =cos@ and a = singcos@ . From the above equations, 
s 
it is possible to obtain the radius of the helix, 
_ sing _ sin(46.31) 
T 0.001446 


(i) r =500ft, 


and the pitch of the helix, 


: _ 2mcos3 _ 2r cos(46.31) 
0 POF 0.0011446 


= 3,000 ft. 


For practical 3D well-path calculations, the designer can assume the radius, the pitch of the helix, and the required 
hole-inclination angle and calculate the turn rate, the hole azimuth, and the corresponding coordinates x, y, and z 
along the well path. 


Constant Curvature and Build Rate Method (CCBM). The constant-curvature method was proposed by Guo 
et al. (1992) to produce a well path that can be drilled with a constant tool face (as explained in Section 8.3) and 
to provide more flexibility in 3D well-path trajectory designs. In this method, it is assumed that the wellbore cur- 
vature (K, DLS) and build rate B are constant with the MD s. This method is also known as the constant tool-face 
method and was proposed by Schuh (1992). 

Again, to calculate the coordinates, Eqs. 8.13, 8.14, and 8.15 are needed. To perform the required integrations, 
the inclination and azimuth angles must be determined along the trajectory. 

Using Eqs. 8.1 and 8.3, 


OPA ORBOHEY saccocasaqmeavendncwaetvacscowwtlondiswaniaanndaneutyeeaaeaeeee: (8.35) 
and 
PS, MGs cane beiecese enya T T S T (8.36) 


The turn rate in Eq. 8.36 can be expressed in terms of DLS and build rate as 


Fa atch cis tents pies cide Gosden EEEE EEEE EEEE (8.37) 
sin o(s) 


With the assumption that the DLS and build rate are constant, integration of Eq. 8.36 yields 


DLS? - B? in| eneo 


B tan( p) 


I(s)=9, + 


It is clear that because of the nonlinear form of Eq. 8.38, the integrals of the trajectory equations (Eqs. 8.13 and 
8.14) need to be evaluated numerically. Closed-form solutions can be obtained for a case where the well path is 
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part of a circular helix. For a circular helix, the build rate is nil, resulting in a constant hole-inclination angle and 
constant turn rate, as discussed earlier. 

Much simpler solutions are possible if the average values of turn rates are used piecewise for calculations. The 
average values are given by the following equations: 


— ~DLS’-B’?% dg —VDLS?-B’ 


H = = cot Coto j- mires dod dba anew hoard 8.39 
B As > sin’ o BAs ( pi p) Pa 

To VDLS’-B* $ dg _ VDLS’-B’ ii tan(49,) ai 
BAS } ne Bas tan(40,) E E kata bee A Ge ga ae dane edness : 


Once the average values have been determined, the RCM or constant build-and-turn method can be used to 
calculate the desired rectangular coordinates x, y, and z along the well trajectory. 


Example 8.9 In Guo et al. (1992), a practical example is provided for the case of a trajectory that must avoid an 
underground obstruction at least 90 ft from a vertical passing through the initial and final points of the trajectory. 
The initial point is located at x = 100 ft, y = 100 ft, and z = 1,000 ft. The endpoint (target point) of the section is 
at x = 205 ft, y = 445 ft, and z = 1,890 ft. The course length is limited to 1,000 ft. 

Solution. The solution requires an iterative approach, and the results are given in Table 8.1 (radius of cur- 
vature), Table 8.2 (constant turn rate), and Table 8.3 (constant curvature). The horizontal projection and in- 
clination angle vs. MD plots of the three trajectories are shown in Figs. 8.14 and 8.15. 

Another method to obtain a smooth 3D curved well path connecting the initial position (e.g., the KOP) with a 
target involves the use of splines and polynomials. Scholes (1983) was the first to use cubic functions (cubic 
splines) with four independent parameters to determine the desired rectangular coordinates of the trajectory. Each 
section of the well path can be described by the following parametric equations: 


x(t) = AS? + B s POSED 4 a26eeadoises ai e ase EE Y E E E S (8.41a) 
WAAS +B S +CSHD,, occ cece cece ec eeeccueceneseauceauseeneceneennnees (8.41b) 
AAVHAS ABS HC SHD occ ccc cc cece cee cece us ee nec eveeeeuseveucueuseueeeens (8.41c) 


The task of the designer is to determine the 12 coefficients (A, B, C, and D for x, y, and z) that exist in the above 
equations, based on given conditions at the initial and final points of the trajectory. More recently, Mitchell (2008) 
proposed the use of tension and compression splines, and the interested reader is referred to more specific treat- 
ments of this subject (Sampaio 2007). 


8.1.8 Review Questions and Problems. 


. List major applications of directional wells. 

. Define hole inclination and azimuth angles. 

. Define HD and closure. 

. Define build and turn rates. 

. Consider two points on a curved part of a trajectory located in a vertical plane with the azimuth 0 = 220°. 
The hole inclination angle at Point 1 and Point 2 are @, = 38° and @, = 46°. The build rate is B = 5.5°/100 
ft. The rectangular coordinates of Point 1 are x, = 1,650 ft, y, = 2,858 ft, and z, = 4,250 ft. 

Calculate: 

(a) x, y, z coordinates at Point 2 
(b) Radius of curvature R 
(c) HD between Point 1 and Point 2 
(d) The length of the segment (differences in MD at Point 2 and Point 1) As 

6. The build rate B = 8.5°/100 ft and turn rate T = 3.5°/100 ft. Calculate the average wellbore curvature be- 
tween two parts on the trajectory with inclination angles @, = 17° and @, = 53°. Also plot instantaneous 
curvature vs. hole-inclination angle @ and MD s. 

7. Consider two points on a 3D well trajectory with hole inclination and azimuth angles @,, 0, and @,, Ù. 

Derive Eq. 8.26 for calculating DL. 


nABWN Re 
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TABLE 8.1—WELL-PATH SECTION DESIGNED USING THE RCM [After Guo et al. (1998)] 
B=4.13°/100 ft; H=20.80°/100 ft 
I A DLS 

S (ft) (degrees) (degrees) L (ft) x, N(ft) y,E(ft) Z(ft) (degrees/100 ft) T (degrees/100 ft) 
1,050.0 3.6 31.9 141.0 100.0 100.0 1,000.0 4.13 1.3 
1,100.0 5.7 32.7 145.0 103.0 102.0 1,050.0 4.13 2.1 
1,150.0 Ta 33.9 151.0 108.0 105.0 1,099.0 4.14 2.8 
1,200.0 9.8 35.5 158.0 115.0 110.0 1,149.0 4.17 3.5 
1,250.0 11.8 37.5 168.0 122.0 115.0 1,198.0 4.22 4.3 
1,300.0 13.9 39.8 179.0 131.0 122.0 1,247.0 4.30 5.0 
1,350.0 16.0 42.5 192.0 140.0 131.0 1,295.0 4.42 5.7 
1,400.0 18.0 45.5 207.0 151.0 141.0 1,343.0 4.58 6.4 
1,450.0 20.1 48.9 223.0 162.0 153.0 1,390.0 4.80 7.1 
1,500.0 22.2 52.7 241.0 173.0 167.0 1,437.0 5.08 7.8 
1,550.0 24.2 56.8 261.0 185.0 183.0 1,483.0 5.41 8.5 
1,600.0 26.3 61.2 282.0 196.0 201.0 1,528.0 5.80 9.2 
1,650.0 28.3 66.0 305.0 206.0 222.0 1,572.0 6.25 9.9 
1,700.0 30.4 71:1 329.0 215.0 245.0 1,616.0 6.74 10.5 
1,750.0 32.5 76.5 355.0 222.0 270.0 1,659.0 7.28 11.2 
1,800.0 34.5 82.2 383.0 227.0 297.0 1,700.0 7.86 11.8 
1,850.0 36.6 88.3 412.0 230.0 326.0 1,741.0 8.47 12.4 
1,900.0 38.7 94.6 443.0 229.0 356.0 1,781.0 9.11 13.0 
1,950.0 40.7 101.3 475.0 225.0 388.0 1,819.0 9.77 13.6 
2,000.0 42.8 108.2 508.0 216.0 420.0 1,856.0 10.45 14.1 
2,050.0 44.8 115.4 542.0 203.0 452.0 1,892.0 11.14 14.7 

TABLE 8.2—WELL-PATH SECTION DESIGNED USING THE CONSTANT-TURN-RATE METHOD 

[After Guo et al. (1992)] 
B=4.13°/100 ft; T=11.02°/100 ft 
I A DLS 

S (ft) (degrees) (degrees) L(ft) xN (ft) y,E (ft) Z(ft) (degrees/100 ft) H(degrees/100 ft) 
1,050.0 4.0 2.9 141.0 100.0 100.0 1,000.0 4.20 157.4 
1,100.0 6.1 8.4 145.0 104.0 100.0 1,050.0 4.29 104.1 
1,150.0 8.1 13.9 152.0 110.0 102.0 1,099.0 4.41 77.8 
1,200.0 10.2 19.4 160.0 118.0 104.0 1,149.0 4.56 62.2 
1,250.0 12.3 24.9 169.0 127.0 108.0 1,198.0 4.74 51.9 
1,300.0 14.3 30.4 181.0 137.0 113.0 1,246.0 4.95 44.5 
1,350.0 16.4 35.9 194.0 148.0 120.0 1,295.0 517 39.0 
1,400.0 18.5 41.5 209.0 160.0 130.0 1,342.0 5.40 34.8 
1,450.0 20.5 47.0 226.0 172.0 141.0 1,390.0 5.65 31.4 
1,500.0 22.6 52.5 244.0 184.0 155.0 1,436.0 5.91 28.7 
1,550.0 24.6 58.0 264.0 195.0 172.0 1,482.0 6.17 26.4 
1,600.0 26.7 63.5 286.0 206.0 191.0 1,527.0 6.45 24.5 
1,650.0 28.8 69.0 309.0 215.0 212.0 1,571.0 6.72 22.9 
1,700.0 30.8 74.5 334.0 223.0 236.0 1,615.0 6.99 21.5 
1,750.0 32.9 80.0 360.0 229.0 261.0 1,657.0 7.27 20.3 
1,800.0 35.0 85.5 388.0 232.0 289.0 1,698.0 7.54 19.2 
1,850.0 37:0 91.0 418.0 233.0 318.0 1,739.0 7.81 18.3 
1,900.0 39.1 96.6 448.0 231.0 349.0 1,778.0 8.08 17:5 
1,950.0 41.1 102.1 481.0 226.0 381.0 1,817.0 8.34 16.7 
2,000.0 43.2 107.6 514.0 217.0 413.0 1,854.0 8.60 16.1 
2,050.0 45.3 113.1 549.0 205.0 446.0 1,889.0 8.85 15.5 
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TABLE 8.3—WELL-PATH SECTION DESIGNED USING CONSTANT-CURVATURE METHOD 
[After Guo et al. (1992)] 


B=4.13°/100 ft; DLS =6.07°/100 ft 


S (ft) ee ee L(ft) x,N(ft) y,E (ft) Z(ft) ene 00 ft) T (degrees/100 ft) 
1,050.0 4.1 311.0 141.0 100.0 100.0 1000.0 893.5 63.1 
1,100.0 6.1 336.5 145.0 104.0 98.0 1050.0 393.1 41.9 
1,150.0 8.2 354.6 152.0 110.0 96.0 1099.0 220.4 31.3 
1,200.0 10.2 8.6 160.0 118.0 96.0 1149.0 141.1 25.1 
1,250.0 12.3 20.0 169.0 127.0 99.0 1198.0 98.2 20.9 
1,300.0 14.4 29.7 181.0 137.0 104.0 1246.0 72.4 18.0 
1,350.0 16.4 38.1 194.0 148.0 111.0 1295.0 55.7 15.8 
1,400.0 18.5 45.5 209.0 160.0 121.0 1342.0 44.3 14.1 
1,450.0 20.6 52.2 226.0 171.0 134.0 1389.0 36.2 12.7 
1,500.0 22.6 58.3 244.0 181.0 149.0 1436.0 30.1 11.6 
1,550.0 24.7 63.8 264.0 191.0 166.0 1482.0 25.6 10.7 
1,600.0 26.7 69.0 286.0 199.0 186.0 1527.0 22.0 9.9 
1,650.0 28.8 73.8 309.0 207.0 208.0 1571.0 19.2 9.3 
1,700.0 30.9 78.2 334.0 213.0 233.0 1614.0 16.9 8.7 
1,750.0 32.9 82.5 361.0 217.0 259.0 1657.0 15:1 8.2 
1,800.0 35.0 86.4 389.0 220.0 286.0 1698.0 13.6 7.8 
1,850.0 37.1 90.2 418.0 221.0 316.0 1739.0 12.3 7.4 
1,900.0 39.1 93.8 449.0 220.0 347.0 1778.0 11.2 7.1 
1,9500 41.2 97.3 481.0 217.0 379.0 1816.0 10.3 6.8 
2,000.0 43.2 100.6 515.0 211.0 412.0 1853.0 9.5 6.5 
2,050.0 45.3 103.8 550.0 204.0 446.0 1889.0 8.8 6.3 
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Fig. 8.14—Example 8.9: horizontal projections. 
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Fig. 8.15—Example 8.9: inclination angles vs. vertical depth. 


8. Inclination and azimuth angles at two neighboring points on the well trajectory are as below: 


Point Inclination Angle, Azimuth Angle, 
degrees degrees 
Point 1 24.2 56.8 
Point 2 40.7 101.3 


Calculate the DL. 
9. Make a schematic diagram of the three basic 2D directional well trajectories. 

10. Design trajectory of a slant-type offshore well for the conditions as stated below: 
e Elevation (above sea level) of the rotary table = 80 ft 
e Target depth (subsea) = —6,479 ft 
e Target north coordinate = 3,846 ft 
e Target west coordinate = 4,226 ft 
e Declination = 5.5° E 
e KOP depth = 1,875 ft 
e Build-up rate = 3°/100 ft 

11. Design a directional well trajectory using a build, hold and drop segments if the TVD is 14,100 ft and the 
HD is 9,010 ft. It is recommended that the build and drop is 2°/100 ft. The KOP is at the depth of 1,800 
ft. 

12. Plan a modified S-shaped trajectory where the target must intersect at a constant inclination of 20°. KOP 
depth is 1,500 ft, and TVD at the end of drop-off section is 8,500 ft. Rate of drop and build is 2°/100 ft. 
The desired HD from the surface location is 3,100 ft, and TVD is 9,075 ft. 

13. It is desired to design the simple tangent horizontal well profile given: 

e KOP = 1,200 ft 

e VDT = 6,500 ft 

e Minimum tangent length = 150 ft 
e HD = 5,800 ft 
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14. It is required to find the difference in rectangular coordinates between two points on a well path located 
As = 600 ft apart given the following: 


Point Inclination Angle, Azimuth Angle, 
degrees degrees 
Point 1 24.2 56.8 
Point 2 40.7 101.3 
Perform calculations using: 
(a) AAM 
(b) RCM 
(c) MCM 
15. Consider data as in Problem 14 above. Calculate the build and turn rates in the middle point of the seg- 
ment. 


16. Derive Eqs. 8.33 and 8.34. 
17. Consider two points on a 3D well trajectory with the hole inclination and azimuth angles as follows: 


Point Inclination Angle, Azimuth angle, 
degrees degrees 

Point 1 45.9 7.5 

Point 2 50.0 39.8 


The distance between Point | and Point 2 is 810 ft. Calculate the hole-inclination angle @ and azimuth % at 202 
ft and 607 ft from the first point. Assume constant curvature and build rate between Point | and Point 2. 


18. Given are hole-inclination and azimuth angles at two points 100 ft apart on a trajectory composed of a 
part of circular helix. 


p, =46.31° and p, =46.31° 
9, = 65.5° and 9, =73.78° 


It is required to calculate: 


e DLS and DL 
e Pitch and radius of the helix 


19. Consider data as in Example 8.9. Is it possible to design the well trajectory using the minimum curvature 
method such that it would meet the prescribed requirements? 


8.2 Deviation Control 

A number of different methods have been invented to initiate new hole-inclination and azimuth angles (e.g., at 
KOPs) and to maintain control of a well path while drilling. In some applications, a whipstock or hydraulic jetting 
can be a cost-effective method to initiate a hole departure from the vertical and to make other required adjustments 
in hole direction. In buildup or drop-off wellbore segments, as well as in straight-hole drilling (e.g., drilling a 
tangent section), the inclination angle can be controlled to some extent using a conventional BHA by careful selec- 
tion of BHA components. Considerable control of a well path, in terms of hole inclination and azimuth angles, can 
be achieved using downhole motors with a bent sub or bent housing and rotary-steerable tools. Some of these 
methods are described below. 


8.2.1 Whipstocks and Jetting Techniques. Whipstocks and jetting techniques of various types were the princi- 
pal deflection tools for many years before turbine-type and positive-displacement mud motors were fully devel- 
oped and made economical for drilling applications. A whipstock is a wedge-shaped steel casting with a tapered 
concave groove down one side to guide the bit into the wall of the hole to start a deflection. There are two basic 
types of whipstocks: fixed and removable. The fixed whipstock stays in the hole after the desired deflection 
(change in hole-inclination and azimuth angles) has been accomplished, while the removable one is pulled out of 
the hole with the drillstring. A whipstock can be set in an open and cased hole. Fig. 8.16 shows a removable whip- 
stock in an openhole operation. 

The whipstock edge angle is selected according to the desired deflection. A bit of diameter small enough to fit 
into the hole with the whipstock is then chosen. Initially, the whipstock is fixed to the drillstring above the bit. 
When the whipstock is positioned at the KOP depth, the center line of the toe is oriented in the desired direction. 
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Fig. 8.17—(a) Setting the packer and whipstock seat; (b) locking the whipstock into the packer assembly; (c) cutting 
the casing with the starting mill; (d) cutting a window in the casing with a side-packing mill; (e) drilling ahead with a 
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(a) (b) (c) (d) (e) (d) 
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Fig. 8.16—Drilling with retrievable whipstock (Bourgoyne et al. 1986). 
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tricone bit through a window in the casing (Bourgoyne et al. 1986). 


The principles of tool-deflection orientation are described in Section 8.3. With the whipstock assembly oriented, 
enough weight is applied to the toe of the wedge to prevent whipstock movement when rotation begins. Additional 
weight is applied to shear the pin that holds the whipstock to the drillstring. As rotation begins, the bit starts to 
drill forward and sideways according to the shape of the whipstock. Drilling continues until the stop reaches the 
top of the whipstock, as shown in Fig. 8.16d. Then the whipstock assembly is pulled out, and a pilot bit with a hole 
opener (reamer) is used to enlarge the wellbore to the desired size. Subsequently, a proper building assembly is 
run to drill the curved section of the hole. Fixed whipstocks typically are used to sidetrack an existing cased hole, 


as shown schematically in Fig. 8.17. 
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Typically, the operation is accomplished in three stages. First, a window is cut with the milling tool. Then the 
starting mill is replaced by a sidetracking mill, which makes a window approximately 8 to 12 ft long. Then the 
sidetracking mill is pulled out and replaced by a taper mill and a BHA with watermelon mills to enlarge the casing 
window to accommodate a conventional BHA. In some applications, a number of trips and many rotating hours 
are required to make the desired sidetrack. 

In soft formations, deflection can be accomplished using a jetting technique, as shown in Fig. 8.18. Typically, a 
rotary three-roller-cone bit with three nozzles, two small and one large, is run into the hole and properly oriented. 
Drilling-fluid circulation is then initiated to begin the washing action. Rock erosion occurs due to the change in 
fluid momentum at the bottom of the hole. First, the bit is advanced without rotation for a distance of approxi- 
mately 3 to 6 ft. Then rotation is started, and conventional drilling proceeds for 20 to 25 ft. A survey is taken to 
evaluate the inclination and azimuth of the jetted interval. If a change is required, the jetting assembly is oriented 
again, and the process is repeated until the desired trajectory is achieved. The hardness of the surrounding rocks 
is the main factor that determines jetting efficiency. Very soft rocks have a tendency to erode too much, making it 
difficult to maintain the desired direction. Reduction in flow rate may be a good solution if cuttings transport is 
not a problem. In harder rocks, the rate of jetting is small. However, under some geological conditions, the jetting 
technique can be the most economical. 


8.2.2 Mechanics of BHAs. In conventional rotary drilling, the bottomhole assembly (BHA) is the part of 
the drillstring that is placed above the drill bit for loading the bit and controlling the wellbore trajectory. 
The BHA composition can be relatively simple, consisting of only drill collars and a drillpipe, or more 
complex, consisting of two (or even three) sizes of drill collars, heavyweight drillpipe, and regular drill- 
pipe, as shown in Fig. 8.19. For some directional-drilling applications, to drill complex trajectories and to 
obtain the desired information about subsurface formations, the BHA composition can be very complex, as 
shown in Fig. 8.20. 
In general, many parameters influence the performance of BHAs, including 


e Bending stiffness (the product of modulus of elasticity and moment of inertia) and weight of each compo- 
nent of the BHA 

e Position of each element in the BHA with reference to the drill bit 

e Local inclination, azimuth, curvature, and diameter of the hole 

e Formation properties and drill-bit type 

e WOB and bit rotational speed 
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Fig. 8.18—Jetting a trajectory change (Bourgoyne et al. 1986). 
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Fig. 8.19—Examples of BHAs (Bourgoyne et al. 1986). 


This section presents the major concepts that govern the BHA directional-drilling behavior and mechanical 
performance. The goal is to find an equilibrium BHA configuration with a known composition in terms of geo- 
metric and mechanical properties. Once such an equilibrium configuration has been found, it is possible to deter- 
mine the forces acting at the bit and to predict the direction of the anticipated drill-bit displacement and 
consequently that of the wellbore. It is also possible to calculate forces and moments along the BHA and to assess 
BHA mechanical integrity. Of course, the BHA as designed must not only meet the directional-drilling objectives, 
but also be strong enough to avoid costly downhole failures. 

Here, for the sake of simplicity, a slick assembly will be analyzed first, followed by an assembly with one sta- 
bilizer. Developments in straight, inclined, and curved sections of the wellbore will be presented. In all cases, the 
analysis will be limited to 2D wellbores with the well path confined to a vertical plane. Drill-bit rotation, inertia, 
and drilling-fluid flow effects are not considered. 

Slick Assembly in an Inclined Hole. For the sake of simplicity, consider a slick (uniform inside and outside 
diameters) BHA in a straight, but inclined, hole, as shown schematically in Fig. 8.21. Also for the sake of simplic- 
ity, the system is assumed to be two-dimensional and confined to a vertical plane. At some distance above the bit, 
the string contacts the low side of the wellbore at a point called the tangency point. This discussion will also as- 
sume that the string lies on the low side of the hole, as shown in Fig. 8.21. Actually, under some conditions, the 
string will not lie along the low side, but will buckle and may develop a snaky or even a helical shape. 
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Fig. 8.20—Example of a BHA with a rotary-steerable system and LWD and MWD units (Frenzel and Kull 2008). 


Let the axial component of the resultant force R at the bit be defined as the WOB and denote it as W, and let the 
lateral component be defined as a side force, H, (Fig. 8.21). With no WOB, the only force acting on the bit is the 
side force, which is created by the weight of the string between the bit and the tangency point. This force tends to 
bring the hole toward the vertical (the pendulum effect). When weight is applied to the bit (a portion of the drill 
collar is slacked off on the bit by reducing hook load), another force is generated that tends to push the bit toward 
the upper side of the hole, away from the vertical. With a large enough WOB, the side force is nil (H, = 0), and 
the resultant force direction angle, P, becomes the same as the hole inclination angle, g. Assuming that the forma- 
tion and bit do not have a preferential direction for drilling (isotropic drilling conditions), a straight hole is drilled. 
If the WOB is further increased, the bit is pushed upward, the side force changes direction, and a hole with an 
inclination angle greater than the original angle will be drilled. 

In other words, under isotropic drilling conditions, the BHA may have dropping, holding, or building tenden- 
cies, depending on the side force acting on the bit. Moreover, the instantaneous direction of bit penetration into 
the rock is the same as the direction of the resultant force acting on the drill bit. If a straight hole is drilled, the 
side force is zero, and it can be said that an equilibrium hole angle has been achieved. 

Field experience indicates that formations with bedding planes exhibit better drillability when drilled perpen- 
dicular rather than parallel to the bedding planes. In other words, inclined bedding planes make the bit drill updip, 
as shown schematically in Fig. 8.22. Consequently, the instantaneous direction of drilling (designated by the 
symbol y in Fig. 8.22) is different from the direction of the resultant force on the drill bit in anisotropic forma- 
tions. 

Lubinski and Woods (1953) introduced the so-called drilling anisotropy index for quantitative predictions of 
drill-bit penetration direction while drilling in anisotropic formations. By definition, the drilling anisotropy index 
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Fig. 8.21—Slick assembly in a straight inclined hole. 
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Fig. 8.22—Drilling through dipping formations (Lubinski 1987). 
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(h) is the relative difference of drillabilities parallel and perpendicular to bedding planes. If h = 0, the formation 
is isotropic from the standpoint of deviation control. Ho (1986) extended the definition of the anisotropy index to 
3D systems. 

For a more detailed analysis, differences in the drill bit face- and side-cutting abilities can be included. For 
example, the face-cutting ability of many rotary tricone roller bits is much better than their side-cutting ability. 
On the other hand, some diamond bits have similar side- and face-cutting abilities. 

It can be shown that the formation dip angle, y, the hole inclination angle, @, the resultant force angle, ®, and 
the drilling anisotropy index, h, are related by the following expression: 


t .— 
pat A, EE E EEE E E EE E heed E E (8.42) 
tan(y; —@) 


where ọ is the equilibrium hole inclination angle. Eq. 8.42 makes it possible to determine the anisotropy index 
from actual drilling data if the quantities y,, , and ® are known. Examination of Eq. 8.42 reveals that if the re- 
sultant-force direction is the same as the hole inclination angle (@ = ®), the value of h = 0, and the formation is 
considered to be isotropic from the standpoint of deviation control. 

Because H /W = tan(®- ọ), it can be shown that the following equation relates side force, H,, WOB, W, forma- 
tion anisotropy index, h, hole inclination angle, @, and formation dip angle, 7: 


H, _  htalg-y,) 
W 1-h+tan’(g-y,) 


Stan D=). sisted id does obs esd be deh ate serbewens (8.43) 


Eq. 8.43 couples the interaction between the drill bit and the formation. To use Eq. 8.43, the side force at the 
bit, H,, must be known. This force can be determined from the equilibrium configuration of the BHA. 

For this purpose, an idealized system for investigating drill-collar static-equilibrium configurations, but one 
still useful for practical applications, is presented in Fig. 8.23. The borehole is modeled as a cylinder with rigid 
walls free of any irregularities. Drill collars are represented by an elastic line Y =Y(X), with the unit weight in 
fluid denoted as w and the bending stiffness denoted as EI. The elastic line of drill collars OT is a plane curve 
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Y 


Fig. 8.23—Elastic line of drill collars in an inclined plane. 
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that lies on the low side of the hole for some interval above the point of tangency, designated as T. The distance 
from the bit to the point of tangency is denoted as L. In other words, at the point of tangency, X = L, both the slope 


(the first derivative, dY ) nd the curvature are zero. For small deflections, it may be assumed that the elastic-line 


dx? 
in a borehole at Point 0, which is the origin (X = 0, Y = 0) of the orthogonal system of X-Y coordinates. At the 
point of tangency, the deflection is equal to the radial clearance, ro between the wellbore and the drill collars, as 
shown in Fig. 8.22 [r = 0.5(D, — OD,,)]. 
For small deflections, the governing differential equation of the elastic line of drill collars is given by the well- 
known equation: 


dX f 
curvature is equal to the second derivative | . In addition, dynamic effects are ignored, and the bit is centered 


where S = the shearing force at any arbitrary cross section, such as M’M in Fig. 8.23, EI = the bending 


stiffness (the product of the modulus of elasticity E and the moment of inertia, J) = 5g OD —ID‘,), and OD p 
ID „= drill-collar outside and inside diameters. 
Projecting all the forces onto M’M: 


S= H costó- Wsin t WASINOF Â). ci ccecantiniioeil diawebiagoatae chet vase ieee Sema (8.45) 
Substituting Eq. 8.45 into Eq. 8.44 and noting that for small deflections, 
cos ô = 1 and tan ô = — 


after some aa 


Te 


=A; AXWSND: EE E E (8.46) 


Eq. 8.46 is referred to as Lubinski’s equation. 

Integration of Eq. 8.46 yields three unknown constants of integration. Because the side force at the bit, H,, and 
the distance to the point of tangency, L, are also unknown, altogether the number of unknowns is five. Conse- 
quently, five boundary conditions are needed to obtain the desired solution. 

For a slick BHA, the geometric (natural) boundary conditions are as follows: 


At the bit: 
DSO YSO. sie Med horde teeta wd tet eee dace E E E E ET ea ede Ghee tne mee (8.47a) 
And at the point of tangency: 
2 
Y(L)=r,, 0 and £ d S jiveehiedditsawitaewstdent E a eE (8.47b) 
dX dX 


Clearly, one more boundary condition is needed to solve the problem. It is typically assumed that the bending 
moment at the bit is zero, resulting in the following equation: 


=O aaa aE EEEE EEEE EEEE EEEE eh dase sad eet (8.47c) 


The governing differential equation, Eq. 8.46, with the boundary conditions given by Eq. 8.47, can be solved us- 
ing an iterative technique or the power-series method (Lubinski 1987). 

The solution, however, may be greatly simplified if W>>(w Lcos@ ). This condition is satisfied for large values 
of WOB, W, and, in wells with high inclination angle, @ (@ = 70°). With this simplification, the governing differ- 
ential pa can be written as: 


= =H, + Xwsin Q. Pea ERAR ea a 8.48 


To obtain solutions independent of hole size, drill-collar properties, WOB, and mud weight, the following substi- 
tutions can be introduced (Lubinski 1987): 
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Y=my and XS Meas e ne So EE Paces eee ase be ines gates Coane Se eens (8.49) 


where m,, m, = scaling factors in the Y- and X- directions, ft, and x, y = dimensionless coordinates. 


Substituting Eq. 8.49 into Eq. 8.48 [to obtain the derivatives, the chain rule of differentiation (e.g., 
dY md 
Xx = a , is used)] the result indicates that to obtain the dimensionless form of the governing 
m, dx 


differential equation, the scaling factors m, and m, are as follows: 


Gs tanh E En (8.50a) 


EN E EE E E E E E O eee (8.50b) 
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The corresponding dimensionless boundary conditions are: 

At the bit: 

y0, y OSU, Aran pE ro EE en meee (8.52a) 


and at the point of tangency: 


r, 
c 


y) = 


=c, y(O=0, and VIS scaciescaan iubutediagottvecaahe sadabauasaony (8.52b) 


m; 


The variables hy, €, and c in Eqs. 8.51 and 8.52b represent the dimensionless side force at the bit, the dimension- 
less distance to the tangency point, and the dimensionless radial clearance (apparent wellbore radius), respec- 
tively. 

Solving Eq. 8.51 with the boundary conditions given by Eq. 8.52 yields the desired equation for the centerline 
of the drill collars in the dimensionless form: 


ps EET ee, E TA (8.53) 
sin l 2 j 
where 
hy =A SL ee he ede Ban Denis ok aa ode Gale S E A ac aaa GO, gona eee aoe Gla ered Sd arbi Ree Eg (8.54a) 
2 
fe =e= tans EEE a ee dia ee ease ached aera eee ted E (8.54b) 
m. 


Simultaneous solution of Eqs. 8.54a and 8.54b yields the dimensionless side force, h,, and the dimensionless 
distance to the point of tangency, £. 
The actual (dimensional) side force can now be found from: 


wherem, = EIZE, sc cetsss waitin aendrpacpauecbyawpacouben tien seins Errr (8.54c) 
m, 


H, = m,h,, 

In practical applications, in addition to the side force, it is also necessary to know the so-called tilt angle, which 
describes the direction in which the bit is pointed out. The tilt angle is the angle between the centerline of the hole 
and the centerline of the bit and is denoted as 6 in Fig. 8.23. 

To determine the tilt angle, it is first necessary to find the slope of the drill-collar centerline at the bit. The 
first step is to determine the dimensionless tilt angle by differentiating Eq. 8.53 and setting x = 0 in the 
resulting expression. Then the dimensionless tilt angle needs to be converted to its dimensional form, ex- 
pressed typically in degrees. For a slick BHA, the tilt angle is fairly small, in the range of approximately 
0.1-0.5°. 
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Using Eqs. 8.42, 8.43, 8.53, and 8.54, several important practical problems can be solved, as illustrated by the 
following examples. It should be noted that all the above equations are valid in any consistent system of units. 


Example 8.10 Consider a 64- by 21⁄4-in. (unit weight 91 lbm/ft) slick BHA in a straight hole, 8 in. in diameter, 
with an inclination angle of 25°. The drill collars are made of steel with a modulus of elasticity of 30 (10)° Ibf/in.’. 
The mud weight is 10 lbm/gal (specific gravity = 1.2) and the WOB is 30,000 lbf. Determine whether this BHA 
exhibits dropping, holding, or building angle tendencies for the following two cases: 


e Case 1: Formation is nondipping and isotropic (y.=0, A = 0). 
e Case 2: Formation dip angle is 35° and the formation anisotropy index h = 0.1. 


Solution. The first step is to calculate the unit weight, w, of the drill collars in the drilling fluid and their mo- 
ment of inertia, which are equal to 77.1 Ibf/ft and (3.55) 10° ft*, respectively. 
Then the scaling factors are calculated: 


_ 4, 320)(10° )(3.551(10* )(77.1)(sin 25) 


(a) m - =0.555 ft, 
(30,000) 
-6 3 
(b) m, = {{4:32000*V3-5500") _ 99 613 fe, 
30,000 
(c) m, = (4,320) (10°)(3.551)(10°) 2 = 736.0 bf. 
(22.613) 


The radial clearance (apparent wellbore radius) is 
0.5 
(d) r= p —6.25) = 0.09375 ft. 
Substituting the quantities m, and r, into Eq. 8.54b yields 
2 
(e) ne = 0.1695. 
2 2 


By solving the above equation, the desired dimensionless distance to the point of tangency, £ = 1.352, can be 
obtained. From Eq. 8.54a, the dimensionless side force at the bit can be calculated: A, = —0.552. Hence, the side 
force at the bit is H, = (736)(—0552) =—405 Ibf. 

These calculations must be performed carefully because both the magnitude and the direction of the side force are 
very important for deviation-control applications. The reader is invited to repeat the calculations presented above 
and to verify both the sign and the magnitude of the side force of the bit. 


In conclusion, if the formation is isotropic as stated in Case 1 (A = 0), the assembly under consideration will tend 
to drop because the side force is negative. The rate of change in the angle (the drop rate) depends on the magnitude 
of the side force, the hardness of the formation, and the side-cutting ability of the bit. 

In Case 2, it is necessary to determine the directional tendency of the assembly for the formation dip angle 
y,= 35° and anisotropy index h = 0.1. For this purpose, the expected bit-displacement direction (with respect 
to the vertical) is calculated using Eq. 8.42. Setting ọ = W and solving Eq. 8.42 for y: 


V =%, —arctan| (1-h)tan(y, -o)]. eee ead See See ues ee eeeae E (8.55a) 


The resultant force angle is: 


405 
30,000 


A 
M= 9+ arctan 22 ) =25+ arcan( - ) N EEE E E E E ee EE (8.55b) 


Therefore, from Eq. 8.55a, the expected instantaneous bit displacement is 


y =35- arctan| (1 -0.1)tan(35- 24.23) | 258S eea es ee ee ENG (8.55c) 
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Because the instantaneous rock-bit displacement direction (25.28°) is greater than the initial hole angle (25°), the 
assembly will exhibit building tendencies. It is therefore apparent that whether a given BHA will have a building 
or dropping tendency depends not only on the BHA composition and the WOB, but also on the formation-bit in- 
teraction. 

If the above-calculated angle of 25.28° is used as a new hole inclination angle, a new scaling factor, m,, must 
be calculated, and consequently a new side force and its corresponding angle, y. These calculations can be re- 
peated until a new hole-equilibrium angle is found. For anisotropic formations, the side force at the hole-equilib- 
rium angle is not zero. The reader is encouraged to write a computer program to accomplish this evaluation. 

For isotropic drilling conditions, a closed-form solution is presented here, as illustrated by Example 8.11 below. 


Example 8.11 Consider BHA data as in Example 8.10 above. Assuming that the drilling conditions are isotro- 
pic, calculate the expected hole-equilibrium angle. 

Solution. For isotropic drilling conditions at hole-equilibrium angle, the side force at the bit is nil. Therefore, 
Eq. 8.54a takes the form 


tans ae ae ee re Pe en eee eee Te ee eee nny Serre tee er erence ee (8.56a) 


Solving for the dimensionless distance to the point of tangency, £, the result is £ = 2.34. Hence, from Eq. 8.54b, 


r, 


ZOA. e a r e E E ene ses (8.56b) 


m; 


Substituting for m, in Eq. 8.50a, Eq. 8.56b takes the form 
rW? 


DA E AEE EET E E TE E EE T (8.56c) 
Elwsing 


From Eq. 8.56c, the equilibrium hole angle is 


c 


2.74EIw 


SS Leadetewsaues (8.56d) 


we). (0.09375)(30, 000)? 
(2.74)(4, 320 x 10°)(3.551x107)(77.1) 


p= asin 


In conclusion, under isotropic drilling conditions, the assembly under consideration would theoretically be 
drilling along a certain trajectory with decreasing hole inclination angle to reach 1.5° of equilibrium hole inclina- 
tion, at which the side force is nil. Once the equilibrium angle is reached, a straight inclined hole is drilled. If the 
hole inclination angle is given, using Eq. 8.56d, one can calculate the required WOB if the drill-collar bending 
stiffness, unit weight, and radial clearance are known. The reader is invited to perform a few calculations to de- 
velop the desired numerical experience. 


Example 8.12 Suppose that while drilling a 12%4-in. hole with an 8-in. by 2%4-in. slick BHA in a formation with 
dip angle y= 16°, an hole-equilibrium angle of 11.5° has been established with a WOB of 52,000 lbf. Calculate 
the drilling anisotropy index, h. 

Solution. Performing calculations analogous to those in Example 8.10 above, the side force at the bit can be 
found to be H, = -397 lbf. Consequently, the resultant force angle (Eq. 8.55b) is 


397 
® = o +arctan| — = 11.06°. 
nd í a] 


From Eq. 8.42, the drilling anisotropy is 


aie tan(15-11.5) _ 
tan(15-11.06) 


Once the drilling anisotropy index has been determined, it is possible to predict a new hole equilibrium angle if 
the BHA properties (e.g., bending stiffness, effective unit weight) or the WOB were to change. 


(b) 0.112, 


Slick Assembly in a Curved Hole. Many directionally drilled well profiles (slant type, S-shaped, horizontal 
wells) consist of straight sections and curved sections of constant curvature, as discussed in Section 8.1.6. Field 
experience indicates that drilling curved wellbore sections is usually more difficult than drilling slant parts. The 
following discussion will show how hole curvature will influence the magnitude and direction of the resultant 
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force as well as the direction in which the drill bit is pointed. However, essentially all the basic concepts of devia- 
tion control, as discussed in the part on straight holes, are also valid for curved holes, and the reader is advised to 
review that section before studying the following material. 

A schematic diagram of a slick BHA in a hole with constant curvature is shown in Fig. 8.24. The center of the 
drill bit is at Point O, the line OA represents the centerline of the borehole, and the line OB represents the center- 
line of the drill collars. 

To analyze BHA performance in a curved part of the wellbore, it is convenient to use an S-U system of coordinates, 
as shown schematically in Fig. 8.25. The S-coordinate is defined to coincide with the center of the borehole, and the 
abscissa, U, is chosen to be perpendicular to S. The function U(S) represents the radial deflection of the centroidal 
axis of the elastic line of drill collars and is considered to be a positive deflection if directed to the right of the bore- 


Borehole 
centerline 


Point of 
tangency 


Drill collar 
centerline 


Fig. 8.24—Slick BHA in a curved wellbore with constant curvature [from Miska et al. (1998)]. Reprinted courtesy of the 
American Society of Mechanical Engineers. 


Elastic line of 
drill collar 


Ho 


Fig. 8.25—S-U system of coordinates [from Miska et al. (1998)]. Reprinted courtesy of the American Society of Mechan- 
ical Engineers. 
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hole center line. The elastic line of drill collars has its origin at the bit (i.e., zero deflection) and extends to the low 
side of the borehole, where the point of tangency (i.e., maximum deflection) is eventually reached. Just above the 
point of tangency, the drill collars are assumed to lie on the low side of the borehole for some finite length. 

The drill collars are assumed to be under constant compression between the drill bit and the tangency point. The 
borehole is modeled as having constant curvature (constant radius of curvature, R) in a 2D vertical plane. It should 
be noted that if the wellbore curvature goes to infinity, the wellbore become straight. Consequently, all equations 
discussed in this section are also valid for straight segments of wellbore if the curvature is set to zero (or the radius 
of curvature is set to infinity). 

It can be shown that by transformation of coordinates from the X-Y to the S-U system, the governing differen- 
tial equation, Eq. 8.48, can be transformed to the following form: 


dU E) dU 


EI r+( ws - 
dS R? J dS 


= m +{ “+ wsing}s Sistbwted id eve dee eae awddase bewedaes (8.57) 


In Eq. 8.57, the quantity R represents the wellbore radius of curvature, and all other variables are the same as in 
Eq. 8.46. Specifically, W is the axial component of the resultant force acting on the bit (i.e., WOB), H, is the side 
force at the bit, EI is the bending stiffness of the drill collars, w is the unit weight of the drill collars in drilling 
fluid, and ¢ is the hole inclination. Because the distance to the tangency point is approximately 30-40 ft, it can be 
assumed that the inclination angle in Eq. 8.57 is constant and equal to the inclination angle at the drill bit. In many 
practical applications, the term (E//R’) is small compared with the WOB, W, and can be neglected. In such cases, 
Eq. 8.57 assumes the form 


3 
Brew S =H, +( Ze wsing |S biog be cavi teeth ets beer eia rica E E E (8.58) 
dS dS R 
For a slick BHA, the natural (geometric) boundary conditions are 
At the drill bit: 
S =0, U =0 (bit at the center of the wellbore); 2.0... tenes (8.58a) 


at the tangency point: 


S=L, U (D =r; U (0 mG (D=0, ose a nesetateranirieer deems aes (8.58b) 


where r and L are the radial clearance and the distance to the point of tangency, respectively. 
It can be shown that the bending moment in the S-U system of coordinates is given by 


2 2 
ape a iF l ñOüÜ E deckeaceathssaisasacstieiunoehasiee (8.58c) 
dX dS R R 


In a manner similar to that for the BHA in a straight inclined hole, it can be assumed that there is no bending mo- 
ment at the bit (S = 0), and, therefore, from Eq. 8.58c, 


a a a a a eee Eee (8.58d) 


Again, to make the analysis independent of drill-collar dimensions, hole curvature, and drilling-fluid density, the 
following four scaling factors are introduced: 


Usmi Sans, Ags thy RaW) sess ceawean eee EN EE ENE ERATE checks eens eles (8.59) 


dU d 
Applying the chain rule of differentiation, 7s > ae and similarly for the other factors. 
ny, 
The second and third derivatives are evaluated in a similar fashion, leading to the following dimensionless gov- 
erning differential equation: 


It is important to note that the form of the dimensionless governing equation in a curved wellbore (Eq. 8.60) is 
the same as that of the governing differential equation in a straight inclined hole (Eq. 8.51). 
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The four scaling factors are defined by the equations: 


(en + wsing | 

n= W g. “Site E de @ Saud ates, ees Ade Cale cae eRe OS de Ss Odd ees (8.60a) 
nh, = a TEE E E E E EA dae walene hoe E E nates (8.60b) 

ah 
MN a aae ae e et ac ain beeen eek ee oy ae a eee (8.60c) 

ny, 

2 

n, 
a E E EE PEE eee Sains E E EE E E see dee opens oad (8.60d) 


The corresponding dimensionless boundary conditions become as follows: 


At the drill bit: 

u(s=0)=0; (s=0)=— paths a e's gs bea Ga ekg ne PE eRe eas ae (8.61a) 
and at the point of tangency: 

WS e a (Cait OS. sotacicrcsdeneciipanndela ches e bias aminaieununsdoas (8.61b) 


Solution of the differential equation, Eq. 8.60, with the boundary conditions as given by Eq. 8.61, yields 


h = wa(£) : Ge Bee ee ed tasie eae t ea a a Sica ts Be apes eee aol Seeds (8.62a) 
2) 7, sin( 0) 
2 
c -1-2 Ltl) Pire aeniei E S EE be ud View see ATE E kates (8.62b) 
h 2 47, sin(@) 2 


It is immediately apparent that if the dimensionless radius of curvature r, — œ (a straight well), Eqs. 8.62a and 
8.62b reduce to the previously derived equations for a slick assembly in a straight but inclined well. Simultaneous 
solution of Eqs. 8.62a and 8.62b gives the dimensionless side force, ,, and subsequently the actual (dimensional) 
side force. 


It can be shown that the dimensionless tilt angle at the bit, 6 „> can be calculated as: 


The following example illustrates the sequence of calculations involved in determining the expected direction of 
bit penetration under anisotropic drilling conditions. 


Example 8.13 Determine the side force at the bit for the BHA data given in Example 8.10 and a hole curvature 
(i.e., DLS) of 1.1,459°/100 ft (radius of curvature R = 5,000 ft) and inclination angle ọ = 10°. 

Solution. The unit weight of the drill collars in mud (77.1 Ibf/ft), the flexural rigidity [(14.821)10° Ibf-ft°], and 
the radial clearance (0.09375 ft) have already been calculated in Example 8.10. Therefore, the scaling factors can 
immediately be calculated: 


(14.821)(10")/ Pa + (77-1)sin(10) 


(a) n= a - =0.319ft, 
(30,000) 
14.821) (10° 
b) n, = l i or 


30,000 
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0.319 


c) n, =—— 
a 22.2 


(30,000) = 432 Ibf, 


22? 
dD ee =1,545ft. 
@ n = S319 


The dimensionless radial clearance is then 


(e) c=— = 0.294 


and the dimensionless hole curvature is 


0.31. 


( 2-2 u _ 1545 _ 
r, R R 5,000 
Ny 


Given the dimensionless radial clearance and the curvature, Eqs. 8.62a and 8.62b can be solved simultaneously to 
obtain the dimensionless side force at the bit: h, = —0.864. Therefore, the side force at the bit is 


(8) H, =(-0.864)(432) = -373.5 Ibf. 


The negative value of the side force indicates that this assembly would tend to drop in anisotropic formations. For 
anisotropic drilling conditions, the expected drill-bit displacement direction would have to be calculated in a man- 
ner similar to that in Example 8.10. 


8.2.3 Use of Stabilizers To Control Hole Deviation. The practical usefulness of a slick BHA is rather limited 
because of restrictions related to the WOB and the geometric properties of the drill collars. To achieve a greater 
degree of control, so-called stabilizers are placed at a predetermined distance from the bit. The effective use of 
stabilizers began in 1953 when Lubinski and Woods published a paper that described a stabilizer in a BHA. They 
demonstrated that both the distance from the drill bit to the stabilizer and the radial clearance at the stabilizer have 
a major effect on the side force of the bit and the tilt angle at the bit. However, at that time, the primary purpose 
of a stabilizer was to increase the distance from the drill bit to the tangency point to maximize the pendulum effect. 
In fact, this practice is still effectively used today if the purpose of deviation control is to reduce hole inclination 
angle. 

Although the primary purpose of stabilizers is currently to control deviation (the resultant force and its direction 
at the bit), a near-bit stabilizer is sometimes recommended for keeping the bit rotating about its axis and providing 
uniform loading on the bit cutting structure and the bearings. A large number of different stabilizer designs are 
currently available. Selection of the proper type of stabilizer is usually based on analysis of drilling data from 
holes already drilled under similar geological conditions. Welded-blade stabilizers (in which steel blades are 
welded onto the body of the stabilizer) can be used in soft formations, while integral-blade stabilizers (in which 
the blades are machined from one piece of metal) are recommended in hard formations. Sleeve stabilizers consist 
of replaceable sleeves that are installed on the stabilizer body. The blades can be furnished with tungsten-carbide 
inserts for drilling in abrasive formations. Some commonly used types of stabilizers are shown in Fig. 8.26. De- 
tailed information on stabilizer dimensions, materials of manufacture, and recommended applicability is readily 
available from various service-company websites. 

More recently, the so-called adjustable-diameter (gauge) stabilizers were introduced. These make it possible to 
control stabilizer OD without tripping the BHA out of the hole. The blades are extended or retracted by special 
mechanisms to control the clearance between the stabilizer and the wellbore wall. Typically, adjustable stabilizers 
are activated by WOB or flow of drilling fluid. An example of an adjustable-diameter stabilizer (independent of 
WOB) used for flow control is shown in Fig. 8.27. When the bit is turning, the mud pumps off the piston, which 
retracts inside the blade diameter. Turning the pumps on again extends the piston, leading to an increase in the diam- 
eter of the stabilizer. Various piston positions are indicated by 150- to 250-psi changes in standpipe pressure. Some 
stabilizers provide communication with the surface by means of the mud-pulse-telemetry system. The stabilizer di- 
ameter can be controlled from the surface by a series of flow sequences that are received by the microprocessor lo- 
cated above the stabilizer. 
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Sleeve with 
tungsten carbide 
inserts 


Sleeve with 
hard facing 


(b) (d) 


Fig. 8.26—Types of stabilizers: (a) welded-blade; (b) integral-blade; (c) sleeve; (d) nonrotating sleeve (Inglis 1987). 
Reprinted with kind permission of Springer. 
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Fig. 8.27—Adjustable-diameter stabilizer (AGS Tool 2010). Courtesy of Halliburton. 
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When drilling in highly abrasive formations where the bit gauge is wearing fast, a reamer may be placed above 
the bit. Because the reamer does not provide proper stabilization, a stabilizer may also be required to achieve the 
desired deviation control. If differential pressure is a problem, drill collars with a helical groove may be needed. 
Such drill collars are called spiral drill collars. When drilling in unstable formations where the hole diameter var- 
ies rapidly, a square drill collar may be more effective than a stabilizer. The square drill collar provides long sup- 
port for wall contact and essentially increases bending stiffness. 

Mechanics of a BHA With One Stabilizer in an Inclined Hole. To understand the basic concepts behind the 
use of a stabilized BHA, let us consider an assembly with one stabilizer, as shown schematically in Fig. 8.28. 

The distance to the point of tangency is increased by increasing the distance from the drill bit to the stabilizer. 
An increase in the unsupported length of the drill collar results in a greater side force at the bit. This tends to bring 
the hole toward the vertical. This practice is used if drilling personnel want to reduce the inclination angle. In field 
practice, this is frequently termed the pendulum effect. If the stabilizer is placed closer to the bit, then the magni- 
tude of the side forces decreases. Placing the stabilizer even closer may result in a nil side force or a change in the 
side-force direction. If the bit is pushed toward the high side of the hole, it is said that a so-called fulcrum effect is 
created. 

Consider a BHA with one stabilizer, as shown schematically in Fig. 8.28. In a similar manner as for a slick as- 
sembly, the elastic line is assumed to be a plane curve. A stabilizer is placed at a distance X, from the bit. The 
radial clearance at the stabilizer is r,. The length of the stabilizer is not considered in this model. In other words, 
the stabilizer is modeled as a point and simply called a point stabilizer. The side force at the stabilizer is denoted 
as H „ It is recommended that the reader review the derivation of the governing differential equation for a slick 
assembly (Section 8.2.2) before studying the following material. 

Placing the stabilizer at a distance X, from the bit divides the elastic line into two parts: Part A from 
the bit to the stabilizer and Part B from the stabilizer to the tangency point. The governing differential 
equations can be formulated for the two parts in a manner similar to that for the slick assembly, using Eq. 
8.44 for Parts A and B. Consequently, to determine the equilibrium configuration of the elastic line of the 


Point of 

tangency 
Elastic line of 
drill collars 


Fig. 8.28—Schematic diagram of BHA with one stabilizer in a straight inclined hole. 


494 Fundamentals of Drilling Engineering 


BHA with one stabilizer, it is required to solve the following system of two differential equations, of 
which the first is 


PY, dY, ; 
EI 7X +W x = oF X WSM en a Saeed oa de PAR Ves eae PEE ee ae eH (8.64a) 
A A 


Eq. 8.64a is valid for 0 < X, < X,, and Eq. 8.64b, 


dY, dY, 
EI Ta + W a =H- H et X WS Dy srairiir ita Aa ar EREE EE BARES (8.64b) 
B B 


is valid for X, < X, < L. 

It should be noted (Fig. 8.28) that a positive side force at the bit, H,, occurs if the bit is pushed toward the high 
side of the hole. For a stabilizer, however, a positive side force means that the stabilizer is pushing on the lower 
part of the hole. It is also important to note that the sign of the side force and the sign of the deflection at the sta- 
bilizer must be consistent. Specifically, both signs must be positive if the stabilizer is on the low side of the hole 
and both negative if the stabilizer is in contact with the upper side of the hole. For certain equilibrium configura- 
tions, the stabilizer does not contact either the upper or the lower side of the hole. In such a case, it is said that the 
stabilizer is floating, and the side force at the stabilizer is nil. Of course, such equilibrium configurations are weak 
and of little practical importance. In fact, the stabilizer may oscillate between the upper and lower sides of the hole 
and induce detrimental lateral vibrations. 

For a BHA with one stabilizer, the boundary conditions are as follows: 

At the bit (X = 0): 


Y, (0) = 0; bit in the center of the hole; «6.1... tenes (8.65a) 
y a (0) = 0; no bending moment at the bit. seieicresicsisaiteseisasiiieiae ranei asasi (8.65b) 


At the stabilizer (X = X,): 


Y X=Y s= Er; continuity of deflection; 2.0.0.6... eee eee eee eee eee tees (8.65c) 
Y ANSY AXN continity Of sSlopes;: a cuisines Obese dean ase uke awa EENE apenas (8.65d) 
Yi &)=¥%, X); continuity of bending moments. ay csssisrasireniiy dA E sin Eiee iae (8.65e) 


At the tangency point (X = L): 


Y, (L) =r; deflection equals the apparent radius; «1.6.6... eee eee eee eee eee (8.65f) 
Y e (L) = 0; drill collar tangent to borehole wall; sccaras siria merted eriet eieaa a (8.65g) 
Y, @)=0; no bending moment at point of tanpeney.’ co.cc. snxesscesy tss kysti Eas i heer (8.65h) 


Introducing the scaling parameters m,, m,, and m, as defined previously (Eqs. 8.50a, 8.50b, and 8.54c), the dimen- 
sionless forms of the differential equations can be written as 


yr + y., = hy + Xas I (8.66a) 


VY, HNN thy aie eve ga ode dd haned wae Ths Hee ohana che daebeaeegen ee pence es (8.66b) 


stb 


and the corresponding boundary conditions are 
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Atx=0: 
=O ya and VOSS. acerca pe E aes ents et (8.67a) 
atx =x): 
VA GVA VOSS. ch cade dead tetova de geil Hes ben Pe es iw bes Pe See angeles (8.67b) 
WIS ata ee age ae E EA E A eee (8.67c) 
VGH VO)E oiar tiener teed och hued a bed bb beel adedei eed bie Ea ds (8.67d) 
atx =f: 
Vi) SH a ahve boas EE E ee ewe Sah E E EEEE (8.67e) 
Y=; cee oe eid Gog ost pee heey aan? Pas eee od Ce E EEE (8.67f) 
W=: 26 peeedigod dotted uenvete ie wdit EE e toate E EEE E (8.67g) 


The lowercase letters in Eqs. 8.66a and 8.66b are dimensionless variables that correspond to the dimensional 
variables given by Eqs. 8.66a and 8.66b. The same applies to the boundary conditions. For example, € = L/m,, h, 
= H/m, Ya = Y/m,. 


Integrating Eqs. 8.66a and 8.66b yields 


yY =C, 


la 


1 
+C,, cos x + C}, sin x+ rial Ks. xSeries dew E AE AEE aes Lee eee (8.68a) 


y, =C,, +C,, cosx+C,, sinx to Nahe edd a cas duh ae er Shae Gouin eo Ee (8.68b) 


Application of the boundary conditions given by Eq. 8.67 yields: 


ONER (8.69a) 

A EE EEN, (8.69b) 
c, —c+1+0.5( 0? -x )-cos(- x )-2sin(l-x 

h -h = — (ea joa] ( y eos eee Sree ee ehaas (8.69c) 


x,-£+sin(¢-x,) 


X L 
(Noe : x =—and / = z), 


m, m, 
(1+c, -0.5% )-cos(£-x,)- (+h )sin(£=x) eee eee cece eee e nee e ene es (8.694) 
0 = x, > 
E a UE OT IN, E EE iace iapeectaes tas (8.69e) 
sin x, 
Cyyp = C-1- 0.50? = (hy Ay Eo ccc cence cee n cece nee e eben eneeeenes (8.69f) 
Cy, =coslt+(L+hy—hy, Sine, cece cee cece cece even ececancencenceneennces (8.69g) 


CaS S(O EG CORES arnesak vei E aE r AE SE radand date ARNE D EEES (8.69h) 
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(1-C, )sin x + (C=C, (0st hup 50. och dance were plan ead ge vey Wied erenetreead (8.691) 
Analysis of Eq. 8.69 leads to the conclusion that Eq. 8.69i actually contains only one unknown, which is the 
dimensionless distance to the point of tangency, £. 


Algebraic rearrangement of Eq. 8.69 yields 


sin(x, —£)+(£+h, )cos(x, —£)-sin x, 


Poot x) )(L+ cy -cosx 05 -hox Pg E0 cigcweidtivds vies isqeariariraiterss (8.70) 
where 
ia lte,- 0Sa -cos l) + (C+ )sin = ŤñėĚaaaaa L. (8.70a) 
x, 
and 


gap c, —¢—cos(x, —£)+ £sin(x, — £)-0.5(x7 -2 )+1 ron 
=h -hn E 712" en a A i 


Careful examination of Eqs. 8.70, 8.70a, and 8.70b shows that if the dimensionless distance to the stabilizer, x,, 
and the radial clearances, c and c „ are known, then Eq. 8.70 can be solved for the dimensionless distance to the 
point of tangency, £. Once the value of ¢ has been obtained, the dimensionless side forces at the bit and stabilizers 
can be found from Eq. 8.70a. Eventually, Eq. 8.70b yields the side force at the stabilizer. Once the forces are de- 
termined, the deflections, bending moment, and shear forces along the assembly can be calculated. The bit tilt 
angle can be calculated from the first derivative at the bit. 

The following example illustrates some of the calculations involved. 


Example 8.14 Consider a 9-in. by 3-in. drill collar with a unit weight of 192 lbf/ft in a straight hole with incli- 
nation angle @ = 25°. The mud weight is 10.5 Ibm/gal, and the WOB = 55,000 Ibf. Calculate the side force at the 
bit if a stabilizer is placed at 


Case (a) 15 ft from the bit 
Case (b) 60 ft from the bit 


The stabilizer clearance = 0.25 in. (OD of stabilizer D, 
Solution. Unit weight of drill collars in mud: 


= 12 in.). The hole diameter is 12% in. 


0, 8tb 


(a) w= a(i -103) =161.2 Ibf/ft. 
65.5 


4 4 
(b) Moment of inertia = Z fa (=) = (1.533) 107 ft’. 
64| (12) (12 


(c) Drill-collar bending stiffness: 
EI = (4,320)(10° )(1.533)(10~ ) = (66.23)10° Ibf-ft’. 


Now the scaling factors can be calculated: 


7 (66.23)(10° )(161.2)(sin 25) 


(a) mm, . = 1.492 ft, 
(55,000) 
6 
(b) m, = (66.23)00") _ 34.701 ft, 
55,000 
(c) m, = (66.3 Vij = 2,365 lbf. 


(34.701) 


Directional Drilling 497 


The dimensionless distance to the stabilizer is: 


(d) Case (a) x, = eal = 0.432, 
34.702 
60 
e) Case (b = —— =1.729 
(©) Case (b) 12101 


The dimensionless radial clearance at the stabilizer is 


_ (0.5)(0.25) 


(E) Ex = 0.00698. 
© (12)(1.492) 
The dimensionless radial clearance at the point of tangency is 


_ 0.5(12.25- 9.0) 
(12)(1.492) 


(8) c = 0.0908. 


Solving Eq. 8.70 numerically yields 
(h) Case (a) /= 1.835, 
(i) Case (b) Z= 3.267. 

Consequently, for Eq. 8.51a, the dimensionless side forces are 
(j) Case (a) h, =0.432, hence H, =1,035 lbf; 


(k) Case(b) h, =—0.623, hence H, = -1,472 lbf. 


The results obtained clearly indicate that, for isotropic drilling conditions, the assembly of Case (a) will exhibit 
building tendencies, while the assembly of Case (b) will have dropping tendencies. In other words, it can be con- 
cluded that 


1. If the stabilizer is placed 60 ft from the bit, the BHA behaves as a pendulum assembly. 
2. If the stabilizer is placed 15 ft from the bit, a fulcrum effect is created. 


Clearly, by changing the position of the stabilizer (with all other parameters constant), it is possible to influence the 
side force at the bit. The reader is invited to calculate the direction of the tilt angle for the two cases. 


If the formation is anisotropic and the drilling anisotropy index is known, it is possible to calculate the 
expected instantaneous bit-displacement angle in a manner similar to that for the slick-type BHA. 

In any case, the model and solution presented above are valid only if the drill collars do not contact the wall of 
the hole between the bit and the stabilizer. A point of contact typically can develop if the distance to the stabilizer 
is too long or if the WOB is large. Once contact occurs, a side force is created at the contact point, which in turn 
reduces the effectiveness of the stabilizer for deviation control. If the distance to the stabilizer is even further in- 
creased, the drill collars may contact the borehole wall over some finite length, and then the BHA behaves as a 
slick-type assembly. In other words, the effect of the stabilizer is no longer felt. 

Mechanics of a BHA With One Stabilizer in a Curv ed Wellbore. As discussed earlier, by changing the 
position of the stabilizer (the distance from the bit), it is possible to control the side force at the bit, as well 
as the direction in which the bit is pointed out. In general, placing the stabilizer close to the bit yields a ful- 
crum effect, with the bit pushing on the upper side of the hole. Under isotropic drilling conditions, the ful- 
crum effect results in building tendencies. Moving the stabilizer away from the bit reduces the fulcrum 
effect. The side force gradually decreases and eventually becomes negative. A negative side force indicates 
that the bit is pushed toward the lower side of the hole, which results in a reduction of the hole inclination 
angle for isotropic drilling conditions. Such a BHA is said to have dropping tendencies. These types of as- 
semblies are called pendulum assemblies. 

The solution to the problem of determining the equilibrium configuration (the shape of the centerline of the 
BHA) and consequently the side force at the bit, the tilt angle, and the side force at the stabilizer in a curved well- 
bore can be obtained in a manner similar to that for an inclined well. Once again, it is necessary to solve a system 
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of two differential equations with the proper boundary conditions. The solution of this boundary-value problem 
results in the following equation (Miska et al. 1998): 


(eit, Cy Gs) test (Cpa -C)+ hoh 50, bide seein Manedneddieneobeareesiees (8.71) 
where 
1 
CO Ain eae eas phe es eee eee es (8.72a) 
r 
CROC p (RALIN. asiaa tEOn n iE EE TEENE E E E EAE SAE (8.72b) 
Cym Sin (AALE oiuxcavinies vine idee h e i E EEEE (8.72c) 


toatl at cosl,)—hyl, - 0.52? 


C,, = ea EEE eee ee ee eee (8.72d) 

` sin l 

E A maa a a h) saute E EE (8.72e) 
L=€+sin(¢=1) 

pee eas Voie th) een) A ee Gee tis desea tang nee (8.72f) 
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where /, is the dimensionless distance to the stabilizer. Careful examination of Eq. 8.71 reveals that the 
only unknown in this equation is the dimensionless distance to the point of tangency. Solving Eq. 8.71 for 
the distance to the point of tangency (l), the side forces at the bit and the stabilizer can be calculated from 
Eqs. 8.72f and 8.72e, respectively. The following example illustrates a practical application of the above 
equations. 


Example 8.15 Determine the expected directional tendency of a BHA with one stabilizer in a curved wellbore, 
given the following data: 


e Hole diameter = 12.25 in. 

e Hole curvature = 1.9096°/100 ft (radius of curvature R =3,000 ft) 
e Hole inclination angle at the bit = 15° 

e OD of drill collars = 8.0 in. 

e ID of drill collars = 3.0 in. 

e WOB = 35,000 Ibf 

e Mud weight = 10.5 lbm/gal 

e Distance from bit to stabilizer = 50 ft 

e Stabilizer clearance = 0.25 in. 


Solution. 


e Unit weight of drill collars: 147 Ibf/ft 
e Moment of inertia: (9.505) 10° ft* 
e Bending stiffness (flexural rigidity): (41.06) 10° Ibf-ft? 
e Radial clearance: 0.177 ft 
e Scaling factors: 
o nl = 1.4709 ft 


o n, = 34.24 ft 
o n, = 1,503.5 Ibf 
o n,=797.0 ft 
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e Dimensionless radial clearance: c = 0.12 
e Dimensionless stabilizer clearance: c „= 0.0136 
e Dimensionless distance to stabilizer: /, = 1.46 


e Dimensionless hole curvature: = = 0.2657 
d 
Now Eq. 8.71 can be solved numerically to obtain the dimensionless side force at the drill bit: A, =— 0.705. 

Consequently, the side force is H, = (—0.705)(1,503.5)= —1,060 Ibf. 

Therefore, it can be concluded that the BHA considered in this example would have dropping tendencies under 
isotropic drilling conditions. For anisotropic drilling, the formation-drill bit interaction must be taken into ac- 
count, as explained in Section 8.2.2. 

Although the concepts discussed above are very useful for obtaining a good understanding of the fundamental 
principles involved in deviation control, their practical usefulness in the field is limited because most BHAs are 
fairly complex in composition. 


Complex BHAs. If the desired directional-drilling objectives cannot be achieved with one stabilizer, 
two or even three stabilizers must be used in the BHA and placed in the correct positions relative to the bit. 
Using more than three stabilizers for deviation control is seldom justified, but it still may be useful for 
keeping the BHA off the wall of the borehole to avoid differential pressure sticking. In general, in practical 
applications, only the bottom portion (approximately 120—160 ft) of the BHA affects the forces at the drill 
bit. Introduction of more than one stabilizer into the BHA makes the problem of determination of BHA 
equilibrium more difficult because more differential equations must be solved. Several techniques, how- 
ever, are available to obtain the desired solutions, including analytical solutions (Callas and Callas 1980; 
Wu and Chen 2006), finite-element methods (Millheim et al. 1979), finite-difference approaches (Fischer 
1974), rotation and translation of coordinate systems (Lubinski 1987), and transfer-matrix approaches 
(Miska 2006). 

BHAs generally are designed to a particular build, drop, or hold angle. Classification of BHAs as of build, hold, 
and drop type is somewhat arbitrary, but still useful for practical purposes. A typical build assembly is shown 
schematically in Fig. 8.29a. 

For a given formation and bit type, the build rate will depend mostly on the distance between the bit and the first 
stabilizer, the distance between the first and second stabilizers, and the clearances at the stabilizers. A short sub 
between the bit and the first stabilizer will increase the side force of the bit and result in an increased build rate. 
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Fig. 8.29—Typical build, hold, and drop BHAs. 
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As the distance to the first stabilizer increases, the side force of the bit decreases. Typically, the distance between 
the bit and the first stabilizer should be less than 6 ft to make sure that the BHA remains a build-type assembly. 

As the distance between the first and second stabilizers increases, the drill-collar deflection (sag) will also in- 
crease, thereby increasing the bit side force (BSF). If the second stabilizer is placed too far from the first, the drill 
collars may contact the wellbore between the stabilizers, and the building tendency may be lost. For a given bend- 
ing stiffness, weight of drill collars, and set of radial clearances at the stabilizers and drill collars, the sag of the 
drill collars depends on the hole inclination angle and the WOB. Generally, it is not recommended to place the 
second stabilizer more than 60 ft from the first one. 

Fig. 8.29b shows a typical hold-angle (packed, locked) assembly. In some applications, four or more stabilizers 
are closely spaced to increase the overall stiffness of the BHA and thereby drill a straight hole with a constant 
inclination angle. 

A typical pendulum or drop assembly is shown in Fig. 8.29c. In theory, only one stabilizer is needed to develop 
the pendulum effect that tends to decrease the hole inclination angle, but often three stabilizers are used. Under a 
given set of drilling conditions (formation, drill bit type, WOB), the drop rate is a strong function of the distance 
between the bit and the first stabilizer. As the distance to the first stabilizer increases, the lateral component of the 
weight of the drill collars also increases, and the bit is pushed to the low side of the hole. Generally, the distance 
between the bit and the first stabilizer is approximately 30 ft. Of course, the radial clearances between the well- 
bore wall and the stabilizers or drill collars must also be carefully selected. 

The BHAs just discussed are sometime called fixed rotary BHAs because any adjustments in their composition 
require tripping operations. For practical purposes, only the WOB can be changed to make the required adjust- 
ments in build or drop rates. However, the WOB that is optimum for deviation control may be unacceptable from 
the viewpoint of drilling rate and bit life. Moreover, changes in the WOB typically result in only minor changes 
in BHA directional performance for assemblies with two or more stabilizers. 

Advancements in adjustable-diameter stabilizers have made it possible to gain more control over build and 
drop rates without pulling out the BHA. Changes in only the radial clearance at the stabilizers can produce a 
substantial change in the directional tendencies of the BHA. As shown in Fig. 8.30, the near-bit stabilizer clear- 
ance of */,, in. is kept constant, and the BHA directional tendency is controlled by adjusting the clearance at the 
second stabilizer. 
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Fig. 8.30—Use of adjustable-diameter stabilizers to control building and dropping tendencies of a BHA (Underwood and 
Payne 1997). Reproduced with permission of John Wiley & Sons, Ltd. 
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For practical applications, a BHA computer program is needed to calculate the distances to the stabilizers from 
the drill bit as well as the desired clearances. It should be well understood that the actual performance of the as- 
semblies illustrated in Fig. 8.30 will depend on the formation and drill-bit directional tendencies, the hole inclina- 
tion angle, and the quality of the wellbore (washouts, etc.). 

In some applications, so-called continuous stabilization has been attempted by welding long strips onto drill 
collars or using closely spaced stabilizers. In this case, the side force at the bit can be estimated simply by consid- 
ering the clearance between the strips and the wellbore, not between the hole and the collars. Typically such a 
small clearance results in a larger hole inclination angle and less severe DLs in dipping formations with variable 
hardness (crooked formations). In other words, using continuous stabilization can be justified in extremely 
crooked formations. 

Frequently, accurate control of hole inclination and azimuth angles is difficult because of formation heterogene- 
ity and variations in BHA and drill-bit loading while drilling. A BHA may include a downhole motor, bent subs, 
a measurement-while-drilling (MWD) unit, an LWD unit, and other components. The composition of a BHA can 
be very complex, and its performance analysis requires a sophisticated computer program. 


8.2.4 Downhole Drilling Motors. In some applications, it is more effective to rotate only the drill bit rather than 
the entire drillstring. For this purpose, so-called downhole motors, which provide the torque required to rotate the 
bit, are used. In other words, the rotational power is localized at the bit, meaning that the wear on drillstring com- 
ponents as well as the energy required for drilling are considerably reduced. There are a number of downhole 
motors available for drilling. They are usually divided into two groups: the turbine type, also called a turbodrill, 
and the positive-displacement motor (PDM). Both types of motors can be used for straight-hole and directional- 
drilling applications. To achieve more control over trajectory change, motors with bent subs, bent housings, or 
eccentric stabilizers are recommended. 

Turbodrills (also known as dynamic motors) were developed and successfully tested in the first and second 
decades of the 20th century. In principle, the turbine motor consists of a multistage vane-type rotor and stator sec- 
tion, a bearing section, a drive shaft, and a bit-rotating sub. Fig. 8.31 shows a turbodrill and its main components. 

A single stage composed of a stator and rotor is shown in Fig. 8.32. The stator is stationary and deflects the flow 
of drilling fluid to the rotor, which is attached to the drive shaft and thus transmits the rotary motion to the bit. In 
other words, the kinetic energy of the drilling-fluid flow stream is converted into kinetic energy of the rotor. This 
energy is subsequently transferred by means of the drive shaft to the drill bit. In theory, each stage of the turbodrill 
power section contributes the same amount of torque (power) to the drive shaft. Depending on the turbine design, 
the number of stages can vary from a few to 400 or even more. In some designs, a gear reducer is also included 
between the turbine and the drive shaft to slow down the bit rotational speed. 

Drilling-fluid flow through the two stages of the turbine is shown in Fig. 8.33. For a reaction-type turbine and a 
constant flow rate, the turbine performance characteristic is shown schematically in Fig. 8.34. 

If there is no resisting torque at the drive shaft (no WOB), drilling fluid passes freely through the rotor, and the 
turbine runs at a high rotary speed, which is called the runaway speed (N _,). As the loading on the drill bit is in- 
creased (as WOB is added, as torque is increased), the rotational speed is decreased, and eventually the motor 
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Fig. 8.31—Turbodrill with bent housing (Beaton et al. 2004). 
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Fig. 8.32—Single stage of turbine (Beaton et al. 2004). 
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Fig. 8.33—Schematic of drilling-fluid flow through a turbine (Beaton et al. 2004). 


stalls (NV = 0 rev/min). At constant flow rate, the motor torque varies linearly with bit revolutions per minute. Un- 
der stall conditions, the turbodrill develops its maximum torque, Max: 

From Fig. 8.34, it is apparent that the relationship between the torque and the bit rotary speed, N, in terms of 
the stall torque and the runaway speed is 


M =Ma 2} Sasa des hf wees ert tle atu ot) ee aes ee Gs (8.73) 
N 


ra 


The power (product of the moment M and the angular speed @) can be written as P = Ma, and ö 2AN . 
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Fig. 8.34—Typical torque and horsepower curves at a flow rate of 500 gal/min and a drilling-fluid density of 10 Ibm/gal 
(Beaton et al. 2004). 


From Eq. 8.74, it can be seen that the turbine power is a parabolic function of the bit rotary speed N and that the 


: i i N, 
maximum power is achieved at N = ——. 


Although the considerations described above are general and useful, for practical applications, the actual turbo- 
drill performance curves must be developed by bench testing. From bench testing, it is known that the torque vs. 
rotary-speed relationship is not perfectly linear and that the power vs. rotary-speed relationship is not a perfect 
parabola at constant flow rate. 

PDMs (also known as progressive-cavity motors or helimotors) were developed and introduced to the drilling in- 
dustry in the mid-1950s; however, the original concepts were presented earlier by René Moineau, a French engineer 
and inventor who proposed various designs for pumping applications between 1930 and 1948. The conventional PDM 
(see Fig. 8.35) typically consists of five basic components: 


e Dump valve 

e Power assembly 

e Connecting rod 

e Bearing and drive shaft 
e Bit sub 


The desired torque is generated by the power assembly, which consists of the rotor and stator. Both stator and 
rotor have helical lobes. The stator is made of an elastomer and is securely fixed in the motor housing. It is very 
important that the stator material have the resiliency to provide an effective hydraulic seal around the rotor while 
permitting the rotor to turn freely. The stator always has one more lobe than the rotor, and consequently helical 
cavities are formed. A half-lobe motor has a rotor with one lobe (n, =1) and the stator has two lobes, also called 
teeth (n = 2). 

Fig. 8.36 shows a cross section through the power section of PDMs with various lobe patterns. Forcing drilling 
fluid to flow through these cavities induces rotation of the rotor. In other words, the fluid will not flow through the 
power section unless the rotor is turning. Therefore, to allow drilling fluid to enter the drillstring during tripping 
operations when the motor is not rotating, a dump valve is placed above the power section. The dump valve is 
furnished with openings that permit the drillstring to fill or empty while the string is being tripped in or out of the 
hole. 

The connecting-rod assembly is attached to the lower end of the rotor and transmits rotational motion to the 
driveshaft and the bit. It also compensates for orbital motion of the rotor so that the driveshaft rotates about its 
own axis as it transmits rotary motion to the bit. PDMs are designed to operate with practically all types of drilling 
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Fig. 8.35—Components of PDM with adjustable bent housing (Underwood and Payne 1997). Reproduced with permis- 
sion of John Wiley & Sons, Ltd. 
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Fig. 8.36—Different lobe patterns (Tiraspolsky 1985). Printed courtesy of Editions Technip. 


fluids, including fresh water, salt water, oil-based and synthetic-based fluids, and even foams and air. If the drill 
bit is off the bottom (no WOB) and drilling fluid is flowing through the power section, the pressure drop across 
the motor is constant if the flow rate is constant. As the WOB is increased, the pressure drop across the motor 
increases proportionally, which results in an increase in the standpipe pressure at the surface. 

If the pressure drop, Ap (psi), flow rate, Q (gal/min), and motor efficiency are known, it is possible to calculate 
the motor hydraulic horsepower (US horsepower) using the following equation: 


The motor efficiency takes into account fluid leaks along contact surfaces between the rotor and stator, various 
friction losses, and entry and exit effects. For a particular motor design, its volumetric efficiency should be ob- 
tained from the manufacturer. 

If the bit rotational speed, N (rev/min), is known, the rotary torque can be calculated from the well-known equa- 
tion 


_ 5,252HP 
err 


T 


At a certain value of WOB, the pressure drop reaches the maximum recommended value, and additional WOB may 
stall the motor. In a stall condition, the drill bit does not rotate, and pressure builds up rapidly for liquid-based drill- 
ing fluids, which in turn may break the seal between the rotor and stator and damage the power assembly. In other 
words, excessive bit weight should be removed as quickly as possible because major damage to the power section 
will occur if fluid flows around a nonrotating rotor. 
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The speed of rotation (rev/min) depends on flow rate and power-section specific displacement per revolution: 


In Eq. 8.77, the flow rate is in gal/min, and the specific displacement per revolution is in cubic inches. The specific 
displacement per revolution depends on various geometric factors, including the rotor diameter, its eccentricity, 
and the configuration of the lobes. In general, 


where 
A = cross-sectional area of the flow path, 
P,, = rotor pitch, 
n = number of lobes in the stator (n, =n, +1). 


For a single-lobe motor, the flow area is given by 


ASD ede e name yon E oun A by anes oe (8.79) 


where 
e = eccentricity, 
d, = diameter of rotor. 


The eccentricity, e, in Eq. 8.79 is the distance between the center of the rotor and the central axis of the stator. 
From Eq. 8.77, it can be seen that for a given motor configuration, the bit rotational speed is controlled by the 
drilling-fluid flow rate and increases proportionally with increasing flow rate. The geometric parameters of a par- 
ticular motor can be obtained from the manufacturer. 

A typical PDM performance characteristic curve is shown in Fig. 8.37. From Fig. 8.37, it is apparent that at a 
flow rate of 600 gal/min and a WOB corresponding to a 200-psi pressure drop, the expected bit rotary speed is 
slightly greater than 180 rev/min. As the pressure drop increases due to added WOB, the bit rotary speed is slightly 
reduced. Moreover, with an increase in pressure drop, the torque is increased. The maximum torque is obtained at 
stall conditions. Because the motor turns the bit clockwise (right-hand rotation), for all types of motors, a left- 
hand (counterclockwise) reactive torque is generated in the motor housing and consequently in the drillstring, 
which causes the tool joints above the motor to tighten. The left-hand reactive torque also affects the orientation 
of any bent subs or housings that are used for deviation control. 


8.2.5 Steerable Motors. In 1962, a directional-drilling system using a PDM and a bent sub placed above the 
motor was introduced. The bent sub is a short sub placed above the motor. The upper end of the sub is concentric 
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Fig. 8.37—Typical PDM performance characteristic curves (Underwood and Payne 1997). Reproduced with permission 
of John Wiley & Sons, Ltd. 


506 Fundamentals of Drilling Engineering 


with the axis of the sub body, and the lower end is inclined in relation to the upper end. The downhole motor is 
attached directly to the bent sub and oriented to achieve the desired change in hole inclination and azimuth, as 
shown in Fig. 8.38. In some designs, the bent-sub angle can be adjusted from the surface. The effectiveness of the 
bent sub depends on its location in the BHA (distance from the bit) and the hole inclination angle. A BHA with a 
straight motor and a bent sub above it is effective in a vertical or nearly vertical hole and is frequently used in a 
kickoff assembly. 

For hole inclination angles of 20° or more, the effectiveness of straight motors with bent subs is poor, and for 
this reason, downhole motors with bent housings (Fig. 8.39) were developed. Fig. 8.39 shows an assembly with 
two stabilizers and a motor with a bent housing in a nearly vertical and highly inclined hole. 

A bent housing, when held stationary (nonrotating), causes the drill bit to drill in the direction of the bend. The 
bend angle can range from 0° to 3°. Such BHAs are usually furnished with an MWD unit above the motor and are 
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Fig. 8.38—Bent sub above the motor in unconstrained and constrained configurations (Bourgoyne et al. 1986). 


Fig. 8.39—Schematic of bent-housing motor with stabilizers. 
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called steerable motors (SMs) because they permit the directional driller to orient (steer) the bit in the desired 
direction. The MWD-unit sensors provide information on the downhole orientation of the bend in terms of tool- 
face angle. The orientation of the bend is referenced to the high side of the hole. A tool-face angle of 0° indicates 
that the bent housing is oriented upward and that, consequently, the hole inclination angle will increase while 
drilling. On the other hand, a tool-face angle of 180° indicates that the hole inclination angle will decrease. A 
positive tool-face angle of 90° (clockwise rotation) means that the bend is pointed to the right and that therefore 
the hole will also turn to the right, resulting in an increase in the azimuth angle. Determination of tool-face orien- 
tation requires precise information from directional-survey data (inclination and azimuth angles). Information 
about the tool-face angle is transmitted to the surface and monitored by the directional driller. Several telemetry 
systems have been developed for this purpose. The calculations involved in determining tool-face orientation are 
discussed in Section 8.3. 

Drilling with SMs involves either active trajectory control in sliding mode or operation in rotating mode, as 
shown schematically in Fig. 8.40. In sliding mode, the drillstring is not rotating, and changes in inclination, azi- 
muth, or both are accomplished by reorientation of the bent housing (tool face), as just mentioned. In rotating 
mode, the drillpipe is rotated using a rotary table or a topdrive system. 

As the drillstring rotates, the bent housing also rotates, which negates the directional effect of the bent housing, 
and the drill bit drills a slightly overgauge hole. The actual field performance of an SM depends not only on the 
bent housing angle, but also on the type of formation and the drill-bit type. For example, a bent housing angle of 
1.5° may result in a DL of approximately 8°/100 ft severity (radius of curvature of 719 ft) in competent formations 
and perhaps only 5°/100 ft in soft formations (Lesso et al. 2001). Over time, a directional driller develops knowl- 
edge of the build, drop, and turn rates for various bent-housing orientations in a given location. The system is used 
in a rotating mode if there is no need for active directional control and also to make adjustments to the DLS. For 
example, a well plan may require a 4°/100 ft DLS (build rate), but the SM delivers 7°/100 ft. In such a case, the 
drilling process must be broken into a sequence of sliding and rotating modes to achieve the desired overall build 
rate of 4°/100 ft. Fig. 8.41 shows a segment of a wellbore (500 ft) drilled in both sliding and rotating modes (Lesso 
et al. 2001). 

SMs guided with MWDs can drill more-complex trajectories and are relatively inexpensive. The limitations of 
SMs are related mostly to the sliding mode of drilling (poor axial-force transfer to the drill bit, inefficient cuttings 
transport, differential sticking, etc.) and to vibrations in rotary mode. Moreover, considerable time may be spent 
making tool-face adjustments while switching from rotating to sliding mode in long curved sections and during 
ERD. These problems led eventually to the development of rotary-steerable systems (RSSs). 


8.2.6 RSSs. In principle, an RSS enables active well-trajectory control while rotating the drillstring. In other 
words, unlike SM systems, no sliding drilling is required to change the well-path direction. The desired direc- 
tional changes (bit steering) can be made while the drillstring is rotating. 

Use of an RSS permits effective drilling of wells with complex trajectories and results in a higher rate of drilling 
in highly inclined wellbore sections. RSSs are particularly effective for drilling long, highly inclined tangent sec- 
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Fig. 8.40—BHA with steerable motor in sliding and rotating mode (Warren 1998). 
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Fig. 8.41—A series of slide-rotate sequences for a 500-ft wellbore section (Lesso et al. 2001). 


tions of ERD wells and 3D ERD wells when left and right trajectory turns are performed in a nearly horizontal 
plane. If the RSS is also used with LWD tools, it can drill wells close to the reservoir top and thus maximize 
standoff from the water-oil-contact (WOC). Many other applications of RSS in combination with LWD are also 
possible for optimizing reservoir performance and management. 

The first commercially available RSSs were developed in approximately 1995, but the first such tools were 
proposed much earlier. In fact, the first concepts of deviation control while rotating the drillstring were proposed 
even before PDMs were commonly used for drilling. In Fig. 8.42a, a system (patented in 1955) is shown based 
on a nonrotating sleeve placed in the BHA some distance above the bit. Another system (patented in 1959), shown 
in Fig. 8.42b, uses hydraulically activated guide shoes to control the side force at the bit. 

The two systems shown in Fig. 8.42 are just examples of a large number of tools that have been proposed over 
the years before the tools in use today. Early rotary-steerable BHAs were not commercially successful, however, 
due to the lack of effective downhole sensors and control systems. Although there is wide variation in the RSS 
designs now available, they are typically classified as push-the-bit or point-the-bit systems. 

A pure push-the-bit RSS (Fig. 8.43) achieves trajectory change by applying a side load to the bit using nonrotat- 
ing (stationary) pads or stabilizers that are pushed against the wall of the hole. Because the pads can be pushed 
out only a certain distance, they become ineffective in borehole sections that easily develop washouts. Systems 
based on the push-the-bit principle use short-gauge bits (less than 2-in. gauge length) furnished with a good- 
quality cutting structure capable of active side cutting into the formation. 

A point-the-bit RSS (Fig. 8.44) is furnished with a steering assembly that controls the direction of drilling (in- 
clination and azimuth) by orienting a tilted shaft to which a drill bit is attached. The bit is deflected internally using 
a hydraulic system, which enables the drill bit to be offset and pointed out in the desired direction. Ideally, the face 
of the bit should be pointing in the desired direction, and the side force at the bit should be nil. The disadvantage 
of point-the-bit systems is that they are slower to react to required well-path changes and that achievable DLS is 
less than with a push-the-bit system. In reality, both the push- and point-the-bit systems control side force and tilt 
angle to a greater or lesser degree. 

In the late 1990s, a rotary closed-loop steerable-tool (RCLS) system was developed, which made it possible to 
make required adjustments automatically and then to maintain a programmed inclination. The RCLS uses near-bit 
inclination data that are continuously fed to the steering control unit (controller), which in turn automatically 
adjusts the steering mechanism to maintain the wellbore trajectory as programmed (designed). 

Computer-controlled, rather than manual, downhole linking systems facilitate communication from the surface to 
the downhole unit. Use of automated downlinking permits more precise steering of the drill bit, resulting in a closer 
match between the programmed (designed) and actually-drilled wellbore trajectories. 


Directional Drilling 509 


Nonrotating 
sleeve 


Hydraulically 
actuated 
guide shoes 


Fig. 8.42—Early rotary-steerable-tool concepts (Warren 2006). 
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Fig. 8.43—Push-the-bit RSS (Schaaf et al. 2000). 
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Fig. 8.44—(a) Point-the-bit system in straight mode; (b) point-the-bit system in bent mode (Schaaf et al. 2000). 


The well designer must, however, remember the detrimental effects of downhole temperature on electronics and 


some components (e.g., seals) of RSS and RCLS systems. In high-temperature environments (greater than 250- 
300°F), a conventional BHA with adjustable-gauge stabilizers may still be the most practical and economical 
selection for deviation control. 


8.2.7 Review Questions and Problems. 


1. Make a schematic diagram of a whipstock and explain its applications. 
2. Explain why the drill bit of a jetting assembly is furnished with a large nozzle while other nozzles are 
small or closed off. 
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\o © 


where 


20. 


21. 


3. List the major factors that influence BHA directional and mechanical performance. 
4. Explain the concept of an equilibrium hole angle. 

J; 
6 
7 


Define the so-called “drilling anisotropy index.” 


. Derive equations for the scaling factors m,,m,, and m,. 
. Given BHA data as in Example 8.10, calculate: 


(a) The deflection of the centerline of the drill collars 
(b) The bending moment 
(c) The shear force 


. Perform calculations at a distance of 15 ft from the bit. 


Show that for a slick BHA, the dimensionless tilt angle is given by 5 roe) ane — 4, where £ is the dimen- 
sionless distance from the bit to the point of tangency. 2 


. Consider an 8-in. by 3-in. slick BHA in a 121⁄4-in. hole with an inclination angle of 12°. The WOB is 


50,000 Ibf, and the mud weight is 10 lbm/gal. Calculate: 
(a) Distance from the bit to the point of tangency 

(b) Side force at the bit 

(c) Bending stress at distances of 5 ft and 10 ft from the bit 


. Using the data specified in Problem 10, calculate the equilibrium hole angle, assuming isotropic drilling 


conditions. 


. Find the drilling anisotropy index for the following conditions: 


Hole diameter = 8 1⁄2 in. 

Drill-collar OD = 6.75 in. 

Drill-collar ID = 2.0 in. 

Unit weight of drill collars = 111 Ibf/ft 
Hole equilibrium inclination angle = 10° 
WOB = 20,000 Ibf 

Formation dip = 40° 

Mud density = 12 Ibm/gal 


. Using the drilling anisotropy index calculated in Problem 12, calculate the expected hole equilibrium 


angle if the WOB is 32,000 Ibf. 


. Using the BHA data specified in Problem 10, calculate the side force at the bit for two cases: 


(a) The BHA is in a curved hole with a build rate of 5.729°/100 ft. 
(b) The BHA is in a curved hole with a drop-off rate of 5.529°/100 ft. 


. List the common types of stabilizers. 

. What is the difference between a stabilizer and a reamer? 

. Explain the concepts of the pendulum and fulcrum effects. 

. Using the data from Example 8.14, calculate the side force at the bit for zero clearance at the stabilizer 


(c= 0). 


. Show that for a BHA with one stabilizer, the dimensionless tilt angle can be calculated using the follow- 


ing equation: 


c,, + 1—cosl, — 0517 — hl, 


sin], 


d= hyt 


h, = side force at the bit, 

c,, = clearance at the stabilizer, 

1, = distance from the bit to the stabilizer. 

All quantities in the above equation are dimensionless. 


Consider a BHA composed of 8-in. by 27/,,-in. drill collars and a stabilizer with OD = 12.22 in. placed 
in a 12%-in. hole. The stabilizer is placed 5 ft from the bit, and the WOB is 30,000 Ibf. The mud weight 
is 10.5 Ibm/gal, and the hole inclination angle is 55°. Calculate the 

e Side force at the bit 

e Side force at the stabilizer 

e Resultant force angle 

e Bending moment at 3 ft and 9 ft away from the bit 

Recalculate Problem 20 above assuming distance to the stabilizer of 15, 30, and 45 ft. Also calculate the 
distance to the stabilizer that results in zero side force at the bit. For this case (h, = 0), calculate the bit-dis- 
placement direction if the formation dip angle y = 25° and the drilling anisotropy index h = 0.075. 
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22. For a BHA as in Problem 20, calculate the expected side force at the bit when the curvature is 
(a) 4°/100 ft 
(b) 8°/100 ft 
(c) 12°/100 ft 

Draw conclusions as appropriate. 

23. Create a schematic diagram of a BHA with three stabilizers that is expected to build hole inclination 
angle under isotropic drilling conditions. 

24. Compare the major advantages and disadvantages of turbodrills vs. PDMs for directional-drilling appli- 
cations. 

25. Calculate the power of a turbodrill if at a flow rate of 450 gal/min, a torque of 2,100 Ibf-ft is produced at 
a rotational speed of 480 rev/min. 

26. Ina single-lobe motor (half-configuration), the rotor diameter is 2.5 in., the eccentricity is 1.125 in., and 
the rotor pitch is 24 in. At a flow rate of 300 gal/min, the total pressure loss through the motor is 480 psi. 
Calculate the expected 
(a) Rotational speed 
(b) Power output 
(c) Torque 
Assume that the motor efficiency = 80%. 

27. List the advantages and disadvantages of SMs. 

28. List the advantages and disadvantages of RSSs. 


8.3 Tool-Deflection Orientation 


8.3.1 Basic Mathematical Concepts of 3D Trajectory Control. In this discussion, the emphasis will be placed 
on geometric considerations related to active trajectory control. For the sake of simplicity, let us first consider a 
deflection tool (e.g., a downhole motor with a bent sub) that is set in a vertical hole. 

This tool will produce a deflection (a change in hole inclination angle from the vertical) in the same azimuth 
(direction) as the tool-deflection setting. For example, if the bent sub angle is 2°, the new hole inclination angle is 
expected to be 2° as well, and the new hole direction is assumed to be the same as the tool-deflection orientation. 
This is a purely geometric approach and does not account for the bending effects of the BHA, pipe rotation (if 
any), formation dip angle, formation anisotropy, or other factors. If a deflection tool is set in a hole that is not 
vertical and if the tool is oriented in a vertical plane including the hole, the resulting deflection (change in hole 
inclination angle) will be in the same plane (no change in hole azimuth direction), and the hole inclination angle 
may build up or drop down, depending on the tool orientation with respect to the high side of the wellbore. For 
example, if the hole inclination angle is 10° and the tool-deflection angle is 2°, the new hole inclination angle will 
be 12° if the tool will be pointing up the high side of the wellbore or 8° if the tool will be pointing toward the low 
side of the wellbore. There is no change in hole direction (azimuth) in this case because the tool is in the same 
vertical plane as the wellbore. 

Now let us consider the situation shown schematically in Fig. 8.45. Line AB represents the original hole with 
inclination angle @. The segment A’B is a projection of AB onto a horizontal plane, and the angle € is the direction 
of the original hole with respect to the south direction. In other words, the azimuth of the hole segment AB is (180 
-€)°. A deflection tool with deflection angle f (e.g., a bent sub angle) is placed at the bottom (Point A) and then 
turned to the left about the AB axis through an angle y, as shown in Fig. 8.45. The angle y is called the tool-face 
angle. Segment AC represents a new hole, and A’C is a projection of AC onto a horizontal plane. The new hole 
direction as measured from the South is € + Ae. In other words, by turning the tool face by y, orienting the tool in 
the BC direction, the new hole direction has been changed. In Fig. 8.45, the new hole azimuth is less than that of 
the original hole. It is also clear that the new hole inclination angle will be @, and that the overall angle change, 
p, will be the same as the tool deflection angle (e.g., a bent sub angle). 

If the tool were to be turned to the right from the high side (case not shown in the figure), then the new hole 
azimuth would be greater than that of the original hole. If the tool is turned 360° around AB, then a cone would 
be formed out of lines like AC. Because AB is not vertical, the cross section of the cone on the horizontal plane is 
an ellipse. The tangents A'T, and AT, define the maximum possible change in the original hole direction for the 
deflection tool considered in Fig. 8.45. 

Ragland Method. The method proposed by Ragland (Inglis 1987) is valid for small hole inclination angles. For 
small inclination angles, the ellipse can be approximated by a circle. Such a simplifying assumption was made in 
the early days of directional drilling and can be effectively used if the hole inclination angle is not more than ap- 
proximately 20 to 25°. Tool-deflection orientation was determined using graphical techniques or with the aid of 
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Tool face direction 


New hole direction 


Original hole direction 


Fig. 8.45—Deflection tool orientation; basic concepts. 


specially designed slide-rule-type calculators such as the so-called “Ouija board” or tables. The graphical ap- 
proach will be explained by solving the following problem. 


Example 8.16 Given the following data, determine the expected inclination and direction of a new hole: 


e Original hole inclination angle = 3° 

e Hole direction: S42E (azimuth A = 138°) 
e Tool-deflection angle: 1.5° 

e Tool-deflection direction: N88E 


Solution. A graphical method to solve this problem is outlined below: 


e Lay a quadrant N-S-E-W and select an appropriate scale (e.g., 1° = 1 in.); see Fig. 8.46. 

e With a protractor, lay out an angle of 42° as measured from the south direction to represent the original hole 
direction and determine Point B at 3° from Point A (3 in. in this case). 

e Around Point B, describe a circle with a radius equal to the tool-deflection angle = 1.5°. 

e Draw line BC, which represents the direction of the deflection tool (N88E). 

e Draw line AC, and read off the new hole direction (S63N) and inclination angle g = 4°15’. 


Note that to obtain the desired tool-deflection direction of N88E, the tool-face angle is y = 50°, and the tool 
needs to be rotated to the left from its high-side position. The lines AT, and AT, represent new hole directions 
corresponding to the maximum tool-face turns to the left and to the right, respectively. This graphical method is 
called the Ragland vectorial method and was effectively used to solve many directional-drilling problems for 
small hole inclination angles. 


8.3.2 Analytical 3D Model. The analytical three-dimensional model for tool-deflection orientation was devel- 
oped by Millheim et al. (1979). As in the previous method, the mechanical aspects of BHA and formation direc- 
tional tendencies are ignored; hence, the method is purely geometric and is shown schematically in Figs. 8.47 
through 8.49. 

There are five variables in this model: the original hole inclination angle @, the new hole inclination angle ¢~, the 
overall angle change £ (the DL), the change in hole direction Ag, and the tool-deflection rotation from its original course 
direction (the tool-face angle) y. The problem is to find the mathematical relationships among these five variables. 
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Fig. 8.46—Graphical solution of Example 8.16—Ragland diagram. 
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Fig. 8.47—Diagram of 3D deflection model (Millheim et al. 1979). 
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Fig. 8.48—Cross-section through MM’K (Millheim et al. 1979). 


Fig. 8.49—Tool-face plane (Millheim et al. 1979). 


The original hole is represented by the segment MO, and the deflection tool is placed at Point O. If drilling were 
to continue without any changes in drilling parameters in the same formation, a hole with the inclination angle and 
direction represented by segment OE (broken line) would be obtained. Segment OK represents the hole that would 
be drilled if the deflection tool were not rotated (y=0) from the original direction. To achieve the new hole inclination 
and direction angles, the tool face is rotated to the left from the high side through angle y. The change in hole direc- 
tion is denoted as Ag, the new hole inclination angle is @, and the overall angle change £ is equal to the deflection 
angle (e.g., a bent sub angle). Segment AO is equal to segment OC because they are generators of the cone that would 
be obtained by rotating the deflection tool 360° about OE. Arc AC is a part of a circle generated by a plane perpen- 
dicular to OE. Segment OE is perpendicular to EC and EA. Segment AB is equal to segment A’ B’. The angles COE 
and AOE are the same and equal to the tool-deflection angle (the overall angle change), p. The reader is encouraged 
to review Figs. 8.47-8.49 carefully before proceeding any further. 

From the right triangle O’B’A’ in Fig. 8.47, 

A'B’ AB 


tan Aé = = . 
OB OB EBU Oreretara ereseerererrererrere (8.80) 
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From Fig. 8.49, it can be seen that 


ABS EA SUNY. +s, geste ste teak gee thon dr homdnend ware w ee mae ane R Dense brett eee tee ack Ones (8.81) 
From triangles EBB’ and EAB, it is possible to obtain 

EB’ = EBcos @ and EB = EA cos y. 
Hence, 

EB’ = EA COSY COS@: setae cheese ists dos bee a Chto nds eo Oe e eee enews (8.82) 


From triangles OEC and OO’E, 


BA: = CE SOR tanp; ce 2.64486 do cet doa ee BS ee ned BR See et (8.83) 
OE SOR SING) - 443 e6-0id ob bia dbs EESAN bee Henk bod She hee eens (8.84) 
Ta 8.85 
"T ae ee a A (8.85) 
Combining the above equations, the result is 
AT PE ey E EE E (8.86) 
sing + tan J cos pcos y 


Note that if the tool rotation angle y or the deflection angle B were nil, then there would be no change in the hole 
direction, Ag = O. 

The new inclination angle @, is equal to the angle AOO’ or AOD. The Point D (not shown in Fig. 8.47. is ob- 
tained by drawing a line from Point A perpendicular to OO’: 


OD _OO'-O'D 
OA OA ` 


cos Pa T 


From triangles OO’E and EBB’, 


OO' = OEcos¢ and BB’=EBsing=O'D, «++. ee eee ete (8.88) 


but EB =AE cos y, hence, BB’ = AE cos ysin @. 
From triangle OCE, 


Note also that EC = AE and AE = OE tan B. 
Combining Eqs. 8.87 through 8.89 yields the desired equation for calculating the new hole inclination angle: 


coso, = cosgcos 8 = sin 2 singcos Vu Biber Ries tpbS os Paes CES EIG S e Bee Cee ey (8.90) 


Note that if the tool-face angle y = 0, then the new hole inclination angle is simply @, = 9+ p, and as stated earlier, 
there is no change in hole direction. 

It can also be shown that the overall angle change (the tool-deflection angle or DL) is related to the original and 
new hole inclination angles (Q and @ ) and the direction change Aé as follows: 


cos f = SIN@SIN@, COSAE+COSMCOSY,. oe eet (8.91) 
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Eqs. 8.86, 8.90, and 8.91 form a mathematical model for solving a number of practical problems related to the 
selection and orientation of deflection tools. 

From the directional-drilling engineer’s standpoint, the result of the above calculation is three equations that 
contain five variables. Hence, given any three of the variables, one can calculate the remaining two unknowns. 
However, one always needs to be careful with the interpretation of the results because multiple solutions are pos- 
sible due to the periodic nature of the trigonometric functions. 


Example 8.17 The hole inclination angle @ = 10°, and the direction is N20°E (azimuth = 20°). It is required to 
build and turn the hole so that the new hole inclination angle @, = 12° and the new direction is N23E. Calculate 
the required tool-deflection angle and the tool-face angle y. 

Solution. To obtain the tool-deflection angle, use Eq. 8.91 to get 


B= arccos(cos 10cos 12+sin10sin12 cos3.0) = 2.08°. 


For the actual deflecting job, a mud motor with a bent housing of 2° can be used. 
To increase the hole azimuth angle, the tool needs to be rotated to the right from the high side by the amount 
obtained from Eq. 8.90: 


cos10.0cos 2.0 —cos12.0 
sin 2.0sin 10 


y= arccos[ ) = 9.76°. 


In other words, the tool-deflection direction is N20E + 9.76 = N29.76E. 
It is recommended to use the graphical method (Ragland diagram) to solve this problem and compare the solutions. 


Example 8.18 The hole inclination angle @ = 22°, and the direction is S36W (azimuth = 216°). It is desired to 
turn the hole 6° to the right (increase the azimuth) and increase the build angle. For this purpose, a positive-dis- 
placement motor with a bent sub of 3° is used. Calculate the expected new hole inclination angle and the required 
tool direction. 

Solution. To solve the problem, again Eq. 8.91 is used, but some rearrangement is needed to calculate Q. Set 
a= sin @cosAé and b = cos @; then Eq. 8.91 can be written as 


cos f= Va’ +b cos(g, — 9), 


where 


sin 22 cos6 
0s 22 


gy = arctan : = arctan = 21.89°. 


Hence, 


wag = 21.89 tarcos -S ) = 23.88°. 


C 
= p +arctan| —=== 
a es 904 


To find the tool direction, it is necessary to calculate the tool rotation angle yusing Eq. 8.90: 


cos 22 cos3 —cos aas) = 54°. 


y = arccos - - 
sin 3 sin 22 


Finally, the required tool direction is obtained as 36 + 54 = S90W, and the azimuth = 270°. 


Example 8.19 A survey shows a hole inclination angle of 10° with the direction far off course. A deflection 
assembly with a bent sub of 2.4° is available on the rig side. Determine the tool rotation angle y required to obtain 
the maximum turn. Also find the corresponding hole direction change Ae and the new hole inclination angle @ . 
Solution. As shown in Eq. 8.86 for a given hole inclination angle ọ and tool-deflection angle p, the change of hole 
direction A£ is a function only of the angle y. Hence, it is possible to take the first derivative and equate it to zero: 


d^e _ singtan B cosy +cos otan? 8 


dy (sing+cosgtan £ cos vy) +tan* Bsin? y 
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Hence, 
sing tan 2 cos y + cosg tan? PEU oe En E E E EE I E S ead (8.92) 
Solving for y yields 
y = arccos(—cot¢ tan J) = ar cos (- cot(10) tan(2.4)) = 104° 
Consequently, the expected maximum change in hole direction is 


tan (2.4) sin (104) 
sin(10)+cos(10)tan(2.4)cos(104) 


AE nax = arctan =14°, 


and the expected new hole inclination angle is 
¢, = arccos[cos (10) cos (2.4) — sin(10) sin (2.4)] = 9.7°. 


Note that if the tool face is turned to the left, the azimuth will decrease, and if it is turned to the right, the azimuth 
will increase. 


8.3.3 Relationships Between Tool-Face Angle, Curvature, and Build and Turn Rates. It is useful to note that 
for a small tool-deflection angle df, the tool-face rotation angle y is given by 


_ cospcosdfB —cos@, 


COS aa, wb Sede dew baer Sete et E E a a a Maree Mahan a eer deel : 
E sin dJ sing (8:33) 
For small values of dB, it can be assumed that 
cos(dZ)=1, sin(df) = dp, Q,- = dg, and cos(dg) =1. 
Hence, after some arrangements, Eq. 8.93 takes the form 
Re. eee ha sea tade eniosicn A (8.94) 
dB DLS 


Eq. 8.94 indicates that to drill a hole with a constant build rate and constant curvature, one needs to keep the 
tool-face angle y constant with respect to the high side of the hole. Moreover, to drill a well path with a con- 
stant inclination angle (B = 0), such as a part of a helix, the tool-face angle should be equal to 90°. Continuous 
adjustments of the tool face are needed to drill a smooth well trajectory. 

Now it can be concluded that the lateral curvature is B, = DLS sin y, and consequently the turn rate T and the 
horizontal turn rate H are 


DLS si 
AñO E ia iii (8.95) 
sing 
DLS sin 
a E EEE ao pdiaa-n net eyet eg shasta hes Pop eae acmaobuor tonnes vk (8.96) 
sin’ o 
and the azimuth change can be expressed as 
tan( } 
A&=tanyln walee) E EE EE E EE E ATE E E EEE EE E EE (8.97) 
tan(⁄ Q, ) 


8.3.4 Trajectory Calculations for Constant-Curvature and Minimum-Curvature Well Profiles. Using the 
above equations, well trajectories can be constructed that meet certain geometric constraints (the drill-ahead ap- 
proach). The practical usefulness of the equations presented above will be demonstrated by a numerical example 
taken from Schuh (1992). 
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Example 8.20 Design a well trajectory between two points with the inclination, azimuth angles, and coordi- 
nates specified below: 


Pinia = 35°, Pring = 90° 
rita =0°, Fina = 20° 


Initial coordinates: x =0.0ft, y=0.0ft, z=3,000ft, 


Final coordinates: x =305ft, y=60ft, z=3,100ft. 


The required hole curvature is 12°/100 ft. 
Solution. First, the calculations will be performed using the constant-curvature (constant tool face) method. 
Given the initial and final hole inclination angles, a build rate of 10.6°/100 ft is chosen. This step may require 


several iterations before the desired value is determined. 
Given the build rate and well-path curvature, the tool-face angle ycan be calculated from Eq. 8.94: 


y= arccos 25) = 28°. 
12 


Now it is possible to calculate all trajectory parameters for the point located at a distance of 30 ft (3,030 ft of MD) 
from the initial point. 
The inclination angle is 


(3,030 ft) = 9, + BAs = 55+ Ti = 58.2°, 


and the azimuth (Eq. 8.97) is 


58.2 
3 (3,030 ft) =0+ = (tan 28) | as =2.0° 
> )= Pa an )In — 550 =Z.0°. 
ue 


To calculate the x, y, z coordinates, the piecewise radius-of-curvature equations will be used, so the average value 
of the horizontal turn rate H is needed. 

The average value of the horizontal turn rate between the initial point and the point under consideration (30 ft 
apart) can be obtained by integrating Eq. 8.96: 


A- pay | a _ DLSsiny 
P-P 5M E P-A 
(12)(sin 28) (180 
7 ca 


(cot g -cot p, ) 


}(cor5s—cot 58.2) =8.1°/100ft 
a 
With Eq. 8.96 and the arithmetic average value of the hole inclination angle 


_ Qt Q, _ 55.04+58.3 _ 
2 2 


56.6 


> 


the result is 


DLSsiny _ (12)(sin 28) 


— — = 8.08°/100 ft. 
sin’ o sin’ 56.6 


H = 
The similarity is due to the small difference in the inclination angles between the two points under consideration. 


Consequently, the corresponding turn rate (walk rate) is 


7- DLSsiny _ (12)(sin28) 
sing sin 56.6 


= 6.75°/ 100 ft. 
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Now the coordinates after drilling As = 30 ft can be calculated using Eqs. 8.30a, 8.30b, and 8.30c: 


Xy = 0+ (= Join 2.0—sin 0) = 24.7 ft 
: 0.081\ z 


1 180 
=0+ cos0 -— cos 2.0) = 0.43 ft 
Js l = i ) 


E — [22 (sinss.2-sins5) 3,016.5 fi 
0.106\ x 


In a similar manner, the hole inclination angle, azimuth, and coordinates of subsequent points on the trajectory 
can be calculated and the results presented in the form of tables and graphs. 

Now the sequence of calculations involved in computing a trajectory using the minimum-curvature method will 
be presented. Given the hole inclination and azimuth angles at the upper and lower end of the well path, Eq. 8.91 
can be used to calculate the DL (overall angle change) as 


DL=~f= arccos| (sin 55) (sin 90) (cos 20) +(cos55)(cos 90) | = 39.66°. 


From Eq. 8.90, the initial tool-face angle y, can be determined as 


=32.2°. 


cosg, cos P- cosp, | _ arccos| COS 55 cos 39.6 — cos 90 
sin A sing, sin39.6 sin55 


Here the inclination angles ọ, and @, correspond to the initial and final inclination angles for the 300-ft section of 
the wellbore. 


Y= arccos] 


After drilling the distance As = 30 ft from the initial point on a circular arc, the corresponding DL is 


p =pl, = E 36, 


The hole inclination angle after drilling 30 ft with the tool-face angle y= 32.2° can be obtained from Eq. 8.90 
using 3.6° as the DL: 


Q, = arccos| cos 55 cos3.6 — (sin3.6)(cos 55)(cos 32.3] = 58.1°. 


The corresponding change in azimuth can be calculated from Eq. 8.91: 


ee 
A& = arccos = 2.3". 


sin 55 sin 58.1 
Now it is possible to calculate the coordinates of the point on the circular-arc trajectory after drilling 30 ft using 


the minimum-curvature equations (Eqs. 8.31a, 8.31b, and 8.31c). 
First, from Eq. 8.32, the RF is 


RF= 2 Ofan 34) =15ft, 
3.6 xm 2 


and the coordinates are 
Xx = 0+(sin55cos0+ sin 58.1cos2.3)(15) = 25.01 ft 
Yx =0+ (sin 55sin0 + sin 58.1sin 2.3)(15) =0.51 ft 
Zz = 3,000 + (cos 55 + cos 58.1)(15) = 16.54 ft. 


To calculate the tool-face angle after drilling 30 ft, Eq. 8.90 can be used again to yield 


cos 58.1cos(39.6 —3.6) — cos90 


=31.05°. 
(sin 58.1)sin(39.6-3.6) 


Yson = arccos 
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Now select a subsequent point (As = 30 ft) on the circular arc and perform the calculations of the new hole inclina- 
tion angle and azimuth in a similar manner. The calculated tool-face angles vs. MD for the two methods consid- 
ered are shown in Fig. 8.50. The hole inclination angles vs. vertical depth are presented in Fig. 8.51. Horizontal 
projections are shown in Fig. 8.52. 

The reader is encouraged to write a program to verify the above results and also use the constant-turn-rate 
method to calculate the corresponding coordinates. 


8.3.5 Review Questions and Problems. 


1. List three commonly used deflection tools. 
2. The hole inclination angle is 46°, and the bend subangle of a deflection tool is 2.0°. If the tool orientation 
is the same as the hole azimuth, find the expected new hole inclination angle if the tool is pointing 
(a) To the high side of the wellbore (y= 0°) 
(b) To the low side of the wellbore (y= 180°) 
3. The following data are given: 
e Hole inclination angle @ =17° 
e Hole direction N45E (3 = 45°) 
° Tool-deflection angle (DL) £ = 2.0° 
e Tool-face angle y= 35° (to the right) 


34.0 


32.0 4 


30.0 4 


28.0 4 


26.0 5 


oo J —¢e— Constant curvature 


Tool-Face Angle, degrees 


—a— Minimum curvature 
22.0 + 


20.0 + T T T T 
2,900 3,000 3,100 3,200 3,300 3,400 


MD, ft 


Fig. 8.50—Tool-face angle vs. MD, Example 8.20. 


100.0 


90.0 + 


80.0 + 


70.0 + 


60.0 + 


—e— Constant curvature 


Inclination Angle, degrees 


50.0 4 —a— Minimum curvature 


40.0 T T T T T T 
2,980 3,000 3,020 3,040 3,060 3,080 3,100 3,120 


MD, ft 


Fig. 8.51—Inclination angle vs. MD, Example 8.20. 
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North, ft 


70 


East, ft 


Fig. 8.52—Horizontal projections, Example 8.20. 


Construct the Ragland diagram and find the expected new hole inclination and azimuth angles. 


4. 


13. 


14. 


15. 


16. 


The original hole inclination and direction angles are p= 10° at N30W. It is desired to turn the hole to the 
left (counterclockwise) and reduce the inclination angle to 8°. Find the tool-deflection angle and tool-face 
rotation from the high side. 


. The original hole inclination and azimuth angles are @ = 6° and 0 = 240° (S60°W). The desired 


new hole inclination angle is 7° with 0 =255° (S75W). To perform this job, a whipstock with a DL 
of B = 20° was used. After drilling some distance, the new hole inclination and azimuth angle were 
measured to be 6°30’ and S72W. Find the amount of rolloff (bit walk) and the actual achieved de- 
flection angle B*. Note: Because the drillpipe is rotated clockwise, a clockwise rolloff angle is 
anticipated. 


. Consider the information provided in Problem 5. How should the whipstock be oriented to drill a hole 


with @, = 5.5° and 8, = 217° (S37W)? 


. Carefully review Fig. 8.47 and derive Eq. 8.91. List assumptions. 
. Using the data given in Example 8.16, calculate the new hole angle and azimuth change using Eqs. 8.90 


and 8.91. Verify your calculations using Eq. 8.86. Draw conclusions as appropriate. 


. Using the following data, g = 10°, g = 12°, and Ae = 20.01°, find the DL £ and the tool-rotation angle 


Y. 
. Using the following data, p = 10° and B = 4.28°, find Ae and the corresponding @, and tool-face angle 


Y. 


. Given ọ, @, and y, derive an equation for calculating £ . 
. Show that to drill a well path with constant curvature and build rate, one needs to keep the tool-deflection 


angle y constant with reference to the high side of the wellbore. 

It has been determined that at a certain point of a 3D well path, a build rate of 24.5°/100 ft was achieved 
with a tool-face angle y= 47° and a hole inclination angle @ = 63°. Calculate the DLS. 

Show that to drill a well trajectory with constant build (B) and turn (7) rates, one needs to change the 
tool-face angle as a function of the hole inclination angle @ as follows: 


= arctan Eon 
y B —P |. 


The initial coordinates of a certain 3D well trajectory are x, = 1,450 ft, y, = 7,160 ft and 
z= 3,785 ft, and the hole inclination and azimuth angles are $, = 35° and Ù, = 75°. Predict the hole in- 
clination and azimuth angle after drilling 750 ft with build rate B = 4.5°/100 ft if the tool-deflection angle 
y= 32° is kept constant along the trajectory. 

Calculate the expected x, y, z coordinates of the endpoint of the trajectory as specified in Problem 15 
above. 
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8.4 Method of Vectors and Its Application to Directional Drilling 


8.4.1 Mathematical Preliminaries: Frenet-Serret Equations. A review of the concepts of vectors and vector 
calculus is recommended before reading this discussion. The position of a point on a curve in three-dimensional 
space representing the centerline of a well trajectory can be uniquely determined by specifying the rectangular 
coordinates x, y, z or by a position vector r(s) that is a function of the distance measured along the curve from the 
origin of the coordinate system, as shown schematically in Fig. 8.53. 

Using the conventional unit vectors i, J, and k and defining s as the distance from the origin of the coordinate 
system, the position vector r(s) can be expressed as 


7(s)=x(s)i+y(s)j+2(s)k. e seas latatae csatane a E aan tnarata thane A E tere (8.98) 


The unit tangent vector t(s) can be obtained by differentiating the position vector: 


ee EAE R AEE (8.99) 
ds ds ds ds 


From Eq. 8.99, it is apparent that the tangent vector is indeed a unit vector because the scalar product (dot prod- 
uct)is fef = 1. 

The curvature vector is the second derivative with respect to s of the position vector or the first derivative of the 
unit tangent vector t(s) and is equal to the unit normal vector times the curvature x(s) (the magnitude of the 
curvature vector): 


Es) = a SURGE he net inde see ayaa EEE deo (8.100) 


S 


The reciprocal of «(s) is the radius of curvature, which is the radius of a circle tangent to the trajectory at a 
point on the well path. The sign of n(s) is defined by the convention that «(s) is positive. 

Substituting Eq. 8.99 into Eq. 8.100, the curvature vector can be obtained in terms of the second derivatives of 
the trajectory coordinates as follows: 


2— 2 2 2 
_d aoa d a v8). KOPI 


K(s 
(s) ds ds ds ds? 


EET EE E eae (8.101) 


Z 


Fig. 8.53—3D segment of wellbore with an arbitrary point P(x,y,z) at distance r(s) from the origin. 
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Hence, the magnitude of the curvature vector is 


dx) (dy) (az) 
g= A R E e (8.102) 
ds’ ds’ ds’ 


This equation is exactly the same as that used earlier (Eq.8.20) for calculating the wellbore curvature. 
To form a set of three mutually perpendicular unit vectors or local coordinates at s, the unit binormal b(s) is 
defined as the cross (vector) product of the unit tangent and normal vectors: 


MOLHO OMETE (8.103) 
The unit binormal vector is perpendicular to the plane containing the tangent and normal vectors, and the posi- 
tive direction is established according to the right-hand rule. 
From differential geometry, it is known that the derivative of the unit binormal vector with respect to the arc 
length (MD) s is 


a ==7(S\A(S), occ ccc ccccccceccceccccuecececseuueececcseeuuceccecenuueseeeeees (8.104) 


where 7(5) is the torsion of the curve. It should be pointed out that the torsion represents the rate of change in the 
unit binormal vector along the well trajectory. For example, if the trajectory is limited to a single plane (mono- 
plane trajectory), the torsion is zero. In other words, if the well turns in one plane (vertical, inclined, or horizon- 
tal), its torsion is zero. However, any 3D well trajectory must be characterized not only by curvature, but also by 
torsion. In other words, wellbore torsion is an indicator of wellbore departure from a 2D trajectory. The practical 
usefulness of torsion will be shown later in this chapter in a section on torque-and-drag calculations. 


The derivative of the unit normal vector = is given by 


S 
Zo OOE O O Gi d 55556 Sh ioe eee Ree oo eka hw REEL been eed oweeeaews (8.105) 
S 


The set of Eqs. 8.100, 8.104, and 8.105 is known as the Frenet-Serret equations and is effectively used 
in modern directional drilling for well-path design, directional-survey evaluations, and torque-and-drag 
calculations. 


8.4.2 DLS, Curvature, and Torsion of a 3D Well Path. The term wellbore curvature has already been explained 
earlier and used for practical calculations. Here it will be shown that same formula can be obtained using vector 
concepts. In addition, methods to calculate the DL and wellbore torsion will be presented. 

Consider a well path in 3D space. If x, y, and z are the rectangular coordinates of an arbitrary point on a 
trajectory and ọ(s) and 0s) are the inclination and azimuth angles along the trajectory, then the unit tangent 
vector is 


f(s) = an i+ day(s) j+ ah) k =(sing cos9)i + (sing sind +cospk. ............ 02 eee (8.106) 
ds ds ds 
Eq. 8.106 is consistent with the equations of the first derivatives obtained earlier in Section 8.1.3. 
It is also useful to note that Eq. 8.106 can also be written in term of the x-, y-, and z-components of the unit 
tangent vector as f(s) = ti + tj +t.k; hence, for example, the z-component of the unit tangent vector is 
t, = cos o(s) . l f i 
‘Tf the hole inclination and azimuth angles are given at two successive points on the well trajectory, then 


T, = (sing, cos9)i + (sing, sin 9) j +coso kyo... e cece een eee e ees (8.107a) 


4, = Ging, cos% )i + (sing, sing) jf +eoso, k.  cavvesvacsseevdsdieises eeigeesvenesese (8.107b) 


The overall angle change between two arbitrary points on a well path is simply the angle between their two unit 
tangent vectors. 

If the angle between the unit tangent vectors is denoted by p (the DL angle), then the dot product of the unit 
tangent vectors gives 


A et, = cos £. ar a Beh e a cee heh Sade a sind GP ip 2a alan e a a a tau a a uses dele (8.108) 
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Substituting Eqs. 8.107a and 8.107b into Eq. 8.108 and solving for ß yields 


B = arccos| sing, sing, cos( 9 -9 )+ cosg, cosg, | lalaan aaan aana (8.109) 
Differentiating the unit tangent vector given by Eq. 8.106 results in the curvature vector, K: 


z d f ; > 
K= cos pcos 3% -sin psin o2]; 
ds ds 


. od f d . 
seospsing + sin pcos |j-sing Le Besar PEE r E E E A (8.110) 
ds ds ds 


Hence, the wellbore curvature, which is the magnitude of the curvature vector, is 


|K] = x(s)= (2) +sint of 22) EE E ETEEN EEEE E (8.110a) 


As anticipated, this is the same equation as Eq. 8.22 used in Section 8.1.5, but obtained in a different manner. 
Now the unit normal vector can be obtained: 


nat cos eos 82 sinosin 9 |z 
K ds ds 
yi apiha royna P ae E e E EE (8.111a) 
K ds ds K ds 


In a manner similar to that for the unit tangent vector, the x-, y-, and z-components of the unit normal vector can 
be distinguished as n(s)=n,i +n,j +n_k, and the z-component is 


n, = Lps sing = SINCS bab Rh sata ann shan Eaotnnene agate aan (8.111b) 
i K ds K 


where B, K, and yare the build rate, curvature (i.e., DLS), and deflection tool-face angle. The relationship between 
build rate, DLS, and tool-face angle is derived in Section 8.3.3. 

The unit binormal vector is obtained by taking the cross-product of the unit tangent and unit normal vectors. 
From Eqs. 8.106 and 8.11 1a, 


5 sin? (dg) cosgsingcosY( d9 7 
K \ ds K ds 


e a ata nteresgecie tee 68.112) 


K ds K ds K ds 


In a similar manner as before, it can be determined that b(s) = bi + bj +b_k, and the z-component of the unit 
binormal vector is 


b = L LLE T =sin ø sin 
oe Pis ae PS eaa aaa ark esate ahaa es Rte a a a satan (8.112a) 


where T is the turn rate (walk rate). 


It is known that d = —Tñ;, hence, taking the dot product of both sides yields 
db _ ner 
—en=-tTnhen=—1, 
ds 


or 


b b db. b 
panes ES ensin) Be ope R be oe yank see see (8.113) 
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Now the derivatives of the unit binormal vector must be obtained: 


- p i 
2cos? pcos F ag |e +sin 3 ay -coso sing sin J ae 
db 1 ds )\ ds ds’ ds 
E as i (8.114) 
s K 
+cos osin ocos (2) 
L ds 
g 2 
-2 cos? gsin (22s L a 
db, 1 ds )\ ds ds 
ae age Fr ee (8.115) 
—cos@ sing cos (2) —cos@ sing sin 9| —~— 
L ds ds 


db. 1 . do \{ d9 ., [P9 
= =—! 2singcosø| — || — |+ sin g Ane mare eae wantte T AAE E E pE (8.116) 
ds “| á of ds il a of ds 


Substituting Eqs. 8.114—8.116 into Eq. 8.113 yields: 


2 3 
coso (%2) (2) +sin? (2) 
1 ds ds ds 


t=- Se. Taa ieee a a a a e e E eae ss (8.117) 
K 2 2 
vsino|(%2)[4 >| 6 22) 
ds }\ ds ds ds 


Examination of Eq. 8.117 immediately reveals that if the hole azimuth angle is not changing along the well- 
bore trajectory (e.g., if the well path is in a vertical plane), the wellbore torsion is nil. For a given wellbore 
curvature, the wellbore torsion is a function of the build and turn rates as well as their derivatives, as stated 
below: 


T -b reoso( 2" +T’ sin’ o )+sino( 22-7 2)] E S E eas (8.118) 


Eq. 8.118 can be simplified for some specific cases by assuming constant build and turn rates. 


Example 8.21 Suppose that a well path is part of a circular helix. Calculate the wellbore curvature and torsion 
if the turn rate T = 6.5°/100 ft and the hole inclination angle ọ = 65°. 
Solution. To calculate the curvature, Eq. 8.110 is used: 


K=ų4B° +T’ sin’ o =T sing = (6.5)sin(65) = 5.9° /100ft, 
To calculate the torsion, use Eq. 8.118. Because for a circular helix, B = 0 and aT =0 
ds 


(ọ = constant and T = constant), 


T= 4 (cosg sin? 9) T? =T cosg =(6.5)cos(65) = 2.75°/100ft. 
K 


Example 8.22 A wellbore trajectory has been designed using the RCM. For a build rate of B = 0.12°/ft anda 
horizontal turn rate of H = 0.14°/ft, calculate the wellbore curvature and torsion at the hole inclination angle p = 
55°. 

Solution. Eq. 8.110 is used (note that T = H sin? @) to calculate the wellbore curvature: 


x= JB? +H? sin? ọ = (0.12) +(0.14) sin*(55) = 15.24°/100ft, 
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and the wellbore torsion can be obtained from Eq. 8.118: 
Hsin gcos o 
Tt =——— 
K 
_ (0.14) sin(55) cos(55) 
(0.15247 


(3B +H’ sin’ p) 


[3(0.12)? +(0.14} sin*(55) ]=14.73°/ 100 


From the above example as well as similar calculations for some other cases, one can conclude that the magnitude 
of wellbore torsion can fall into a range similar to that of wellbore curvature. 


8.4.3 Calculating a Well Trajectory From Survey Data. Once a well is drilled out, its actual position must be evaluated 
in terms of the three-dimensional coordinates (x,y,z) and the inclination and azimuth angles along the well path. An im- 
portant issue here is how far the actual wellbore path is from the designed trajectory. Normally, some type of survey instru- 
ment, such as a magnetic compass or a gyrocompass, is used to measure the inclination and azimuth angles at various 
depths, and then the trajectory is calculated using the appropriate equations. Fig. 8.54 shows the standard way to represent 
part of a trajectory in the case where surveys have been taken at Points 1 and 2. 

The points where the measurements are taken are called the directional stations or simply stations. The inclination 
is the angle between the vertical and a tangent to the wellbore at a survey point. The azimuth is the angle between north 
and the projection of the tangent on a horizontal plane. At each station, the inclination angle @ and azimuth angle V are 
measured and corrected to true north, in the case of a magnetic survey, or for drift, if a gyroscopic survey was taken. 
Of course, the MD s at which the surveys were taken is also known. As previously determined, the hole inclination 
angle and azimuth define the unit tangent vector f . The x-, y-, and z-components of the unit tangent vector are 


fei= i= sin cos Gio Sete teei eae ee Hise See eee ea ede See ea (8.119a) 
fej =t, =singsin 9 


ste E EEE ep ete dane see eee (8.119b) 


iek =t, SGP A Die Sees ede ee da ee eee eee ees (8.119c) 


y,E 


Station 1 


Station 2 


Z 


Fig. 8.54—Two survey stations on a 3D wellpath. 
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If it were known how the angles @(s) and Xs) vary between stations, then the trajectory could be determined by 
integrating Eq. 8.119: 


x% =x +f” tds = x, +f” sing(s)cos8(s)ds L.a aaao arara (8.120a) 
y,=y, +j t,ds=y, +j SORE OL T (8.120b) 
Zz =Z% + i tds = z + f A E E ETET (8.120c) 


Because at the time the directional survey is performed, it is not known how the inclination and azimuth angles 
@(s) and Xs) change between the stations, there is no choice but to introduce some assumptions which will make 
it possible to carry out the required integrations. 

Average-Angle and Tangential Methods. Perhaps the easiest case, although it is not very likely, would be to 
assume a constant tangent vector between the stations. In other words, if both the inclination angle and azimuth 
are assumed constant between the stations, then integration of Eq. 8.120 gives a straight line in the (x, y, z) system 
of coordinates: 


Ky SH F(SINPCOSM)AS, ys decd dad dwadawd ghee GA ea bbe Sad Ede ae Bag ae cae (8.121a) 
Y= V CMO SIND AS, o53s iw cgoad ee eed Pubs ae eed oes od ob4u Poaak chk a oebedordeds (8.121b) 
Ze SE RCOSQASS he. E eared oe SHS oha uber & Md SRS WON ew aul eee eee we be (8.121c) 


A fundamental question here is what angles to use in Eq. 8.121. Several versions of Eq. 8.121 have been used by the 
industry over the years in the early stages of directional drilling. The first method is called the tangential method, in which 
the value of f used is the value at s,, and, hence, the inclination and azimuth angles in Eq. 8.121 are set to @, and 0,. If 
the angles at the lower end are used, the inclination and azimuth angles in Eq. 8.121 are set to @, and ®,to determine the 
tangent vector; this approach is called the terminal-angle method. In other words, in the terminal-angle method, the 
straightline path is assumed to have the same inclination angle and azimuth angle as that measured at the lower of the two 
survey stations. Another method, the AAM or angle-averaging method, determines the constant values using the algebraic 
average inclination and azimuth angles over the interval between Stations 1 and 2. Hence, for this case, 


PSR POMOC IN: 58s05es5ettbevwevacscusesoobatees Hie dudsectbes tensed (8.122a) 
y, =y HEM sin JAS, h.cierssecduisdevardoadesdeabeonst nose duacecddew deuce (8.122b) 
Dm Zt COSO AS oterao VGA TERNS cdot Site Rare VE INR GREER wee ae ata (8.122c) 


where the average algebraic values are @ = ACA + p) and 9 = 44(A + 3; ) as shown in Fig. 8.55. 

A potential pitfall in using Eq. 8.122 arises when the angles are close to zero and 27. For example, if one angle 
is slightly less than 27 and the other is slightly greater than zero, then the average angle will be near z instead of 
near 0. To obtain the correct result, either 27 must be subtracted from the first angle or 27 must be added to the 
second angle. Care must be taken to ensure that a reasonable result is obtained. The second pitfall occurs in the 
case of nearly vertical wells. In this case, the azimuth angle becomes undefined. Neither of these methods is con- 
sidered sufficiently accurate for modern use. 

RCM. This method uses sets of angles measured at the upper and lower ends of the course length to generate 
a 3D wellbore path that has a shape of a spherical arc passing through Points | and 2, as shown in Fig. 8.56. 

The unit tangent vectors are as follows: 

At Point 1: 


T (s) = Stig Cos i +sing SG, FHOOG KR voicdvind Heriivasrindeiigriedsiatsseceses (8.123) 


and at Point 2: 
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Fig. 8.55—AAM. 


Fig. 8.56—RCM. 


7(s,)=sing, cosd,i+sing, sin, f+ cos@k ccc cece cece neces (8.124) 


Therefore, the difference between the position vectors, AF, is 
AF =F(s,)—F(s,) = [[.'sin pcos 9s) i + (f singsingas) j 


(f cospds) k| Ss SiS pees pees ee ey Goose E nee aon ieee (8.125) 
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Similarly to previous cases, the integrals in Eq. 8.125 can be evaluated for the case where the build and hori- 
zontal turn rates are constant between the two survey stations. In this case, 


Ar =F(s,)—-F(s,) = ti sin pcos 9 A J fi sin osin 9 


{ f cose) i Sater peated che ees ae aoe E E (8.126) 


Upon integration, the x-, y-, and z-components of AF can be obtained: 


re -(=4 dj sae 0474 Sees )g MERTER TENETE ETTE (8.127) 
H H B 


Examination of Eq. 8.127 reveals that, as expected, the same equations were obtained for the rectangular coordi- 
nates as for well-path design using the RCM. 

Minimum-Curvature Method. In this method, the two tangent vectors are connected by a circular arc, as illus- 
trated in Fig. 8.57. 

By imposing the requirement that the arc between F; and F, have a minimum curvature, it follows that the arc 


must be located in a plane. In other words, the minimum-curvature arc is a part of a plane 


circle of radius R = i , as shown in Fig. 8.58. 


In Fig. 8.58, the wellbore segment between 7, and F, is represented by a circular arc of radius R over angle B 
(the DL) connecting two tangent vectors, f, at MD s, and f, at MD s,. The arc length is RG = s, —s, = As. Note 
that the angle f is also the angle between the tangents f, and f, and is given by Eq. 8.109, which was derived 
earlier. The corresponding position vectors are 7; (s,) and 7, (s, ). 

The vector connecting Points 1 and 2 is denoted by AF and is equal to AF =F, (s, ) -F (s, ). 

If AF is known, the change in coordinates Ax, Ay and Az can be determined as for the RCM. It can be shown 

that for any point on the arc between Points 1 and 2, 


F(s)=F(s,) +,Rsin| «(s—s,) | +7i,R{1 —cos| «(s—s,)]}. a eas ae ease eeae Pee ee taad uae eee: (8.128) 


Fig. 8.57—Schematic of minimum-curvature method. 
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Fig. 8.58—Segment of a circular arc. 


Differentiating Eq. 8.128 with respect to s yields the unit tangent vector f (s) : 
T(s)=7 cos|x(s-s,)]+7 sin[æ(s-9,)]. astvedginveeaiet dan eeng seca Senelnnecinnen (8.129) 


Differentiating the unit tangent vector, the unit normal vector is obtained: 


i(s) = -n -7 sin[x(s-s,)|+7 cos[æ(s-s,)]. diviieinnas a sera ap eee eer eerie. (8.130) 
K ds 


Eqs. 8.129 and 8.130 make it possible to calculate the unit tangent and normal vectors at any point along the 
minimum-curvature trajectory for s; < s < s,. Note that, as expected, at . 


Also at s = s, 


EO Se HO cos(x Aah sin( CAs) atcnbevsuie isre mins nend rrddda assisia (8.131) 


Because the unit tangent vectors f, and f, are known (@ and 9 are known from survey stations), Eq. 8.131 can be 
solved to obtain the unit normal vector at P: 

_ #,-i,cos(k As) T -7 cosg 
ñ = E : 
sin(x As) sin B 

Note that Eq. 8.132 fails if ¢, = t. For this case, Eq. 8.121 for a straight wellbore should be used. For s = S» Eq. 
8.128 can be written as 


Pease a eS ee de (8.132) 


7 (s)-7 (S|) SAP =(Rsin 2) +R(1- COS Fie seessreeseredesasge cary ee eewen ve xeaqels (8.133) 


> A 
Substituting for 7, in Eq. 8.132 and setting R = 2 ; 


Ar = (7, Eak] e a r a ceenes (8.134) 


Substituting known survey data for the unit tangent vectors yields the desired equation in rectangular coordinates: 


xX, =x,+ (sin p, cos. % + sing, cos 9, )RF, Beaks a GIS cesta a i Bees oe Ses (8.135a) 


y, =y, +(sing Sind +sing, sing% )RF, ish rsia heath iens sci h Mishijead acess eats (8.135b) 
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g HS (cosp PCOS RE, 625 6b bb shh wes imina a a ss wwddeee se (8.135c) 
where the ratio factor RF is defined as 


RF = Stank, aise yee E E tas E aarad Ah, tnd ahd ha ed dele ca len ea ae eh Sin ak ee de ae (8.136) 


The reader can immediately notice that Eqs. 8.135 derived above are the same as Eqs. 8.31 and 8.32 for the 
minimum-curvature method and its application to trajectory design. 

Analysis of Eqs. 8.129 and 8.130 shows that if several subsequent survey points are considered, the minimum-cur- 
vature trajectory is smooth (its derivatives are continuous) at the survey points. Moreover, because the trajectory be- 
tween two successive stations is a plane curve, the torsion of each segment is zero. However, although the tangents are 
continuous in the minimum-curvature method, the normal vectors are discontinuous at the survey locations. In other 
words, the minimum-curvature trajectory obtained from several survey stations will have discontinuous curvature. 


Example 8.23 The following data have been obtained from directional surveys: 


MD,ft Inclination Angle, Azimuth Angle, 
degrees degrees 

7,100 0 0 

7,200 10.1 S68W 

7,300 13.4 S65W 

7,400 16.3 S75W 

7,500 19.6 S61W 


Calculate the rectangular coordinates x, y, and z using 


e The tangential method 
e The AAM 
e The minimum-curvature method 


At the MD s = 7,100 ft, the coordinates are x = 0; y = 0; and z = 7,100 ft. 

Solution. The sequence of calculations will be presented for measured-depth values of 7,200 ft and 7,300 ft. 
The reader is encouraged to complete the calculations for the two remaining stations. The coordinates will be 
calculated using the tangential method. 

According to Eq. 8.121, at s = 7,200 ft, x = 0, y = 0, z = 7,200 ft (Note: @ = 0 because the inclination angle at 
Station 1 is used). 


And at s = 7,300 ft, 

x=0 + sin (10.1) cos (180+68) (100) = -6.57 ft, 
y =0 + sin(10.1) sin (180+68) (100) = -16.26 ft, 
z= 7,200 + cos(10.1) (100) = 7,298.5 ft. 


To use the AAM, the average hole inclination and azimuth angles at s = 7,200 ft must first be calculated: 
@ =5.05° and 9 =S68W = 248° 


Now Eq. 8.122 can be used to calculate the coordinates: 


x = 0 + sin (5.05) cos (248) (100) = -3.30 ft, 
y = 0 + sin(5.05) sin (248) (100) = -8.16 ft, 
z= 7,100 + cos (5.05) (100) = 7,199.61 ft. 


In a similar manner, values at s = 7,300 ft are obtained: 
@=11.75° and & =246.5° 
and the corresponding coordinates are 


x = -3.30 + sin (11.75) cos (246.5) (100) = -11.42 ft, 
y =-8.16 + sin (11.75) sin (246.5) (100) = -26.83 ft, 
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z= 7,199.61 + cos (11.75) (100) = 7,297.51 ft. 
To use the minimum-curvature method, the DL and its corresponding RF must first be calculated. At MD s = 
7,200 ft, the DL is 


B= arccos( sin 0— 10.1cos0 + cos0cos10.1) =10.1° = 0.176 radian, 


and the RF is 
RRS pe N lanl Ol oain: 
B 2 (0176 2 


Now the coordinates can be calculated using Eq. 8.135: 


x = 0 + (sin 0cos248 + (sin 10.1) cos(248))50.21 = -3.30 ft, 

y =0+(sin0cos 248 + (sin10.1)sin(248))50.21 = -8.16 ft, 

z =7,100 +(cos0 + cos10.1)(50.21) = 7,199.64 ft. 
Consequently, at MD s = 7,300 ft, 


B= arccos(sin 10.1 sin 13.4cos(—3)+cos10.1cos 13.4) = 3.355deg = 0.059 radian, 


pps 100 an 8355) 
(0.059) 2 


= 49.64 ft, 
x =-3.30+ (sin 10.1 cos 248 + sin13.4 cos 245) (49.64) =—11.42 ft, 


y=-8.16+ (sin 10.1 sin 248 + sin13.4 sin 245)(49.64) = —26.66 ft, 


z= 7,199.64 + (cos10.1+cos13.4)(49.64) = 7,296.8 ft. 


The reader is encouraged to use the RCM and compare the results. 


8.4.4 Interpolation Between Survey Stations. If survey stations are not located close enough together, in- 
terpolation is frequently required to calculate hole inclination and azimuth angles as well as build and turn 
rates along the trajectory between two successive stations. Such calculations are particularly important for 
accurate casing design, torque-and-drag predictions, and hole-cleaning calculations. The following discussion 
shows how to carry out interpolation calculations for hole inclination and azimuth angles and build and turn 
rates using the minimum-curvature method. For this purpose, let as consider the following two numerical 
examples. 


Example 8.24 The following are two directional-survey measurements taken 100 ft apart: 


Station 1: @, = 13.4°,0, = S65W = 245° 
Station 2: @, = 16.3°, 0, = S75W = 255° 


Calculate the hole inclination and azimuth angles at the midpoint (50 ft from the first station), 
assuming a minimum-curvature well path. 
Solution. The unit tangent vector was given by Eq. 8.106 but is repeated below for the reader’s convenience: 
(a) f(s) =(singcos Mi +(sin osin Dj +(cos@) k. 


For the minimum-curvature well path, the unit tangent vector was given as Eq. 8.129, but again is repeated below: 


b) T(s)=F cos| x(s-s,)|+7, sin| x(s-s,)]. 
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Multiplying (dot product) Line (a) by k yields the z-component of the unit tangent vector: 
(c) Tek =cos o(s) 
In a similar manner, from Line (b), 
(d) Fek =cosg, cos| «(s—s, )] +f, ok sin| x(s-s, )] 
Comparing Lines (c) and (d), 
(e) cosg(s)=cosg, cos] «(s -=s )] +7 ek sin| «(s -=s J]. 
Line (e) enables calculation of the hole inclination angle at any arbitrary point of a minimum-curvature trajectory 


if the dot product 7, ° k can be determined. 
For the minimum-curvature method, the unit normal vector at Station 1 is given by Eq. 8.132: 


= | a ee 
ii, = t, -T cos 8). 
OA Sing? 1 08 £) 
Hence, 
(g) ek= l (cos p, —cos p, cos £) 
sin 2 


Substituting Line (g) into Line (e) gives 


cosp, — coso, cos p \ . 
(h) cosg(s)= (coso, Jcos[x(s S, )] +f aap Joleen ik 


Line (h) enables calculation of the hole inclination angle o(s) along the well trajectory between surveying Stations 
1 and 2. First, however, it is necessary to calculate the DL angle p and the wellbore curvature k. 
From Eq. 8.109, 


B= arccos| sin (13.4) sin(16.3)cos(10) + cos(13.4)cos (16.3) | = 3.86°. 
Hence, the wellbore curvature is 


Gy K= ~ = 0.0386°/ft. 


Now, using Line (h) at a distance s—s, = 50 ft from the first station gives 


cos(16.3) —cos(13.4) cos(3.86) 
sin(3.86) 


cos o = cos(13.4) cos(1.93) + l | sin(1.93) = 0.9668. 


Consequently, the desired wellbore inclination angle is 


Gj) p= arccos (0.9668) = 14.79°. 


The calculations of the azimuth proceed as follows: 
From Line (a), the x-component of the unit tangent vector can be obtained: 


Tei =sing cos 
Consequently, 


(k) G= eos ae: } 


sing 
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The dot product of the 7 and 7 unit vectors is now required. 
From Line (b): 


(1) Tei =i, ei cos| «(s-s,)|+e7sin[ x(s-s,)]. 


It is known that 


m) f ei =sin gp, cos 9 = sin(13.4) cos(245) = —0.0979, 


and 
ie (z ei -i, i cosp) 
| sings? 7 
= T (sin p, cos 9, -sin g, cos 9, cos £) 
(n) = aa (16.3) cos(255)—sin (13.4) cos(245) cos(3.86)) = 0.3725 


Substituting Line (m) and Line (n) into Line (1) and the result into Line (k) yields the desired azimuth angle: 
—0.08534 
sin(14.79) 


G= arcs = arccos(—0.3342) = 250.47°. 


Note that two answers are possible for the azimuth angle, but only one is a reasonable choice for the problem 
under consideration. 

The purpose of the next example is to show how to calculate the build and turn rates using the minimum-cur- 
vature method. 


Example 8.25 For the directional-survey data in Example 8.24, determine the build and turn rates at the mid- 
point of the minimum-curvature trajectory. The reader is advised to review the Example 8.24 solution before 
working on the one given below. 

Solution. It is known that the z-component of the unit normal vector is given (Eq. 8.111b) by the following 
equation: 


(a) n, = (sing) = (-sing)=. 
s 


Moreover, the unit normal vector for the minimum-curvature well path (Eq. 8.130) is 
(b) a(s)=-f, sin| «(s -=s )] + ii, cos| «(s -=s )]- 

Multiplying (dot product) Line (b) by k, the z-component of the unit normal vector is 
© n =fi(s)*k =-4, *ksin[ «(s—s,) |+i, *kcos| «(s—s,) ]. 


and substituting for the dot products in Line (c) yields 


; cos p, — cos p, cos B 
d) n, =(—cos@)sin| «(s—s,)|+ cos| K(s—s, ) }. 
O n =(-coso)sin[e(s-5J] 4] ERSE E Neos efs- s)] 
By comparing lines (a) and (d), the build rate at any point on the well trajectory between survey Stations 1 and 2 
can be determined. 
For the midpoint, it is known that 


@ = 14.79° 
and 
K(s—s,) = 1.93°. 
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Consequently, from Line (d), n, = —0.1924, and from Line (a), the build rate B = 0.0291°/ft = 2.91°/100 ft. 
To calculate the trajectory turn rate (walk rate), the z-component of the unit binormal vector will be needed. It 
is known (Eq. 8.112a) that 
1 d9 
b, =—sin’ p—. 
(e) ”: K P ds 


For a minimum-curvature trajectory, the unit binormal vector is 


Substituting for ñ> 
>- xÉ 
(g) b=-— 
sin B 
Therefore, the z-component of the binormal unit vector is 
sing, sing, sin(9, -9 ) 
sin 2 ` 


Hence, b, = 0.1678, and the desired turn rate from Line (e) is 


Wapi 


dd _ T= (0.1678)(0.0386) 


= = 0.0994°/ ft = 9.94°/100 ft. 
ds sin’ (14.79) 


8.4.5 Tool-Face Angle Control for a Minimum-Cur vature Trajectory. As shown in Examples 8.24 and 8.25, 
drilling a well that follows a minimum-curvature trajectory involves continuous changes in hole inclination and azi- 
muth angle. Such changes in general result in variable build and turn rates along the minimum-curvature path. The 
challenge here is to derive an equation for calculation of the instantaneous tool-face angle y(s) along the trajectory if 
the hole inclination angle @(s) and azimuth (s) are known. 

To solve this problem, it is convenient to introduce two more unit vectors: the high-side unit vector, h, and the 
right-side unit vector, Y, as shown in Fig. 8.59. As their names indicate, these vectors point out to the high and 
right sides of the wellbore. 


34 
5 


<] 


Fig. 8.59—High- and right-side vectors. 
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In Fig. 8.59, a 3D minimum-curvature well segment is denoted as AB, and at Point P, the unit tangent, normal, 
high-side, and right-side vectors are denoted as f, ñ, h, and ¥, respectively. At Point P, the hole inclination angle 
is @ and the azimuth is ©. 

The high-side unit vector h lies in a vertical plane of the well and is normal to the unit tangential vector 7 ; 
hence, its inclination angle is = (90° + @) and its azimuth is V. The right-side unit vector Y lies in a horizontal plane 
perpendicular to both f and h vectors; hence, its inclination angle is 90° and its azimuth is (8 +90°). 

Consequently, if the unit tangent vector is known, the unit high-side and right-side vectors are 


h= (coso cos di +(cospsin 9) +(- sing)k Sod clogs oe ie 2s Wie ater i agra ae ap E esas aa oe (8.137) 
and 
P=(—sin Ji +(cos 9) j. Aqicdstx see onnar nnno nuur Scale bab antseewoeruaniedssiee es (8.138) 


The Y vector is perpendicular to the k vector, and its z-component is nil. The tool-face angle yis the angle between 
the unit vectors h and 7; hence, 


WER COSY eiieadh tent ae Dh Guts RE HR ce tag Sia aaa a pii a Sa Ei een ol GLE D (8.139) 


TSE SUM e E E EE EE ER tan ee e E E ee raves aa tra ae EEE (8.140) 


y = arctan ZË), EE E E E E T (8.141) 


Example 8.26 Consider a segment of a minimum-curvature wellbore as described in Example 8.24. Calculate 
the tool-face angle yat the midpoint with ọ = 14.79° and ® = 250.47°. 
Solution. Using Eq. 8.137, the components of the unit high-side vector can be calculated as 


h(s = 50 ft) =(cos(14.79) cos (250.47) ) ï + (cos(14.79)sin (250.47)) j +(—sin (14.79))k, 


(a) h =(-0.3232)i +(-0.9112) j +(-0.2553)k. 
The unit normal vector ñ (s) is given by Eq. 8.130 and is repeated here for the reader’s convenience: 
b) n(s)=-7, sin| x(s—s, )] +n, cos| «(s—s, J], 


where 
f, -1 cos B 
sing ` 


It is necessary to calculate the unit vectors f, and £: 


(c) 7, = 


(a) į =(sin(13.4)cos(245))i + (sin (13.4)sin (245)) j +cos(13.4)k 
= (-0.0979)i + (—0.2100) j +(0.9728)k, 


7, =(sin(16.3)cos(255))i + (sin (16.3)sin (255)) j +cos(16.3)k 
= (-0.0726)i +(—0.2711) j +(0.9598)k. 
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It is known that cos B = 0.9977; substituting Lines (d) and (e) into Line (c) yields the unit normal vector at Point 
ile 


(f) 7, =(0.3724)i +(-0.9150) j +(-0.1604)k. 


In the present case, K (s — s,) = 1.93° and substituting Lines (d) and (f) into Line (b) yields the unit normal vector 
at the midpoint: 


(g) “(s=50 fr) =(0.3755)i +(—0.9074) j + (-0.1922)k. 
Now the dot product he i = 0.7545 can be calculated and, using Eq. 8.139, the desired tool-face angle is obtained: 
y = arccos(0.7545) = 41°. 
The deflection tool must be turned 41° to the right from the high-side angle to obtain the required hole incli- 
nation and azimuth angles. The reader is encouraged to verify the calculations using Eq. 8.140 and to write a 
computer program to perform the calculations after every 5 ft of drilling. 


The tool-face angle can also be obtained directly from Eq. 8.111b because n, = -0.1924 has already been cal- 
culated in Example 8.25. One can easily verify that by using Eq. 8.111b, the tool-face angle is calculated as 41°. 


8.4.6 Review Questions and Problems. 


. Define the curvature vector and provide its geometric interpretation. 

. Define the torsion of a 3D curve and provide its geometric interpretation. 

. Explain why torsion is nil if the well path is in a 2D plane. 

. Write the Frenet-Serret equations. 

. Derive Eq. 8.109 for calculating the DL. 

. Show that the z-components of the unit normal and binormal vectors can be expressed in terms of the 
hole inclination angle @ and the tool-face angle y by means of the following equations: 


NnBWN re 


n, = -sino cosy, 


b, =-singsiny. 


7. Show that for a minimum-curvature well trajectory with DL f, the z-components of the unit tangential, 
normal, and binormal vectors can be calculated from the following equations: 


1 . ({ 5, -S, . ( S-S, 
t= sin COs + sin cos 
: A | As p) á í As a 


1 f f . f 
n, = gz g, cos p, sin A% — cos g, sin g, sin FY, ) 
“ sinp 
sin| 2—* £ |sing, sin J, +sin s £ |sing, sin 9, 
As As 


+ (sin g, cos p, cos & — cos p, sing, cos FY, ) 
sin| 2—* £ | Bsing, cos 9 +sin s B |sing, cos 9, 
As As 


b, = [ sing, sinp, sin(.%, — 9, )], 


where ¢,,3, and @,, Ò, are the inclination and azimuth angles at the beginning and end points of the 
wellbore segment; s, and s, are the MDs at the beginning and end points, As = s, —s,; and s is the MD at 
any arbitrary point between the limiting points. 
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8. Calculate the wellbore torsion for a point on a well trajectory with given DLS = 12°/ft and 
B = 10.6°/ft at hole inclination angles of ọ = 58.2° and @ = 86.7°. 
9. Is it true that using the AAM for evaluating directional surveys will result in a wellbore composed of a 
number of straight segments? 
10. For the data in Example 8.23, calculate the trajectory coordinates using the RCM. 
11. The following information is available along the well path: 


Hole Inclination 


Point MD, ft Angle, degrees Direction 
1 3,424 26.5 N50W 
2 3,517 26.75 N48W 
3 3,640 27.0 N46W 
4 3,734 26.75 N43W 
5 3,829 27.5 N41W 


The rectangular coordinates at Point 1 are x = 257.9 ft, y = —266.4 ft, z = 3368 ft. Determine the x,y,z coordinates 
for Points 2 through 5 using the minimum-curvature equations. 
12. Consider two points on a well-path segment with the following hole inclination angles and azimuths: 


Inclination Angle, Azimuth Angle, 
Point degrees degrees 
1 @=45.9 0 = 7.59 
2 @=50.0 Ù = 39.8 


The distance between two points as measured along the well path is As = 801 ft. Calculate the hole inclina- 
tion and azimuth angles at the distance of 202.5 ft and 607.5 ft from the first point, assuming the following: 
(a) minimum-curvature trajectory 
(b) constant curvature and build rate trajectory 
13. Wellbore data as in Problem 12. Calculate the build and turn rates at the midpoint, assuming a minimum- 
curvature trajectory. 
14. Data as in Problem 12. Formulate the high-side and right-side unit vectors and calculate the tool-face 
angle at the midpoint. 


8.5 Torque-and-Drag Modeling and Calculations for 2D Well Profiles 

In this section, equations are provided for calculating the tension (compression) along a length of drillstring or 
casing being slowly pulled from or lowered into a directional well. The well path is assumed to be 2D and con- 
fined to a vertical plane. Allowance is made for the distributed pipe weight, friction, and hole curvature. On the 
other hand, the pipe bending stiffness and couplings are not taken into account. In other words, for the sake of 
simplicity, the string is treated as a continuous flexible cable or rope. 


8.5.1 Introduction. For effective drilling, it is necessary to apply a force to the drill bit and to rotate it to 
obtain the desired rate of drilling. In conventional rotary drilling, the force on the drill bit is achieved by 
slacking off a part of the weight of the BHA, and the bit rotation is accomplished either by rotating the entire 
drillstring or by means of a downhole motor. Frequently, even if a downhole motor is used, the drillstring is 
also rotated to increase the rate of drilling and to improve transport of cuttings from the drill bit to the top of 
the hole. 
In the ideal case of vertical drilling, the hook load (weight indicator at the surface) is attributable to the weight of 
the drillstring (drillpipe, BHA, and other components) in drilling fluid, reduced by the weight of the portion that is 
slacked off on the drill bit, which is usually simply called the WOB, that is 

F, =W, 


dp 


EW a o WOB a E E E E ener R (8.142) 


where W,, = weight of drillpipe in drilling fluid, W,,,, = weight of BHA (drill collars, downhole motor, MWD 
unit, stabilizers) in drilling fluid, and WOB = weight on bit. 

Usually, the pipe weight in drilling fluid is called the effective weight or buoyant weight. For the sake of sim- 
plicity, dynamic forces due to acceleration are disregarded in the torque-and-drag analysis. 
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If the well deviates from the vertical, the drillstring will be in partial contact with the wall of the wellbore, and 
so-called drag forces will develop due to friction between the contacting surfaces. Because drag forces always 
oppose the direction of motion, the hook load is at its highest during tripping-out operations. The difference in 
hook loads during tripping into and tripping out of the well is a very good indicator of the magnitude of the down- 
hole friction forces. In a good-quality vertical wellbore, the difference in hook loads during tripping-in and trip- 
ping-out operations is expected to be small. 

The torque (moment) required to rotate the drillstring consists of three major components: torque required for 
rotating the drill bit, torque for rotating the drillstring to overcome viscous drag due to drilling fluid, and torque 
due to the contact forces between the drillstring and the wellbore. This can be expressed as 


M SM MaM a enc chai R A E ead ee (8.143) 


vd 


where M_,, = torque required to rotate the drill bit, M „ = torque to overcome viscous drag, and M „= torque to 
overcome drag resulting from contact forces. 

In a good-quality vertical hole, the total torque is controlled by the first two components in Eq. 8.143. In direc- 
tional drilling and particularly in horizontal wells and ERWs, the third component is dominant and is of great 
concern for well designers. 

Accurate predictions of the forces and torques required for drilling and casing-running operations are very 
important for calculation of the horsepower needed for drilling (e.g., the selection of rig hoisting and rotary equip- 
ment), for evaluation of the mechanical integrity of drillstring and casing components, and for prediction of dif- 
ficulties with casing running, wellbore stability, and control of penetration rate. 

During drilling, the torques and forces are measured at the top of the hole and frequently above the drill bit. 
These measurements are carried out and recorded in real time and are very useful for detecting potential hole 
problems such as poor hole cleaning, differential pipe sticking, and hole spiraling. Any significant deviations of 
the actual measured values from those obtained from well-planning calculations are early indicators of poor hole 
quality. A good-quality wellbore should be smooth, in gauge, and free of local DLs. Benefits include trouble-free 
drillstring and casing tripping, logging, and cementing operations. 


8.5.2 Axial Drag-Force Calculations. Straight Inclined Wellbore. To explain the concept of axial drag, let us 
consider a smooth pipe (no tool joints) with a unit weight in fluid of Wy in a straight but inclined wellbore with 
inclination angle @, as shown in Fig. 8.60a. The pipe is pulled out slowly, so acceleration effects can be ignored. 
The force at the bottom of the pipe is given and equal to F. The task at hand is to calculate the magnitude of the 
pulling force F, at a distance L from the lower end. 

To generalize, let us consider the static equilibrium of a small (differential) pipe element with a length of ds and 
a weight in fluid of wads. In other words, the pressure forces attributable to the drilling fluid are not shown on the 


F2 


t 
A ra 
Wc ds 


(Wbp sin y)ds F+dF 


F, U W, ds 


(a) (b) Wap dS 


Fig. 8.60—(a) Pipe with length L in a straight inclined hole; (b) free-body diagram for pipe in a straight inclined hole. 


540 Fundamentals of Drilling Engineering 


free-body diagram (FBD), but their effect results in a pipe unit effective (buoyant pipe) weight w,, An FBD for 
this element is shown in Fig. 8.60b. It is convenient to use a t-n coordinate system as shown in Fig. 8.60b, with 
the positive t acting up the wellbore. 

Let F be the tension at the lower end of the differential pipe element and F+dF the tension at the upper end. The 
force F is also called the axial effective force. Let w ds and uw ds be the normal and tangential reactions of the 
wall of the hole on the differential element of pipe, where. The sliding friction force is pointing downward be- 
cause the motion is assumed to be upward. Note that the shear forces are not shown on the FBD because they are 
nil for a straight pipe. 

Equilibrium of forces in the normal (perpendicular to the pipe axis) and tangential (parallel to the pipe axis) 
directions gives the following: 

In the normal direction: 


Te ee ee eee eee ay eee ene eee eee (8.144) 


In the tangential direction: 


(F+dF)-F-(w, ds)cosp- uw,ds=0. chess trae dean rn kaanianee eee ieee ytees (8.145) 


Substituting Eq. 8.144 into Eq. 8.145 yields 


dF = u (w, sing)ds + (w, COSØ)dS. yk ta ks peda dueoe ee RAa RA OLR R RSS PLAS EEEREE TEED) (8.146) 


Integrating Eq. 8.146 gives the force at the upper end of the pipe: 


F, = F + HW, sin p)L + (w, coso)L. aereuaxyeyewr saad eye beeen seas Mee eeonhendews (8.147) 


Clearly, the axial force F, is composed of three terms that represent the force applied at the pipe bottom (e.g., 
the weight of pipe suspended below the cross section under consideration), the friction force component [ 
(w,, sing)L], and the weight of the unsupported part of the string [(w,, cos@)L]. If the pipe is lowered down 
(tripping in the hole), the sign of the friction component needs to be changed because friction force always op- 
poses motion. Hence, 


F, = F fie ano LEG) COs)L. 2icinond cocaidcacgdoaubieciianem sd eneteaanhy (8.148) 


For example, if the hole inclination angle is 45°, the effective pipe unit weight is 16 lbf/ft, the length of the seg- 
ment is 300 ft, the coefficient of sliding friction is 0.3, and the force at the lower end is 10,000 Ibf, the force at the 
top of the segment is 14,412 lbf for tripping out and 12,376 lbf for tripping into the wellbore. 

Examination of Eq. 8.148 tells us that the force F, may be positive (tension), zero, or negative (compression). 
If the force F, is negative, this indicates that the weight of the pipe is not sufficient to move it down. In other 
words, a negative force indicates that pushing (compression) must be applied to the pipe at the top to slide it into 
the hole. Application of a pushing force is frequently required in highly inclined wells and is always needed in a 
horizontal well. If the compressive force is high enough, the string buckles into a 3D snake shape. This is called 
lateral, snaky, or sinusoidal buckling. Eventually the pipe may even assume a helical shape if the force is large 
enough, which is called helical buckling. 

During drilling operations, the friction coefficient u in Eqs. 8.147 and 8.148 is determined under actual borehole 
conditions to match the measured forces at the top of the hole. Consequently, it also includes the effects of poor hole 
cleaning (cuttings buildup in horizontal and highly inclined parts of the wellbore), tight hole conditions, differential pipe 
sticking, washouts, keysets, and local wellbore irregularities. Therefore, this quantity is sometimes called the wellbore 
friction factor rather than the friction coefficient. To match the hook loads for tripping into and out of the hole, two dif- 
ferent values of wellbore friction factor must sometimes be used. If the wellbore is clean and free of other problems, the 
sliding friction is the main factor affecting drag forces and torque and is not dependent on the direction of pipe motion. 

Typically, well designers assume a sliding friction coefficient between 0.2 and 0.4 (depending mostly on the 
type of rock and drilling fluids) at the planning stage of well development. However, friction factors of up to 0.8 
have been reported in the literature. 

Table 8.4 gives friction factors for drilling and casing-running operations in three different regions and using 
two different drilling-fluid systems. 
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TABLE 8.4—FRICTION FACTORS FOR DRILLING AND CASING-RUNNING OPERATIONS 
(Mason et al. 1999) 


Drilling 12%-in. Open 9%-in. Casing-Running Open 


Region Drilling-Fluid System Hole Hole 
North Sea Oil-based 0.10-0.20 0.25-0.40 
Caspian Sea Oil-based 0.20-0.30 0.30-0.50 
Alaska Water-based 0.15-0.25 0.30-0.40 


The friction-coefficient values given in Table 8.4 are for a moving drillstring and represent the so-called dy- 
namic coefficient of friction. The static coefficient of friction is somewhat greater. In other words, a greater force 
is required to initiate string motion than to keep a string in motion. The difference in the static and dynamic coef- 
ficients of friction and the presence of drillstring elasticity result in a slip-stick type of motion that is particularly 
apparent when the string is being pushed down the hole. This slip-stick motion causes dynamic loading of drill- 
string components that may be detrimental to the drillbit and to the downhole motor. Uneven loading of the drill 
bit also causes changes in the deflection tool-face setting that must be frequently corrected to drill the desired well 
trajectory. Because of the elasticity of the drillstring, some portion of the friction force may be trapped and even- 
tually released, resulting in unexpected string movement. 

Over the years, a number of techniques have been developed to reduce longitudinal (sliding) drag. These in- 
clude various lubricants added to the drilling fluid, rollers, vibrations (hydraulic and mechanical), and special 
procedures that involve turning the pipe to the right and then to the left through an angle that is sufficiently large 
to break down most of the axial friction without affecting the orientation of a bent housing or sub that is used for 
deviation control (Maidla and Haci 2004). 

If the pipe is rotated during tripping operations, the friction is absorbed by the torque, and for the purpose of 
force calculations, it can be assumed that the sliding friction coefficient is nil. Such an approach is justified be- 
cause the axial velocity component during drilling is much less than that due to pipe rotation. For practical calcu- 
lations, the usual approach is still to use Eqs. 8.146 and 8.147 and to set the friction coefficient to zero. 

Curved Wellbore of Constant Curvature. In a manner similar to that for a straight inclined well, let us now 
consider a smooth pipe (free of couplings) in the curved part of a wellbore. For the sake of simplicity, only well- 
bore segments with constant curvature will be considered here. The case where hole inclination angle decreases 
with depth will be analyzed first, followed by that where the hole angle increases with depth. It is assumed that 
the well path lies in a vertical plane, and therefore gravity is acting downward. In other words, the well trajectory 
is two-dimensional and confined to a vertical plane. 

For the sake of simplicity, it is assumed that the pipe has no bending stiffness; it behaves like a flexible cable or 
rope. At first, this may look like an unrealistic assumption, but field practice indicates that the results obtained 
using this approach are acceptable for many practical applications. This approach is called a soft-string model as 
opposed to a stiff-string model that accounts for pipe bending stiffness. 

Drop-Off Bend. First, let us consider the case where the hole inclination angle decreases with depth (a drop-off 
bend) and the pipe slides on the lower side of the hole. 

Fig. 8.61 shows a segment of wellbore with radius R, inclination angle ọ, and increase in inclination dọ. In a 
similar manner as for the straight inclined wellbore, let F represent the tension at the lower end of the differential 
pipe element with length ds, and let F+dF represent the tension at the upper end. Let dN and UdN represent the 
normal (radial) and tangential reactions of the wall of the hole acting on the pipe element. In addition to the forces 
F+dF, F w.Rd@g, and uw,Rdọø, the pipe element is subjected to its weight w,,Rd@, as shown in Fig. 8.61. 

Equilibrium of forces in the normal (radial) direction gives 


m do xz do mT 2 
w.Rdp-(F+dF)cos| 2 2) Feos| 2 2) (w,,Rdp)eos| =o) =. era ata ees (8.149) 


The shearing forces are not shown in the FBD because the pipe is assumed to behave as a rope (no bending stiff- 
ness). 


Assuming sin 22 = dg and ignoring the higher-order terms such as (ar 2) 
2 2 


w Rdp = Fdo+(w„Rdø)sinp, o.oo eve cece ec ec ececececeveceveveveetetereseees (8.150) 
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Uu WR do 


Wp R do 


p 


— R~ 


Fig. 8.61—Free-body diagram for a small pipe element in a drop-off bend. 


and dividing Eq. 8.150 by dọ, 


Rw, =F+w,, Rsing, ae a dates) duce isn eal Gece maida ser © Gray ak, a ahve: Bl apa a a a aaa tatue ds et (8.151) 


or 


w, -= iw, SHP .shas Sd oe Meas iaa aR Wes So ee E A E E EES (8.152) 


Eq. 8.152 represents the contact force per unit length of pipe w. This force consists of two components: 
the first component, F/R, is due to the pipe force F and the wellbore curvature « =—, and the second is due 
to the pipe effective unit weight Wp: Note that even if the pipe unit effective weight w, is nil (for example, 
if buoyancy effects counteract the pipe weight), the unit contact force is not nil, but depends on the magni- 
tude of the force F and the wellbore curvature «. The product kF is called the capstan force. It should also 
be noted that if the pipe is in compression, the first term becomes negative (the direction of the pipe force F 
is changed), which in turn results in a decrease in the contact force W, Eventually, if the contact force is 
small enough, the pipe can buckle, and then the model described above is no longer valid. This issue is dis- 
cussed later in this chapter. 

Static equilibrium of forces in the tangential direction gives 


(F +dF)cos £- Fost (wy Rdp)cosp—Uw,Rdp =O... 0. cece cee ee eee ee een eee e ees (8.153) 


d 
Assuming cos =1, 
dF = uw, Rdp+(w,, Rdg)cosg. E E EEE ditto Ronde ee EE (8.154) 


Substituting Eq. 8.150 into Eq. 8.154 and performing certain rearrangements yields 


dF 
— -uF = uw 


Rsing+w 
do P 


bp PRO asentar ea hard tid a E (8.155) 


Solution of Eq. 8.155 gives the desired pipe force F as a function of the hole inclination angle 9: 


2 


I= ; 
F (9) =(w, R) o sing 


2 
E coso COP. shtick E E EAE ae Mies (8.156) 
+u 


where C is a constant of integration that needs to be determined from the boundary condition at the lower or upper 
end of the string. 
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It is useful to note that if the pipe is not sliding (the static case), the dynamic friction force is zero, and Eq. 8.156 
reduces to 


We MORO. E EE EEEE (8.157) 


Eq. 8.157 can also be used for calculation of forces if the pipe is rotating. Pipe rotation results in a decrease in the 
pulling force because the axial drag is absorbed by the rotary torque. It should be remembered, however, that pipe 
rotation always contributes to pipe fatigue and may lead to drillstring fatigue failures as well as local pipe over- 
heating. 

Buildup Bend. If the hole inclination angle is increasing with depth (a buildup bend), two cases must be dis- 
tinguished depending on the magnitude of the tension in the pipe: the so-called high-tension (Case a) and low- 
tension (Case b) cases. 

Case a (High Tension). If the tension is high enough, the pipe will touch the high side of the wellbore, as shown 
in Fig. 8.62. For this case, the pulling force F is decreasing while the overall inclination angle @ is increasing. This 
may lead to some confusion in the derivations. For this reason, it is convenient to consider instead the angle 


T A SaS 
B= 77 @, which increases as tension increases. 


Following similar reasoning as in the case of decreasing hole inclination angle (equilibrium of forces in the 
radial and tangential directions), 


W.R=F—Wy,, ROOSB oo eee e cee eee es (8.158) 
and 

dF ; 

Py le a ae ee neeh han aetna be ee eee (8.159) 


Solving Eq. 8.159 and substituting for 8 = fo gy, it is possible to obtain the pipe force F as a function of the 
hole inclination angle @: 2 


2 T 
F(9)=—(w,, R) sing o cosp E a E (8.160) 


Eq. 8.160 is valid if the pipe is in contact with the high side of the hole, which requires that the pipe tension 
satisfy the condition F 2 w,, Rsin ø. 


a 


Fig. 8.62—Free-body diagram for a small pipe element in a buildup bend—“high-tension” case. 
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Fig. 8.63—Free-body diagram for a “low-tension” case. 


Case b (Low Tension). For the low-tension case (F < Wy» R sin o), the pipe slides on the lower side of the hole, 
as shown schematically in Fig. 8.63. 

In a manner similar to that for Case a, projecting the forces in the tangential and normal directions, the follow- 
ing equations are obtained: 


WW COS” s2cckincmendh odadieeds DEEE EER ee Ea E Tne na (8.161) 
and 
dF i 
ao T hn tucosp]). E asad oes eas ee E ee (8.162) 
Solving Eq. 8.162 and substituting for 6 = 2 —g yields 
F(p)=(w„R) C e a a (8.163) 
p np ee p lee p p| -4u 5 O| Seeded oe ea eee aie had a A 


It is important to recall that Eq. 8.163 is valid on condition that F < w,, Rsing. 

It is self-evident that the string lies on the lower side of the wellbore (due to the effect of gravity) if the pipe is 
in compression rather than tension. It must be well understood that the equations derived above are valid for a 
soft-string model and that their practical application will require determination of the constant of integration C 
from the boundary conditions. 

Sometimes well designers use segments with variable rather than constant curvature (parts of a parab- 
ola, ellipse, or catenary). A catenary describes the shape of a hanging cable (belt) between two points of 
suspension. 


Example 8.27 Consider a 5-in. drillpipe with a buoyant weight of 20.15 Ibf/ft in a wellbore, as shown 
schematically in Fig. 8.64. It is known that a BHA with a weight of 20,000 Ibf is suspended below the drop- 
off section of the well; the friction coefficient is 0.2. The S-type well trajectory parameters are as follows: 
KOP is at 1,100 ft; the radius of the buildup section is 558 ft; the length of the buildup section is 439 ft; the 
tangent length (sail length) is 4,292 ft; the inclination angle for the tangent section is 45°; the radius of the 
drop-off section is 558 ft; and the drop-off length is 439 ft. 

Calculate the axial force in a drillpipe at Point 4, Point 3, Point 2 and Point | on the well trajectory for the 
following three cases: 
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1 
KOP=1,100 ft 
oy Ri=558 ft 
ea Sa 
Buildup 17 


section: 439 ft “3 


J Tangent section 
length=4,292 ft 


4 Drop-off section 
R2=558 ft.” length=439 ft 


PURES E 


BHA=20,000 Ibf 


Fig. 8.64—S-type well trajectory for Example 8.27 (drillpipe size = 5 in., unit buoyant weight = 20.15 Ibf/ft, friction 
coefficient = 0.2). 


1. Static (frictionless) conditions (assume that the pipe is not moving, set u = 0) 
2. Tripping out of the hole 
3. Tripping into the hole 


Solution. Case l (Static Conditions). Assume that the coefficient of friction u = 0. To obtain the axial force at 
Point 4, set u = 0 in Eq. 8.156, which yields 


F, =w„Rsing+C. 


At Point 5, the hole inclination angle @ = 0° and F, = 20,000 Ibf; hence, the constant C = 20,000 Ibf, and conse- 
quently, the force at Point 4 is 


F, = 20,000 + (20.15) (558)sin (45°) = 27,950 Ibf. 


To calculate the force at Point 3, Eq. 8.147 can be used, setting F, (the force at the lower end) equal to the force 
calculated at Point 4: 


F, = 27,950 + (20.15) (cos 45) (4,292) = 89,100 Ibf. 


To calculate the force at Point 2, use Eq. 8.160 with u=0: 
F, =—w,Rsing+C. 
Because at p =45°, F = 89,100 Ibf, the constant C is 


C =89,100+ (20.15)(sin 45) (558) = 97,053 lbf. 


Consequently, at p = 0 (Point 2), 
F, = 97,053 Ibf. 


At Point | (top of the hole), 
F, = 97,053 + (20.15)(1100) = 119,220 Ibf. 
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Case 2 (Tripping Out of the Hole). To calculate the force F, at the top of the drop-off section (Point 4), Eq. 8.156 
is used. Because at Point 5 (9 = 0), F, = 20,000 Ibf, the constant C can be calculated as 


2(0.2) 
C = 20,000 + ———-— (20.15)(558) = 24,324 Ibf. 
1+(0.2) 


Hence, at Point 4 (@ = 45 ), 
= 2 2 0.2 


0.2 
e 
1+0.27 1+0.27 


cos 45 |+(24,324)e * =32,740 Ibf. 


F, = (20.15)(558) 
Using Eq. 8.147, the force at the bottom of the build section can be calculated as 
F, = 32,740 + (20.15)(4,292)(0.2 sin45 +cos45 ) = 106,124 Ibf. 


To obtain F, at the top of the build section (Point 2), Eq. 8.160 is used. Because the force at the bottom of this 
section is already known, the constant C can be determined as 
1-0.2? 


106,124 = -(2015)(558 >sin 45 Ae) cos 45 ce let) 
1+0.2 1+0.2 


Solving for C, the result is C = 99,524 Ibf. 
Therefore, at Point 2 (9 = 0), 
= 132,000 Ibf, 


2? 


2-(0.2 2 
F, = -anas(ss){ =O) (00504) 
1+0. 
and finally, at the top of the hole, 


F, = 132,000 + (20.15)(1,100) = 154,165 1bf. 


Case 3 (Tripping Into the Hole). To calculate force F, Eq. 8.156 will be used, but with a negative sign for the 
friction coefficient u. Because @ equals 0° , F, equals 20,000 Ibf, C = 15,675, then at ọ equal 45° (Point 4): 
1-02? . 2(0.2) 


z sin 45 + 5 
1+0.2 1+0.2 


F,= (20.15)(55| costs (15675) = 23,795 Ibf. 


In a similar manner, it is possible to calculate the forces at Points 3, 2, and 1. 


The final results for all three cases are given in Table 8.5. The magnitude of the effective axial forces along the 
string is shown in Fig. 8.65. The difference between the loads during tripping out and tripping in is due to the 
direction of the friction force, which always opposes the direction of motion. It is also interesting to note that the 
static forces are not the average values of the tripping forces. 

Once the effective axial force has been calculated, it is possible to calculate the contact force between the pipe 
(including tool joints or casing couplings) and the wellbore. The unit contact force in the middle of the buildup 
portion of an S-shaped well (shown in Fig. 8.64) can be calculated using Eq. 8.158. The effective axial force 
(tripping out) at this point is approximately 130,500 lbf, and the contact force per unit length is approximately 
230 lbf/ft. If the spacing between tool joints is 30 ft, the force at each tool joint is approximately 3,450 lbf. The 
distribution of unit contact forces along the string is shown in Fig. 8.66. 

In the next step, the designer needs to assess the possible damage to the tool joint, casing, and wellbore. High 
contact forces can cause grooves in casing or key-seats in the uncased part of the wellbore and serious wear on 


TABLE 8.5—AXIAL FORCES ON THE WELL 
TRAJECTORY; EXAMPLE 8.27 


Static Loads Tripping Out Tripping In 
(Ibf) (lbf) (Ibf) 

F, = 27,950 32,740 23,795 

F; = 89,100 106,124 72,720 

F2 = 97,053 132,000 70,084 


F, = 119,220 154,165 92,249 
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—— Tripping out 


—=— Tripping in 
~a Static (no friction) 


Pipe Force, Ibf 


0 1,000 2,000 3,000 4,000 5,000 6,000 7,000 
MD, ft 
Fig 8.65—Pipe effective force vs. MD, Example 8.27. 


—e— Tripping out 
—a— Tripping in 
— Static 


Contact Force, Ibf/ft 


MD, ft 
Fig 8.66—Unit contact force vs. MD, Example 8.27. 


tool joints. Grooves in a casing reduce its collapse, burst, and tension resistance, and if the groove penetrates 
through the wall of the casing, it can cause casing failure and possibly fluid leaks into the annular space behind 
the casing. If the pipe is rotating, a high contact force may result in local pipe overheating, which is detrimental 
to pipe strength and to the stability of the drilling fluid. 

It is difficult to determine maximum acceptable values for contact forces because these depend on formation 
strength and abrasiveness, casing quality, type of drilling fluid, and many other factors. It is recommended that the 
force at tool joints should not exceed 2,000 Ibf, but forces in the 5,000- to 6,000-lbf range have been reported in 
some cases. 


Example 8.28 Consider three well profiles, each consisting of a vertical part, a buildup segment, and a hori- 
zontal section, as shown in Fig. 8.67. The KOPs are at the depths of 3,000, 3,500, and 3,750 ft. The buildup 
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rates are 5.73°/100 ft (long radius), 11.46°/100 ft (medium radius), and 22.92°/100 ft (short radius), and the 
corresponding lengths of the horizontal sections are 5,000, 5,500, and 5,750 ft. Calculate the axial forces dur- 
ing tripping-out and tripping-in operations, assuming a pipe unit weight in fluid of 15 lbf/ft and a coefficient of 
friction u = 0.3. 

Solution. Let us first consider a long-radius horizontal-well profile (Case 1), in which the pipe is being tripped 
out of the hole. Using Eq. 8.147, the axial force can be calculated at any distance from the bottom of the horizon- 


Case 1, R=1,000 ft 


Case 2, R=500 ft 


Case 3, R=250 ft 


Vertical Depth 


Fig. 8.67—Well profiles for Example 8.28. 


tal well. Hence, at the end of the buildup section, the force is: 


Because this force is greater than (15)(1,000)sin 90 = 15, 000 Ibf, this is a “high-tension” case, and Eq. 8.160 must 


F =(0.3)(15.0)(sin 90) (5000) = 22,500 Ibf. 


be used to calculate the force while tripping out of the hole. 
First, the value of the constant C must be calculated as 


C = 22,500+ sy.) 


Now Eq. 8.160 is used again to calculate the force at the beginning of the buildup section (@ = 0°): 


F --(15}1.0} - 


2(0. 
O aai =35,023 Ibf. 


L (sin 90) + 
; 1+(0.3) 


EON +(35,023) 0°29 =k OO Ihi, 
1+(0.3), 


Hence, the force at the top of the hole is 


F = 64,350+(15)(3,000) = 92,836 Ibf. 


For tripping in the hole, Eq. 8.148 is used to calculate the force at the end of the buildup segment: 


F =—(0.3)(15) sin 90(5,000) = -22,500 Ibf. 


A negative sign indicates that a compressive force is needed to push the pipe into the horizontal section of the 


wellbore. 
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While tripping in the hole, F < @,,R sin @ (meaning that the string is sliding on the low side), and Eq. 8.163 is 
used to calculate the force. Again, the value of C must be calculated as 


2 
C =-22,500+ sjaa HO sin 20) =~9,977 Ibf. 
+U. 


Now the force at the top of the buildup segment (@ = 0°) can be calculated 
~2(0.3) 


1+0.3° 
Consequently, at the top of the hole, the force is 


+0.3 
e 


F =(15)(,000} Jsc9.977) 2 =-24,235 Ibf. 


F = -24,235 + (15)(3,000) = 20,764 Ibf. 


Axial force profiles along the MD are shown in Figs. 8.68 through 8.70. 


As expected, in all three cases, the string is under tension while tripping out and partially under tension and 
partly in compression while tripping in the hole. In the case where the axial friction coefficient is set to zero (the 
static or frictionless case), the force in the pipe is nil over the horizontal part of the wellbore. In all cases, the 
static forces are the same because the vertical depth of the hole is 4,000 ft in each case. The difference between 
the axial force while sliding out or in the hole and the static force is called the drag force. According to this 
model, there is no drag in the vertical part of the wellbore, and consequently the greatest drag force occurs at the 
top of the buildup section. Another interesting observation is that friction effects are more noticeable for trip- 
ping-out than for tripping-in operations. 


Case 1: Radius of Curvature R=1,000 ft 
Axial Force, thousand Ibf 


=w==Static | 
= Tripping 


Fig. 8.68—Axial-force profile for Case 1 of Example 8.28. 
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Case 2: Radius of Curvature R=500 ft 
Axial Force, thousand Ibf 
20 40 60 


——Tripping in 
== Static 
=e Tripping out 


Fig. 8.69—Axial-force profile for Case 2 of Example 8.28. 


Case 3: Radius of Curvature R=250 ft 


Axial Force, thousand Ibf 
20 40 60 


Fig. 8.70—Axial-force profile for Case 3 of Example 8.28. 
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A unit contact-force profile for Case 1 is shown in Fig. 8.71. A positive contact force indicates that the string lies 
on the low side of the wellbore, while a negative value indicates contact with the upper side. The highest absolute 
value of the unit contact force (approximately 48 Ibf) occurs at the top of the buildup section while the string is being 
pulled out of the well. Still another interesting finding is that the maximum unit contact force at the bottom of the 
buildup section (approximately 43 1bf) occurs while tripping into the hole. 


8.5.3 Torque Calculations for Pipe Rotation. Field evidence indicates that pipe rotation considerably improves 
axial force transfer to the bit in highly inclined and horizontal wellbores. In addition, pipe rotation results in less 
hook load during tripping operations using topdrive systems. 

Consider two points on a drillstring segment at MDs s, and s,, with s, > s, and corresponding inclination angles 
~, and @, in a drop-off portion of a wellbore. The moment (torque) required to overcome the drag force on the 
segment is 


Mee a EE EEE E (8.164) 
Because ds = Rdg, and if @, < @,, then 


Need. petiat ease ven aaeanoa (8.165) 


If the pipe force at the bottom of the segment is F’,, then Eq. 8.157 yields the following expression for pipe force 
as a function of hole inclination angle: 


Unit Contact Force vs. Measured Depth (Case 1) 
Unit Contact Force, Ibf/ft 


-50 -30 -10 10 30 50 


=+ Tripping in 


= Tripping out 


Fig. 8.71—Unit contact force for Example 8.28. 
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PUDS TYP, RSMO SSN)! caiee iss se chan d ture onide ue Ware panne halen a es ales (8.166) 


If Eq. 8.152 is used as a first approximation to calculate the unit contact force, then substituting Eq. 8.166 into 
Eq. 8.152 gives 


c 


F, , , 
w, = = QW UN WRI sce aaah oe aay ak le wuld oe eE OOMw a dake are (8.167) 


A more accurate unit-contact-force calculation requires vector analysis and is explained later in this chapter. 
Substituting Eq. 8.167 into Eq. 8.165 and integrating gives the torque required to overcome friction for the pipe 
segment under consideration: 


M, , = ur, {F (9, — %) + W,,R[2(cos@, -cosg )- (p, -p)sinp j eee eee (8.168) 


Example 8.29 Calculate the torque needed to rotate the string in a drop-off portion of an S-shaped well, as 
shown in Fig. 8.64. 


Solution. For this case, p, = 45°, ọ, = 0°, and F, = 20,000 Ibf. It is also known that W= = 20.15 Ibf/ft and R= 
558 ft. Substituting the above numbers into Eq. 8. 168 yields 


_ (0.2)(5.0) 
(202) 


The torque profile for this well is shown in Fig. 8.72. The reader is encouraged to write a computer program to 
generate this curve. 

In the vertical portion of the well, the torque is constant because its viscous component has been ignored. In 
other words, it is been assumed that the drilling fluid is ideal. A rapid increase in torque is observed in the build 
segment of the well because of the high value of the contact force. 


1-2 7 


anata 000(45 — of = =} #0 015)558[2(cos 0- cos 45) — oJ} 928s 


As stated earlier, rotation of a pipe provides several benefits, such as improved axial-force transfer, reduc- 
tion in pipe forces while tripping, and improved hole cleaning. However, it should always be remembered 
that pipe rotation also has a considerable detrimental effect because it contributes to pipe fatigue damage and 


Torque, ft-lbf 


0 1,000 2,000 3,000 4,000 5,000 6,000 7,000 
MD, ft 
Fig. 8.72—Torque vs. MD, Example 8.29. 
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casing wear. In particular, rotating the string off-bottom results in an increase in pipe tension (compared to 
the drilling stage when a part of the string weight is slacked off on the drill bit) and should be kept to the 
minimum. Field experience shows that at times the torque value also depends on pipe rotational speed. 
Typically, as the pipe rotational speed is increased, the torque increases also. Hence, it is recommended that 
values of pipe rotational speed should be specified for a given friction factor. For example, ,, = 0.26 is the 
friction factor at 40 rev/min. 

Because the viscous torque due to drilling fluid is considered to be small, such behavior can be explained by 
dynamic effects (pipe whirl and precession) and possible cuttings accumulations that are not accounted for in the 
model presented above. 


Example 8.30 Consider the horizontal well profile shown in Fig. 8.67 for Case 1 (R = 1,000 ft). Assuming 
that there is no torque applied at the bottom of the string, it is necessary to calculate the torque at the top of 
the hole. The pipe unit weight in fluid and the friction coefficient are the same as in Example 8.29; the pipe 
OD = 4.5 in. 
Solution. First, the torque required to rotate the pipe in a horizontal section of a length of 5,000 ft is calculated: 
9,570 5,000 4 5 
M,,= Í ru w, ds = Í (H )osusoa- 4,218 ft-lbf 
4,570 0 24 
The torque required to rotate the pipe in a buildup section (R = 1,000 ft) is 


s Py 
(a) M,,= [ru w, ds = [nu w.Rdg. 


P 


The next step is to calculate the unit contact force w, as a function of hole inclination angle. For this purpose, either Eq. 
8.158 or Eq. 8.161 can be used, depending on the amount of tension in the pipe. First, however, the axial force along the 
string must be calculated. Using Eq. 8.160 or Eq. 8.163 and setting u = 0, 


b) F(g)=—w,,Rsing+C. 
At ọ = 90° the force F = 0 lbf, C= Ww, Rs and the axial force in the pipe as a function of hole inclination angle is: 
(c) F(g)=w,,R(1-sing). 


To determine whether a particular case is “low-tension” or “high-tension,” Line (c) must be compared with Wyp R 
sin ; hence, 


(d) w,,R (1 —sin o) = w„Rsing. 
Solving Line (d) for ọ, the value for  =30° is obtained. 
To summarize, it can be stated that a string is in “low tension” if o > 30° and in “high tension” if ọ < 30°. 


Consequently, the unit contact force is as follows: 
For 90° < ġ < 30° (low tension), 


(e) w, = w, (2sing—1); 
For 30° < ġ < 0°(high tension) 
(f) w, =w,(l1-2sing). 


The torque change on the buildup bend is 


30 


90 90 
(e) M, = fru w,„Rdọ = (ru Wp R) fa —2sing)dp+ Í (2sing-1)dg . 
0 0 30 
Upon integration of Line (g), 


M,_, =(843)(0.255 + 0.685) = 790ft-Ibf. 
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Because viscous torque was ignored, the expected rotary torque at the top of the hole is the summation of the 
torque components calculated for the horizontal and the buildup sections of the wellbore. The torque at the top = 
5,667 + 790= 6,457 ft-lbf. 


8.5.4 Buckling Considerations. It is well known that if a pipe is in high enough compression (e.g., when tripping 
into a highly inclined and horizontal wellbore), it may buckle, and then the drag models discussed so far in this 
chapter are no longer applicable. 

It can be shown that if friction is ignored, the compressive force required to initiate lateral (sinusoidal) buckling 
of a long pipe can be calculated from the equation proposed by Dawson and Paslay (1984): 


F, =2 Be a ues poms a E A (8.169a) 


where F = magnitude of the compressive force in the string required for initiation of lateral buckling, EI = pipe 
bending stiffness (product of the modulus of elasticity and the moment of inertia), w, = unit contact force, and r, 
= pipe radial clearance [(hole diameter — pipe OD)/2)]. 

Although Eq. 8.169a is strictly valid only for long, frictionless, and perfectly straight and smooth (no tool joints 
or couplings) pipes, it is still useful for practical design applications. The influence of tool joints, residual pipe 
bending, and friction is discussed in several SPE papers [e.g., Duman et al. (2003)]. 

Consistently with the drag-force analysis performed earlier, the unit contact force is 


EW Se e tay eels, wh nen ea aha eee aeons cna Raia he ween OEE (8.169b) 


A positive sign is associated with a buildup section of the wellbore, while a negative sign is associated 
with a drop-off section. In the case of a drop-off segment, the contact force can be small, and a relatively 
small compressive force may buckle the pipe. On the other hand, in a buildup section, the wellbore curva- 
ture increases the contact force, and consequently it takes a greater compressive force to buckle the pipe. 
In other words, positive wellbore curvatures (i.e., DLS) have a stabilizing effect on drillpipe, while in 
drop-off segments, the buckling resistance is reduced compared with that of a straight inclined hole. Eq. 
8.169a is also valid in straight inclined wells. Example 8.31 illustrates the practical usefulness of the 
above equations. 


Example 8.31 Consider Case 1 (R = 1,000 ft) for the horizontal wellbore profile discussed in Example 8.29. 
Calculate whether or not the part under compression during a tripping-in operation will remain straight. Drill- 
pipe bending stiffness is EJ = (345.2)10° Ibf/in.’, and the hole diameter is 8% in. 

Solution. First consider a horizontal part of the hole. The unit contact force is 


W, = Wẹ sing = 15 Ibf/ft. 


From Eq. 8.169a, the critical force can be calculated as 


345.2) 10° (z 


| = 29,380 lbf. 


crs 


8.5-4.5 
2 


Because the magnitude of the greatest compressive force is 22,500 Ibf, it can be concluded that the pipe will not 
buckle in a horizontal segment of the wellbore. 

To calculate the critical force in a curved portion of the wellbore, it is necessary to substitute the contact force 
given by Eq. 8.169b into Eq. 8.169a and to solve the resulting equation for the force F. Eventually the following 
equation is obtained: 


w, sino)R? 
r- ee Ua ea eee sera Pahoeaieab ities a a (8.170a) 
£ 


c 
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With all other parameters held constant, the critical lateral buckling force depends on the hole inclination angle @. 
For example, at ọ = 45°, 


2(345.2)(10")| (15 |(sinas) (1,000(12)) 


F, = = 66,684 lbf. 
“* 2(1,000)(12) e (345.2)10° 


Clearly the critical lateral buckling force in a buildup part of the wellbore is much higher than in a horizontal 
section, and the pipe is not buckled there. In conclusion, it can be stated that positive build rates provide more 
buckling stability for pipe in compression. 

In drop-off segments of the wellbore, the critical sinusoidal buckling force can be calculated as 


: 2 
-2l A ie ee } ee reer Ree Tr eer ern ae Verte eee ee (8.170b) 
r, 


The reader is encouraged to show that as the wellbore radius R goes to very high values (infinity), Eqs. 8.170a and 
8.170b reduce to Eq. 8.169a. 
The analysis of axial force transfer in post-buckling pipe configurations is beyond the scope of this chapter. 


8.5.5 Tortuosity Effects. At the planning stage of well development, the well path is smooth and typically com- 
posed of straight and curved segments with constant curvature in two- or three-dimensional space. The actual 
drilled well trajectory may deviate from the planned path to a lesser or greater degree. The deviations may be a 
result of changes in geology (type of rock, formation dip angle, faults, etc.) as well as the mechanical behavior of 
the drill bits and BHAs. For example, drilling with SMs frequently results in a rippling (undulation) effect over a 
portion of the wellbore. The rippling effect is called macrotortuosity. Various tortuosity models have been proposed 
in the literature. These include simple sine-wave profiles (amplitude and wave length are fitted to directional survey 
data to simulate the actual wellbore path more closely) and more-sophisticated models involving random changes 
in inclination and azimuth angles. Practical application of tortuosity models requires a good set of directional- 
survey data. An example of a segment of wellbore drilled with an SM motor is shown in Fig. 8.73. 

Wellbore undulation affects not only the torque and drag forces, but also the critical buckling forces. In addi- 
tion, the wellbore may also exhibit microtortuosity associated with hole spiraling. Hole spiraling can be identi- 
fied using image logs or good-quality caliper logs. Microtortuosity results in a reduction of the effective wellbore 
diameter and, consequently, higher torque and drag. Both macro- and microtortuosity may cause significant dif- 
ficulties in running casing and logging tools into wellbores. Tortuosity factors can be calculated by comparing 
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Fig. 8.73—Tortuosity created by a steerable motor (Mason and Chen 2007). 
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torque and drag values using the results from the planned trajectory and values measured in an “as drilled” well. 
Some designers will simply increase the value of the friction coefficient to account for tortuosity effects. Because 
a large number of factors influence torque and drag, this subject is still of great interest to research engineers. 


8.5.6 Review Questions and Problems. 


j= 


. List the factors that affect torque and drag in vertical and directional drilling. 

2. Explain why accurate calculations of torque and drag are important for drilling personnel. 

3. Explain why the friction coefficient that exists in a torque-and-drag model is sometimes called a down- 

hole friction factor. 

4. List typical values of the coefficient of friction for oil-based mud and water-based mud drilling fluids. 

5. The inclination angle of a hole is 76°. Will the drillstring slide down due to its own weight if the coeffi- 
cient of friction u = 0.27? 

. List the major assumptions made in a soft-string model. 

. Create an FBD for a pipe element in a drop-off bend and explain all the forces acting on the element. 

. What is the “capstan force”? 

. A string is pulled out from a drop-off bend. The force at hole inclination angle @, is given and equal to 
F, Show that the force at hole inclination angle Q can be calculated using the following equation: 


R 
F(g)= Fre?) 7 K -g )(sing- e” sing, -2u(cosp- e0) COS Py ))} 


Oo OND 


10. Define “low tension” and “high tension” in buildup bends. 


KOP = 1,000 ft 
R= 2,046 ft 


5,664 ft 


25,153 ft 


26,848 ft 
+tH.Aae ~ 


11. Consider the well profile used in Example 8.27. Assuming coefficients of friction u = 0.3, u = 0.4 calcu- 
late the forces at Point 4, Point 3, Point 2, and Point 1 for tripping-out and tripping-in operations. Write 
a computer program to solve the problem. 

12. Assume the data for the S-shaped well profile described in Example 8.28. The hook load recorded while 
tripping the string out of the hole is 135,000 lbf. Find the corresponding friction coefficient. 

13. Consider a wellbore that consists of a vertical section 4,000 ft in length, a buildup section with radius of 
curvature R = 1,000 ft, and a horizontal section 6,000 ft in length. A 9-in. casing with a unit weight of 
40 Ibf/ft is to be run into the hole. Calculate the expected force at the top of the hole if the drilling-fluid 
density is 10 lbm/gal and the coefficient of friction u = 0.25. 

14. Consider an ERW profile as shown in the figure below 
e Hole size: 8% in. 
e Drillpipe size: 4% in. 
e Pipe unit weight: 20 Ibf/ft 
e Drilling-fluid density: 12 lbm/gal 
e Friction coefficient: u = 0.25 


Calculate: 
(a) The force at the top of the buildup section during tripping-out and tripping-in operations 
(b) The unit contact force in the middle of the buildup section 
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15. Show that for a high-tension case, the rotary torque in a buildup section of a wellbore can be calculated 
using the following equation: 


M(1)= ur, (F +w.Rsin p, (p -9,)+ 2u r,R(cos o -cos 9g, )]. 

16. Given the well profile as described in the problem above (an ERW), calculate the torque required to ro- 
tate the pipe and the unit contact force at the midpoint of the buildup segment. 

17. Calculate the expected force at the top of the ERW described in Problem 14 for running a 
9%-in. casing with a unit weight of 40 Ibf/ft. 

18. Calculate the maximum length of a pipe with unit weight 6.5 Ibf/ft (in fluid) that can be pushed into a 
horizontal section of a wellbore without experiencing lateral buckling if the friction coefficient is u = 
0.28. 

19. Calculate the sinusoidal buckling force for a 3¥2-in. drillpipe in a drop-off segment of a wellbore with a 
drop rate of 17.5°/100 ft at inclination angles of 35 and 85°. 

20. Explain the difference in macro- and microtortuosity effects. 


8.6. Torque-and-Drag Modeling for 3D Well Profiles 


8.6.1 Equilibrium Equations in 3D. The main purpose of a torque-and-drag model is to develop a system of 
equations that can be used to calculate forces and moments in the pipe as well as the forces generated by interac- 
tion between the pipe and the wellbore. This section presents the development of a three-dimensional model that 
is subject to several simplifying assumptions, but which is still useful for practical design applications. The major 
simplifying assumptions are as follows: 


e Pipe is in continuous contact with the wellbore (that is, the effects of tool joints, couplings, and wellbore 
irregularities and tortuosity are ignored). 

e Inertial effects due to pipe sliding or rotation are ignored. 

e Drilling-fluid flow effects are not considered. 

e Friction force is modeled using the Coulomb friction concept. 


To derive the force and moment equilibrium equations, consider a differential pipe element as shown in Fig. 8.74. 
For the purpose of this analysis, a right-hand x,y,z system of coordinates was chosen, with the z-axis pointing 


down and the conventional unit vectors i, j,k as shown in Fig. 8.74. It is also very useful to introduce the right- 
hand Frenet-Serret local system of coordinates with its unit tangent, normal, and binormal vectors f,7i,b, as also 


x] 


FE 4AP M +AM 


Fig. 8.74—Free-body diagram for a small pipe element in 3D. 
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shown in Fig. 8.74. The position vector F(s) is drawn from the origin of the rectangular coordinates to the pipe 
element’s mass center. 

If the pipe is not moving or is moving so slowly that inertial effects can be neglected, the vector sum of all forces 
on the pipe segment gives: 


PN aes A go oa mene nat we Shea E ea eee (8.171) 


where F is the force in the pipe (internal pipe force), w is the total force per unit length applied to the pipe (the 
resultant of all external forces), and As is the length of the pipe segment. In the limit as As > 0, the change in force 
F due to the applied load vector w is given by the following equation: 

dF = 

e O E E E E E EE E E EE (8.172) 


ds 


In general, the pipe force F consists of the tangential force F (the axial force) and two shear forces in the normal 
(F ) and binormal (F,) directions: 


B teeta Gte ae oe e EA as ee a a cs (8.173) 


Typically, in a torque-and-drag analysis, only three external forces are considered: the force due to the pipe effec- 
tive weight (the weight of the pipe in fluid) w,,, the force normal to the pipe contact force (the side force) w,, and 
the force due to friction (the drag force) w,. This relationship can be expressed as 


READ. e E ina dtebua ene a olin ot acne aeie! (8.174) 


In the system of coordinates used here, gravity is pointing downward, and so is the z-axis; therefore, the effec- 
tive unit pipe-weight vector is 


EETA wh tec ee ac ce st sd ten Gee coin E ee ee ees (8.175) 


As already stated earlier, the unit contact force W, is normal to the pipe, and therefore it lies in the yi — b plane. 
As is known from elementary mechanics, the drag force always opposes the direction of pipe motion. If the pipe 
is sliding, the drag force is in the tangent f direction. If the pipe is rotating, the drag force is also assumed to be 
tangent to the pipe, but in the 4 — b plane. 

In a manner similar to that for the force balance, it can be shown that the vector-moment equilibrium equation 
is 


ee Ue ci Shadak pict a a E a S (8.176) 
ds 
where M = the internal moment (pipe moment), m = the applied moment per unit length (distributed moment) due 
to the drag force, and f = the unit tangent vector. 

According to the Bernoulli-Euler theory of elastic beams, for a circular pipe, the moment vector M in the pipe 
consists of the bending moment (pointing in the binormal direction) with a magnitude equal to the product of the 
pipe bending stiffness (E7), the pipe curvature «K, and the torque (pointing in the tangential direction), which can 
be expressed as 


M =Elxb+ Mi; xvavdiudvincbadee idee a a E R (8.177) 


where EI = the pipe bending stiffness (the product of modulus of elasticity and moment of inertia), 
K = the pipe curvature, and M, = the magnitude of moment (torque) required for pipe rotation. 

The distributed moment m associated with the drag force w, is the cross-product of the pipe radius and drag 
force: 


Dh. gee erecta nsnceeipcm asia cine E ee ona (8.178) 


where 7, is the pipe radius vector. 
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For a frictionless system, the moment / is nil. It should be well understood that the direction of the unit drag 
force w, is different for sliding and for rotating pipe. 


8.6.2 Pipe in a Straight Section of an Inclined Wellbore. To explain the practical usefulness of the equilibria 
of forces and moments given by Eqs. 8.172 and 8.176, the wellbore will be assumed to be modeled as straightline 
segments with given lengths, inclinations, and azimuth angles. 

Consider the straight wellbore segment from point i to point i+1, shown schematically in Fig. 8.75. At Point i, 
the MD is Sp and at Point i+1, the MD is Sir 

For a straight segment, the unit tangent vector is constant and is given by 


f = (sing, cos %)i +(sing, sin 3) ij + COS Q; k, OD (8.179) 


where @, and ©, are the segment’s inclination and azimuth angles. The unit normal vector ñ may be selected as 
any convenient unit vector in the plane normal to the f vector. Let it lie in a vertical plane containing segment i 
so that its inclination angle is ø + r and its azimuth is the same as that of the unit tangent vector. Hence, 


n, = (cosg, cos 9, )i + (coso, sin & )j —sing, Le wsteunsghlace E EE E AE ET (8.180) 


In other words, the unit normal vector is pointing to the high side of the wellbore. 
Following the right-hand rule, the unit binormal vector is in a horizontal plane, its inclination angle is equal to 


Z , and its azimuth is 0+ Z | so: 
2 2 


b, =(-sin 9 )i +(cos3)j. E E E E E E E E T (8.181) 


Clearly, the unit binormal vector is perpendicular to the k vector. In other words, the z-component of the binormal 
vector is zero (b_ =0), and the unit binormal vector is pointing toward the right side of the wellbore. 

Now consider two fundamental cases involving a pipe in a sliding mode (tripping in or tripping out) (Case 1) 
and in a rotating mode (Case 2). 

Case 1—Pipe in Sliding Mode. It is assumed that the pipe is sliding slowly in an axial (tangential) direction, 
as shown in Fig. 8.76. The angle 6 (Fig. 8.76) is in the i—b plane and gives the direction of the normal contact 
force w,. Because the pipe is straight, its curvature and torsion are nil. Taking derivatives of Eq. 8.173 with respect 
to the MD s, 


dF _ dk. 


a Si EEE EE es Se SORE ww ices TNS tee © tess hoes a todo heme EE ERE ee orto are eee ed (8.182) 
ds ds 


Fig. 8.75—Straight segment of a 3D wellbore. 


560 Fundamentals of Drilling Engineering 


Fig. 8.76—Free-body diagram for sliding pipe. 


Examination of the FBDs in Fig. 8.76 reveals that the contact and drag forces can be expressed as 


w, =(w, cosA)A-(w,sinO)b, aaa aE (8.183) 


WE EUW EAEEREN EE E EE EE EEKE EESE in adn see R EAA (8.184) 


The choice of sign in Eq. 8.184 depends on the direction of pipe motion. The plus sign (+) is for pulling (trip- 
ping out), while the negative sign (—) is used when the pipe is moving in a downward direction (tripping into the 
well). The effective pipe unit weight vector w, is pointing in the z-direction, as given by Eq. 8.175. 

The vector force balance can be obtained by substituting Eqs. 8.182, 8.183, and 8.184 into Eq. 8.172: 


Zr +w,,k +(+uw, )é +(w, cos0)ii, -(w, sinO)b, =0. eee e eee (8.185) 
S 


The desired scalar components can be obtained by multiplying Eq. 8.185 by the unit vectors f,, 7,, and b, (taking 
dot products). As a result, the three scalar equations can be written as follows: 


t-component: 


Z ig # (uw. )=05 Se ced etoe pbk peeee whe pate tee EE aera ee (8.186a) 
S 


n-component: 


Wer +w, Cos0=0; | pincydiuehentecsansdterss meen ao tessu aa EEEE rererere (8.186b) 


b-component: 
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iek=n, S=—SIND,, rece ee eee ees (8.187b) 


ETE E a cs eee snopes a ae enone (8.187c) 


Substituting Eq. 8.187 into Eq. 8.186 yields a system of three equations with three unknowns—F’, w „ and 
0: 


dF 

~ FW COQ EUW a eee ee ee eee eee ee eee ee (8.188a) 
ds 

=W, sin Q, + w, cosb SH Of. eee eet i a a a Wid E EAE E A E A ee E EEE (8.188b) 

Be el ee ee ee eee a eee (8.188c) 


From Eq. 8.188c, it can be concluded that the position angle O = 0 (that is, the pipe lies on the lower side of the 
wellbore). From Eq. 8.188b, the unit contact force w, = w,, sin @,. Substituting the unit contact force into Eq. 
8.188a and integrating the result yields 


F, -F+ (w, cose, + uw,, sing, Ce SEU. Aaya cauiecunina teach vena EE E (8.189) 


For example, if the force at the bottom of segment i is given and the pipe is pulled out of the wellbore, the force 
at the top (at Point 1) is 


F; =F 4+ (cosy) + using) Wwy (Ssi) xe weawade ced oorde ines eaowag evden eeniaenens (8.189a) 


t,i+1 
For the case of tripping into the wellbore, 


F; =F a+ (CO8Q, -using )Wy (SaS) dav riisus tint eigeaeidieyiidesiaeedbiaeiiods (8.189b) 


The reader is encouraged to study Eq. 8.176 to verify that all components of the moment-balance equation are nil, 
indicating that the bending moment and torque are nil for the case of pipe sliding in a straight segment of the 
wellbore. The results obtained are consistent with basic engineering intuition. 

Case 2—Rotating Pipe. Now consider a pipe that is rotating about its own axis. The main task is to calculate 
the torque required for pipe rotation. The axial effective force in the pipe must also be calculated. 

When the pipe is rotated, the drag force (friction force) is no longer in the axial direction, but is now applied 
opposite to the direction of rotation (friction always opposes motion) in the ñ-—b plane, as shown in the FBD 
(Fig. 8.77). 

Examination of Fig. 8.77 shows that the drag force w, can be expressed as 


w, =(w,sin8)ä, FW COSA): Aka iives ete saitupreerteaiokiand ayia acwertous sien (8.190) 


and that the magnitude of the drag force is 


Wee Satie tee rs a Gee Ghd gees Susan) a a omens oe, Sevan sl ad eal ape e a E ad (8.191) 


It is important to note that the drag force in the case of pipe rotation has both normal and binormal components. 
Now the vector sum of forces can be written as 


A T, +w,k+(uw,sin8)ñ, +(uw,cos8)b, +(w,cos8)ñ, -(w,sin8)b, = 0. 


S 


ee ree (8.192) 


In a manner similar to that for sliding motion (Case 1), multiplying Eq. 8.192 by the unit vectors f, 7i,, and b, 
(taking dot products) yields the desired three scalar components: 
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Fig. 8.77—Free-body diagram for rotating pipe. 


t-component: 


e Sl a ga od oy ae oe ne od E (8.193a) 


n-component: 


Wh k+ uw, sinĝ +w, COSD Hy». c dove wwen sSdens Hike eaer (8.193b) 


b-component: 
w,,b °k + uw, COSO—W, SIND =O, verre rere ee ne eee nett ee (8.193c) 


The dot products in the above equations have already been calculated in Case | (e k = cos Q, n,e k = -sin Q,» 
and b, ° k = 0); hence, from Eq. 8.193c, the unit contact-force direction angle @ can be obtained as 


0= arctan( 4). ee eee ee eee eee eee eee (8.194) 


For example, if the friction coefficient is 0.4, then the contact angle is 21.8°. Then, from the n-component equa- 
tion, the magnitude of the unit contact force is 


Sete Meare ne oe nave eh oad Pied ae Maen meee Ate cee een a (8.195) 
Vu +1 


This result is not intuitively obvious. It is correct, however, due to the effect of the binormal component of the drag 
force (Eq. 8.190). 

In conclusion, if a pipe rotates clockwise about its own axis, it moves up the wellbore through an angle 6 counter- 
clockwise with reference to the low side of the hole. Consequently, the contact force (the side force) is less than the 
unit contact force due to the normal unit pipe-weight component, Wr SiNQ,, 

The pipe position angle (contact angle) @ is of essential importance for drilling applications, not only for ac- 
curate torque calculations, but also for deviation control and cuttings transport. If it is expected that the pipe will 
have some cutting ability, then the hole will have a tendency to turn to the right and increase the hole azimuth 
angle. A similar effect occurs at the drill bit, resulting in bit walk. In actual drilling applications, to determine if 
the bit walk will be to the right or left, the type of drill bit, its geometry, its face- and side-cutting ability, the for- 
mation anisotropy, and the type of BHA would all have to be taken into account. 
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Bit walk can also be observed if the pipe is not rotating (e.g., when drilling with a downhole motor in a sliding 
mode). The direction of the walk will depend on the direction of the side force at the bit. For practical applications, 
the amount of bit walk is determined on the basis of analyses of offset wells that include the mechanical perfor- 
mance of the BHA and drill bits, WOB, rotation speed, and the formation properties and dip and strike angles. 

Now the ¢-component equation can be integrated to obtain the effective axial (tangential) force: 


F 


t ,i+1 


=E EW, Ospa NE ires Apre naiean aee aia a a eiin ans (8.196) 


If F, .,, is known, the force at the top can be immediately calculated: 


BAF 5 FW COS SoS). raleniyeacnyneees Riek stadnag saben Cawe sound ee be wade (8.197) 


To calculate the magnitude of the torque required to rotate the pipe, the balance of moments given by Eq. 8.176 
must be used. 

For a straight segment of pipe, the curvature x = 0 and the moment given by Eq. 8.177 take on the following 
simple form 


M=M r eii ee Tata ee ee eee ee (8.198) 
Because for the case under consideration the force has only a tangential component F = Ft, the vector product of 
7 x F =0 and Eq. 8.176 can be written as 

dM, - 

SEMEN 0). gerrot irr in e e Whi bidet oitet Gin tidy e a ae a (8.199) 
ds 


The distributed external moment 77 is attributable to the unit drag force w, acting on the arm 7,, as shown in Fig. 8.77: 
MSF X, ccc (8.200) 


The pipe radius vector 7, (with magnitude equal to the pipe radius r,) is 


F, =(-r, cosĝ)ñ, + (r, sin) b, aaaeeeaa oraaa (8.201) 


Substituting Eqs. 8.190 and 8.201 and taking the cross-product gives 


i 


E E he agers sin setenknny ect apeuy panda ee hes trae Seees (8.202) 


It is important to point out that the negative sign in Eq. 8.202 indicates that the distributed moment m is acting 
in the direction opposite to that of the unit tangent vector. 
Clearly, the equation for the moment consists only of the component: 


IM 
Mie, WSO pape ET A E EPONA I EAE nana ES (8.203) 
ds f 


Integrating Eq. 8.203 yields the equation for the change in torque (AM) along a pipe segment of length (s, — s): 


AM, =F UW, (STS) occu aca nw guatey wanes by aok Peed dhan tees eaweade ararnar (8.204) 


For example, if the pipe diameter is 4.5 in., the unit weight in fluid is 16 Ibf/ft, the coefficient of friction is 0.3, the 
length of the segment is 300 ft, the hole inclination angle is 45°, and the torque at the lower end is 1,000 ft-lbf, it 
is easy to calculate that the unit contact force is 10.8 lbf/ft and the torque at the upper end is 1,183 ft-lbf. 


8.6.3 Force and Moment Equilibrium Formulation. This section presents the development of a general system 
of equations incorporating shear forces, pipe curvature, and torsion. This task will be accomplished in two steps. 
First, the system of equations for the equilibrium of forces will be derived, and then the system for the equilibrium 
of moments. 
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Equilibrium of Forces. Substituting Eqs. 8.173 and 8.174 into Eq. 8.172 gives 


d(Ft) d(F ia) d(F,b 
De OD WRENS E (8.205) 
ds ds ds ! 


Eq. 8.205 is a general form of the equilibrium of forces for a torque-and-drag model in three dimensions using 
vector notation. To obtain the corresponding scalar components, the first step is to calculate the derivatives with 
respect to the MD s and then take the dot products of the tangent, normal, and binomial vectors. 

The force derivatives with respect to the MD s are as follows: 


d(Ft) dF, di dF. 
1L =—— f +F —=—"‘74+F xii, 
ar ta E ee ee (8.206a) 
d(F ñ) dF dì dF. =o oa 
” "i+ F —=—*i+F (rb-x«?), 
7s T "e de al D a EAA (8.206b) 
d(F,b) dF,- _ db dF,- 
(z ) By p PPAR (eame Gicpinadedinaseseieidactanceieteeeedsek (8.206c) 
ds ds ds ds 


Substituting the force components given by Eqs. 8.206a, 8.206b, and 8.206c and also Eqs. 8.174 and 8.175 into 
Eq. 8.172 and multiplying the resulting equation by the unit tangent, normal, and binormal vectors (taking the dot 
product) yields the following scalar force equilibrium equations: 

t-component 


EEE CWT EW e E E EE (8.207a) 


n-component 


dF z 

—+KF —F,r+w, Atk +W, PAW. SASO; vere eee eee ee (8.207b) 
ds á c 

b-component 

dF, See E 

= PL Pew b ktw S bEw SOS) ayp iernat ana Oe Kane AE e a aa e ee (8.207c) 


It should be noted that in addition to the pipe curvature « in the force balance equations, the pipe torsion T is 
also present. In conventional torque-and-drag analysis, it is assumed that the pipe follows the wellbore path; there- 
fore, for practical calculations, the pipe curvature and torsion are usually assumed to be the same as the wellbore 
curvature and torsion. 

Equilibrium of Moments. For a circular pipe with bending stiffness EJ, the vector moment M in the pipe is 
given by Eq. 8.176. Differentiating Eq. 8.176 with respect to s yields 


dM z 
(s) _ a 5 xvi} UET E sa et ees eo see ei (8.208) 
ds ds ds 


The vector product of the unit tangent vector and the force in the pipe is 


ixF=x(F 


=] 
+ 
e>! 
3 
+ 
oa 
SI 
~— 
ll 
oa 


PPR: erui eree ienke tin E EE EE t (8.209) 


Substituting Eqs. 8.208 and 8.209 into Eq. 8.176 gives 


= dM. ay 
(e£ r +(x Eler- F, )A+ TARE D onnie oiiae reier (8.210) 
ds ds 
Eq. 8.210 is a general form of the moment balance written in a vector differential form. dk 
Note that Eq. 8.210 contains, not only pipe curvature and torsion, but also the change of curvature ~~ along 


the pipe. Note further that all components in Eq. 8.210 have the dimension of force because they represent the mo- 
ments per unit length of pipe. 
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To obtain the corresponding three scalar equations, Eq. 8.210 is multiplied by the unit tangent, normal, and 
binormal vectors (using the dot product). 

The three scalar equations are as follows: 

t-component 


Me ag | ee sey use sdk Bh sd A (8.21 1a) 


n-component 


KM = PIKT- men =O cic nadie wba desde sidan dd Pe bia jane eS eindewiawt (8.211b) 
b-component 
dK Loc 
B Eas ae E ne Sere eet es E ere (8.21 1c) 


In summary, a system of six scalar equations has been obtained that can be solved simultaneously to obtain the 
desired force and moment components along the pipe. Many practical problems can be solved by skillful applica- 
tion of Eqs. 8.207 and 8.211. 

The rest of this chapter will consider some simpler but still useful cases, starting with the soft-string model in 
three-dimensional space. 


8.6.4 Soft-String Model: 3D Formulation. Sliding-Pipe Model. As stated before, a soft-string model assumes 
that the pipe behaves as a flexible cable with no bending rigidity and no shear forces. In other words, the normal 
and binormal force components are nil (F, = 0 and F, = 0). A FBD for a pipe element in a sliding mode is shown 
in Fig. 8.78. 

For the case of tripping operations (pipe sliding), the torque M, =0 along the string, and only the three force 
equilibria given by Eq. 8.207 are needed; these can be written as: 


dF. T 

n a ES (8.212a) 
Few ey n=O agas E E E Ee aa E damaged (8.212b) 
AA a E E E EE (8.212c) 


where to np and b, are the z-components of the unit tangential, normal, and binormal vectors as discussed in Sec- 
tion 8.4. 
Applying Eqs. 8.183 and 8.184 gives 


i+1 
F, 


Fig. 8.78—Free-body diagram for a pipe in sliding mode—soft-string model. 
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Wat SLAW 6. emerek Tent ister E E EEES a ee ee (8.213a) 
WW =WiCOSO, fs vaio eisai eh sek Caee eens Soeetee oe Mee Gee ee een eae (8.213b) 
W, ob SEW SNO. Paen EE aglaw E N E ange E a EEEE ARAE EE (8.213c) 


where @ is the contact-force angle as shown in Fig. 8.77. 
Substituting Eq. 8.213 into Eq. 8.212 gives 


Wt ew a sieve eet iesieat ade eerie eine wleed bees thee thie ode es aes (8.214a) 
ds ai 
n E TORI Sy, E E EE EEE (8.214b) 
Wpb, =W. SinO SUL Lanao aaaeeeaa EEEE EEEE EEEE EEEE EEEO EEEE (8.214c) 


From Eqs. 8.214b and 8.214c, the following formulas can be obtained for the unit contact force (the side force) 
w, and the direction angle @: 


ee I Ewyn) (wb ooeec (8.215a) 


o-ta- ], 8.215b 
e ease E E (8.215b) 


Substituting Eq. 8.215a into Eq. 8.214a results in the following differential equation for calculating the effective 
pipe force for tripping operations: 


= +Wyt, EH, |(ex+ Wo) HWY EEEE (8.216) 


Because Eq. 8.216 is a first-order differential equation, only one boundary condition is needed to solve for the 
force along the pipe segment under consideration. If the pipe force at s=s, is known, the boundary condition is 


sa See ea ee Sees ea et Ad ete ee aes ee meee: (8.217) 


where F , is the effective axial force at s.. 

It is also useful to represent the z-components of the unit vectors t, n, and b, in terms of wellbore inclination 
as discussed in Section 8.4. 

For the reader’s convenience, these equations are repeated below: 


t= fek= GOSP, starir AEE EEE andres beeen Miao ede eee eee eda (8.218a) 
~peEa—l cing t 
n =ñek (sing) 7 OE (8.218b) 
b.=bek= rs cathe sce EA tend he Seep a MRE ep Rea cate ekeeuee ites (8.218c) 
~ K ds 


Now consider the following practical example. 


Directional Drilling 567 


Example 8.32 Calculate the drag force in a segment of a wellbore between two directional surveys as given below: 


Inclination Angle, Azimuth Angle, 
MD, ft degrees degrees 
7,300 13.4 S65W 
7,400 16.3 S75W 


The axial force at the bottom of the segment is 30,000 Ibf, the pipe unit weight in fluid is 15 lbf/ft, and the coef- 
ficient of friction is 0.3. The string is pulled out of the hole. 

Solution. Assume a frictionless system (with the friction coefficient u = 0). Then, from Eq. 8.214a, 
dF 
ds 


t 


(a) 


+w,,t, =0. 


It is known that 


Substituting Line (b) into Line (a), 
dF +w,,drek =0. 
It is further known that 
(c) dF ek =| (dx)i +(dy)j+(dz)k |+ k = az. 
Substituting Line (c) into Line (b) and integrating yields 


(d) Fi =f, tw 


bp 


Az. 


Using the average-angle method as described in Section 8.1.7, it is possible to calculate Az = 96.7 ft and then 
the force at the top of the segment: 


(e) F, =30,000 +(15)(96.7) = 31,450 Ibf. 


Now a first approximation of a unit contact force at the midpoint of the segment can be calculated using Eq. 
8.215a. First, however, the hole curvature must be determined: 


2 2 
© r= (8524) «sine (1489( 55255) )10m 


100 


The z-components of the normal and binormal unit vectors can be calculated using Eqs. 8.218b and 8.218c: 


1 2.9 
= -—_~__sin(14.85)| = | = -0.192, 
em: Genao (a) 
1 f 10 
b, = sin? (14.85) —— | = 0.1697. 
(hy) (387)(10°) ( (2) 


Substituting Lines (e), (£), (g), and (h) into Eq. 8.215a yields 


(i) w= s14so(sarsa0*)( )+15¢-0190 +[(15)(0.1697) | =18.51bf 
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From Eq. 8.218a, the z-component of the tangent vector at the midpoint is 


O)  t, =cos(14.85) = 0.9666. 


Substituting Lines (i) and (j) into Eq. 8.214a and integrating yields 


Fa =F +w,t As+ uw, As 
k j i 
9 = 30,000 + (15)(0.9666)100 + (0.3)(18.5)(100) = 31,450 + 5551bf. 


Consequently, the force at the top of the segment is 


F, =32,0051bf. 


It should be noted that, as expected, the force obtained from Line (e) is the same as that obtained from Line (k) 
if u = 0. Now the direction angle 0 of the unit contact force at the midpoint of the segment can be calculated as 


(15)(0.1697) 


0 = arctan = —7.9° 


(31450)(3.87)(10°)( }+-15(-0.192) 


The reader is invited to calculate a second approximation of the forces by repeating the steps described above and 
eventually writing a program to perform these calculations routinely. 


Some alternative useful forms of the governing differential equation (Eq. 8.216) can be obtained by substituting 
Eq. 8.218 into Eq. 8.216: 


2 2 
dF w, . do 1., dé 
‘tw cos@t Fr-—sing— | +| w,—sin®? p— | =0. oe eee eee eee eee (8.219) 
dg ” P mfe K of) °K 0) 

_. (do dd eae 
Recall that the quantities | —— | and PA are the familiar build rate B and turn (walk) rate 7; and that the well- 
bore curvature is ds : 


dof ., (d3Y 
KS E +sin’ @ PA B A E AA A a malate, OS mtg a ace e a AE R (8.220) 


From Eqs. 8.219 and 8.220, after some rearrangements, the following form of the governing differential equation 
for soft-string model tripping operations can be obtained: 


2 2 
Z +w, cosp+ AG 2- Wr sno) {z snot) D E E EA (8.221) 
Eq. 8.221 is the same equation as that presented by Johancsik et al. (1983) and later on by Sheppard et al. (1986). 

Note that if the turn rate is nil, the above model reduces to the 2D model discussed earlier in Section 8.5.2. 
Because the governing differential equation is nonlinear, it does not have an analytical solution, and therefore a 
numerical approach is required to obtain the pipe effective force along the string. Perhaps the most effective ap- 
proach is to divide the well path into a number of small elements and carry out calculations in a stepwise manner 
starting from a point where the force is known. 


8.6.5 Drag-Force Calculations for a Minimum-Curvature Well Path. When the wellbore trajectory is mod- 
eled using the minimum-curvature method, the z-components of the unit tangential, normal, and binormal vectors 
are as follows: 


cosp, — cosp, cos f \ , 
t, = (cosg, )cos| x (s ef T Jsafe(s-s)] ee re ee E eee ee (8.222a) 


ere yok ae A kosfe(s-s j sdpaenie ns (8.222b) 
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TEN ee cla Es cishatmensashipapanghemesiuibedenoetanuce (8.222c) 
: sin 2 
The derivations of Eq. 8.222 are presented in the solutions of Examples 8.24 and 8.25 of Section 8.4.4. 

Analysis of Eq. 8.222 shows that if the wellbore inclination and azimuth angles are known at the initial (@,, 
Ù) and final (@,, 3) points on the minimum-curvature trajectory, the z-component of the binormal vector is 
constant between the two points, but both ¢ and n_ are nonlinear functions of the MD s. Consequently, it is 
impossible to provide a closed-form solution of Eq. 8.221, and a numerical approach is needed to calculate the 
drag force. 

Although there are several possible options, in this section, the following sequence of calculations is proposed 
for the minimum-curvature trajectory: 


. Calculate the DL $. 

. Calculate the RF. 

. Calculate Az, the vertical distance between the stations under consideration. 

. Using Eq. 8.222a, calculate the inclination angle at the midpoint of the trajectory. 

. Calculate the curvature k. 

. Obtain the z-components t , n, and b_ at the midpoint of the trajectory using Eq. 8.222. 

. Seth =F + Wp Az and obtain a first approximation for the unit contact force w! using Eq. 8.222a. 
. Calculate a first approximation of the axial force at the top of the segment under consideration: 


ONDMNPWN KF 


ESP AW ew AS. poak EARST teaser regs tee iE EE ERIE EEE (8.223) 


9. Calculate the average value of the axial force: 
i dy 
~ 


10. Obtain a second approximation of the unit contact force w'' using the axial force F” as calculated above. 
11. Calculate a second approximation of the axial force: 


a 
F = 


F” =F + Wyp AZ + M w.'As. 
F!-F" 
t t 
12. Calculate the tolerance Fi b and if the value is less than 1%, terminate the calculations; 


t 
otherwise, repeat the calculations until the desired accuracy is achieved. 
A practical implementation of this procedure is illustrated in Example 8.33. 


Example 8.33 Consider a minimum-curvature segment of a wellbore with the parameters given below: 


Inclination Angle, Azimuth Angle, degrees 
MD, ft degrees 
6,750 30.9 78.2 
7,050 43.2 100.6 


The force at the bottom of the segment (s = 7,050 ft) is 25,000 lbf. The drillpipe size is 5 in., with an effective unit 
weight of 16 lbf/ft. Calculate the force at the top (s = 6,750 ft) of the segment if the pipe is being pulled out of the 
hole. The coefficient of friction is 0.3. 

Solution. Calculate the DL $: 


B = arccos] (sin 30.9) (sin 43.2) cos(100.6 - 78.2) + (cos30.9) (cos 43.2) | = 18.19. 


Calculate the RF: 


RF = ay tan a = 151.3 ft. 
0.3157 2 
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Difference in vertical coordinates: 


Az = (cos30.9 + cos 43.2)(151.3) = 240.1 ft. 


Inclination angle at the midpoint (s = 6,900 ft): 


cos @ = 0.8036 
hence, 
@ = 36.52° 


Calculate the curvature: 
1 18.1 


x =—=—~ = 6.039100 ft = (1.052)10° ft". 
R 300 


Calculate bo Np and b, (Eq. 8.222): 
t, = cos 36.8 = 0.8036 
n, = —0.4018 


b, = 0.4312 
Calculate a first approximation of the unit contact force using Eq. 8.21 8a: 


w' = [25,000 + 16(240. 1)) (1 .052)(10° ) + (16.0) (-0.4018) | + [ (16.0)(0.43 12) = 24.9 lbf/ft. 
First approximation of the force at the top of the segment, s = 6,750 ft: 
F's 159 = 25,000 + (16.0)(240.1) + (0.3)(24.9) (300) = 31,081 Ibf. 


Calculate the average force: 


F = 31,081+ 25,000 


ta 


= 28,041 lbf. 


Calculate a second approximation of the unit contact force: 


w= yf[(28.041)(1.052)(10° ) + (16.0)(-0.4018) | + 47.6 = 24.0 lbf/ft. 
Calculate a second approximation for the force at s = 6,750 ft: 


F” „s = 25,000 + 3841.6 + (0.3)(24)(300) = 31,000 Ibf. 


Clearly, the relative difference is less than 1%, and the last value can be accepted as the final answer. 
For more-accurate calculations, the reader is encouraged to divide the segment into three parts, each 100 ft in 
length, and repeat the calculations. Useful closed-form solutions can be obtained if Eq. 8.221 is rewritten as follows: 


ʻ 2 2 
dF dp W,, SINn@ >. aby 
— + coso uF || ————— | +] sing— | =0. ooo aaa 224 
Tot Wa COS m|% > ) | o2) (8.224) 


t 


w,, Sino 


QP 
If the term ae is considerably greater than , then Eq. 8.224 takes the form 


F, 
z ARTEO eee (8.225) 
AY 


An analytical solution of Eq. 8.225 is possible because the wellbore curvature kK is constant and cos @ is given by 
Eq. 8.222a for the minimum-curvature method. 
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8.6.6 Drag-Force Calculations for a Constant Tool-Face Trajectory. For a wellbore trajectory with con- 
stant curvature and build rate (x = constant and B = constant), the tool-face angle yis also constant, and the 
following sequence of calculations can be proposed to obtain the unit contact force and the drag force along 
the pipe: 


1. Difference in z-coordinates between final and initial points on the trajectory: 


1,. ; 
Az = ze -sin ø, ) 


2. Hole inclination angle at the midpoint of the trajectory = @ = VAC + p) : 
3. Tool-face angle: 


B 
cosy =—. 
K 


4. z-components of unit tangent, normal, and binormal vectors t, n, b: 


t, =Cos@, 
n, = -sin p cosy, 
b, = sing siny. 


5. First approximation of F: 
Fi, E Fa + Wp ÂZ, 
maaie 

t,a 2 j 


6. First approximation of the unit contact force using Eq. 8.215a. 
7. Second approximation of F”, etc. 


Example 8.34 Consider a 3D segment of wellbore with a build rate and DLS of B = 4.13°/100 ft, DLS = 
6.07°/100 ft. Other data include: 


Initial point: 

Q, = 4.1°,8, =311.0° 

Final point: 

Q, = 45.3°,0, = 103.8° 

MD between the final and initial points: 

As = 100 ft 

Force at the final point (bottom of the segment): 
F = 50,000 Ibf. 

Pipe unit weight in fluid: 

w, = 15 Ibf/ft 


bp 


Calculate the force at the top of the segment if the coefficient of friction u = 0.3. 
Solution. Because the build rate is constant, the difference in z-coordinates between the final and initial points 
on the trajectory is 


Az= T (sing, -sing ) = aE inca. -sin (4.1) | =887 ft. 


T 
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The hole i eee EA at the midpoint of the trajectory is 


0 = (4.14 45.3 
The cosine of the tool-force angle y is 
B 41 
co yata oe 
6.07 


The z-components of the unit tangent, normal, and binormal vectors are 


t, = cos Q = 0.9081, 
n, = -sin g cos y = —(0.4186) (0.6804) = —0.2848, 


b, = sin @sin y = (0.4186) (0.7328) = 0.3067. 


If the friction coefficient is ignored, a first approximation of the force at the top of the segment is 
F; = F, + w,,Az = 50,000 +(887)(15) = 63,305 bf, 


and the “average” force is 


50,000 + 63,305 


= 56,652 lbf 
2 


Now a first approximation of the contact force w, can be calculated as 


wi = ¢{[(56.652)(1.059)(10") + (15)(—0.2848) | +[(15)(0.3067) } = 55.9 1bf/ft. 


The next step involves calculation of a second approximation of the force at the top of the segment: 
F? = F, + w,,Az+ uw; As = 50,000 + (15)(887) + (0.3)(55.9)(1,000) = 80,075 Ibf. 
A second approximation of the unit/constant force is 
w” = 64.8 Ibf, 
and the corresponding force at the top of the segment is 
F’ =82,735 lbf. 


The reader is invited to divide the segment into four parts and repeat the calculations. 


8.6.7 Torque Calculations for the Soft-String Model. As the pipe rotates, the drag-force direction is opposite 
to the direction of pipe rotation in the n— b plane, as shown schematically in Fig. 8.79. For the soft-string model, 
it is known that the shear force is nil (F, = 0 and F, = 0) and the bending stiffness EI = 0. Consequently, the general 
force (Eq. 8.207) and moment (Eq. 8.211) equilibrium equations reduce to 


iO, meea a a seston eee aaeeeoe (8.226a) 


LEW n Ew CORRE iW SG SO) cc neue sesat eed Pao tinen yr EE eeu aana be xk (8.226b) 


WDM SmO Eu W CONE HO, ole cags inatt ort se erste eed eet eee wees (8.226c) 
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5 
n 


Formation 


a 


i+1 
M, 
i+ 
F, 


aM, w 0 8.226d 
We OS, orto dances EE A A en peasants Gees ttre Sinnott dere epee . 

ds H Wep ( ) 

MRO. Sre dak oaks heed eet aaaloe eR kG ie eet a eae Ge ees haa (8.226e) 


It is clear that the conceptual weakness of this model is that Eq. 8.226e cannot be satisfied. From Eqs. 8.226b and 
8.226c, the unit contact force can be obtained as 


2 2 
MAS a ia a a a E EE (8.227a) 
i 1+? 
and the contact-force (side-force) direction angle is 
Wop? (8.227b) 
0 = arctan 4 arctan LEER EEE ED e ee eee a ee ee ee eee eee eee eee eee ens . 
(FK + Wyp, ) 


Therefore, it can immediately be concluded that, in contrast to the sliding case, pipe rotation results 


not only in a decrease in the axial force, but also in the unit contact force, by the factor Jo ; 


which depends on the coefficient of friction. The same factor was calculated for the case of a straight inclined 
wellbore. The side-force direction angle @ is a function, not only of the friction coefficient, but also of the 
wellbore geometry, the pipe effective unit weight, and the magnitude of the drag force. 

Now the model can be reduced to two equations: 


dF, 

a Wyle @ Oy elias est Riet eet alte inines 1G a hel E tees Aimee eee E (8.228a) 

dM r, 2 

rI al > JEx+w,n, kn ed cc (8.228b) 
S l+ u 


If the force and torque are known at (s = s,), the required boundary conditions are 


he ee (8.229a) 


EN EE E meen E EE E A (8.229b) 


Eq. 8.226a can easily be integrated (see Example 8.33), but Eq. 8.228b requires a numerical solution because 
of the nonlinear nature of the expressions for the z-components (n_ and b_) of the unit normal and binormal vectors. 
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For quick practical engineering calculations, approximations can be used, as illustrated in the following numerical 
example. 


Example 8.35 Consider a wellbore segment as described in Example 8.33. The torque at the bottom of the seg- 
ment is 4,750 ft-Ibf. Calculate the torque at the top of the segment. 
Solution. The magnitude of the force [Line (d) of Example 8.32] at the top of the segment is 
F 6750 = 25,000 +(16)(240.1) = 28,842 lbf, and a first approximation of a force at the midpoint is 26,921 Ibf. 
Therefore, the corresponding unit contact force (Eq. 8.227a) is 


= 22.0 lbf/ft. 


ey eee 


1+0.3° 
From Eq. 8.228b, the change in the moment for the measured length change As = 300 ft can be calculated as 


AM, = ur,w,As = (02)( 5 )(22.0)(300) = 412.5 ft-lbf. 


Hence, the torque at the top of the segment is 5162.5 ft-lbf. A more accurate solution can be obtained by dividing 
the segment into shorter elements. 


8.6.8 Stiff-String Model for a Minimum-Curvature Trajectory. As discussed earlier, if the well path follows 
a minimum-curvature trajectory, the geometric torsion T is nil, and the curvature is constant. Therefore, the 


change in the rate of curvature, dk is also nil, and the equilibrium equations are as follows: 
Equilibrium of forces: ds 


t 


a =P REW p FEU W HO), 2: ckeee tyas ipaa DEEE bene ERR EPIA eRe He EEE ES (8.230a) 
dF, 
e EES, rA wired ETENE ARAE RETER (8.230b) 
dF, : 
-g TVo =W SNES ak, op a styiesalasiana ea hated seated a nie aie aa E SEE (8.230c) 
Equilibrium of moments: 
dM, ` - 
AMO te E E E E E TA EEE T EE E (8.23 1a) 
ds 
MRS EA MO WSO). elise li deca siara tues wach a au A Gaa i N Soa he Mansa ds (8.231b) 
PRD SO. mordre e E nian tinea EE te GE TOE (8.231c) 
If the pipe is sliding without rotation, the torque M, = 0, and the applied unit moment m is 
=F KW, = CNW, cos0)b- EUW SOYA, 3561343512 2ei0eesi det isineeeakiecees (8.232) 


Taking the dot products of Eq. 8.232, the tangential, normal, and binormal components of the unit distributed mo- 
ment can be obtained as: 


. (8.233a) 
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men= -UW, A sin 0, Geib d etd wet ELLAELL ALEEA LATET TETE Ras Sage eae TELESE Bee ee tree as (8.233b) 
ineb =-pw, r, COSGS. ehee a a a ee E Se OS he ee eee (8.233c) 


Substituting Eqs. 8.233b and 8.233c into Eqs. 8.231a and 8.231b, the components of the shear force can be ob- 
tained as 


SPE SMO SO. a ou dada na aalicon wate eau ae souseran mea now ee ae eae a eee (8.234a) 


ed Es as ee er ee ee ee ee ee ee ee ee eee ee eres (8.234b) 


From Eqs. 8.234a and 8.234b, the magnitude and direction of the unit contact force are 


ae ie St eee ee eee ce eee eee ee ee (8.235a) 

° yl, 

b= (-# bd et daa tp bandied a a test sii eae (8.235b) 

Substituting Eqs. 8.234a, 8.234b, and 8.235a into Eq. 8.230 yields 

F, F +F? 

Mek EN e eee ee ee ee (8.236a) 
ds os r, 

dF F 

—+kF,+w,,n,+—> =0, 8.236b 
ds p up T eppen ip ipronn Enpe i e eane ea (8. ) 
F, F, 

Te +w,,0, + BESO. cebhiidiakiiadeisteghew E E add (8.236c) 
ds HyT, 


Eventually a system of three differential equations has been obtained, with three unknown forces, F oF, and F p 
Note that the pipe bending stiffness EI does not exist in this model because it was eliminated by the fundamental 
assumptions of constant curvature and zero torsion, which are valid for minimum-curvature trajectories. Three 
boundary conditions are needed to solve Eq. 8.236. The boundary conditions come from the interaction between 
the pipe segment under consideration and the parts of the string above or below it: 


Pe ey EO E ewidaa NEE EE een eee ene (8.237a) 
FNS E E E E pal ernest eR Teed (8.237b) 
eS a) | ee ee cre ee ee ee er eee eee eee eee eee ee Sere ee (8.2370) 


Mitchell (2008) analyzed Eq. 8.236 and concluded that for a minimum-curvature trajectory, the most reason- 
able approach is to use as a first approximation the following value for the magnitude of the binormal component 
of the shear force: 


Be a SER SE E E (8.238a) 


The binormal component of the shear force can be considered to be constant along the minimum-curvature 


trajectory. If it can also be assumed that Z can be ignored in Eq. 8.236b, then 
s 


EEE E EEE E AEA (8.238b) 
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Substituting Eqs. 8.238a and 8.238b into Eq. 8.235a, it can be observed that the unit contact force is the 
same as that obtained for the soft-string model. In other words, for sliding pipe, the stiff-string model behaves 
like a soft string as far as the axial force is concerned, but with the shear forces given by Eqs. 8.238a and 
8.238b. 


Analysis of torque-and-drag problems for stiff strings and well trajectories involving torsion and variable 


DLS is beyond the scope of this text. 


8.6.9 Review Questions and Problems. 


1. Derive the equation for the static equilibrium of moments (Eq. 8.176). 

2. Consider Eq. 8.176 and show that for a straight pipe segment in sliding mode (tripping in or out), the bend- 
ing moment is nil. 

3. A 4%2-in. pipe with a unit weight of 15 Ibf/ft is rotated in a horizontal straight section of wellbore. Calcu- 
late the unit contact force and its direction if the coefficient of friction is u =0.3 and u = 0.45. Discuss the 
importance of the direction of the unit contact force (side force). 

4. Explain why wellbore torsion does not exist in a 3D soft-string model. 

5. Derive Eq. 8.215a for calculating the unit contact force for a 3D soft-string model. 

6. Show that for a 2D well profile, the 3D model for a soft string reduces to the following equation for the 
case of tripping in: 
dF 

F t- BE K+W,, (cos p+ using) =0 
s 
if 
FK-w„ sing > 0, 
else 
dF, : 
F +HUEK+W, (cosg - using) =0, 
s 
where @= Ọ, + ks, 
Ọ, = the hole inclination angle at s = s, 

7. Consider a well profile as described below: 

Station MD, ft Inclination Angle, degrees Azimuth Angle, degrees 

1 3,000 55 0 

2 3,055 60.7 4.1 

3 3,110 66.4 7.7 

+ 3,165 72.2 11 

5 3,220 78.1 14.1 

6 3,275 84.1 17.1 

7 3,330 90 20 


The force at the bottom segment is F,= 10,000 Ibf, and the coefficient of friction is 4 = 0.3. 

Calculate the expected force at the top of the segment (s = 3,000 ft) for tripping-out and tripping-in op- 
erations. The pipe unit weight in fluid is 17.5 Ibf/ft. To carry out the calculations, assume a minimum- 
curvature well path between the stations. 


. Wellbore and drillstring data as in Problem 7 above. Calculate the rotary torque at the top of the segment 


if the torque at the bottom is 2,580 ft-lbf. 


. Wellbore and drillstring data as in Problem 7. Calculate axial force and torque at the top segment using 


the constant curvature and build rate method (constant tool-face angle, y= constant). 
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10. Show that by solving Eq. 8.224 with the boundary condition at s = s, and the force F, = F, the following 


11. 


12. 


result can be obtained: 


F (s) = Ae“ + Bcos(9, — Bl)+Csin(9, - Bl), 
where the quantities A, B, and C are 
A=F,—Bcos 9, — Csin 9, 
HW,,K 
Wyp 


B=- 


“Be we 


The quantity / is a length of wellbore measured from the endpoint, hence / = s, — s. 

Verify the above equations and calculate the axial force at the top of a wellbore segment with build rate 
B = 4.13°/100 ft and curvature DLS = 6.07°/100 ft. The hole inclination angle at the bottom end is 45.3°, 
and the length of the segment is 1,000 ft. The force at the bottom is F, , = 50,000 Ibf and the friction coef- 
ficient is u = 0.3. The pipe unit weight in fluid is 15 lbf/ft. Assume that the pipe is being tripped out of 
the hole. 

Consider a segment of a horizontal wellbore (a wellbore path confined to a horizontal plane) with con- 
stant curvature K. The string’s unit weight in fluid is Wipe Assuming the soft-string model, develop an 
equation for calculating the unit contact force if the tension in the string is F. 

Consider a segment of a horizontal wellbore as described in Problem 11 above. The length of the segment 
is 450 ft, and the force applied at the lower end is 8,000 lbf (in tension). Assuming that the coefficient of 
friction is u = 0.27, the pipe unit weight =16 lbf/ft, and the turn rate = 21°/100 ft, calculate the pulling 
force at the top of the segment. 


Nomenclature 


A = flow area, in.” 
A, outer pipe area enclosed by nominal OD, in.’ 
A, inner pipe area enclosed by nominal ID, in.” 
A, steel cross-sectional area, in.” 
A, A, A, = cubic interpolation constants 
b = binormal direction vector 
b, = component of binormal vector in the z coordinate direction 
B build rate 
B, lateral curvature 
B, vertical curvature 
B, B, B, cubic interpolation constants 
c dimensionless radial clearance 
G stabilizer radial clearance, m 
C constant in force equation 
Cio Ci CoCr Gap Gay coefficients in stabilizer calculation 
C © C, cubic interpolation constants 
dl horizontal projection of ds 
d, rotor diameter 
ds differential MD 
dx,dy,dz differential length in the x, y, z coordinate directions 
D, diameter of wellbore, m 
Dos outside diameter of stabilizer 
D, D, D, cubic interpolation constants 
e eccentricity 
E Young’s modulus of elasticity, psi 
F force, lbf 
F, shear force in binormal direction, lbf 
F critical buckling force in a straight wellbore, lbf 
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F, = hook load, lbf 
F, = shear force in normal direction, lbf 
F = stability load, lbf 
F = force in the tangent direction, lbf 
h = anisotropic index 
h = dimensionless side force 
h, = dimensionless side force at the stabilizer 


= horizontal vector 

= horizontal turn rate 

= average horizontal turn rate 
side force on bit 

side force at the stabilizer 


II 


= 
Il 


x 
I 


Sms 
Il 


north coordinate vector 
= moment of inertia 
drill collar inside diameter, in. 


5 
Il 


a 
Į 


= east coordinate vector 
= downward vertical vector 


= curvature vector 
= dimensionless distance to point of tangency 
= length from bit to point of tangency 
scaling factors 
torque 
torque due to contact drag forces 
= torque at drill bit 
mx = maximun torque 
M = torque at rotary table 
M_, = torque due to viscous drag 
n, = scaling factors 
nm = normal direction vector 
= x component of normal vector at point i 
. = nel 
n, = number of lobes in motor 
N = motor rotary speed 
N = runaway motor rotary speed 
OD = drill collar outside diameter, in. 
= pitch of helix, ft 
= rotor pitch 
= power, hp 
= points on a trajectory 
flow rate, gal/min 
= radius, in. 
= displacement vector, ft 
= radial clearance, in. 
= dimensionless radius of curvature 
= radius of the pipe, in. 
= stabilizer radial clearance, in. 
= radius of curvature, ft 
= measured depth, equivalent to arc length 
= measured depth to target 
= shear force 
S-U = special coordinate system for slick assembly analysis 
(see Fig. 8.25) 
axial direction vector, tangent vector 
component of the tangent vector in the x coordinate direction 
= azimuth turn rate 
= average azimuth turn rate 


KA Ale 
l 


3 
3 
= 

I 


Se 
ol 


R 


Sx 


a Wars tA wy OL yd i= 
ll 


target 


~ ~ 
LE 


z 


AINA 


Abbreviations 


Ay 


BIOS < OS BMG gmERX oS n EEE 


unit right-side vector 
weight per foot 

contact force load vector 
friction force vector 


buoyant weight per foot of pipe 


contact force magnitude 
weight of drill collars in mud 
weight of BHA 

weight of drillpipe 
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conventional (right-hand) rectangular system of coordinates consistent with the 


north, east, and vertical directions, N, E, and V 


true vertical depth 


angle change between survey points 
actual achieved deflection angle 


tool face angle 
formation dip angle 

tilt angle 

dimensionless tilt angle 
change in hole direction 
pressure increment 


change in position in the x coordinate direction 
change in position in the y coordinate direction 
change in position in the z coordinate direction 


increment of MD 
length change 


angle of original hole with respect to the south direction 


efficiency 


angle defining the direction of the contact load 


curvature 
friction coefficient 


turn rate direction (+ if positive, — if negative) 


geometric torsion of a curve 


angle of inclination of the wellbore 


average angle of inclination 
new angle of inclination 
resultant force angle 


instantaneous direction of drilling 


angular velocity 
azimuth angle 
average azimuth angle 


BHA bottomhole assembly 

DT departure of target 

DL overall angle change, dogleg 
DLS dogleg severity 

ERD extended reach drilling 

HD horizontal departure 

HP hydraulic horsepower 

KOP kickoff point 

MD measured depth 

MCM minimum curvature method 
MWD measurement while drilling 
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PDM positive displacement motor 

RCLS rotary closed-loop system 

RCM radius-of-curvature method 

RKB rotary kelly bushing 

RF ratio factor 

RSS rotary-steerable system 

SM steerable motors 

TVD true vertical depth 

WOB weight on bit 

WOC Water-oil-contact 
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SI Metric Conversion Factors 
ft x 3.048* E-Ol=m 


ft? 9.290 304* E-02=m 
fe 2.831 685 E -02 = m’ 
gal 3.785 412 E -03 =m 
hp 7.460 43 E-01 = kW 


2.684 520 E +00 =MJ 
2.54* E + 00 = cm 
6.451 6* E + 00 = cm? 
4.448 222 E+00=N 
4.535 924 E-011 =kg 
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Chapter 9 


Fundamentals of Drillstring Design 


Stefan Miska, University of Tulsa 


The objective of this chapter is to present the fundamentals of drillstring design. Included in this chapter are de- 
scriptions of the components of a drillstring, determination of the forces and moments in the drillstring, the effect 
of wellbore pressures on drillstring forces, and overall drillstring design. 


9.1 Introduction 

The drillstring (drillstem) is the major component of a rotary drilling system. The typical drillstring consists of a 
kelly, a drillpipe with tool joints, drill collars, and stabilizers. The part of the drillstring above the bit is called the 
bottomhole assembly (BHA). Fig. 9.1 illustrates the usual arrangement of drillstring components. The bit is at- 
tached to the drill collars by means of a bit sub. In conventional rotary drilling, the rotary motion produced by a 
rotary table is transmitted to the drillpipe by a square or hexagonal pipe called the kelly. For effective rock destruc- 
tion, the lower part of the drill collars is slacked off onto the drill bit to provide the so-called weight on bit (WOB). 
Cuttings generated by the rock bit are removed from the bottom of the hole by the drilling fluid, which is circu- 
lated inside the drillstring and through the drill bit into the annular space between the drillstring and the borehole 
wall. As explained in Chapter 8, stabilizers are placed above the bit to control the direction in which the drill bit 
will penetrate the formation. Downhole motors with bent subs and rotary-steerable tools are also used for control- 
ling the direction in which the bit drills, as discussed in Chapter 8. 

The major functions of a drillstring in conventional rotary drilling operations are 


To transmit rotary motion from the rotary table to a drill bit 
To convey drilling fluid to the working face of the bit 

To produce WOB for effective drilling action 

To provide control of borehole direction 


In addition to the elements already mentioned, the drillstring may include shock absorbers, junk baskets, drilling 
jars, reamers, and other equipment. The drillpipe itself may serve for drillstem testing, completion, well stimula- 
tion (e.g., fracturing, acidizing), and fishing operations. 

New developments involve using the drillstring as a vehicle for sending downhole information to the top of the 
hole. High-speed-telemetry drillpipe can provide high-quality downhole dynamic data along with logging infor- 
mation (gamma scans, density images, etc.) that can be effectively used for real-time drilling optimization. 


9.2 Drill Collars 

The drill collars are the major part of the BHA. The BHA, if properly designed, serves several purposes, in- 
cluding loading of the drill bit with the WOB, as previously mentioned. The mechanical and geometric proper- 
ties of the BHA affect bit performance (i.e., drilling rate and bit wear), hole problems (doglegs, key seats, 
differential pressure sticking), drillstring vibrations, and drillpipe service life. 
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Fig. 9.1—Basic components of a drillstring [after API Spec. 7:2001 (2001)]. Reproduced courtesy of the American Petro- 
leum Institute. 


Drill collars are manufactured in various sizes and shapes. Conventional drill collars have a round cross section; 
however, square and spiral drill collars are also used in the drilling industry. Drill collars with a square cross-sectional 
outside profile are used to increase the stiffness of a BHA, whereas the spiral type is recommended for drilling in 
areas where differential pressure sticking is a problem. The spiral grooves on the outside surface of these drill collars 
reduce the contact area between the borehole wall and the drill collars, which, in turn, decreases the sticking force. 

The unit weights of new conventional drill collars are given in Table 9.1. Corresponding data for non-Ameri- 
can-Petroleum-Institute (APJ) drill collars are available from manufacturers on request. Conventional drill collars 
are usually made with a uniform outside diameter (OD); however, drill collars with slip and elevator recesses are 
also available. 

The string of drill collars is formed by connecting individual collars (usually with a length of approxi- 
mately 30 ft) by means of rotary-shouldered connections. Selection charts for drill-collar connections are available 
from several manufacturers. The connections must be made up with an appropriate amount of makeup torque so 
that they will not separate under downhole conditions. The recommended makeup torques for different sizes of 
drill collars are given by API RP 7G (1998). Basic physical properties of new drill collars are given in Table 9.2. 


9.2.1 Selection of Drill-Collar Size and Length. Many factors affect selection of the drill-collar shape and unit 
weight. The most important factors are 


Bit size 

OD of the casing that is expected to be run in the hole 

Formation dip angle and heterogeneity 

Hydraulic program (i.e., drilling-fluid type, properties, flow rate, and nozzle size) 
Maximum acceptable dogleg (hole curvature) 
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TABLE 9.1—SIZES AND UNIT WEIGHTS (lbf) OF NEW DRILL COLLARS 
[after API Spec. 7:2001 (2001)] Reproduced courtesy of the American Petroleum Institute. 
Drill-Collar ID, in. 

Drill- 1 1% 1% 1% 2 2% 2⁄2 2'3 3 3% 3% 3% 4 
Collar 
OD, in. 
2% 19 18 16 
3 21 20 18 
3% 22 zZ 
3% 24 2B 
3% 29 Bo 
3% 33 Kszo 
4 40 39 37 35 32 29 
4% 43 | 41 39 37 35 32 
4% 46 | 44 42 40 38 35 
4% 51 50 48 46 43 41 
4% 54 52 50 47 44 
5 61 59 56 53 50 
5% 68 65 63 60 57 
5% 75 73 70 67 64 60 
5% 82 80 78 15 72 67 64 60 
6 90 88 85 83 79 75 72 68 
6% 98 96 94 91 88 83 80 76 72 
6% 107 105 102 99 96 91 89 85 80 
6% 116 114 111 108 105 100 98 93 89 
7 125 123 120 117 114 110 107 103 98 93 84 
7% 134 132 130 127 124 119 116 112 108 103 93 
Th 144 142 139 137 133 129 126 122 117 113 102 
T4 154 152 150 147 144 139 136 132 128 123 112 
8 165 163 160 157 154 150 147 143 138 133 122 
8% 176 174 171 168 165 160 158 154 149 144 133 
8% 187 185 182 179 176 172 169 165 160 155 150 
9 210 208 206 203 200 195 192 188 184 179 174 
9% 234 232 230 227 224 220 216 212 209 206 198 
9% 248 245 243 240 237 232 229 225 221 216 211 
10 261 259 257 254 251 246 243 239 235 230 225 
11 317 315 313 310 307 302 299 295 291 286 281 
12 379 377 374 371 368 364 361 357 352 347 342 


e Required WOB 
e Possibility of fishing operations (retrieving the string if some of the elements fail and a portion of the BHA 
is lost in the hole) 


If a near-bit stabilizer is not used, to prevent rapid changes in hole deviation (which may make running a casing 
string difficult or even impossible), the required OD of the drill collars can be calculated as follows: 


D =2(D 


odc 


Dr ea vida soled EE (9.1) 


oce 


where D „= outside diameter of drill collars, D „= outside diameter of casing coupling, and D, = bit diameter. 

The required length of drill collars depends mostly on the desired WOB, the unit weight of the drill collars, and 
the drilling-fluid density. Assuming that only drill collars will be used to create bit loading, the required length is 
given by the formula 


O O PÓ ġñġñOOûűümaaa L (9.2) 
Wace K, cos 


de 
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TABLE 9.2—PROPERTIES OF NEW DRILL COLLARS 
1 2 3 
Drill-Collar Minimum Minimum 
OD Range, in. Yield Strength, psi Tensile Strength, psi 
3%-6% 110,000 140,000 
7-10 100,000 135,000 


where DF = design factor (DF = 1.1 to 1.2); W = WOB, lbf; w,, = unit weight of drill collars (see Table 9.1); K, = 


- m; y, = drilling-fluid specific weight; y,, = drill-collar-material specific weight [steel 


s 


buoyancy factor = 1 — 


specific gravity (SG) = 7.85; water =1.0); and g = hole inclination angle from the vertical. 

A design factor of approximately 1.15 to 1.20 is recommended in nearly vertical holes to ensure that the part of 
the drillstring above the drill collar is under effective tension. The concept of effective tension is explained later in 
this chapter in the section dealing with axial stress in drillpipe. Maintaining the drillpipe under tension not only 
prevents it from buckling, but also helps prevent lateral movement of the pipe because of the centrifugal forces 
that are generated while the pipe is being rotated. Generally, in nearly vertical holes, a higher value of the design 
factor is recommended for higher rotary speeds of the drillstring and higher flow rates. As the hole inclination 
angle increases, gravity keeps the drill collars on the lower side of the borehole, which results in drag forces, as 
discussed in Chapter 8. 

The pressure-area method suggested by some authors for calculating the required length of drill collars is not 
correct and therefore should not be used because it does not consider the tri-axial nature of the stresses that are 
actually observed when the pipe is immersed in the drilling fluid. It can be shown that hydrostatic forces cannot 
cause buckling as long as the density of the drilling fluid is less than that of the drill-collar material. In other 
words, under these conditions, the drill collars will not buckle because of hydrostatic forces, no matter how deep 
the hole is. 


Example 9.1 Select the drill-collar size and length for the following drilling conditions: 
Hole size = 8% in. 
Casing size 7 in. with 7.656-in. OD coupling 
WOB = 45,000 lbf 
Mud SG = 1.2 (water = 1.0, steel = 7.85) 
Hole inclination angle = 10° 
Design factor = 1.2 


Solution. From Eq. 9.1, Da = 2(7.656) — 8.75 = 6.562 in. From Table 9.1, drill collars can be 
selected with OD = 6% in. and inside diameter (ID) = 2 in., so that the unit weight w, = 102 Ibf/ft. The buoyancy 
factor is 


K,=1- ——=0.847, 
7.85 


and the length of the drill collars, from Eq. 9.2, is 


(1.2)(45,000) 


= =635 ft. 
(102)(0.847)(cos10) 


Assuming that the average length of one joint of drill collar is 30 ft, the required number of joints is 22. 

Note that once the ID of the drill collars has been selected (e.g., 2 in.), the unit weight has been 
determined, and consequently the length of the drill collars can be found from Eq. 9.2. Selecting different IDs 
gives different corresponding drill-collar string lengths. For each combination of ID and drill-collar length, the 
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corresponding pressure losses can be calculated. This clearly indicates that the selection of the drillstring should 
be made in conjunction with the hydraulic program. 


9.2.2 Drill-Collar Buckling. To understand the phenomenon of drill-collar buckling, for the sake of simplicity, 
let us first consider a steel vertical rod with a length L, = 5 ft (60 in.) and a cross-sectional area of 0.5 in.” [diam- 
eter = 0.798 in. and moment of inertia = (1.99)(10~)in.*]. The lower end is resting on a flat surface, and the upper 
end is loaded with an axial force. The axial force results in an axial compressive stress equal to the magnitude of 
the force divided by the cross-sectional area of the rod. By gradually increasing the axial force, it can be observed 
that at a certain force, the rod buckles. If the hinged types of end conditions (no bending moment) are assumed 
and the rod weight is neglected, the magnitude of the critical force that causes the rod to buckle can be calculated 
from the well-known Euler equation [e.g., Popov (1990)] as 


where EI is a bending stiffness that is a product of modulus of elasticity (E) and the moment of inertia (1), and L, 
is the length of the rod. If the rod is made of steel [E = 30(10)°psi], the critical buckling force from Eq. 9.3 is 1,635 
lbf for the case under considerations. Note that in Eq. 9.3, the rod weight is not considered (that is, the rod is as- 
sumed to be weightless). In other words, the practical usefulness of Eq. 9.3 is limited to those cases in which the 
buckling force is much greater than the weight of the compressed elements. 

A similar phenomenon may occur if the WOB is increased above a certain value called the critical WOB. Be- 
cause the lateral movement of the drill collar is restricted by the borehole wall, the drill collar will contact the wall, 
as shown in Fig. 9.2. 


Fh 


x; 
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YY vont 
cae Wor F 
Wy 
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Fig. 9.2—Buckling of collars in a vertical hole [after Lubinski (1987)]. 
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The force W is called the WOB, which is the vertical component of the force that the formation exerts on the bit. 
W is also equal to the weight of the portion of the drill collars in drilling fluid that is below the neutral point, N, 
reduced by the frictional force, F P In other words, the WOB force, W, plus the frictional force, F, is equal to the 
weight in mud of the portion of the drill collars that is below the neutral point. The force His called the side force 
at the bit. The vertical force equilibrium requires that the F, (hook load) be equal to the total weight of the drill- 
string in drilling fluid minus the weight of the drill collars that are used to generate bit loading reduced by the 
friction force (drag force). In other words, the neutral point divides the drillstring into two parts. The upper part, 
with length X ii is in effective tension, and the lower part, with length X,, is in effective compression. Because the 
buckling of drill collars is attributable to the amount of drill-collar weight that is slacked off onto the drill bit, Eq. 
9.3 cannot be used to calculate the critical buckling force. 

A theoretical analysis performed by Lubinski (1951, 1987) revealed that for a frictionless system (that is, 
friction force is neglected), the critical values of WOB W, „that cause first- and second-order buckling 
(meaning that the first or the second buckle contacts the borehole wall) can be calculated from the following 
expressions: 


We] 194w M, cierrsiriieeriiaroi ebeoindindd daha pedednaa prbenehaeeeeitapadedwukia (9.4) 


crt bp 


ME ae eee Ce er ee eee eee Te rer eee erate cee erect ee ee (9.5) 


cr 


where W, 17 critical value of WOB for first-order buckling, 


W., n= critical value of WOB for second-order buckling, 


m =3/——, a scaling factor or “dimensionless unit,” which relates actual to dimensionless length, ft, 
Wop 


EI = bending stiffness of the drill collars, and 


Wi, = unit weight of the drill collars in drilling fluid. 


If the WOB is less than calculated from Eq. 9.4, the drill collars remain straight and the side force H, = 0. It can 
be shown that the coefficient 1.94 in Eq. 9.4 should be replaced with 1.08 for deep wells. 

Once the drill collars have buckled, the string is no longer vertical at its lower end, and the bit starts to drill 
an inclined hole. The direction (inclination) of the force on the bit and the tilt angle are given by (Lubinski 1951, 
1987) 


ie) bees hte earned nee E E ath ee eee ih awn eee elas Pen ee (9.6) 
m 

ae ee eee eee ee ee eee (9.7) 
m 


where ® = inclination of the resultant bit force [note also that ® = arctan (H /W)], 


p = tilt angle (the angle between the tangent to the centerline of the drill collars at the bit and the vertical 
at the bit) (radians), 


r = radial clearance (apparent radius of the hole), r, = 0.5 (D, — OD. 


n, A = coefficients that depend on the dimensionless distance, x, = —, between the bit and the neutral 
point, as shown in Fig. 9.3. ise 


Assuming that the drill-bit face- and side-cutting abilities are identical and the formation being drilled is isotro- 
pic, the expected instantaneous bit-displacement direction is the same as the direction of the resultant force on the 
bit. If, however, the side-cutting ability of the drill bit is assumed negligible, the bit will penetrate the formation 
in the direction in which it is pointed out. In other words, the instantaneous hole angle will be equal to the tilt 
angle. In general, the direction of bit penetration will be neither that of the tilt angle nor that of the resultant force 
angle, because formation drillability (formation resistance to drilling) is different in different directions. 

The magnitude of the force applied by the buckled drill collars on the hole wall is given by 
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Fig. 9.3—Coefficients t and n as functions of dimensionless distance from the drill bit to the neutral point, x, [after Lu- 


binski (1987)]. 


where f = a coefficient that depends on the distance from the bit to the neutral point, expressed in dimensionless 
units, x, (Fig. 9.4): 


F= uN = friction force, lbf, and u = coefficient of friction between the drill collar and the formation at the point 
of contact. 

Analysis of Eqs. 9.8 and 9.10 indicates that if the coefficient of friction (u) is known or can be estimated, then 
the force N can be calculated iteratively. If the drillstring is rotating, the friction force is absorbed by the rotary 
torque, and the axial fiction can be ignored in Eq. 9.10. 

It is evident that buckling generates a bending moment, which in turn produces a bending stress, which is a ten- 
sion on one side and a compression on the other. This bending stress affects the compound stress in the inner and 
outer fibers of the drill collars. 

The following expression can be used to calculate the bending moment: 


where i = the bending-moment coefficient, which is a function of x, (Fig. 9.5). There are two points in drill collars 
where the bending moment reaches a maximum. 

In Fig. 9.5, the coefficient i, corresponds to the point of maximum bending moment that is nearest to the bit, 
whereas i, corresponds to the point above. The dashed lines M,M, and M, M, represent the dimensionless dis- 
tance (the ordinate on the right side of Fig. 9.5) to the two points at which the bending moment is a maximum. 
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Fig. 9.4—Coefficient f for the force that collars exert on the borehole wall upon buckling [after Lubinski (1987)]. 
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Fig. 9.5—Bending coefficients i, and i, vs. x, [after Lubinski (1987)]. 


Example 9.2 Consider 71⁄2- by 2/2-in. steel drill collars in a 124-in. vertical hole. If the WOB W = 20,000 lbf and 
the mud weight = 12 Ibm/gal, determine 


(a) Whether drill-collar buckling occurs and, if it does, the distance to the tangency point 
(b) The inclination of the resultant force acting on the bit and the tilt angle 
(c) The side force at the bit 
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(d) The force that the buckled drill collar applies to the borehole wall 
(e) The distance from the bit to the point of maximum bending stress and the corresponding bending stress 


Solution. The first step is to calculate the moment of inertia: 


(a) a) (22) poas 


The unit weight of the drill collars in mud (note that for 7⁄2- x 2⁄2-in. drill collars, the unit weight, w „= 133 Ibf/ft): 


12 
b w, = (133) (1 — ——) = 108.63 Ibf/ft, 
(b) (133) ( re 


bp z 


(c) Dimensionless unim = po X740”) 
108.63 


= 66.51 ft. 


The apparent radius of the hole (the radial clearance between wellbore and pipe) is 


12.25 7. 
a wens an 
12 12 


c 


The WOB that causes first-order buckling is 
(e) W „= (1.94)(108.63)(66.51) = 14,016.5 Ibf. 
The WOB that causes second-order buckling is 


(f) W = (3.75)(108.63)(66.51) = 27,093.7 lbf. 


cri 


Conclusion: Because the actual WOB is 20,000 lbf, first-order drill-collar buckling will occur. 
The distance to the neutral point (assuming no friction at the tangency point) is 


20,000 
(g) Lo=X =o? = 184.11 ft. 
i N 2 108.63 


Hence, the dimensionless distance to the neutral point is 


Ly 184.11 
(h) xX, = Pa = 66.51 = 2.768. 


To calculate the resultant force angle, ®, and tilt angle, p, the coefficients n and A can be read from Fig. 9.3 
as n = 0.415 and A = 1.14. Consequently, from Eqs. 9.6 and 9.7, 


(i) p= 041928 =1.23 x 10” radians = 0.0708°, 


0.198 
j = (1.14) —— = 3.39 x 10° rad = 0.194°, 
U P= rer 


The side force at the bit (H,) is 
(k) A, = W tan® = (20,000)(tan0.0708) = 25 Ibf. 


Of course, in spite of the relatively small values of the tilt angle 8 and side force H,,, the hole will eventually start 
to deviate from the vertical. 
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From Fig. 9.4, the coefficient f= 0.8. Hence, the side force at the point of tangency is 
(1) N = (0.8)(108.6)(0.198) = 17.2 lbf. 

To calculate the distance from the bit to the points of maximum bending moment, the values of the dimension- 
less distances, 0.875 and 4.075, can be read from Fig. 9.5. The corresponding actual distances are (0.875)(66.51) = 
58.2 ft and (4.075)(66.51) = 271.05 ft. To calculate the corresponding bending stresses, coefficients i, and i, can 
be obtained from Fig. 9.5 as i, = 0.9 and i, = 0.15. Consequently, the bending moments are (Eq. 9.11) 

(m) M, = (0.9)(108.63)(66.51)(0.198) = 1287.6 ft-lbf 
and 


(n) M, = (0.15)(108.63)(66.51)(0.198) = 214.6 ft-Ibf. 


Once the bending moments are known, the corresponding bending stresses can be easily calculated. The reader is 
invited to complete this calculation. 


Buckling in an Inclined Hole. If the hole is straight, but not vertical, the critical WOB that induces buckling 
can be calculated as follows: 


Ae U ee Ore A E ee eee eee eT (9.12) 
r 


Eq. 9.12 is based on an experimental study performed by H.B. Woods of Hughes Tool Company. However, Daw- 
son and Pasley’s (1983) theoretical study of long and frictionless rods provided the following equation: 


All quantities in Eqs. 9.12 and 9.13 (m, Wi b and r ) have the same meaning as previously. Clearly, the empirical 
equation (Eq. 9.12) predicts a value of the buckling force greater than that predicted by Eq. 9.13 by a factor of a; 
This is possibly due to the stabilizing effect of the friction force. In other words, Eq. 9.13 provides a fairly con- 
servative estimate of the buckling force in a straight inclined hole and is frequently used by industry at present. 
This buckling force is called a sinusoidal, snaky, or lateral buckling force. As the compressive force is increased 
above the lateral buckling force, the pipe eventually develops a 3D helical shape. 


Example 9.3 Assuming that the drill-collar properties and the hole size are the same as in Example 9.2, calculate 
the critical WOB if the hole inclination angle is 5°. 
Solution. Using Eq. 9.12, 


(a) W,, = (2)(66.51)(108.6) |2(66-5D(sin5) = 110,586 Ibf. 
0.198 


Using Eq. 9.13, 


(b) W „= 110,586.4 Bee 78,196 lbf. 


L 


Buckling of the drill collars in an inclined hole will require a very high WOB, which is usually outside the range 
recommended by bit manufacturers for effective drilling. However, because the stiff, heavy drill collars lie on the 
lower side of the hole, high contact forces are created, which in turn cause increased axial drag, increased rotary 
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torque, and the possibility of differential sticking. High wall friction can also result in whirling (rolling) of drill 
collars about the wellbore axis rather than rotation about their own axis. This causes very high rotary torque and 
additional bending loads that are detrimental to the mechanical integrity of the drillstring. 

To reduce the problems associated with stiff, heavy drill collars in directional wells, a regular- or heavyweight 
drillpipe (i.e., a pipe with increased wall thickness) is used to create the desired WOB. If placed in the BHA above 
the drill collars, a heavyweight drillpipe provides a gradual change in stiffness between the rigid drill collars and 
the flexible drillpipe. Naturally, a drillpipe that is much more flexible than the drill collars will buckle under much 
less force than will the drill collars. 

Experiments conducted under static conditions (no pipe rotation) in a horizontal well configuration have shown 
that a pipe subjected to axial loading first buckles into a “snake” shape (as mentioned earlier, this is also called 
lateral or sinusoidal buckling), and as the force is increased, the pipe eventually assumes a helical shape. This is 
the so-called helical buckling phenomenon. For pipe with a known bending stiffness (EJ), the relationship be- 
tween the axial force F and the helix pitch p is given by Lubinski (1962, 1987) as 


Once the helix pitch has been obtained, the corresponding pipe curvature (K) can be calculated from Eq. 9.15 and 
the bending moment (M,) from Eq. 9.16: 


2 
B Bal Be ss, co tlie Giri ia aig eta E E EE Hee an Rona (9.15) 
Pg +4n’r 
M, = Elk, ETEA EEEE EEE A P EE e, A EE ETE A EEE E dee eras wis (9.16) 


It can be shown that in a helical pipe configuration, the unit contact force between the pipe and the wellbore is 
given by Mitchell’ s (1986) equation: 


Clearly, for a pipe with a known bending stiffness (ED, the radial clearance r and the axial force F are the major 
factors controlling the bending moment (bending stress) and the unit contact force. 


Example 9.4 Consider a 3/-in. steel drillpipe with a unit weight of 15.5 lbf/ft (pipe ID = 2.602 in.) in a vertical 
hole subjected to a compressive force F = 15,000 lbf. Calculate the bending moment and the unit contact force if 
the hole diameter is 77s in. Assume that the pipe is helically buckled. 

Solution. 


Radial clearance: 


_7.875-3.5 
2(12) 


(a) r, = 0.1823 ft. 


Bending stiffness: 


(b) EI = 4,320(10°) a 6 (=) | = (1.065)(10°) Ibf-ft’. 


12 12 


Pitch of the helix (Eq. 9.14): 


1/2 
87 (1.065)(10° 
(c) e- á i J = 42.24 ft. 


15,000 
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Pipe curvature (Eq. 9.15): 


(d) c= — 470.1823) 


= (4.027)(10°) ft". 
? 42.24? +47 (0.1823?) vee 


Bending moment (Eq. 9.16): 
(e) M, =(1.065)(10°)(4.027)(10 *) = 4,288 ft-lbf. 
Contact force per unit length (Eq. 9.17): 


() y = (0.1823)(15000)° 


Fa oes 772-63 Ibe 


9.3 Drillpipe and Tool Joints 

The major portion of a drillstring is composed of drillpipe. Drillpipe in common use is made out of steel [steel drill- 
pipe (SDP)]. In some applications (e.g., drilling long extended-reach wells), it may be better to use aluminum drill- 
pipe (ADP) or perhaps titanium drillpipe (TDP). To evaluate the usefulness of ADP and TDP compared with SDP, 
one would need to consider the wellbore path configuration, the downhole temperatures, the working environment 
(presence of H,S and CO,), and the drag and torque issues discussed in Chapter 8. Hot-rolled, pierced seamless tubing, 
sometimes with the end threaded (eight threads per inch of thread length), is used for tool-joint attachments. As sche- 
matically depicted in Fig. 9.1 tool joints provide a means of fastening the individual lengths of pipe together. Cur- 
rently, threaded connections between the drillpipe and tool joints have been almost completely replaced by butt welds. 
To reinforce the ends of the pipe, the pipe is upset at both ends. The pipe can be internal-upset (IU), external-upset 
(EU), or internal-and-external-upset (IEU). These three different designs are shown in Fig. 9.6. 

For identification purposes, drillpipe can be classified according to: 


Size (nominal OD) 

Wall thickness (or nominal unit weight) 
Steel grade 

Length ranges 


The API standard drillpipe sizes include 27s in., 27s in., 3¥2 in., 4 in., 4% in., 5 in., 52 in., and 67% in. The wall 
thicknesses and corresponding unit weights for the standardized drillpipe sizes are listed in Table 9.3. 

The steel grades used and the corresponding minimum tensile yield strength for each are given in Table 9.4. 
Usually, drillpipe is available in three length ranges: 

Range 1: 16-25 ft 

Range 2: 27-30 ft 

Range 3: 38—45 ft 


In regular rotary-drilling operations, the drillpipe most commonly used is Range 2. The minimum mechanical- 
performance properties of various kinds of drillpipe are given in Table 9.5. 


Fig. 9.6—Drillpipe upsets: IU, EU, and IEU. 
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TABLE 9.3—NEW DRILLPIPE DIMENSIONAL DATA 
[from API RP 7G (1998)] Reproduced courtesy of the American Petroleum Institute. 
Nominal 
Weight of Cross- 
Thread Sectional 
Couplings, Plain-End Wall Area, Body of Polar Sectional 
OD, in. [Ibf/ft] Weight, Ibf/ft Thickness, in. ID, in. Pipe, inf Modulus Z, in.? 
2% 4.85 4.43 0.190 1.995 1.3042 1.320 
6.65 6.26 0.280 1.815 1.8429 1.734 
2% 6.85 6.16 0.217 2.441 1.8120 2.242 
10.40 9.72 0.362 2.151 2.8579 3.204 
3% 9.50 8.81 0.254 2.992 2.5902 3.922 
13.30 12.31 0.368 2.764 3.6209 5.144 
15.50 14.63 0.449 2.602 4.3037 5.846 
4 11.85 10.46 0.262 3.476 3.0767 5.400 
14.00 12.93 0.330 3.340 3.8048 6.458 
15.70 14.69 0.380 3.240 4.3216 7.156 
4% 13.75 12.24 0.271 3.958 3.6004 7.184 
16.60 14.98 0.337 3.826 4.4074 8.542 
20.00 18.69 0.430 3.640 5.4981 10.232 
22.82 21.36 0.500 3.500 6.2832 11.345 
24.66 23.20 0.550 3.400 6.8251 12.062 
5 16.25 14.87 0.296 4.408 4.3743 9.718 
19.50 17.93 0.362 4.276 5.2746 11.416 
25.60 24.03 0.500 4.000 7.0686 14.490 
5% 19.20 16.87 0.304 4.892 4.9624 12.222 
21.90 19.81 0.361 4.778 5.8282 14.062 
24.70 22.54 0.415 4.670 6.6296 15.688 
6% 25.20 22.19 0.330 5.965 6.5262 19.572 
27.70 24.22 0.362 5.901 7.1227 21.156 


TABLE 9.4—MINIMUM TENSILE YIELD STRENGTH FOR NEW DRILLPIPE 


Steel Grade Minimum Yield Strength, psi 
D 55,000 
E 75,000 
X- 95 95,000 
G- 105 105,000 
S- 135 135,000 
V — 150 150,000 
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A tool joint is usually welded onto the drillpipe and consists of a pin and a box, as illustrated in Fig. 9.7. It is 
made from high-alloy steel with a wide thread (4 to 5 threads per inch) on the pin and the box. 


Tool joints are classified by style as 


Extra-hole 
Wide-open 
Slimhole 
Full-hole 
Internal-flush 
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TABLE 9.5—MINIMUM PERFORMANCE PROPERTIES OF NEW DRILLPIPE 

[from API RP 7G (1998)] Reproduced courtesy of the American Petroleum Institute. 

1 2 3 4 5 6 7 8 
Internal Pipe-Body 
Wall Collapse Yield Yield 
OD, in. Nominal Thickness, in. ID, in. Resistance, Pressure, Strength, 
D Weight, Ibf/ft Grade t d psi psi 1,000 Ib 

2% 6.65 E 0.280 1.815 15,600 15,470 138 
6.65 X 0.280 1:815 19,760 19,600 175 
6.65 G 0.280 1.815 21,840 21,660 194 
6.65 S 0.280 1.815 28,080 27,850 249 
2% 10.40 E 0.362 2.151 16,510 16,530 214 
10.40 X 0.362 2.151 20,910 20,930 272 
10.40 G 0.362 2.151 23,110 23,140 300 
10.40 S 0.362 2:151 29,720 29,750 386 
3% 9.50 E 0.254 2.992 10,040 9,520 194 
13.30 E 0.368 2.764 14,110 13,800 276 
15.50 E 0.449 2.602 16,770 16,840 323 
13.30 X 0.368 2.764 17,880 17,480 344 
15:50 X 0.449 2.602 21,250 21,330 409 
13.30 G 0.368 2.764 19,760 19,320 380 
15.50 G 0.449 2.602 23,480 23,570 452 
13.30 Ss 0.368 2.764 25,400 24,840 480 
15.50 S 0.449 2.602 30,190 30,310 581 
4 11.85 E 0.262 3.476 8,410 8,600 231 
14.00 E 0.330 3.340 11,350 10,830 285 
14.00 X 0.330 3.340 14,380 13,720 361 
14.00 G 0:330 3.340 15,900 15,160 400 
14.00 S 0.330 3.340 20,170 19,490 514 


Last engaged thread-pin 


Last engaged thread-box 


Shoulder 


Hardfaced 


Tong area 


area 


Fig. 9.7—Tool joint: rotary-shouldered connection. 


Fundamentals of Drillstring Design 599 


TABLE 9.6—API NUMBERED CONNECTIONS 
[after API RP 7G (1998)] Reproduced courtesy of the American Petroleum Institute. 
API Numbered 

Connection NC26 NC31 NC38 NC40 NC46 NC50 
Internal flush 2% 2% 3% 4 42% 

Full hole 4 

Extra hole 4% 5 
Wide open 3% 4 4% 

Slimhole 2h 3% 4h 


Table 9.6 shows the corresponding API numbered connections as used in API RP 7G (1988). According to the API 
standard, the mechanical properties of tool joints shall not be lower than the minimum values as specified below: 


e Minimum yield strength: 120,000 psi 
e Minimum tensile strength: 140,000 psi 


For applications that require high rotary torque, double-shoulder tool joints are recommended. A double-shoulder 
connection involves a primary and secondary shoulder (Jellison et al. 2000). In the hand-tight position, only the 
primary shoulder makes contact. As more makeup torque is applied to the joint in the power-tight position, the box 
compresses, the pin elongates, and the secondary shoulder engages. The secondary shoulder provides the desired 
increase in torsional capacity compared with a conventional API rotary-shoulder connection. More technical in- 
formation on double-shoulder tool joints is available from various manufacturers on the Internet. 

Recently, a drillpipe capable of transmitting downhole data and surface control signals has been developed (Jel- 
lison and Hall 2003). This drillpipe is frequently called an intelligent or telemetry drillpipe. It should be noticed, 
however, that the application of electrical data transmission had been proposed much earlier (Denison 1976). In- 
dividual pipe joints include a high-speed data cable that runs along the pipe and terminates at induction coils lo- 
cated in the secondary torque shoulders of double-shoulder tool joints. When two joints are made up under power, 
the coils are brought into very close proximity, but not into contact with each other. An alternating current flowing 
through the cable produces a variable electromagnetic field that induces a variable current in the other coil. In 
other words, the coils create inductive couplings that can transmit signals across the tool-joint interface. Potential 
applications of telemetry drillpipe include real-time drilling optimization in terms of WOB and bit rotary speed, 
casing setting depth selection, well control under impending blowout conditions, elimination of wireline logs, and 
improved control of underbalanced drilling and managed-pressure drilling. 


9.3.1 Forces Acting on the Drillstring. A drillstring operating in the borehole is subjected to a number of loads, 
including tension, compression, torsion, bending, and collapse or burst pressure. These forces can be either static 
or dynamic. The loads can repeat a number of times (cyclic loads) or can be applied over a relatively short period 
of time (impact loads). As a result, the stress state of a drillpipe is very complex and difficult to describe analyti- 
cally. Here, for design purposes, a static stress state is assumed, and an appropriate design factor [safety factor 
(SF)] is used to arrive at a solution that is acceptable for field conditions. 

Axial Tension/Compression Stresses. The largest tension load exists at the top of the drillstring because of the 
weight of the drill collars, stabilizers, drillpipe, and other string components, and because of forces attributable to 
fluid pressure acting on surfaces perpendicular to the drillstring axis. The bottom of the string (immersed in a 
fluid) is subjected to axial compressive force because of the hydrostatic pressure acting at the bottom of the pipe. 
The stress produced by an axial load, Æ on the cross section, A, of a drillstring can be expressed as: 


where o, = the average axial stress, or simply axial stress (tension or compression), psi; F = axial force, lbf; A = 
cross-sectional area, A = 0.785 Dy — D); m; D „= pipe OD in.; D, = pipe ID, in. The axial force, F, which 
is perpendicular to the cross-sectional area, A, can be determined by generating a free-body diagram, as ex- 
plained in Example 9.5. Sometimes the stress calculated from Eq. 9.18 is called the actual (true) axial stress bec- 


ause it can be measured by strain gauges. 


Example 9.5 Suppose that a drillstring is composed of 9,500 ft of 4⁄2-in. drillpipe with a unit weight of 18.3 
lbf/ft and a cross-sectional area of 4.4074 in.*, and of 600 ft of drill collars with D a 7 9% in., D = 2'4 in. 
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(A, = 29.1922 in.’), and a unit weight of 99 Ibf/ft. The WOB is 28,000 Ibf, and the drilling-fluid SG is 1.2 (that 
of water is 1.0). Calculate the axial stress on a cross section of drillpipe located at a depth of 9,000 ft (500 ft from 
the top of the drill collars). 


Solution. A free-body diagram for this situation is shown in Fig. 9.8. Note that only axial forces are considered. 
System static equilibrium requires that 


(a)  F=W,+W,+Fp,-Fp,-W, 


where F = axial force on the cross section under consideration, lbf, W, = weight of drillpipe below the cross sec- 
tion under consideration, lbf, W, = weight of drill collars, lbf, Fp, = pressure force acting at the top of the drill 
collars, lbf; F p, = pressure force acting at the bottom of the drill collars, lbf, and W = WOB, lbf. 


(b) W, = (500)(18.3) = 9,150 lbf 

(c)  W, = (600)(99) = 59,400 Ibf 

(d)  Fp,= (0.052)(1.2)(8.34)(9,500)(29.1922 — 4.4074) = 122,534 lbf 
(e) Fp, = (0.052)(1.2)(8.34)(10,100)(29.1922) = 153,440 Ibf 


Hence, 


(f) F = 9,150 + 59,400 + 122,534 — 153,440 — 28,000 = 9,644 Ibf, 


and the axial stress is a tensile stress (F > 0): 
9644 
Oo = 
(2) = 44074 


= 2,188 psi. 


9,000 ft 


Drillpipe 


Drill collars 


10,100 ft 


F,=P,H, 


Fig. 9.8—Free-body diagram for Example 9.5. 
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To determine whether or not a string fails at a given cross section, one must evaluate the 3D stress state that actu- 
ally exists at the cross section under consideration. Assuming that the drillpipe is a thin-walled pipe, the tangential 
and radial stresses are the same and equal to the negative of the fluid pressure at a depth of 9,000 ft: 


(h) o, =o, =—(0.052)(1.2)(8.34)(9, 000) = —4,683 psi. 


The drilling industry has adopted the maximum-energy-of-distortion theory to assess the strength of tubulars. The 
theory was originally proposed by Hubert (1904) and was further developed by von Mises (1913). According to 
the maximum-energy-of-distortion theory (e.g., Popov 1990), yielding begins when the distortion energy reaches 
the value of the distortion energy at the yield point in a simple tension test. 


Assuming that there is no torsion, the following equation can be derived by use of the maximum- 
energy-of-distortion theory (Budynas 1997; Popov 1990), which is frequently referred to as the Huber-von 
Mises criterion for yielding: 


1/2 


PERS zlí: o,f +(0,-0,} +(0,-0, j a a Eee (9.19) 


where o,= the yield point (limit of elasticity) as determined in a simple tensile stress test; o,,, = von Mises stress; 
and o,,0,,0, = axial, radial, and tangential stresses, respectively. The right side of Eq. 9.19 is frequently called a 
von Mises stress. Eq. 9.19 states that yielding occurs if the equivalent stress equals the yield point of the material. 
If the equivalent stress is less than the yield point, then, theoretically, yielding does not occur. In other words, 
deformation occurs in the elastic range and disappears when loading is removed. 

For the data of Example 9.5, the equivalent stress is 


C,, = | (2.188 + 4,683) +(4,683-4,683) +(4,683+ 2,188) T = 6,871 psi. 


vm J2 


In the case under consideration, if the pipe wall is assumed to be thin, the radial and tangential stresses are the 
same (o, =o, =—p,,) and equal to the hydrostatic pressure (p,) of the drilling fluid. Hence, the equivalent stress 


In general, it should be noted that if there is no WOB, then the axial stress at the bottom of the string is equal to 
-p , and consequently the effective stress is nil. At the top of the hole, the hydrostatic pressure term p, is zero, and 
the effective stress is equal to the axial stress. 

It can also be shown that, for the case under consideration, the effective stress can be calculated by dividing the 
buoyant weight of the string below the cross section under consideration by the corresponding cross-sectional 
area: 


g= (Lowa + LdeWac )K, tke Bees eae ORAE a 8 a E tela te oaks Snide: a a a a mous hs 
° A 


where o, = effective axial stress (buoyant stress), psi; L mi length of drillpipe, ft; w i unit weight 
of drillpipe, lbf/ft; L „= length of drill collars, ft; W = unit weight of drill collars, Ibf/ft; and K, = buoyancy factor. 
If the WOB, W, is used, then the effective axial stress is 


Eqs. 9.21 and 9.22 are valid for vertical wells. Appropriate adjustments of the weight components are required for 
holes that are not vertical. 
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The quantity calculated using Eq. 9.21 or Eq. 9.22 is called the effective tensile (compressive) stress. API RP 
7G (1988) calls this quantity the buoyant tensile stress. Note that this stress does not actually exist because it 
cannot be measured. 

Analysis of Eq. 9.22 reveals that there exists a cross section in the drillstring at which the effective axial stress 
is nil. Above this cross section, the effective stress is positive, while below it, the effective axial stress is negative. 
This neutral cross section can be found from the following equation: 


(LipWap + LaWac)K, -W =0. 


dc 


If only the drill collars are used to create WOB, then 


L,W,K, =W, 


TE AE E EE E E S E E E E EE (9.23) 


It is immediately apparent that Eq. 9.23 may also be obtained by setting DF = 1 and cos ọ = 1 in Eq. 9.2. 

If the length of drill collars is calculated from Eq. 9.23, then the neutral point resides right at the top of the drill 
collars. In other words, the drill collars are under effective compression (or just compression), while the drillpipe 
is under effective tension (or just tension). For the sake of simplicity, in the following discussion, the term “ten- 
sion/compression” refers to effective tension/compression. 

Knowledge of the actual axial stress along the drillstring is useful for calculating the length of the drillstring, 
while the effective stress indicates whether yielding (loading above yield stress) may occur. 


Example 9.6 For the drillstring data of Example 9.5, calculate the total elongation of the drillpipe and the equiv- 
alent stress at the top of the hole. Assume that there is no WOB. 
Solution. From Hooke’s law, the axial strain is 


1 
E, =—[O,-WO, +O, )]o errr tt terete teens (9.24) 
Under hydrostatic pressure conditions and assuming that o, =o, =—p,, 
=< (ø, +2p,) 
E E O, YPh > te letrevet achat it Abe ee dled bared epi Sd Ae hele Oe Bee eles eck eh aoe, Sak (9.25) 


where E = modulus of elasticity (for steel, E = 30 x 10° psi); v = Poisson’s ratio (for steel, v = 0.28-0.3); o, = axial 
stress, psi; and p, = hydrostatic pressure of the drilling fluid, psi. The axial stress is 


(a) 


a (9,500 — H)(18.3) + (600)(99) + 122,534 —153,440 _ 45,910 —(4.152) H, psi, 


4.4074 


where H = the vertical distance from the top of the hole to the cross section under consideration, in feet. Note 
that at the top of the hole, H = 0 and c, = 45,910 psi. 
The hydrostatic pressure is 


(b) p, = (0.052)(1.2)(8.34) H = (0.5204) H, psi. 


Substituting the expressions for o, and p, into Eq. 9.25 yields 


1 


© =Z) 


[45,910 -3.84(H)]. 


Fundamentals of Drillstring Design 603 


Hence, the drillpipe elongation is 


_ °° [45,910 — (3.84) H dH 


(d) AZ f 
, (30)(10°) 


= 8.76 ft. 


To calculate the von Mises stress at the top of the hole (H = 0), Eq. 9.22 can be used to obtain 


C) On ET 44,832 psi. 

The value obtained for the von Mises stress (44,832 psi) is only slightly different from the axial stress (45,910 psi) 
because of rounding errors. Of course, theoretically, the same number should be obtained. This result is consistent 
with statements made previously. In fact, the top cross section of the drillpipe is the only point in the drillstring 
where the value of the axial stress is equal to the effective axial stress. Once again, it must be remembered that 
while the axial stress is a stress that actually exists in the pipe (and can be measured), the effective axial stress is 
only a computational device. The magnitude of the effective (equivalent) stress determines whether or not plastic 
deformation (yielding) occurs. 


Torsional Stresses. Torsion in a drillstring is caused by a twisting moment (T) called torque and results in a 
shear or torsional stress (t) and an angle of twist (ġ). The shear stress and the differential angle of twist can be 
calculated as 


T. 

TA E E eet Cet ee meee ee eee ree (9.26) 
J 

CC asta gpd grens se dea capa apa sd tate Se go oe te sae eee ees (9.27) 

dz GJ 


where t = shear stress, psi 


d@/dz = differential angle of twist, in.’ 
T = torque, in.-lbf 


r = distance from the center of the pipe to the point under consideration, in. 


D, <2r<D , in. 
ip op 


G = shear modulus of elasticity, G = 
2(1+ v) 


J = polar moment of inertia, J = age —D3) 


The maximum shear stress occurs at the outer fiber of the pipe, and for this case, Eq. 9.26 can be written as 


16D_T T 
Tmax = TG ee ee ee er eee (9.28) 
n(Di, D; | Z 


where Zis the polar sectional modulus. 
For field engineering calculations, the expected value of rotary torque is calculated as explained in Chapter 8. 
If the horsepower, HP, to rotate the string is known, the corresponding torque is given by Eq. 9.29: 


_ 5,250 HP 
RPM 


T 
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where HP = horsepower required to turn the rock bit and drillstring, hp (1 hp = 550 ft-lbf/s); RPM = drill- 
string rotary speed, rev/min; and T = rotary torque, ft-lbf. The horsepower to rotate the drillpipe is 


HP, = C (DŻ RPM, SG), ononon tiene eed icadicedbstehcendoinscaectotents (9.30) 


where C, = an empirical factor that depends on hole inclination angle = [(4.8(110°) — (66.5)(1077)] 
for hole angles ranging from 3 to 5°; Lp= length of drillpipe, ft; and p= OD of drillpipe, in.; SG = drilling- 
fluid SG (water = 1.0). For hole inclination angles greater than approximately 5°, it is necessary to calculate 
the torque needed to overcome drag forces (as discussed in Chapter 8) and then eventually the corresponding 
horsepower. 

The horsepower to rotate a rotary-roller rock bit in a vertical hole can be estimated from Eq. 9.31: 


HIP SC(W) D RPM. stocrrctexesarsiessres cs Eei nei nE E es (9.31) 


where C „= an empirical factor ranging from (4)10° for very hard formations to approximately (14)10% for 
very soft formations; D,= bit diameter, in.; and W = WOB, 10° lbf. For practical design applications, the 
coefficient C f should be obtained from wells drilled under similar drilling conditions. 

In addition to the shear stress given by Eq. 9.26, there is a transverse shear stress produced by the shearing force 
due to changes in bending moment along the pipe. This stress, however, is usually small during regular rotary 
drilling operations, and for this reason is not usually included in drillstring design calculations. 


Example 9.7 Determine the maximum tensile load capacity of 3!-in. drillpipe with unit weight 15.5 Ibf/ft, steel 
grade E with a yield strength of 75,000 psi, if a rotary torque of 6,000 ft-lbf is applied to the pipe. 
Solution. Application of the maximum-energy-of-distortion theory for this case yields 


where o= axial stress (tensile stress). 


Because o, =< and Fas by substituting the yield strength o, of pipe for the effective stress, 


Eq. 9.32 can be rewritten as 


2 2 
a= (=) + (2) sede cists uid antes 0 teh da eaters. a E E dit e r a e ou a aud tae (9.33) 
From Eq. 9.33, 
T 2 
F=A oi -3(Z] D sate lay tei ce i ate A Bs acess E A A E ee A (9.34) 


Eq. 9.34 provides the static pipe axial-load capacity as a function of rotary torque. Because 
Z = 5.846 in. (from Table 9.3) and o, =75,000 psi, the following result can be obtained from 
Eq. 9.34: 


6,000(12) 
5.846 


2 
F= 43037 (000 a = 309,446 psi. 


Bending Stress. In drilling operations, a drillstring frequently undergoes bending because of hole curvature (dog- 
legs), transverse loads, and other disturbances. The bending stress can be calculated from the following equation: 
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M,= EIK, e E tens E EE O E E a A E (9.35a) 


If, as a first approximation, we assume that the pipe shape parallels the wellbore path (i.e., the pipe is in continu- 
1 


ous contact with the wellbore—no tool joints), the magnitude of pipe curvature K= and Eq. 9.35 can be written 


as 


where R is the wellbore radius of curvature. 

As explained in Chapter 8, the hole curvature is usually called the dogleg severity (DLS) and is 
expressed in degrees/100 ft. If, for example, the DLS is 5°/100 ft, this implies that over every foot 
of hole, the hole curves by 0.05°. The relationship between the radius of curvature and the DLS is 


where DLS = dogleg severity, degrees/100 ft. 


Example 9.8 Calculate the maximum torque that can be applied to 4-in. grade E drillpipe with a unit weight 
of 10.46 Ibf/ft (ID = 3.476 in., A = 3.0767 in.?, Z = 5.400 in.*) if the DLS is 10.0°/100 ft. The tensile load ap- 
plied to the pipe is F = 140,000 lbf. To solve this problem, assume that the pipe curvature is the same as the 
hole curvature. 

Solution. Because the bending stress is an axial stress, the effective stress equation is given by 


where g, and o, are the axial (tensile or compressive effective stresses) and bending stresses, respectively. 


=Sio F. o. = E(D, DIS) and 7 = T into Eq. 9.38 and solving for T, the following 
Z 


OOTA (2)(5,729.6)(12) 


expression for maximum rotary torque results in 


2 
ED, DLS 
fe E ge eee rasa a Haan a a cas (9.39) 
J3 A 137,510 


Eq. 9.39 provides the torsional pipe-load capacity as a function of axial load and DLS. 
For the case under consideration, from Eq. 9.39: 


Substituting o, 


=161 523 in-lbf . 


6 2 
r = 54 (75,000)? -| 140-000 , GOUO N4000) 
J3 3.0767 137,510 


For practical applications, the maximum torque obtained should be divided by a reasonable design factor to account 
for dynamic effects and other uncertainties. Eq. 9.39 shows that for a given drillpipe material and set of geometric 
properties, an increase in tensile load and DLS results in a decrease in the torque load capacity of the pipe. 
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For more accurate calculations, Lubinski (1961, 1987) derived the following expressions, which relate the pipe 
curvature and the hole curvature that accounts for the presence of tool joints: 


Case 1: 

EPRE SEAN va nets asd onan dae evipustn eamceiasbeatenes 9.40 
te miled) = 
Case 2: 

sinh(a £) at, [sis es[as )-1] 
K, = (at rA E west antenne (9.41) 


where K,= drillpipe curvature at the tool joints, rad/in.; « = hole curvature over the distance between the tool 
joints, rad/in.; ¢,, = half the distance between the tool joints (¢,, = 180 in. for Range 2 drillpipe and ¢,, = 270 in. for 


Range 3 drillpipe), in.; a= |F ; F = tensile force applied to the pipe, lbf, and EI = product of the modulus of 
EI 
elasticity and the moment of inertia, Ibf-in.?. Eq. 9.40 applies (Case 1) if there is no pipe-to-borehole-wall contact 
between the tool joints, whereas Eq. 9.41 is used (Case 2) if there is pipe-to-wall contact. 
Eq. 9.40 holds true (Case 1) if the hole curvature satisfies the following inequality: 


rit, 
Kz i p Erana a e kea EE AAEE ERE EE EAOa KE a E Rada ea ale ea aG (9.42) 
1 cosh(at,,)—I 


2 (a¢,)sinh(a?,) 


where r = 0.5(D,,; - D) and D, and D,, are the tool-joint and drillpipe OD, respectively. 

If the hole curvature is greater than the right side of inequality (Eq. 9.42), a pipe-to-wall contact develops, and 
then Eq. 9.41 must be used. It is also possible that an arc of contact between the pipe and the hole wall may 
develop (Case 3). This situation, however, is rare for Range 2 drillpipe and for this reason is not described in 
this text. A complete mathematical model of drillpipe performance in a hole of constant curvature is given by 
Lubinski (1977, 1987). 


Example 9.9 Consider a Range 2 drillpipe with D,, = 4.5 in. and y= 3.826 in. in a hole with a dogleg of 
5.729°/100 ft. Calculate the bending stress if the weight of the drillstring (buoyant weight) below the dogleg is 
70,000 Ibf. The tool-joint OD is 6 in. 

Solution. 
Hole curvature: 


(a) «= 5.729°/100 ft = (8.333) 10> in! 


Moment of inertia: 


(b) I= qar -3.826*) = 9.6105 in.’ 


a, æ lj tanh (a Li) can be defined as: 


©) a= l 70,000 int 
(30)(10° (9.6105) 
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(d) af, =2.8014, 


(e) tanh (2.8014) = 0.9926. 


The right side (RS) of inequality (Eq. 9.42) is: 


0.5(6 — 4.5) 
E 180? E Se 
© Rsa ona (1.26)10* in". 
(2.8014) sinh(2.8014) 


Because the RS is greater than the hole curvature, Eq. 9.40 is chosen to calculate the drillpipe curvature: 


a (2.35110%) in.™'. 


= (8.333)(10° = 
(8) x, = 833300 ae 


Now Eq. 9.36 is used to determine the bending stress: 
(h) o, =(0.5)EDK, = (0.5)(30)(10° )(4.5)(2.3517)(10*) = 15,874 psi. 


Note that if the DLS is used rather than the pipe curvature, 


R= 5,729.6 


(1) = 1,000 ft = 12,000 in., 
5.729 


and from Eq. 9.36, the bending stress is: 


_ (30)(10° (4.5) 


O a= DD) 


= 5,625 psi. 


Therefore, it can be concluded that use of the hole curvature rather than the actual pipe curvature may lead to a 
significant underestimation of bending stress. 


Example 9.9 clearly shows that miscalculation of bending stress may lead to serious overestimation of permis- 
sible rotary torque, resulting in possible twistoff of the pipe in the immediate vicinity of the tool joints. At this 
point, the reader is strongly encouraged to recalculate Example 9.8 and draw conclusions. 

Consider again the drillpipe of Example 9.9, which is under an effective tensile stress of 70,000/4.4075 = 
15,882 psi. As a result of bending, the outer pipe fiber is actually subjected to a tensile stress of 15,882 
+ 15,874 = 31,756 psi, while at the inner fiber, the tensile stress is only 15,882 — 15,874 = 8 psi. While 
the drillpipe is rotated about its axis, the outer fiber becomes the inner fiber, and vice versa. Thus, be- 
cause of rotation, the fiber under consideration undergoes an effective stress variation ranging from 8 
psi to 31,756 psi. Such repeated wide fluctuations in stress may result in so-called fatigue failure in the 
pipe. 

The maximum reverse bending stress that will not cause fatigue failure is called the endurance limit. The 
endurance limit depends on a number of factors, the most important being the average tensile stress and the 
working environment of the pipe. It is known that the greater the average tensile stress, the smaller the endur- 
ance limit. The concept of endurance limit applies to noncorrosive environments. In a corrosive drilling fluid 
(H,S, CO,, etc.), the pipe will always fail after a certain number of stress reversals (rotations), even if the bend- 
ing stress is small (less than the endurance limit). 

For grade E and grade S-135 drillpipe, the endurance limit can be calculated from the following equations: 

For grade E: 
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1 
S105 ea ;(o, -33,5007 
67 — (670) ENOTE EEEE EE (9.43) 
which is valid for o, < 67,000 psi. 
For grade S-135: 
FeO te N E ETE EEEE (9.44) 
145,000 


which is valid for o,< 133,400 psi. o, is the effective tensional stress, which is equal to the ratio of the buoyant 
weight of the drillstring to the cross-sectional area of the pipe. Once the value of ø, has been determined, the 
corresponding maximum permissible bending stress can be obtained from Eq. 9.43 or Eq. 9.44. Consequently, the 
corresponding pipe curvature can be calculated as 


By substituting the value obtained above for K, in Eq. 9.40 or Eq. 9.41, finally a value of the so-called maximum 
permissible hole curvature (DLS) can be obtained. 

Because the maximum permissible DLS is a decreasing function of the tensile load (the buoyant weight of 
the drillstring below the dogleg), doglegs are particularly dangerous in the upper part of the hole. If the hole 
curvature is greater than the maximum permissible curvature, drillpipe fatigue failure may occur. For this 
reason, it is recommended that, if possible, the DLS should be kept below the maximum permissible value. 
If the hole curvature is greater than the maximum permissible value, the pipe will accumulate fatigue dam- 
age and eventually will fail if rotated for a sufficiently long time. Therefore, to avoid costly drillpipe failures, 
good records should be kept of the individual pipe segments as they pass through doglegs that exceed the 
maximum permissible values. 


Example 9.10 Calculate the maximum permissible DLS for the following drillstring and hole data: drill- 
Pipe steel grade S-135, Range 2, p= 4.5 in. (D, = 3.826, A = 4.4074 in.?), unit weight 18.4 Ibf/ft (with tool 
joints). Tool-joint outside diameter D „= 6 in. Drill collars are 7 in. by 2'⁄ in. with unit weight 117 lbf and 
total length 550 ft. Drilling-fluid density is 12 lbm/gal. Anticipated depth of the hole below the dogleg is 
8,000 ft. 

Solution. 


(a) Buoyancy factor: K, = 1 — 12/65.4 = 0.815 

(b) Buoyant weight of drill collars: (550)(117)(0.815) = 52,445 lbf 

(c) Buoyant weight of drillpipe: (8,000 — 550)(18.4)(0.815) = 111,720 Ibf 
(d) Buoyant weight suspended below the dogleg: 164,165 Ibf 

(e) Effective tensile stress: o, = 164,165/4.4074 = 37,247 psi 


The maximum permissible bending stress can be calculated from Eq. 9.44 as 


37,247 
145,000 


o, = 200001 = = 14,862 psi. 


The corresponding pipe curvature (Eq. 9.45) is 


_ 214,862) 


K in.’ =2.20x107 in! 
") P  30(10°)4.5 
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Other related data are 


@ I= qu — 3,826") = 9.6 inf 


164 165 


= 0.02387, in.” 
(30)(10° (9.6) 


(h) 


(i) a L į =(0.02387)(180) = 4.296 


Maximum permissible DLS: 
Using Eq. 9.40, 


tanh (4.296) 


0 «K=K i) _ (220x10) I 


=5.12x107° in." 


180 
mT 


= .12)00°)( Ja2,100 = 3.52°/100 ft. 


Hence, the maximum permissible DLS is 3.52°/100 ft. 


If the pipe is used in a corrosive medium, these calculated values should be somewhat reduced. The choice of 
design factor should be based on experience from wells with similar drilling conditions. 

Pressure-Induced Stresses. Generally, because of drilling-fluid flow, the pressure inside the drillstring is differ- 
ent from the pressure outside. If the drilling fluid is circulated down the drillpipe and up the annular space, the 
pressure inside the drillstring is greater than the pressure outside. If, however, the drilling-fluid circulation is re- 
versed, the opposite holds true. Consider a certain pipe cross section at which the pressures are P, inside the pipe 
and P outside the pipe. The pressures P, and P exist because of flow, not because of hydrostatic pressure. These 
pressures induce axial, tangential, and radial stresses, which can be calculated as 


aan Cao ae 
ie a) EE EEA er rr ee (9.48) 
"ea 


where o,,, = axial neutral stress, psi; o, = tangential stress, psi; o, = radial stress, psi; r, and r, = inner and outer 
radii of the pipe, in.; and r = radial distance to a point in the cross section under consideration, in. (Fig. 9.9). 
Eqs. 9.47 and 9.48 are known as Lamé’s equations. It should be well understood that the neutral axial stress as 
given by Eq. 9.46 has no effect on bending. It can be shown (Lubinski 1975, 1988), that an increase in the pressure 
P, which results in an increase in the axial stress, does not decrease the pipe tendency to bending. Even a very 


high value of the inside pressure, P, does not prevent bending or buckling of the pipe. On the other hand, an 
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Drillpipe 


Fig. 9.9—Pipe cross section. 


increase in the outside pressure, P , although it may produce high compressive stress, does not induce buckling. 
For this reason, the stress given by Eq. 9.46 is called the neutral axial stress. 


9.4 Load Capacity of Drillpipe 

The proper selection of drillstring components is based on the combined effect of stresses due to tension, torque, 
bending, and pressures. To evaluate the load capacity of drillpipe (e.g., the maximum allowable tensile load when 
torque, bending, and pressure are applied simultaneously, or the maximum allowable torque when tensile and other 
loads are given), once again the maximum-energy-of-distortion theory can be used. According to this theory, yield- 
ing occurs when an effective stress that is a function of axial, tangential, radial, and shear stresses reaches the yield 
point. In the present case, the effective (equivalent) stress may be calculated from the following equation: 


207, =(c,-¢, y +(o, -0,7 +(o, -o,) Pies. wh iqusewas pedue yt E cede rises awe es (9.49) 


vm 


where O, O, O, and 7 are the axial, tangential, radial, and shear stresses, respectively. 

If a bending stress exists, it must be added to (or subtracted from) the axial stress, O; The stresses Op O, and o 
in Eq. 9.49 are calculated without including any isotropic stresses caused by the hydrostatic pressure of the drill- 
ing fluid. Once the individual stress components have been determined, the resultant equivalent stress can be 
calculated: 


If the value of ø „is less than the yield point, the design is theoretically safe. By substituting for o „= o, (o, = yield 
strength), Eq. 9.50 can be solved for any one of the stress components if the remaining components are given. In 
this manner, a number of field problems can be solved by the intelligent application of Eq. 9.50. 
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For example, consider a drillpipe of known geometric properties that is subjected to an axial stress, o, a bend- 
ing stress, o,, a torsional stress, t, and internal and external pressures, P, and P , respectively. Substituting for o, 
and o,, Eqs. 9.47 and 9.49 (Lamé’s equations) after some rearrangements become (Lubinski 1987): 


1/2 
2 2 2 2 
= B V3 (p P| +[o,-o420,=| +6 = T (9.51) 
r 2 r r 


o 


where 


where t = pipe-wall thickness (t = r, — r). All other notations have already been described. 

In regular rotary-drilling operations, the pressure losses in the annular space of the hole are relatively small 
compared with the losses in other parts of the circulating system and can be ignored in many practical calculations 
related to drillstring design. Of course, annular pressure losses are very important for accurate calculations of 
ECD (as discussed in Chapter 5), slimhole, and casing-drilling applications. 

The sign (+) in Eq. 9.51 accounts for the fact that the bending stress, o,, must be added to the average axial stress 
on one side of the pipe and subtracted from it on the other. It can be shown that for zero bending and torsion, the von 
Mises effective stress, oO,» reaches its maximum at r = r, (i.e., at the inner boundary of the pipe). If, however, the 
bending and shear stresses are not zero, the von Mises effective stress, Oi reaches its maximum at r2r2r, (ië; 
between the inner and the outer boundaries of the pipe). 


Example 9.11 Consider the drilling conditions described in Example 9.9. Assuming a drillpipe pressure of 3,500 psi 
and a tensile load of 165,000 lbf, calculate the maximum allowable rotary torque that can be applied to the pipe if the 
required SF is 2.0. Ignore the pressure losses in the annular space (P, = 0). 

Solution. 


EOPiOOD 249 SiO pai, 
4.4074 


(1.913) (3,500) 
(b) The neutral axial stress (Eq. 9.46) is: ©, = 5 5 
(2.25) -—(1.913) 


(a) The axial stress is: o, = 


= 9,130 psi. 


(c) Assume that the bending stress is o, = 15,000 psi. 
4.5 


(d) The quantity f, = 0.533 = 0.540. 


0.337 


Substituting for o „= 135,000/2.0 = 67,500 psi, the worst case was found for setting r = r, = 2.25 in., and solving 
Eq. 9.51 for the maximum allowable shearing stress produces the following result 


2 |( 2.25) VB i 
z -L (67,500) (4) Laswoso 


(e) ™ 6 


1/2 


= 21,110 psi 


-(37, 500 — 9,130 + 15,000) 
Hence, the maximum allowable torque is only: 


(f) T =(21,100)(8.542) = 186,575in-bf = 15,548 ft-lbf. 


612 Fundamentals of Drilling Engineering 


Load Capacity of Tool Joints. Individual drillpipe joints are connected together by means of tool joints. A tool 
joint is usually welded onto the drillpipe and consists of a pin and a box, as illustrated in Fig. 9.7. 

Not only do the tool joints hold the drillpipe together, but the shoulders of the connections also form a metal- 
to-metal seal that prevents leakage. The shouldered connections of the drillstring differ in concept from tubing or 
casing connections. Casing and tubing threads are designed for continuous contact of the thread crest, root, and 
flanks to provide the desired seal. The threads of tool joints are not designed to provide seals, but are designed to 
be made up even if the box is overflowing at the time of makeup with drilling fluid laden with solids. Conse- 
quently, some clearance must be provided at the crest and root of the thread to accommodate these solids. For this 
reason, a seal is provided only at the shoulders. In other words, the shoulder is the only area of seal in a rotary 
shouldered connection. To prevent separation of the shoulders under tension, bending, or both, an appropriate 
amount of makeup torque is required. 

API RP 7G (1998) contains statements such as, “tonging of tool joints properly when going into the hole is 
one of the most critical of the rig activities in the life of the drillstring and the eventual cost of the operations.” 
However, fully tested formulas to predict the load capacity of tool joints do not now exist. The following equa- 
tions describe the major concepts involved in determining the load capacity of a tool joint. If these equations 
are used for actual design calculations, an appropriate SF must be used. 

The makeup torque produces an axial preloading within the pin and the box, as well as torsional stresses. More 
specifically, the makeup torque induces a tensile stress state within the pin and a compressive stress state within 
the box. The average magnitude of the axial stress due to the makeup torque can be calculated from the screw-jack 
equation (Farr 1957): 


_ oA, (2 Ru 


ERI Se sarlen dab acctobeasds E a a kistomyanadea e E ARG 9.53 
” 12 (2m cos u) moe) 


where T,= makeup torque, ft-lb; o, = axial stress, psi (pin is in tension, box is in compression); A, = cross- 
sectional area (for a pin at 3⁄4 in. from the shoulder, for a box at ¥s in. from the shoulder), in.’; p= lead of 
thread, in.; R, = mean radius of thread, in.; R = mean radius of shoulder, in.; 0 = one-half of thread angle, 
degrees; and u = coefficient of friction (approximately 0.06—0.08 on average). 

The quantity oA, = Wa is called preloading and is caused by the torque, T, The preloading 
induced by the makeup torque decreases the total tensile load capacity of the pin. However, the benefit of this 
design (with its shoulder-to-shoulder contact) considerably outweighs the detrimental effect of the tensile stress 
induced in the pin. Remember that all connections must be bucked up properly so that the shoulders never sep- 
arate during drilling or tripping operations. Eq. 9.53 also represents the minimum value of makeup torque re- 
quired for a given axial load, W, if the product oA is replaced by W. 

When the tool joint, made up with torque T „ is subjected to an axial tensional load, its axial load capacity is 
determined by the tensile strength of the pin. Ignoring the lateral load on the pin created by the axial forces, 


OSA Wo ereire eenei e e i ted net oat E (9.54) 


where Q = pullout strength of the joint (axial load capacity of tool joint), 1bf; Vo preloading created by the 
makeup torque, lbf; S = minimum yield strength of the pin material, psi; and A, = pin cross-sectional area, in.’. 
It can be shown that if lateral load effects are included, the tool-joint pullout strength is 


S, A, — Wp 


A R,cot(B +n) c eeen) 
2L, 2L, 


1 


where n = arctan(//), degrees; B = 90 — 0, degrees; and L, = length of the threaded portion of the pin, in. All other 
notations have already been explained. 
The maximum value of makeup torque that can be applied to the tool joint for a given axial load, F is 


SA, -F R 
iual AHF) p ESER ae E S eee aparece (9.56) 
12 2m cosé 
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Examination of Eqs. 9.53 and 9.56 leads to the conclusion that although the minimum makeup torque increases 
linearly with the axial load, F (the lateral loading of the pin and the box due to axial force is ignored), the maxi- 
mum torque decreases linearly with F. 

A graphical representation of Eqs. 9.53 and 9.54 is shown in Fig. 9.10. This diagram is called a screw triangle. By 
comparing Eqs. 9.53 and 9.56, it is apparent that the intersection of the minimum and maximum makeup-torque lines 
occurs at F = 0.5 SA, The value of makeup torque corresponding to this point is called the recommended makeup 
torque. For a given type of tool joint, the recommended makeup torque can be found in API RP 7G. A good under- 
standing of the screw triangle and the recommended makeup torque is essential for proper use of the drillstring. 


Example 9.12 Consider 4.5- x 3.826-in., EU 75 drillpipe (with a yield strength of 75,000 psi) furnished 
with the new NC 50 (IF) tool joints. According to API RP 7G (1998), the recommended makeup torque for 
this joint is 18,900 ft-lbf. Calculate the pullout strength of the tool joint if R, = 2.375 in., L, = 4% in., 0= 
30°, and A = 7.867 in.?. Assume a friction coefficient of 0.08. 

Solution. Assuming that the joints are actually made up with a torque equal to the makeup torque, the preload- 
ing on the pin is 


W,, = 0.5S,A, = (0.5)(120,000)(7.867) = 422,000 Ibf. 


Before using Eq. 9.55, it is necessary to calculate 
n = arctan(0.08) = 4.57°, 

p =90 -30 = 60°. 

Use of Eq. 9.55 then yields: 


422,000 


7 J „ 2.375) cot(64.57) h ; 237 eos] 
(2)(4.5) (2)(4.5) 


= 395,000 Ibf. 


Note that the axial load capacity of the drillpipe is F = (75,000) (4.4074) = 330,555 lbf. Hence, the tool-joint 
axial load capacity is greater than that of the drillpipe. It is generally recommended that properly selected drillpipe 
and tool joints will have this property. 


It must be emphasized that the values obtained from the equations shown above are theoretical values. Actual 
tool joints in field operations are subject to many factors not considered here that may affect tool-joint strength. 
To withstand higher loads associated with drilling of high-angle extended-reach wells as well as deepwater and 


Torsional strength of tool joint 


Maximum make-up torque line 
(pin yield) 


Recommended make-up torque 


Minimum make-up torque line 
(shoulder separation) 


Make-Up Torque 


Load capacity of 
tool joint 


> 
Axial Load 


Fig. 9.10—Makeup torque vs. axial load. 
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ultradeepwater wells, one can use a second-generation, doubled-shoulder connection. Double-shouldered connection 
provides high torsional strength and gas-tight pressure sealing capacity. 

Slip Crushing. The most common method of drillpipe support in the rotary table is the slip-type mechanism, 
shown schematically in Fig. 9.11. Once the drillpipe has been suspended from the slips, the wedge’s taper 
produces a transverse force (perpendicular to the pipe axis), which is transmitted into the pipe. It is of critical 
importance that the pipe be gripped in such a manner that no permanent damage occurs as a result of this trans- 
verse force. The distribution of the transverse load is shown in Fig. 9.11b. It can be seen that the axial load is 
greatest at the bottom of the slip. The transverse load diminishes to zero at the bottom and at the top of the slip. 
The maximum value of the transverse load occurs near the middle of the slip. The critical section of the slip is 
Section B, where the combined loads (axial and transverse) can cause permanent damage to the pipe. 

Theoretically, the maximum allowable static axial load (F PS that can be supported in the slips can be calculated 
using the following equation: 


Fip = Fy F 2 3 2 
2r KA 2r KA 
1+ D = > jA + = > ‘dp 
n-7)A) (m-7)A, 


where F, = drillpipe tensional load capacity, lbf; A, = contact area between slips and pipe (A, = 27 r L), in.?; A m 
= drillpipe cross-sectional area, in.*; r, = outside radius of pipe, in.; r, = inside radius of pipe, in.; L, = length of 
slips (12 or 16 in.); and K, = lateral load factor of slips: 


AN a a aires hip beta teens eos arn nsie pence hheee tne ieee (9.58) 
4+tany 


where u = the coefficient of friction between the slips and the bushings and wy = the taper of the slip in degrees. 

If the actual load on the drillstring is less than that calculated from Eq. 9.57, the pipe should not be damaged in 
the slip area unless the slip itself is improperly supported in the bushings. For practical engineering calculations, 
an appropriate SF must be used. 


Example 9.13 Determine the maximum allowable axial load that can be supported from a set of slips with length 
12 in. and taper y = 9°27’45”. The drillpipe data include D= 3.5 in., D= 2.602 in., A = 4.3037 in.’, and S, = 


95,000 psi. Perform the calculations for u = 0.1 and u = 0.2. Assume an SF of 1.8. 
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Fig. 9.11—Forces in the slip mechanism. 
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Solution. 
Drillpipe load capacity: 


(a) F,, =(95,000)( 4.3037) = 408,848 lbf. 
Contact area between slips and pipe: 
(b) A, =27(1.75)(12) = 132 in’, 


Lateral load factor for u = 0.1: 


1 — (0.1) tan(9.5) 


K,= = 3.68. 
(c) 0.14 tan(9.5) 
Lateral load factor for u = 0.2: 
1—(0.2)tan(9.5 
@) K= C2) ag, 
0.2 + tan(9.5) 


Use of Eq. 9.58 yields (for K = 3.68) 


1/2 


Fi = = (408, 848) 


1+) 1+ 


2 
(2) (1.75) cauaa] Joga (3.68)(4.3216) | 


(1.75 - 1.301? )(132) (1.75° - 1.301? )(132) 
= 302,3201bf. 


In a similar manner, for K, = 2.63, the result is F i” = 319,461 Ibf. It is apparent that u = 0.2 yields a value of 

F ip greater than that obtained for u= 0.1. This is not Surprising in view of the elementary principles of the wedge 
mechanism. If the wedge is clean and well lubricated, the coefficient of friction between the wedge and the sup- 
porting member is low, producing an increased transverse force. If the wedge is dry and not lubricated, the coef- 
ficient of friction increases, and more axial force is required to drive the wedge downward. In conclusion, the 
contact surface between the bushing and the slips should be clean (free of other bodies), dry, and not lubricated. 


9.5 Drillstring Design 

The purpose of drillstring design is to determine the optimal size, grade, and length of drillstring components so 
that they will be sufficiently strong, yet entail minimum cost. Because of the complexity of the problem, an itera- 
tive approach is normally used. A design model is initially assumed, the components of the drillstring are selected, 
and then the design is refined by incorporating factors that were ignored during the first step. The designer must 
possess a good knowledge of drillstring performance properties (available sizes, grades, etc.), data from wells 
already drilled in similar conditions to those of the well under consideration, and also current prices of the drill- 
string components. 

The final design should satisfy the following major criteria: 


1. The load capacity of any drillstring member (divided by an SF) should be greater than or equal to the 
maximum permissible load. 

2. Neighboring elements must be compatible. This is accomplished by selecting elements with an appropri- 
ate bending-stress ratio (BSR). 

3. The drillstring geometric properties should be selected in conjunction with an optimal hydraulic and cas- 
ing program. 
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4. In deviated wells, drillstring rotation should not produce excessive casing damage. 
5. The total cost of the string should be kept to a minimum. 


Keeping in mind the criteria just mentioned and the fact that the drillstring is subjected to loads that may be 
cyclic and dynamic, the problem of drillstring design is rather complex. Because of the number and complexity 
of the calculations involved, obtaining a good design requires the use of high-speed computers. In this chapter, a 
simplified approach is presented to illustrate the concepts involved and their practical importance. 

First, the designer selects the drill-collar size based on the hole and casing diameters. Typically, the components of 
the BHA are selected on the basis of deviation-control requirements as discussed in Chapter 8. Next, the drillpipe size 
is selected. To avoid a rapid change in bending stiffness, an intermediate member may be placed between the 
drill collars and the drillpipe. For best performance, the BSR of adjacent members should be less than approxi- 
mately 5.0-5.5. The BSR is defined as the ratio of the section moduli of two adjacent members of the drillstring. 
To satisfy this requirement, more than one size of drill collar may be needed. In addition, a few joints of heavy- 
walled pipe are often placed above the collars below the regular drillpipe to obtain a BSR < 5. 

The maximum allowable length of drillpipe (Section 1) that should be placed above the heavyweight pipe can 
be calculated as 


Eve (LW +L, 


a tow Wing + Leaps ap ) | Ce E E E ee ee ee ee ee (9.59) 


where L, = length of heavyweight drillpipe (if used in the drillstring), Ibf/ft; w, = unit weight of heavyweight 
drillpipe, lbf/ft; L i= length of Section 1 of the drillpipe, ft; w pie unit weight of Section 1 of the drillpipe, Ibf/ft; 
F = tension load capacity of Section 1 of the drillpipe, lbf, and SF = safety factor. Other quantities have already 
been defined in previous sections of this chapter. 

Eq. 9.59 is valid for a vertical hole; however, a corresponding equation can be written for a directional well if 
the hole shape is known. The tension-load capacity of a particular drillpipe (F) can be determined as outlined in 


Section 9.4. Here, for the sake of simplicity, only axial and torsional loads are assumed, so 


where F, = tensional axial load capacity of Section 1 of the drillpipe (F, = S\A, ); A, = cross-sectional area of 
Section 1, in.*; Z, = sectional modulus of Section 1, in.’; and T = rotary torque applied to the drillstring, in.-lbf. 

The magnitude of the SF depends on the quality of the drillstring, the drilling practices, the working environ- 
ment, and drilling experience from offset wells. Substituting Eq. 9.60 into Eq. 9.59 and solving for the length of 
Section | of the drillpipe leads to 


Ppt Le Wae iM (9.61) 
l (SF)K 
( ) b Wapi w Wapi 


dpl 


If the sum Lp + Lp +L dpl is less than the planned depth of the hole, a stronger pipe must be selected for the 
portion above Section 1. This stronger pipe will be called Section 2 of the drillpipe. 


The maximum length of Section 2 of the drillpipe can be calculated as 


ara Lacie LWu _ Baa Wan a (9.62) 
(SF )K, Waz Wap2 Wap2 Wap2 
2 
F, = |F? £r] S EEEE TENE EAEAN tease oe eee (9.63) 
2 


where F, = tension load capacity of Section 2 of the drillpipe; Ly = length of Section 2, ft; Wig = unit weight of 
Section 2, Ilbf/ft; A, = cross-sectional area of Section 2, in.*; and Z= sectional modulus of Section 2, in.’. 
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Again, the sum L, + Lp + Lp t Lap is calculated and checked against the total hole depth. If necessary, a third 
section must be used. Normally, however, to avoid excessive logistical problems, no more than two sections are 
recommended. A drillstring consisting of more than one size of drillpipe is called a tapered drillstring. 

Once the drillpipe sizes and lengths have been determined, tool joints should be selected so that their load ca- 
pacities are greater than that of the drillpipe. The drillstring configuration as obtained must be checked for margin 
of overpull, bending loads, drilling-fluid pressure, and drillpipe crushing in slips. Usually there are several differ- 
ent drillstring combinations that satisfy the desired strength requirements. To arrive at the final selection, the cost 
of the various drillstring configurations is calculated, and the design that yields the lowest cost is chosen. In other 
words, the designer must consider string mechanical integrity, operational difficulties, and economics to select the 


optimal set of drillstring components. 


Example 9.14 Design a drillpipe for the following conditions: 
Hole depth = 7,000 ft 
Hole size = 77s in. 
Mud SG = 1.2 (water = 1.0) 
Drill collars: 614 x 21⁄4 in. with unit weight = 91 Ibf/ft 
Length of drill collars = 600 ft 
Heavyweight drillpipe = 4% in. by 2% in. with unit weight 41 1b/ft 
Length of heavyweight drillpipe = 180 ft 
Available drillpipe sizes and grades as given below: 


Polar Nominal Tool Joint 
Cross- Sectional | Unit 
Drillpipe Sectional Modulus | Weight Steel 
OD (in.) Area (in) | (in.*) (1bf/ft) Grade OD, ID; Makeup Torque 
42 4.4074 8.543 16.60 EU-75 67s 37s 18,838 
42 5.4981 10.232 20.0 EU-75 67s 3°/s 20,617 


Desired SF = 2.0. 

Minimum margin of overpull = 100,000 Ibf. 
Solution. 

Buoyancy factor: 


1.2 
K, = 1 - —— = 0.847. 
7.8 
Weight of drill collars: 
Wylie = (91)(600) = 54,600 lbf 


Weight of heavyweight drillpipe: 


Win Ly = (41180) =7,380 lbf 


Axial load capacity, Section 1 of drillpipe (w, = 16.60 (nominal) Ibf/ft + actual = 17.98 Ibf/ft): 


F, =(4.4074)(75,000) = 330,555 bf. 


Axial load capacity, Section 2 of drillpipe [w, = 20.0 (nominal) Ibf/ft + actual = 21.62 Ibf/ft]: 


F, =(5.4981)(75,000) = 412,358 lbf. 
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Load capacity, Section 1 of drillpipe, corrected for torque (Eq. 9.60): 


3. 


1/2 
F, e 24 215838) | = 261,658 lbf. 


Load capacity, Section 2 of drillpipe, corrected for torque (Eq. 9.63): 


5.4981 


F,= [s12.958) -3| = a 


2 1/2 
(12)(20.617) | = 342,080 Ibf. 


Note that to calculate the load capacity of the drillpipe as corrected for torque, the makeup torque is used. This is 
reasonable because the rotary torque should not exceed the makeup torque. 
Eq. 9.61 can be used to calculate the length of Section 1 of the drillpipe [w, = 16.60 (nominal) Ibf/ft): 


i= 261,658 54,600 7,380 
æ! (2.0)(0.847)(17.98) 17.98 17.98 


= 5,149 ft. 


Assuming that the average joint length is 30 ft, the result is 172 joints with a total length of 5,160 ft. Because the 
combined length of the drill collars, the heavyweight drillpipe, and Section 1 of the drillpipe (5,880 ft) is less than 
the total hole depth (7,000 ft), it is necessary to place some stronger pipe above Section 1. 

Eq. 9.62 yields 


© 342,080.7 54,600 7,380  (5,160)(17.98) 
#2 (2.0)(0.847)(21.62) 21.62 21.62 21.62 


= 2,182 ft. 


Because the hole depth is 7,000 ft, the length of drillpipe needed for Section 2 is 1,120 ft, and the total weight 
of the string is 


[ (600)(91)+(180)(41)+(5160)(17.98)+(1120)(21.62) | (0.847) = 151,560 Ibf. 


Therefore, the margin of overpull (MOP) is 
Section 2: 


MOP = 342,080 -151,560 =190, 520 lbf. 
Section 1: 
MOP = 261,140 — 131,079 =130,061 Ibf 


It is clear that the margin of overpull is greater than the required minimum value, and therefore the drillstring 
configuration as obtained satisfies the design criteria. 


Additional calculations should be performed to verify that the design meets the slip-crushing, bending-stress, and 
drilling-fluid pressure requirements stated in preceding sections of this chapter. Appropriate refinements 
should be introduced if the predicted stress levels become higher than the maximum acceptable values. In ad- 
dition, other drillpipe sizes and steel grades should be considered to arrive at other designs. As previously 
stated, the configuration that meets the safety criteria and yields the least overall cost will become the final 
drillstring design. 
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Problems 


9.1 
9.2 
9.3 
9.4 
9.5 
9.6 


9.7 
9.8 


9.9 
9.10 


9.1 


— 


9.12 


9.13 
9.14 
9.15 
9.16 


9.17 
9.18 


9.19 


9.20 


9.21 
9.22 
9.23 


Name the basic components of a drillstring. 

Discuss the major functions of a drillstring. 

What is the purpose of using drill collars? 

Explain why spiral and square drill collars are sometimes used in a BHA. 

List the major factors that affect selection of drill collars. 

Select the drill-collar size and length for the following data: 

Hole size = 12% in. 

Casing size = 9% in. with 10.625 in. OD coupling 

WOB = 55,000 lbf 

Mud weight = 11.5 lbf/gal 

Hole inclination angle = 15° 

Design factor = 1.1 

Define the neutral point from the standpoint of buckling. 

Calculate the critical WOB that will result in first-order buckling for the following data: 

Steel drill collars with OD, = 7'2 in. and ID „ = 2 in. 

Mud SG = 1.4 (water = 1.0) 

Explain why, after buckling of drill collars, a wellbore deviates from vertical. 

Calculate the inclination of the resultant force acting on the bit if OD, = 72 in., ID, = 2/2 in., mud density = 
12.5 lbm/gal, and WOB = 28,000 Ibf. The hole diameter is 10°/s in 

Calculate the critical axial load that results in buckling of 4% x 234 in. heavyweight drillpipe with a unit 
weight of 41 Ibf/ft for the following hole inclination angles: 3, 6, 9, and 12°. The mud density is 10 lbm/gal, 
and the hole size is 8% in. Draw conclusions. 

A drillstring is composed of 5,100 ft of 42-in. drillpipe with a unit weight of 18 Ibf/ft, 300 ft of 4/2-in. heavy- 
weight drillpipe with a unit weight of 41 Ibf/ft, and 660 ft of 6/4-in. drill collars with a unit weight of 91 Ibf/ 
ft. If the drilling-fluid density is 14 lbm/gal, find the hook load, assuming that the WOB is 34,000 Ibf. Mud 
weight = 10 lbm/gal. Recalculate this example assuming air as a circulating fluid. To perform the calculations, 
ignore the hydrostatic head of air. 

Using the drillstring composition in Problem 12, calculate the axial stress at the top of the hole and at the cross 
section located 2,000 ft from the top of the hole. 

Calculate the total elongation of the string described in Problem 12 due to its own weight in mud and air. 
Explain why an increase in rotary torque leads to a decrease in the load capacity of the drillpipe. 

Consider the drillpipe data in Example 9.7. Using the maximum-energy-of-distortion theory, calculate the 
load capacity of the pipe if the torque is equal to 50% of the twistoff torque. 

Recalculate Exercise 9.8 if the DLS is 11.458°/100 ft. 

Calculate the maximum permissible DLS for the following drillstring and hole data: 

Drillpipe: Grade E, Range 2, OD,, =5in., ID, = 4.276 in., actual unit weight = 20.89 Ibf/ft; 

Tool joint: NC50 with OD, = = 6%) in. and ID, = = 3% in. 

The buoyant weight of drillstring below the dogleg i is 110,000 lbf. Mud weight = 11 Ibm/gal. 

Suppose that a drillpipe as specified in Example 9.10 is placed in a hole with a DLS of 14.5°/100 ft. 
The pressure inside the pipe is 3,000 psi, and the torque is 12,000 ft-lbf. Calculate the maximum allowable 
axial load capacity if the SF is 1.25. 

Explain why making up a tool joint with proper torque is of critical importance for drillstring performance 
while drilling. 

Recalculate Example 9.13 assuming that the length of the slips is 16 in. (long slips). 

Define the BSR. 

Redesign the drillstring discussed in Exercise 9.14 assuming a drillpipe steel grade of S-135. 


Nomenclature 


cross-sectional area in screw-jack equation (9.53), in. 

cross-sectional area of drill collars, in.” 

drillpipe cross-sectional area, in.” 

pin cross-sectional area, in.” 

cross-sectional area of Section i, in.” 

an empirical factor that depends on hole inclination angle 

an empirical factor ranging from (4)10° for very hard formations to approximately (14)10° for very 
soft formations 
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d¢/dz = differential angle of twist, in.’ 
d = nominal inside diameter of connection (Fig. 9.6), in. 
D = nominal outside diameter of pipe (Fig. 9.6), in. 


= minimum inside diameter of connection (Fig. 9.6), in. 
= drill bit diameter, in. 
DF = design factor 
= inside diameter of drill collar, in. 
D, = inside pipe diameter, in 
DLS = dogleg severity, °/100 ft 


De outside diameter of casing coupling, in. 
D ic outside diameter of drill collar, in. 
Dy, outside pipe diameter, in. 
D, OD of tool joint, in. 
D,„ = maximum outside diameter of pipe (Fig. 9.6), in. 
E = modulus of elasticity (Young’s modulus), psi 
f = coefficient 
fa = factorin Eq. 9.51 
F = axial force, lbf 
» = critical buckling force, lbf 
F = friction force, lbf 
Fp, = pressure force acting at the top of the drill collars, lbf 
Fp, = pressure force acting at the bottom of the drill collars, lbf 
„= critical buckling force, lbf 
F, = hook load, lbf 
Ei = maximum allowable static axial load that can be supported in the slips, lbf 
F, = tensional axial load capacity of ith section of drillpipe, lbf 
F, = tension load capacity of Section i of the drillpipe, lbf 
G = shearing modules of elasticity (modulus of rigidity), psi 
H = vertical distance, ft 
H, = lateral force at the bit, lbf 
HP = horsepower 
HP, horsepower to rotate a rotary roller rock bit 
i = bending-moment coefficient 
i, = point of maximum bending moment that is nearest to the bit (Fig. 9.5) 
i, = point above i, (Fig. 9.5) 
I = moment of inertia, in.* 
ID = inside diameter of drill collars, in. 
J polar moment of inertia, in.* 
K, buoyancy factor 
K, lateral load factor of slips 
lj half the distance between tool joints, ft 
Lee length of drill collars, ft 
Li length of drillpipe, ft 
Lpi length of Section 1 of the drillpipe, ft 
Ly length of heavyweight drillpipe, ft 
Ly distance from the bit to the neutral point, ft 
L, length of rod, in. 
L, = length of slips (12 or 16 in.) 
L, = length of the threaded portion of the pin, in. 
m = |= , length scaling factor, ft 
W: 
M M, and M; M; = dimensionless distances to the two points of maximum bending moment 
p, = bending moment, ft-lbf 
MOP = margin of overpull, Ibf 
n = coefficient in Eq. 9.6 
N = side force at the point of tangency, lbf 


OD, = outside diameter of drill collars, in. 
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pitch of helix, ft 

hydrostatic pressure, psi 

pressure inside the pipe, psi 

pressure outside the pipe, psi 

lead of thread, in. 

pullout strength of the joint (axial load capacity of tool joint), lbf 
radius, in. 

radial clearance, in. 

inside radius, in. 

outside radius, in. 

wellbore radius of curvature, ft 

rotary speed, rev/min 

mean radius of shoulder, in. 

mean radius of thread, in. 

safety factor 

specific gravity 

minimum yield strength of the pin material, psi 

pipe thickness, in. 

torque, ft-lbf 

make-up torque, ft-lbf 

maximum rotary torque, ft/lbf 

unit contact force, Ibf/ft 

unit weight of drill collars, Ibf/ft 

unit weight of drillpipe, Ibf/ft 

unit weight of Section 1 of the drillpipe, lbf/ft 

unit buoyant weight of drill collars in drilling fluid, Ibf/ft 
unit weight of heavy weight drillpipe, Ibf/ft 

nominal unit weight, Ibf/ft 

weight on bit (WOB), lbf 

weight of drillpipe below the cross section under consideration, lbf 
weight of drill collars, lbf 

critical WOB, first order of buckling, lbf 

critical WOB, second order of buckling, Ibf 
preloading created by the make-up torque, lbf 

distance from neutral point to the surface, ft 

distance from the bit to the neutral point, ft 
dimensionless distance from the bit to the neutral point 
the polar sectional modulus, in.* 

sectional modulus of Section 1, in. 


| F 
EI 
tilt angle, radians 


drilling fluid specific weight, SG 


drill collars specific weight, SG 
ation due to loading, ft 
axial strain, in./in. 


arctan(u), radians 


one-half of thread angle, radians 

hole curvature over the distance between tool joints, 1/ft 
pipe curvature, 1/ft 

coefficient in Eq. 9.7 

coefficient of friction 

Poisson’s ratio 

average axial stress, psi 

axial neutral stress, psi 
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= bending stress, psi 
= effective axial stress (buoyant stress), psi 


= radial stress, psi 

tangential (hoop) stress, psi 

von Mises stress, psi 

= yield point (limit of elasticity) as determined in a tensile stress test, psi 
= total axial stress, psi 


= shear stress, psi 
maximum sheer stress, psi 
= angle of twist, radians 


aq 
a AAA Aa AA 
ll 


max 


@ = hole inclination angle, radians 
@® = inclination of the resultant force at the bit, radians 
w = the taper of the slip, radians 
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SI Metric Conversion Factors 
ft x 3.048% E-O0Ol=m 
ft x 9.290 304* E-02 =m? 


ft? x 2.831685 E-02=m° 
in. x 2.54* E+00=cm 
in? x 6.451 6* E + 00 = cm? 
in? x 1.638706 E+01= cm? 
lbf x 4.448222 E+00=N 
Ibm x 4.535924 E-Ol=kg 
psi x 6.894757 E +00 -= kPa 


*Conversion factor is exact. 
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Chapter 10 


Drilling Problems 


Neal Adams, Neal Adams Services and Alfred W. Eustes Ill, Colorado School of 
Mines 


The objective of this chapter is to present specific drilling problems and their solutions. Included in this chapter 
are lost circulation problems, well control and blowout prevention, recovery of broken drillstring components, 
and preventing stuck drillpipe. 


10.1 Lost Circulation 


10.1.1 Description. Lost circulation—the significant and continuing loss of whole mud or cement slurry to a 
formation—is one of the most common and troublesome downhole problems. It has been a hindrance to drilling, 
completion, and workover operations ever since rotary rigs first came into use, and it continues to have a profound 
negative impact on well economics. Estimates of the direct and indirect costs of lost-circulation problems in the 
drilling industry worldwide run into the hundreds of millions of US dollars annually. 

Although drilling ahead and primary cementing pose particular risks, lost circulation can occur during any well 
procedure that involves pumping fluid down the hole. Indications of lost circulation may range from a gradual 
drop in pit level to a partial or complete loss of returns. In extreme cases, the fluid level in the annulus may drop 
rapidly, sometimes by hundreds of feet. 

Lost circulation invariably results in higher costs for materials, services, and additional rig time. Depending on 
the timing and severity of its occurrence, it can lead to the loss of formation-evaluation data because the informa- 
tion normally obtained from mud returns and drilled cuttings is no longer available. Lost circulation can also re- 
sult in reduced well productivity if the loss zone is also a potential pay interval. If the wellbore-fluid level drops 
far enough and fast enough, the drop can allow fluid to enter the wellbore from a higher-pressure formation. When 
this influx or kick does occur, it makes well control all the more difficult because of the inability to circulate kill 
fluid (Ivan et al. 2003). 


10.1.2 Occurrence of Lost Circulation. For lost circulation to occur, there must be (1) a formation with flow 
channels that allow passage of hole fluid from the wellbore and (2) an overbalance or positive pressure differential 
between the wellbore and the formation. Both of these conditions must be present, although one or the other may 
predominate. For example, a very small overbalance may be sufficient to drive fluid into a highly porous and 
permeable rock, while even a relatively nonporous, impermeable rock can accept considerable amounts of fluid if 
the overbalance is large enough to induce hydraulic fracturing. 

Permeable Zones. Some types of rocks, because of their high primary porosity and permeability, almost seem 
to be designed to cause lost-circulation problems. Unconsolidated formations, gravel beds, loose conglomerates, 
and shallow or highly depleted sandstones have long been recognized as having natural lost-circulation tenden- 
cies. Lost circulation in these rocks most often manifests itself as a gradual drop in pit level, although continued 
drilling time and additional exposure to the wellbore may result in partial or complete mud losses (see Fig. 10.1, 
the sections marked with an “A”’). 

Natural Fractures. Secondary porosity and permeability—such as occur in naturally fractured sandstones, 
shales, and carbonates—are also conducive to lost circulation (Fig. 10.1, the section marked with a “C’’). Natural 
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Fig. 10.1—Types of lost circulation. Courtesy of M-I SWACO. 


fractures may be either horizontal or vertical depending on a rock’s depth, mechanical characteristics, and stress 
environment. In a horizontal fracture network, lost circulation may first manifest itself as a gradual lowering of 
the pit level, with a complete loss of returns occurring as additional fractures are encountered. Vertical fractures, 
on the other hand, will take progressively increasing amounts of mud as drilling progresses and more of the frac- 
tures are exposed. 

Induced Fractures. If lost returns occur in an area where offset wells have not experienced lost circulation, 
then the problem is likely the result of fracturing that is induced during well operations, rather than the result of a 
natural fracture network. Most induced fractures are related in some way to drilling-fluid or cementing programs, 
although sometimes the well architecture may itself be a contributing factor as, for example, when a surface or 
intermediate casing string is set too high. Mechanical failures, such as leaks in a shallow casing string, can also 
result in lost circulation (Fig. 10.1, the section marked with a “D”). 

Caverns. The most severe lost-circulation problems occur in cavernous or extremely vugular formations 
(Fig. 10.1, the section marked with a “B”). These are typically limestones that have been leached by water. The 
void spaces in these formations can be large enough that when they are encountered, the drillstring may actually 
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drop by as much as several feet preceding a sudden, complete loss of returns. Rough drilling may occur just before 
a bit encounters a cavernous zone. 


10.1.3 Prevention. To prevent or at least minimize lost-circulation problems, it is necessary to address the con- 
ditions that cause lost circulation to occur, either by sealing off the problem formation or by reducing the wellbore 
pressure differential. 

Mud System. Prevention of lost circulation starts with the mud system. The best way to seal off a potential loss 
interval is to keep filtrate losses to a workable minimum and to maintain a thin, firm, impermeable filter cake 
along the borehole wall. The mud specific density should be as low as possible, but high enough to control the 
formation pressure (Darley and Gray 1988). 

In an area where porous, permeable zones are a known problem, and a low-weight, low-solids mud is being 
used, it sometimes is a good idea to pretreat the mud with solid LCM. This material should be fine enough to pass 
through the shale shaker with the other mud components and sized so as to plug small openings in the formation. 
If mud losses are fracture related, however, such pretreatment will not be effective, especially in weighted-mud 
systems. 

The mud-weight schedule is perhaps the single most important factor in preventing lost circulation. The closer 
that the hydrostatic pressure of the mud column gets to the formation-fracture pressure, the more likely lost cir- 
culation becomes. Local drilling conditions and well parameters will determine how much overbalance is required 
to optimize drilling performance, control formation pressures, and allow for abnormal or unexpected conditions. 
If the well cannot be safely drilled using a conventional mud system, then a rig equipped for underbalanced drill- 
ing should be considered. 

Equivalent Circulating Density (ECD). Even when the mud weight is far less than that required to frac- 
ture the formation, lost circulation can still result from a high ECD caused by excessive pump pressure and 
poor hydraulics practices. The mud’s rheological properties (viscosity, yield point, and gel strength) should 
be specified to maintain its desired cuttings suspension and transport properties, but at the same time should 
enable the well to be circulated at an optimal pump pressure. 

High surge pressure is a major contributor to lost circulation. Surge effects can be minimized by avoiding exces- 
sive speed when tripping in the hole, not spudding through bridges or other restrictions, breaking circulation 
gradually, and maintaining circulation at the minimum pump rate needed to ensure adequate hole cleaning. 

Casing Setting Depth. Selection of casing setting depths is crucial to preventing lost circulation and is closely 
related to the design of the mud program. In many wells, it is necessary to set one or more strings of intermediate 
casing to protect low-pressure zones from the higher mud weights required for deeper intervals. In selecting these 
casing points, the well planner should ensure that they are not themselves located in potential loss zones (Moore 
1986; Devereaux 1998). 


10.1.4 Diagnosis of Lost Cir culation. There are a number of methods for combating lost circulation, each of 
which is effective when properly used. Selecting the best method for a particular situation involves three diagnos- 
tic steps: 


e Determining at what depth the loss is occurring 
e Describing the type of loss zone 
e Evaluating the severity of the loss 


Depth, Intuitively, one might expect lost circulation to occur at or near the bottom of a well, where the ECD is 
at its highest. It is far more common, however, for the loss zone to be farther up the hole—typically near the cas- 
ing shoe—where fractures may have been opened, resealed, and then reopened as the well was drilled deeper with 
increasing mud weights. Techniques for finding lost-circulation zones commonly involve the use of production- 
logging devices including spinners, temperature logs, and radioactive-tracer tools. 

Methods of Locating Lost-Circulation Zones. The usual way to combat lost circulation during drilling is to 
monitor the possible presence of LCM across the suspected zone of loss. At shallow depth, the location of the 
losses into naturally permeable zones need not be known exactly. At greater depths [more than 5,000 ft (1,500 m)] 
or when severe losses are occurring, the exact location of the “thief” zone must be determined before efficiently 
sealing the hole and continuing to drill. A number of methods have been developed for this purpose and are dis- 
cussed below. 

Temperature Survey. A temperature-recording device is run twice on wire and records the temperature at vari- 
ous depths (Fig. 10.2). First, the device is run under static conditions—when the mud temperature is in equilib- 
rium with the formation—to provide a base log. Enough fresh, cool mud is then pumped into the hole so that the 
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Fig. 10.2—Temperature survey. 


change in temperature can be recorded by a second survey. The temperature above the loss zone will be lower 
than that recorded in the first run. Below the thief zone, the mud remains static and its temperature will be higher 
than that of the mud flowing into the formation. The new temperature survey will show an anomaly across the 
zone where the losses are occurring, and their location can be determined by the depth where the recorded line 
changes its gradient. This method gives good results in areas where the temperature gradient is of the order of 
1°F/100 ft (1.8°C/100 m). One benefit of this method is that it can be used with drilling fluids containing large 
amounts of LCM. 

Radioactive-Tracer Survey. Two gamma ray logs are run to determine the exact position of the thief zone. 
The first is recorded to establish the normal radioactivity of the downhole formation as a basis for compari- 
son. Then, a small amount of radioactive material (e.g., carnotite) is displaced around the hole where losses are 
suspected to occur. A second gamma ray log is run and compared with the base log. At the thief zone, a steep 
change of radioactivity can be seen. The precise point of loss can be determined with this method, although 
it requires special equipment and is expensive. 

Hot-Wire Survey. As in the temperature survey, the change in mud temperature is monitored. A calibrated 
resistance wire that is sensitive to changes in temperature is run to a certain depth, and then fresh, cool mud is 
pumped into the hole. If a change of temperature at the tool is observed, then the tool is placed above the point of 
loss. If no change is recorded, then it is placed below the thief zone. This method can be used in any mud system, 
but a large amount of mud is required to find the exact location of the loss. 

Spinner Survey. A small spinner attached to the end of a cable is run in the hole to the location where the losses 
are suspected to occur. The spinner either spins or turns in response to mud movement, and the revolutions per 
minute of this response are recorded on film. Near the thief zone, acceleration can be observed as mud flows into 
the formation. This method delivers the best results when there are no sealing agents in the mud, but it requires 
large volumes of mud. 

Type and Severity of Losses. Once the loss zone is located, it can be described in terms of its lithology and the 
type of loss that is occurring. For example, if there is a slow but steady decrease in pit level and if mud logs or 
other data indicate that the loss zone is composed of sandstone, then high permeability and porosity are likely the 
causes of the problem. On the other hand, if the loss of returns is sudden, induced fracturing is the most likely 
cause. 

The severity of the problem can be expressed in terms of the amount of mud lost and the static fluid-level drop. 
Seepage causes a gradual lowering of the pit level (generally from 1 to 10 bbl/hr). Losses in the 10- to 50-bbl/hr 
range are considered partial. Complete losses involve fluid-level drops ranging from 200 to 500 feet (60 to 150 m), 
while severe complete losses involve drops of more than 500 feet (150 m) where there is evidence of vugs or 
caverns. In the worst case of lost circulation, an underground blowout, the loss zone is taking not only drilling 
mud, but also formation fluid from a higher-pressure interval. 
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Controlling Lost Circulation. Techniques for controlling lost circulation are designed to seal off the loss inter- 
val (Howard and Scott 1951). They may entail 


e Allowing the formation to heal itself by removing the conditions that caused the lost 
circulation 

Using LCM or drilled solids to bridge off the interval 

Spotting a high-viscosity plug across the interval 

Squeezing the interval with cement 

Setting pipe across the interval 

Abandoning or sidetracking the loss interval 


Depending on the location, type, and severity of the problem, remedial measures may involve a combination of 
these techniques. No one method is applicable to all types of lost circulation. 

Removing the Conditions That Cause Lost Circulation. When lost circulation results from induced 
fracturing, a pause in operations or a change in drilling practices may help to eliminate the original cause of the 
fracture. 

Healing. In some cases, stopping circulation and allowing solids to build up against the borehole wall may 
heal an induced fracture. One such procedure involves pulling the pipe into a protective casing or a secure 
portion of open hole, shutting down the mud pumps for a minimum of six to eight hours, attempting to fill the 
hole with water, and then gradually resuming circulation in stages. 

Reducing the mud weight is an effective way of reducing the hydrostatic pressure of the mud column and, thus, 
the pressure differential with the formation. This is only feasible, of course, if there is no danger of a kick. Another 
step would be to adjust the mud viscosity and gel strength based on hole conditions—either increasing the viscos- 
ity and gel strength to help slow the flow of mud into permeable zones, or decreasing the viscosity and gel strength 
to reduce the pump pressure required for circulation, thereby lowering the ECD and reducing losses from induced 
fractures. Decreasing the pump rate can likewise reduce the circulating pressure. 


10.1.5 LCM. In porous, permeable zones, lost circulation most commonly results from inadequate bridging 
agents or wall-building characteristics. Fixing the problem is, therefore, a matter of adding solids to seal off the 
interval. In some cases, simply drilling ahead and allowing the formation cuttings to bridge the loss zone may be 
enough to restore circulation. In other cases, it will be necessary to add solid LCM to the mud system in concen- 
trations not exceeding 10 to 20 Ibm/bbl [28 to 57 kg/m*]. Table 10.1 provides a general classification of solid 
LCMs and gives examples of each category. 

Solid LCMs are most effective when different textures and sizes are used in combination. These materials are 
suitable only for plugging porous, permeable formations—because of their generic name, operators have often 
wrongly used them as an all-purpose remedy for all types of lost circulation. Various LCM materials have limits 
on their bridging capability. This bridging width for a typical LCM is shown in Figs. 10.3 and 10.4. 


TABLE 10.1—COMMON LOST-CIRCULATION MATERIALS 


Classification Examples 

Fibrous Wood fiber (shredded wood, 

materials sawdust), paper pulp, glass fiber, 
cotton fiber, animal hair, leather 
fiber, straw, and shredded tires 

Flaky Cellophane, mica (fine and 

(lamellar) coarse), plastic laminate, wood 

materials chips. 

Granular Nut shells (fine, medium, coarse, 

materials and very coarse), ground plastics, 
seed grains, coarsely ground rock 
materials (e.g., bentonite, asphalt, 
limestone). 

Combination Selected blends of fibrous and 
flaky materials and granular LCM. 


Description 


Relatively little rigidity. Can be forced into large openings, 
where they bridge over and form a mat or base that acts to seal 
off the formation when solids from the drilling fluid deposit on it. 
If the openings are too small for the fibers to enter, a bulky, 
easily removable external cake may form on the walls of the 
hole. Not recommended for oil-based muds. 


Not normally used in cement because they tend to plug surface 
and downhole cementing equipment. Also may contain organic 
chemicals that can seriously extend cement-thickening time. 


Sealing action similar to that of fibrous materials. Cellophane 
products are not recommended for use in oil-based muds. 


Tend to form a bridge just inside the opening of the pore. Must 
contain particles that approximate the size of the opening, as 
well as a gradation of smaller particles to form a seal. Granular 
materials may be used in oil-base muds. 


Blended products containing cellophane flakes are not 
recommended for use in oil-based muds. 
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Fig. 10.4—Types of LCM (Howard 1951). 


Slurries and Plugs. An alternative to adding LCM on a system-wide basis, and an effective technique for uncon- 
solidated permeable zones, is to spot a high-filter-loss slurry, consisting of water mixed with conditioning additives and 
bridging agents, directly in the lost-circulation zone. To spot the slurry, a drill bit (without jet nozzles) is run to the top 
of the loss zone, and the slurry is displaced to the end of the drillpipe. The slurry is then squeezed into the formation by 
closing the blowout preventers (BOPs) and pumping at low pressure. As water is squeezed out of the slurry, the bridging 
agents form a seal across the interval. 

In naturally fractured formations, a plug may be pumped across the loss interval. These plugs are designed to 
be pumpable at the surface and then to develop shear strength when placed downhole. The two main types of plugs 
are soft plugs (also known as reinforcing plugs, viscous pills, or gunk squeezes), and hard (cement) plugs. 

Soft Plugs. Soft plugs typically consist of a bentonite/diesel-oil base (for water-based muds) or a water base 
(for oil-based muds), with additives such as LCM, cement, and polymers for special applications. These plugs 
develop a viscous, gel-like consistency and offer the advantage of deforming under pressure surges, which makes 
them less likely to break down (Dawson and Goins 1953). 

Hard Plugs. Hard plugs can also be used to seal off natural fractures. They have high compressive strength and 
enough flexibility to enable good control of their flow and setting properties. However, they have a greater tendency 
to break down under pressure surges than soft plugs and can be harder to drill out. In soft formations, a hard plug 
may act as a whipstock and cause the bit to sidetrack. Many of the concerns about the use of cement as an LCM 
have been alleviated in recent years by the development of lightweight slurries and crosslinked cements and by 
other advances. These same advances have helped prevent lost circulation during primary cement jobs (Mata and 
Veiga 2004; Romero et al. 2004). 

Cavernous formations present a special challenge. If the void spaces are small enough and if the formation can 
withstand the pressure surges inherent in drilling, it may be possible to seal the caverns. Otherwise, the operator 
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can attempt to drill blind (i.e., with no returns) or drill underbalanced (using air, foam, mist, or aerated mud as a 
drilling fluid) and then cement a casing across the loss interval. 

Strength-Enhancing Chemicals. As drilling advances into more-difficult areas, the problem of lost circulation 
often grows worse. When drilling into depleted reservoirs or in deepwater drilling, the trend is to design a mud 
system that increases the near-wellbore fracture resistance and has low fluid loss. In this situation, the gap be- 
tween the pore pressure and the fracture gradient must be narrow, or the mud weight required to support the for- 
mation (weakened by depleted zones with low pore pressure) will exceed the fracture resistance. The theory 
behind this approach is to form a stress cage around the borehole, which effectively strengthens the formation 
with correctly sized bridging particles that prop and seal short fractures as they are created (Aston et al. 2004). 


10.1.6 Best Practices. The mud system should have low viscosity and low gel strength and should support proper 
cuttings transport. When the hole is not properly cleaned, the weight added by loading the annulus with cuttings 
can overcome the fracture gradient. 

When entering areas where losses are known to occur, the mud should be pretreated with 3 to 5 lbm/bbl of LCM 
that is fine enough to pass the shale shakers. 

In shallow formations, adding cement, lime, gyp, or salt can be an inexpensive way to increase viscosity and gel 
strength and, thus, to slow the flow into the formation and stop losses. Reducing the pump rate can help restore 
circulation by reducing the ECD. When losses cannot be avoided, drilling blind (without mud returns) is a feasible 
approach. 

Abnormal pressure surges should be avoided, especially while tripping or starting the pumps. Many losses oc- 
cur when running pipe too fast or applying pressure too rapidly on gelled-up mud. 

Pumps should be powered up one at a time at a few strokes per minute and the speed then should be increased 
smoothly to the desired flow rate. Pumps should be stopped by gradually reducing the flow to 75%, 50%, and 25% 
before shutting them off completely. Only a small amount of the connection time for a well is due to the running 
speed of the pipe. Running the pipe more slowly costs only a few seconds, but significantly reduces surge or swab- 
bing pressures, which are the main causes of inducing or opening fractures and initiating fluid loss. 

If the fracture gradient is low, using air or foam as a mud system is possible; drilling underbalanced is a way to 
avoid complete mud loss. If severe losses occur or if circulation cannot be restored after an extended period of 
trying, abandoning the well may be the most economical solution. 


10.2 Well Control 


10.2.1 Introduction. Well control and blowout prevention are important topics in the oil industry for a number 
of reasons: higher drilling costs, possible loss of life, and the waste of natural resources when blowouts occur. One 
additional reason for concern is the increasing number of government regulations and restrictions that have been 
placed on the oil industry, partially as a result of recent, much publicized well-control incidents. For these and 
other reasons, it is important that drilling professionals understand well-control principles and the procedures to 
be followed to control potential blowouts properly. 

The following are key principles for controlling kicks and preventing blowouts: 


e Shut in the well quickly. 

e When a kick occurs, if in doubt, shut down the well and get help. Kicks happen as frequently while drilling 
as they do during tripping out of the hole. Many small kicks turn into big blowouts because of improper 
handling. 

e Do not hurry and make mistakes. Take your time and get it right the first time. You may not have an oppor- 
tunity to do it again. 


More details on these topics are presented in this chapter. Unusual problems occurring during kick killing are 
discussed in other reference sources. 


10.2.2 Well-Control Equipment. This section discusses the basic equipment commonly used in well control. 
The following descriptions are based on onshore operations. For offshore use, the basic principles still apply, al- 
though space limitations and the fact that the BOPs are often located on the bottom of the ocean (these are called 
subsea BOPs) do influence some aspects of the procedures. For more details on offshore well-control equipment, 
special literature should be consulted (Adams 1979a). 

Preventer Stack. BOPs are used to seal the wellbore and thereby contain a kick. Two main types of preventers 
are in use in the industry: the annular preventer and the ram-type preventer (both types are discussed below). 
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Preventer stacks are rated to 3,000, 5,000, 10,000, or 15,000 psi. A preventer stack normally consists of an an- 
nular preventer on top, followed by one or more (typically up to three) ram-type preventers (Fig. 10.5). The inclu- 
sion of a full-bore drilling spool makes it possible to connect the kill and choke lines (Adams 1979b, 1980a). 

An important consideration for design of the preventer stack is the space it occupies under the rig. Even after 
setting multiple casings (with each casing head adding to the total height of the equipment), it still must be pos- 
sible to accommodate the full preventer stack. 

Annular Preventers. Annular preventers are able to seal around any object with a circular (or nearly circular) 
cross section as well as over an empty hole. This means that it can also seal around a kelly (hexagonal shapes are 
better than square shapes). Because of its variable diameter, it also allows tool joints to pass when pipe is being 
lowered into the hole while surface pressure is present, an operation called stripping (overcoming the pressure 
area forces with the pipe weight) or snubbing (forcing the pipe into the hole because the weight is not enough to 
overcome the pressure area forces) (Fig. 10.6). 

Operating pressure is generally lower than that used for ram-type preventers because the piston area is far larger. 
The pressure can also be adjusted to ease passage of the tubular while stripping into the well by reducing friction. 
Still, it is necessary to lubricate the pipe while stripping into the well. Drilling-mud or water can be used for lu- 
brication. 
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Fig. 10.6—Annular preventer. Courtesy of National Oilwell Varco. 
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The operating principle of an annular preventer is simple. Hydraulic pressure is applied to the low side of a 
wedge-shaped piston. The circular wedge then forces the sealing element toward the inside. Frequent closing and 
opening of the sealing element will significantly shorten its life. In particular, closing over an empty hole has an 
adverse effect on the sealing element. For this reason, it is common not to test annular preventers as often as ram- 
type preventers. 

Ram-Type Preventers. Rams are found on most BOP stacks, except in some low-pressure applications. They 
are closed by hydraulic pressure, which forces the set of rams together from both sides. As a backup measure, they 
can also be manually closed (Fig. 10.7). 

Sealing is achieved between the upper surface of the ram and the preventer body and between the sealing sur- 
faces of the ram. Different kinds of rams are available. Pipe rams have a semicircular groove that enables sealing 
around pipe. They are designed for sealing around a specific diameter of pipe. Therefore, changing the rams can 
be necessary when switching to a different-diameter drillpipe or closing in a well with drill collars or casing (or 
other equipment) within the preventer stack. Furthermore, while shutting in the well, no tool joints should be lo- 
cated within the preventer stack. This is easily avoided by lowering or lifting the top tool joint of the drillstring to 
an easily accessible working height at the rig floor. 

Variable-bore rams are available with flexible steel fingers that can seal around pipe diameters smaller than that 
of the ram itself. With a standard pipe ram, it is possible to hang a drillstring on the ram. A variable-bore ram, on 
the other hand, is not strong enough to support a drillstring. 

Blind rams are used to seal over an open hole. They have a sealing surface which is pressed together when actu- 
ated. A special kind of blind ram is called a shear ram. Shear rams have cutting edges and are able to shear 
through drillpipe (and small-diameter drill collars) and seal over it. Because this option eliminates the possibility 
of circulating through the drillpipe, the shear ram is considered an option of last resort. Typically these are used 
offshore. 

Most modern ram-type preventers have a built-in secondary seal consisting of a plastic sealing material that is 
forced against the sealing surfaces by twisting a bolt. This seal is designed as a contingency measure in case the 
ram preventer starts to leak during a well-control operation (Adams 2005). 

Diverters. A diverter assembly is used to divert a gas kick encountered at shallow depth when only a conductor 
casing is in place. During this phase, the surrounding formation tends to be too weak to contain a shut-in kick. There- 
fore, the only possibility is to divert the flow in a safe direction. Generally, an annular-type preventer is installed on top 
of the conductor pipe. Underneath it, a diverter line is run to a pit. This line should be of large diameter to allow the 
most unrestricted flow possible (Fig. 10.8) (Adams 1980a). 

Testing. It is of critical importance that the whole well-control system function in the event of an emergency. 
Therefore, all equipment must be checked for any possible weaknesses before installation. Then, testing of the 
sealing ability and the correct function of every part should occur after installation and at periodic intervals. Spe- 
cial equipment exists to pressure-test the BOP. The goal of all types of test equipment is to be able to test every 
single preventer on its own. Therefore, a tool is lowered inside the preventer stack, and a section is sealed off and 
then pressurized to testing pressure. It is common practice to test equipment first at a low pressure, then at a higher 
pressure. 

Choke Line. The choke line directs flow out of the wellbore to the choke manifold. The choke line is connected 
to the preventer stack at the drilling spool by two valves. A manually operated master valve sits directly at the 
spool, followed by a remote-controlled valve. The master valve is used to isolate the choke line should repairs 
become necessary. During operations, only the hydraulically operated valve is used. The choke line itself should 
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Fig. 10.7—U blowout preventer—example of a ram-type preventer (© Cameron 2010). 
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Fig. 10.8—Diverter (Watson et al. 2003, page 261). 


be designed with as large a diameter and wall thickness as reasonably possible, because the fluids flowing through 
it in a well-control situation are likely to be loaded with solids (e.g., drill cuttings) and moving at high velocities, 
creating a very erosive environment. The choke line should be as straight as possible to minimize turns, which 
create impacts and erosion at those points. If turns cannot be avoided, they should be designed using targets or 
T-turns. No threaded connections are acceptable in the choke line. Instead, flanged or welded connections should 
be used exclusively. 

Choke Manifold. The choke manifold is a crucial part of the whole well-control system. The choke manifold 
makes it possible to control the backpressure on the well while circulating out a kick. The centerline, which runs 
straight through the manifold and onto a flare pit, is called the panic line. It provides the least restricted flow pos- 
sible in case the well cannot be controlled and must be allowed to blow out. All fluids can then be diverted to a 
flare pit and flared at a safe distance from other equipment. The manifold generally consists of a manual choke 
and a remote-controlled choke. This redundancy, as well as the fact that each side can be isolated by the valves, 
enables continuous operation even if one of the chokes has to be replaced (e.g., as a result of excessive erosion). 
A pressure gauge, which indicates the casing pressure, should be installed on the choke line at the manifold. Note 
that during operation, if the choke line is extremely long, the pressure drop within the choke line must be ac- 
counted for when reading casing pressure at this point (Fig. 10.9). 

Chokes. Drilling chokes used for well-control operations must be built much more sturdily than the standard 
positive chokes used for production operations. Solids in the mud circulated out of the well will induce erosion, 
which can wear out a choke relatively quickly. This is one reason to have at least two redundant chokes available. 
In addition, mud solids can easily plug a choke (Fig. 10.10). 

Various choke designs are in use in the industry. The two most common designs either use a plug that moves 
into and out of an orifice to restrict the flow, or use two rotating carbide plates with circular openings that adjust 
the flow rate by rotating—and thereby changing—the area available for flow. 

Accumulators. The accumulator unit provides the hydraulic power needed to operate the well-control equip- 
ment (preventers, automatic valves, and chokes). Accumulators are available with different working-pressure 
ratings (1,500, 2,000, or 3,000 psi). An accumulator unit consists of several bottles. Each is precharged with ni- 
trogen and loaded with hydraulic fluid. Nitrogen is used because of its noncorrosive and nonflammable properties. 
The volume of usable hydraulic fluid must be designed so that safe shut-in can be achieved even if the recharge 
pumps are inoperative. API RP53 suggests that the volume should be sufficient to close one pipe ram and the 
annular preventer, and to open the hydraulic choke-line valve. However, these requirements are not widely ac- 
cepted in the industry. Moreover, some government regulations request higher volumes. Usually, the accumulator 
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Fig. 10.9—Choke manifold (Watson et al. 2003, page 142). 
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unit is charged by two recharge pumps fed from different power sources. One pump is driven electrically, and one 
is driven by air from the rig pneumatic network. The latter pump can still operate from the compressor air tanks 
even if there is an electricity outage (Fig. 10.11). 


10.2.3 Causes of Kicks. Introduction to Kicks. Different drilling problems confront the operator on a day-to-day 
basis, including lost circulation, stuck pipe, deviation control, and well control. This discussion focuses on well 
control; other drilling problems will be considered here only in relation to some aspect of well control. 

A kick can be defined as a well-control problem in which the pressure encountered within the rock being 
drilled is greater than the mud hydrostatic pressure acting on the borehole or rock face. When this occurs, 
the greater formation pressure tends to force formation fluids into the wellbore. The result is an uncontrolled 
flow into a wellbore. This fluid flow is called a kick. If the flow is successfully controlled, the kick has been 
killed. A blowout is an uncontrolled flow out of a wellbore and often occurs because a kick was not properly 
controlled. 

For a kick to occur, three things must happen simultaneously. First, a mobile fluid must be present in the porous 
rock adjacent to the borehole. Second, there must be enough permeability to sustain a flow into the wellbore. 
Third and most importantly, the pressure exerted in the wellbore, from a combination of hydrostatic, dynamic, and 
surface pressures, must be less than the pore pressure in the formation. If any one of these factors is missing, the 
well cannot kick. In one particular situation, gas can be entrained into a wellbore from inside the volume of rock 
being drilled, and this can lead to a kick even if permeability is not an important issue. 

The severity of a kick depends on several factors. One is the ability of the rock to allow fluid flow. The perme- 
ability of rock describes its ability to allow fluid movement. The porosity measures the amount of fluid-containing 
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Fig. 10.11—Accumulator schematic (API RP 53 1984). Reproduced courtesy of the American Petroleum Institute. 


space in the rock. A rock with high permeability and high porosity has a greater potential to generate a severe kick 
than a rock with low permeability and low porosity. For example, sandstone is considered to have a greater kick 
potential than shale because, in general, sand has a greater permeability and porosity than shale. 

Another controlling variable for kick severity is the pressure differential involved. The pressure differential is the 
difference between the formation-fluid pressure and the mud hydrostatic pressure. If the formation pressure is much 
greater than the hydrostatic pressure, a large negative differential pressure exists. If this negative differential pressure 
is coupled with high permeability and porosity, a severe kick can occur. 

A kick can be characterized in several ways. One way is by the type of formation fluid that has entered the 
borehole. Known kick fluids include gas, oil, salt water, magnesium chloride, water, hydrogen sulfide (sour) gas, 
and carbon dioxide. If gas has entered the borehole, the kick is called a gas kick. Furthermore, if a volume of 20 
bbl (3.2 m°) of gas has entered the borehole, the kick could be called a 20-bbl (3.2-m°) gas kick. Another method 
of characterizing kicks is by the required mud-weight increase necessary to control the well and to kill a potential 
blowout. For example, if a kick required a 0.7-lbm/gal (84-kg/m*) mud-weight increase to control the well, the 
kick could be called a 0.7-lbm/gal (84-kg/m°) kick. It is interesting to note that control of an average kick will 
require a mud-weight increase of approximately 0.5 Ibm/gal (60 kg/m*) or even less. 

An additional important well-control consideration is the pressure that the formation rock can withstand 
without generating an induced fracture. This rock strength is often called the fracture mud weight or gradient 
and is usually expressed in lbm/gal equivalent mud weight. The equivalent mud weight is the sum of the 
pressures exerted on the borehole wall and includes mud hydrostatic pressure, pressure surges resulting from 
pipe movement, frictional pressures applied against the formation as a result of pumping the drilling fluid, and 
any casing pressure caused by a kick. For example, if the fracture mud weight of a formation has been deter- 
mined as 16.0 Ibm/gal, the well can withstand any combination of these pressures that yields the same total 
pressure as a column of 16.0-lbm/gal (1,920-kg/m*) mud extending to the depth in question. This combination 
could be (1) a 16.0-Ibm/gal (1,920-kg/m*) mud, (2) a 15.0-lbm/gal (1,800-kg/m*) mud and some amount of 
casing pressure, (3) a 15.5-lbm/gal (1,860-kg/m*) mud and a smaller amount of casing pressure, or (4) other 
combinations. 

Causes of Kicks. Kicks occur because formation pressure is greater than mud hydrostatic pressure, which causes 
fluids to flow from the formation into the wellbore. In almost all drilling operations, the operator attempts to maintain a 
hydrostatic pressure greater than the formation pressure (a relationship that is called an overbalanced condition) and, 
thus, to prevent kicks. However, on occasion (and for various reasons), the formation will exceed the wellbore pressure, 
and a kick will occur. Following are the key causes of kicks: 


Insufficient mud weight 

Improper hole fill up on trips 
Swabbing 

Cutting of mud by formation fluids 
Lost circulation 
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Insufficient Mud Weight. Insufficient mud weight is the predominant cause of kicks. A permeable zone is 
drilled using a mud weight that exerts less pressure than the formation pressure within the zone. Fluids begin to 
flow into the wellbore, and a kick occurs. 

Abnormal formation pressures are often associated with kicks. They are defined as pressures that have an 
equivalent mud weight greater than normal conditions. Normal conditions are defined as equivalent mud weights 
ranging from a freshwater density of 8.34 lbm/gal (1,000 kg/m*) to a saturated NaCl-water density of 10 lbm/gal 
(1,200 kg/m’). In well-control situations, greater-than-normal formation pressures are the greatest concern. Be- 
cause normal formation pressure is equal to a full column of native water, an abnormally pressured formation will 
exert more pressure than that column of water. If an abnormally pressured formation is encountered while drilling 
a with mud weight that is insufficient to control the zone being drilled, a potential kick situation is present. 
Whether a kick occurs depends on the permeability and porosity of the rock. 

A number of methods can be used to estimate formation pressures in an effort to prevent this type of kick. Some 
are listed below: 

Qualitative Methods: 


Paleontology 

Offset well-log analysis 
Temperature-anomaly analysis 

Gas measurement 

Mud- or cuttings-resistivity analysis 
Cutting-characteristics analysis 
Hole-condition analysis 


Quantitative Methods: 


e Shale density profile 

e d-exponent analysis 

e Normalized penetration-rate analysis 
e Other drilling equations 


Kicks caused by insufficient mud weight seem to require the obvious solution of drilling with high mud weight. 
However, this is not always a viable solution. First, a high mud weight may exceed the fracture mud weight of the 
formation and induce lost circulation. Second, a mud weight in excess of the formation pressure may significantly 
reduce penetration rates. In addition, pipe sticking becomes a serious concern when excessive mud weights are 
used. The best solution is to maintain a mud weight slightly greater than the formation pressure until the mud 
weight begins to approach the fracture mud weight, thus requiring an additional string of casing. 

Tripping Practice. Improperly filling the hole during trips is another predominant cause of kicks. As the drill- 
pipe is pulled out of the hole, the mud level falls because the pipe steel had displaced some mud. With the pipe no 
longer in the hole, the overall mud level decreases. 

It is necessary to fill the hole with mud periodically to avoid reducing the hydrostatic pressure and thereby 
allowing a kick to occur. Several methods can be used to fill the hole, but all must be able to measure accu- 
rately the amount of mud required. It is not satisfactory under any conditions to allow a centrifugal pump to 
fill the hole continuously from the suction pit, because with this approach, accurate mud-volume measurement 
is not possible. The two methods most commonly used to monitor hole fill up are a trip tank and pump-stroke 
measurement. 

A trip tank includes a calibration device to monitor the volume of mud entering the hole. The tank can be placed 
above the preventer to allow gravity feed into the annulus, or a centrifugal pump can pump mud into the annulus, 
with the overflow returning to the trip tank. The advantages of a trip tank include ensuring that the hole remains 
full at all times and providing an accurate measurement of the amount of mud entering the hole. Another method 
of keeping a full hole is to fill the hole periodically using a positive-displacement pump. A flowline device can be 
installed to measure the number of pump strokes required to fill the hole and to shut off the pump automatically 
when the hole is full. 

Swabbing. Pulling the drillstring from the borehole creates swab pressures. Swab pressure is negative and reduces 
the effective hydrostatic pressure throughout the hole below the bit. If this pressure reduction lowers the effective 
hydrostatic pressure below the formation pressure, a potential kick situation has developed. The variables control- 
ling swab pressures include pipe-pulling speed, mud properties, hole configuration, and the effect of “balled” equip- 
ment. Some of these effects can be seen in Table 10.2. 
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TABLE 10.2—EXAMPLE SWAB PRESSURES (PSI) IN VARIOUS HOLE SIZES AT VARIOUS PULLING 
SPEEDS FOR A 14.0-PPG MUD AND 47%-IN. DRILLPIPE (LAKE 2006) 


Pulling Speeds, seconds/stand 


Hole Size, in. 15 22 30 45 68 75 
8% 267 167 124 98 84 75 
6% 589 344 256 192 159 140 
5% 921 524 294 289 231 200 


Cut Mud. Gas-contaminated mud will occasionally cause a kick. The mud-density reduction is usually caused 
by fluids from the core volume which are cut and released into the mud system. As the gas is circulated to the 
surface, it expands and reduces the overall hydrostatic pressure sufficiently to allow a kick to occur. Although the 
mud weight is cut severely at the surface, the hydrostatic pressure is not reduced significantly because most gas 
expansion occurs near the surface and not at the hole bottom. 

Lost Circulation. Occasionally kicks are caused by lost circulation. A decreased hydrostatic pressure occurs 
because of a shorter mud column. When a kick occurs because of lost circulation, the problem may become se- 
vere. A large volume of kick fluid may enter the hole before the rising mud level is observed at the surface. It is a 
recommended practice to fill the hole with some type of fluid to monitor mud level. 


10.2.4 Kick Signs. A number of warning signs and possible kick indicators can be observed at the surface. It is 
the responsibility of each crew member to recognize and interpret these signs and to take proper action. Not all of 
these signs will positively identify a kick; some simply warn of potential kick situations. Key warning signs in- 
clude the following: 


Flow-rate increase 

Pit-volume increase 

Continuing flow in the well with the pumps off 
Pump-pressure decrease along with a pump-stroke increase 
Improper hole fill up on trips 

Change in string weight 

Drilling break 

Decrease in mud weight 


Each warning sign is identified in the following paragraphs as being of primary or secondary importance to kick 
detection. 

Warnings Signs of Primary Importance to Kick Detection. Flow-Rate Increase. An increase in the flow rate 
leaving the well while pumping at a constant rate is a primary kick indicator. The increased flow rate can be inter- 
preted to mean that the formation is helping the rig pumps to move fluid up the annulus by forcing formation 
fluids into the wellbore. This is a key indicator of a kick. 

Pit-Volume Increase. If the pit volume has not been changed as a result of control actions from the surface, an 
increase indicates that a kick is occurring. Fluids entering the wellbore displace an equal volume of mud in the 
flowline and cause an increase in pit level. However, this change takes some time to manifest itself and does not 
provide an immediate indication of a kick. 

Flowing Well. When the rig pumps are not moving the mud, continued flow from the well indicates that a kick 
is in progress. An exception is when the mud in the drillpipe is considerably heavier than that in the annulus (for 
example, in the case of a slug). Care must be taken to determine whether a slug is present. If so, the flow will 
decrease and eventually stop. 

Warnings Signs of Secondary Importance to Kick Detection. Drilling Break. An abrupt increase in bit pene- 
tration rate, called a drilling break, is a warning sign of a possible kick. A gradual increase in penetration rate is 
an indicator of abnormal pressure and should not be misconstrued as an abrupt rate increase. When the rate sud- 
denly increases, it can be assumed that the rock type has changed. It can also be assumed that the new rock type 
has the potential to kick (as in the case of a sand), even if the previously drilled rock did not have this potential (as 
in the case of shale). Although a drilling break may have been observed, it is not certain that a kick will then occur, 
but only that a new formation that may have kick potential is now being drilled. 

When a drilling break occurs, it is a recommended practice that the driller should drill 3 to 5 ft (1 to 1.5 m) into 
the new formation and then stop to check for flowing formation fluids. Flow checks are not always performed in 
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tophole drilling or if drilling through a series of stringers where repetitive breaks are encountered; unfortunately 
many kicks and blowouts have occurred as a result of this failure to perform flow checks. 

Pump-Pressure Decrease with Stroke Increase. A pump-pressure change may indicate a kick. Initial fluid entry 
into the borehole may cause the mud to flocculate, which may increase the pump pressure temporarily. As the flow 
continues, the low-density influx will displace the heavier drilling fluids, and the pump pressure may begin to 
decrease. As the fluid in the annulus becomes less dense, the mud in the drillpipe tends to drop, and the pump 
speed may increase. However, other drilling problems may cause these same signs. A hole in the pipe, called a 
washout, will cause pump pressure to decrease. A twistoff of the drillstring will give the same signs. It is proper 
procedure, however, to check for a kick if these signs are observed. 

Reduced Mud Weight. Reduced mud weight in the flowline has occasionally caused a kick to occur. Some 
causes for reduced mud weight are core-volume cutting by gas or circulation of connection air or aerated mud 
from the pits down the drillpipe. Fortunately, the lower mud weights generated by the cutting effect are found near 
the surface, occur generally as a result of gas expansion, and do not appreciably reduce mud density throughout 
the hole. Table 10.3 shows that gas cutting has a very small effect on bottomhole hydrostatic pressure. An impor- 
tant point to remember about gas cutting is that if the well did not kick during the time required to drill the gas 
zone and to circulate the gas to the surface, only a small possibility exists that it will kick later. Generally, gas 
cutting indicates that a gas-containing formation has been drilled; it does not mean that the mud weight must be 
increased. 

Improper Hole Fill-Up. When the drillstring is pulled out of the hole, the mud level should decrease by a 
volume equivalent to that of the steel removed. If the hole does not fill with the volume of mud calculated to 
bring the mud level back to the surface, it can be assumed that a kick fluid has entered the hole and filled the 
displacement volume of the drillstring. Even though gas or salt water has entered the hole, the well may not 
flow until enough fluid has entered to reduce the hydrostatic pressure to a value lower than the formation 
pressure. 

Change in String Weight. Drilling fluid provides a buoyant effect on the drillstring and reduces the actual pipe 
weight supported by the derrick. Heavier muds have a greater buoyant force than less dense muds. When a kick 
occurs and low-density formation fluids begin to enter the borehole, the buoyant force of the mud system is 
reduced. The string weight observed at the surface will increase. However, this change may be small and not 
readily observable. 


10.2.5 Shut-In Procedure. When one or more warning signs of a kick have been observed, steps should be taken 
to shut in the well. If there is any doubt as to whether the well is flowing, shut it in and check the pressures. More- 
over, there is no difference in this context between “just a small flow” and a “full-flowing” well, because both can 
very quickly turn into a big blowout. There has been some hesitation in the past to close in a flowing well because 
of the possibility of sticking the pipe. It can be shown that for all types of pipe sticking, including differential 
pressure, heaving, or sloughing shale, it is better to close in the well quickly and reduce the kick influx. This 
approach in fact reduces the chances of pipe sticking. The primary concern at this point is to kill the kick safely; 
when feasible, the secondary concern is to avoid pipe sticking. 

Some concern has been expressed about fracturing the well and creating an underground blowout as a result of 
shutting in a well when a kick occurs. If the well is allowed to flow, it will eventually become necessary to shut in 
the well, at which time the possibility of fracturing the well will be greater than if the well had been shut in im- 
mediately after the initial kick detection. Table 10.4 shows an example of the higher casing pressures that can 
result from continuous flow. 

Initial Shut-In. There has been considerable discussion about the merits of hard vs. soft shut-in procedures. 
In a hard shut-in procedure, the annular preventer(s) are closed immediately after the pumps are shut down. In 
a soft shut-in procedure, the choke is opened before the preventers are closed, and the choke is closed afterward. 


TABLE 10.3—EXAMPLES OF THE PRESSURE-REDUCTION EFFECT (IN PSI) 
OF GAS-CUT MUD ON BOTTOMHOLE HYDROSTATIC PRESSURE (Lake 2006) 


10 Ibm/gal cut 18 lbm/gal cut 18.0 Ibm/gal cut 
Depth to 5 Ibm/gal to 16.2 lbm/gal to 9 Ibm/gal 
1,000 51 31 60 
5,000 72 41 82 
10,000 86 48 95 


20,000 97 51 105 
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TABLE 10.4—EXAMPLES OF THE EFFECT OF CONTINUOUS INFLUX ON CASING 
PRESSURE AS A RESULT OF FAILURE TO CLOSE IN THE WELL (Lake 2006) 


Volume of Gas Gained, bbl Casing Pressure, psi 
20 1,468 
30 1,654 
40 1,796 


Arguments in favor of a soft shut-in procedure are (1) it avoids water hammer because fluid flow is not stopped 
abruptly and (2) it provides an alternate means of well control (the low-choke-pressure method) if the casing 
pressure becomes excessive. The water-hammer concern has been proved to be of no substance, and the low- 
choke-pressure method of well control is an unreliable procedure. It is best to use the hard shut-in procedure to 
minimize the kick volume. 

Drilling Kicks—Land or Bottom-Supported Offshore Rigs. These rigs do not move during normal drilling 
operations. They include land and barge rigs, jackups, and platform rigs. 

Shut-In Procedures. 


e When a primary kick-warning sign has been observed, immediately raise the kelly or top drive until a tool 
joint is above the rotary table. 

Stop the mud pumps. 

Close the annular preventer. 

Notify company personnel. 

Read and record the shut-in drillpipe pressure, the shut-in casing pressure, and the pit gain. (The shut-in drill- 
pipe pressure is referred to as the SIDPP and the shut-in casing pressure as the SICP.) 


Raising the kelly/top drive is an important part of this procedure. With the kelly/top drive out of the hole, the 
valve at the bottom of the kelly/top drive can be closed if necessary. Also, the annular preventer members can 
attain a more secure seal on pipe than against a kelly. 

Tripping Kicks—Land or Bottom-Supported Offshore Rigs. A high percentage of well-control problems occur 
when a trip is in progress. Kick problems may be compounded when the rig crew is preoccupied with the trip 
mechanics and fails to observe the initial warning signs of a kick. 

Shut-In Procedures. 


When a primary warning sign of a kick has been observed, immediately set the top tool joint on the slips. 
Install and make up a full-opening, fully opened safety valve on the drillpipe. 

Close the safety valve and the annular preventer. 

Notify company personnel. 

Pick up and make up the kelly/ top drive. 

Open the safety valve. 

Read and record the SIDPP, the SICP, and the pit gain. 


Installing a full-opening safety valve in preference to an inside BOP (float) valve is of prime importance be- 
cause of the advantages offered by the full-opening valve. If flow occurs up the drillpipe as a result of a trip kick, 
the fully opened, full-opening valve is physically easier to stab. Also, a float-type inside BOP valve will close 
automatically when the upward-moving fluid contacts the valve. If wireline work such as drillpipe perforation or 
logging becomes necessary, the full-opening valve will accept logging tools approximately equal to its inside di- 
ameter, whereas the float valve may prohibit wireline work altogether. After the kick is shut in, an inside BOP float 
valve may be stabbed onto the full-opening valve to enable stripping operations. 

Drilling Kicks—Floating Rigs. A floating rig moves during normal drilling operations. The primary types of 
floating rigs are semisubmersibles and drillships. Several differences in shut-in procedures apply to floaters. 
Drillstring movement can occur, even with a motion compensator in operation. Moreover, the BOP stack is 
located on the sea floor. To solve the problem of possible vessel and drillstring movement and resulting wear on 
the preventers, a tool joint may be lowered onto the closed pipe rams. The string weight is hung on these rams. 
This procedure may not be necessary if the rig has a functional motion compensator. 

When the stack is located a considerable distance from the rig floor, the problem is to ensure that a tool 
joint does not interfere with the closing of the preventer elements. A spacing-out procedure should be executed 
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when the BOP is tested, after running the BOP stack. Close the rams, slowly lower the drillstring until a tool joint 
contacts the rams, and record the position of the kelly/top drive at that point. Spacing-out should occur so that a 
tool joint and the lower kelly valve are above the rotary table. Spacing should be correlated with tide-measuring 
equipment on the rig floor. 

The following procedure could be altered to use the annular preventer and motion compensator for cases in 
which (1) the SIDPP and SICP are low and close to the same value (indicating oil or water) or (2) the “kick vol- 
ume” is less than 20 to 30 bbl and the expected time to kill the well is less than two or three hours. Be sure that 
the closing pressure on the annular preventer is reduced to within the range recommended by the manufacturer for 
this situation, to avoid annular-element failure. 

Shut-In Procedures. 


e When a primary warning sign of a kick has been observed, immediately raise the kelly/top drive to the level 
previously designated during the spacing-out procedure (tide adjusted). 

Stop the mud pumps. 

Close the annular preventer. 

Notify company personnel. 

Close the upper set of pipe rams. 

Reduce the hydraulic pressure on the annular preventer. 

Lower the drillpipe until the pipe is supported entirely by the rams. 

Read and record the SIDPP, the SICP, and the pit gain. 


Tripping Kicks—Floating Rigs. The procedures for kick closure during a tripping operation on a floater are a 
combination of floating drilling procedures and tripping procedures for immobile rigs. 
Shut-In Procedures. 


When a primary warning sign of a kick has been observed, immediately set the top tool joint onto the slips. 
Install and make up a full-opening, fully opened safety valve in the drillpipe. 

Close the safety valve and the annular preventer. 

Notify company personnel. 

Pick up and make up the kelly/top drive. 

Reduce the hydraulic pressure on the annular preventer. 

Lower the drillpipe until it is supported by the rams. 

Read and record the SIDPP, the SICP, and the pit gain. 


Diverter Procedures—All Rigs. When a kick occurs in a well with insufficient casing to control a kick safely, 
a blowout will occur. Because a shallow underground blowout is difficult to control and may cause the loss of the 
rig, an attempt is usually made to divert a surface blowout away from the rig. This is the common practice on land 
and on offshore rigs that are not mobile. Special attention must be paid to opening the diverter lines before shut- 
ting in the well. 


e When a primary warning sign of a kick has been observed, immediately raise the kelly/top drive until a tool 
joint is above the rotary table. 

Increase the pump rate to maximum output. 

Open the diverter-line valve(s). 

Close the diverter unit (or annular preventer). 

Notify company personnel. 


Recent experiences show that shallow gas flows are difficult to control. Industry philosophy is improving, and new 
handling procedures are being developed. 

Crew Member Responsibilities for Shut-In Procedures. Each crew member has different responsibilities dur- 
ing shut-in procedures. These are listed according to job classification. 

Floorhand (Roughneck): 


e Notify the driller if any warning signs of kicks are observed. 
e Assist in installing the full-opening safety valve if a trip is in progress. 
e Initiate well-control responsibilities after shut-in. 
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Derrickman: 


e Notify the driller if any warning signs of kicks are observed. 
e Initiate well-control responsibilities and begin mud-mixing preparations. 


Driller: 


e Shut in the well immediately if any of the primary warning signs of kicks are observed. 

e Ifa kick occurs while performing a trip, set the top tool joint onto the slips and direct the crews in the in- 
stallation of the safety valve before closing the preventers. 

e Notify all appropriate company personnel. 


Reading and Interpreting Shut-In Pressures. Shut-in pressures are defined as pressures recorded on the drill- 
pipe and the casing when the well is closed. Although both pressures are important, the drillpipe pressure will be 
used almost exclusively in killing the well. If the SIDPP reads as zero, check to see whether a drillpipe float valve 
is installed. 

During a kick, fluids flow from the formation into the wellbore. When the well is closed to prevent a blowout, 
pressure builds at the surface because of the entry of formation fluid into the annulus and the difference between 
the mud hydrostatic pressure and the formation pressure. Because this pressure imbalance cannot exist for long, 
the surface pressures will build so that, eventually, the surface pressure plus the mud and influx hydrostatic pres- 
sures in the well will be equal to the formation pressure. The equations below express this relationship for the 
drillpipe and the annular side, respectively: 


Piom = SIDPP + Ppp, 
Piom = SICP + Pam + Pkick» 


where P is the formation pressure, p,p is the drillstring hydrostatic pressure, p 
sure, and p, is the kick pressure. 

Interpretation of Recorded Pressures. Fig. 10.12 illustrates an important basic principle. It can be observed that 
the formation pressure is greater than the drillpipe hydrostatic pressure by an amount equal to the shut-in drillpipe 
pressure. The drillpipe pressure gauge is a bottomhole pressure (BHP) gauge. The casing-pressure reading cannot 
be considered as a direct BHP gauge measurement because the amount of formation fluid in the annulus is gener- 
ally unknown. 

Constant BHP Concept. Fig. 10.12 can be used to illustrate another important basic principle. The 780-psi 
(5.4-MPa) reading observed on the drillpipe gauge is the amount of pressure that was necessary to balance the 
mud pressure at the hole bottom with the pressure in the gas sand at 15,000 ft (4,600 m). A basic law of physics 
states that formation fluids travel from areas of high pressure to areas of lower pressure only and that they do not 
travel between areas of equal pressures, assuming that gravity segregation can be neglected. If the drillpipe pres- 
sure is controlled so that the total mud pressure at the hole bottom is slightly greater than the formation pressure, 
then no additional kick influx will enter the well. The concept is the basis of the constant BHP method of well 
control, in which the pressure at the hole bottom is kept constant and at least equal to the formation pressure. 

Effects of Time. After shut-in, a finite amount of time will elapse before both pressures stabilize. The kick flow 
rate will eventually drop to close to zero when the pressure in the wellbore is almost equal to that in the formation. 
The amount of time this takes varies with the difference between the wellbore and the formation pressures, the 
permeability, the fluid viscosity, and the length and diameter of hole in the kicking formation. Stabilization may 
take a few minutes to several hours depending on the conditions surrounding the kick. In general, 15 minutes are 
allowed to obtain shut-in pressures. The pressure will typically increase rapidly at first and then level off, although 
it will not necessarily become stable. The breakpoint in the pressure curve is taken as the SIDPP. 

Several other factors affect the time needed for pressures to stabilize. One reason that they may not necessarily 
stabilize is differences in density between the kick fluid and the drilling fluid. Gas migration involves the move- 
ment of low-density fluids up the annulus. The kick may start to migrate up the hole, with an attendant increase in 
surface pressure (in the absence of any mitigation technique). It will tend to build pressure at the surface if time is 
allowed for migration. In addition, the influx may tend to degrade hole stability and to cause either stuck pipe or 
hole bridging. These problems must be considered when reading the shut-in pressures. 

Trapped Pressure. Trapped pressure is any pressure recorded on the drillpipe or annulus that is greater than the 
amount needed to balance the BHP. Pressure can be trapped in the system in several ways. One common way is 
for gas to migrate up the annulus and expand; another is to shut in the well before the mud pumps have stopped 
running. Using a pressure reading that includes trapped pressure may result in erroneous kill calculations. There 
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SICP 


Using the observed shut-in pressures from 
Example 1, show that these are the surface 
pressures needed to equal formation pressure 
at the bottom of the hole. (Drill collars are not 
used in this example to simplify the calculations.) 


Drillpipe 

Hydrostatic pressure 
=0.052 x mud weight x depth 
=0.052 x 15.0 Ibm/gal x 15,000 ft 
=11,700 psi 


Therefore 
SIDPP+Hydrostatic= BHP 
780 psi+11,700 psi 
=12,480 psi 


15.0 Ibm/gal 
Mud 


Annulus 

Mud hydrostatic pressure 
=0.052xmud weight x depth 
=0.052x 15.0 Ibm/galx 14,600 ft 
= 11,388 psi 


Gas hydrostatic pressure 

0.052 x 2.3 lbm/gal (assumed) x 400 ft 

48 psi 

and SICP+(mud and gas hydrostatic) =BHP 


1,044+11,388+48=12,480 psi 


NOTE: In practical situation, the amount or type 
of influx will not be (exactly) known; therefore, the 
annulus pressure should not be used to calculate 
formation pressures. 


Fig. 10.12—Pressure relationships at shut-in conditions (Lake 2006). 


exist guidelines for checking for and releasing trapped pressure. If these are not properly executed, the well will 
be much more difficult to kill. These guidelines are as follows: 


e When checking for trapped pressure, bleed from the casing side only. There are several reasons for this: (1) 
the choke is located on the casing side; (2) it avoids contamination of the mud in the drillpipe; and (3) it 
avoids the possibility of plugging the bit jets. 

e Use the drillpipe pressure as a guide because it is a direct BHP indicator. 

e Bleed small amounts (% to ¥ bbl) of mud at a time. Close the choke after bleeding and observe the pressure 
on the drillpipe. 

e Continue to alternate the bleeding and subsequent pressure-observation procedures as long as the drillpipe 
pressure continues to decrease. When the drillpipe pressure ceases to drop, stop bleeding and record the true 
SIDPP and casing pressure. 

e Ifthe drillpipe pressure should decrease to zero during this procedure, continue to bleed and check pressures 
on the casing side as long as the casing pressure decreases (note: this step will normally not be necessary). 


Because the trapped pressure is in excess of that needed to balance the BHP, it can be bled off without allowing 
any additional influx into the well. However, after the trapped pressure has been bled off, if bleeding is continued, 
more influx will be allowed into the well, and surface casing pressures will begin to increase. Although bleeding 
procedures can be implemented at any time, it is advisable to check for trapped pressure when the well is shut in 
initially and to recheck whether any pressure remains on the shut-in drillpipe after the drillpipe has been displaced 
with kill mud. 

Drillpipe Floats. A kick can occur when a drillpipe float valve is used. Because a float valve prevents move- 
ment of fluid and pressure up the drillpipe, a drillpipe pressure reading will not be available after the well has been 
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shut in. Several procedures are available for obtaining a drillpipe pressure value; the choice depends on the 
amount of information known when the kick occurs (see Fig. 10.13). 
The procedure to obtain a drillpipe pressure value if the slow pumping rate (kill rate) is known is as follows: 


e Shut in the well, record the SICP, and obtain the kill rate either from the driller or from the daily tour report. 

e Instruct the driller to start the pumps and maintain the pumping rate (measured in strokes) at the kill rate. 

e As the driller starts the pumps, use the choke to regulate the casing pressure to the same pressure that was 
originally recorded at shut-in conditions. 

e After the pumps are running at the kill rate with the casing pressure properly regulated at shut-in pressure, 
record the pressure on the drillpipe while pumping. 

e Shut down the pumps and close the choke. 

e The SIDPP equals the total pumping pressure minus the kill-rate pressure. 


If the kill rate is not known, the procedure is as follows: 


Shut in the well. 

Line up a low-volume, high-pressure reciprocating pump on the standpipe. 

Start pumping and fill all the lines. 

Gradually increase the torque on the pumps until they begin to move fluid down the drillpipe. 

The SIDPP is the amount of pressure required to initiate fluid movement. This is assumed to be the amount 
needed to overcome the pressure acting against the bottom side of the valve. 


Kick Identification. When a kick occurs, it may prove useful to know the type of influx (gas, oil, or salt water) 
entering the wellbore. It must be remembered that the well-control procedures outlined here are designed to kill 
all types of kicks safely. The equation required to perform the kick-influx calculation is: 


SICP — SIDPP 
TE S aa ee ee aa Nica cabanas O pens (10.2) 
Mic 


where 8g „a is mud density in psi/ft, A 18 kick height in ft, and g, is kick density in psi/ft. The influx gradient 
can be evaluated using the guidelines in Table 10.5. 

Although both the SIDPP and SICP can be determined accurately, it is difficult to determine the influx height. 
This requires knowledge of the pit gain and the exact hole size. 

Kill-Mud-Weight Calculation. Kill calculations require the mud weight, which will be needed to balance the 
bottomhole formation pressure. The kill mud weight is defined as the weight of mud necessary to balance the 
formation pressure . It will be shown later in this chapter that using the exact required mud weight without varia- 
tions reduces downhole stresses. Because the drillpipe pressure has been defined as the reading from a BHP 
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Fig. 10.13—Procedure for establishing SIDPP with a float in the drillstring (Lake 2006). 
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TABLE 10.5—GRADIENTS FOR DIFFERENT TYPES OF INFLUX (Lake 2006) 
Gradient, psi/ft Type of Influx 
0.05-0.2 Gas 
0.2-0.4 Probable combination of gas, oil, and/or saltwater 
>0.5 Oil or saltwater 


gauge, the SIDPP can be used to calculate the mud weight necessary to kill the well. The equation for kill mud 
weight is 

SIDPP 

TVD 


KMW = 19.25 


FOMW aeneae e eea Seo oe iden a chee eergeeee (10.3) 


where TVD is true vertical depth in ft, OMW is original mud weight in lbm/gal, and KMW is kill mud weight in 
Ibm/gal. Because the casing pressure does not appear in the above equation, a high casing pressure does not nec- 
essarily indicate a high kill mud weight. The same is true for a high pit gain. 

Well-Control Procedures. Introduction. Many well-control procedures have been developed over the years. 
Some have used systematic approaches, while others have been based on logical but perhaps unsound principles. 
The systematic approaches will be presented in this section. 

In previous sections, the constant-BHP approach was described, in which the total pressures (e.g., mud hydro- 
static pressure and casing pressure) at the bottom of the hole are maintained at a value slightly greater than the 
formation pressure to prevent influx of formation fluids into the wellbore. Moreover, because the BHP is only 
slightly greater than the formation pressure, this approach minimizes the possibility of inducing a fracture and an 
underground blowout. This concept can be implemented in three ways: 


e One-circulation or wait-and-weight method. (Another name often used is the engineer’s method.) After the 
kick is shut in, weight the mud to kill density and then pump out the kick fluid in one circulation using the 
kill mud. 

e Two-circulation or driller’s method. After the kick is shut in, the kick fluid is pumped out of the hole before 
the mud density is increased. 

e Concurrent method. Pumping begins immediately after the kick is shut in, and pressures are recorded. The 
mud density is increased as rapidly as possible while pumping the kick fluid out of the well. 


If properly used, each method achieves constant pressure at the hole bottom and will not allow additional influx 
into the well. Procedural and theoretical differences tend to make one procedure more desirable than the others in 
any particular situation. 

Wait-and-Weight Method. Fig. 10.14 illustrates the one-circulation or wait-and-weight method. At Point 1, the 
SIDPP is used to calculate the kill mud weight. The mud weight is increased to kill density in the suction pit. As 
the kill mud is pumped down the drillpipe, the static drillpipe pressure is controlled to decrease linearly until, at 
Point 2, the drillpipe pressure should be zero. At this point, the heavy mud has killed the drillpipe pressure. At 
Point 3, the initial pumping pressure on the drillpipe is the sum of the shut-in drillpipe pressure and the kill-rate 
pressure. While kill mud is being pumped down the pipe, the circulating pressure decreases until, at Point 4, only 
the pumping pressure remains. From the time that kill mud is at the bit until it reaches the flowline, the choke is 
used to control the drillpipe pressure to the final circulating pressure value. The driller must ensure that the pump 
continues to operate at the kill speed. 

Driller’s Method. In the two-circulation or driller’s method, the circulation is started immediately. Kill mud 
is not added to the first circulation. The drillpipe pressure will therefore not decrease during the first circulation 
(see Fig. 10.15). The purpose of the first circulation is to remove the kick fluid from the annulus. In the second 
circulation, the mud weight is increased, causing a decrease in pressure from the initial pumping pressure at 
Point | to the final circulating pressure at Point 2. This pressure is held constant while the annulus is displaced 
with kill mud. 

Concurrent Method. This method is the most difficult to execute properly. As soon as the kick is shut in, pump- 
ing begins immediately after the pressures have been read. The mud density is increased as rapidly as rig facilities 
will allow. The difficulty is to determine the density of the mud being circulated and its relative position in the 
drillpipe. Because this position determines the drillpipe pressures, the rate of pressure decrease may not be as 
consistent as in the other two methods (see Fig. 10.16). As a new density value arrives at the bit or at some prede- 
termined depth, the drillpipe pressure is decreased by an amount equal to the hydrostatic pressure of the new 
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Fig. 10.14—Wait-and-weight method (Lake 2006). 
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Fig. 10.15—Driller’s method (Lake 2006). 


mud-weight increment. When the drillpipe is displaced with kill mud, the pumping pressure is maintained con- 
stant until the kill mud reaches the flowline. 

Constant BHP Methods. Determining the best well-control method for most situations involves several consid- 
erations, such as (1) the time required to execute the kill procedure, (2) the surface pressures resulting from the 
kick, (3) the tradeoff of complexity vs. ease of implementation, and (4) the downhole stresses which will be ap- 
plied to the formation during the process of killing the kick. All these points must be analyzed before a procedure 
can be selected. The following list briefly summarizes the general opinion in the industry: 
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Fig. 10.16—Concurrent method (Lake 2006). 


The wait-and-weight method should be used in most cases. 
The driller’s method should be used if a good casing shoe exists and if delays are expected in weighting the 
system. 

e The concurrent method should be used only in rare cases. Its primary use would be for a severe kick (1.5 
Ibm/gal or greater) with a large influx and a potential problem with development of lost circulation. The 
pump rate should be kept to a minimum to enable the weight to be increased smoothly. 


In the present analysis of kick-killing procedures, emphasis has been placed on the first two circulation methods. 
Inspection of these procedures will reveal that they are opposite approaches, with the concurrent method falling 
somewhere in between. 

Special Considerations for Well-Control Procedures. Time. Two important time considerations must be at- 
tended to in the kill procedure. The first is the time required to increase the mud density from its original weight 
to the final kill weight. Because some operators become very concerned with pipe sticking during this period, a 
well-control procedure is often chosen to minimize the waiting time required to increase the mud density. The 
procedures that involve the shortest initial waiting times are the concurrent method and the two-circulation 
method. In both procedures, pumping begins immediately after the shut-in pressures have been recorded. 

A second important time consideration, however, is the overall time required for the complete procedure to be 
implemented. The one-circulation method requires one complete fluid displacement (drillpipe and annulus), while 
the two-circulation method requires that the annulus be displaced twice in addition to the drillpipe displacement. 
In certain situations, the extra time required for the two-circulation method may be a serious concern with respect 
to hole stability or preventer wear. 

Surface Pressures. During the course of killing a well, surface pressures may reach alarming values. This may 
be a problem because of gas-volume expansion near the surface. It is important to choose the kill procedure that 
requires the least possible surface pressure to balance the bottomhole formation pressure. 

Figs. 10.17 and 10.18 illustrate the different surface-pressure requirements for several kick situations. The first 
major difference can be noted immediately after the drillpipe has been displaced with kill mud. The necessary 
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Fig. 10.17—-Static annular pressures for one circulation vs. two circulations for a 10,000-ft well (Lake 2006). 
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Fig. 10.18—Static annular pressures for one circulation vs. two circulations in a 15,000-ft well (Lake 2006). 
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casing pressure begins to decrease from the increased kill-mud hydrostatic pressure in the one-circulation proce- 
dure. This decrease is not seen in the two-circulation method because this procedure does not circulate kill mud 
initially. In fact, the casing pressure increases as the expansion of the gas bubble displaces mud from the hole. The 
second pressure difference occurs as the gas approaches the surface. The two-circulation procedure generates 
higher pressures as a result of the lower density of the original mud. It is interesting to note that these necessarily 
high casing pressures suppress the gas expansion to a small degree, resulting in a later arrival of gas at the surface. 

Procedural Complexity. In general, the suitability of a process is partially dependent on the ease with which it 
can be executed. This principle holds true for well control. If a kick-killing procedure is difficult to comprehend 
and to implement, its reliability will be diminished. The concurrent method is an example of reduced reliability 
because of procedural complexity. To perform this procedure properly, the drillpipe pressure must be reduced ac- 
cording to the weight of the mud being circulated and its position in the pipe. This implies that (1) the crew will 
inform the operator when a new mud weight is being pumped, (2) that the rig facilities can sustain this increased 
mud weight, and (3) that the mud-weight position in the pipe can be determined by pump-stroke counting. Many 
operators have discontinued using this method because of its complexity. 

On the other hand, the one- and two-circulation methods are widely used because of their ease of implementa- 
tion. In both procedures, the drillpipe pressure remains constant over long intervals of time. Moreover, because 
the drillpipe is being displaced with kill mud, the drillpipe pressure decrease is essentially a straight-line relation- 
ship, not staggered as in the concurrent method. 

Downhole Stresses. Although all considerations are important, the primary concern should be the stresses im- 
posed on the borehole wall. If the kick-imposed stresses are greater than the formation can withstand, an induced 
fracture will occur, creating the possibility of an underground blowout. The procedure that imposes the least 
downhole stress while maintaining a constant pressure on the kicking zone is considered the safest kick-control 
method. 

Equivalent mud weights are a useful tool to measure downhole stresses. Equivalent weight is defined as the 
total pressure at a depth converted to pounds per gallon of mud weight: 


BAS ae cps ecu pedin acer cdessae sec sacs tet (10.4) 
TVD 


where Èp is the summation of pressures to TVD in psi and EMW is equivalent mud weight in lbm/gal. The 
equivalent mud weights for the systems shown in Figs. 10.17 and 10.18 are presented in Figs. 10.19 and 10.20, 
respectively. The one-circulation method has consistently lower equivalent mud weights throughout the killing 
process after the drillpipe has been displaced. The procedures generally exhibit the same maximum equivalent 
mud weights from the time the well is shut in until the drillpipe is displaced. 
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Fig. 10.19—Equivalent mud weights for both circulation methods in a 10,000-ft well (Lake 2006). 
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Fig. 10.20—Equivalent mud weights for both circulation methods in a 15,000-ft well (Lake 2006). 


These figures illustrate an important principle. The maximum stresses occur very early in the circulation pro- 
cess at deeper depth, not at the maximum-casing-pressure intervals. The maximum lost-circulation possibilities 
will not occur under gas-to-surface conditions, as might seem logical to the casual observer. If a fracture is not 
created at shut-in, it will probably not occur throughout the remainder of the process. A full understanding of this 
behavior may calm operators’ concerns about formation fracture as the gas approaches the surface. 

Variables Affecting Kill Procedures. Although variables that affect kick-killing do not necessitate a change in 
the basic procedural structure, they may cause unexpected behavior that can mislead an operator into making bad 
decisions. The one-circulation method will be used to demonstrate the effect of these variables. 

Influx Type. The type of influx entering the wellbore plays a key role in casing-pressure behavior. The influx 
type can range from heavy oil to fresh water. The most common type is gas or salt water. Each of these has its own 
characteristic casing-pressure curve and different downhole effects. 

Gas kicks are generally more dramatic than other types of influx. Among the reasons are (1) the high rate at 
which gas enters the wellbore, (2) high casing pressures resulting partially from the low-density fluid, (3) expan- 
sion of the gas as it approaches the surface, (4) fluid migration up the wellbore, and (5) fluid flammability. A 
typical gas-kick casing-pressure curve is shown in Fig. 10.21. Gas expansion from decreased confining pressures 
as the fluid is pumped up the wellbore affects the kick-killing process. As the gas begins to expand, the previously 
decreasing casing pressure begins to increase at an accelerating rate. This higher casing pressure may give the 
false impression that another kick influx is entering the well. Immediately after the gas reaches the surface, the 
casing pressure decreases rapidly, which may give the impression that lost circulation has occurred. 

Both of these casing-pressure changes are expected behaviors and do not indicate an additional influx or lost 
circulation. The possibility of lost circulation is less under gas-to-surface conditions than under the initial shut-in 
conditions (see Figs. 10.19 and 10.20). 

When gas expands, the increased gas volume displaces fluid from the well, resulting in a pit gain. Fig. 10.22 
shows the pit gain for the problem illustrated in Fig. 10.17. This pit gain is in addition to the volume increase from 
weighting materials. Because the pit gains in volume, it is logical to assume that the flow rate exiting the well will 
increase (Fig. 10.23). 

Saltwater kicks do not pose the same problems as gas kicks. Volume expansion does not occur. Also, because 
salt water is denser than gas, casing pressures are less than for a comparable volume of gas (see Fig. 10.24). Shut- 
in pressures for a 50-bbl (7.9-m*) saltwater kick are approximately the same as those shown in Fig. 10.17 for a 
20-bbl (3.2-m°) gas kick under the same conditions. 

Hole-stability and pipe-sticking problems are generally more severe with a saltwater kick than with gas. The salt- 
water fluid causes a freshwater mud filter cake to flocculate, creating pipe-sticking tendencies and unstable hole 
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Fig. 10.21—Typical gas-kick casing-pressure curve for the wait-and-weight method (Lake 2006). 


Gas-to-surface conditions 
804 va 
60 4 Decrease due to 
displacement to gas 
Gain due to ———-> j 9 
gas expansion 
S 
c 40-4 Graph does not included 
T the effect of the additional 
2 of weight material 
A 


20 


+ + + + + + 1 
0 100 200 300 400 500 600 700 
Barrels of Kill Mud Pumped ————> 


Fig. 10.22—Pit gain curve for the 1-lbm/gal kick illustrated in Fig. 10.17 (Lake 2006). 


conditions. The severity of these problems increases with large kick volumes and with extended waiting periods 
before the fluid is pumped from the hole. 

Volume of Influx. The fluid volume entering the well is a controlling variable on the casing pressure throughout the 
kill process. Increased influx volumes give rise to higher initial SICP values and to greater pressure differences under 
gas-to-surface conditions (Fig. 10.25). This observation underlines the importance of quick closure rather than hesita- 
tion. 

Variations in Kill-Weight Increment. The original mud density must be increased in most kick situations to 
kill the well. This incremental density increase has some effect on casing-pressure behavior (Fig. 10.26). The gas- 
to-surface pressures are higher than the original shut-in pressures for 0.5-lbm/gal (60-kg/m*) and 1.0-Ibm/gal 
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Fig. 10.23—Typical flow rates during kick kill operations (Lake 2006). 
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Fig. 10.24—Typical saltwater-kick casing-pressure curve (Lake 2006). 


(120-kg/m*) kicks. The 2.0-lbm/gal (240-kg/m*) and 3.0-lbm/gal (360-kg/ m°) mud-weight increases do not show 
this tendency. The 3.0-lbm/gal (360-kg/m*) kick has a lower gas-to-surface pressure than that at initial closure due 
to suppressed gas expansion, which minimizes the associated pressures. This is generally observed in kicks re- 
quiring an incremental increase greater than 2.0 lbm/gal (240 kg/m’). 

Another important mud-weight variation is the difference between the kill mud weight necessary to balance 
BHP and the mud weight actually circulated. If the weight of circulated mud is less than the kill mud weight, the 
casing pressure will be higher than if the kill mud weight had been used, because of the need to maintain a bal- 
anced pressure at the hole bottom (Figs. 10.17 and 10.18). The equivalent mud weights will be greater, which 
increases the possibility of formation fracture. 

Circulated mud weights greater than the calculated kill mud weight do not decrease the casing pressure. This 
situation is synonymous with mud-weight safety factors and is called overkill. As the extra-heavy mud is pumped 
down the drillpipe, the casing pressure will increase due to the U-tube effect (Fig. 10.27). This U-tube principle 
states that the pressures on each side of the tube must be equal (Fig. 10.28). These higher casing pressures create 
associated downhole stresses that increase formation-fracture potential. 
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Fig. 10.25—Static casing-pressure curves for 10-, 20-, and 50-bbl kick volumes (Lake 2006). 
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Fig. 10.26—Comparison of required kill mud-weight increments for different sizes of kick (Lake 2006). 


Several attempts have been made to achieve the benefits of “safety factors” while avoiding the ill effects of high 
casing pressures caused by the U-tube effect. The most common approach has been to subtract the hydrostatic 
pressure supplied by the extra mud-weight increment from the final circulating pressure, creating a zero net effect 
from the added mud weight. In a static situation, the casing pressure is reduced by an amount equal to the hydro- 
static-pressure safety factor, which results in zero net effect. From a theoretical standpoint, the approach is based 
on sound principles. However, field experience has shown that this procedure is not practical because of its com- 
plexity. This procedure is not necessary for proper well control, and only experienced well-control engineers 
should use it. 

Hole-Geometry Variations. In practical kick-killing situations, hole and drillstring size changes will alter the 
kick-fluid geometry. This is a particular problem in deep tapered holes where several pipe and hole sizes are 
used. The influx may occupy a large vertical space at the hole bottom, creating a high casing pressure. As the 
fluid is pumped into the larger annular spaces, the vertical height is decreased, thus increasing the mud-column 
height and resulting in lower casing pressures. Figs. 10.29 through 10.31 show a typical tapered hole and its 
associated casing- and drillpipe-pressure curves. 
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Fig. 10.28—Excess mud-weight effect on annular pressure (Lake 2006). 


10.3 Pipe Sticking and Fishing Operations 
This section discusses drillstring components, the various ways that a drillstring can become stuck in the borehole, 
typical fishing techniques, and the mechanics of jarring. This discussion includes a description of the types of jars 
and other tools used in jarring strings. 

In the drilling industry, fishing operations are not pleasant outings by a lake or river. They involve sleepless 
nights, exhausting days, much time, and a lot of money. It is up to the rig personnel—primarily the drilling engineer 
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Fig. 10.29—Tapered hole (Lake 2006). 
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Fig. 10.30—Static drillpipe pressure for tapered string (Lake 2006). 
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Fig. 10.31—Hole geometry effects on casing pressure (Lake 2006). 


involved—to complete the fishing operation as quickly and as economically as possible or to determine that the 
best course of action is to abandon the hole. Fishing is a term coined by the drillers of the cable-tool era. After a 
cable line broke, the drillers would put a hook on the end of the remaining line and try to “catch” the lost line. 
Being the innovators that these drillers were, they often devised unique and clever methods of recovering items 
that were lost in the hole. Many of these items, such as wireline spears and wireline jars (now called bumper subs) 
still exist and are used daily. 

There are many techniques and procedures for fishing, and the drilling engineer must determine the appropriate 
method for retrieving the lost or stuck item, usually referred to as the fish. For example, wireline fishing is consid- 
erably different from fishing with drillpipe. The nature of the fish itself may dictate the procedure. A fish may be 
free or stuck. If the fish is stuck, jarring or washover operations may be needed. 


10.3.1 Stuck-Drillstring Problems. There are more ways to get stuck in a hole than there are words to describe 
the emotions of the driller after this happens. Just about any item that goes into a hole—including drillpipe, drill 
collars, casing, tubing, and downhole production equipment—can get stuck. This section reviews the most common 
ways of getting stuck in both open and cased holes (Adams 1977a). 

Differential-Pressure Sticking. Differential-pressure sticking, often called differential sticking, is very preva- 
lent in the drilling industry. Differential sticking causes most of the fishing operations that occur in the Gulf of 
Mexico. Basically, the string is stuck against the side of the well because of a large pressure differential between 
the fluid in the borehole and that in the formation. Differential-pressure pipe sticking occurs when friction forces 
in the wellbore acting on the drillstring in a normal direction exceed either the rig’s ability to move the pipe or the 
strength of the pipe. Hydrostatic pressure creates a differential that forces the pipe into a filter cake across a perme- 
able zone (Fig. 10.32). This sticking usually occurs, initially, only across a permeable zone such as sand, where 
friction resistance is a function of several variables. Forward operations are halted until the stuck pipe can be re- 
moved from the wellbore or a sidetrack hole can be drilled. Both of these options are costly in terms of both time 
and money (Helmick and Longley 1957). 

Formation-pressure increases above normal pressure—usually called abnormal pressure—require increased 
mud weights to control the high-pressure formations. Lower-pressure, uncased formations higher in the hole 
will also be exposed to these higher mud weights and, consequently, to increased pressure differentials. Pres- 
sure regressions can sometimes occur in deeper drilling intervals. At these levels, the formation pressure is re- 
ceding, while the mud weight remains constant to control the high-pressure formations that have already been 
penetrated and remain uncased. With each newly drilled section, the tendency toward differential pressure and 
sticking can increase. Properly designed casing programs can significantly reduce stuck-pipe occurrences dur- 
ing changing pressure regimes. 

Differential sticking occurs only across a permeable formation and, in fact, the higher the permeability, the 
higher the probability of differential sticking. As the drilling fluid moves across the permeable zone, it tends to 
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Fig. 10.32—Basic concept of differential pressure sticking: pipe is stuck in the filter cake in a permeable zone (Adams 
1977a). 


lose its fluid phase to the permeable formation, leaving behind the solid phase. These remaining solids often settle 
out onto the side of the borehole. This nearly impermeable filter cake can become very thick. Meanwhile, if the 
hydrostatic pressure of the mud in the permeable zone is much higher than the formation pressure in the perme- 
able zone, there will be a pressure gradient toward the formation across the borehole wall. If, by chance, the 
drillpipe or collars are lying in the filter cake (which is likely because all boreholes have some degree of devia- 
tion), a hydraulic seal can form. Now the pressure gradient lies across the string. Because filter cake has a high 
friction coefficient, the force required to pull the string tangentially across the filter cake is high. In many cases, 
the rig is not powerful enough to pull the string or the string is not strong enough to handle the load. Differential 
sticking is usually the problem if the drillstring cannot be moved up or down or rotated, yet circulation can be 
maintained. Typically it occurs when the drillstring is lying stationary across a permeable zone. 
An equation used in the petroleum industry to describe differential sticking is 


Peet aes Gabe caren ceeds anode he ohana eee nbese en (10.5) 


where A is the hydraulically sealed area, u is the coefficient of friction, P ma is the pressure differential between 
the wellbore and the formation, and F gentia is the drag force needed to move up or down the hole. 

Unsticking requires the reduction of the normal force, the coefficient of friction of the filter cake, or the hydrau- 
lically sealed area—or a combination of these. The sooner these methods can be undertaken, the greater the 
chance of success. One method used to unstick the string is to spot a lightweight fluid with a filter-cake-destroying 
chemical and then jar on the string. The fluid reduces the pressure differential, the coefficient of friction of the 
filter cake, and the hydraulic seal area. An example of this approach would be to spot an oil-based fluid across the 
stuck point. Another method is to blow nitrogen past the stuck point. This assumes that there are no potential kick 
zones above or below the stuck point. Well control can easily be lost in such cases. 

Undergauge Hole Sticking. An undergauge hole is any hole that has a smaller diameter than the bit that drilled 
that section of hole. One potential cause of an undergauge condition is drilling a high-clay-content plastic shale 
with a freshwater mud. If an oil-based mud is used, a plastic salt formation can “flow” into the wellbore. If the 
wellbore fluid has a hydrostatic pressure less than the formation pressure, shale or salt will slowly ooze into the 
wellbore. This process is slow, but can stick the drilling tools of the unwary. 

An undergauge hole can also occur because a drill bit has been worn smaller while drilling through an abrasive 
formation. In this case, the hole is undergauge because the bit drilled it that way. If a new bit is run, it can jam into 
the undergauge section of the hole and become stuck. This is often called tapered-hole sticking. The presence of 
a thick filter cake as described above can also cause an undergauge hole. The filter cake can become so thick that 
tools cannot drag through it. The filter cake shows as a drag load on the weight indicator. 

Sloughing-Hole Sticking. Sloughing-hole sticking occurs after a piece of the hole wall sloughs off. For 
example, water-sensitive shales that have been invaded by water will swell and break. If circulation is stopped, the 
broken pieces will collect around the drillstring and eventually pack the drillstring in place. 
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Shales under high formation pressure can slough as well. In this case, the formation pressure is greater than 
the wellbore hydrostatic pressure. Because shale has very low permeability, no flow is observed. The rock, 
which has a high pressure differential toward the wellbore, shears off the hole wall. The result can be seen as 
large cuttings on the shale shaker screen. Sometimes, the borehole curvature can be seen on the cuttings, a clas- 
sic sign of having entered a high-pressure zone. If too much sloughing occurs, or if the wellbore is not cleaned 
properly, the drillstring can become stuck. More than likely, circulation will cease, and no string movement will 
be possible. 

Steeply dipping and fractured formations can also slough into the hole. Drilling sites in overthrust belts are 
notorious for this problem. If there are cavities in the wellbore, cuttings can collect there. After circulation stops, 
the cuttings in the cavities may fall back into the hole. 

Keyseat Sticking. In a deviated hole, or if ledges are present, the drillpipe can wear a slot into the borehole wall. 
This slot, called a keyseat, has essentially the same diameter as the drillpipe. While the drillstring is being pulled, the 
drill collars or bit will try to run through the keyseat. Because the diameter of the keyseat is smaller than that of the 
drill collars or bit, these tools become wedged in the keyseat. Circulation can be maintained in this situation. Of 
course, the usual response of a driller who sees the string start to stick is to pull harder. This exacerbates the situa- 
tion, sticking the string even more solidly. Keyseat sticking usually occurs while the drillstring is being moved up 
the hole during a trip. 

Sand Sticking and Mud Sticking. Sand sticking and mud sticking are similar. The sand particles or the sol- 
ids in the mud can settle out of suspension. If there is little or no circulation, the rain of particles settles around 
the string, sticking the string in place. Sand sticking usually occurs in cased holes, although it can also occur in 
open holes. In cased holes, a leak can develop in the casing, enabling sand particles to flow into the well. The 
sand particles will then fall down and eventually pile up either on a packer or on some other restriction in the 
hole. 

Mud sticking is similar. For whatever reason, the solids that form part of the mud can settle out of suspension. 
These solids can be barite particles or cuttings. In a high-temperature well, the mud can lose its fluid phase (fil- 
trate), leaving the solids packed around the string. In addition, sometimes contaminants such as acids or salts can 
alter the mud properties leading to loss of the suspension properties of the mud. 

Inadequate-Hole-Cleaning Sticking. Inadequate-hole-cleaning sticking can occur if the flow rate of the circu- 
lation fluid slows to the point that the solids-carrying capacity of the circulation fluid is exceeded by the force of 
gravity. If the fluid is not viscous enough or flowing fast enough, the drag forces on the solids are less than the 
gravity forces. This means that the solids flow down the hole, instead of up and out of the hole. The hole fills up 
with solids that build up around the string, eventually sticking the string. The flow rate can slow down for a num- 
ber of reasons, including 


e The driller may not be running the pumps fast enough. 

e There could be a hole enlargement in the drillstring that slows the flow rate (e.g., a washout). 

e The amount of solids may become overwhelming as a result of sloughing shales, unconsolidated forma- 
tions, or lost circulation. 

e There may be a rate of penetration that generates cuttings faster than the drilling fluid can carry. 


Cemented Sticking. Cemented sticking can occur if the cement that is being circulated goes somewhere other 
than where it was intended to go. For example, if a cement plug was being spotted and the cement flowed higher 
up the string than anticipated, the cement could set before the string could be pulled out of the cement. The string 
is then stuck. If the cement is not too thick, the string could be jarred loose; otherwise, a washover operation is 
needed. The causes of cement sticking include 


e Mechanical failures (e.g., string leaks) 

e Human error (e.g., miscalculating a displacement or losing track of cement being used to remedy a blowout 
or a lost-circulation zone) 

e An oversized hole 


Blowout Sticking. During an uncontrolled flow of fluid from a well, called a blowout, solids and materials such 
as drillpipe protector rubbers can flow with the fluids and become lodged against the string. The force of the blow- 
out then wedges these solids and materials against the string. These same solids and materials can also bridge 
across the hole. 

Mechanical Sticking. This is a “catch-all” category for sticking problems. Any drilling or completion tool can 
become mechanically stuck. 
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Packers. Sometimes the slips on a packer can become wedged so tightly against the casing that they cannot 
come free. In addition, retrieval failures can happen. In these cases, sometimes a high-force pulse of short duration 
can knock the packer loose. 

Multiple Strings. Multiple strings can jam in a hole. The two, three, or even four strings in the hole can rotate 
around each other as they are being run into the hole. The strings become intertwined, in which case they are 
notoriously difficult to retrieve. 

Crooked Pipe. If a drillstring is dropped in a mud-filled hole, the string can become permanently bent. This 
bend can wedge the string against the side of the hole, making it difficult to retrieve. If a string is dropped in an 
air-drilled hole, there is no hope of recovery. Think of taking your string up in an airplane and dropping it from 
some altitude. 

Junk in the Hole. Junk in the hole is a description for small pieces of man-made materials that either are 
dropped down the hole or fall off of a downhole tool. Examples of items dropped down the hole include drill- 
collar safety clamps, wrenches, and drillstring tools being made up in the rotary table. Items that can fall off of 
downhole tools include slips from packers, rubber drillpipe protectors, and (especially prevalent) cones off roller- 
cone bits. This debris can either fall to the bottom of the hole or can wedge against the side of the drillstring. If 
debris has wedged the string in the hole, then jarring can possibly knock it loose. 


10.3.2 What Is The Problem? Recognizing the Problem. As noted, several types of pipe sticking may occur 
during drilling. Certain identification markers are peculiar to pipe sticking. Recognition of these markers will help 
in the decision to select the appropriate procedure to free the pipe. 

Often, time is an important factor in determining the severity of a sticking problem. For example, in pressure- 
differential sticking, after the pipe becomes stuck, filtration continues to deposit solids adjacent to the pipe/mudcake 
interface and increases the contact area. In addition, filtration continues behind the pipe/mudcake interface. This 
ongoing deposition decreases the water content of the filter cake and increases its friction coefficient (Fig. 10.33). 

Two early warning signs of differential sticking are increased torque and drag. Both indicate that an increased 
frictional force is being encountered while either rotating or moving pipe vertically in the hole. These increases may 
indicate other drilling problems, but they are most often considered the early warning signs of differential sticking. 
When pipe is differentially stuck, there is no obstruction in the hole to prevent or retard mud circulation, as opposed 
to the case of a pipe stuck due to hole bridging or caving (Fig. 10.34). Continued fluid circulation while the pipe is 
stuck is a basic indicator of differential sticking. Another characteristic is the inability to rotate or move the pipe in 
either direction. This is the primary distinction from keyseating, in which the pipe becomes stuck as a result of pro- 
longed wear in a dogleg. Although these two types of pipe sticking appear identical in most respects, pipe stuck in a 
keyseat can usually be worked downward, which is not possible if the pipe is differentially stuck. Differential sticking 
usually occurs when the pipe has remained motionless in the hole for a prolonged period of time. Often pipe becomes 
stuck while making a joint connection. In other cases, long periods of inactivity are necessary for other reasons. 

Knowledge of the depth intervals at which sticking is more likely to occur is important in evaluating the reme- 
dial procedures to be followed. The intervals most likely to create differential sticking are those with high differ- 
ential pressures. These can be divided into three categories: 


e Drilling through depleted reservoirs 


e Pressure progressions 
e Pressure regressions 


Borehole Filter cake 


Continued mud filtration Increased coefficient of friction 
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Fig. 10.33—After the pipe is stuck, filtration continues to deposit solids, which build the filter cake and increase the 
coefficient of friction behind the pipe because of decreased water content (Adams 1977a). 
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Fig. 10.34—Differential sticking poses no restriction to fluid flow as opposed to bridging; differentially stuck pipe cannot 
be moved in any direction, as opposed to keyseating (Adams 1977a). 


A common drilling situation with a high sticking tendency is drilling through a depleted reservoir, one that is 
not only hydrocarbon-depleted, but also pressure-depleted. Differential pressures in these cases can range as 
high as several thousand pounds, compared with a differential of only a few hundred pounds before depletion 
(see Fig. 10.35). 

Minimizing Sticking. Using the proper procedures for preventing stuck pipe in intervals that are expected to be 
troublesome can significantly reduce the number of stuck-pipe occurrences. Low-water-loss muds reduce the 
initial contact area because they produce a thin, hard filter cake. A thick, soft filter cake is associated with a high- 
water-loss mud. Pipe cannot be embedded as deeply in a thin cake and, therefore, the sticking force is reduced (see 
Fig. 10.36). 

Moreover, low-water-loss muds have a reduced filtration rate, which decreases the solids-deposition rate along 
the pipe/cake interface and minimizes the friction coefficient increase. Oil-based muds offer perhaps the best 
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Fig. 10.35—Drilling through a depleted reservoir will create differential pressures greater than drilling the reservoir 
when it was originally normally pressured (Adams 1977a). 
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Fig. 10.36—Low-water-loss muds form a thinner, harder filter cake than do high-water-loss muds and are less suscepti- 
ble to sticking (Adams 1977b). 


weapon against stuck pipe. Increased lubricity is most important. These muds develop little or no filter cake, 
resulting in minimum contact area for the pipe. 

Drillstring alterations can reduce sticking tendencies by minimizing the pipe area in contact with the borehole 
wall. Commonly, stabilizers in the bottomhole assembly (BHA) are used to force pipe standoff. To position the 
stabilizers properly, the formation of interest must be relatively close to the stabilizer. Another string alteration 
uses spirally grooved drill collars or heavyweight pipe instead of conventional or smooth pipe. This pipe has a 
spiraling, shallow but wide groove cut into the outer diameter over the entire length of the joint. Surface area is 
reduced by approximately 50%, while weight is reduced only by 4%. 

A field-developed procedure has been used successfully to minimize (temporarily) the mud friction coefficient 
along the borehole wall. Addition of walnut hulls or similar specialty products has been found to reduce friction by 
embedding hulls in the filter cake. This material seems to act like ball bearings for pipe. Although the friction reduc- 
tion—for both drag and torque—is temporary, it usually alleviates the immediate rigsite situation. The addition of 
bentonite to the mud system is another temporary measure for reducing the friction coefficient on the borehole wall. 
The hydration capabilities of the bentonite reduce sticking tendencies. This relief is also temporary because the water 
film is eventually lost through further filtration or is replaced with drilling solids with a higher friction coefficient 
(Adams 1977a, 1977b). 

Detecting Stuck Sections. This operation involves first determining where the string is stuck in the hole, and 
then determining the procedure needed to unstick the string. If a pipe string cannot be quickly worked or jarred 
free, the next step is to determine the free point, or the depth above which the string is free to move. 

Freepointing. An initial estimate involves taking a stretch reading to see how far the pipe moves in response to 
an applied tension. Although not as accurate as the wireline methods that may be used later, stretch readings pro- 
vide a good first approximation of the free point. Moreover, if the drillstring is plugged, stretch readings may be 
the only way of obtaining this information. 
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A procedure for obtaining a stretch reading is as follows: 


e Calculate the buoyant weight of the drillstring, including the blocks (or use the hook load recorded imme- 
diately before sticking occurred). 
Pick up the pipe to this weight and make a mark on the pipe at the rotary table. 
Apply a predetermined amount of overpull to the drillstring. Service companies provide charts, nomo- 
graphs, and other tools for estimating this overpull. 

e Make another mark on the pipe at the rotary table. The length between these two marks represents the 
amount of stretch in the pipe. 


Once a stretch reading has been recorded, there are two ways of estimating the free point. The first method uses 
the relationship 


where L is the free-pipe length, AL is the stretch length, A is the cross-sectional pipe area, Æ is the modulus of 
elasticity, and F is the tension load applied. 
A simpler approximation of this equation is 


ALW 
L = 735,294 — ee ee Let ee Oe OT Cee ee ene ea een Soe Tene eee eT ee (10.7) 


where VA is the unit weight of pipe, lbf/in. = 2.67 (OD? — ID’), OD is outside diameter in inches, ID is inside 
diameter in inches, and 


The pipe stretch constant, K, shown in Table 10.6 can be used with Eq. 10.8. 

Although this method is fast, it is not particularly accurate. It can provide an answer to within two or three 
joints. If the string is to be backed off, a more accurate answer is needed. In addition, if there is more than one 
type of pipe in the string, the calculations become more complicated. Moreover, if the hole is deviated or dog- 
legged, the drag from the string rubbing against the hole wall may preclude any stretching of the string below 
that point. 

Freepoint Tool. The freepoint tool (see Fig. 10.37) is far more accurate than the stretch method; however, it 
requires that a wireline tool be run inside the drillstring. The freepoint tool consists of a set of strain gauges and 
spring-loaded drag blocks or electromagnets that rub against the inside of the string. As the tool is run into the 
string, torsion or tension is applied to the string. The degree of pipe movement resulting from the application of 
this torsion or tension is transmitted to the surface through the wireline. After the tool moves below the stuck 
point, no movement of the string will be detected. 

A collar log is also run in conjunction with freepoint tools for positive depth control. A pipe-recovery log (Fig. 
10.38) records acoustic measurements in which high energy readings indicate free pipe and low energy readings 
indicate stuck pipe. It provides a continuous record of stuck intervals and identifies potential trouble spots or areas 
where sticking is especially severe. 


TABLE 10.6—CONSTANTS USED TO CALCULATE 
THE FREE POINT 
Tubing K Value 
2 in. 3,250,000 
2.5 in. 4,500,000 
Drillpipe K Value 
2.87 in. (10.4 lbm/ft) 7,000,000 
3.5 in. (13.3 lbm/ft) 8,800,000 
4.5 in. (16.6 lbm/ft) 10,800,000 
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Fig. 10.37—Freepoint indication tool. Courtesy of Dia-log (Adams 1977b). 
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Fig. 10.38—Freepoint log (Adams 1977b). 


It is important to understand that the drillstring below the uppermost stuck section is not necessarily stuck. It 
could be entirely free, or else free at some depths and stuck at others. This information is of critical importance 
for making decisions about future operations. 

The pipe-recovery log provides more decision-making information than the freepoint survey. The log results 
provide guidance about which downhole intervals are more likely to be free or stuck. The tool functions similarly 
to cement evaluation logs that identify the various degrees of bonding after a cement job. Interpretation of the 
results is not unequivocal. Pipe in some hole sections may appear to be free, yet cannot be pulled if backed off 
with a string shot. 


10.3.3 Procedures To Free a Differentially Stuck Drillstring. After a drillstring becomes differentially stuck, 
three release techniques may be used: 


e Spotting fluids 
e Hydrostatic reductions 
e Mechanical methods 
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Selection of the appropriate procedure is based on an evaluation of the factors that created the problem in the first 
place, the time elapsed since initial sticking, mud types and properties, and other issues (Adams 1977b). 

Spotting Fluids. A spotting fluid is any type of fluid used to cover a section of a well for any reason. Those used 
for stuck pipe are usually oil-based products positioned or spotted in an open hole to cover a specified interval 
(Fig. 10.39). 

The oil penetrates the filter cake and invades the seal on the drillpipe. In addition, the oil tends to wet the cir- 
cumference of the pipe, creating a thin layer between the pipe and the mudcake (Fig. 10.40). This reduces the 
coefficient of friction and may enable the pipe to be pulled free. 

Spotting-fluid density is important. Hydrocarbon fluids that are less dense than drilling fluids will migrate or 
float to the surface. The reverse is true with oil weighted to a density greater than that of the original drilling fluid. 
To ensure that the spotting fluid will remain where it is placed in the hole, its density should be approximately the 
same as the mud density. One exception is when pipe is known to be stuck at the bottom of the hole. The spotting- 
fluid density should then be slightly greater than the mud density to ensure complete encirclement of the pipe in 
spite of gravity segregation. 

One potential problem with weighted spotting fluids is that the mixing time for the chemicals and the barite in 
oil may appear limited because of the perceived need to spot the fluid as quickly as possible. If the fluid is not 
mixed properly, the properties necessary to support the barite in suspension may not develop. This can result in 
barite settling that forms a bridge plug in the pipe or the open hole. Proper fluid mixing is necessary, even if it 
takes a little longer. 

Spotting-fluid success is directly related to the volume used. Larger volumes cover a longer section of the open 
hole and are therefore more likely to cover the stuck intervals. It is a mistake to assume that the pipe is stuck only 
in the drill-collar region and to use only enough fluid volume to cover the collars. This conservative tendency in 
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Fig. 10.39—Spotting fluids are usually oil-based muds positioned in the hole to cover a particular interval (Adams 1977b). 
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Fig. 10.40—Oil has a tendency to wet the circumference of the pipe, reducing friction (Adams 1977b). 


spotting-fluid use probably contributes to a large number of failures. Minimum spotting-fluid volumes can be 
determined at the rigsite. Using the pipe-stretch calculations described earlier, the uppermost stuck interval can be 
identified. Once this is done, a sufficient fluid volume should be used to cover this section and all lower open-hole 
sections. 

Pipe sections higher in the hole often become stuck while efforts are being made to free lower sections (Fig. 
10.41). It is often beneficial to spot enough fluid volume to cover all exposed permeable zones. Although more 
expensive initially, this technique may be the most economical procedure overall. 

After spotting the fluid in the hole, time is required before the pipe can be released. The amount of time depends 
on a number of factors such as mud properties, mud-displacement efficiencies, hole-to-pipe geometry, and dif- 
ferential pressure. Even though the time cannot be quantified with any degree of precision, raw field data suggest 
that an average of eight to ten hours is required for release. Many cases, however, have taken longer. A good field 
tule is to spot enough fluid to cover the open-hole section and wait for at least 12 hours for the fluid to free the 
pipe. 

Correct positioning of the spotting fluid is of critical importance. The volume pumped must be recorded using 
number of pump strokes or the rig’s trip tanks. Fluid should be spotted in the open hole with a volume left in the 
drillpipe (Fig. 10.42). At specific time intervals, small amounts of fluid must be displaced from the pipe to create 
annular movement. This may increase fluid effectiveness as well as minimizing potential bridges. 

While displacing fluid and waiting for the pipe to release, it is important to maintain a rig hookload that is equal 
to or slightly less than the load before the pipe stuck. Do not hold extra pull on the pipe while using spotting fluid. 
Extra surface pull does not increase the chemical effectiveness of the spotting fluid, and it places abnormal 
stresses on the pipe. Pipe should be raised and lowered as conditions permit and at specific intervals, perhaps 
hourly, to check whether it can be released. Lowering some weight onto the pipe for a short time can also assist 
in releasing the stuck pipe from the filter cake. If the pipe is not yet free, release the extra surface pull and allow 
additional time for the fluid to work. 

Spotting fluids may be used effectively for preventive as well as remedial purposes. For instance, fluid may be 
spotted before running casing or tubulars into a well where a sticking potential exists. 

Hydrostatic Pressure Reduction. Reducing differential pressure is another technique for releasing stuck pipe. 
Lowering the differential pressure reduces the restraining force on pipe, and it may become possible to pull it free. 
Reducing hydrostatic pressure, however, may create problems such as kicks or sloughing in other hole sections. 
Circulating a lower-density fluid reduces hydrostatic pressure. Another common procedure is a localized pressure 
reduction to reduce hydrostatic pressure on and below the stuck interval while maintaining full hydrostatic pres- 
sure above. 

Localized pressure reduction uses stuck-zone detection procedures, conventional backoff procedures, and drill- 
stem-testing (DST) tools (Fig. 10.43). After the stuck interval has been identified, the pipe above that section is 
unscrewed and pulled from the hole, and a DST tool is attached. The pipe is rerun and screwed into the fish. Water 
is displaced into the drillpipe to reduce hydrostatic pressure to a precalculated value. The test tool is opened and 
the pipe is pulled free. This procedure minimizes exposure of the open hole to reduced pressure while decreasing 
pressure in the zone of interest. 

This technique is not universally applicable in all drilling environments. The pressure reduction below the 
DST tool can create potentially large negative differential pressures. Kicks can occur, or the hole can collapse. 
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Fig. 10.41—Sections above the original stuck section often become stuck during the time spent trying to free the pipe 
(Adams 1977b). 
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Fig. 10.42—Fluid should be spotted in the open hole with some volume left in the drillpipe for pumping at later intervals 
(Adams 1977b). 


The technique is better suited for hard, low-permeability rocks such as west Texas geology rather than young, 
high-permeability environments such as the Gulf of Mexico, Indonesia, and large sedimentary basins such as the 
Niger, Amazon, and Makaham regions. 

Mechanical Methods. Mechanical methods physically destroy the bond between the pipe and the filter cake. 
They are based either on impact loading using jarring devices or on destruction of the cake by grinding procedures. 
Another method is to wash over the pipe—in essence, coring over the stuck pipe. 

With the drillstring out of the hole, the fishing tools are made up. A fishing string with a jar is often called a 
jarring string. A typical jarring string consists of an overshot or screw-in sub, drill collars, a jar, more drill collars, 
perhaps an accelerator, more drill collars, perhaps a bumper sub, and drillpipe. The makeup of jarring strings var- 
ies considerably and depends on the fish and the amount of jarring force needed. There are no hard-and-fast rules 
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Fig. 10.43—Localized pressure reduction is possible using conventional test tools (Adams 1977b). 


for making up a jarring string. The amount of impulse, force, and energy developed and applied by the jar to the 
string is highly dependent on the makeup of the jarring string. 

Jarring. Jarring is simply the process of impacting the fish with a large force impulse. This is not unlike hitting 
a stuck item with a hammer. For example, if a mechanic finds a cotter pin stuck in its hole, the first thing usually 
done is to hit the pin with a hammer. The reaction is a longitudinal wave running back and forth in the pin. The 
longitudinal wave causes the particles of the pin to move as the wave passes through the particles. This, in turn, 
causes motion along the side of the pin and the hole in which the pin is stuck. If the forces are large enough to 
overcome the friction loads at the interface of the pin and hole, the pin will move. With enough hammer blows, 
the pin eventually comes loose (or breaks). 

The same phenomenon is true when using jarring to fish for stuck tools. In this case, the hammer is called a jar. 
The jar is placed in the drillstring in a position where it can apply a hammer blow to the fish. This is accomplished 
in the following manner (Fig. 10.44). The string is stretched, putting strain energy into the string above and below 
the jar. The amount of tension put into the string over and above the weight of the string above the jar is called the 
overpull. At some predetermined load value, the jar is triggered. The top and bottom parts of the jar disconnect 
from each other and are free to travel up for the top part (called the hammer) and down for the bottom part (called 
the anvil). Both parts of the string contract at what is known as the free contraction velocity and build kinetic en- 
ergy. Eventually, after the anvil and hammer have traveled a certain distance (called the stroke), the hammer and 
anvil will impact. Most of the kinetic energy is converted back into strain energy that then propagates up and down 
the string. Some of this energy will propagate to the stuck point and hopefully jar the fish loose. The magnitudes 
of the force, energy, and impulse involved depend on the initial strain energy, the stroke length, and the wave- 
propagation characteristics of the jarring string. With each hammer blow, this wave propagates to the stuck point 
to provide a short-duration (milliseconds) pulse of force. Eventually the fish will come loose. The bad news is that 
this may take days or weeks. At some point, it may be more economical to abandon the hole and drill a new one. 

Types of Jars. The original jar used in cable-tool drilling consisted of two links of steel attached to the cable. 
The links would be loose while attached to the fish. Then the driller would pull on the cable, causing the two links 
to crash together. This applied a jolt to the fish. 

There are two types of jars: fishing jars and drilling jars. Fishing jars are used in fishing strings. They are of 
somewhat lighter construction than drilling jars and are more easily adjusted from the surface. In addition, they 
are designed to generate a larger impact than the typical drilling jar. Drilling jars are part of the drillstring. They 
are placed in the drillstring to be ready for immediate use in case the drillstring gets stuck. Both types of jar can 
operate on either a hydraulic or a mechanical principle. Most jars can operate either downward or upward, but are 
designed to impart a larger impact force upward. The jar is designed to impart a force impulse to the fish. 

A review of field case histories suggests that if jarring is to be effective, success will be achieved within the 
initial few hits of the jars. Jarring operations that are ineffective within the first hour are likely to prove ineffective 
regardless of the length of the operation. The exception can be when jarring is used after large volumes of spotting 
fluids have been pumped into the open hole. 
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Fig. 10.44—Jarring process (Eustes 1996). 


Hydraulic Jars. Hydraulic jars are often called oil jars because a hydraulic fluid or light oil is used in the jar. 
In the cocked position, the jar has a tight-fitting piston (the hammer) inside of a cylinder. There is fluid in a cham- 
ber above the piston. As the string is pulled in tension, the piston tries to move up, but the fluid above cannot by- 
pass the piston very quickly. The fluid increases in pressure and slowly bypasses the piston through a bypass hole 
or channel. At some point, as the piston slowly travels up the cylinder, the tight clearance opens up to a very loose 
clearance, and the fluid can easily bypass the piston. At this point, the jar is triggered. The sudden reduction in 
pressure above the piston enables the piston to travel freely up the cylinder until it impacts the anvil. After impact, 
and after the strain waves have died out, the jar is reset by slowly recompressing the jar and shoving the piston 
back into the tight-fitting cylinder. This can take a few minutes. 

The big advantage of a hydraulic jar is that the impact intensity can be varied from the surface by changing the 
amount of overpull in the string before triggering the jar. However, heat and too-rapid recocking can destroy the 
seals in the hydraulic jar. If the seals leak, the jar has failed, and a trip is necessary. Hydraulic fishing jars are of 
somewhat lighter construction than hydraulic drilling jars. 

Some jars can be triggered to provide impact either upward or downward. The upward impact is called an up 
hit. This is the usual operational direction of most jars. However, in some cases, such as when unsticking a keyse- 
ated string, the jar should be fired downward. This is called a down hit. Most jars do not work as well downward 
as they do upward. 

Mechanical Jars. Mechanical jars trigger differently than hydraulic jars. The triggering mechanism can be a set 
of rollers or a spring detent that is set at a given load for triggering. The trigger load is set at the surface before 
running in the hole. Once in the hole, most mechanical jars cannot be reset to a different triggering load. A few 
mechanical jars enable very limited trigger load changes by using torque from the string to reset the trigger load. 
These kinds of jars can be recocked up to three times per minute, as opposed to the two- to three-minute delay for 
hydraulic jars. Mechanical jars tend to be more rugged than their hydraulic counterparts and are used more often 
in drilling strings. 

Accelerator. An accelerator is often called a booster jar or an intensifier. It is run in the jarring string some- 
where above the jar and is full of a compressible fluid that acts like a spring. The accelerator can act as a shock 
absorber for the rest of the jarring string under the impact of the jar, but its main purpose is to intensify the impact 
force. The force of the jar impact is directly related to the velocities of the hammer and anvil. The accelerator acts 
to increase the velocity of the hammer by reflecting the free-contraction waves sooner than would have occurred 
without the accelerator. The position of the accelerator in the jarring string is critical to the success of this inten- 
sification. The accelerator makes possible an impact of shorter duration and greater force. 

Bumper Sub. A bumper sub is used to impart a downward impact to a jarring string. It is is essence a mechani- 
cal slip joint. The impact is generated by allowing the string to fall through the length of the slip joint. After the 
string travels along the slip joint, it stops with an impact. By maintaining the load such that the slip joint is within 
its stroke, the only load below the bumper sub is the string below that point. Moreover, if an overshot or a spear is 
grappled onto a fish, it takes a downward blow to free the grapples. 

Jars. Jars are mechanical tools placed in the drillstring to deliver an impact load when triggered. Jars are run in 
the string during drilling, but may wash out or be located below the stuck interval, negating their use. Placement 
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of jars in the string after stuck pipe occurs requires backoff procedures, which entail delays and complicate the 
situation. Jars should never be considered as an all-purpose pipe-release tool, but should be used with other con- 
ventional approaches. 

Washover Pipe. Wash pipe is perhaps the most widely used procedure to free severely stuck pipe. A wash 
pipe is a large-diameter, thin-walled tubular with a grinding shoe on the bottom. The shoe is used to destroy the 
bond between the pipe and the cake as the wash pipe is rotated and lowered. After a specific length has been 
freed in this manner, the previously stuck section can be mechanically unscrewed and retrieved. This procedure 
is repeated until the entire drill string has been recovered. 

A common occurrence when using wash pipe is that it also becomes stuck. Its large OD then prevents further 
retrieval operations. Sidetracking around the fish (or fishes) is the only remaining viable option. Retrieval presents 
several problems. Because the borehole is known to have sticking tendencies, the danger of stuck wash pipe is 
especially great because of the large outer surface area of the pipe. Occasionally, it is impossible to free and 
remove all pipe in the hole completely. When this occurs, it becomes necessary to sidetrack. 

Backoff Procedures. After the stuck point has been found, the method of recovery must be determined. Often, 
the string is broken just above the stuck point, and a jarring string is run into the hole. The backoff procedure, as 
this is called, involves unscrewing or cutting the string above the stuck point. Unscrewi ng the string is the pre- 
ferred method because it leaves the string intact. Breaking the string involves explosive, chemical, or mechanical 
cutting of the metal. 

To unscrew a string that is stuck, a string shot is run into the hole. A string shot is a small amount of explosive. 
The tool joint that is to be unscrewed is found using a collar locator. Then the string shot is run into the middle of 
the inside of the tool joint. The driller then applies torque and tension to the string. The amount of torque should 
be sufficient to unscrew the string after the shot, but not before. The string shot is then exploded. The resulting 
torque in the string should unscrew the string at the explosion point. The approach is similar to hammering a re- 
luctant screw. If all goes well, which it often does not, the string should come loose at that point. The string is then 
pulled out of the hole, leaving the fish stuck in the hole. 


10.3.4 Economics of Avoiding or Freeing Stuck Pipe. Previous discussions have covered various efficient 
procedures to avoid or free stuck pipe. The economics of each option should be a primary factor when considering 
various preventive and remedial procedures. From an economic viewpoint, it is better to prevent differential stick- 
ing than to be forced to use remedial measures. However, when remedial efforts are necessary, the cost of large 
volumes of spotting fluids is small compared to rig costs. 
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Fig. 10.45—Combining spiral collars and heavyweight drillpipe exposes the minimum area to sticking while maintaining 
the equivalent buoyed weight. 
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The use of washover techniques should be based on economics. Drillpipe recovery “at any cost” should be re- 
placed with sound economic judgment. A recent study of stuck pipe at various offshore Louisiana locations re- 
vealed that an average cost of USD 393,610 was incurred to resume drilling at the original depth before sticking 
occurred. 

Some confusion exists as to which techniques are best to retrieve pipe when spotting fluid fails. Economics are 
the controlling factor at this point, and the drilling supervisor must decide whether it is less expensive to fish the 
stuck pipe or simply to sidetrack and redrill the interval. 

Drillstring Economics. Altering the drillstring configuration is an easy and inexpensive technique to avoid 
stuck pipe. Minimizing the contact area between the pipe and the wellbore can be accomplished using spirally 
grooved collars and heavyweight drillpipe. Fig. 10.45 shows several example BHAs which have the same buoyed 
weight. The assemblies in Figs. 10.45b and 10.45c effectively reduce contact area without sacrificing available bit 
weight. 

Table 10.7 shows rental prices for various types of collars and heavyweight pipe plus the cost of each BHA 
illustrated in Fig. 10.45. Table 10.7 also shows that if USD 20,000/day is a typical rig cost (including support 
services), the cost of improved BHAs to avoid stuck pipe represents only a fraction of daily rig costs. 

Drilling fluids play an important role in relation to stuck pipe. Water-based muds with low filtration properties, 
low friction coefficients, thin filter cakes, and low rates of filter-cake buildup can reduce the severity of sticking if 
it does occur. Table 10.8 shows the relative costs of building and maintaining muds of various densities and filtra- 
tion rates. 


TABLE 10.7—COST COMPARISONS FOR A BHA TO MINIMIZE CONTACT AREA 
Heavyweight Drillpipe 
Smooth Wall Collars Spiral Collars (HWDP) 
Cost Cost Cost 
Size (in.) (USD/day/jt) Size (in.) (USD/day/jt) Size (in.) (USD/day/jt) 
3'/s-4"/e 8 3'/a—4"ls 9 31/2 7 
4'h-5 9 4'l2—5 10 4'h 9 
51/2—6 10 5'/4—6 11 
6'/s—7 11 6'/s—-7 14 
T'le-8 12 
8'/4—10 28 
11 57 
BHA Cost Percent of Rig Cost for 20,000/day Rig 
Smooth collars (A) USD 220/day 1.10% 
Spiral collars (B) USD 308/day 1.50% 
Spiral collars with HWDP USD 413/day 2.00% 


TABLE 10.83—COSTS FOR FRESHWATER LIGNOSULFONATE MUDS 
Mud System Initial Cost/bbl Daily Maintenance Cost/bbl 
Weight (Ibm/gal) 6 cm? Water Loss 2 cm? Water Loss 6 cm? Water Loss 2 cm? Water Loss 

10 7.31 7.67 0.72 0.9 
11 7.38 7.75 0.9 1.08 
12 9.65 10.1 0.96 1.14 
13 12.02 12.62 1 1.18 
14 14.51 15.23 1.06 1.24 
15 17.1 17.95 113 1.31 
16 19.83 20.82 1.19 1.34 
17 22.72 23.86 1.25 1.34 
18 25.7 26.98 1.38 1.5 
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High-density muds exhibit little variation in cost because of the relative ease of decreasing the filtration proper- 
ties of muds with high percentages of barite. Lower-density muds exhibit greater variation in the cost to reduce 
filtration properties, but the difference is small compared to total rig costs, as shown in Table 10.7. The cost data 
in Table 10.8 are for lignosulfonate muds. Because lime and other inhibited muds are comparable in cost and may 
provide additional protection against sticking, it would be prudent to use these types of muds if all other mud- 
programming variables were equal. Oil-based muds provide maximum protection against stuck pipe. Oil-based 
mud costs (as well as environmental concerns) have historically been considered prohibitive, when in fact these 
muds may be cheaper compared with water-based muds. Oil-based and synthetic-oil-based muds are becoming 
standard in many wells to avoid hole problems. 


Problems 


10.1 Calculate the hydrostatic pressure for each of the following: 
(a) 13,500 ft of 14-lbm/gal mud 
(b) 8,600 ft of 9-lbm/gal salt water 
(b) 17,000 ft of 18.5-lbm/gal mud 

10.2 A well is 15,000 ft deep, true vertical depth. It contains 7,500 ft of 15-Ibm/gal mud and 7,500 ft of 
16-lbm/gal mud. What are the hydrostatic pressures for each section and the total hydrostatic pressure 
at 15,000 ft? 

10.3 A typical kick situation has developed the following arrangement of fluids in the annulus: 

(a) 2,500 ft, 12-Ibm/gal mud 

(b) 2,500 ft, 8.6-lbm/gal salt water 
(c) 3,500 ft, 12-Ibm/gal mud 

(d) 4,000 ft, 13.1-Ibm/gal mud 

10.4 Using the solution from Problem 10.2, what is the equivalent mud weight at 15,000 ft? 

10.5 What is the equivalent mud weight of the system from Problem 10.3 at 2,500 ft; 5,000 ft; 8,500 ft, and 
12,500 ft? 

10.6 A kick situation has developed that shows 500 psi on the annulus pressure gauge. The annulus con- 
tains 8,000 ft of 10-lbm/gal mud above 1,000 ft of 9-lbm/gal salt water. What is the equivalent mud 
weight at 9,000 ft? 

10.7 If the active mud system of the Louisiana Producer No. 14 contains 1,260 bbl of 12.5-lbm/gal mud, 
what would be the number of 100-lbm sacks of barite necessary to increase the mud weight to 13.5 
Ibm/gal? What would be the number of long tons? 

10.8 In Problem 10.7, if the mud weight was increased from 17.5 lbm/gal to 18.5 Ibm/gal, would the sack 
requirements be the same? If not, how much would be required in 100-lbm sacks? 

10.9 The AMSCO Oil Company is drilling at 12,675 ft with 13.2-lbm/gal mud. It becomes necessary to 
increase the bottom hole hydrostatic pressure by 450 psi. What mud weight is required? If the active 
mud volume is 975 bbl, how much barite is required? 

10.10 In a blowout situation, the Dry Hole Oil and Gas Co. Wildcat No. 182 must develop a hydrostatic 
pressure of 7,400 psi over a 5,000-ft interval. What is the required mud weight? Assuming a galena- 
based mud is used, how many tons are required if the mud system presently contains 460 bbl of 
14-lbm/gal mud? 

10.11 The mud density required to kill an underground blowout is 26 lbm/gal. A total of 500 bbl of 
18-lbm/gal mud was used as the base fluid. How many tons of hematite would be required to weight 
the mud? 

10.12 If the hydrostatic pressure must be increased by 700 psi in a well that contains 12,600 ft of 11.5-Ibm/ 
gal mud, how much barite in 100-Ibm sacks is required? If hematite were used instead of barite, how 
much would be required? The system volume is 1,200 bbl. 

10.13 Calculate the pressure reduction when 450 ft of 4.5-in., 16.6-lbm/ft pipe is pulled without filling the 
hole. The hole diameter is 7.875 in. and 15.6-lbm/gal mud is used. 

10.14 Using data from Problem 10.13, what would be the pressure reduction if 450 ft of 6-in.-OD x 2-in.-ID 
collars are pulled without filling the hole? Assume two cases—one in which the drillpipe is plugged 
and one in which the drillpipe is not plugged. 

10.15 A well is drilled to 13,000 ft with 13.2-lbm/gal mud. The formation pressure in a gas sand at that depth 
is 8,710 psi. The intermediate casing is 43.5 lbm/ft, 9.625 in. ID set to 11,000 ft, TVD. The drillpipe 
is 4.5 in. OD, with collars of 7-in. OD with 2-in. ID. The operator requires that the hole be filled after 
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5 stands of drillpipe and drill collars are pulled. Will the well kick when pulling the drillpipe? Will the 
well kick when pulling the drill collars? Assume two cases—one in which the drillpipe or drill collar 
is plugged and one in which it is not plugged. 

10.16 Calculate the pump strokes required to fill the hole in Problems 10.13, 10.14, and 10.15 for each of 
the following pumps. Assume 90% efficiency. 

(a) 6.5-in. liner, 18-in. stroke length, duplex 
(b) 7-in. liner, 14-in. stroke length, duplex 
(c) 4-in. liner, 10-in. stroke length, duplex 
(d) 3-in. liner, 6-in. stroke length, triplex 
(e) 3-in. liner, 10-in. stroke length, triplex 
(f) 4-in. liner, 18-in. stroke length, triplex 

10.17 In an effort to measure the output of a 3-in. liner by a 10-in. stroke, triplex pump under actual condi- 
tions, a 20-bbl trip tank was filled with mud. A total of 1,274 strokes were required to empty the tank. 
What is the pump output, volume per stroke? What is the pump efficiency? 

10.18 A drillstring contains 12,000 ft of 4.5-in., 16.6-lbm/ft drillpipe and 1,000 ft of 7-in. OD x 2.5-in. ID 
drill collars. How many strokes would be required to displace the pipe if a 4.5x10-in. triplex pump 
was used at 90% efficiency? At 80% efficiency? 

10.19 A kick is taken on a well with the following pressures recorded: 


Shut-in SIDPP SICP Pit Gain 
(min) (psi) (psi) (bbl) 
0 250 375 18 
5 290 415 18 
10 290 415 18 
15 295 415 18 


(a) What is the true shut-in pressure to be used in mud calculation? 
(b) The drillstring contains 10,600 ft, TVD of 12.1-Ibm/gal mud. What is the BHP? 
10.20 Using the data given below, what is the true shut-in pressure? 


Bleed Volume SIDPP SICP 

Increment (bbl) (psi) (psi) 
0 - 760 1,160 

1 1 700 1,100 

2 1 640 1,040 

3 0.5 630 1,020 

4 0.5 630 1,020 

5 0.5 630 1,030 

6 0.5 630 1,045 


10.21 Given the solution from Problem 10.20, what is the BHP for each of the following: 


TVD Mud 

Well (ft) (Ibm/gal) 
10,750 10.4 
2 13,500 14.6 
3 8,300 9.5 
4 15,000 1i 
5 5,500 9.9 
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10.22 After a kick is taken, bleeding procedures were implemented to check for trapped pres- 


10.23 


10.24 


10.25 


10.26 


10.27 


10.28 


10.29 


sure. Using the results given below, what is the true shut-in pressure? 


Bleed 
Volume SIDPP SICP 
Increment (bbl) (psi) (psi) 
0 - 250 690 
1 175 615 
2 1 100 540 
3 1 50 490 
4 1 20 470 
5 1 0 450 
6 1 0 450 
7 1 0 460 


Using the solution from Problem 10.22, what is the BHP if the mud weight is 12.1 lbm/ 
gal and the well depth is 13,130 ft, TVD? 
A kick was taken on a well in which a float valve was used in the drillstring. The SIDPP 
was read as 0 psi and the SICP was 675 psi. The kill rate and associated pressure was 32 
strokes per minute (spm) and 700 psi, respectively. After implementing the procedures to 
establish the true SIDPP, the total pumping pressure was 1,150 psi. What was the true 
SIDPP? 
Using the data given below, calculate the BHP of the well. 

SIDPP: 0 psi (float valve in the drillstring) 

SICP: 400 psi 

Pump data: 45 spm, 750 psi 

Total pump pressure, initial: 900 psi 

TVD: 11,000 ft 

Mud: 12.9 lbm/gal 
While drilling the Colorado Rover No. 1, a kick was shut in with an SIDPP of 400 psi and 
an SICP of 550 psi. A kill rate had not been established prior to the kick. The pumps were 
started after the well was shut in and run at 21 spm while the casing pressure was main- 
tained constant at 550 psi. The total drillpipe pressure was observed to be 1,250 psi. What 
is the pumping pressure at 21 spm (assuming no kick)? 
Using the same conditions from Problem 10.26, the pumps were run at 35 spm with a total 
pumping pressure of 1,500 psi. What is the kill pump pressure at 35 spm? 
While killing the kick in Problem 10.26, Pump 1 washed out a valve while displacing the 
drillpipe with kill mud. The well was shut in and the pressures recorded as 175 psi SIDPP 
and 525 psi SICP. Rather than repairing Pump 1, Pump 2 was started at 45 spm while the 
casing pressure was held at 525 psi. The total drillpipe pressure at 45 spm was observed 
to be 1,475 psi. What was the kill pressure for Pump 2? 
A kick occurred on a well in which the kill rate was not known and a float valve was used 
in the drillstring. The SIDPP was 0 psi and the SICP was 500 psi. A low-volume pump was 
connected to the stand pipe and pressure applied. The following results were obtained. 
What was the SIDPP? 


Volume Pumped SIDPP 
(bbl) (psi) 
0 0 


1 
2 
3 90 
4 
5 
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6 210 
7 215 
8 215 
9 220 


10.30 Using the results from Problem 10.29, the rig pump was run at 25 spm with a pressure of 950 psi. The 
casing pressure was held constant throughout this procedure. What was the kill rate pressure? 
10.31 What is the probable kick-influx fluid using the following data? (Assume the kick fluid is around the 
drill collars only.) 
SIDPP: 400 psi 
SICP: 600 psi 
Pit gain: 25 bbl 
Mud: 12.0 lbm/gal 
Collars (OD): 6.0 in. 
Hole: 9.875 in. 
10.32 Using the data from Problem 10.31, what is the probable influx if the OMW was 17 Ibm/gal? 
10.33 If the following data is known, what fluid type entered the well? (Assume no collars.) 
SIDPP: 800 psi 
SICP: 1,400 psi 
Pit gain: 20 bbl 
Mud: 15.0 lbm/gal 
Pipe (OD): 3.5 in. 
Hole: 6.0 in. 
10.34 Using the same data from Problem 10.33, what fluid entered the well if the SICP was 1,100 psi? 
10.35 A kick was taken on a well in which the following data was known. What was the kill mud weight? 
SIDPP: 250 psi 
SICP: 475 psi 
Pit gain: 20 bbl 
Mud: 13.4 lbm/gal 
Measured depth: 12,750 ft 
TVD: 12,000 ft 
10.36 Calculate the kill mud weight for Problem 10.19. 
10.37 If the information in Problem 10.20 is known, what must be the mud-weight increase to kill the well 
if the TVD is 12,300 ft? 
10.38 Calculate the kill mud weights for the situations developed in Problems 10.20 and 10.21. 
10.39 What mud-weight increase is necessary for Problem 10.22? 
10.40 If the following data is known, what is the mud-weight increase necessary to balance each situation? 


No. SIDPP SICP Pit Gain TVD 

(psi) (psi) (bbl) (ft) 
1 300 500 30 14,200 
2 300 4,750 108 14,200 
3 450 800 18 21,630 
4 300 500 unknown 14,200 
5 300 unknown 35 14,200 
6 unknown 500 35 14,200 
7 0 500 35 14,200 


10.41 A kick was taken on a well in which the following data were known. What was the kill mud weight? 
SIDPP: 250 psi 
SICP: 475 psi 
Measured depth: 12,750 ft 
True vertical depth: 12,000 ft 
Mud weight: 13.4 lbm/gal 
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10.42 If the following data is known, what is the mud-weight increase necessary to balance each situation? 


SIDPP SICP Pit Gain TVD 
(psi) (psi) (bbl) (ft) 

a. 300 500 30 14,200 
b. 300 4,750 108 14,200 
c. 450 800 18 21,630 
d. 300 500 unknown 14,200 
e. 300 unknown 35 14,200 
f. unknown 500 35 14,200 
g.0 500 35 14,200 


Nomenclature 


A = hydraulically sealed area, in.” 
p = cross-sectional area of the pipe, in. 
E = modulus of elasticity 


= applied force to the stuck drillstring, lbf 

tangent = drag force needed to move up or down the hole, Ibf 
Sick = gradient of kick fluid in annulus, psi/ft 
Sima = Mud gradient, psi/ft 


applied 


hx = height of kick fluid in annulus, ft 
L = free pipe length, ft 
Pon = annulus hydrostatic pressure, psi 
Ppp = drillpipe pressure, psi 
Prom = formation pressure, psi 
Pax = kick-fluid hydrostatic pressure, psi 
Prorat = Pressure differential between the wellbore and the formation 
w, = unit weight of the pipe, Ibf/in. [2.67(0D?-ID’)] 
AL = stretch length, in. 
u = coefficient of friction, dimensionless 
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SI Metric Conversion Factors 


bbl x 1.589873 E-O0Ol =m 
ft x 3.048* E-0Ol=m 
°F x (CF-32)/1.8 = 2C 
gal x 3.785412 E-03=m° 
in. x 2.54% E+00=cm 
in? x 6.451 6* E + 00 = cm? 
lbf x 4.448222 E+00=N 
Ibm x 4535924 E-0Ol=kg 
psi x 6.894757 E+00=kPa 
ton x 9.071847 E-01l =Mg 
ton (metric) x 1.0* E+00=Mg 
tonf x 8.896444 E+03=N 
x 


tonne 1.0* E + 00 = Mg 


*Conversion factor is exact. 


Appendix—Proposed Standard 
Symbols for Drilling Engineering 


SPE does not have a set of symbols specific to drilling engineering. The following symbols are consistent with 
SPE usage, or SPE reserve usage, and ISO usage with the following exceptions: 


Tis used by SPE for various items, but not moment of inertia. 

u is used by SPE for velocity. 

gand 0 are used by SPE, but not wand V, unlikely to be confused in context. 
pand are used by ISO, but not consistent with this usage. 


Units are given as standard SI units. 


Because there is no standard set of symbols, symbols in the individual chapters may not follow this standard 
exactly, but each chapter will have a list of symbols to prevent confusion. 


= area, m? 

= internal cross-sectional area of the pipe, m? 
= external cross-sectional area of the pipe, m? 
cross-sectional area of the pipe, m° 

= cross-sectional area of the wellbore, m? 


os ™ 


A] 


= {T xi, the unit binormal vector of the wellbore trajectory 
= compressibility, Pa | 

= heat capacity at constant pressure, J/kg-K 

heat capacity at constant volume, J/kg-K 

= diameter, m 


lool as OS aS 
ll 


BOLD 
i 


di = inside diameter, m 
= outside diameter, m 
d, = wellbore diameter, m 


= hydraulic diameter, m 

= Young's elastic modulus, Pa 
= energy, J 

= fraction 

Darcy friction factor 

= Fanning friction factor 

= force, N 

= axial force, N 


= (effectiveUforce, F, = F, +F, N 


= stream thrust force, (p + pv’ )A,N 


= acceleration of gravity, m/s” 

= shear modulus, Pa 

= specific enthalpy, J/kg 

= height, thickness, m 

moment of inertia (may be tensor), mî 

= polar moment of inertia, mî 

= bulk modulus, Pa 

= consistency index, pseudoplastic fluid, Pa-s" 
= distance or length, m 


mS PES aS 
ll 


| 


HRA RDF FQ MN 
i 


= fracture half-length, m 


=~ 


= mass, kg 
mass flow rate, kg/s 
= applied moment load vector, N-m/m 


TE 
| 
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P break 


P closure 
Pi 


ot 


ed Na * 2 & 


S S S a 


<< 


< 


o 


ims $ 9, a {2} g 


Ss Zi 4) Ss Si St Sl aN = 


molecular weight 

moment vector, N-m 

bending moment, N-m 

axial torque, N-m 

flow behavior index, pseudoplastic fluid 
unit normal vector of the wellbore trajectory 
Hedstrom number 

Nusselt number 

Reynolds number 

breakdown pressure in extended leakoff test, Pa 
closure pressure in extended leakoff test, Pa 
fluid pressure internal to the pipe, Pa 

fluid pressure external to the pipe, Pa 

pore pressure, Pa 

reopening pressure in extended leakoff test, Pa 
heat flow rate, W 

flow rate, m/s 

radius of curvature, m 

ideal gas constant, Pa-m*-K/kg 

radial clearance, m 

hydraulic radius, m 

inside radius of pipe, m 

outside radius of pipe, m 

wellbore radius, m 

measured depth, m 

specific entropy, J/kg-K 

time, s 

unit tangent vector to the wellbore trajectory 
temperature, K 

displacement, m 


total drillstring displacement, m 

wellbore trajectory, m 

energy, J 

bending energy, J 

velocity, m/s 

fluid velocity internal to the pipe, m/s 

fluid velocity external to the pipe, m/s 
compressional wave velocity, m/s 

shear wave velocity, m/s 

volume, m? 

total load per unit length applied to the pipe, N/m 
buoyant weight per unit length of the pipe, N/m 
contact force between the pipe and the wellbore, N/m 
friction drag force tangent to the wellbore, N/m 
load on the pipe due to external flow, N/m 

load on the wellbore due to fluid flow, N/m 

load on the pipe due to internal flow, N/m 
weight per unit length of the pipe in air, N/m 


work, J 
holdup 
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= true vertical depth, m 

= gas compressibility factor 

= coefficient of thermal expansion, K” 
= buoyancy factor 

angle from North to maximum horizontal stress 
= shear strain 

= specific gravity 

= shear rate, s z 

decrement 

= normal strain, strain 

radial strain 


Sa 3 PWRNN 
Il 


> 
| 


mM mM 
| 


= axial strain 


N 


b 


hoop strain 


M 
& 
M 
> 
| 


curvature = 1/R, m” 

thermal conductivity, W/m-K 
viscosity, Pa-s 

LH, = apparent viscosity, Pa-s 


=r >A 
tots 


Ly = Coulomb friction coefficient 

l, = plastic viscosity, Pa-s 

pi = internal fluid density, kg/m? 

Po = external fluid density, kg/m? 

(o = inclination angle 

@ = porosity 

0 = azimuth angle 

oO = stress, Pa 

Oo = effective stress, Pa 

On = minimum horizontal formation stress, Pa 
On = maximum horizontal formation stress, Pa 
O, = normal stress, Pa 


O, = radial stress, Pa 

O; = tensile strength of rock, Pa 

Onn = ultimate strength, Pa 

D, = overburden (vertical formation) stress, Pa 
Oy = yield stress, Pa 

O, = axial stress, Pa 

O = hoop stress, Pa 

T = shear stress, Pa 

To = cohesion of the formation, Pa 


= yield point, Pa 


Ty 
0 = borehole circumferential angle 
6 = soil angle of internal friction 
v = Poisson[s ratio 

w = angular frequency, s | 


Special Cement Chemistry Notation 


C3S = tricalcium silicate 3CaO*SiO, 

CS = dicalcium silicate 2CaO*SiO, 

C3A = tricalcium aluminate 3CaO*AI,O03 

C,AF = tetracalcium aluminoferrite 4CaO*Al,03°Fe,0; 
CH = calcium hydroxide Ca(OH), 

C-S-H = variable composition of CaO*SiO.*H,O 


CSH, = calcium sulfate dihydrate (gypsum) CaSO,4*°2H,O0 
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CAH, = 
C3AHg = 
C4AH jo 
C,AS,H,, 
C,ASH,, 
CSH, 
y-CS = 


2CaO*?Al,03°8H,O 

hydrogarnet 3CaO*Al,03 *6H,O 

4CaO*Al,03°19H,0 

ettringite 6CaO*A1,03°3S03°32H,O0 

monosulfate or monosulfoaluminate 4CaO*A1l,03°SO3°12H»O 


calcium sulfate hemihydrate (plaster or bassanite) 


anhydrous calcium sulfate (soluble anhydrite) 
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bit’s cross-sectional profile, 329 
cutter/bottomhole pattern, 329 
cutter size and density, 330-331 
double-cone profile, 330 
four-character coding system, 328 
hydraulic design, 330 
primary cutter type and body material, 328-329 
roller-cone bits, 326-327 
IADC bit dull-grading system 
bearings and seals, 333-335 
cutting structure 
dull characteristics, 332-333 
dull location, 333-334 
PDC and surface-set diamond bits, 332-333 
roller-cone-bit, 332 
subcategories, 331 
gauge, 334-335 
remarks category, 335-336 
ideal build curve, 462 
inclined wellbore, pipe 
rotating pipe 
bit walk, 563 
distributed external moment, 563 
drag force, 561 
effective axial (tangential) force, 563 
FBD, 561-562 
magnitude, 562 
moment, 563 
pipe position angle, 562 
pipe radius vector, 563 
scalar components, 561-562 
unit contact-force direction angle, 562 
sliding mode, 559-561 
straight segment, 3D wellbore, 559 
unit binormal and tangent vector, 559 
internal pressure resistance 
API burst calculation, 399 
Barlow equation, 398-399 
butress casing thread dimensions, 413, 416 
casing long-thread dimensions, 413, 415 
casing short-thread dimensions, 413-414 
coupling internal yield pressure, 413 
crack propagation, 399 
diameter, coupling thread, 413 
ductile rupture, 399—400 
external-upset tubing thread dimensions, 413, 417 
Lamé formula, 398 
non-upset tubing thread dimensions, 413, 416 
von Mises yield theory, 399 
International Association of Drilling Contractors (IADC), 325 


J 

jarring string, 666-668 

jet bit nozzle size selection 
maximum bit hydraulic horsepower, 203-205 
maximum jet impact force, 205-206 
maximum nozzle velocity, 203 

joint operating agreement (JOA), 5 


K 
kelly, 585 
kickoff point (KOP), 451 


L 
Lamé equations, 395 
latex cement, 149 
leakoff test (LOT), 63—64 
logging-while-drilling (LWD) tool, 90 
loss of stability, 437 
lost circulation 
caverns, 626-627 


diagnosis, 627—629 
induced fractures, 626 
natural fractures, 625-626 
permeable zones, 625-626 
prevention 
casing setting depth, 627 
ECD, 627 
mud system, 627 
shallow formations, 631 
solid LCM 
classification, 629 
fracture sizes, 629-630 
hard plugs, 630-631 
slurries and plugs, 630 
soft plugs, 630 
strength-enhancing chemicals, 631 
types, 629-630 
whole mud/cement slurry loss, 625 
lost-circulation additives, 158-159 
Lubinski’s equation, 484 


M 
macrotortuosity, 555 
margin of overpull (MOP), 618 


maximum-distortion-energy theory. See Huber-von Mises- 


Hencky theory 
maximum permissible hole curvature, 608 
mechanical energy balance equation, 198 
mechanical specific energy (MSE), 365-366 
mechanistic modeling, 283, 294—295 
microfine cements, 148 
microspheres, 152 
microtortuosity, 555 
minimum-curvature/circular-arc method (MCM), 469-470 
minimum-curvature trajectory, 574-576 
modified thread compound, 412 
Mohr-Coulomb shear model 

critical collapse pressure, 67-68 

failure line, 67-68 

fracture angle, 68-69 

Leuders limestone, 67—68 

material properties, 68 

mechanical wellbore collapse, 68 
Moody friction factor, 250 
mud-clinging constant, 266 


N 
necking, 393 
Newtonian fluid models 
frictional pressure drop, eccentric annulus, 261 
laminar flow 
annular flow, 224-225 
pipe flow, 223-224 
shear stress, 223 
slot flow, 228-229 
rheological models 
pressure-velocity relationship, 209 
shear stress and rate, 208-209 
turbulent flow, 209-210 
viscosity, 208 
turbulent flow 
absolute pipe roughness, 248-249 
Buckingham Pi theorem, 246 
Colebrook function, 248 
Darcy-Weisbach friction factor, 250 
drillpipe diameter, 250 
Fanning equation, 248-249 
friction factor, 247-248 
kinetic energy, 247—248 
Moody friction factor, 250 
primary units, 246 
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rotary-drilling situations, 247 
shear stress, 247 
Stanton chart, 248-249 
non-Newtonian fluid models 
Bingham plastic model 
pipe flow, 231-234 
slot flow, 229-231 
power-law model 
flow rate, 238-239 
shear rate, 239 
shear stress, 236-237 
velocity, 237—238 
rheological models, 207-208 
turbulent flow 
Bingham plastic model, 251 
Herschel-Bulkley model, 255 
power-law model, 252-253 
nylon, 159 


(0) 

oil-based fluids (OBF), 88 

oil country tubular goods (OCTGs), 385, 395 
overkill, 652 


P 
paraformaldehyde and sodium chromate, 159 
parasitic pressure loss, 204 
percent mix, 150 
pipe sticking 
backoff procedures, 669 
blowout sticking, 658 
cemented sticking, 658 
depth intervals, 659 
differential-pressure sticking, 656-657 
fishing, 656 
freeing stuck pipe, 669—671 
hole bridging/caving, 659—660 
hydrostatic pressure reduction, 665—667 
inadequate-hole-cleaning sticking, 658 
keyseat sticking, 658 
low-water-loss muds, 660—661 
mechanical methods 
accelerator, 668 
bumper sub, 668 
drilling and fishing jars, 667 
hydraulic jars, 668 
jarring string, 666—668 
mechanical jars, 668 
mechanical sticking, 658—659 
mud friction coefficient, 661 
mud sticking, 658 
sand sticking, 658 
sloughing-hole sticking, 657—658 
spotting fluids, 664—666 
stuck section detection, 661-663 
time factor, 659 
torque and drag, 659 
undergauge hole sticking, 657 
walnut hulls, 661 
washover pipe, 669 
plastic-state shrinkage, 160 
plastic viscosity, 210, 215 
point-the-bit system, 508-509 
polycrystalline-diamond-compact (PDC) bits 
cutter design and manufacturing, 325 
design principles, 322-324 
dual-diameter bit, 314-315 
matrix, 324-325 
rock-shearing action, 312 
scraping/cutting surface, 312-313 
shape, 324 
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positive-displacement motor (PDM), 503-504 
power-law fluids 
frictional pressure drop, eccentric annulus, 262-264 
laminar flow 
flow rate, 238-239 
shear rate, 239 
shear stress, 236-237 
velocity, 237—238 
rheological models, 211-212 
pozzolan-Portland cements, 147 
pozzolans, 152 
pressure-induced stresses, 609-610 
pressure-while-drilling (PWD) tools, 219 
progressive-cavity motors/helimotors. See positive- 
displacement motor 
push-the-bit RSS, 508-509 


R 
radioactive tracers, 159 
radius-of-curvature method (RCM), 467—469 
Ragland method, 511-512 
rate of penetration (ROP) 
bit hydraulics, 357-358 
bit tooth wear, 356-357 
bit type, 352 
drilling-fluid properties, 353-354 
fixed-cutter bits, 362-363 
formation characteristics, 352-353 
operating conditions, 355-356 
roller-cone bits 
bit footage, 361 
Bourgoyne-Young drilling model, 359-360 
composite drilling variable, 361 
curve-fitting techniques, 359 
final tooth wear, 361—632 
penetration-rate equations, 358 
recommended friction models 
Bingham plastic fluids, 256-258 
Newtonian fluids, 255-256 
power law fluids, 258-259 
yield power law fluids, 259-260 
recommended makeup torque, 613 
resin and plastic cements, 149 
roller-cone bits 
bearing wear, 350-351 
components 
cone-cleaning-nozzle systems, 320-321 
cone offset, 319 
cone skidding, 319-320 
grinding/crushing zone, 320 
inserts, 320-321 
journal angles, 319 
journal-bearing system, 318 
skidding/gouging action, 319 
cone offset, 313 
cutting-structure geometry, 313 
design principles, 317-318 
historical development, 311-312 
IADC bit-classification system, 326-327 
journal angle, 314 
milled-tooth/insert bits, 312 
monocone bits, 320-322 
rock-failure mechanism 
crater mechanism, 336-337 
insert bits, 336 
pseudoplastic craters, 338 
rock fractures, 337 
threshold force, 338 
ROP 
bit footage, 361 
Bourgoyne-Young drilling model, 359-360 


composite drilling variable, 361 
curve-fitting techniques, 359 
final tooth wear, 361-632 
penetration-rate equations, 358 
soft- and hard-formation bits, 313-314 
two-cone bits, 320-322 
wear equation, 348-349 


rotary closed-loop steerable-tool (RCLS) system, 508-509 


rotary drilling, 7-8 

BHA, 31 

bits (see rotary drilling bits) 

cable drilling tools, 2—4 

cable-tool rig, 2-3 

circulating system 
centrifugal pumps, 25 
drilling-fluid-handling equipment (see drilling-fluid- 

handling equipment) 

drilling-fluid path, 23 
duplex double-acting pump, 23-24 
duplex pump factor, 24 
mud pumps, 23 
pulsation dampeners, 25 
pump suction design, 24—25 
triplex single-acting pump, 24 
wellbore, pressure, 28 

development, 2-3, 5 

drilling cost analysis 
authorization, expenditure, 41, 45-46 
casing, 45 
learning curve, 42 
time distribution, deepwater well, 46—47 

drilling rig organization, 6-7 

drillstring stabilizer, 31-32 

hoisting system (see hoisting system) 

HSE policy, 5 

JOA, 5 

land rigs 
cantilever derrick, 9 
mobile rigs, 7, 9 
rig specification sheet, 9—11 

Lucas spindletop well, 2, 4 

marine drilling 
CADA tool, 40-41 
dynamic positioning system, 36-38 
heave compensators, 38 
MLH mud line suspension system, 38-39 
mooring system, 36 
pneumatic tensioning system, 37 
SS10 subsea system, 39-40 
thruster, 36-37 

marine rigs 
anchored drillship, 14-15 
compliant towers, 12 
deepwater rigs, 15-16 
dynamic positioning system, 14 
fixed-platform structure, 12-13 
jackup rig, 12-13 
semisubmersible drilling unit, 14 
spar platform, 15 
submersible offshore drilling barges, 10, 12 
TLP, 15 

offshore operations, 6 

oil well, 1 

operational standards, 6 

rig classification, 7-8 

rig power system, 16-17 

rotary swivel, 29-30 

rudimentary hand tools, 1 

steam engine, 2, 4 

topdrive, 29-30 

well classification, 5 


well construction, 16 
well-control system 
annular preventer, 33-34 
blind rams, 32 
blowout, 32 
BOP, 32-34 
double ram preventer, 32—33 
kick, 31 
kill line, 33 
well-monitoring system, 35-36 
wildcat, 5 
rotary drilling bits 
bit-operation practices 
BHA optimization, 368 
drilloff tests, 368-369 
WOB and rotation-speed optimization, 371-372, 376 
economics 
bit run termination, 366 
bit selection, 364 
break-even analysis, 365 
cost calculations, 363 
cost-per-foot calculation, 364 
MSE, 365-366 
run-cycle speed, 365 
fixed-cutter bits (see fixed-cutter bits) 
hybrid bits, 316 
IADC bit dull-grading system (see IADC bit dull-grading 
system) 
roller-cone bits (see roller-cone bits) 
ROP 
bit hydraulics, 357-358 
bit tooth wear, 356-357 
bit type, 352 
drilling-fluid properties, 353-354 
formation characteristics, 352-353 
operating conditions, 355-356 
wear mechanism 
bearing wear, 350-351 
cutter wear (see cutter wear) 
rotary-steerable systems (RSSs), 507-509 


S 
shear failure, 66 
shear stress 
laminar flow, pipes and annuli 
annulus as slot, 221—223 
cylindrical pipe flow, 219-221 
vs. rate, 206-207 
vs. time, 207—208 
silica flour, 159 
silicone thread compound, 412 
simple-tangent build curve, 463 
slip crushing, 614 
sodium chloride, 156 
sodium montmorillonite, 97 
sodium silicates, 152 
soft-string model 
sliding-pipe model 
boundary condition, 566 
free-body diagram, 565 
governing differential equation, 568 
tripping operations, 565-566 
unit contact force and direction angle, 566 
torque calculations, 572-574 
Sorel cement, 149 
stability neutral point, 437 
stabilizers, hole deviation control 
adjustable-diameter (gauge) stabilizer, 491-492 
BHA mechanics, curved wellbore 
boundary-value problem, 498 
fulcrum effect, 497 
pendulum assemblies, 497 
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BHA mechanics, inclined hole 
boundary conditions, 494—496 
contact point, 497 
dimensionless distance, 496 
equilibrium configurations, 494 
fulcrum and pendulum effect, 493 
point stabilizer, 493 
scaling parameters, 494 
schematic diagram, 493 
tilt angle, 496 

communication, 491 

complex BHA 
build assembly, 499-500 
building and dropping tendencies control, 500-501 
continuous stabilization, 501 
fixed rotary BHA, 500 
hold-angle assembly, 499-500 
pendulum/drop assembly, 499-500 

primary purpose, 491 

spiral drill collars, 493 

types of, 491-492 


Stanton chart, 248-249 
steerable motors 


actual field performance, 507 
bent-housing motor, 506 
bent sub, 505-506 

definition, 506-507 
disadvantages, 507 


500-ft wellbore section, slide-rotate sequence, 507—508 


sliding and rotating mode, 507 
tool-face angle, 507 


straight inclined wellbore 


axial effective force, 540 
buildup bend 

axial force, 546 

drag force, 549 

high tension, 543-544 

low tension, 544 

pipe effective force vs. MD, 546-547 

under tension, 549 

unit contact force, 551 

unit contact force vs. MD, 546-547 
curved wellbore, constant curvature, 541 
drop-off bend 

capstan force, 542 

dynamic friction force, 543 

small pipe element, 541-542 
dynamic coefficient of friction, 541 
FBD, 539-540 
friction component, 540 
helical buckling, 540 
lateral, snaky/sinusoidal buckling, 540 
static coefficient of friction, 541 
wellbore friction factor, 540-541 


sulfide stress cracking (SSC), 405 
surface casing 


beneficial effect, 426—427 
burst design, 426 

burst loads, 425 

collapse loads, 425—426 
directional wells, 428 
loading condition, 425 
lost-circulation zone, 427 
tension loads, 425—426 


surge pressure prediction 


definition, 269 

end of pipe boundary conditions, 270—272 
pipe-annulus and pipe-to-bottomhole region, 269-270 
pressure-drop calculation, 269 

surface boundary conditions, 269-270 

surge pressure solution, 272-273 

swab pressures, 269 
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T 
tangential method, 527 
tensile test 
brittle material, 393-394 
ductility, 393 


isotropy condition, 393 
nominal stress-strain curve, 392-393 
offset method, 393 
proportional limit, 392-393 
strain/work hardening, 393 
tension leg platform (TLP), 15 
terminal-angle method, 527 
thermally stable polycrystalline (TSP) bits, 312, 314, 330 
three-dimensional (3D) well profiles 
AAM, 465—466 
CBTM, 471 
CCBM, 472-473 
cluster, 464 
designer wells, Gullfaks field, 464—465 
MCM, 469-470 
offshore applications, 464 
RCM, 467-469 
torque and drag modeling 
drag-force calculations, 568-571 
equilibrium equations in 3D, 557-559 
force and moment equilibrium formulation, 563-565 
inclined wellbore, pipe, 559-563 
soft-string model (see soft-string model) 
stiff-string model, 574-576 
titanium drillpipe (TDP), 596 
torque, 603 
torque and drag modeling 
2D well profiles 
buckling consideration, 554 
pipe rotation, 551-553 
straight inclined wellbore (see straight inclined wellbore) 
tortuosity effect, 555-556 
3D well profiles 
drag-force calculations, 568-571 
equilibrium equations in 3D, 557-559 
force and moment equilibrium formulation, 563-565 
inclined wellbore, pipe, 559-563 
soft-string model (see soft-string model) 
stiff-string model, 574-576 
torsional stresses, 603—604 
true vertical depth (TVD), 450 
tungsten-carbide-insert (TCI) bits, 312, 320, 364 


U 
unit binormal vector, 523 
U-tube principle, 652-654 


Vv 
viscosity-control additives, 159 
von Mises stress, 601 


Ww 
waiting-on-cement (WOC) times, 171—172 
weight on bit (WOB), 585 
well control 
accumulators, 634-635 
blowout prevention, 631 
choke line, 633-634 
choke manifold, 634-635 
kicks 
causes, 636-638 
characteristics, 636 
controlling principles, 631 
definition, 635 
equivalent mud weight, 636 
pressure differential, 636 
warning signs, 638-639 


preventer stack 
annular preventers, 632-633 
blind rams, 633 
diverters, 633-634 
preventer stack, 631-632 
ram-type preventers, 633 
variable-bore rams, 633 
shut-in procedure 
concurrent method, 645-647 
constant BHP methods, 646-647 
crew member responsibilities, 641-642 
diverter procedures, 641 
downhole stresses, 649-650 
driller’s method, 645-646 
drilling kicks, 640-641 
gas kicks, 650-651 
hard vs. soft shut-in procedures, 639-640 
hole-geometry variations, 653, 655-656 
kick identification, 644-645 
kill-mud-weight calculation, 644-645 
kill-weight increment, 651-653 
procedural complexity, 649 
saltwater kicks, 650-652 
shut-in pressures, 642-644 
static casing-pressure curves, 651, 653 
surface pressures, 647-648 
time considerations, 647 
tripping kicks, 640-641 
U-tube principle, 652-654 
wait and weight method, 645-646 
subsea BOP, 631 
testing, 633 
well trajectory, survey data 
average-angle and tangential methods, 527 
directional/simply stations, 526 
inclination and azimuth angles, 526 
minimum-curvature method, 529-531 
RCM, 527-529 
two survey stations, 3D well path, 526 
whipstocks and jetting techniques, 477—479 
working-stress designs, 422, 433 


Y 

yield strength, 388 

yield stress 
Casson fluids, 215 
drilling fluids, cement slurries, 207—208 
Herschel-Bulkley fluids, 213 


